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I. EXECUTIVE SUMMARY 
 
Nature of Case: 

Challenges to TGC’s Title V operating and PSD construction air quality permit V-02-
001, and the permit’s minor Revision #1, and Revision #2 for its coal burning electrical 
generating plant (TGS). 

 
Appearances1: 

Petitioners were represented by the Hon. Elizabeth Natter and the Hon. Robert Ukeiley.  
The Cabinet was represented by the Hon. Jack Bates, the Hon. Rick Bertelson, and the Hon. 
Susan Green. TGC was represented by the Hon. Harry Johnson III, the Hon. Kevin Finto, the 
Hon. Carolyn Brown, the Hon. Penny Shamblin, and the Hon. Eric Braun. 

 
Hearing Officer: 
 Hon. Janet C. Thompson 
 
Issues/Conclusions/Recommendations2: 

As a result of the following conclusions, it is recommended that TGC’s permit be 
REMANDED to DAQ. 

 
 Count 1 - Air Toxics, Risk  

Issue - Whether DAQ failed to perform an adequate analysis under 401 KAR 
63:020 to determine if TGS would emit hazardous substances in such quantities 
or duration as to be harmful to the health and welfare of humans, animals and 
plants.  
Conclusion - DAQ erred by relying on the Cumulative Assessment to satisfy the 
requirements of 401 KAR 63:020, Section 3.   
Recommendation - DAQ should be directed to evaluate the impact of TGS’s 
potentially hazardous or toxic substances on animals. 
 

Count 2 - Public Participation  
Issue - Whether DAQ failed to make available to the public relevant information 
on which the permit determinations were based as required  

                                                 
1 The Hon. Elizabeth Natter, co-counsel for Petitioners, and the Hon. Susan Green, co-counsel for the Cabinet, 
withdrew following the filing of post hearing briefs as a result of changes in their employment.  The Hon. Jack 
Bates, another co-counsel for the Cabinet, withdrew on July 15, 2005, as a result of his retirement. 
2 The petition inadvertently did not list a Count 4, 5, 12 or 13.  Count 15 was dismissed, and Count 16 simply 
challenges issuance of minor Revision #1, without presenting any claim as to the revision.  My rulings on Counts 3, 
6, and 7 are found in my Interim Report, Appendix 3 to this Report. 
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by 401 KAR 51:0173, 401 KAR 52:100 and 40 CFR Section 51.161. 
Conclusion - Petitioners failed to carry their burden of proof on most of the 
arguments they advance in Count 2, with the following exceptions. 
Recommendations - The SOB should have included an explanation of why the 
permit’s SCR control efficiency is less than that shown in a table in the SOB for 
SCRs.  Also, the SOB should explain DAQ’s reason for concluding that a dry 
ESP is equivalent to a baghouse or what the “clear technical concerns” are that 
justify the use of ESP controls.  In addition, the SOB should discuss DAQ’s 
evaluation of TGS’s potentially hazardous or toxic substances on animals. 
 

Count 34 - Increment/NAAQS 
Issue - Whether DAQ erred by concluding that TGS will not cause or contribute 
to a violation of NAAQS (National Ambient Air Quality Standard) or increment 
and by accepting existing ambient air quality data. 
Conclusion - Petitioners failed to establish a prima facie case as to Count 3.  
Recommendation – Petitioners’ request for relief should be denied. 
 

Count 6 – Visibility – Mammoth Cave National Park 
Issue - Whether DAQ erred by concluding that TGC will not adversely impact air 
quality related values, including visibility at Mammoth Cave National Park in 
violation of 401 KAR 51:017, Section 1(2), and whether DAQ improperly evaded 
FLAG (Federal Land Mangers’ Air Quality Related Values Work Group) 2001 by 
prematurely deeming the application complete contrary to Section 1(13). 
Conclusion – Petitioners failed to establish a prima facie case as to Count 6. 
Recommendation – Petitioners’ request for relief should be denied.  
 

Count 7 – Coordination with Army Corps 
Issue - Whether DAQ acted contrary to 401 KAR 51:017, Section 18, by failing 
to coordinate its review with the environmental review required of the Army 
Corps of Engineers by the National Environmental Policy Act (NEPA). 
Conclusion - Petitioners failed to establish a prima facie case as to Count 7. 
Recommendation – Petitioners’ request for relief should be denied. 
 

Count 8 - Additional Impact Analysis, Soils, Vegetation 
Issue - Whether DAQ failed to require an adequate analysis of impairment to 
visibility, soils and vegetation as a result of emissions from TGS and associated 
growth in violation of 401 KAR 51:017, Section 14.  
Conclusion – DAQ erred by determining that the Additional Impacts Analysis 
performed by TGC complies with 401 KAR 51:017, Section 14.   

                                                 
3 Effective July 14, 2004, 401 KAR 51:017 was amended.  In this Report, I will cite to the version in effect at the 
time the permit was issued, 401 KAR 51:017 (2002). 
4 In an Interim Report (Docket #273, issued April 12, 2004), I granted TGC’s motions for directed recommendation 
as to Counts 3, 6, and 7 on the basis that Petitioners failed to establish a prima facie case as to these counts.  These 
counts are not further addressed in this Report, but are addressed in the Interim Report, which is Appendix 3. 
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Recommendation - TGC should be required to perform and submit an Additional 
Impacts Analysis in accord with the conclusions in the Hearing Officer’s Report. 
 

Count 9 - Best Available Control Technology  
Issue - Whether DAQ’s BACT determinations were arbitrary and capricious.  
 

IGCC and CFB Determinations 
Conclusion - DAQ erred as a matter of law by concluding that it lacked 
authority to require TGC to include IGCC and CFB in its BACT analysis. 
Recommendation - DAQ should require TGC to do a BACT analysis on 
both IGCC and CFB.  
 
Coal Washing Determinations 
Conclusion - DAQ’s rejection of coal washing is arbitrary and capricious 
because it is partly based on TGC’s cost-effectiveness analysis, which is 
not supportable and understandable. 
Recommendation - On remand, DAQ should direct TGC to provide a 
cost-effectiveness analysis for coal washing that includes consideration of 
both average and incremental cost effectiveness. 
 
Clean Coals Determinations– Using a blend of lower sulfur coal as 
BACT 
Conclusion - DAQ erred by failing to require TGC’s SO2 BACT analysis 
to include an evaluation of whether there are any economic, environmental 
or energy reasons why a lower BACT limit cannot be achieved by a blend 
of cleaner coals using the coal which TGS has available. 

Recommendation – On remand, DAQ should direct that TGC’s SO2 
BACT analysis include this evaluation. 
 

BACT for NOx  Determinations 
Conclusion - DAQ’s determination to issue the permit with a NOx limit of 
0.08 lb/MMbtu was contrary to fact and law. 
Recommendation - On remand, DAQ should make a new NOx BACT 
determination. 
 
BACT for PM or PM10 
Conclusion and Recommendation – This issue is moot because Revision 
#2 provides that the regulated particulate matter pollutant is “PM/PM10 
(filterable and condensable)”. 
 
BACT for SO2 

Conclusion - DAQ’s SO2 BACT determination was erroneous because it 
was based on an inadequate analysis by TGC of the technical feasibility of 
meeting a limit of 99% reduction.   

Recommendation - On remand, DAQ should make a new SO2  
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BACT determination. 
 
BACT for Mercury and Beryllium 
Conclusion - It was erroneous for DAQ to make a BACT determination 
based on TGC’s elimination of carbon injection and fabric filters without 
the required technical feasibility analysis.  
Recommendation - On remand, DAQ should make a new BACT 
determination on mercury and beryllium.   

 
Count 10 - Maximum Achievable Control Technology 

Issue - Whether DAQ failed to perform proper case-by-case MACT analyses as 
to mercury and non-mercury hazardous air pollutants (HAPs). 
Conclusion - Petitioners failed to carry their burden of proof to establish that 
DAQ’s mercury MACT and non-mercury MACT determinations are erroneous or 
arbitrary. 
Recommendation – Petitioners’ request for relief should be denied. 
 

Count 11 - Single Source  
Issue - Whether DAQ erred by determining that the power plant and mine are 
separate sources, not a single source. 
Conclusion - This issue is moot because of TGC’s agreement that BACT will 
apply to both the emissions from the mine and the power plant. 
Recommendation - TGC’s agreement that BACT applies to both the emissions 
from the mine and the power plant should be incorporated in the permit. 
 

Count 14 - Enforceability 
Issue - Whether the permit conditions as written are enforceable as a practical 
matter, as required by 401 KAR 52:020. 
Conclusion - The HAPs, VOC and PM limits are not enforceable.  
Recommendations - On remand, DAQ should make a number of revisions, 
including the following:  

For HAPs –  
* The permit should indicate the primary method of determining 
compliance with HAPs limits. 
* A HAPs coal test method, sampling procedure, and analysis procedure 
should be identified in the permit. 
* The test method should be capable of measuring HAPs at levels below 
the permit limits. 
* More than four analyses of coal samples should be required and should 
be recorded more frequently than quarterly. 
* All control system operating parameters should be identified. 
* The permit should state how monitoring provisions are to be used and 
whether exceedance of the operating parameter amounts to an exceedance 
of the HAPs limits. 
For Monitoring – 
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In light of TGC’s acknowledgement that Revision #2 addresses all of the 
issues Petitioners raise with regard to compliance provisions which appear 
only in the SOB, I conclude that the permit should be so revised to the 
extent any of the above compliance provisions appear only in the SOB and 
not in the permit. 
For VOCs - 
More frequent stack testing (not just an initial stack test) should be 
required to confirm the relationship between CO and VOCs and should be 
in the permit.  The permit should also specify the test method.   These 
requirements should also apply to the auxiliary boiler. 
For PM - 
1)  The regulated pollutant should be corrected for the auxiliary boiler, as 
Revision #2, item #7, did for the PC boilers. 
2)  The permit should list test methods for PM/PM10 for the PC boilers and 
the auxiliary boiler.  The test methods in the SOB need to be clarified so 
that the regulated pollutant is consistently identified. 
3)  Annual testing for the PC boilers is not adequate. 
4)  On remand, TGC should be required to present a test plan to develop 
the relationship between opacity and PM; to revisit the relationship if the 
fuel changes, equipment is updated or operating modes change; the 5% 
opacity fudge factor should be eliminated unless the maximum PM 
emission rate is substantially lower than the upper end of the opacity 
range; TGS should not be allowed to operate for extended periods of time 
at opacity levels that represent exceedance of the underlying PM limits; 
and periods of startup and shut down should not be exempted. 
5)  On remand, the location of the COMS should be changed as a result of 
testimony showing that COMS now allow accurate opacity measurements 
in wet stacks. 2-10-04 TE at 207:18-21; 2-11-04 TE at 117:2-5 (Fox). 
6) PM control equipment operating parameters are inadequate for reasons 
cited by Petitioners.  On remand, DAQ should reassess the parameters, 
and the permit should provide that an exceedance of the indicator range 
constitutes a PM violation. 
For material handling units (units 4-9) –  
Compliance with the monitoring and recordkeeping requirements of Title 
V Manual at pg. 6, Sec. 1b III and IV should be required. 
 

Count 17 - Errors and Omissions 
Issue – Whether there are errors and omissions in the permit and other documents 
which render the permit determinations arbitrary and capricious. 
Conclusion - The permit contains numerous errors and omissions. 
Recommendations – 
Claims A, D, L, P, and W (second part) – DAQ should review.  
Claim K – DAQ should clarify the inconsistency between the permit and the 
SOB. 
Claim Q – DAQ should state in the SOB where it obtained Table 5.2. 
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Claim R – DAQ should state that the 24-hr increment is 4.98 µg/m3. 
Claim S – DAQ should correct typos in the SOB. 
 

Count 18 - HAPs Emissions Estimates 
Issue - Whether DAQ violated 401 KAR 52:020 by failing to provide a basis for 
the HAP emissions. 
Conclusion - Petitioners failed to carry their burden of proof on Count 18. 
Recommendation – Petitioners’ request for relief should be denied. 
 

Revisions #1 and #2 
 Issue – Whether DAQ erred by issuing Revisions #1 and #2. 

Conclusion – Petitioners failed to carry their burden of proof on Revisions #1 and #2. 
Recommendations – Revisions #1 and #2 should be affirmed, except for the changes 
which are necessary under the above Counts as a result of the remand of Title V/PSD 
Permit V-02-001. 

 

II. STATEMENT OF THE CASE 

In these consolidated cases, Petitioners5 (the Sierra Club, Valley Watch, Inc., Leslie 

Barras, Hilary Lambert and Roger Brucker) challenge a Title V operating and PSD (Prevention 

of Significant Deterioration) construction air quality permit V-02-001, minor permit Revision 

#1, and Revision #2 issued by the Cabinet’s Division for Air Quality (DAQ) to Thoroughbred 

Generating Company (TGC) for the construction and operation of a 1,500 megawatt (MW) 

pulverized coal-fired electric generating facility in Muhlenberg County, near Central City, 

Kentucky.  The Title V/PSD permit was issued on October 11, 2002; minor Revision #1 was 

issued on December 6, 2002; and Revision #2 was issued on February 17, 2005.6  

                                                 
5 In their post hearing brief, Petitioners include an appendix on the issue of standing and cite to evidence which 
satisfies the standing requirement for each individual petitioner.  Petitioners note that Respondents did not challenge 
Petitioners’ standing to contest the TGC permit and Revisions #1 and #2.  Although this issue was not raised prior 
to the post hearing brief, I conclude that Petitioners amply demonstrated their standing.   
6 File No. DAQ-26003-037 represents Petitioners’ challenge to the original permit.  File No. DAQ-26048-037 
represents Petitioners’ challenge to minor Revision #1.  These files were consolidated by agreement.  Revision #2 
was issued on February 17, 2005, following the close of the formal hearing.  However, by Agreed Order, entered on 
April 19, 2005, the parties are in agreement that the claims raised by Petitioners in their petition challenging 
Revision #2 shall be considered as part of File Nos. DAQ-26003-037 and DAQ-26048-037.  A copy of Revision #2 
and the accompanying Statement of Basis (SOB) is included with the Agreed Order, Docket #339. 
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 The combustion of coal to produce electricity generates air emissions of pollutants 

including nitrogen oxide (NOx), sulfur dioxide (SO2), carbon monoxide (CO), volatile organic 

compounds (VOC), acid gases, and metals.  According to the U.S. EPA, this project represents 

one of the largest emission sources proposed in all of Region 4 in many years and is the first 

major coal-fired power plant to be constructed in Kentucky in nearly 20 years.  As such, the 

TGC permit was described as a “very high visibility permit”.  The facility will be located 

approximately 46 miles west/northwest of Mammoth Cave National Park (the Park) and 

approximately 37 miles from the Indiana border.  The proposed plant sits to the southeast of the 

Green River. 

 In Kentucky, the pre-construction (Title I) and operating (Title V) permits are combined 

into one Title V permit containing all applicable requirements for a facility.  A source with the 

potential to emit (PTE) above the 100 tons per year threshold in one of the 28 named categories, 

including electric steam generating units with a heat input of greater than 250 million BTU7 per 

hour, for any of the six criteria pollutants (sulfur dioxide (SO2), particulate matter (PM), nitrogen 

oxides (NOx), carbon monoxide (CO), ozone, and lead) is considered a major source for Title V 

and PSD permitting purposes. 

At the time a revised permit application was filed in October 2001, TGC projected that 

the source, which is to be named Thoroughbred Generating Station (TGS), would begin 

operating in 2006 and would be capable of supplying electricity for 1.5 million households.  

Construction is projected to take four years and had not begun at the time of the formal hearing 

in this case.   

                                                 
7 British thermal unit 
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TGC is owned by Peabody Coal Company, the largest coal company in the world. The 

facility, which will be built on 2,700 acres of formerly mined lands, will burn high sulfur coal 

from seams Nos. 8 and 9 of a new nearby underground mine, also owned by Peabody.  The mine 

will be permitted separately from TGS.  Because the coal will come from the nearby mine, the 

power plant is referred to as a mine-mouth facility.  The electricity can be sold within or outside 

of Kentucky.  The mine plan for TGS is for 34 years.  The life of the power plant is projected to 

be 40 years.   

The proposed TGS plant will consist of two 7,443 MMbtu8/hour pulverized coal (PC) 

boilers, which operate with a total nominal output capacity of 1,500 MW (i.e. 750 MW each).  

The boilers will turn turbines, which in turn, rotate generators to produce electricity.  Related 

facilities at the plant include an auxiliary boiler, cooling towers, oil storage facilities, emergency 

generator, two diesel and one electric powered fire pumps, facilities for handling flue gas 

desulfurization reagent and by-product, and ash and coal transfer equipment.   

During the 18-month permit review process, which began when the original application 

was filed in early 2001, comments and input were received from numerous groups in addition to 

Petitioners, including the American Lung Association, the National Parks Conservation 

                                                 
8 MMbtu means a unit of heat equal to one million British thermal units. 
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Association, the Natural Resources Defense Council (NRDC) and the Owensboro Building and 

Trade Council.  In addition, several federal agencies, including the U.S. EPA, the National Park 

Service (NPS) and the U.S. Fish and Wildlife Service (USFWS) were extensively involved in the 

permit process.  Because of the proximity of the facility to Mammoth Cave National Park (the 

Park), the NPS has a responsibility under the Clean Air Act (CAA) to review the permit in 

accordance with its mandate to protect visibility and other air quality related values at the Park, a 

Class I air quality area administered by the NPS, from the adverse impacts of air pollution.  The 

nearest park boundary is approximately 46 miles east-southeast from the proposed facility.  The 

U.S. EPA also has a responsibility to review the permit under the CAA.  States are required to 

submit each proposed Title V permit to EPA for review.  Upon receipt of a proposed permit, 

EPA has 45 days to object to final issuance of the permit if it is determined not to be in 

compliance with applicable requirements or the requirements of Title V.  Other governmental 

agencies which commented on the permit include the Evansville Environmental Protection 

Agency, Jefferson County Air Pollution Control District, and the Indiana Department for 

Environmental Protection Management (IDEM).  IDEM’s involvement stems from the fact that 

the plant will be located only 37 miles from the Indiana border. Because of the potential impact 

on air quality in Indiana and the concern for consistency across the country in the issuance of 

PSD permits, IDEM was an active commenter on the permit. 

Petitioners’ case at the time of the formal hearing contained 12 counts9.  However, the 

majority of the formal hearing was devoted to Counts 9 (BACT- Best Available Control 

Technology) and 10 (MACT – Maximum Achievable Control Technology).  In Count 9, 

                                                 
9 The petition inadvertently did not list a Count 4, 5, 12 or 13.  Count 15 was dismissed, and Count 16 simply 
challenges issuance of minor Revision #1, without presenting any claim as to the revision. 
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Petitioners allege that the Cabinet’s determinations of BACT emission limits are contrary to fact 

and law.  In Count 10, Petitioners allege that the Cabinet’s case-by-case MACT determinations 

were inadequate.  Petitioners urge that the permit be revoked and remanded to DAQ.  On the 

other hand, Respondents urge that the BACT and MACT limits in the permit are appropriate and 

even represent some of the most stringent limits of any PSD permit for a pulverized coal power 

plant at the time the permit was issued.  

The Cabinet states that this is “the largest case in the Cabinet’s 30-plus year history, and 

has produced a record commensurate with that distinction.” The formal administrative hearing 

was lengthy, and the testimony and exhibits from expert witnesses are complex.  The hearing 

was held at the Capital Plaza Tower in Frankfort.  It began on November 3, 2003, and concluded 

on June 16, 2004, with a total of some 73 days of testimony by 25 witnesses and introduction of 

some 600 exhibits (approximately 450 were introduced by Petitioners, 115 by TGC, and 35 by 

the Cabinet).  In addition, over 60 joint exhibits were admitted, related to the permitting process.  

The exhibits are identified as follows:  P (Petitioners’ exhibit); Cab (Cabinet’s exhibit); TGC 

(Thoroughbred Generating Company’s exhibit); PD, TGCD and CabD are the parties’ 

demonstrative exhibits; PR, CabR, and TGCR are the parties’ rebuttal exhibits; PAR 

(Petitioners’ exhibit which was initially admitted as avowal only, but during rebuttal was 

changed from avowal to admitted); exhibits which contain confidential business information are 

identified by CBI, preceded by the party offering the exhibit.  A “KEC” Bates stamp on an 

exhibit indicates that TGC produced this item during discovery out of the files of Kentuckiana 

Engineering Company (KEC), the permitting contractor for the project. A “TB” stamp indicates 

that TGC produced this item out of its Bates’ files.   
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Closing arguments were held on June 24, 2004.  During the hearing, the presentation of 

exhibits was provided both in written form and at the same time the exhibits were produced for 

viewing on a large screen and on individual monitors stationed throughout the hearing room.  An 

expedited transcript of each day’s testimony was produced to all parties by the court reporter 

during the evening following conclusion of that day’s testimony.  The volumes of final transcript 

were filed in the Office of Administrative Hearings at the time they were completed, with the 

final day’s transcript filed on June 17, 2004, the day following the last day of the formal hearing.  

The transcripts10 of the formal hearing total some 12,000 pages.   

In deciding on the admissibility of exhibits, I disallowed exhibits when the information 

presented in the exhibit was not available to DAQ prior to the date of the permit’s issuance, 

October 11, 2002.  My reasoning was that if the information was not available to DAQ prior to 

October 11, 2002, it was not relevant to determinations relating to the permit.  Upon my 

determination that these exhibits would not be admissible, they were accepted by avowal only.  

However, when the parties’ cases in chief were concluded, and rebuttal began, exhibits relating 

to information postdating October 11, 2002, were admissible as being relevant if they tended to 

show that DAQ’s permit decisions were either erroneous or arbitrary, or conversely, if they 

tended to show that DAQ’s permit decisions were neither erroneous nor arbitrary.  Therefore, 

during rebuttal, some exhibits which were admitted earlier only by avowal were changed to 

reflect that they are now admitted during rebuttal. 

Prior to the formal hearing, motions were made in an attempt to narrow the issues which 

would remain for decision following the hearing.  TGC’s motion for partial dismissal of Counts 

                                                 
10 Cites to the transcripts of evidence are often to the date, page and to the specific lines, i.e. 4-15-04 TE 8:3 – 9:20 
(Adams). 
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1, 6, 7, 9, 10, 14 and 15 (in which the Cabinet joined except as to Count 1) was denied. Docket 

#42.  Motions for summary disposition were made by one or more of the parties as to each of the 

Counts.  All motions for summary disposition were denied. Docket #194.  

During the course of the formal hearing, additional motions were filed to narrow and to 

clarify certain issues.  My rulings on these motions are as follows:  

1. Order Granting TGC’s Motion to Exclude Irrelevant Evidence Regarding Revised 

National Ambient Air Quality Standards (NAAQS) (Docket #257, issued March 3, 2004). 

This order provides that EPA’s 1997 revision of the NAAQS – adopting the 8-hour ozone 

and PM2.5 standards - cannot be the basis for revoking or remanding this permit because the 

revised standards have not been adopted as regulations or incorporated by reference into 

Kentucky law. 

2. Order Granting TGC’s Motion for a Ruling That the Draft October 1990 New 

Source Review (NSR) Workshop Manual is Not Binding on DAQ, But Denying Request to 

Exclude Evidence Pertaining to the Manual; and Granting TGC’s Motion to Exclude Evidence 

Regarding Modeling of Mobile Sources.  (Docket #249, issued February 18, 2004) 

This order reflects that there is no disagreement among the parties that the NSR Manual 

is not a binding legal requirement on DAQ because it has not been incorporated into the 

regulations.  As also acknowledged by the parties, it is relevant guidance information and as 

such is appropriate for use by DAQ. 

With regard to mobile sources, the order states that emissions from a mobile source 

(tailpipe of a motor vehicle, from a train, or from a vessel) are specifically excluded as part of 

NAAQS or PSD increment compliance demonstration. 
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In addition, following Petitioners’ case in chief, TGC filed Motions for Directed 

Recommendation as to Counts 3, 6, 7, 8 and 11.  Pursuant to 400 KAR 1:090 Section 12, in 

considering a motion for directed recommendation, the hearing officer shall consider all of the 

evidence presented at the hearing by the nonmoving party (Petitioners) and shall draw all 

inferences in favor of the nonmoving party.  Following consideration of the motions, responses 

and replies, I issued an Interim Report Granting TGC’s Motions for Directed Recommendation 

as to Counts 3, 6 and 7 and Denying TGC’s Motions for Directed Recommendation as to Counts 

8 and 11. (Docket #273, issued April 12, 2004, and Appendix 3 to this Report).  This Interim 

Report found that Petitioners failed to establish a prima facie case as to Count 3 

(Increment/NAAQS), Count 6 (Visibility – Mammoth Cave) and Count 7 (Coordination with 

Army Corps of Engineers).  Thus, I am recommending to the Secretary that Petitioners’ request 

for relief on Counts 3, 6 and 7 be denied. 

This Report contains the following five appendices:  

1. Glossory of abbreviations and acronyms.  
2. List of individual exhibits, both admitted and avowal, and list of joint exhibits. 
3. Interim Hearing Officer’s Report and Recommendation 
4.  Permit V-02-001 (Jt. #6) 

Updated Statement of Basis (SOB) (Jt. #7) 
Revision #1 (Jt. #8) 
Revision #2 and SOB (Docket #339) 

5.  Count 17 table 

Following the conclusion of the formal hearing, the parties submitted post hearing briefs, 

tendered Hearing Officer Reports and Recommended Orders, and appendices of supporting 

authorities.  The post hearing briefing began with the filing of Petitioners’ brief, which was 

followed by responsive briefs filed by TGC and the Cabinet, and a reply brief filed by 

Petitioners.  The post hearing briefing was concluded on December 20, 2004.  The post hearing 
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briefs and appendices of supporting authorities fill some 15 large notebooks, and total thousands 

of pages11.  The record of the case, including filings prior to the formal hearing, transcripts, 

exhibits, and post hearing filings, fills some 30 banker’s boxes. 

Following the conclusion of the formal hearing, this Office received copies of the 

following submittals to DAQ:   

On July 1, 2004, TGC filed a list of 12 proposed administrative and/or minor permit 
amendments with DAQ12.  Docket #299.  
 
On July 30, 2004, Petitioners sent a letter to DAQ in which they supported certain 
proposed revisions and opposed others.  Docket #300.  
 
On August 12, 2004, DAQ received a letter from TGC replying to Petitioners’ letter.  
Docket #308.   
 
The Cabinet stated in its post hearing brief that TGC’s proposed amendments were under 

review by DAQ, but no determination had been made.  However, on February 17, 2005, the 

Cabinet issued Revision #2 in response to TGC’s proposed permit amendments.  On March 21, 

2005, Petitioners filed a petition to contest Revision #2. (Docket #332). They urged that their 

petition be considered as part of this pending case without further proof.   

By agreement of the parties, the claims raised by Petitioners in their latest petition shall 

be considered as part of File Nos. DAQ-26003-037 and DAQ-26048-037.  A copy of Revision #2 

and the accompanying Statement of Basis (SOB) is included with the Agreed Order, entered on 

April 19, 2005. (Docket # 339). 

                                                 
11 Petitioners’ initial post hearing brief is 121 pages.  The Cabinet’s post hearing response brief is 178 pages.  
TGC’s response brief is 281 pages.  Petitioners’ reply brief is 723 pages (this is not a typo!).   
12 TGC announced at the conclusion of the formal hearing that it was filing a permit revision with DAQ. 
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Based on the following Findings of Fact and Conclusions of Law, I recommend that 

TGC’s permit be REMANDED to DAQ, and that DAQ be DIRECTED to comply with the 

recommendations specified in the Secretary’s Final Order.   

III. BURDEN OF PROOF 

 Pursuant to 401 KAR 100:010 Section 13(9), Petitioners have the burden of going 

forward to establish a prima facie case and the ultimate burden of persuasion as to the requested 

relief. 

 My report shall be based on a preponderance of the evidence appearing in the record as a 

whole.  401 KAR 100:010 Section 3(5).   

IV. SUMMARY OF THE EVIDENCE 

Testimony 

Petitioners’ Witnesses Called in their Case in Chief13 : 

Leslie Barras, a Petitioner, holds a law degree and two master’s degrees.  She is currently 

associate director and staff attorney for a land and river conservancy organization in Louisville.  

She and her husband are leaders of a program called the Inner City Kid Outing Program which is 

sponsored by the Sierra Club’s Greater Louisville Group which takes inner city children on 

outings, including to Mammoth Cave. 

 Roger Brucker, a Petitioner, is an adjunct professor in the department of geography and 

geology at Western Kentucky University, where he teaches a course in speleology, which is the 

                                                 
13 Petitioner Hilary Lambert did not testify at the formal hearing.  The Petition states that Dr. Hilary Lambert is a 
resident of Fayette County and a member of the Cumberland Chapter of the Sierra Club and conservation co-chair 
of the Chapter’s Bluegrass Group.  She has hiked and participated in Mammoth Cave National Park tours. 
 
Petitioners’ counsel state that none of their witnesses were paid for testifying.  They all either provided their 
testimony on a pro bono basis or pursuant to a subpoena. 
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general science of caves.  He has authored or co-authored four books on Mammoth Cave and has 

written a number of scientific papers about the cave.  Brucker is a frequent visitor to Mammoth 

Cave and takes his speleology students to the Park.  Since first visiting the Park in 1937, he 

estimates that he has visited the park some 1,000 times.   

 John Blair is the president and administrator of Valley Watch, Inc., a Petitioner, and an 

organization whose primary mission is to protect the public health and environment of the Lower 

Ohio Valley.  He is an aerial photographer who is concerned about the effects of air pollution on 

his photography, as well as on his health and recreational activities on the Green River.  He lives 

some 45 miles from the proposed TGS site. 

 Ramesh Bhatt is vice chair of the Kentucky Chapter of the Sierra Club.  He is a professor 

of psychology at the University of Kentucky. 

 Janet McCabe is the assistant commissioner for the Office of Air Quality, Indiana 

Department of Environmental Management (IDEM).  (Video deposition and written transcript). 

 Nisha Sizemore, an environmental engineer, is a technical environmental specialist in the 

Permits Branch of IDEM’s Office of Air Quality.  She reviews all PSD permits written in the 

Permits Branch and serves as a technical resource and mentor for permit writers.  Prior to her 

present position, which she assumed in 2002, she wrote PSD permits.  Sizemore drafted the 

comments on the TGC permit, which was assigned to her for review. (Video deposition and 

written transcript). 

 Thomas Poulson, who holds a Ph.D. in zoology with a minor in botany, retired in 2000 

from a teaching position at the University of Chicago where he taught ecology and evolution.  

Prior to teaching at the University of Chicago, he taught in the biological sciences departments at 

Yale and also at Notre Dame.  He currently lives in Florida, where he teaches various ecology 
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courses.  During the early 1990s, he was a consulting ecologist at Mammoth Cave for three 

summers and was involved in designing a long-term ecological monitoring program at the Park.  

Dr. Poulson was recognized as an expert in cave biology. 

 Christopher Groves has a Ph.D. in environmental science with a concentration in 

geology.  He is a professor in the geography and geology department at Western Kentucky 

University.  He serves as co-director of a United Nations scientific effort called Global 

Correlation of Karst to Geology and Relevant Ecosystems, part of UNESCO’s international 

geological program.  He was recognized as an expert in hydrogeology and karst systems. 

 Phyllis Fox has master’s and doctorate degrees from the University of California at 

Berkeley.  She is a registered professional environmental engineer in Arizona and Washington, a 

chemical engineer in California, and a registered engineer in Georgia and Florida.  Fox has some 

32 years of experience in environmental engineering, including working on the design of power 

plants, managing research programs on various energy processes, and developing and employing 

emission monitoring techniques.  Since 1981, she has worked as a consulting engineer with her 

own business in California, working in several major areas – air pollution control and air quality 

impact analysis, water pollution control, water impact analysis and hazardous waste.  More 

specifically, she has been involved in preparing and reviewing hundreds of BACT analyses on a 

wide range of pollution control systems that involve NOx, SO2, PM10 and trace metals.  She 

estimated that roughly half of her work is for industry clients, while the other half is for 

governmental clients.  Fox has worked in the following states:  California, Oregon, Washington, 

Arizona, Oklahoma, Colorado, Montana, Illinois, Indiana, Michigan, Ohio, Connecticut, New 

Jersey, Massachusetts, Georgia, Florida, Hawaii and Alaska.  Fox was recognized as an expert in 

air permitting and in the review of air permit applications as they relate to BACT and MACT. 
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 William Powers has a B.S. degree in mechanical engineering and a master’s degree in 

public health and environmental science.  He has worked in the field of air permitting in relation 

to power plants for approximately 20 years.  For the past nine years, he has worked for his own 

consulting firm, Powers Engineering in San Diego, CA, which is involved in emissions testing, 

BACT analyses, and control technology assessments of all types, primarily related to air 

pollution.  He co-authored two Electric Power Research Institute (EPRI) documents in 2000 and 

2001 on permitting gas turban power plants, and in both of the documents, the evaluation 

involved the study of how to do a BACT analysis.  EPRI is the research arm of the electric utility 

industry in the U.S.  He was qualified as an expert in the field of environmental engineering and 

air pollution control technology. 

 Christine Shaver is chief of the Air Resources Division for the NPS located in Denver.  

(Deposition read into record; written transcript) 

 Joe Scire is a vice president and the manager of Earth Tech’s Atmospheric Studies 

Group.  He has over 20 years’ experience in the design, development, and application of research 

and regulatory air quality models. He holds an M.S. (meteorology) and B.S. (earth and planetary 

science) from the Massachusetts Institute of Technology.  He played a major role in the 

development of several widely-used models including the CALPUFF modeling system, which is 

used in Class 1 air modeling and which EPA approved as a guideline model.  As a guideline 

model, it appears in Appendix W to 40 CFR Part 51.  At the time of his testimony in this case, he 

had done three Class I increment analyses for coal-fired power plants. 

 Dianna Tickner is president of TGC and vice president of generation development for 

Peabody Energy.  She is the project manager for the TGC project and is responsible for all the 

engineering design, permitting and general project management.  Tickner has a B.S. in mining 
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engineering and an M.B.A.  Tickner has worked in the mining industry for over 20 years.  She 

was recognized as an expert in coal mining and coal quality and as an expert with respect to coal 

washing costs.   

 Bryan Handy is a consultant with Kentuckiana Engineering Company, Inc. (KEC), the 

permitting contractor for the project.  He received a BS degree in chemical engineering and an 

M.B.A. from the University of Louisville.  He is not a registered professional engineer.  Handy 

was employed in DAQ’s Permit Review Branch, Combustion Section, immediately prior to his 

employment with KEC, which began in the fall of 2000.  He was recognized as an expert on air 

modeling in Kentucky, emissions estimates for TGS, and on BACT and MACT analyses and 

requirements.  Handy estimated that he worked on about 10 PSD applications with BACT 

analyses while he was employed with DAQ and about 10 since his employment with KEC, not 

all were on coal-fired power plants. 

 Donald Shepherd is an environmental engineer with the Air Resources Division of the 

NPS, in its Denver, CO office.  His primary responsibility is to evaluate air pollution control 

technology in the Policy, Planning and Permit Review Branch.  His experience includes 29 years 

in the field of air pollution control and air permitting and 26 years involved in making and/or 

reviewing BACT determinations.  (Video deposition and written transcript) 

 Rick Olson is an ecologist in the Division for Science and Resources Management at the 

Park.  He prepared one of three briefing papers, or literature searches, on the effects of the permit 

on threatened and endangered species.  His paper focused on the ramification of increased acid 

deposition.  (video deposition and written deposition transcript) 

 Robert Carson is an air resources management specialist in the Division for Science and 

Resources Management at the Park.  He prepared one of three briefing papers, or literature 
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searches, on the effects of the permit on threatened and endangered species.  His paper looked at 

existing ozone data to see the kind of impacts which could potentially be incurred by additional 

ozone levels. (video deposition and written deposition transcript) 

 Kurt Helf is an invertebrate ecologist in the Division for Science and Resources 

Management at the Park.  He prepared one of three briefing papers, or literature searches, on the 

effects of the permit on threatened and endangered species.  His paper focused on mercury 

toxicity and contamination.  In his paper, Helf states that prevailing winds in the area of the Park 

tend to blow northeast. (written deposition transcript) 

 Mark DePoy is chief of the Division for Science and Resources Management at the Park.  

(Written deposition transcript) 

 Steve Alexander is an ecologist with the USFWS. (written deposition transcript) 

 Stuart Ecton is an environmental scientist II with DAQ’s Program Planning and 

Administrative Branch, whose primary responsibility is computer modeling.  He has served in 

this position for about three years and has been in the Permit Review Branch for 15 years. 

 Tom Adams, a registered professional engineer, is a senior environmental engineering 

consultant with DAQ’s Permit Review Branch.  He has a B.S. degree in chemical engineering 

from the University of Kentucky and a master’s degree in engineering with a biomedical 

emphasis from the University of Houston.  Adams served as the environmental engineering 

consultant for the TGC permit.  As one of two environmental engineer consultants for DAQ 

Permit Review Branch, he reviews air quality permits, monitoring them for consistency, 

uniformity, and compliance with regulations.  He has held this position for three years and has 

worked for DAQ since 1992.  Adams was recognized as an expert in the field of air quality 

permitting. 
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 Dwain Kinkaid is a consultant with KEC. 

 Albert Westerman is branch manager of the Risk Assessment Branch of the Cabinet’s 

Division of Environmental Services.  He received his B.S. and M.S. degrees in zoology from the 

University of Kentucky and his Ph.D. in biology with a specialty in toxicology from the 

University of Kentucky.  Dr. Westerman supervised the work of Larry Taylor who assisted with 

the Cabinet’s evaluation of proposed power plants that culminated in preparation of the 

Cumulative Assessment.  Dr. Westerman began his employment with the Cabinet in 1985 as part 

of the bioassay program in the Division of Water, and in 1990, he began setting up the risk 

assessment program for Kentucky.  He has 33 years of study and experience in environmental 

evaluation, environmental toxicology and risk assessment.  He was recognized as an expert on 

biology and risk assessment. 

 Larry Taylor is an environmental scientist IV with the Department for Environmental 

Protection where he serves as the science advisor to the Commissioner of the Department of 

Environmental Protection.  He received his B.S. and M.S. in biology from the University of 

Kentucky and has had extensive training in risk assessment.  He was recognized as an expert in 

the field of risk assessment.   

 Ben Markin is an environmental control supervisor in DAQ’s Permitting Branch, a 

position he has held since February 2003.  He has a B.S. degree in chemical engineering and an 

M.S. degree in public administration.  Markin took over as the permit writer on the TGS project 

in 2001. 

 Donald Newell received his B.S. degree in mechanical engineering from Purdue 

University and his M.S. in management.  He is currently branch manager of DAQ’s Permitting 

Branch, a position he had held for about a year and a half at the time of the formal hearing.  Prior 
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to this position, he was manager of DAQ’s Field Operations Branch, and before that he was 

supervisor of the Combustion Section in Permit Review.  When he joined DAQ in 1999, he 

initially was in the Permitting Branch.  He was recognized as an expert in Kentucky’s air quality 

permitting program. 

Cabinet’s Witnesses Called in its Case in Chief: 

 Diana Andrews has served as assistant director of DAQ since 1993, and she has been 

employed by DAQ or its predecessor agencies for approximately 36 years.  As the assistant 

director, she performs the final review of air quality permits.  She has a B.S. degree in chemistry 

from the University of Louisville.  Andrews was recognized as an expert on Kentucky’s air 

quality program. 

 Albert Westerman – see above 

 Stuart Ecton – see above 

 Larry Taylor – see above 

 Ben Markin – see above 

 Donald Newell – see above 

 Tom Adams – see above 

TGC’s Witnesses Called in its Case in Chief: 

 Dianna Tickner - see above 

 Tom Lillestolen is a registered engineer and is the current director of Global Technology 

at ALSTOM Power, Inc.’s Power Environmental Systems Division, in Knoxville, TN.  He has a 

B.S. degree in chemical engineering with more than 30 years’ experience related to gas emission 

control technologies.  Lillestolen was recognized as an expert in air pollution control equipment, 

design and evaluation.   
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J. Edward Cichanowicz is an independent consultant from Saratoga, CA, who specializes 

in pollution control technology and multiple pollutant strategies.  He received his B.S. degree in 

mechanical engineering from Clarkson University and his M.S. in mechanical engineering and 

thermal sciences from the University of California at Berkeley.  He subsequently worked for 

EPA and the Electric Power Research Institute (EPRI).  He was recognized as an expert in air 

emission control equipment performance evaluation. 

 Bryan Handy – see above 

John Notar is a meteorologist with NPS, Air Resources Division, Policy, Planning and 

Permit Review Branch.  His duties include conducting and reviewing air dispersion modeling for 

proposed PSD permits.  He has held his current position for 12 years, and previously for 11 years 

worked with US EPA Region 8, in Denver.  He did a review to determine the increment 

consumed by TGS, the acid deposition of total sulfur and total nitrogen to the Park from TGS, 

and the visibility impacts from the proposed plant, and also a cumulative SO2 Class I increment 

analysis, including TGS and other SO2 increment-consuming sources in the area.  (Video 

deposition and written transcript) 

Rebuttal Witness Called by Petitioners 

 Phyllis Fox 

Sur-rebuttal Witnesses Called by the Cabinet  

Tom Adams and Albert Westerman 

Reply to Sur-rebuttal Witness Called by Petitioners  

Phyllis Fox 

V. GENERAL FINDINGS OF FACT 
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 Having heard the testimony offered, and having reviewed the entire record and the 

exhibits contained therein, I find, by a preponderance of the evidence, the following facts: 

The Parties 

 1. The Cabinet’s Division for Air Quality (DAQ) has the statutory duty of issuing 

air quality permits which are in compliance with the federal Clean Air Act (CAA) program and 

Kentucky’s State Implementation Plan (SIP). 

 2. Petitioner Sierra Club is a non-profit corporation with more than 700,000 

members nationwide and more than 4,000 members in Kentucky.  The Club has been involved in 

Clean Air Act issues since the Act came into being in the 1970s. 

 3. Petitioner Valley Watch is also a non-profit corporation with a mission of 

protecting the public health and environment of the Lower Ohio Valley.  Its members are 

concerned about the additional pollution which TGS will bring to a region that has health 

problems due to air quality issues.  

 4. Individual Petitioners Leslie Barras and Roger Brucker share concerns about how 

the proposed facility will impact the Park. 

 5. Barras’ concern about the TGS facility stems from her volunteer work with 

disadvantaged youth whom she and her husband take on trips to the Park and with how the 

facility might impact air in Louisville, where she lives.  She is also concerned that political 

influence affected the NPS’s decision to withdraw its initial finding that emissions from TGS 

would cause an adverse impact on the Park. 

 6. Brucker has devoted a significant portion of his professional life to teaching and 

writing about Mammoth Cave.  He has concerns about impaired visibility and damage to 

vegetation in the Park from air pollution from the facility. 



 25

 7. Respondent Thoroughbred Generating Company, LLC, the permittee, is a wholly 

owned subsidiary of Peabody Energy Company, the largest coal company in the world.   

Description of the Project 

 8. In Kentucky, the pre-construction (Title I) and operating (Title V) permits are 

combined into one Title V permit containing all applicable requirements for a facility.  A source 

with the potential to emit (PTE) above the 100 tons per year threshold in one of the 28 named 

categories, including electric steam generating units with a heat input of greater than 250 MMbtu 

per hour, for any of the six criteria pollutants (sulfur dioxide (SO2), particulate matter (PM), 

nitrogen oxides (NOx), carbon monoxide (CO), ozone, and lead) is considered a major source for 

Title V and PSD permitting purposes. 

 9. TGS will consist of two 7,443 MMbtu/hour pulverized coal boilers, which will 

operate with a total nominal output capacity of 1,500 MW (i.e., 750 MW each).  Jt. #7 at 4; Jt. 

#57 at Red 11.14  The pulverized coal boilers will be tangentially fired, dry bottom units.  Steam 

generated in the boilers will be used to turn turbines, which turn generators to produce 

electricity.  The plant is permitted to operate 8,760 hours per year (24 hours a day x 365 days a 

year) for each unit.  Jt. #7 at 4; Jt. #57 at Red 23. 

 10. TGS will also have an auxiliary boiler, cooling towers, oil storage facilities, 

emergency generator, two diesel and one electric powered fire pumps, facilities for handling flue 

gas desulfurization reagent and by-product, and ash and coal transfer equipment.  Jt. #7 at 4; Jt. 

#57 at Red 12. 

                                                 
14 During the formal hearing, page numbers were manually added in red ink for ease of identification on certain 
joint exhibits. These will be cited as “Jt. # __ at Red __.” 
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 11. The coal for TGS will be Nos. 8 and 9 seam Kentucky coal.  It will come from a 

new underground mine to be located near the facility.  Jt. #35.  The mine will come into 

operation before TGS and will have facilities to ship coal to customers other than TGS.  The 

mine will be permitted separately from TGS.  Id. at 4. 

 12. TGS will be located on land that is surrounded by reclaimed surface mines and 

underground mine works.  12/4/04 TE 132-38 (Tickner); Jt.# 7 at 35; P176.  TGS will be located 

in an area that is classified as in “attainment” or “unclassified” under National Ambient Air 

Quality Standards (NAAQS).   

 13. Some of the companies which were involved in the project are the following.  

Black and Veatch was the design engineer for TGS.  Burns & McDonnell was also TGS’s 

engineer.  ALSTOM is TGS’s pollution control contractor. (Babcock & Wilcox is a competitor 

of ALSTOM.)  KEC was TGC’s consulting firm for the permitting process. 

The Pollution Control Equipment 

 14. TGC is burning bituminous coal with a sulfur content of roughly 4.4 percent.  

High sulfur coal is coal with a sulfur content of over 2 percent. 

 15. The combustion of coal produces emissions including nitrogen oxide, sulfur 

dioxide, carbon monoxide, volatile organic compounds, acid gases and metals.  Jt. #7 at 4; Jt. 

#57 at Red 16.  The final permit emissions based on maximum rated capacity of the plant, worst-

case operating conditions, 8,760 hours per year of operation and 100% load are: 

  Emission Rate 
 Pollutant TPY 
 
 CO 6,599 
 NOx 6,029 
 Particulate Matter (PM) 1,328 
 SO2 10,954 



 27

 VOC 509 
 Mercury 0.21 
 Beryllium 0.0615 
 Fluorides 10.34 
 H2SO4 326 
 
Jt. # 7 at 9, Table 3.1. 
 
 16. Each boiler will be tangentially fired and equipped with low-NOx burners and a 

selective catalytic reduction (SCR) unit for reduction of nitrogen oxides (NOx) and for mercury 

control; a dry electrostatic precipitator (ESP) for control of PM, including mercury; a wet flue 

gas desulfurizer (FGD)15 also called a wet scrubber for control of sulfur dioxide (SO2) and 

mercury; and a wet electrostatic precipitator (WESP) for control of acid gases and fine 

particulate, including HAPs.  See TGC42 for a diagram of the pollution control train. 

 17. An air preheater (a heat exchanger) is between the SCR and dry ESP, which uses 

heat in the exhaust stream to preheat combustion air going into the boiler.  The terminology used 

for control equipment upstream of the heat exchanger is “hot side,” and downstream controls are 

called “cold side.”  Thus, TGS will have a hot side SCR and cold side dry ESP, WFGD and 

WESP. 

 18. The SCR is basically a big metal frame in a duct which carries the exhaust gas 

from the boiler.  The frame has window panes and there are blocks of catalyst that are set in each 

of the window panes.  The SCR injects ammonia into the exhaust stream as it is passing over the 

catalysts and the ammonia combines with the NOx in the presence of the catalyst to form 

nitrogen gas and water. 11-6-03 TE 102:25.  

Permit Development – Overview 

                                                 
15 The FGD also provides some control for acid gases such as hydrogen fluoride (HF). 
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 19. The Permit developed over more than a two-year period from the date of the 

original contact between TGC’s consultants in developing the permit application in September 

2000 to the date of issuance of the final permit on October 11, 2002. This resulted from two 

factors.  First, there were numerous comments from agencies and the public, and second, the 

TGC permit addresses a multitude of requirements under a wide range of regulatory programs.  

See Jt. #7 at 9-12.  For example, the PSD permit program requires Best Available Control 

Technology (BACT), a demonstration of compliance with Class I and Class II increment and 

NAAQS, and an additional impact analysis; the New Source Performance Standards (NSPS) 

impose technology and monitoring requirements; the case-by-case Maximum Achievable 

Control Technology (MACT) provision imposes still additional technology requirements.  The 

Compliance Assurance Monitoring (CAM) program of Title V and the acid rain provisions under 

Title IV impose still more monitoring requirements.  Finally, Kentucky law imposes additional 

requirements.   

 20. The permitting history is largely found in the Joint Exhibits.  First, there was an 

application, agency requests for more information, investigation and submittal of that 

information, a revised application, development of a draft permit, publication of a public notice, 

comments on the draft permit, and responses to those comments.  Then, another draft permit was 

issued, starting the process over again.  There were two full cycles of this process in the 

evolution of the Permit.  In addition, NPS and EPA communicated numerous comments on an 

informal basis.   

The Original Permit Application 

 21. Technical discussions preceded the filing of the permit application.  In September 

2000, TGC requested and was granted permission to use monitoring information from the nearby 



 29

TVA Paradise plant.  P102-11.  In late 2000, protocols were submitted for air quality modeling.  

3/3/04 TE 132-33 (Markin). 

 22. On February 28, 2001, TGC submitted to DAQ a PSD/TitleV/Acid Rain permit 

application. Jt. #61.  For air permitting purposes, this proposed construction is classified as a 

new major stationary source.  As such, it is subject to PSD, Title V Operating Permit, and Phase 

II Acid Rain program federal and state requirements.  The application addresses PSD annual 

emissions for carbon monoxide (CO); nitrogen oxides (NOx); particulate matter (PM/PM10
16); 

sulfur dioxide (SO2); volatile organic compounds (VOCs); mercury (Hg); beryllium (Be); 

fluorides (as HF); and sulfuric acid mist (H2SO4). 

 23. The initial application provided that the BACT limit for the pollutants which are 

most at issue in this case to be as follows: 

PM/PM10  0.018 lb/MMbtu 
SO2   0.294 lb/MMbtu on a rolling 30 day average 
NOx   0.10 lb/MMbtu based on a 30 day average 
 
Additional information was received on October 28, 2001. 

 24.  A 30-day rolling average was explained as taking the first 30 days and calculating 

an average, then progressing forward in time and repeating the process through the year. Thus, 

for each day, there is an average of the preceding 30 days.  Dr. Fox explained that the 

significance of the 30-day average as opposed to a 24-hour average is that a 30-day average 

tends to smooth out peaks and high values in the record.  With a shorter averaging time, i.e. 

three-hour or 24-hour, there is not as long a record to average out the peaks.  So, generally, the 

shorter the averaging time, the higher the emission rate.   
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 25. Pursuant to 401 KAR 51:017, upon the filing of the permit application, DAQ 

notified the US Department of Interior (DOI) Federal Land Manager (FLM) for the affected 

Class I area and also notified U.S. EPA Region 4.  Both the NPS (within the Department of 

                                                                                                                                                             
16 PM10 means particulate matter with an aerodynamic diameter less than or equal to a nominal ten (10) micrometers 
as measured by a reference method based on 40 CFR 50, Appendix J and designated in accordance with 40 CFR 53, 
or by an equivalent method designated in accordance with 40 CFR 53.  
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the Interior (DOI) and EPA were extensively involved in the TGC permit.  A time line of 

significant permitting events is contained in the Updated SOB. Jt. #7 at 6-8. 

 26. On April 23, 2001, the application was logged administratively complete.  Jt. #7 

at 5; Cab16.  At this time the application did not contain a CAM plan or a complete MACT case-

by-case determination application. 

Comments on the Original Permit Application 

 27. On April 27, 2001, NPS commented on the permit application.  It suggested that 

the proposed BACT limits for SO2 and NOx were acceptable, but questioned the limit for PM.  

NPS also questioned the accuracy of calculations of sulfuric acid mist and stated that the air 

quality modeling impacts on Class I areas of the Park were unacceptable.  NPS also indicated 

that it would be reviewing impacts on threatened and endangered species.  TGC22. 

 28. On May 11, 2001, the USFWS determined that the requirements of Section 7 of 

the Endangered Species Act had been fulfilled.  Jt. #17 at Red 166.   

29. On May 24, 2001, EPA made initial comments on the air quality modeling.  

P137-59.  Also on this date, DAQ advised TGC that it would not proceed with review of the 

application until TGC addressed NPS’s comments regarding visibility impacts.  TGC215. 

TGC Re-evaluates Its Proposed Technology 

 30. On September 6, 2001, TGC sent a letter to DAQ responding to its request to 

reply to NPS’s comments concerning the modeling of visibility impacts and H2SO4 (sulfuric acid 

mist) emissions from TGS.  TGC also advised DAQ of the progress made in reducing impacts 

from TGS. Jt. #60.  

 31. On September 7, 2001, TGC met with representatives of NPS, USFWS and DOI 

to discuss the permit application. 
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The Revised Permit Application 

 32. On October 1, 2001, TGC submitted revised Class I modeling using the lower 

projected emissions.  Jt. #59. 

 33. On October 26, 2001, a revised PSD/Title V/Acid Rain permit application was 

submitted.  Jt. #57.  The revised permit application contained an updated BACT analysis 

supporting reduced emissions from the facility for SO2, NOx and sulfuric acid mist. Id. at Red 55, 

Table 4.9.1.  It also contained new Class I and Class II modeling analyses and a new Additional 

Impact Analysis. Id. at Red 92-128.  In addition, it contained information for a case-by-case 

MACT analysis consistent with EPA guidance at the time.  Id. at Red 19-21. 

 34. The revised application provided that the BACT limit for the pollutants which are 

most at issue in this case to be as follows: 

PM/PM10  0.018 lb/MMbtu 
SO2   0.167 lb/MMbtu 
NOx   0.09 lb/MMbtu based on a 30 day average 
 

Comments on the Revised Permit Application 

 35. On December 3, 2001, EPA’s Region 4, Air Planning Branch, submitted initial 

comments on the revised permit application. Jt. #56 at Red 12.  On December 5, 2001, John 

Bunyak, chief of the Policy, Planning and Permit Review Branch of the Air Resources Division 

of NPS, sent a letter to John Hornback, director, DAQ.  He stated that after TGC satisfactorily 

addresses NPS’s BACT analysis and the air quality analysis and provides requested additional 

information, he would be in a better position to make an informed decision whether or not the 

TGS facility would adversely impact visibility or other air quality related values at the Park.  Jt. 

#56 at Red 7.  He asked that TGS consider stricter controls on its emissions so as to lessen the 
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impacts at the Park and that TGS provide an analysis of the feasibility of applying coal cleaning 

technology and provide an ultimate coal analysis.   

 36. On December 12, 2001, TGC submitted responses and supporting documentation 

to comments on the revised permit application by DAQ, EPA, and NPS.  This submittal by TGC 

included information on the control equipment, flow diagrams, Class I and Class II modeling, a 

coal washing analysis and response from Earth Tech (Joe Scire) to the NPS comments. Jt. #56. 

 37. In December 2001, NRDC (Natural Resources Defense Council) submitted 

comments regarding EPA’s and DAQ’s failure to require consideration of integrated gasification 

combined cycle (IGCC) or circulating fluidized bed (CFB) technology.  TGC responded to these 

comments in a letter dated January 25, 2002.  TGC185 at Att. 10. 

 38. On December 21, 2001, KEC submitted a Case-by-Case MACT determination.  

Jt. #55.  In conclusion, the determination stated that TGS’s combination of Low NOx burners; 

SCR; particulate control; wet FGD; and WESP should be accepted as the best available means of 

controlling hazardous air pollutant emissions including mercury. 

The First Draft Permit 

 39. On January 2, 2002, KEC submitted another version of the case-by-case MACT 

Supporting Information for TGS.  Jt. #54. 

 40. On January 2, 2002, the first draft permit and Preliminary Determination and 

SOB were issued for public comment.  Jt. #2 and #3.  The draft permit contained the following 

emission limits: 

SO2     0.167 lbs/MMbtu on a 30 day rolling average 
PM/PM10    0.018 lbs/MMbtu 
NOx    0.09 lbs/MMbtu based on a 30 day average 
 



 34

 41. During the initial public comment period, TGC submitted additional modeling 

information in response to questions from NPS and EPA.  On February 5, 2002, Earth Tech 

submitted a report indicating that an error in meteorological data used for the Class I modeling 

overstated the predicted impacts from TGS.  Jt. #51 at 2.  The report concluded that modeling 

based on accurate weather data showed TGS would not cause adverse impacts. Id.  

 42. The public comment period began January 9, 2002.  Jt. #17 at Red 93.  The public 

hearing was held on February 12.  DAQ announced an extension of the comment period for an 

additional 20 days (until February 28, 2002) to allow the public additional time to review the 

modeling.  Id. 

 43. On January 11, 2002, by Executive Order No. 2002-50, Governor Patton lifted the 

suspension to allow acceptance of new applications, but to prohibit the issuance of permits for 

said facilities.  Jt. #10. 

Agency Reaction to the First Draft Permit 

 44. On February 14, 2002, the Assistant Secretary for USFWS sent DAQ a letter 

which stated that based on DAQ’s preliminary determination which was received on January 2, 

2002, it believed that the proposed emissions would have an adverse impact on visibility and 

could potentially affect federally listed threatened and endangered species at the Park.  Shaver 

Ex. 28 at 2 (attached to P167).  NPS stated that it would review the new modeling, received on 

February 6, 2002, which it said appeared to show significantly less impact.  Id. at 1.  

 45. On February 26, 2002, EPA forwarded to DAQ detailed comments on the initial 

draft permit.  P23. 
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 46. TGC filed responses to public and agency comments on February 28, 2002 

(TGC185), March 10, 2002, Jt. #44; TGC39, and May 10, 2002, Jt. #41.  On April 17, 2002, 

DAQ responded to comments. Jt. #43. 

The May 29, 2002 Permit Addendum 

 47. On May 14, 2002, representatives of EPA, DAQ, and TGC met to discuss 

outstanding issues on the permit in order to develop a plan for reaching closure on them.  12/4/03 

TE 144 (Tickner).  In response to inquiries from DAQ, EPA, and NPS, on May 29, 2002, TGC 

filed an addendum to its permit application which contained a refined BACT, CAM and MACT 

analysis along with additional information on modeling.  Jt. #33. 

 48. On May 24, 2002, KEC sent DAQ a letter in justification of its position that the 

mine and TGS are two distinct facilities and should not be considered a single source.  Jt. #35 

and 36A.  

 49. Also, on May 24, 2002, TGC sent DAQ a letter in response to NPS letters of 

February 14 and April 15, 2002, and attached a report on coal washing entitled Analysis on 

Issues Related to Pre-Combustion Coal Cleaning for Sulfur Reduction: Thoroughbred 

Generation Station by Rick Honaker, Associate Professor, Department of Mining Engineering, 

University of Kentucky.  The report concluded that coal washing to reduce sulfur content by 

40% or more is not technically or economically feasible.  Jt. #36. 

 50. On May 29, 2002, TGC submitted an Addendum to its October 2001 application.  

The Addendum included Table 4.2-1 entitled BACT Comparison of New, Proposed, and 

Permitted Coal Fired Power Plant Emission Limits.  Jt. #33. 

The Second Draft Permit 
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 51. On June 19, 2002, the second draft permit and Revised Preliminary Determination 

and SOB were issued.  Jt. #4 and 5.  

PM/PM10  0.018 lb/MMbtu 
SO2   0.167 lb/MMbtu based on a 30 day rolling average 
SO2   0.45 lbs/MMbtu based on 24 hour block average 
NOx   0.08 lb/MMbtu based on a 30 day average 
 

Notice of the public hearing and availability of draft permit appeared in the Greenville Leader-

News on June 19, 2002, giving notice that a second public hearing would be held on July 25, 

2002.  Jt. #24.  In response to public and agency comments, TGC submitted additional modeling 

in support of a short-term SO2 limit of 0.41 lbs/MMbtu.  Jt. #22, 23.  At the second public 

hearing, DAQ announced an extension of the public comment period until August 24, 2002.  

Cab18 at 2. 

Addressing Concerns of the NPS 

 52. On August 8, 2002, TGC representatives met with Fran Mainella of the NPS and 

members of her staff to work out technical issues related to the short-term SO2 limit.   

 53. On August 9, 2002, TGC responded to DAQ on issues raised by NPS regarding 

BACT and acid deposition issues at the Park and concluded that the 0.41 lb-SO2/MMbtu 24-hr 

average, in conjunction with the 0.167 lb-SO2/MMbtu 30-day rolling average, is protective of 

NAAQS, PSD increment and visibility and should be approved.  Jt. #20. 

 54. On August 21, 2002, Peabody Holding Company, Inc., made a donation of 

$50,000 to the Republican National Committee.  Stipulation by TGC; Docket #140.17 The parties 

                                                 
17  Petitioners allege that as a result of campaign contributions by Peabody to the Republican party, Peabody 
gained access with the NPS, i.e. meeting with NPS Deputy Secretary Griles. PD153-29 is a demonstrative exhibit 
showing the correlation between the dates when campaign contributions were made and the dates of decisions 
affecting TGC’s permit. 

Other evidence adduced during the formal hearing regarding the NPS’s involvement with the permit is as 
follows: 
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stipulated to the authenticity of Exhibit #36 to Petitioners’ Response to the Cabinet’s Motion for 

Summary Disposition, which is a printout from the Common Cause website showing soft money 

donations for 1/01/2001 through 12/31/2002 from both Peabody Holding Co, Inc. and from 

Black Beauty Coal (a Peabody subsidiary) to the Republican party.  Docket #140. 

 55. After several discussions on issues related to the short term SO2 limit, on August 

22-23, 2002, TGC and NPS exchanged letters in which TGC committed to reduce the 0.41 lbs 

SO2/MMbtu short-term limit based on two years of operating data with a target of 0.23 

lbs/MMbtu.  Jt. #18, 19.   

 56. On August 22, 2002, the Assistant Secretary for USFWS issued a letter to DAQ 

withdrawing its previous determination (issued on February 14, 2002) that emissions from TGS 

would adversely impact visibility and potentially affect federally-listed threatened and 

endangered species at the Park. Jt. #19.  The withdrawal of the adverse impact finding was based 

on a new modeling analysis from TGC identifying errors in the meteorological data used in 

TGC’s prior analysis.  The revised analysis was reviewed and verified by NPS staff experts. 

 57. In addition, the Assistant Secretary stated that based on an air quality modeling 

analysis conducted by the NPS of the 24-hour SO2 limit of 0.41 lbs/MMbtu limit, NPS found 

potential adverse impacts on visibility at the Park at that level.  NPS assessed alternative limits 

and found that at the 0.23 lbs/MMbtu level there would be no adverse impacts on visibility at the 

Park.  

                                                                                                                                                             
Mark DePoy’s office, the Division of Science and Resources Management for the Park, got a call from the 

Director of the NPS asking that his office cooperate to the greatest extent possible with all entities involved in the 
permit. 
 Don Shepherd, of the Air Resources Division for NPS, testified that no one at NPS ever asked him to give 
special favors to TGC as a result of political contributions. He also said he never felt that his job was in jeopardy as 
a result of his views about the TGC permit. 
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 58. He further stated NPS understands that TGS is willing to accept permit language 

that would lower the 24-hour limit based on actual operating data for the facility.  Based on two 

years of operating data, DAQ would revise the 0.41 lbs/MMbtu permitted limit downward, with 

a target emission limit of 0.23 lbs/MMbtu or lower, consistent with plant operating experience 

and a reasonable margin to assure compliance.  This good faith commitment by TGC to lower 

the 24-hour limit confirmed NPS’ comfort level with the issuance of the permit.  Jt. #19. 

 59. On August 23, 2002, TGC sent a letter to DAQ summarizing the resolution of 

issues with the NPS and indicating that NPS would be sending a letter to DAQ withdrawing its 

previous adverse impact finding.  The letter from TGC is Jt. #18; as mentioned in the above 

paragraph, the letter of withdrawal is Jt. #19.  Specifically, TGC stated that the resolution with 

NPS would be based on the following: 

*TGS is expected to routinely operate close to the numerical value of its 30-day emission 

limitation and well below the highest allowable short-term limit contained in the permit, but 

cannot get a vendor guarantee for a short-term emission limitation below 0.41 lb/MMbtu. 

*NPS can meet its mandate to protect visibility at the Park if Kentucky finalizes the draft 

permit to reflect the 0.41 lb/MMbtu rate and include a condition indicating that Kentucky will: 

 *re-examine the 24-hour emission limitation for TGS’ Units 1 and 2 after Unit 1 has been 

in operation for 2 years after its initial compliance demonstration (by then, Unit 2 would have 

been in operation a somewhat lesser period, about 6 months less), and 

                                                                                                                                                             
 In addition, the White House Energy Task Force telephoned the Park to determine where the permit was in 
the process.  
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 *revise that emission limitation downward (a) consistent with plant operating experience 

and a reasonable margin to assure compliance and (b) with a target emission limit of 0.23 

lb/MMbtu or lower.  Jt. #18. 

 60. On August 28, 2002, Peabody Holding Company made a donation of $100,000 to 

the National Republican Senatorial Committee.  Stipulated; Docket #140. 

 61. On September 16, 2002, TGC submitted to DAQ its responses to comments 

submitted by EPA Region 4 on July 18, 2002; response to other comments submitted during the 

public comment period; suggested revisions to the draft permit published on June 19, 2002; and 

suggested revisions to the preliminary determination SOB published on June 19, 2002.  Jt. #17. 
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The Final Permit  

 62. On October 11, 2002, the Cabinet issued the final Title V/PSD Air Quality Permit 

V-02-001 to TGC, and Updated SOB.  Jt. #6 and 7.  It incorporated the short-term SO2 limit and 

commitment for re-evaluation.  Jt. #6.  

 63. Emission limitations of the final permit include the following: 

• Nitrogen oxides:     .08 lbs/MMBTU, 30-day rolling average 
• Sulfur dioxide:     .167 lbs/MMBTU, 30-day rolling average; 

.41 lbs/MMBTU, 24-hour block average (subject to 
optimization study targeting a revision to .23 lbs/MMBTU, 
24-hour) 

• Particulate emissions:  .018 lb/MMBTU heat input, 3-hour average 
• Opacity:      20%, 6-minute average 
• Carbon monoxide:    .10 lbs/MMBTU, 30-day rolling average 
• Volatile organic compounds: .0072 lbs/MMBTU, 30-day rolling average 
• Beryllium:     .000000497 lbs/MMBTU, 30-day rolling average 
• Sulfuric acid mist:  .00497 lbs/MMBTU, 30-day rolling average 
• Hydrogen fluoride:  .000159 lbs/MMBTU, 30-day rolling average 
• Mercury:      .00000321 lbs/MMBTU, quarterly average  
• Lead:     .00000386 lbs/MMBTU, quarterly average 
 
Jt. # 8, at 2–3.   

As to hazardous air pollutants (HAPs) under case-by-case MACT, they are limited as follows in 

tons per year:  

VOC (HAPs)    5.154;  
mercury    .1047;  
hydrogen chloride  26.90;  
hydrogen fluoride   5.1684; 
arsenic    .0288;  
beryllium    .0308;  
chromium   .3419;  
manganese   .6825;  
lead     .126; 
cadmium    .0238.18  Id., p. 4.  

                                                 
18 It appears that this figure for cadmium is a typographical error and should be .0119 for each unit, instead of 
.0238, pursuant to testimony.  See Adams, 2-5-04, 175:16 – 176:10., and 4-15-04, 72:23-25.  Also see TGC's 7-1-04 
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The permit also includes testing, monitoring, record keeping, and reporting requirements.   

EPA’s Requested Clarification 

 64. On November 6, 2002, EPA asked for clarification on two minor points to assure 

that (1) the SO2 short-term limit could only go down and not up as a result of the re-evaluation 

and (2) the PSD-required provisions did not expire with the Title V permit in five years.  TGC67 

and 217 at 1.  On December 6, 2002, DAQ administratively revised the permit to address EPA’s 

questions.  Jt. # 8 – Revision #1. 

 65. Petitioners filed a petition for hearing (File No. DAQ-26003) on November 11, 

2002, to contest the October 11, 2002 permit.  On January 13, 2003, Petitioners filed another 

petition (File No. DAQ-26048) with identical allegations but added Count 16 to formally include 

the revised permit, Revision #1 in the litigation.  The cases were subsequently consolidated.  On 

April 19, 2005, by Agreed Order, this case will also include Petitioners’ challenge to Revision 

#2. 

 66. On April 10, 2003, the Army Corps of Engineers issued a permit to TGC to 

construct water intake and discharge structures, a barge unloading dock, and a barge fleeting area 

in support of the new electric generating facility.  Jt. #62. 

 
VI. FINDINGS RELATING TO MAMMOTH CAVE NATIONAL PARK 

 
 67. There are 48 NPS areas which are designated Class I areas.  Mammoth Cave 

National Park is the only Class I area in Kentucky.  TGS will be some 46 miles in a west-

                                                                                                                                                             
letter, Docket# 299, p. 2 – 3, and the Petitioners' July 30, 2004 response letter expressing agreement.  Docket# 300, 
p. 2.   
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northwest direction from the Park. P193.  

 68. Mammoth Cave is a Biosphere Reserve and a World Heritage Site and is 

considered a highly significant cave and karst area.  There are 2,000 acres on the surface that 

support the cave system. The Park has 1.8 million visitors a year; 25 percent go in the cave.   

 69. Mammoth Cave is the longest known cave system in the world, and the south 

central Kentucky karst region is as well developed as any karst region in the world.  Ten or 12 

miles of the cave were explored by the native Americans and because of the very stable 

conditions in the Park, there are artifacts that are remarkably preserved.  Karst areas are very 

vulnerable to contamination through pollution.  The karst system in the Park is extremely 

sensitive because of the global significance of the features that it contains.  The Park contains a 

portion of the Green River which is classified as a wild river and is also designated as a National 

Scenic River. 

 70. The NPS has a responsibility under the CAA to review permits for new sources 

that wish to locate near national parks.  Permit applications are sent to the Air Resources 

Division of the NPS in Denver.  The Air Resources Division is a resource to the superintendents 

and to the director of the NPS and to the DOI Assistant Secretary for USFWS, who is the Federal 

Land Manager (FLM) for the Park.  The initial notification from DAQ to the NPS came in 

December, 2000.   

 71. With regard to who has the burden of proof for Class I air protection, if there is no 

exceedence of Class I increment, the FLM must demonstrate to the state’s satisfaction that there 
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will be an adverse impact on air quality related values.  If the increment is exceeded, no permit 

can be issued unless the NPS certifies that there will not be an adverse impact.19   

 72. The purpose of FLAG, a guidance document for the FLM, is to provide both 

permit applicants and state permitting authorities a heads-up as to what the needs are of the Air 

Resources Division with regard to permits which are submitted for NPS review. Donald 

Shepherd says that the FLAG procedure is an effort by the federal land managers to bring some 

consistency to the way NPS looks at PSD permit applications.  Christine Shaver, chief of the Air 

Resources Division of the NPS, made a decision that FLAG would not apply to TGC because 

TGC’s modeling protocol had been received by a date that had been established for 

grandfathering from FLAG (March 1, 2001).  In addition, the permit application was received by 

the date which had been determined in order to be grandfathered (prior to April 1, 2001).  

Nevertheless, Shaver said that some of the criteria and information in FLAG was taken into 

account where it helped streamline and inform NPS’s review.  However, NPS did not hold TGC 

accountable for providing the information that FLAG would have required. 

 73. According to Shaver, the Park has severely impaired visibility.  It is the worst 

visibility measured, in some ways, of any of the national parks.  She explained that an adverse 

impact call is quasi-technically based, but is a policy type decision.  The policy decision is 

                                                 
19 Increments are a bookkeeping exercise to keep track of changes in air quality.  An increment is a measurement of 
a concentration difference under the PSD program.  The goal of the increment program is not to allow new sources, 
in cleaned areas, to pollute up to the NAAQS.  The PSD program is designed to only allow an increment amount of 
pollution above a baseline value that is much less than the available concentration space between the current 
baseline and the NAAQS.  Only sources with changes in emissions after the baseline date are increment sources.  
There are different increments for different criteria pollutants.  The increments are expressed in a concentration of 
air pollution, and the unit is micrograms per cubic meter.  For example, for SO2, the increment for a Class I area for 
24 hours is five micrograms per cubic meter.  11-21-03 TE at 16-20 (Scire). 
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made by the assistant secretary for USFWS and the NPS, for which Shaver’s office provides 

technical information. In the August 22, 2002 letter from USFWS withdrawing the adverse 

impact, she said her office accepted as a compromise allowing TGC to operate for two years at 

emission levels that NPS believed would hurt visibility.  Shaver said that NPS never accepted 

DAQ’s finding on coal washing.  P167 at 58. 

 74. Shaver said that at the 0.41MMbtu 24 hour SO2 emission limitation, there were 

only two days out of a three-year period where the NPS’s threshold for concern was exceeded.  

NPS did model the impacts of the plant against natural conditions and it was well above the 

thresholds of concern.  The endangered species concerns were raised on an independent, parallel 

track with the USFWS.  She said that “certainly Mammoth Cave has severely impaired visibility.  

It is the worst visibility measured, in some ways, of any of our parks, and much more impaired 

than the natural condition would be.”  P167 at 112.  “(T)he whole issue of the 24 hour limit and 

how that affected the visibility analysis and the visibility impacts arose after that notice was 

published and we continued to have concerns that the public really was not aware of a lot of the 

debate going on”.  Id. at 116. 

 75. Mark DePoy, chief of the Division of Science and Resources Management for the 

Park, directed three scientists in his division, Bob Carson, Rick Olson and Kurt Helf, to conduct 

literature searches and prepare briefing papers on how the permit would affect threatened and 

endangered species. P195, Carson 1, 2 and 3. The papers were given to the superintendent’s 

office and sent to the FWS, to Dianna Tickner, and to DAQ.  While these papers were not 

considered by DAQ in making permit decisions, there were two meetings involving Mammoth 

Cave scientists, DAQ, and EPA. 
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 76. There are 12 threatened and endangered species that occur in the Park, including 

the Kentucky cave shrimp, the Indiana bat and the gray bat, and in the Green River there are 

seven endangered mussel species.  Based on the initial modeling data, which showed a potential 

impact to threatened and endangered species, the Division of Science and Resource Management 

recommended to the superintendent of the Park, who is the FLM, and to the director of NPS that 

there was a strong likelihood for adverse impact to both federally listed threatened and 

endangered species and visibility.  Dr. Poulson testified that there are a number of special status 

species in the Park:  Green River has one of the highest diversities of species of freshwater 

mussels in the world; two species of insect-eating bats; the gray bat and the Indiana bat, both 

federally listed as endangered; Mammoth Cave shrimp; and two species of cave fish. Dr. 

Poulson was not involved in public commenting about the permit. 

VII. FINDINGS RELATING TO IDEM 

 77. The TGC facility is approximately 37 miles from the Indiana border.  Indiana is in 

EPA’s Region 5. IDEM’s motivation for its involvement with the TGC permit was two-fold:  the 

potential impact on air quality in Indiana and the concern for consistency across the country in 

the issuance of PSD permits.  Indiana has not issued any new permits for coal-fired units in the 

last five years.  IDEM’s comments on the TGC permit were based on what the federal PSD 

program requires. 

 78. On February 7, 2002, Janet McCabe, assistant commissioner of IDEM’s Office of 

Air Quality, sent a letter to John Lyons, DAQ’s director, outlining the extensive comments 
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of Indiana on the TGC draft permit in two attachments to the letter.  This letter is included in 

IDEM #5 to P159. 

 79. On August 23, 2002, McCabe sent another letter to Lyons regarding Indiana’s 

comments on the revised draft permit for the TGC facility.  While noting that the revised draft 

permit, technical support documents and other documentation did address a number of concerns 

raised by Indiana, the letter notes that a significant number of substantial technical and policy 

issues remained. IDEM #5 to P15920. The IDEM comments which McCabe believed were not 

responded to by DAQ were as follows:  

TGC should evaluate using lower sulfur coal; 
 
TGC should evaluate all facilities with lower SO2 and NOx limits than the BACT limit 
TGC proposed, i.e. explain its rationale for why a smaller unit could achieve much 
better efficiency than the proposed TGC units; 
 
DAQ should include minimum control efficiency for SO2, not just a limit in pounds 
per MMbtu; 
 
DAQ should have evaluated a baghouse with carbon injection to control mercury 
emissions; 
 
The permit did not limit condensable particulate emissions; 
 
DAQ did not explain how lead emissions were determined; 
 
DAQ did not evaluate whether using a mercury CEMS (Continuous Emissions 
Monitoring System) would be feasible; 
 
DAQ did not explain why quarterly fuel sampling and analysis for HAPs was 
sufficient; and 
 
DAQ did not do a BACT analysis or place BACT limits on the smaller type units 
such as the coal handling system and the fly ash handling system. 
 

                                                 
20 The exhibits to P159 are labeled IDEM #1-6 (IDEM #3 & 4 admitted by avowel); IDEM #5 contains three letters. 
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 80. At IDEM’s request, DAQ personnel met with IDEM personnel to discuss their 

concerns.  

 81. Nisha Sizemore is an environmental engineer who is a technical environmental 

specialist in the Permits Branch of IDEM.  She was charged with reviewing the BACT analysis 

submitted by TGC and was involved in making comments on the TGC permit. Her prior 

experience includes performing two BACT analyses for coal-fired power plants (which were 

CFB plants on which the BACT analyses were not completed because the permits were not 

pursued to completion) and a MACT analysis for a foundry.   

 82. On November 12, 2002, IDEM Commissioner Lori Kaplan sent a letter to Jeffrey 

Holmstead, Administrator of the EPA, stating that Indiana did not intend to appeal the final TGC 

permit because IDEM had determined that an adequate demonstration had been made that air 

quality standards would not be jeopardized as a result of emissions from the TGC facility.  

However, she also stated that IDEM remained concerned that the conditions in the final permit 

were not consistent with conditions that would have been established in a PSD permit reviewed 

for a comparable source in Indiana or within any Region 5 state.  Commissioner Kaplan went on 

to state that the final permit and response to comments did not address numerous specific issues 

raised by IDEM, which were included with the letter as Attachment 3.  IDEM #5.  The response 

from EPA was that Region 4, an active participant in the permitting process, believed that the 

permit met the state’s rules implementing the approved PSD program in Kentucky.  IDEM #6. 
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VIII. FINDINGS OF FACT21 RELATED TO EACH COUNT, ARGUMENTS OF 
THE PARTIES, AND CONCLUSIONS ON COUNTS 1, 2, 8, 9, 10, 11, 14, 17, AND 
18 
 
COUNT 1 – Air Toxics, Risk  
 
COUNT 1 - Findings 
Overview 

 83. The issue in this Count is whether 401 KAR 63:02022, referred to as Kentucky’s 

air toxics regulation, requires the Cabinet to conduct an ecological risk assessment to determine 

if the potentially hazardous matter or toxic substances to be emitted from TGS will be harmful to 

animals and plants, or whether the Cabinet’s responsibilities under 401 KAR 63:020 are satisfied 

by the Cumulative Assessment.   

 84. DAQ acknowledges it did not perform an ecological risk assessment in its 

evaluation of the TGC permit.  However, the Cabinet and TGC maintain that the Cumulative 

Assessment, Jt. #11, in which the Cabinet studied the cumulative environmental effects of the 

                                                 
21 The Findings of Fact are based on the evidence and the record as a whole.  The findings include only those facts I 
deem material to the ultimate outcome, and do not constitute a summary of all testimony given. 
22  Chapter 63 is the DAQ’s chapter on General Standards of Performance.  Section 1 of 401 KAR 63:020 addresses 
the applicability of this regulation.  Section 1 provides the regulation applies to each affected facility “which emits 
or may emit potentially hazardous matter or toxic substances .. provided such emissions are not elsewhere subject to 
the administrative regulations of the Division for Air Quality.”  Early in this case, TGC filed a motion for dismissal 
of Count 1 on the basis that the air emissions from the proposed facility are “unquestionably ‘elsewhere subject’ to 
substantial DAQ regulation”.  The Cabinet disagreed with TGC’s argument, Docket #21.  I denied the motion to 
dismiss Count 1. Docket #42.  Again, in its post hearing brief, the Cabinet reaffirms its position that 63:020, which 
is part of Kentucky’s EPA-approved State Implementation Plan (40 CFR 52:090(c)), does apply to the TGC permit.  
The Cabinet explains that 63:020 is risk-based as opposed to technology-based.  The Cabinet cites Sierra Club v. 
EPA, 353 F.3d 976 (D.C. Cir. 2004), where the U.S. Court of Appeals for the D.C. Circuit provides background for 
the restructuring of Section 112 of the CAA in an effort to reduce HAPs with technology-based standards (by 
requiring EPA to publish a list containing each HAP for which it intends to establish an emission standard and then 
either promulgating an emission standard or explaining why the particular HAP is in fact not hazardous).  The 
technology-based regime replaced an earlier risk-based regime that required EPA to regulate at a level that provided 
an ample margin of safety to protect the public.  Mossville Environmental Action Now and Sierra Club v EPA, 370 
F.3d 1232, 1236 (D.C. Cir. 2004).  The earlier risk-based analysis proved to be more difficult than anticipated.  The 
ineffectiveness of the risk-based approach created a consensus that the program to regulate HAPs should be 
restructured to provide EPA with authority to regulate with technology-based standards.   The emission standards 
are based on the maximum achievable control technology (MACT) for sources in each category, not on an 
assessment of the risks posed by HAPs,  Sierra Club, supra, at 979, 980. 
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development of new electric generating facilities (including TGS), satisfies its responsibility 

under 401 KAR 63:020 Section 3.  Specifically, they urge that the human risk assessment 

conducted in the Cumulative Assessment, with safety factors added, was sufficient to determine 

that there would be no risk to animals and plants. 

 85. Petitioners urge that DAQ’s reliance on the human health assessment in the 

Cumulative Assessment, in which only the inhalation pathway was studied, runs counter to the 

well established fact that wildlife are exposed to the toxic and hazardous substances emitted by 

TGS in a variety of different ways, such as through eating contaminated food and drinking 

contaminated water, pathways which the Cumulative Assessment ignored. 

General Findings 

 86. 401 KAR 63:020 provides in Section 3 as follows:  

Persons responsible for a source from which hazardous matter or toxic substances 
may be emitted shall provide the utmost care and consideration, in the handling of 
these materials, to the potentially harmful effects of the emissions resulting from 
such activities.  No owner or operator shall allow any affected facility to emit 
potentially hazardous matter or toxic substances in such quantities or 
duration as to be harmful to the health and welfare of humans, animals and 
plants.  Evaluation of such facilities as to adequacy of controls and/or 
procedures and emission potential will be made on an individual basis by the 
cabinet.  (Emphasis added.) 

 

 87. Section 1 provides that 401 KAR 63:020 applies to “each affected facility which 

emits or may emit potentially hazardous matter or toxic substances…”.  “Affected facility” 

includes “an apparatus, building, operation, road, or other entity or series of entities which emits 

or may emit an air contaminant into the outdoor atmosphere.” 401 KAR 63:001, Section 1(1). 

 88. TGC’s permit states that 401 KAR 63:020 applies to Emissions Units 1 and 2 (the 

PC boilers), and Emission Unit 3 (the Auxiliary Boiler). Jt. #6 at 2 and 15.  The applicability of 
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63:020 is not addressed in the SOB, Jt. #5, which was issued with the draft permit, Jt. #4, or in 

the later SOB, Jt. #7, which was issued with the final permit, Jt. #6.  Neither the permit, SOB, 

nor the Cumulative Assessment, Jt. #11, states that the Cabinet’s obligations under 63:020 were 

satisfied by the Cumulative Assessment.   

 89. Petitioners presented the testimony of Dr. Christopher Groves, an expert in 

hydrogeology and karst systems and the Park, as well as the testimony of Dr. Thomas Poulson, 

an expert in cave biology, on Count 1.  In addition, Dr. Phyllis Fox, a registered environmental 

assessor, testified on this Count.  The Cabinet presented the testimony of Dr. Westerman, branch 

manager of the Risk Assessment Branch of the Cabinet’s Division of Environmental Services, 

who has 33 years of experience in environmental evaluation, environmental toxicology and risk 

assessment.  In addition, Larry Taylor, an environmental scientist IV with the Cabinet’s 

Department for Environmental Protection, and who was extensively involved with the 

Cumulative Assessment, testified on this Count. 

 90. As stated, the Cabinet did not perform an ecological risk assessment in its 

evaluation of the TGC permit.  Dr. Westerman testified that the Risk Assessment Branch, of 

which he is branch manager, has never been asked to do a “full blown human health risk 

assessment” or “a full blown ecological risk assessment” for purposes of satisfying 401 KAR 

63:020 or for a PSD application.  2-6-04 TE at 51-52.  The reason effects on ecological receptors 

were not evaluated in the Cumulative Assessment, as explained by Dr. Westerman, was that 

there was not sufficient time because the Governor had given the Cabinet only six months to 

complete its study.  2-20-04 TE at 91:9-15.  The Cabinet urges, however, that as a result of its 

quantitative evaluation of human health risks which it performed for the Cumulative Assessment 

that it performed a qualitative evaluation of ecological risks.   
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Facts relating to biomagnification and bioconcentration; and the sensitivity of species at 
the Park 

 
 91. The testimony of Petitioners’ experts, which follows, as to the dangers of 

biomagnification and bioconcentration and as to the sensitivity of certain species at the Park, was 

not disputed.  Moreover, it was not disputed that the karst areas in Mammoth Cave are 

particularly susceptible to groundwater contamination because water on the surface directly 

enters the groundwater through sinkholes and other features without the filtering that occurs in 

non-karst areas. The testimony of Dr. Poulson and Dr. Groves is found at 11-5-04 TE.   

 92. There are four exposure pathways through which animals can be exposed to toxic 

substances: 1) breathing air or water, 2) contact with skin, 3) consuming food, and 4) drinking 

water.  Certain toxic substances like mercury bioconcentrate in animals, which means that 

contaminants are taken up by various exposure pathways faster than they can be excreted or 

detoxified so that the toxic substance builds up in the animal.  Substances can also biomagnify, 

which means the further up the food chain, the greater the concentration of the toxic substance 

will be found.  Biomagnification can result in a million fold increase in a toxic substance from 

the bottom of the food chain to the top of the food chain.  The dangers of biomagnification and 

bioconcentration of toxic substances is especially real for species of animals that live a long 

time.  

 93. Many of the toxic substances emitted from coal fired power plants such as 

arsenic, beryllium, cadmium, chromium, lead, manganese, nickel, dioxins and mercury 

biomagnify and bioconcentrate.  These substances are persistent, meaning they will exist in the 

ambient environment for an extended period of time, thus increasing the chances of animals 

being exposed to them.  Some of the substances, like dioxin, are endocrine disruptors.  
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Disruption of the endocrine system can have a variety of adverse sublethal effects such as 

making animals incapable of reproducing or changing the sex of offspring. 

 94. Dr. Poulson explained the concept of bioconcentration through the food exposure 

pathway.  For things that are rare in the environment, like heavy metals, like lead and mercury 

and cadmium, organisms do not have mechanisms for dealing with these.  Thus, if these 

substances get into the organism, not much of it gets out.  When it accumulates in the body, the 

longer an organism lives, the higher the concentration would be. The more difficult concept to 

understand is called bio-magnification where the amounts of toxin concentration get magnified 

with each step of the food chain.  There are two methods, bio-accumulation and bio-

magnification, which work together so that the results in terms of concentrating toxins are even 

greater.  Organisms at the top of the food chain and which live a long time are doubly at risk and 

may overall have concentrations that go up millions, if not billions-fold from the ambient 

concentration in the environment.  With regard to HAPs (arsenic, beryllium, cadmium, 

chromium, lead, manganese, mercury, nickel and dioxins), they bio-accumulate and bio-magnify.   

 95. The Park and surrounding area contain numerous mussels, two species of bats, 

two species of cave fish and a cave shrimp that are all on the Endangered Species Act list.  The 

cave shrimp and cave fish are particularly threatened by pollution because they are long lived 

and because the geography and geology of the Park and surrounding area results in 

concentrations of pollutants.  Heavy metals adversely affect the ability of cave shrimp to 

reproduce.  The endangered Gray and Indiana Bats are also susceptible to bioaccumulation and 

biomagnification of toxic substances emitted from TGS.  The bats face an added danger because 

they can forage for distances of up to 100 miles, so they may be exposed to TGS pollution over a 

broader range.  The federally listed mussels are also subject to bioaccumulation because they can 
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live up to 50 years.  In comparison, most humans’ risk of exposure is relatively minor because 

the humans are only in the Park for a short time.  More importantly, most humans are not 

exposed through the food chain, with the exception of people who consume fish from the Green 

River.  

 96. Several scientists employed at the Park prepared briefing papers, or literature 

searches, on the potential impacts of the TGC permit on threatened and endangered species.  

These papers were developed for the FWS and were also sent to DAQ, and to TGC.  (The papers 

were prepared by Rick Olson – on the ramifications of increased acid deposition; Bobby Carson 

– on additional ozone levels; and Kurt Helf - on mercury toxicity and contamination.  All are 

found as exhibits to P195.)  The papers were not based on actual studies showing that the plants 

and animals at the Park will be harmed by TGS’s emissions. 

 97. The USFWS, in a letter to the U.S. Army Corps of Engineers recommending 

denial of a permit for outfall structures on the Green River in support of the power plant, urges 

that “(b)ased on existing data, the potential for primary and secondary direct, indirect, and 

cumulative impacts to endangered and threatened species resulting from construction and normal 

operations of the proposed facility exists and must be evaluated further”. P93 at 7. The letter 

took notice of the Cabinet’s Cumulative Assessment and noted that air quality issues at the Park 

are a significant concern based on the 12 federally listed threatened and endangered species 

within the Park.  Id. at 6.  The Corps issued the permit for the outfall structures on April 10, 

2003.  The permit issued by the Corps is not at issue in this case.  Jt.  #62.23     

                                                 
23 See also Interim Report, Appendix 3, granting TGC’s motion for directed recommendation on Count 7 on the 
issue of whether DAQ was required by 401 KAR 51:017, Section 18, to coordinate its review with the review of the 
Corps.  I concluded that DAQ was not required to coordinate its review of the TGC air quality permit with the 
Corps’ consideration of a permit for the outfall structures. 



 54

The Cumulative Assessment 

 98. By Executive Order 2001-771 issued June 19, 2001, Governor Patton issued a 

six-month moratorium on permits for new power plants in order to evaluate the impact of an 

increase in Kentucky’s electric generating capacity.  He directed the Cabinet to study the 

cumulative environmental effects of the development of new electric generating capacity, as well 

as the resulting impact on existing environmental programs administered by the Cabinet, 

including compliance with the CAA, the Resource Conservation and Recovery Act, and their 

state equivalents. Jt. #10. 

 99.   The Cumulative Assessment was issued on December 17, 2001, in response to the 

Governor’s Executive Order.  Jt. #11. 

 100.     TGS was one of the proposed power plants selected for evaluation as part of the 

Cumulative Assessment. 3-3-04 TE at 52 (Taylor); 2-4-04 TE at 52 (Ecton).   

 101.     The Cumulative Assessment concluded that the “proposed plants will not create 

new environmental problems and will not extensively exacerbate existing conditions.” Jt.#11 at 

11.  The Cumulative Assessment was the most comprehensive evaluation of the health impacts 

of emissions from power plants in the Commonwealth.  3-3-04 TE at 52 (Taylor); 2-4-04 TE at 

52 (Ecton); 4-14-04 TE at 91 (Adams).   

 102. The Cumulative Assessment is organized as follows:  The executive summary 

gives a general overview of all of the issues associated with power plants.  This is followed by 

conclusions and then recommendations as a result of the study.  Next, there is a general overview 

of the following: a power plant summary (including the 34 existing power plants and 22 

proposed constructions or expansions since October 1999), the methodology, types of waste 

generated and disposal, then the four categories of impacts:  air quality impacts, water quality 
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impacts, land quality impacts, and secondary impacts. There are numerous appendices, labeled A 

– I: A – U.S. EPA CMAQ (Community Multiscale Air Quality) Modeling Results Power 

Generating Units in Kentucky; B – Air Toxics Analysis for Proposed and Existing Electricity 

Generating Units in Kentucky; C – Surface Water Outfall Risk Evaluation; D – Ash Landfill 

Risk Evaluation; E –Kentucky Power Plants: Ecological Impacts Evaluation; F – Power Plants 

Impact Study Water Supply Issues; G – Derivation of Human Health Screening Values; H – 

Summary of the Toxicity of Chemicals Related to Power Plants; and I – Kentucky Fish 

Advisories.   

 103.  The first step in the air toxics analysis for the Cumulative Assessment was the 

selection of HAPs to be evaluated.  The Cabinet started with a list of 188 pollutants identified in 

the CAA as the full universe of HAPs.24  Based on the various forms of fuel being utilized, the 

Cabinet determined that the existing and proposed power plants in Kentucky, including TGS, 

have the potential to emit approximately 59 HAPs.  From the list of 59 HAPs, the Cabinet used a 

“concentration toxicity screen” to focus its evaluation on 13 HAPs, which were identified as the 

contaminants of concern most likely to contribute significantly to human health risks due to high 

emissions and/or high toxicity.  3/3/04 TE 85 (Taylor).   

 104. This toxicity screening mechanism is consistent with EPA guidance on how to 

perform a risk assessment and was used by the EPA in its 1998 study of HAPs, U.S. EPA's Study 

of Hazardous Air Pollutants from Electric Utility Steam Generating Units – Final Report to 

Congress, dated February 1998. P107-5.  Staff from both DAQ and the Risk Assessment Branch 

developed Risk Based Screening Values (RBSVs) for the 59 identified HAPs to satisfy the 

                                                 
24 Congress listed these HAPs in Section 112 of the CAA as the basis for regulating emissions of these pollutants 
from all types of industrial sources, not just power plant emissions.  42 U.S.C.A. Section 7412(a)(1), (d). 
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toxicity prong.  They eliminated pollutants that had relatively low emissions and high RBSVs.  

The process used to develop the RBSVs, is similar to the one EPA Region 9 used to establish its 

Preliminary Remediation Goals (PRGs).  The Cabinet, however, used more conservative 

exposure factors than Region 9 in developing the RBSVs.  This procedure produced the final list 

of 13 HAPs, which were chosen on the basis of which contaminants are likely to contribute to 

human health risk. 

 105. After the concentration toxicity screen identified 13 HAPs for further evaluation, 

DAQ performed detailed modeling to determine the impact of TGS’s emissions for those 13 

HAPs.  The Cabinet’s evaluation was conservative based on the following: 1) the modeling was 

performed using maximum emission rates from TGC’s application or EPA’s AP 42 database25, 

whichever rate was higher; 2) the maximum emission rates from TGC’s February 2001 

application were used, whereas emissions dropped from the initial application and the final 

permit for mercury, H2SO4 and NOx; and 3) the Cabinet assumed that all the proposed power 

plants would be constructed and operated and all existing power plants would continue to 

operate.   

 106. Modeling for the Cumulative Assessment demonstrated that TGS’s air quality 

impacts are less than 1/10 of the conservative screening values in all cases, and less than 1/100 

of the screening values for most pollutants, including mercury.   

 107. In its Study of Hazardous Air Pollutants, P 107.5, EPA stated that for many 

HAPs, it is believed that inhalation was the dominant exposure pathway but for HAPs that are 

persistent and/or bioaccumulate, and are toxic by ingestion, the non-inhalation exposure 

                                                 
25 The AP 42 database is deferred to when an applicant does not have emission factors that are specific to a source. 
TGC 119.  AP 42 was referred to by Dr. Fox as the emission estimating bible. 
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pathways could be more important. Based on a screening and priorization assessment, the EPA 

identified four high priority HAPs (radionuclides, mercury, arsenic, dioxins) to assess for non-

inhalation exposures. Id. at Pg. ES-4.  Multipathway assessments were presented for these four 

high priority HAPs, with mercury being considered the highest priority for multipathway 

analysis. Id. at Pg. ES-18.   EPA did not evaluate the effects of HAPs on wildlife and particularly 

endangered species in this study, noting that this was not mandated by Section 112(n)(1)(A) of 

the CAA. Id. at Pg. ES-29.  However, EPA admitted that further evaluation of ecological risks 

due to HAP emissions would be needed to fully evaluate the impacts of utility HAP emissions. 

Id.  

 108. No analysis was done in the Cumulative Assessment of the accumulation of 

mercury in the environment.  In fact, the Cumulative Assessment stated: 

This study was unable to evaluate loading and long-term accumulation of 
heavy metals such as mercury in the environment.  There is a potential for 
mercury to settle in water bodies and bioaccumulate and affect fish tissue 
for human consumption.  Increase in soil concentrations of heavy metals 
over time from air deposition could not be evaluated in this study either. 
Jt. #11 at B-12. 
 

          109.   The Cumulative Assessment also notes that “(i)t has been widely accepted that 

excessive Mercury loading into water bodies across the Nation is largely due to air deposition 

association with coal-fired power plants.”  Id. at E-15. 

 110. When Taylor was asked to compare TGS’s permitted mercury limit to the amount 

of mercury emitted by all power plants in Kentucky in the year 2000, he found that TGS’s 

permitted annual emission equals 12% of the total.   

Experts’ Opinions 
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 111. In this Count, as with others, I am called upon to review and weigh the testimony 

of various experts, in light of their experience and credentials.  The experts testifying on this 

Count, their background, and the facts supporting their opinions are as follows: 

 112. Dr. Westerman has either prepared or reviewed over 1,400 risk assessments.  2-

20-04 TE at 53:1.  He has done extensive research on biomagnification and bioaccumulation 

impacts of mercury on animals.  2-20-04 TE at 53:25-54:3. 

 113. Larry Taylor has 18 years of study and experience in environmental evaluation, 

environmental toxicology and risk assessment. 

 114. Dr. Poulson’s expertise is with the Mammoth Cave ecosystem and the animals 

that inhabit it.  He is not a risk assessor or toxicologist. As seen in Dr. Poulson’s CV, he has 

authored many papers about the Cave’s ecosystem.  The NPS hired Dr. Poulson during the 

summers of 1992 through 1994 to work at the Park as a consulting ecologist.  Between 1998 and 

2003, Dr. Poulson was the lead organizer for the $5.2 million long-term ecological monitoring 

program at the Park, which involved “(v)irtually everything that could impact the cave, the river 

outside the cave and the forest, all the plants and animals.”  He indicated that the program 

involved pollution that comes from air pollution because “(a)nything that comes in the air can 

settle on plants, settle in the ground, into the water, get into the food chain and get into the cave 

because the water in the cave comes from outside the cave.”   

 115. Dr. Fox is a registered environmental assessor, and she estimated she had 

prepared or reviewed over 100 risk assessments over the past 30 years. 2-9-04 TE at 6:2-4. 

Dr. Poulson 

 116. Dr. Poulson opined that a risk assessment, such as the Cabinet’s Cumulative 

Assessment, which only looked at inhalation and not at the food chain exposure pathway, should 



 59

not be given any credibility.  11-5-03 TE at 33. Dr. Poulson explained that for persistent toxic 

substances that bioaccumulate and biomagnify, such as the arsenic, lead, dioxin and mercury that 

will be emitted by TGS, the inhalation exposure pathway is relatively minor compared to the 

other exposure pathways such as eating food containing the toxic substances.  Pollutants from 

TGC, such as sulfates, nitrates and mercury, combine to have a worse effect on animals and the 

ecosystem than those toxic substances would have individually.  Dr. Poulson explained that the 

Park has some of the highest level of nitrates and sulfates of any national park in the country, Id. 

at 39 (referring to report of Bob Carson, scientist at the Park, P195, exh. 1). 

Dr. Fox 

 117. Dr. Fox also explained why she believes the human health risk assessment in the 

Cumulative Assessment does not prove that TGS's pollution will not be harmful to the health and 

welfare of wildlife.  First, humans are not necessarily the most sensitive species.  Thus, the fact 

that the human risk assessment found no unacceptable impacts to humans does not mean that the 

same is true for wildlife.  Second, Dr. Fox explained that the toxicology data is not necessarily 

obtained from studies performed on the most sensitive species.  Thus, the safety factors that are 

used to account for the differences between humans and the laboratory animals that are the 

subject of toxicological studies are also needed to account for the differences between laboratory 

animal species and wildlife species.  Dr. Fox explained that the human health assessment only 

looks at the inhalation exposure pathway and ignores other exposure pathways of critical 

concern to wildlife such as the dermal and food chain.  Finally, Dr. Fox explained that there are 

significant biochemical differences between humans and certain wildlife species so that one can 

see toxic responses to certain chemicals, such as selenium, in wildlife that do not appear in 

humans.   
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Dr. Westerman 

 118. Dr. Westerman, stated that there is no way to identify what is the most sensitive 

species. Although DAQ did not know whether it actually had gotten the most sensitive species, it 

tried to address the problem by adding safety factors.  Without doing the testing on every 

organism, Dr. Westerman opined that there would be no way to do otherwise.   6-15-04 TE at 

19:9-22. Dr. Westerman further explained that the human protective threshold numbers are quite 

often based on animal studies.  It is assumed that humans are more sensitive than animals.  

Therefore, the risk study begins with information based on animal studies and various safety 

factors are added to make the threshold more protective than what was considered protective for 

animals.   

 119. In response to Dr. Fox’s and Dr. Poulson’s testimony regarding exposure 

pathways, Dr. Westerman explained: 

the primary exposure route is going to be, for humans, plants, animals, of an air 
release is going to be inhalation.  It’s coming out of the air, so that’s going to be 
the primary exposure factor.  Part of the reason some of these other exposure 
factors, even for animals that are not such a big deal, is that inhalation is, I guess, 
a very direct route, if you may.  Essentially we have nothing between this material 
going into the bloodstream but a very permeable membrane in the lungs.  It’s 
almost as if you took a syringe with a needle and injected the material, when you 
breath something in. 6-15-04 TE at 21:21 – 22:9.   

 

Dr. Westerman went on to explain that with regard to dermal exposure to animals, for example, 

even burrowing animals have hair and skin which prevent a lot of material from getting into the 

organism.  6-15-05 TE at 22:9-17.  Also, as to ingestion, Dr. Westerman clarified that because of 

the digestive tract, “quite a bit less of the percentage of what’s actually in the food or the dirt ... 

will go across and actually get in the bloodstream.”  Id. at 22:24 – 23:2.  In summary, Dr. 

Westerman testified that “… when you are inhaling this material, then quite often 100 percent of 
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it goes across.  So inhalation… is going to be the primary exposure route….”  Id. at 23:7-9.  Dr. 

Westerman testified that “Because … the numbers are so much lower than the human numbers, 

certainly Federal EPA wouldn’t even think about wasting their time doing an ecological risk 

assessment.” 2/6/04 TE 31-32.  Tom Adams stated that “(w)e had the information from the 

Cumulative Assessment which had as detailed of a risk as is done, certainly done in this state or 

done on the East Coast.” 4-14-04 TE at 91:17-21. 

 120. Dr. Westerman repeatedly said that the Cumulative Assessment looked at the 

predominant pathway, and that with the consideration of the safety factors involved and the 

extremely low level of emissions modeled from TGC, in his expert opinion, these concerns were 

addressed.  6-15-04 TE at 15-17.  Dr. Westerman said safety factors in human health risk 

assessments usually add a 3,000 fold increase and that is enough to cover lack of ecological risk 

assessment that covers wildlife.  

 121. In contrast, PD3, a demonstrative exhibit by Dr. Poulson, and Dr. Poulson’s 

testimony, said biomagnification can increase the risk to some wildlife by a factor of 1,000,000. 

 122. Dr. Westerman also addressed the issue of concerns about threatened and 

endangered species at the Park. 

Q: Are you concerned about the threatened and endangered species at 
Mammoth Cave with regard to emissions from the Thoroughbred plant? 

 
A: Well, not really.  It's going to be quite a ways away from there.  It's about 

100 miles downstream26.  It's proposed to be located ... northwest of the 
facility, and so the prevailing wind will not be blowing towards Mammoth 
Cave.  I don't really see a way that it’s readily going to be affected by that 
plant. 

2-20-04 TE at 124:4-15.   

                                                 
26 Dr. Westerman misspoke by indicating that the Park is some 100 miles from TGS.  In fact, TGS will be located 
some 46 miles (74 km) west/northwest of the Park. 
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 123. Dr. Westerman was also asked whether the modeling done for the Cumulative 

Assessment caused him concerns as to threatened and endangered species at the Park with regard 

to emissions from TGS.  He responded: 

 No, actually quite the opposite.  It indicated that it wouldn’t be a problem.  We 
modeled out to 15 kilometers, and for the most part there was no problem.  So I 
can’t see why, if you went another 60, 70 miles away, that it would have an 
effect suddenly. Id. at 125. 
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COUNT 1 – Parties’ Arguments 

Petitioners 

 124. Petitioners point out that the Cabinet advances for the first time in this litigation 

the argument that the Cumulative Assessment, which contains an assessment of human health 

impacts, establishes that there will be no adverse impacts on animals. Petitioners maintain that 

the post hoc rationalizations of the Cabinet cannot serve as a sufficient predicate for its action.  

Prior to the litigation, the Cabinet did not advise the public that the Cumulative Assessment 

satisfied the risk evaluation requirements in 401 KAR 63:020, nor was the Cumulative 

Assessment a document which was noticed for public comment.  Moreover, the Cumulative 

Assessment does not state that its human health inhalation is sufficient to serve as an evaluation 

of risks to animals.  Indeed, the Cumulative Assessment states that “(e)ffects on ecological 

receptors were not evaluated.” Jt. #11 at B-12.   

TGC 

 125. TGC maintains that 401 KAR 63:020 does not require any specific method of 

evaluation.  In addition to the Cumulative Assessment, which TGC argues is more than adequate, 

the NPS did not find any adverse impacts on species at the Park even though its scientists 

expressed concerns about TGS, and in addition, the modeling for TGS demonstrated compliance 

with the secondary NAAQS27, which TGC urges are designed to be protective of ecological 

receptors as well as human health.  

 

The Cabinet 

                                                 
27 Petitioners point out that TGC’s argument that NAAQS are protective of the environment because they are 
updated every five years is undercut by the fact that EPA is currently in violation of this requirement and is under a 
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 126. The Cabinet points out that it has never interpreted 401 KAR 63:020 to require a 

quantitative ecological risk assessment in all cases.  Indeed, the regulation does not require any 

specific method of evaluation.  Thus, the Cabinet contends that its method of evaluation was 

consistent with 401 KAR 63:020.  The Cabinet urges that it chose a rigorous quantitative method 

for evaluating human health risk and a qualitative approach to the evaluation of plants and 

animals.  The Cabinet points out that although Dr. Poulson gave poignant testimony as to the 

dangers of biomagnification and bioconcentration and to the sensitivity of certain species at the 

Park, he is not a risk assessor or toxicologist, and he acknowledged that he has no expertise in 

modeling or special expertise with regard to mercury.  11-5-03 TE at 86.  The Cabinet notes that 

Dr. Westerman, who has a doctorate in biology specializing in environmental toxicology, is 

well-qualified to exercise his professional judgment as to potential impacts on plants and 

animals.  The Cabinet points out that even though Petitioners criticize the emphasis on inhalation 

as the primary route for the air emissions from TGS, Dr. Westerman explained that inhalation is 

the “primary pathway and big driver” according to EPA studies. 6/15/04 TE 45-46.  Compared to 

inhalation, the other pathways have “very, very low impact”. Id. Although Dr. Westerman never 

said that other exposure pathways are not relevant or important, he explained repeatedly that the 

Cumulative Assessment looked at the predominant pathway, and that with the consideration of 

the safety factors involved and the extremely low level of emissions modeled from TGS, in his 

expert opinion, these concerns were addressed through the Cumulative Assessment. 6-15-04 TE 

15-17 (Westerman). 

                                                                                                                                                             
Court order to remedy the situation.  American Lung Association, et al v. Whitman, C.A. 03-778 (ESH) (D.D.C.) 
(Consent Order entered July 3, 2003). 
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 127. The Cabinet urges that it is reasonable to use the human RBSVs as an indicator of 

the potential impacts on ecological receptors.  EPA has considered wildlife to be protected if its 

PRGs are satisfied, and the Cabinet’s RBSVs are more conservative than PRGs.  2/20/04 TE 83, 

139-40 (Westerman); 3/2/04 TE 219 (Taylor).  Even assuming a potential for bioaccumulation 

and/or biomagnification, TGS’s impacts are so negligible that Dr. Westerman is confident in his 

opinion: 

 
We’re starting out with a number that has many orders of magnitude lower than 
an effect level, and you’re still looking at an effect level, whether you’re looking 
at bioaccumulation or otherwise.  And the fact that we have used so many safety 
factors and even ended up less than 1/100 of that number as showing up anywhere 
in the area, I thought that ecological concerns were also addressed by that 
assessment. 6/15/04 TE 37-38; see also Id. at 44. 
 

 128. The Cabinet argues that its interpretation is consistent with the terms of the 

regulation and is also a practical interpretation of 401 KAR 63:020, which applies to all “affected 

facilities”.  Thus, it is not limited to the air permitting context.  The Cabinet maintains that if it 

were required to conduct a quantitative ecological risk assessment for every “affected facility” in 

Kentucky, it would be an impossible task. 

 129. With regard to Dr. Fox’s testimony that there are significant biochemical 

differences between humans and certain wildlife species and that toxic responses are found in 

certain chemicals, such as selenium, in wildlife that do not occur in humans, Dr. Westerman 

responded that “(p)articularly for some of these chemicals of environmental concern, the 

mercuries, the dioxins, the cadmiums, the PCBs, it appears that the toxicity is very, very similar 

across the board.  Everything we test, it shows up about the same toxicity… basically all 

organisms do the same thing.”  6-15-04 TE at 27:9-28:9. 

Petitioners’ Reply 
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 130. In reply, Petitioners urge that TGC and the Cabinet have offered no document to 

support their theory that the study of the risks of inhalation exposure to humans found in the 

Cumulative Assessment should be accepted as a surrogate for an evaluation of impacts to 

animals.  Petitioners point out that they proved there are sensitive species in the area and that 

Mammoth Cave biota are particularly vulnerable.  Moreover, they proved that numerous 

government scientists and experts were concerned about mercury effects.  See e.g., P8, the Helf 

report.  They note that Kentucky is already under a statewide mercury advisory because of 

mercury levels in fish tissue. Jt. #11, Appendix I, p 1-4.  Even the Cumulative Assessment states 

“(i)t has been widely accepted that excessive mercury loading into water bodies across the nation 

is largely due to air deposition associated with coal-fired power plants. Jt. #11, at E-15.  

Petitioners also point out that the Cumulative Assessment states that the study was unable to 

evaluate loading and long-term accumulation of heavy metals. Jt. #11 at B-12.   

 131. Petitioners reiterate Dr. Poulson’s impressive credentials with regard to the Park 

and state that his opinion, based on decades of experience, boils down to the view that if one 

really wants to figure out whether the pollution from TGS will harm the animals in Mammoth 

Cave, one needs to look at the animals’ exposure to those pollutants, especially persistent 

bioaccumulative pollutants, in the food chain and in the water.  Dr. Poulson’s opinion is that 

looking only at persistent, bioaccumulating pollutants in the ambient air is not useful in 

evaluating potential damage to wildlife in the Mammoth Cave ecosystem because the food chain 

and water play a much more dominant role in terms of delivering persistent bioaccumulating 

pollutants to wildlife in that ecosystem.  11-5-03 TE 33:6-34:1 and 87:15-90:1.  Petitioners point 

out that the RBSVs are human health based and are for the inhalation exposure pathway only.  3-

2-04 TE at 216:23-217:11; 218:13-17 (Taylor).  Moreover, the Cabinet’s decision not to evaluate 
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46 out of the 59 hazardous air pollutants emitted from power plants in the Cumulative 

Assessment was based on which contaminants are likely to contribute to human health risk.  

Hence, no consideration was given to whether wildlife, especially the sensitive, threatened or 

endangered species in the Mammoth Cave area, are likely to be put at risk by the 46 hazardous 

air pollutants that were not evaluated. 

 132. With regard to TGC’s argument that ecological receptors will be protected 

because TGS’s emissions will not violate the NAAQSs, Petitioners point out that there are no 

NAAQS for mercury, dioxin and the other persistent bioaccumulative chemicals.  Thus, they 

urge that this argument is irrelevant.  The superintendent at the Park in a letter dated April 27, 

2001, to Ms. Andrews stated: 

 There are nineteen vegetative species at Mammoth Cave NP that are very 
sensitive to ground level ozone concentrations.  Vegetation and soils can 
be impacted by air pollution concentrations at or below the NAAQS.  In 
addition, one of the purposes of the PSD program is to protect public 
health and welfare not withstanding attainment of the NAAQS. TGC22 at 
p.TB000867. 

 

 133. Petitioners also clarify that although the NPS stated that it lacked the ability to 

demonstrate an adverse impact on endangered species, P167 at 102 (Shaver depo.), the NPS 

clearly expressed reasons to be concerned.   

 134. In conclusion, Petitioners urge that they are not claiming that an ecological risk 

assessment is required in all cases.  However, they emphasize that “this case is not all cases”.  

The record is clear that TGS is one of the largest sources of pollution to request a permit in 

Kentucky in many years; that TGS is located within relatively close proximity to a very sensitive 

national park; and that numerous USFWS and NPS scientists expressed grave concerns that were 

never addressed in the permitting process. See e.g. P23, the February, 2002, letter from chief of 
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the EPA Region 4 Air Planning Branch, at p. 22, stating that “neither the permit application nor 

KDAQ’s preliminary determination and statement of basis contains an assessment (qualitative or 

quantitative) assessing whether the proposed mercury emissions pose a risk of adverse impact on 

the ambient environment.” 

COUNT 1 - Conclusions 

 135. For the Cabinet to contend during this litigation, for the first time, that its 

responsibilities under 401 KAR 63:020 Section 3 were satisfied by the Cumulative Assessment 

amounts to a post hoc rationalization.  Only when this issue was raised in this litigation did the 

Cabinet argue that its responsibilities under 63:020 were fulfilled by the Cumulative Assessment. 

However, the Cumulative Assessment was performed at the direction of the Governor and makes 

no reference to 401 KAR 63:020.   

 136. Our Kentucky Supreme Court recently discussed post-hoc rationalizations in 

Faust v. Com., 142 S.W. 3d 89 (KY 2004), in which it considered Faust’s statutorily-granted 

reversion rights for employment within the classified service of state government.  The Court 

stated “(w)e now learn from arguments before this Court that the Board felt constrained to give 

effect to Section 1(2) of 101 KAR 3:050, a regulation which attempted to implement the 

reversion procedures through application of the layoff statutes, despite the fact that neither KRS 

18A.115(4) nor 18A.130(2) mentions layoffs. 

As a general rule, such post-hoc rationalizations are inappropriate, particularly as 
here, when virtually no basis in the record supports the Personnel Board’s order.  
See Motor Vehicle Manufacturers Ass’n. State Farm Mutual Auto. Ins. Co., 463 
U.S. 29, 50, 103 S.Ct. 2856, 2870, 77 L.Ed. 2d 443 (1983) (stating “(i)t is well-
established that an agency’s action must be upheld, if at all, on the basis 
articulated by the agency itself”).  142 S.W. 3d at 98. 
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See also American Textile Mfrs. V. Donovan, 452 U.S. 490, 539 (1981), where the U.S. 

Supreme Court held that “post hoc rationalizations of the agency or the parties to this litigation 

cannot serve as a sufficient predicate for agency action.”   

 137.  Aside from the issue of post hoc rationalization by the Cabinet, it appears that 

63:020 has been largely overlooked by DAQ.  Dr. Westerman candidly testified that the Risk 

Assessment Branch has never been asked to do either a human health risk assessment or an 

ecological risk assessment for a PSD permit. Moreover, Dr. Westerman never stated that the 

Cabinet did a qualitative assessment of the ecological impacts of TGS, as Cabinet counsel now 

argue.  In fact, he repeatedly explained that in preparation of the Cumulative Assessment “…we 

didn’t look at ecological effects of any of the chemicals…” 2-6-04 TE 47:15-16.  

 138. As argued by Petitioners, this is not just any case.  TGS is one of the largest 

sources of pollution to request a permit in Kentucky in many years; TGS is located within 

relatively close proximity to a highly significant cave and karst area, Mammoth Cave National 

Park; and numerous USFWS and NPS scientists expressed concerns that were not addressed in 

the permitting process.  Mammoth Cave Park scientist Kurt Helf’s paper states in its 

introduction: 

 The proposed thoroughbred Generating station (TGC) is a potentially large source 
of mercury (Hg) deposition on South Central Kentucky Karst (SCKK) 
ecosystems.  Indeed, according to Peabody’s own estimates TGS will be the 
fourth largest Hg emitter in the state of Kentucky (Table 1)28.  Because prevailing 
winds tend to blow northeast29, TGS would likely have the second largest impact 
in the state, in terms of Hg deposition, on SCKK ecosystems.  Currently little data 
are available that would enable researchers to predict the effects of such a large 
increase in Hg deposition on SCKK ecosystems. 

P195, exh. 3 at 1.  

                                                 
28 Table 1 shows the largest Hg emitting plants to be: 1 – Paradise Fossil Plant (Muhlenberg); 2- Big Sandy 
(Lawrence); Ghent (Carroll); and TGS (Muhlenberg).  Paradise and TGS are in close proximity. 
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It is not disputed that the karst geology in the area of the Park is especially vulnerable to 

pollution from TGS.  This is because water on the surface directly enters the groundwater 

through sinkholes without the filtering that occurs in non-karst areas. 11-5-03 TE at 122:9 (Dr. 

Groves).  An inhalation impact study does not consider concentrations of pollution in water.  As 

Dr. Poulson explained, there are animals in the Park which are long-lived and susceptible to 

biomagnification and bioaccumulation.  This is exactly what the Cumulative Assessment clearly 

stated it did not study.  As stated earlier, P107-5 states that for HAPs that are persistent and/or 

bioaccumulate, the non-inhalation exposure pathway could be more important than the inhalation 

pathway.  EPA identified four high priority HAPs (radionuclides, mercury, arsenic, dioxins) to 

assess for non-inhalation exposures. Id. at ES-4.  

 139. Moreover, certain statements in the Cumulative Assessment stand in stark 

contrast to Dr. Westerman’s reliance on the human health inhalation evaluation as being a 

sufficient indication that TGS does not pose an unacceptable risk to animals.  These statements 

include the acknowledgement that the Cumulative Assessment did not evaluate loading and 

long-term accumulation of heavy metals such as mercury in the environment or the increase in 

soil concentrations of heavy metals over time from air deposition, although it notes the potential 

for mercury to settle in water bodies and bioaccumulate and affect fish tissue for human 

consumption.  The Cabinet and TGC produced no document supporting Dr. Westerman’s 

opinions that a consideration of the inhalation pathway alone (without considering the food chain 

exposure pathway) is sufficient to determine that there will be no harmful effects on plants and 

animals from TGS.   

                                                                                                                                                             
29 It appears that Dr. Westerman and Helf  may not agree about whether prevailing winds are in the direction of the 
Park.   
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 140. Respondents urge that 401 KAR 63:020 Section 3 confers discretion on DAQ in 

choosing a methodology for each individual case, given the breadth of the reach of the 

regulations to all “affected facilities”.  They argue that the methodology is left to the professional 

and technical judgment of the Cabinet as long as it has a rational basis for its methodology.  I do 

not disagree.  However, the choice of a methodology would need to be based on the type of 

facility and other relevant factors, among which would be the location of the facility.  I am 

mindful that the experts at the Cabinet’s Risk Assessment Branch were satisfied that the findings 

and analyses of the Cumulative Assessment were sufficient to comply with 401 KAR 63:020.  

DAQ’s engineering consultant, Tom Adams, came to the same conclusion. 4-14-04 TE at 89-90.  

They all testified that the methodology documented in the Cumulative Assessment supports the 

conclusion that other ecological receptors are protected, as is human health. 2-20-04 TE at 92-94 

(Westerman).  Dr. Westerman also stated that this conclusion includes the potential for 

biomagnification and bioaccumulation because the modeled values were so far below the 

screening values. 6-15-04 TE at 37-38, 44-45. 

 141. In spite of these opinions, I conclude that the Cumulative Assessment cannot be 

considered adequate when it did not consider the food chain and water which play a much more 

dominant role in terms of delivering persistent, bioaccumulating pollutants to wildlife in the Park 

and the South Central Kentucky Karst ecosystem.  

 142. Where there is already a mercury advisory in Kentucky, where it is widely 

accepted that mercury loading in the environment comes largely from power plants, where there 

are vulnerable species and concerns from government scientists and other researchers about the 

effect of mercury from TGS on those species, and where TGS will contribute an additional 12% 

of mercury to existing sources, it was incumbent on the Cabinet to specifically evaluate the 
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effect of that loading on ecological receptors.  To determine whether the pollution from TGS will 

harm the animals in the Park, the animals’ exposure to those pollutants must be specifically 

studied, especially persistent bioaccumulative pollutants, in the food chain and in the water.  

This is because abiotic contaminants are transferred from the ambient environment into fauna at 

the greatest rates through the consumption of food and water.  

 143. Hence, I recommend that the Cabinet evaluate the impact of TGS’ potentially 

hazardous or toxic substances on animals.   

 

COUNT 2 – Public Participation 

COUNT 2 – Findings 

Overview 

 144. Count 2 involves Petitioners’ contention that the Cabinet failed to make certain 

information available to the public during the permitting process.  There are four areas in which 

Petitioners argue that the public participation requirements were not met:   

Area 1:  Public comment periods - making relevant information available;   

Area 2: Public notice - providing the correct increment consumption and information 

 about the FLM’s finding of potential adverse impact; 

Area 3:  SOB - explaining the legal and factual basis for the permit conditions; and 

Area 4:  Public comments - responding to public comments.   

 145. TGC maintains that the public participation regulations were fulfilled because the 

process allowed the public a meaningful opportunity to participate. 
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 146. The Cabinet, while acknowledging that there were some very minor, insignificant 

discrepancies in the public notice, contends that they had no impact on Petitioners’ due process 

rights to be informed about the TGC permitting process. 

General Findings 

 The following facts set forth certain events as they relate to the public participation 

involved with the permitting process. 

 147. There are three versions of the permit and an SOB with each: 

*the first SOB, Jt. #3, which was issued with the first draft permit, issued on 
December 28, 2001, Jt. #2;   
 
*the second SOB, Jt. #5, which was issued on June 19, 2002, in conjunction with 
the second draft permit, Jt. #4, and the public notice issued on the same date, Jt. 
#24; and  
 
*the third SOB, Jt. #7, which was released after the public comment period and 
with the final permit on October 11, 2002, Jt. #6.  

 

 148. The first public hearing was held on February 12, 2002, as announced in a public 

notice published on January 9, 2002. 

 149. On February 14, 2002, the FLM provided comments on the first draft permit and 

found that the proposed emissions would have an adverse impact on visibility and could 

potentially affect federally listed threatened and endangered species at the Park.  P167 (Shaver 

depo.), exh. 28, p 1.  This adverse impact finding was based on modeling done at the 0.167 

lbs/MMbtu SO2 rate. P167-28 at NPS 003428.  In its February 14th  letter, the FLM stated that it 

had received a summary of a new modeling analysis prepared by consultants retained by the 

permit applicants which suggests there may be no adverse impact on visibility at the Park.  

However, the FLM did not have time for a thorough review of the new modeling analysis prior 
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to the end of the (first) public comment period.  For this reason, the FLM stated that based on its 

review and analysis of DAQ’s preliminary determination, “we believe that these proposed 

emissions would have an adverse impact on visibility and could potentially affect federally listed 

threatened and endangered species” at the Park. Id. 

 150. On June 19, 2002, public notice was published announcing the July 25, 2002 

second public hearing.  Jt. #24; Cab18.  The public notice provided the following information 

regarding this finding of adverse impact and DAQ’s response to the finding: 

On February 18, 2002, the Division received notification from the United 
State (sic) Department of the Interior (DOI), that based on their review 
and analysis of material received on January 2, 2002, they believed that 
the proposed emissions from Thoroughbred Generating would have an 
adverse impact on visibility at Mammoth Cave National Park.  Subsequent 
modeling provided to DOI and the Division demonstrated that there would 
be no impact greater than 10% on any day over a three year period, and 
only 2 days greater than 5% over that period.  Based on this analysis, the 
Division does not concur that Thoroughbred Generating would have an 
adverse impact on Mammoth Cave National Park. 
 

 151. The “subsequent modeling” referred to in the June 19 public notice was still 

based on the 0.167 lbs/MMbtu rate.  This is known because the modeling for the short term SO2 

0.41 lbs/MMbtu emission rate was not submitted to DAQ until July 24, 2002, over a month after 

the public notice was sent out and the day before the public hearing on July 25, 2002.   See Jt. 

#23 and 1-6-04 TE at 127:23-131:1(Handy).  At the public hearing, it was announced that the 

comment period would be extended through August 24, 2002, in order to allow for additional 

comments on the new short term SO2 emission rate of 0.41 lbs/MMbtu. Cab18.  The extension of 

the comment period was not published in the newspaper. 

 152. Also, Jt. #21, TGC’s narrative about the ambient air impacts for the 0.41 

lbs/MMbtu 24 hour SO2 limit was not submitted until August 9, 2002, after the public hearing, 
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and shows that at the 0.167 lbs/MMbtu emission rate there would be no impact on visibility 

greater than 10% on any day over a three-year period, and only 2 days greater than 5% over that 

period. Jt. #21 at pg. 2 of 8.  

 153. However, at the 0.41 lbs/MMbtu rate, the preliminary results of the modeling 

showed that the days of impacts above 10% would be 2 days in a three-year period, which 

compares to the public notice that told the public there would be no days over 10%.  Jt. #22, 

page 1.  As to days of impacts over 5%, the results showed up to 21 days over a three-year 

period.  Jt. #22, page 2.  See also P100-4 at ET000572.  These 21 days compare to the only 2 

days that the public was told about in the public notice. Jt. #24.   

 154. In a comparison of the June 19, 2002 public notice, Jt. #24, with the SOB, Jt. #5 

at 24, which was issued with this public notice, there are some differences regarding increment 

consumption.  Increment is the additional ambient air pollution above the baseline that the 

proposed major source of air pollution will cause.  401 KAR 52:100 Section 5(10) and 40 CFR 

51.166(q).  The numbers highlighted and marked with an asterisk in the following charts show 

the differences.  Jt. #24  vs  Jt. #5, p 24, table 6.3. The increment consumption figures in the 

public notice of June 19, 2002, are for the increment that will be consumed in Muhlenberg 

County based on a 30-day SO2 emission rate of 0.167 lbs/MMbtu.   

 155. The June 19, 2002 public notice listed the following predicted increment 

consumption:  

Pollutant Averaging 
Period 

Class II 
PSD 
Increment 
(µg/m3) 

Applicant’s Class II 
Increment Consumption 
 

(µg/m3) 
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PM10 Annual 

24-hour 

17 

30 

1.69 

8.17* 

SO2 Annual 

24-hour 

3-hour 

20 

91 

512 

1.57 

20.95* 

112.4 

NOx Annual 25 0.76* 

(The above increment consumption numbers listed in the public notice are identical to those 
contained in a fax from Bryan Handy to Ben Markin, Cab22.) 
 
 156. The SOB which was issued with the June 19, 2002, public notice contains the 

following increment consumption numbers: 
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Pollutant Averaging 

Period 
Class II 
PSD 
Increment 
(µg/m3) 

Applicant’s Class II Increment 
Consumption 

(µg/m3) 

PM10 Annual 

24-hour 

17 

30 

1.69 

8.86* 

SO2 Annual 

24-hour 

3-hour 

20 

91 

512 

1.57 

27.76* 

112.40 

NOx Annual 25 0.697* 

  

 157. TGS will also consume increment in at least Christian, Daviess, Ohio and 

Webster counties. Jt. #7 at 33.  

 158. The public notice did not report the degree of increment that TGS will consume in 

the Class I area in the Park, even though TGC’s expert, Scire, claimed that TGC would consume 

99.6% of the allowable Class I 24-hour SO2 increment. P100-4 at 2, Table 3 (4.98 µg/m3 

consumed out of available 5 µg/m3). 

 159. On August 22, 2002, the FLM sent a letter to DAQ withdrawing its adverse 

impact finding of February 14, 2002, on the basis that a new modeling analysis from TGS, 

which was verified by the FLM’s staff experts, suggested that there would be no adverse 

impacts on visibility at the Park. In addition, the August 22, 2002 letter stated: 

KDAQ’s revised preliminary determination and draft PSD permit for the 
TGS facility now includes a 24-hour sulfur dioxide (SO2) limit of 0.45 
lbs/MMbtu, in addition to the 30-day rolling average limit of 0.167 
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lbs/MMbtu.  We understand that TGS has agreed to lower 24-hour SO2 
limit of 0.41 lbs/MMbtu  in order to comply with short-term air quality 
standards and increments.  We conducted an air quality modeling analysis 
of the 0.41 lbs/MMbtu limit and found potential adverse impacts on 
visibility at Mammoth Cave National Park at that level.  We assessed 
alternative limits and found that at the 0.23 lbs/MMbtu level there would 
be no adverse impacts on visibility at Mammoth Cave National Park. 
(emphasis added). Jt. #19.  

 
 160. The public was not notified via a public notice of the FLM’s August 22, 

2002 finding of “potential adverse impacts”. 

 161. None of the SOBs provide documentation or explanation of the following: 

a. Elimination of IGCC and CFB from the BACT analysis 
b. Feasibility of achieving a NOx limit of less than 0.08 lbs/MMbtu over a 30-

day average 
c. Percentage removal for TGS’s SCR 
d. Ozone modeling done for the Cumulative Assessment 
e. Basis for TGC’s failure to conduct preconstruction monitoring for ozone 
f. Explanation for how the mercury limit is more stringent than the best 

controlled similar source 
g. Explanation for why emissions rates were not established based on use of a 

baghouse or fabric filter 
h. Discussion of SO2 short term increment and NAAQS consumption 

determinations based on 24-hour SO2 emission limit of 0.41 lbs/MMbtu 
i. Discussion of whether TGS’s hazardous emissions will harm humans or 

animals. 
 

 162. On April 17, 2002, DAQ produced draft responses to comments, which were 

followed on May 14, 2002, with the final version of responses received during the public 

comment period.  Jt. #39 and 43.  On October 11, 2002, DAQ produced its final responses to 

comments. Jt. #63.  The final responses to comments were issued with the final SOB and the 

permit on October 11, 2002. 

 163. In the third SOB, the 24-hour SO2 increment consumption in Muhlenberg County 

was listed as 53.8 µg/m3.  
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COUNT 2 – Parties’ Arguments Followed By Conclusions30 on the Four Areas of Count 2  
 
Area 1 -Public Comment Periods – 

Making Relevant Information Available 

 164. Petitioners urge that certain critical supporting information was not made 

available during the public comment period as required by 401 KAR 51:017, Section 16; 401 

KAR 52:100 Sections 5(11) and 8(1); and 40 CFR 51.166(q)(2).  

 165. The public comment period begins on the date the public notice is published in 

the newspaper and ends 30 days after the publication date.  401 KAR 52:100 Section 2(2)(a)(b). 

 166. The regulations Petitioners rely on are as follows, with relevant portions in bold: 

401 KAR 51:017, Section 16 Public Participation.  

The cabinet shall follow the applicable procedures of 401 KAR 52:100 and 40 
CFR 51.166(q) in processing applications under this administrative regulation. 
 
401 KAR 52:100 Section 5, Information Included in the Public Notice 

Subsection (11), Name, address, and telephone number where interested 
persons may obtain the following information: 

… 
(b) Relevant supporting material, including permit application, permits, 

compliance plans, and monitoring and compliance certification reports, 
except for confidential information;  

… 
 

401 KAR 52:100 Section 8, Public Inspection of Documents 

Subsection (1), Public Inspection of Documents 
(1) During the public comment period, the cabinet shall make available 

for public inspection all information, except that which is confidential, contained 
in the: 

(a) Permit application; 
(b) Draft permit; and 

                                                 
30 Since this Count has multiple subparts, my conclusions will follow the parties’ arguments on each subpart. 
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(c) Supporting materials. 
 

40 CFR 51.166(q)(2) requires that the Cabinet: 

(ii) Make available in at least one location in each region in which the proposed 
source would be constructed a copy of all materials the applicant submitted, a copy 
of the preliminary determination, and a copy  
or summary of other materials, if any, considered in making the preliminary 
determination. (Emphasis added) 

 
Petitioners 

 
 167. In their argument about the public availability of all supporting materials, 

Petitioners make several specific arguments about material which was not available during the 

public comment period from June 19, 2002 to July 25, 2002: 

* the air modeling for the final SO2 short-term limit of 0.41 lbs/MMbtu; 

* the sulfur content of the design basis coal to be used at TGS; and 

* certain standard operating procedures (SOPs) and manufacturer’s 
specifications that will be used to help determine compliance with the 
permit provisions. 

 

Each of these issues will be discussed separately. 

A. Air modeling for the 0.41 lbs/MMbtu SO2 short term limit 

Petitioners 

 168. Petitioners urge that one of the most important pieces of information not available 

to the public during the comment period was the modeling for SO2 increment and NAAQS at the 

final short term SO2 emission rate of 0.41 lbs/MMbtu based on a 24-hour averaging time.  This 

modeling was not provided until July 24, 2002, over a month after the final comment period 

started on June 19, 2002, and only one day prior to the public hearing on July 25, 2002.  TGC 

submitted a narrative about the ambient air impacts for the 0.41 lbs/MMbtu 24 hour SO2 limit to 
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the Cabinet on August 9, 2002. Jt. #21.  Thus, this information was not made available until after 

the second, and final, pubic hearing.   

Cabinet 

 169. The Cabinet urges that the 24-hour 0.41 lbs/MMbtu SO2 limit was never intended 

to be a BACT limit for SO2, but instead, the Cabinet decided to add the 24-hour 0.41 lbs/MMbtu 

SO2 limit to the permit as an additional safeguard to ensure protection of visibility.  Also, the 

Cabinet points out that the public already had the air dispersion modeling for the prior 24-hour 

SO2 limit of 0.45 lbs/MMbtu.  Thus, if the public had any comments regarding the air dispersion 

modeling for the 24-hour SO2 limit, the public would have raised those concerns based on the 

modeling for the 0.45 lbs/MMbtu SO2 limit, which was less protective of human health and the 

environment than the 0.41 limit. 

TGC 

 170. TGC points out that 401 KAR 52:100, Section 8(1) provides that supporting 

materials must be made available “during the public comment period”, not at the beginning of 

the public comment period.  The second public hearing on the TGC permit was held on July 25, 

2002.  Thus, the required modeling information, which was submitted on July 24, 2002, was 

available at the time of the public hearing.  DAQ extended the public comment period an 

additional 30 days after the public hearing to allow for additional comments on this very issue.  

Cab18 at 2 (public hearing transcript); TGC18 (letter dated July 23, 2002 to IDEM and Valley 

Watch stating that a final resolution of the 24-hour SO2 limit issue is expected prior to the July 25 

public hearing and also stating that DAQ is extending the public comment period to August 24 

so that this additional information can be made available to the public).  In addition, TGC 

submitted an analysis supporting the original short-term limit of 0.45 lbs/MMbtu prior to June 
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19, 2002, the start of the second public comment period.  Jt. #26.  Also, this analysis was 

explained in the Revised Preliminary Determination and SOB, released to the public with the 

June 19, 2002 Public Notice. Jt. #5 at 23.  So, TGC maintains that the public had all the 

information supporting the less stringent 0.45 lbs/MMbtu rate at the start of the public comment 

period. 

Petitioners’ Reply 

 171. In reply, Petitioners urge that the Cabinet is required to make all supporting 

materials available during the entire public comment period.  Although they admit that the 0.41 

lbs/MMbtu modeling was on Don Newell’s computer at DAQ by 12:55 p.m. on July 24, 2002, Jt. 

#23, and a preliminary summary of the impacts on visibility at the Park was sent to the Cabinet 

sometime after 5:40 p.m. on July 25, 2002, Jt. #22, they urge that this does not equate to making 

the information available to the public as required by the regulations.  In addition, the final 

results of the visibility analysis were not available to the public until after the July 25, 2002, 

public hearing.  They appear to have been received by the Cabinet on August 9, 2002.  Jt. #1. 

 172. Even though DAQ purported to extend the public comment period until August 

24, 2002, Petitioners point out that there was no notice in the newspaper explaining that the 

public comment period was extended and no mailing was sent to all of the interested parties.  

They urge that when notice is required to be placed in the newspaper, providing notice via 

another means does not absolve the agency of its duty to abide by the regulation.  Moreover, the 

final information was available no sooner than August 9, 2002.  Jt. #21.  Thus, even with an 

informal extension of the public comment period, the public was never given 30 days to evaluate 

the modeling at the 0.41 lbs/MMbtu rate. 
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 173. In reply to TGC’s claim that the Cabinet complied with the spirit of the law by 

providing the public with the analysis of impacts at the 0.45 lbs/MMbtu emission rate, 

Petitioners state that the “analysis” at the 0.45 lbs/MMbtu emission rate was not computer 

modeling but was a simplistic extrapolation based on a methodology that TGC and its 

consultants created. Jt. #26 and Jt. #5 at 23.  Indeed, EPA and the Cabinet rejected this 

nonmodeling methodology and insisted that TGC submit modeling to support its short term SO2 

emission rate. 1-9-04 TE 16:15-21 (Handy).  Thus, Petitioners contend that all that existed 

during the public comment period was an invalid nonmodeling analysis for the 0.45 lbs/MMbtu 

emission rate.  The modeling analysis submitted after the public comment period began showed 

that the nonmodeling analysis was incorrect.  The modeling analysis showed that at the 0.45 

lbs/MMbtu emission rate, TGS would violate the Class I 24 hour SO2 increment.  In Jt. #23 at 

page 1 of “Summary of Short-Term Limit Run”, Table 3, the modeling shows an impact in Year 

1992 of 5.3 µg/m3 when the allowable increment is only 5 µg/m3.  Thus, this nonmodeling 

methodology which was rejected by EPA and the Cabinet actually misled the public into 

thinking that the 0.45 lb/MMbtu emission rate would not cause TGS to violate the Class I 

increment, when in reality it would.   

 174. Petitioners urge that while the public now knows that at the 0.45 lbs/MMbtu 

emission rate, TGS will violate the Class I increment, the public was never afforded a 

meaningful opportunity to determine whether the inputs into the 0.41 lbs/MMbtu modeling were 

correct or to hire their own modeler to re-run the 0.41 lbs/MMbtu modeling with the correct 

inputs.  Not only did the Cabinet fail to make the modeling available, the Cabinet failed to 

provide the increment consumption figures in the public notice and the SOB which would have 

alerted the public to this issue early in the process. 
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Conclusions on air modeling for the 0.41 lbs/MMbtu SO2 short term limit  

 175. This argument can be boiled down to the fact that the modeling for the short term 

SO2 emission rate of 0.41 lbs/MMbtu was not available until a day before the public hearing and 

the analysis was not available until August 9; however, the modeling for the less stringent limit 

of 0.45 lbs/MMbtu was available, although Petitioners urge this was an invalid nonmodeling 

analysis which showed that at the 0.45 lbs/MMbtu rate TGS would not violate the Class I 

increment, when in reality it would. 

 176. In an order of the US EPA’s Environmental Appeals Board (EAB), In the Matter 

of Old Dominion Electric Coop., 3 E.A.D. 779, 1992 WL 92372, denying a request to review a 

PSD permit, the Environmental Appeals Board was presented with similar arguments.  In 

response to EPA Region 3’s comments on the draft permit, the permit applicant tightened its 

emission limits.  The state revised the permit and issued it without soliciting further comment 

from the public.  Petitioners argued that the state should have solicited further comment on the 

revised modeling.  The EAB did not agree: 

(I)t is self-evident that Petitioners are in no position to oppose the decision to 
tighten the permit’s SO2 emissions. Petitioners are not worse off with the 
revision than without it.  Moreover, there is no reason to believe that tightening 
the emissions limitation is likely to result in unanticipated adverse environmental 
consequences in comparison with retention of the previous, less stringent 
emissions limitation.  The revised permit by all accounts is a logical outgrowth 
of the notice and comment process and all commenters have had a fair and 
reasonable opportunity to present their views on the permit. P. 12 of 18. 

 

 177. Here, Petitioners cannot deny that they are in a better position with the 0.41 

emission rate than they were with the less stringent 0.45 short term SO2 emission rate.  Indeed, 

the harm Petitioners urge they suffered in not having the modeling and analysis at the beginning 

of the public comment period is that they were denied a meaningful opportunity to determine 
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whether the inputs into the 0.41 lbs/MMbtu modeling were correct or to hire their own modeler 

to re-run the 0.41 lbs/MMbtu modeling.  However, Petitioners give no reasons why any member 

of the public who was concerned with the 0.45 limit would not have attended the public hearing 

on July 25, at which time they would have been advised that the public comment period was 

being extended through August 24 to receive comments regarding the new limit.  Indeed, Don 

Newell announced at the public hearing the reason for the extension, and John Blair, president of 

Petitioner Valley Watch, was present and spoke at the public hearing.  Cab18 at 2 and 44.  There 

is every reason to think pursuant to the letter dated July 23, 2002, to IDEM and Valley Watch 

from DAQ Director Lyons, that DAQ did consider the modeling for the 0.41 limit to be 

“supporting material” which it was required to make available during the public comment 

period. TGC18.  This is the very reason for the extension of the public comment period.  The 

letter does suggest that DAQ believes that “supporting material” should be available for the 

entire public comment period, as Petitioners urge, because the extension was for an additional 30 

days.  However, I conclude that the public was not denied an adequate opportunity to review the 

new modeling and analysis even though another public notice was not published announcing the 

extension.   

B. Sulfur Content of the Design Basis Coal 

Petitioners 

 178. Another piece of information Petitioners urge that the Cabinet did not make 

available to the public during the comment period was the sulfur content of the design basis coal, 

which is critical information in assessing the SO2 BACT determination.   

Conclusions on sulfur content of the design basis coal 
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 179. I conclude that this argument is refuted by the coal quality data, including the 

sulfur content of the coal, as provided in the revised application submitted on October 26, 2001, 

Jt. #57 at Red 36, and in TGC’s responses submitted on December 12, 2001, Jt. #56 at Red 42-

44, in which TGC provided coal quality data, including the sulfur content of the coal.   

C.  Manufacturer’s Specifications and SOPs 

Petitioners 

 180. Petitioners urge that the Cabinet never provided the public with manufacturer’s 

specifications and/or SOPs although the permit requires that all pollution control equipment, 

including the SCR, dry ESP, wet FGD, wet ESP, partial enclosures, bin filters, chutes, baghouses 

and other control equipment, as well as the boiler and coal piles, is to be operated to maintain 

compliance with permitted emission limits in accordance with manufacturers’ specifications 

and/or standard operating practices.  They cite to 401 KAR 50:016, Section 1(1) which 

incorporates by reference: “Policy Manual of the Division of Air Pollution Control, May 15, 

1985”, providing that a PSD permit shall not be issued until certain design specifications are 

submitted.  Petitioners cite to a recent US EPA Administrator’s Order, In Re: Cargill, Inc., 

Petition IV-2003-7 (July 16, 2004), in which the applicant was directed to revise certain 

conditions of the permit to provide a specific citation for the manufacturer’s specifications and to 

make such specifications part of the permit record.  Id. at 14.   

Cabinet 

 181. The Cabinet acknowledges that it did not make the manufacturers’ specifications 

and/or SOPs for several emissions units and air pollutant control equipment units available to the 

public.  However, it maintains that it cannot be required to do so based on the Cargill order 

which was not available prior to the issuance of the permit on October 11, 2002. 
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TGC 

 182. TGC states that this claim has not been raised before or during the formal hearing 

and points out that due to Kentucky’s combined (PSD) construction and (Title V) operating 

permit, the Cabinet must issue one permit that establishes operating parameters before it knows 

what the appropriate operating ranges should be.  Ms. Andrews, assistant director of DAQ, 

addressed this situation: 

A:  In our situation now, since with the merged program you have no operating 
history of the facility, you’re really handicapped in developing actual ranges and 
acceptable limits for your parametric monitoring. 
 
Q:  So how does the division address this problem? 
 
A:  We’ve had to … what’s in the permit is fairly generic or general, maintained 
or controlled equipment within your manufacturer’s specifications.   
 
2/19/04 TE 159:2-13. 

 

Adams explained that once the facility is operational and the SOPs are known, DAQ re-evaluates 

the monitoring approach to ensure the permit reflects appropriate operating parameters.  4/16/04 

TE 47; 4/15/04 TE 90; 4/14/04 TE 109.  

 183. TGC distinguishes the Cargill order by pointing out that the permit in Cargill was 

a state operating permit issued by Georgia’s Environmental Protection Division pursuant to Title 

V of the CAA.  The emissions unit at the facility was already constructed and had been in 

operation for almost 22 years prior to the original issuance of the Title V permit.  Therefore, 

appropriate SOPs and manufacturer’s specifications had been developed over the course of 22 

years and EPA held that such information should have been included in the permitting record. 

 184. The Cabinet and TGC point out that the Policy Manual at 2-11 states that “not all 

information may be available in all cases” and that “information requirements should be adjusted 
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to fit the circumstances of the applicant at the time of the permit application”.  The Cabinet also 

urges that Petitioners offered no evidence during the hearing that the absence of any of the items 

listed in Table 2.1 of the Policy Manual (information to be included in applications for coal-fired 

power plants) caused DAQ’s BACT determination to be insufficient. 

 185. TGC also points out that the Policy Manual also states at 2-13 that “(t)he source 

must provide enough information to demonstrate that the proposed control equipment will 

adequately reflect BACT and applicable ambient air quality standards and PSD increment will 

not be exceeded.”  TGC submitted multiple design specifications to DAQ, such as coal design 

information, Jt. #56 at Red 41-44, and specific design specifications for the control technology. 

Jt. #44 at Red 58-129.  With regard to design specifications for the SCR, information was 

provided regarding the percentage removal for the entire NOx control system.  Jt. #57 at Red 236. 

Petitioners’ Reply 

 186. In reply, Petitioners cite to Minnesota Center for Environmental Advocacy  v. 

Minnesota Pollution Control Agency, 600 N.W. 2d 427, 435 (Minn.. App. 2003), as support for 

their general position.  In that case, the court found that the fact that the public was not given an 

opportunity to review and submit comments on the Storm Water Pollution Prevention Plan 

(SWPPP), which is to be developed and submitted to the state agency in its application for a 

general permit for municipal separate sewer systems water discharges (NPDES-National 

Pollutant Discharge Element System), was a violation of the public participation requirements.  

Conclusions on manufacturer’s specifications and SOPs 

 187. I do not find the Minnesota case persuasive.  In the Minnesota case, SWPPPs are 

referred to as the “core” of the general permit, i.e. they contain the substantive details for storm 

water control and substantive information on how small municipalities will comply with the 
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Clean Water Act.  In contrast, here, the combined permit initially provides that all equipment is 

to be controlled in accord with manufacturer’s specifications and later DAQ re-evaluates the 

monitoring approach to ensure the permit reflects appropriate operating parameters.  This is not a 

situation where the manufacturer’s specifications and operating parameters were known and not 

revealed to the public. 

 188. Petitioners did not raise the Cabinet’s alleged failure to comply with the Policy 

Manual prior to the formal hearing or even during the formal hearing, and for that reason alone, 

it will not be considered at this point.  However, I conclude that with Kentucky’s merged 

program where a combined PSD construction and Title V operating permit are issued, the current 

practice as explained by Andrews and Adams is not only the only workable practice but is in 

keeping with the Manual.  

Area 2 - Public Notice 

 189. Petitioners urge that the public notice was missing information and contained 

incorrect information about how much increment would be consumed by TGS in violation of 401 

KAR 52:100 Section 5(10) and 40 CFR 51.166 (q)(2)(iii).   

 190. Petitioners also argue that the public notice violated 401 KAR 51:017 Section 

15(3) by failing to inform the public of the FLM’s finding of a potential adverse impact.   

 191. Each of Petitioners’ public notice claims will be discussed separately. 

A. Increment information 

 
401 KAR 52:100, Public, affected state, and U.S. EPA review 
Section 5, Information Included in Public Notice 
Subsection (10) For permits subject to review under 401 KAR 51:017 (PSD), the 
degree of increment consumption expected to occur; 
 
40 CFR 51.166(q)(2)(iii) likewise provides: 
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(iii) Notify the public, by advertisement in a newspaper of general circulation in 
each region in which the proposed source would be constructed, of the 
application, the preliminary determination, the degree of increment 
consumption that is expected from the source or modification, and of the 
opportunity for comment at a public hearing as well as written public comment. 
(Emphasis added). 

Petitioners 

 192. Petitioners point out that the public notice of June 19, 2002, Jt. #24, did not 

provide the following: 

*the degree of Class I increment TGC will consume in the Class I airshed in the 
Park; 
 
*the Class II SO2 increment for Christian, Daviess, Ohio and Webster Counties; 
and 
 
*the SO2 increment TGC will consume for the 24-hour and 3-hour increments in 
Muhlenberg County based on the final permitted emission rate of 0.41 lbs/MMbtu 
over a 24-hour averaging time. 31  
 

Cabinet 

 193. The Cabinet acknowledges that a few of the increment consumption numbers 

listed in the June 19, 2002, public notice Jt. #24 were inconsistent with the increment 

consumption numbers which went out in the SOB, Jt. #5, which was issued with the June 19, 

2002, public notice.  The Cabinet urges that the differences are inconsequential, however, as 

demonstrated by the charts in the Findings and comparisons below, and as demonstrated by a 

lack of any mention of the increment consumption numbers in the public notice by any of the 

persons who submitted public comments or who spoke at the July 25, 2002, public hearing. 

Cab18.  

                                                 
31 Petitioners alleged in their initial post hearing brief that the public notice “appears” to have misstated the amount 
of PM10 increment that will be consumed.  However, they do not clarify this allegation in their reply brief and stated 
that they will not further address this issue. 
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 194. The Cabinet makes the following comparisons and points out that even with the 

errors the increment being consumed is considerably below the allowable increment, and thus, 

the Cabinet urges the error is insignificant. 

*The error in the public notice underreported the 24-hour PM10 increment 

consumption by 2.3%; the allowable 24-hour PM10 increment consumption is 30 

µg/m3. 
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*The error in the public notice underreported the 24-hour SO2 increment 

consumption by 7.4%.32  The allowable 24-hour SO2 increment is 91 µg/m3. 

*The error in the public notice over reported TGC’s annual NOx increment 

consumption by 0.25%; the allowable annual NOx increment consumption is 25 

µg/m3. 

 195. The Cabinet contends that Class I increment consumption numbers are not 

required by 401 KAR 52:100, Section 5(10) and 40 CFR 51.166(q)(2)(iii) because neither 

regulation requires the inclusion of both the Class II and Class I increment consumption 

numbers.  The Cabinet maintains that the NPS and the FLM are the audience for the Class I 

increment consumption numbers. 

TGC 

 196. TGC responds, in summary, by urging that the public notice complied with the 

letter of the law by adequately fulfilling its purpose of giving interested parties a meaningful 

opportunity for public comment.  TGC notes that 401 KAR 52:100 Section 5(10) requires that 

the public notice include the “degree of increment consumption expected to occur as a result of 

TGS’s emissions.”  Even assuming that the increment consumption represents only the 

increment consumed in Muhlenberg County, which TGC maintains is the area of TGS’s highest 

impact, Petitioners offer no authority showing that the decision to provide the worst case 

increment consumption projections for Muhlenburg County would frustrate the purpose of the 

public notice. 

                                                 
32 Petitioners point out in their Reply Brief that the 24-hour SO2 Class II increment consumption in Muhlenberg 
County was based on the 0.167 lbs/MMbtu emission rate, not 0.45 lbs/MMbtu rate as the Cabinet states in its brief. 
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 197. TGC notes that the parties agree that the final short term SO2 limit was not 

developed until after the second public notice.  Because petitioners have not proven that 

increment consumption based on a short term SO2 emission rate of 0.41 lbs/MMbtu “is expected 

to occur” (quoting 401 KAR 52:100 Section 5(10)) on a continual basis (which would violate the 

30-day SO2 limit of 0.167 lbs/MMbtu), TGC urges it was reasonable for DAQ not to include 

increment numbers based on a 0.41 lbs/MMbtu emission rate. 

Petitioners’ Reply 

 198. In reply, Petitioners urge that the Cabinet’s failure under 401 KAR 52:100 

Section 5(10) to inform the public of the amount of increment TGS will consume is a 

straightforward issue that requires that a new public notice be issued containing a variety of 

increment consumption figures which were missing, including the highly controversial Class I 

SO2 increment consumption figure for the 24-hour averaging time.  Petitioners contend that TGC 

is incorrect in claiming that the published increment consumption for Muhlenberg County based 

on the 0.167 lbs/MMbtu emission rate is the “area of TGS’s highest impact”.  They point out that 

the public notice did not report TGS’s consumption of the SO2 Class I increment, which will be 

4.98 µg/m3 out of an allowable 5 µg/m3 for the 24 hour SO2 Class I increment in the Park, which 

TGC’s modeling indicated is at 99.6% of the allowable level. Moreover, Petitioners point out 

that while the public notice, using the 0.167 lbs/MMbtu rate, reports a 24-hour SO2 Class II 

increment consumption in Muhlenberg County of 20.95 µg/m3, the updated SOB, released after 

the public comment period, reported a 24-hour SO2 Class II increment consumption in 

Muhlenberg County of 53.8 µg/m3.  Jt. #7 at 32, Table 6.3.  Petitioners note that this is more than 

two and a half times as much increment consumed as the Cabinet reported in the public notice.  

Hence, the public notice does not report the “worst case” impact.   
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Conclusions on increment information 

 199. Any discussion about deficiencies in the public notice begins with what is 

required by the regulations.  If the regulation is not strictly complied with, it must then be 

decided whether these deficiencies render the public notice insufficient as a matter of law. 

  200. The regulations require that the public notice shall include “the degree of 

increment consumption expected to occur”.  The regulations do not specify whether “increment” 

refers to only Class II increment (where the source is located), or to both Class II and Class I if the 

source will also impact a Class I area.  In addition, the regulations do not specify whether the 

increment consumption is for counties beyond the county where the source is located.  When the 

regulations by their language do not require that Class I increment or counties beyond Muhlenburg 

County be included, I cannot add these requirements to the regulations.  A reasonable 

interpretation of “increment” as used in the regulation is increment in the county where the facility 

is located. 

  201. As already discussed, the final short term SO2 permitted rate of 0.41 lbs/MMbtu 

was added after the public notice, and thus was not available at the time the public notice was 

published.  I agree with the Cabinet that any discrepancies in the public notice and the SOB were 

inconsequential and would not have hindered public participation. 

  202. The parties cite numerous cases to support their positions on what is required in 

the public notice.  A recent Kentucky Supreme Court case, Knox County v Hammons, Ky., 129 

S.W.3d 839, 842-43 (2004), is instructive.  Citizens challenged an occupational tax ordinance on 

the basis that the fiscal court failed to satisfy statutory requirements in publishing the proposed 

ordinance.  Prior to passage, ordinances are required to be published, and the publication may be 

by summary.  KRS 67.077(2).  Summary is defined in KRS 67.075(2) as a “concise written 
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narrative covering the main points of any official statement, certified as to its accuracy by the 

fiscal court …”.  Contrary to the requirements of the regulation, Knox County failed to certify the 

summary as to its accuracy.  The citizens argued that KRS 67.077(2) requires strict compliance, 

and the failure to publish a summary which was certified by the fiscal court rendered the ordinance 

invalid.  In determining whether strict compliance or substantial compliance was sufficient, the 

court considered whether this provision of the statute was mandatory or directory.  Citing to 

Skaggs v Fyffe, 266 Ky. 337, 98 S.W. 2d 884, 886 (1936), the court depended “not on form, but on 

the legislative intent, which is to be ascertained by interpretation from consideration of the entire 

act, its nature and object, and the consequence of construction one way or the other.”  Thus, “if the 

directions given by the statute to accomplish a given end are violated, but the given end is in fact 

accomplished, without affecting the real merits of the case, then the statute is to be regarded as 

directory merely.”  In the Knox County case, the court concluded that KRS 67.077(2) was a 

directory provision because the intent was “to ensure that no county ordinance is passed in secret 

or without reasonable notice to the public.” 129 S.W. 3d at 843.  The court held that the fiscal 

court’s certification of the summary was not absolutely necessary to accomplish the purpose of 

KRS 67.077(2) if the summary accurately and sufficiently describes the ordinance.   Once the 

court determined that the provision was directory, substantial compliance would satisfy its 

provisions.  The court then looked at the summary which was published and determined that the 

summary sufficiently covered the main points of the ordinance and clearly informed the public of 

its nature.  Although the summary did not include the method of collection and enforcement of the 

tax, the court did not find that these provisions were  “main points” of the ordinance.  Hence, the 

court held that the publication substantially complied with KRS 67.077(2). 
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  203. Comparing the public notice here to the situation in Knox County, I conclude that 

the public notice of June 19, 2002, sufficiently covered “the degree of increment consumption 

expected to occur”.  It must be remembered that the purpose of the public notice is to inform the 

public on the public issue involved and to allow meaningful participation.  Conrad v. Lexington-

Fayette Urban County Gov’t., Ky., 659 S.W. 2d 190, 195 (1983); Merritt v City of Campbellsville, 

Ky. App., 678 S.W. 2d 788 (1988); Lyon v. County of Warren, Ky., 325 S.W.2d 302 (1959).   

B.  Informing the public of the Federal Land Manager’s finding of a potential adverse 
impact 
 

 204. Petitioners also argue that the failure of the public notice to inform the public of 

the FLM’s finding on August 22, 2002, Jt.#19, that at the 0.41 lbs/MMbtu 24-hr SO2 limit there 

is a potential adverse impact on visibility is a violation of 401 KAR 51:017 § 15(3). 

401 KAR 51:017 Section 15, Sources impacting Class I areas 
Subsection (3), Visibility analysis, provides:  
 
The cabinet shall consider an analysis performed by the federal land 
manager, provided within thirty (30) days of the notice and analysis required by 
subsection (1) of this section, that shows that a proposed new major stationary 
source or major modification may have an adverse impact on visibility in a 
Class I area.  If the cabinet finds that analysis does not demonstrate to the 
satisfaction of the cabinet that an adverse impact on visibility will result in the 
Class I area, the cabinet shall, in the public 
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notice required in 401 KAR 52:100, either explain that decision or give notice 
as to where the explanation can be explained. (Emphasis added). 

 

Petitioners 

 205. Petitioners state that DAQ never provided the public with notice of the NPS 

finding of “potential adverse impacts” on visibility at the Park at the 0.41 lbs/MMbtu level 

because the letter of August 22, 2002, Jt. #19, was written almost two months after the public 

notice (of June 19, 2002) was issued.  Petitioners urge that this lack of notice error was 

compounded by the public not having access to the 0.41 lbs/MMbtu modeling, which NPS relied 

upon in reaching its “potential adverse impacts” decision.  Petitioners point out that NPS 

technical staff expressed concern “that the public really wasn’t aware of a lot of the debate going 

on.”  P167 at 116:17-18 (Shaver depo.). 

Cabinet 

 206. The Cabinet urges that when I granted TGC’s motion for directed 

recommendation on Count 6 (Visibility/Mammoth Cave) in my April 12, 2004 Interim Report, 

Docket #257, I rejected this portion of Petitioners’ claim on Count 2.  The Cabinet argues that 

DAQ complied with 401 KAR 51:017 Section 15 when it reported in the June 19, 2002 public 

notice, Jt. #24, that it disagreed with the FLM’S original visibility determination (of February 

14, 2002) based on the revised modeling DAQ received after the modeling that led to the FLM’s 

original visibility objection.  

TGC 

 207. TGC urges that NPS’s August 22, 2002, letter simply describes the internal 

analysis that led to its ultimate determination to withdraw the adverse impact determination.  

TGC maintains that the public notice contained the required response to NPS’s earlier visibility 
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analysis of February 14, 2002.  Moreover, even if the August 22, 2002, letter amounted to an 

adverse visibility impact, it was not submitted within the 30-day period required by Section 

15(3) and DAQ was thus under no obligation to explain any disagreement to the public. 

Petitioners’ Reply 

 208. In reply, Petitioners recap the facts with regard to the FLM’s letter of August 22, 

2002, which are as follows.  The June 19, 2002, public notice informed the public of the FLM’s 

February 14, 2002, finding (Jt. #19 and P167, Shaver depo., #28-NPS 003424) that TGC’s 

emissions would have an adverse impact on visibility at the Park.  This February 14, 2002, 

finding was based on modeling done at the 0.167 lbs/MMbtu emission rate. Shaver depo., #28-

NPS 003424.  However, this modeling had an error in its input files.  Id. at NPS 003424.  The 

FLM was aware of the error in the modeling at the time it issued its February 14, 2002, finding 

of adverse impact and had new information but did not have time to complete its review of the 

new information before the public comment period ended. Id.  Thus, DOI submitted its adverse 

finding because the agency believed “it is important for KDAQ and the public to be aware of our 

concerns regarding this facility in the event the new analyses do not withstand technical 

scrutiny.” Id.  DOI did not have time to review the new information, Petitioners urge, because 

the Cabinet had not given DOI the amount of time to review the modeling matter that the 

regulations required.  In an attachment to its February 14, 2002, letter, DOI states: 

… the KDAQ should have provided us with all information relevant to the permit 
application within 30 days of receipt and at least 60 days prior to public hearing.  
Furthermore, the KDAQ should have provided the FLM the opportunity to submit 
a visibility analysis within 30 days of the KDAQ’s preliminary determination and 
before announcing the public hearing.  The KDAQ transmitted its preliminary 
determination and draft permit to the NPS on December 28, 2001.  On January 9, 
2002, the KDAQ published a public notice announcing a February 12, 2002, 
hearing on the TGS application.  The FLM did not have adequate time to consider 
the draft permit package or to make an adverse impact determination before the 
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public notice was published.  To exacerbate matters, we received additional 
material on February 6, 2002.  As a result, the public has not been notified of the 
NPS’s concerns or the reasons why the KDAQ agrees or disagrees.  This 
compromises the public’s ability to comment on this important issue, as 
envisioned by procedural requirements in the federal and state regulations.  Id at 
NPS003431. 

 

Petitioners agree with this attachment that the Cabinet’s failure to advise the public of the FLM’s 

finding of potential adverse impacts based on the 0.41 lbs/MMbtu emission rate “compromised 

the public’s ability to comment on this important issue, as envisioned by the procedural 

requirements in the federal and state regulations.” Id.  Although TGC argues that 401 KAR 

51:017 Section 15(3) does not apply to the DOI’s August 22, 2002 finding of potential adverse 

impacts because DOI did not give the Cabinet its finding within 30 days of the notice and 

analysis required by subsection (1), Petitioners point out that the Cabinet did not provide DOI 

with the modeling at the 0.41 lbs/MMbtu rate until at least July 25, 2002.  Jt. #22.  DOI 

responded within 30 days of that date.  Jt. #19.  Petitioners urge that the Cabinet cannot be 

excused from giving the public notice of the FLM’s finding simply because the Cabinet failed to 

provide the FLM with the necessary information in a timely manner.  Such an interpretation, 

Petitioners contend, would create the perverse incentive for the Cabinet to delay in providing the 

FLM with information.   
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Conclusions on informing the public of the Federal Land Manager’s finding of a potential 
adverse impact 
 
 209. I agree with the Cabinet’s assertion that I rejected this portion of Petitioners’ 

claim on Count 2 when I granted TGC’s motion for directed recommendation on Count 6 in my 

Interim Order, Docket #273.  In the Interim Order, I stated: 

In compliance with Section 15(3), the Cabinet advised the public in the public 
notice of June 19, 2002, Jt. Exh. 24, that it disagreed with the FLM’s initial 
determination that emissions from TGS would have an adverse impact on the 
Park.  While the FLM’s August 22, 2002, letter notifies the Cabinet of concerns 
regarding the 24-hour SO2 limit, it is not the finding referred to in Section 15(3), 
which must be provided by the FLM within 30 days of the notice from the 
Cabinet required by Section 15(1), and in fact had already been provided. 

 

The purpose of Section 15(3) is to give notice to the public if the Cabinet does not agree with an 

FLM’s analysis that a new major stationary source may have an adverse impact on visibility in a 

Class I area.  The June 19 public notice did just this.  When the initial finding of adverse impact 

was withdrawn and the FLM commented on the new short term SO2 limit and its potential for 

adverse impact, the Cabinet was not required by Section 15(3) to issue another public notice.  

The public was notified in the June 19 notice that the FLM had found that emissions from TGS 

would have an adverse impact on visibility at the Park and that DAQ did not concur.   

Area 3 – Statement of Basis 

A. Explaining the legal and factual basis for permit conditions 

 210. Kentucky and federal regulations require that the Cabinet not issue a final Title V 

operating permit until the U.S. EPA has had an opportunity to review and comment on the 

permit and has not objected to issuance of the permit within the 45-day period for an objection.  

401 KAR 52:100, Section 10(1). 

Subsection (2), provides that   
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The cabinet shall provide a statement that sets forth the legal and factual 
basis for the draft permit conditions, including references to applicable 
statutory or regulatory provisions, and shall send the statement to the U.S. EPA 
and to any other person who requests it. (emphasis added). 
 

 211. Before discussing each of the claims Petitioners make, there are two recent EPA 

Administrator orders, which although not controlling, speak to the issue of judging the adequacy 

of an SOB. 

 212. In the recent order of EPA Administrator Michael Leavitt, In the Matter of Los 

Medanos Energy Center, (EPA May 24, 2004) (69 Fed. Reg. 48862 (Aug. 11, 2004), 

environmental groups requested that he object to the issuance of the Title V Los Medanos 

permit.  One of the claims of Petitioners was that the permit lacked a SOB.  In reviewing this 

claim, Administrator Leavitt provided the following guidance on the content of an adequate 

SOB: 

A statement of basis ought to contain a brief description of the origin or basis for 
each permit condition or exemption.  However, it is more than just a short form of 
the permit.  It should highlight elements that EPA and the public would find 
important to review.  Rather than restating the permit, it should list anything that 
deviates from a straight recitation of requirements.  The statement of basis should 
highlight items such as the permit shield, streamlined conditions, or any 
monitoring that is required …Thus, it should include a discussion of the decision-
making that went into the development of the title V permit and provide the 
permitting authority, the public, and EPA a record of the applicability and 
technical issues surrounding the issuance of the permit. Id. at p. 11.  See also fn 
16. 

 

Administrator Leavitt continues by stating that if the permitting authority fails to provide EPA 

with an SOB, this does not necessarily demonstrate that the Title V permit is substantively 

flawed. If the record as a whole supports the terms and conditions of the permit, flaws in the 

SOB generally will not result in an objection by EPA.  However, where flaws in the SOB 

resulted in, or may have resulted in, deficiencies in the Title V permit, EPA will object to the 
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issuance of the permit. Id.  He then reviewed the permit and all supporting documentation to 

determine whether they provided the factual and legal basis for certain terms and conditions of 

the permit and found that the “failure to adequately explain its permitting decisions either in the 

statement of basis or elsewhere in the permit record is such a serious flaw that the adequacy of 

the permit itself is in question”.  Id.  Thus, he required the permitting authority to reopen the 

permit and make available to the public an adequate SOB that provides the public and EPA an 

opportunity to comment on the Title V permit and its terms and conditions as to the issues he 

identified.  Id. at 13. 

 213. Shortly after the Los Medanos case, Administrator Leavitt was again presented 

with a case in which the SOB was challenged.  In the Matter of Cargill, Inc., Petition IV-2003-7 

(EPA July 16, 2004), a challenge to a Title V permit amendment, Petitioners claimed the SOB 

was inadequate.  The Administrator restated the purpose of an SOB and stated when flaws in the 

SOB would lead to an objection.  The Administrator found that the narrative and permit record 

provided little explanation for the numerical RACT chosen, which may have resulted in a permit 

flaw.  For this reason, EPA granted Petitioners’ claim based on the inadequacy of the SOB and 

permit record on the numerical RACT limit for boiler B001.  Id. at p. 7 and 8.  In his review of 

the Cargill case, Administrator Leavitt cites New York Public Interest Research Group, Inc. v 

Whitman, 321 F.3d 316, 333 n.11 (2d Cir. 2003), and notes that he is required by the CAA to 

issue a permit objection if a petitioner demonstrates that a permit is not in compliance with the 

requirements of the Act. 

 214. Of course, here, the issue is not that DAQ failed to issue a SOB, but whether the 

SOB was adequate.  As stated in the Los Medanos and Cargill cases, if the SOB contains flaws, 

the record as a whole is then reviewed to see if it supports the terms and conditions of the permit.   
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 215. TGC cites Alaska Dept. of Envtl. Conserv. v. EPA, 124 S.Ct. 983 (2004), a recent 

U.S. Supreme Court case in which the Alaska Department of Environmental Conservation 

(ADEC) and operator of zinc mining facility petitioned for review of three enforcement orders 

entered by EPA pursuant to the CAA, which effectively invalidated a PSD permit issued by 

ADEC to the operator.  TGC cites this case for the court’s statement that “(e)ven  when an 

agency explains its decision with ‘less than ideal clarity’, a reviewing court will not upset the 

decision on that account ‘if the agency’s path may reasonably be discerned.’”  Id. at 1006.  The 

Court in the Alaska case held that the CAA authorizes EPA to stop construction of a major 

pollutant emitting facility permitted by a state authority when EPA finds that an authority’s 

BACT determination is unreasonable in light of 42 U.S.C. Section 7479(3)’s prescribed guides, 

and the Court concluded that EPA properly exercised its statutory authority in this case.  In 

reviewing EPA’s action, the Court quoted the familiar default standard of the Administrative 

Procedure Act, which asks whether the Agency’s action is arbitrary, capricious, an abuse of 

discretion, or otherwise not in accordance with law.  Under this standard, the Court found that 

EPA did not act arbitrarily or capriciously in finding that ADEC’s BACT decision lacked 

evidentiary support.  Therefore, the Court held that EPA’s orders were neither arbitrary nor 

capricious.  Id. at 1009. (See also footnote 60 on p. 260 for a factual history of this case.) 

B.  The SOB contains no explanation for the elimination of IGCC and CFB from the 
BACT analysis. 

Petitioners 

 216. Petitioners argue that the SOBs, Jt. #3, 5 and 7, are inadequate because they do not 

highlight elements that EPA and the public would find important to review and do not provide the 

permitting authority, the public, and EPA a record of the applicability and technical issues 

surrounding the issuance of the permit. 
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 217. Specifically, Petitioners cite to the following alleged inadequacies of the SOBs: 

 *The SOB contains no explanation for the elimination of IGCC (Integrated 
Gasification Combined Cycle) and CFB (Circulating Fluidized Bed) from the BACT 
analysis   
 
 *The SOB is devoid of any documentation about the technical feasibility of 
achieving a NOx limit of less than 0.08 lbs/MMbtu over a 30-day average 
 
 *The SOB does not reveal the percentage removal from TGS’s SCR or explain 
why the percentage removal could not be higher 
 
 *The SOB does not mention the modeling done for the Cumulative Assessment 
 
 *The SOB does not explain the legal and factual basis for TGC’s failure to 
conduct preconstruction monitoring for ozone 
 
 *The SOB discussion of the case-by-case MACT standard does not provide any 
factual explanation for how the mercury limit is more stringent that the best controlled 
similar source and how the mercury limit represents the maximum degree of emission 
reductions 
 
 *The SOB does not explain why emissions rates were not established based on 
the use of a baghouse or fabric filter 
 
 *The SOB fails to discuss the SO2 short-term increment (both Class I and Class 
II) and NAAQS consumption determinations based on the 24-hour SO2 emission limit of 
0.41 lbs/MMbtu 
 
 *The SOB does not discuss the evaluation of whether TGC’s hazardous emissions 
will harm humans or animals 

 
Cabinet 

 218. The Cabinet states that it did not require TGC to do an analysis of IGCC or CFB 

in its BACT analysis because under existing statutes and regulations it could not require TGC to 

redesign the proposed facility, which using these technologies would require.  Furthermore, 

Petitioners point to no statutory or regulatory requirement that the Cabinet was required to 

discuss IGCC or CFB in the SOB. 

TGC 
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 219. TGC responds by stating that the operative SOB is Jt. #7 which was issued with 

the permit on October 11, 2002.  EPA was then given 45 days to review the permit, and TGC 

states that the final permit was issued on December 6, 2002.  TGC maintains that DAQ 

explained its position on both of these issues in its response to public comments, Jt. #63 at 14, 

which was issued with the SOB, Jt. #7.  TGC goes on to state that IGCC would redefine the 

source and therefore was not required to be considered in the BACT analysis.  CFBs were also 

eliminated because TGC’s proposed control technology was as good or better than CFBs and 

CFBs were not technically feasible for facilities the size of TGS. 

Petitioners’ Reply 

 220. In reply, Petitioners first urge that the relevant SOB is Jt. #5, not Jt. #7, as TGC 

contends.  Jt. #5 was issued with the draft permit while Jt. #7 was issued with the final permit.  

Petitioners point out that contrary to TGC’s claim, all parties have been operating under the 

belief that Jt. #6, issued on October 11, 2002, was the final permit, with Jt. #8, issued on 

December 6, 2002, being only a slightly revised version of the permit.  Jt. #7, Petitioners urge, is 

the “final determination” required by the PSD regulations rather than the Title V regulations, to 

be issued with the final permit.  See 40 CFR 51.166(q)(2)(vii) & (viii), incorporated into the 

Kentucky regulations at 401 KAR 51:017, Section 16, Public Participation.  Petitioners point out 

that “obviously” the SOB, which contains an explanation of the legal and factual basis for the 

draft permit conditions, is to be issued with the draft permit to help the public and EPA 

understand the draft permit.  If, as the Cabinet and TGC maintain, that the legal basis for not 

considering IGCC and CFB in the BACT analysis is that the definition of BACT does not allow 

such a consideration, then the SOB was required to state this.  Moreover, the Cabinet’s response 

to comments, Jt. #63 at 14 (which were issued on October 11, 2002, and respond to why other 
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technologies were not selected) cannot cure the failure to provide a legally sufficient SOB that 

the public should have been able to use to prepare their comments.  

Conclusion on explaining the legal and factual basis for permit conditions 

 221. I agree with Petitioners that the SOB which is at issue is Jt. #5, which was issued 

on June 19, 2002, in conjunction with issuance of the draft permit, Jt. #4, and at the time the 

public comment period began.  Jt. #7 was the final and third version of the SOB and went out to 

EPA with the permit which was issued on October 11, 2002.  A minor permit revision was issued 

by DAQ on December 6, 2002. Jt. #8. 

 222. I am constrained by the requirements of 401 KAR 52:100, Section 10(2) which 

requires only that the SOB set forth the basis, legally and factually, for the draft permit 

conditions.  The use of IGCC and CFB are not permit conditions, and thus, no explanation is 

required in the SOB for why these technologies were rejected.  Moreover, under the 

Administrative Orders cited by Petitioners, the SOB (or elsewhere in the permit record) must 

adequately explain the permit decision.  Alternative designs and fuels were discussed in the 

permit record, e.g. Jt. #44 at Red 18. 

C. The SOB is devoid of any documentation about the technical feasibility of 
achieving a NOx limit of less than 0.08 lbs/MMbtu over a 30-day average 
 

Cabinet 

 223. The Cabinet’s response, Jt. #7 at 20, is that the SOB clearly states that the choice 

of NOx BACT was an SCR/low NOx burner configuration chosen to be below EPA proposed 

regulations on ozone and to meet the most stringent NOx limit in the RACT/BACT/LAER33 

                                                 
33 RACT/BACT/LAER means Reasonably Available Control Technology, Best Available Control Technology, and 
Lowest Achievable Emissions Rate. 
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Clearinghouse, a database maintained by EPA, which contains a listing of limits imposed on 

permitted units.    

TGC 

 224. TGC says that the NOx emission limit is explained in the permitting record by 

multiple submittals from TGC.  Jt. #33 at Red 53-54; Jt. #17 at Red 107-108. 

Conclusion on the failure of the SOB to include documentation about the technical 
feasibility of achieving a NOx limit of less than 0.08 lbs/MMbtu over a 30-day 
average 
 
 225. Again, Petitioners are requesting that the SOB explain why TGC was not required 

to achieve a certain emission limit.  As stated, 401 KAR 52:100, Section 10(2) does not require 

an explanation of terms and conditions which are not in the permit. 

D. The SOB does not reveal the percentage removal for TGS’s SCR or explain why the 
percentage removal could not be higher. 
 

Petitioners 

 226. Petitioners state that the SOB states that SCRs operate at between 60 and 90% 

efficiency when the permit provides for 55.6% control efficiency.  Also, the SOB does not 

include the boiler outlet NOx concentration, which is the SCR inlet concentration. 

Cabinet 

 227. The Cabinet states that Petitioners point to no requirement to include the exact 

NOx removal percentage or the boiler outlet NOx concentration in the SOB. 

TGC 

 228. TGC says SCR specific information is not necessary to determine the NOx 

emission rate, which was provided in the POC (pollutants of concern) table attached to TGC’s 

application. 
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Conclusion on the failure of the SOB to reveal the percentage removal for TGS’s SCR or 
explain why the percentage removal could not be higher. 
 

 229. I agree with Petitioners that when the SOB, Jt. #5 at 11, in Table 5.2 – Ranking of 

Control Technologies by Effectiveness, showed 60-90% for SCRs, there should have been an 

explanation for the permit’s 55.6% control efficiency.   

 
E. The SOB does not mention the modeling done for the Cumulative Assessment, even 
though the Cabinet’s position is that the Cumulative Assessment included modeling for 
compliance with the ozone NAAQS, as required by 401 KAR 51:017 Section 10(1) 
 

Petitioners 

 230. Petitioners point out that the SOB simply states that the Cabinet does not believe 

that TGS will cause an ozone problem “due to the construction of Thoroughbred Generating 

Station based on the level of estimated emissions of nitrogen oxides and volative organic 

compounds from the proposed facility and the amount of these pollutants currently being 

emitted….”.  Jt. #5 at 27; Jt. #7 at 35. 

Cabinet 

 231. The Cabinet responds that there is no requirement for citing the Cumulative 

Assessment, which is a public document which was published on December 12, 2001, in support 

of its conclusions on TGS’s ozone impacts. 

TGC 

 232. TGC states that this issue was not raised before or during the formal hearing.  

TGC also states that the issue of TGS’s compliance with the relevant ozone NAAQS was 

previously argued in Count 3.  In dismissing Count 3, I recognized that ozone modeling was 

conducted by EPA on a regional basis, not by an individual facility.  Interim Report, Docket 
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#273 at 7.  EPA performed the ozone modeling for the area that included TGS, and the Cabinet 

included these results in the Cumulative Assessment.  The modeling demonstrated that TGS will 

not contribute to a NAAQS violation.   

 

Petitioners’ Reply 

 233. In reply, Petitioners urge that a review of the permit record would lead the public 

to conclude that no ozone modeling was ever done.  Instead, if the determination of compliance 

with the ozone NAAQS was based on the Cumulative Assessment, this should have been stated 

in the SOB.  Petitioners cite NRDC v. Hodel, 865 F.2d 288 (D.C. Cir. 1988), a case in which the 

D.C. Circuit Court of Appeals reviewed a five-year schedule of offshore oil and gas leasing 

activity proposed by the Secretary of the Interior.  The Court at 298 stated that conclusory 

remarks do not equip a decision maker to make an informed decision. 

Conclusion on the failure of the SOB to mention the modeling done for the Cumulative 
Assessment   
 
 234. Petitioners do not refute TGC’s claim that this issue was not raised before or 

during the formal hearing.  For this reason, I decline to review this claim. 

F. The SOB does not explain the legal and factual basis for TGC’s failure to conduct 
pre-construction monitoring for ozone 
 

Cabinet 

 235. The Cabinet points out that I already ruled in my Interim Report, Docket #273, p. 

7, that Petitioners’ claims regarding preconstruction ozone monitoring are without merit.  

TGC 
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 236. TGC argues that this issue was not raised before or during the formal hearing, and 

in addition, TGC urges that this issue was dismissed in Count 3. 

Conclusion on the failure of the SOB to explain the legal and factual basis for TGC’s 
failure to conduct pre-construction monitoring for ozone 
 

 237. Petitioners do not refute that TGC’s assertion that this issue was not raised before 

or during the formal hearing.  Thus, it will not be considered.   
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G.    The SOB discussion of the case-by-case MACT standard does not provide any factual 
explanation for how the mercury limit in the permit is more stringent than the best 
controlled similar source and how the mercury limit represents the maximum degree of 
emission reductions 
 

Petitioners 

 238. While the SOB contains a reference to “Additional information reviewed” upon 

which DAQ bases its conclusion that the 80% removal is equal to the best controlled similar 

source, such a reference does not identify the material relied upon. Jt. #5 at 4. 

Cabinet 

 239. The Cabinet states that the fact that DAQ simply referenced the case-by-case 

MACT discussion in the permit instead of reproducing it, verbatim, in the SOB, does not make 

the SOB flawed and is not a reason for revoking or remanding the permit. 

TGC 

 240. TGC says this claim was not raised by Petitioners before or during the formal 

hearing.  Regardless, the SOB contains an entire section devoted to the MACT determination. 

Conclusion on the failure of the SOB discussion of the case-by-case MACT standard to 
provide any factual explanation for how the mercury limit in the permit is more stringent 
than the best controlled similar source and how the mercury limit represents the maximum 
degree of emission reductions 
 

 241. Petitioners do not refute the assertion that this claim was not raised prior to or 

during the formal hearing.  Thus, it will not be considered.  

H. The SOB does not explain why emissions rates were not established based on the use 
of a baghouse or fabric filter. 
 

 

Cabinet and TGC 
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 242. The Cabinet and TGC state that the use of a baghouse or fabric filter for mercury 

was adequately addressed by the Cabinet in its Final Response to Comments, Jt. #63 at 15, which 

was sent out with the final proposed permit on October 11, 2002, and also at Jt. #17 at 104-105; 

146-148, TGC’s responses dated September 16, 2002. 

Petitioners’ reply 

 243. In reply, Petitioners urge that even in Jt. #7 at 23 the SOB has no explanation of 

the legal or factual basis for the Cabinet’s conclusion that a dry ESP is equivalent to baghouse 

for control of non-criteria pollutants. 

Conclusion on the failure of the SOB to explain why emissions rates were not established 
based on the use of a baghouse or fabric filter. 
 

 244. I agree with Petitioners that the SOB should explain DAQ’s reason for concluding 

that a dry ESP is equivalent to a baghouse or what the “clear technical concerns”, Jt. #63 at 15, 

are that justify the use of ESP controls. 

I. The SOB fails to discuss the SO2 short-term increment (both Class I and Class II) 
and NAAQS consumption determinations based on the 24-hour SO2 emission limit of 0.41 
lbs/MMbtu 

 
 245. The omission of this information in Jt. #5, the SOB Petitioners rely on, is because 

DAQ did not even have the 0.41 lbs/MMbtu modeling when this SOB was issued on June 19, 

2002.   
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Cabinet 

 246. The Cabinet states that the final SOB, Jt. #7, contains the 0.41 lbs/MMbtu 24-

hour SO2 limit at pg. 21, 31 and 34.  Furthermore, the emissions limit in the final permit is more 

stringent than the one previously public noticed. 

TGC 

 247. TGC’s response is that Jt. #7 discusses the final SO2 short term limit of 0.41 

lbs/MMbtu at 31. (“A block maximum average emission rate over 24 hour period to protect the 

NAAQS and the Class II PSD increments has been set at 0.41 lbs/MMbtu based on additional 

modeling.”).  This SOB clearly states that the tables providing the short-term NAAQS and 

increment numbers are “based on a 0.41 lbs/MMbtu” emissions limit.  Id. at 32-33. 

Conclusion on the failure of the SOB to discuss the SO2 short-term increment (both Class I 
and Class II) and NAAQS consumption determinations based on the 24-hour SO2 emission 
limit of 0.41 lbs/MMbtu 
 

 248. As I concluded earlier in this Count, Petitioners were advised of the less stringent 

0.45 short term SO2 emission rate, Jt. #5 at 13, in the public notice of June 19, 2002.  The fact 

that a more stringent rate was later decided upon would not have denied the public from 

commenting on this issue. 

J.  The SOB does not discuss the evaluation of whether TGC’s hazardous emissions will 
harm humans or animals 



 114

Cabinet 
 

 249. The Cabinet responds by stating that Petitioners have put on no evidence to show 

that it is required to do a risk assessment on the TGC facility.  This is a case-by-case 

determination under 401 KAR 63:020, Kentucky’s air toxics regulation. 

TGC 

 250. TGC states that this claim was not raised before or during the formal hearing.  

Relying on the Cumulative Assessment, DAQ reasonably determined that TGS would not have a 

harmful effect on humans and animals.   

Petitioners’ Reply 

 251. In reply, Petitioners again state that if the Cabinet’s obligations under 401 KAR 

63:020 were met by the Cumulative Assessment, the SOB was required to so state. 

Conclusion on the failure of the SOB to discuss the evaluation of whether TGC’s hazardous 
emissions will harm humans or animals 
 

 252. Although Petitioners do not refute that this issue was not raised earlier, my 

conclusion on Count 1 addresses this claim by finding that 63:020 requires that the Cabinet 

evaluate the impact of TGS’s potentially hazardous or toxic substances on animals.  The SOB 

should discuss this evaluation.  

Area 4 - Response to public comments 

 253. For permits which require public review, the Cabinet is required to prepare a 

response to the comments received during the comment period. 

 254. 401 KAR 52:100, Section 2, Public Comment Period, provides: 

(1) For permit actions that require public review, the cabinet shall: 
… 
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(b) Prepare a response to the comments received during the comment period. 
(Emphasis added). 
 

Petitioners 

 255. Petitioners maintain that DAQ did not adequately respond to IDEM’s comments, 

all of which were based on federal requirements applicable to Kentucky, not Indiana specific 

requirements.  Also, in responding to public comments about protecting human health, 

Petitioners urge that DAQ initially stated that it had no authority to regulate human health.  Now 

DAQ’s response is that it does have authority, but the Cumulative Assessment fulfilled its 

obligation. 

Cabinet 

 256. The Cabinet points out that Petitioners fail to identify which of the thousands of 

public comments DAQ received to which it failed to respond.  Also, it urges that Tom Adams 

addressed each and every comment to which IDEM witness Nisha Sizemore testified. 

TGC 

 257. TGC responds by stating that DAQ responded to each of IDEM’s comments; 

IDEM simply did not like the response.  Also, DAQ actually met with IDEM to review their 

concerns and the meeting was attended by technical staff and management personnel from both 

departments.   

Petitioners’ reply 

 258. In reply, Petitioners urge that DAQ is required to actually provide a written 

response to all comments, not rely on changes in the permit as its response.  Petitioners also 

point out that DAQ’s response to some comments reflects a different position than DAQ took 

later.  
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Conclusion on response to public comments 

 259. There are several cases which speak to the standard of review when an agency’s 

responses to comments are challenged.  In Natural Resources Defense Council v. U.S. 

Environmental Protection Agency, 859 F.2d 156, 188 (D.C. Cir. 1988), the court reasoned that 

“(t)he APA requirement of agency responsiveness to comments is subject to the common-sense 

rule that a response be necessary.  Failure to respond is not grounds for APA invalidation unless 

the points raised in the comments were sufficiently central that agency silence would 

demonstrate the rulemaking to be arbitrary and capricious. (citations omitted) The fundamental 

purpose of the response requirement is, of course, to show that the agency has indeed considered 

all significant points articulated by the public; in addition, agency responsiveness aids in the 

Congressionally sanctioned process of judicial review of agency action. (citation omitted).”  In 

Mt. Diablo Hospital v. Shalala, 3 F.3d 1226, 1233 (9th Cir.1993), the court held that “(t)here is 

no obligation to make references in the agency explanation to all the specific issues raised in 

comments.  The agency’s explanation must simply enable a reviewing court to see what major 

issues of policy were ventilated by the informal proceedings and why the agency reacted to them 

the way it did,” citing to South Carolina ex rel. Tindal v Block, 717 F.2d 874, 886 (4th Cir. 1983), 

cert denied, 465 U.S. 1080, 104 S.Ct. 1444, 79 L.Ed.2d 764 (1984).   

 260. In Newport Steel Corp. v. Natural Res. and Envtl. Prot. Cabinet, File No. DAQ-

24117-043 (Feb. 18, 2000) at 25-26, 2000 WL 1232396, a case heard by this Office, Newport 

urged that DAQ’s response to comments did not adequately articulate its rationale or reasons for 

requiring CEMS and did not respond to specific comments Newport made.  The Secretary 

concluded that DAQ reasonably articulated its reasons for requiring CEMS and rejecting other 

periodic monitoring approaches.  “The purpose of these provisions is to alert affected persons to 
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the reason for the decision, and the information given does fulfill that goal.  While detail was not 

provided, in its response to comments DAQ did state the same reasoning for the decision that it 

has stated throughout this proceeding.” 34   

 261. In stating that DAQ did not adequately respond to IDEM’s comments, Petitioners 

cited to P158 at 39:1, which is the deposition of Janet McCabe, assistant commissioner of 

IDEM’s Office of Air Quality.   In response to the question whether IDEM believes that DAQ’s 

response to comments (and SOB) inadequately explained the rationale for DAQ’s 

determinations, Ms. McCabe responded: 

To the extent that suggestions that we made were not accepted by Kentucky, at 
least in some of those instances we felt like they either didn’t accept them because 
they just disagreed with them and they had a rationale for them or for some other 
reason.  And in the technical support document in response to comments, in at 
least some of those instances, and I’d have to go back and review them all to see 
if it’s all of them, where we continued to have concerns, we felt that their 
explanation was not adequate.  So had they given more explanation – there’s a 
difference between did they explain it enough, did they not explain it enough or 
do we just disagree with their explanation.  And I think there was some of both. 

 

Basically, McCabe seems to be saying that DAQ’s explanation to IDEM’s comments about 

technical support documents was not adequate in some instances.  This generalization by Ms. 

McCabe and Petitioners’ failure to point to specific comments and specific responses prevent me 

from determining whether DAQ’s responses were inadequate.  

 262. Next, Petitioners urge that in response to public comments about protecting 

human health, DAQ initially stated that it had no authority to protect human health.  Jt. #63 at 

18.  Now, however, DAQ states that it does have authority, and the Cumulative Assessment 

                                                 
34 Petitioners state that this “unpublished administrative determination is not binding precedent”.  Contrary to 
Petitioners’ assertion, a final order of the Secretary of this Cabinet is binding on a Hearing Officer in this Cabinet 
unless it can be distinguished factually from the subject case or unless there are legal reasons why the Hearing 
Officer would urge the Secretary to reconsider the ruling in the prior case. 
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fulfilled its obligation.  The comment to which Petitioners refer, from the Sheet Metal Workers 

International Association, is: 

“(w)hat are the accumulated projected health effects on the general populace downwind 
from the proposed site?  What are the potential acute health effects?  What are the long-
term chronic health effects?  Who is responsible and liable for health effects caused by 
this plant?” 

 

DAQ’s response was as follows: 

The Natural Resources and Environmental Protection Cabinet has general authority under 
Kentucky Revised Statutes Chapter 224 to maintain an air quality program.  The division 
is not authorized to establish health standards.  TGS, as designed and permitted, will 
meet all applicable state and federal standards for protection of the environment. 

 

 263. I agree that a reference to the Cumulative Assessment, in which the Cabinet 

conducted a human health risk assessment, and which in this litigation the Cabinet urges 

constitutes compliance with 401 KAR 63:020, was the appropriate response. 

 264.    In summary on Count 2, with a few exceptions, the Cabinet complied with the 

public participation requirements during the permitting process.   

 

COUNT 8  - Additional Impacts Analysis, Soils, Vegetation 

Count 8 - Findings 

Overview 

 265. Section 14 of 401 KAR 51:017 requires TGC to provide an analysis of any 

impacts on soils, vegetation and visibility that might result from emissions from its facility, as 

well as emissions from growth associated with its facility. 
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 266. Petitioners maintain that the Cabinet did not require the type of Additional 

Impacts Analysis required by Section 14 of TGC’s pollution impacts on soils, vegetation and 

visibility in Class II areas.  Moreover, Petitioners urge that TGC did not offer any data in support 

of its summary conclusions, did not include any impacts from associated growth in its modeling 

analysis, and did not obtain a list of local types of soils and vegetation and determine their 

sensitivity to pollutants emitted from the facility.  Furthermore, TGC did not do an analysis of its 

impacts plus background, as EPA’s guidance suggests, before comparing that concentration to 

the screening levels provided in the guidance document. 

 267. The Cabinet points out that although EPA was initially not satisfied with the 

Additional Impacts Analysis submitted by TGC, EPA was apparently satisfied with the 

supplemental analysis submitted by TGC.  The Cabinet points out that the area surrounding the 

facility is post-mining reclamation and partial agriculture, not pristine forest, and for this reason, 

DAQ was comfortable with the level of detail devoted to Section 14.   

 268. TGC acknowledges that it did not add background concentrations to its impacts 

before comparing them to the EPA guidance document screening values.  However, TGC urges 

that these issues were raised and resolved during the permitting process when DAQ responded to 

a comment by EPA by stating that Section 14 only requires TGS to determine its impact, along 

with secondary growth, on soils and vegetation.  In summary, TGC states that when EPA and 

DAQ requested a more detailed analysis than the original Additional Impact Analysis submitted, 

TGC sought guidance on how to perform the analysis, and both DAQ and EPA accepted the 

additional submittal.  TGC maintains that DAQ’s acceptance of the analysis was reasonable and 

had a sound basis in fact.  

General Findings 



 120

269. The pertinent portions of 401 KAR 51:017 Section 14, Additional Impact 

Analysis, provide as follows: 

(1) The owner or operator shall provide an analysis of the impairment to 
visibility, soils and vegetation that would occur as a result of the source or 
modification and general commercial, residential, industrial and other 
growth associated with the source or modification.  The owner or operator is 
not required to provide an analysis of the impact on vegetation having no 
significant commercial or recreational value. 
(2) The owner or operator shall provide an analysis of the air quality 
impact projected for the area as a result of general commercial, residential, 
industrial and other growth associated with the source or modification. 
(emphasis added). 
 

 270. TGC provided its initial Additional Impact Analysis in the February, 2001, Permit 

Application. Jt. #61, Section 7.5, at Red 100-02. The analysis includes four brief sections:  

7.5.1  Construction and Growth Impacts 
7.5.2  Impact on Soil 
7.5.3  Impact on Vegetation 
7.5.4  Impact on Visibility 

 
 271. The testimony adduced regarding these four sections is as follows: 

 In the Construction and Growth Impacts section, TGC estimated that it would employ 

some 1,000 people from the local community where possible during construction, and permanent 

employees would be about 500.  Industrial growth associated with TGC is expected to be fairly 

minimal because the kinds of industries which supply ongoing materials are already in place as a 

result of other power plants in the area. 4/22/02 TE at 26, 28. (Tickner).  According to Tickner, 

to evaluate the labor forces which were available, TGC talked to “various local administrative 

folks, labor unions, universities, community colleges, economic development folks…” 4/22/04 

TE at 28 (Tickner).  No documentation was made of these conversations.   Peabody was also 

familiar with the mining work force unemployment based on its history of mining operations in 

the area.  Id.  
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 272. In the other three sections, Soil, Vegetation, and Visibility Impacts, TGC used a 

qualitative approach.  This approach considered that the area in the vicinity of TGS is reclaimed 

surface mined land and partial agriculture, not “a pristine area”.  In other words, it was not 

expected that there would be a sensitive species there.  5/4/04 TE (Handy).  The significance of 

the TGC project being in a postmining area is that the vegetation is “rather robust …and is not a 

sensitive ecosystem development”.  4/15/04 TE at 33. (Adams).  TGC acknowledges that “(a)ny 

facility emitting significant amounts of particulates, SO2, and NOx has a theoretical potential 

impact on visibility through atmospheric discoloration and reduction of visual range…”  

However, because of the rigorous evaluation of visibility impairment in the nearby Class I area, 

TGC assumed that the visibility in the Class II areas would be similar.  5/4/04 TE at 28 (Handy).  

TGC determined that there were no visually sensitive areas designated in the area except for the 

Class I area of the Park.  Jt. #57 at Red 100; 1/12/04 TE at 82 (Handy); see also 5/4/04 TE 

(Handy).  TGC concluded that if it could get approval in the Class I area for visibility, then it 

assumed the rest of the Class II areas would also be similar.  Also, TGC would be held to opacity 

requirements coming out of the stack in the near-field, which people will see in the Class II area 

near the facility.  5/4/04 TE at 28-29 (Handy).  

273. The Cabinet’s position is that there are “no resources, no state parks, no culturally 

significant areas and such that have been identified in this area where a small to moderate 

decrease in visibility would be of concern.” 4/15/02 TE at 35 (Adams). Sensitive Class II areas 

are supposed to be cultural resources, unspoiled areas and such.  4/15/04 TE at 34 (Adams). 

Also, “modern power plants aren’t having these highly localized effects that one of the old 

power plants would have.”  Id. at 36.   
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274. In its initial analysis, TGC considered only impacts from SO2 and NOx.  

Subsequently, EPA and DAQ asked TGC “to do some other type of screening to insure that 

some of these pollutants, some of the metals that are in here, nickel, selenium and stuff, to do 

some type of additional analysis, screening analysis to show they would not cause harm, either.” 

5/4/04 TE at 18 (Handy).  TGC consulted with DAQ and EPA Region 4 to ask for guidance on 

determining what screening values to use because the Kentucky regulations are silent as to 

approved screening values.  5/4/04 TE 59-60, 63, 89 (Handy).  EPA recommended and provided 

the screening values found in “A Screening Procedure for the Impacts of Air Pollution Sources 

on Plants, Soils, and Animals”, Report EPA 450/2-81-078, Dec. 12 1980 (the “EPA Screening 

Guidance”). P104-39.  

275. The EPA Screening Guidance, P104-39 at 27, provides for steps to be followed in 

using the guidance document.  Specifically, this guidance document provides that the air 

pollution impacts from TGS are to be added to background levels to get a total ambient 

concentration before comparing that concentration to the screening levels provided in the 

guidance document.  P104-39 has a diagram, Fig. 5.1 on p. 26, labeled Pollutant Pathways, 

showing that ambient air concentration is made up of the source and background concentrations.  

276. In its October 26, 2001, revised permit application, TGC provided a supplemental 

Additional Impact Analysis in Section 7.5 to address EPA’s concerns for additional analyses.  Jt. 

#57 at Red 96-100. Revisions were made in two sections, the Impact on Soil and Impact on 

Vegetation sections. No changes were made in the other two sections, Construction and Growth 

Impacts or the Impact on Visibility sections.    

277. TGC acknowledges that it did not follow the step in the EPA guidance document 

which requires that impacts from TGS are to be added to background levels.  Handy stated that 
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neither EPA nor DAQ directed it to follow all the steps in the EPA Screening Guidance.  5/4/04 

TE at 60-62 (Handy).  TGC contends that the guidance was to be consulted only for the 

screening values it contained.  Id. at 86-87.  Handy said he told EPA and DAQ how TGC 

intended to use the EPA Screening Guidance.  Id. at 20, 60.   

278. Table 7.5.2-1 of TGC’s supplemental Impact on Soil section provides the metals 

analysis.  Jt. #57 at Red 98.  The table “uses the modeling results for the various pollutants” to 

calculate the deposited concentrations for various metals that were then compared “to a 

screening value for either soils or plant tissue.”  5/4/04 TE at 22 (Handy).   

279. Table 7.5.3-1 of TGC’s supplemental Impact on Vegetation section addresses 

impacts on vegetation from SO2 and NOx.  Jt. #57 at Red 100.  This table “looks at SO2 and NOx 

and compares those to the sensitive vegetation numbers that were provided in the … screening 

analysis document.” 5/4/04 TE at 24. (Handy).  The sensitive vegetation numbers are the most 

conservative and should be used as indicated in footnote “d” to Table 3.1 in P104-39, p. 11, 

“unless it is known that only intermediate or resistant plants will be affected.” Section 3.2.2, 

P104-39, p. 10, states that the values in Table 3.1 “represent the minimum concentrations at 

which adverse growth effects or tissue injury in exposed vegetation were reported in the 

literature.” 

280. In TGC’s comparison of the modeled impacts to the sensitive vegetation 

screening values, the modeled impacts were “well below the screening values”. 5/4/04 TE at 27. 

281. In response to TGC’s supplemental analysis, EPA included the following 

Comment 8 regarding Vegetation Impacts.  Jt. #44, February 28, 2002 Comments, at Red 34:  

The vegetation sensitivity levels used for impact comparison are ambient 
concentrations.  These values were inappropriately compared with modeled 
incremental Thoroughbred concentration.  The cumulative ambient concentrations 
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from all emission sources should be used for comparison with table 7.5.3-1 
vegetation sensitivity levels. 
 
282. TGC responded on March 10, 2002, at Jt. #44 at Red 34 as follows: 

As previously indicated in our December 12, 2001 and February 28, 2002 
responses, it is not appropriate to use cumulative concentrations for comparison to 
the sensitivity levels, since the goal is to predict the impacts associated with the 
facility being proposed.  KYDAQ’s PSD Regulation 401 KAR 51:017 Section 
14(1) states that the applicant shall provide the analysis of the impacts on soil and 
vegetation as a result of the source, or modification.  Additionally, it has been 
demonstrated that the impacts from the facility will be below the secondary 
national ambient air quality standards, which were established to ensure there will 
be no harmful effects on soils and vegetations. 

 

283. On July 18, 2002, EPA Region 4 sent a letter to DAQ responding to its revised 

SOB and the revised draft permit, dated June 19, 2002, Jt. #4 and 5.  The following comment is 

made with regard to the Additional Impact Analysis: 

g. Additional Impact Analysis – PD/SB (preliminary determination/statement of 
basis) Section 7 results for the Additional Impact Analysis do not reflect the 0.45 
lb/MMbtu SO2 short-term emission rate.  Because the target sensitivity levels 
used for vegetation impact assessment are associated with total concentrations, 
proper comparison can only be made with cumulative modeled concentrations 
that include all emission sources.  The application incorrectly used only 
incremental Thoroughbred concentrations.  TGC218, p. 3. 

 

284. TGC’s response to this letter is found in Jt. #17, Responses and Comments, dated 

September 16, 2002, at Red 12: 

As indicated in the August 9, 2002 letter from Dianna Tickner to Don Newell 
(Attachment 3), TGC emissions are insignificant in comparison to the current acid 
deposition rate (i.e. less than 1% of the current deposition rate).  Therefore, TGC 
does not need to perform cumulative modeling for vegetation impacts.  Analyses 
performed with respect to the EPA requested 24-hr SO2 limit have demonstrated 
to the satisfaction of NPS and KYDAQ that all NAAQS Class I and Class II 
increment issues have been addressed. 
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285. DAQ’s final response to public comments, Jt. #63 at 12, states: “…401 KAR 

51:017 only requires TGS to determine their impact, along with secondary growth, on soils and 

vegetation.  TGS has performed that required analysis.”  Adams testified that TGC’s analysis 

was more thorough than in most states. 6/14/04 TE (Adams).    

286.  In the final SOB, Jt. #7 at 35, DAQ concluded: 

The project lies in an area of mainly post mining use.  No significant off-site 
impacts are expected from the proposed action.  Therefore, the potential for 
adverse impacts to either soils or vegetation is minimal.  It is concluded that no 
adverse impacts will occur to sensitive vegetation, crops or soil systems as a 
result of operation of the proposed project. … 
 
Additionally, the Commonwealth of Kentucky has not determined any Class II 
areas in the vicinity of the proposed plant to have visual sensitive criteria 
established.  Therefore, no significant change in visibility is expected from the 
facility. 

 

287. Though the project lies in an area of mainly post mining use, Petitioners point out 

that all of the area between the Park and TGS is not reclaimed surface mine.  The significant 

impact area (SIA), as determined for the SO2  NAAQS modeling, is a circle of some 50 kms. in 

all directions from the facility.  Within the SIA is an area designated by Peabody as a wildlife 

management area, which has not been undermined, on the opposite side of the road from the 

plant, which is leased to the Kentucky Fish and Wildlife Service.  12-5-03 TE at 8:17-10:2; 

P176- location map.  No study was done of the vegetation or soils within that area.  In addition, 

there are numerous homes within 10 miles of TGS, in the vicinity of Central City, and areas 

which are being farmed.  P167 (location map showing homes). 

288. In rebuttal, Dr. Fox contacted a Kentucky botanist, Dr. Julian Campbell, who 

confirmed that numerous species of both woody plants and grasses and agricultural crops which 

are sensitive to SO2 occur within 30 miles of Central City. Listed as woody plants within 30 
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miles of Central City are the following: “Eastern white pine, Large-toothed aspen, Green ash, 

Yellow birch, Lowbush blueberry, Lombardy poplar, Black willow, Oaks, Paper birch, Poplar, 

Willow, Norway spruce, Virginia pine and Shortleaf pine”.  Listed as grasses and agricultural 

crops within 30 miles of Central City are the following: “Alfalfa, Blue-grass cultivars, Ryegrass, 

Buckwheat, Red clover, Radish, Pea, Rhubarb, Timothy, Swiss chard, Turnip, Cucumber, 

Tomato, Potato, Raspberry, Spinach, Cabbaga, Corn, Soybean, Green onion, Carrot, Chili pepper 

and Peanut.” PR333; 6/2/04 TE at 37-51.. Petitioners equate many of the sensitive species 

identified in PR333 as being “commercially or recreationally significant”.  Section 14 provides 

that an analysis of the impact on vegetation is not required on vegetation if it has “no significant 

commercial or recreational value”.  

289. Also in rebuttal, Petitioners point out that TGC did not evaluate what ozone 

damage would occur to vegetation below the eight-hour ozone NAAQS. The EPA guidance 

document points out that the screening concentration for ozone for an eight-hour average is 0.06 

ppm, while the eight-hour ozone NAAQS is 0.08 ppm. P104-39 at 11.  A 2001 letter from the 

NPS states that “(v)egetation and soils can be impacted by air pollution concentrations at or 

below the NAAQS”. TGC22 at TB000867.  Petitioners urge that it is arbitrary for TGC to take a 

screening value for SO2 out of the EPA Screening Guidance, but not take a screening value for 

ozone out of the same document.  The Cumulative Assessment, Jt. #11 at 33, notes that some 

areas may fail to meet the 8-hour ozone standard.  These are areas where there are additional 

emissions associated with power plants.  Petitioners suggest that Respondents should have 

compared the data from the ozone modeling in the Cumulative Assessment to the ozone 

screening value of 0.06 over an eight hour average in the EPA Screening Guidance.   

Count 8 – Parties’ Arguments 
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Petitioners 

290. Petitioners argue that TGC’s supplemental soils and vegetation analysis is flawed 

because the Cabinet did not require TGC to add background concentrations to the modeling 

results before comparing them to the EPA guidance screening values.  They urge that the 

screening values from the EPA Screening Guidance, P104-39, are a standard to be compared 

against a source’s impact plus background35. P104-39 at 27.  See also 5/4/04 TE 57:20-59:10 

(Handy).  Failure to consider the pollution which is already in the air results in a predicted 

concentration that has no relationship to reality.  

291. EPA’s Region 4 confirmed that the screening values are to be compared against a 

source’s impact plus background. P23 at 15 (Comment 8).  See also TGC218 at 3.  In contrast, 

TGC compared its impacts alone, without background concentrations, to the values from the 

EPA Screening Guidance.  Although Handy, TGC’s consultant, chose to use the EPA Screening 

Guidance, he did not use TGC’s impact plus background because “(t)hat’s all we’re required to 

do.  You have to look at the source’s impacts on the soils and vegetation as part of the additional 

impact assessment.”  Id.   

292. Petitioners seek to demonstrate that they proved that TGS’s pollution will have an 

impact to vegetation above the acceptable level in the EPA guidance document, P104-39, which 

                                                 
35 Petitioners clarify that a cumulative analysis means an analysis of the impacts to TGS and other major sources (as 
was done for the NAAQS and increment modeling), while background can include pollution transported a long 
distance but does not necessarily include other major nearby sources because there is no way to know if those other 
sources were contributing or even operating when the ambient air monitoring data was gathered.  In my Interim 
Report, Docket #273, I state that “I agree with TGC and the Cabinet that there is no reference in Section 14 
requiring that the analyses of the impact of emissions be cumulative, i.e., a consideration of the impact over 30 
years, for example.”  My recollection is that when I questioned Cabinet counsel regarding the meaning of 
cumulative in the context of Section 14, the response was that it meant over a number of years.  Thus, this reference 
in the Interim Report does not speak to the issue at hand as to whether the analysis required by Section 14 is to 
include TGS’s impacts plus background. 
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TGC and the Cabinet chose to use. 6-2-04 TE at 28:16-29:11 (Fox).  In PD190-4036, a 

demonstrative exhibit prepared during the testimony of Handy (TGC’s expert), it is shown that 

TGC’s computer modeling, P223, predicted that TGS will create SO2 concentrations of up to 

276.2 µg/m3.  The actual ambient air before TGS begins emitting pollution showed a high 

concentration of 594.19 µg/m3 and second high concentration37 of 575.87 µg/m3.  PD190-40, 

citing PD104-39.  (The figures used in PD190-40 are local records from the TVA Paradise 

facility because PD104-39 at 32 suggests that local records be used.)  Thus, Petitioners point out 

that even using the less conservative concentration value of 575.87 µg/m3 would result in an 

impact of 852.07 µg/m3 when TGS begins emitting pollution. PD190-40.   This exceeds the 

screening value for 3-hr SO2 of 786 µg/m3 from Table 3.1 of the EPA guidance document. 

293. In response to claims by TGC and the Cabinet that the EPA Screening Guidance 

does not require the use of the maximum background concentration, Petitioners refer to P104-39, 

p 32, which states that it is not addressing background concentrations for gaseous criteria 

pollutants (such as SO2).  “For these gases, it was felt that local records would be likely to 

provide more timely and complete information”.  Id.  Petitioners point out that the figures used 

in PD190-40 are local records from the TVA Paradise facility.  Petitioners also point out that 

PD104-39 at 32 discusses background estimates for annual averaging time, whereas PD190-40 

addresses SO2 impacts based on a three-hour averaging time.  Dr. Fox testified that when doing a 

screening risk assessment for short term averaging times, the high value is used because 

                                                 
36 PD190-40 is entitled Comparison of 1993 3 hr highest calculated background value and TGS’s 1986 High-First-
High 3 hr predicted impacts to screening value found in P104-39 Table 3.1 
37 High concentration and second high concentration are a modeler’s way of saying the highest and second highest 
number at a particular receptor.  11-17-03 TE at 62 (Scire).  
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screening risk assessments are supposed to involve conservative assumptions. 6/02/04 TE 22:18-

23:12.   

294. Although TGC claims that EPA accepted the TGC analysis, the only support for 

this claim are statements by Ecton that EPA did not object to issuance of the permit.  Petitioners 

urge that the fact that EPA did not formally appeal the permit proves nothing.  See e.g. In the 

Matter of an Air Pollution Control Construction Permit Issued to Wisconsin Electric Power 

Company for the Elm Road Generating Station, Permit No. 03-RV-166, located in Oak Creek, 

Wisconsin, Case No.: IH-04-03 (Wisc. Div. of Hearing and Appeals Aug. 3, 2004) at 11, in 

which the Administrative Law Judge notes the very limited extent to which EPA historically 

challenges a state permitting decision.  

295. Petitioners also point out that the predicted impact values TGC relies on for the 

one-hour and three-hour SO2 impacts in Jt. #57 at 100 are incorrect because they are based on an 

emission rate based on the 0.167 lbs/MMbtu 30-day permit limit rather than the higher 0.41 

lbs/MMbtu 24-hour permit limit in the current permit.  As stated before in this report, this is 

known because at the time the permit application, Jt. #57, was submitted, the 0.41 lbs/MMbtu 

emission rate did not exist. 

296. With regard to TGC’s argument that compliance with the NAAQS shows there 

will be no impacts to soils and vegetation, Petitioners point out that Congress has made clear that 

the PSD program is to protect public health and welfare (including effects on soils, crops, 

vegetation, animals, wildlife and visibility) “notwithstanding attainment and maintenance of all 

national ambient air quality standards.”  42 U.S.C. Section 7470(1); Section 7602(h).  In 

addition, the NPS stated that “(v)egetation and soils can be impacted by air pollution 

concentrations at or below the NAAQS.” TGC22 at TB000867. 



 130

297. Petitioners add that they believe it is arbitrary for TGC to take a screening value 

for SO2 out of the EPA Screening Guidance and not take a screening value for ozone out of the 

same document.  Even accepting that ozone modeling is not done on an individual basis, 

Petitioners point out that the Cumulative Assessment shows that ozone modeling can identify a 

problem caused by one particular proposed power plant.  Petitioners suggest that Respondents 

should have compared the data from the ozone modeling in the Cumulative Assessment to the 

ozone screening value of 0.06 over an eight-hour average in the EPA Screening Guidance. 

298. Turning now to the analysis required by Section 14 of impairment and associated 

growth, Petitioners suggest that Ms. Tickner’s testimony as to communications she had on this 

issue is not credible because it came after denial of TGC’s motion for directed recommendation 

on this issue and because Handy, not Tickner, was the consultant preparing the permit.  In 

addition, Petitioners point out that there is no documentation of any such conversations, as 

recommended by the NSR Manual. Jt. #9 at D.1.   

299. Finally, Petitioners point out that TGC failed to perform an analysis of 

impairment to visibility outside the Class I area.  Petitioners argue that TGC’s reliance on the 

fact that Kentucky has not determined any Class II areas in the vicinity of the proposed plant to 

have visual sensitive criteria is misplaced.  Jt. #7 at 35.  TGC’s reliance is based on a theory that 

its pollution will stop at its boundary and thus affect only post-mining areas.  This is 

inconsistent, Petitioners urge, with the fact that the significant impact area (SIA) for the Class II 

modeling for SO2 was 50 km and the fact that there were also impacts on visibility at the Park, 

which is over 70 km away.  Jt. #5 at 24, Table 6.2.  TGC did not conduct an analysis of the 

visibility impacts closer to TGS such as in Central City or in the nearby wildlife management 
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area, even though at a distance of over 70 km, TGC’s pollution can decrease visibility by over 

16%.  See P100-4 at 3, Table 4, year 1996. 

Respondents 

300. Respondents state that Petitioners’ sole support for their arguments is language 

from guidance documents.  While pointing out that neither the NSR Manual nor EPA technical 

guidance are binding on the Cabinet, Respondents urge that TGC’s analysis comports with the 

NSR Manual’s suggested approach for an Additional Impacts Analysis, i.e., it considered the 

“visual quality of the area” (post-mining use with no visually-sensitive areas) and the analysis 

qualitatively evaluated the possibility of near-field visibility impairment (it conducted an 

aggressive Class I visibility analysis; there are capacity limits on a well-controlled modern 

facility). Jt. #9, Chapter D, II D (p D.6).  Thus, TGC concludes that the decision that additional 

computer modeling was not warranted was reasonable. 

301. With regard to the screening value for SO2, Respondents claim that there is no 

regulatory requirement that the lowest conceivable screening value ever reported in the literature 

must be used.  In fact, there is no regulatory screening value for SO2 beyond the secondary 

NAAQS. They urge that ozone modeling, other than that conducted in the Cumulative 

Assessment, is irrelevant with respect to an additional impacts analysis. 

302. TGC and the Cabinet emphasize that the area in the vicinity of TGS is reclaimed 

surface mine land, and thus, impacts to soils and vegetation are not a concern.  However, Handy 

acknowledged that within the area where TGS’s pollution will have impacts, there are non-

mined lands including Central City and a wildlife management area.  5/4/04 TE at 34:17-36:20 

and 93:14-94:18.  In rebuttal, Petitioners introduced evidence that sensitive vegetation is located 
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near the TGS proposed site.  See e.g. PR333; 6/02/04 TE 51:13-23.  Respondents objected to this 

testimony coming in by rebuttal.   

303. Respondents claim that TGC’s Class II qualitative visibility analysis was more 

than adequate, i.e. since there was no adverse impact to visibility at the Park, this is a good 

indicator that problems are not perceived in the other areas.  DAQ agreed that TGS would not 

cause an adverse impact on visibility.  DAQ did not expect a large visibility impact anywhere 

from TGS. 4/15/04 TE at 35-36 (Adams).  Adams testified that he “discussed with Region 4 

what they had expected to see down on this visibility impairment and it’s just not a commonly 

invoked provision of the regulations, partially because experience shows that modern power 

plants aren’t having these highly localized effects that one of the old power plants would have.” 

Id. at 36.  In addition, the emissions from TGS are not predicted to cause a violation of 

secondary NAAQS, which are standards set to protect ecosystem concerns.  Id. at 37. 

304. In a rebuttal exhibit, the Cabinet introduced the Plum Point Energy permit in 

Arkansas dated October 31, 2003, to show that in the Soils and Vegetation Analysis, the 

Arkansas Department of Environmental Quality found that because all pollutants are below the 

secondary NAAQS levels, Plum Point’s emissions are not expected to result in harmful effects to 

the soils and vegetation in the area.  CabR227-1 at p. 7.38 

Count 8 – Conclusions   

Analysis of impacts on soils and vegetation 

305. Following TGC’s initial analysis, when EPA and DAQ requested that TGC do a 

screening analysis for soils and vegetation, TGC asked for guidance on determining what 

                                                 
38  However, I note that CabR 227 at p. 6, shows that Plum Point’s emissions are added to background before the 
comparison to NAAQS. 
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screening values to use.  EPA recommended the screening values in its guidance screening 

procedure. P104-39.  As stated, this guidance document clearly states that air pollution impacts 

from TGS are to be added to background levels to get a total ambient concentration before 

comparing that concentration to the screening levels provided in the guidance document.  In 

spite of this requirement, TGC and DAQ continue to maintain that Section 14 requires only an 

analysis of impairment from TGS and other growth, without adding background to the source.  

They do not explain how the screening values from the EPA guidance document, which are 

based on the concentration from the source plus background, can be compared to the impact 

from only TGS.  They simply rationalize that because this is not a pristine area, the level of 

detail in the analysis was good enough.  Handy’s testimony to the effect that EPA somehow 

acquiesced to TGC using the guidance document only for the screening values it contains, and 

not for the steps in the guidance document, is not credible.  Indeed, EPA persisted in submitting 

comments that advised TGC to add background concentrations to its impact before a comparison 

with screening values.  Jt. #44 at Red 34; TGC218 at 3.  It is elemental that a PSD applicant 

cannot demonstrate that its impact will not exceed EPA screening levels by taking screening 

levels from the EPA guidance document and using them in a manner not recommended by the 

guidance document.   When an EPA guidance document is used, as here, it must be used in 

accord with the steps prescribed for its use.  In addition, it is my conclusion that 401 KAR 

51:017, Section 14, requires that TGS’s impacts must be added to background before an analysis 

of the impairment to visibility or an analysis of the air quality impact.  To do otherwise ignores 

the reality that TGS is not the only source impacting the visibility and air quality in the Class II 

area.   
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 306. Although Adams testified that no sensitive vegetation was identified in the area, 

4-14-04 TE at 85; 4-15-04 TE at 33-34, his testimony is challenged by rebuttal evidence adduced 

by Petitioners showing that many sensitive species are found within 30 miles of Central City.  

Despite objections to this evidence, it is appropriate evidence to rebut Adams’ testimony.  Both 

TGC and DAQ failed to consider that the pollution from TGS will not be limited to the area 

which Respondents describe as post-mining reclamation.  As stated, there is a wildlife area 

designated by Peabody within the SIA, numerous homes within 10 miles of TGS, and crops 

grown in the area.  In spite of these facts, TGC did not actually investigate whether there were 

sensitive species within the SIA. 

Analysis of construction and growth impacts 

307. Although the Construction and Growth Impacts section does not evidence the 

conversations Ms. Ticker testified occurred, in light of Peabody’s previous mining activity in the 

area, and its familiarity with the area, including the mining work force unemployment, I do not 

find the Construction and Growth Impacts section to be inadequate. 

Analysis of impacts on visibility 

308. With regard to the impact on visibility, TGC acknowledges that it did not conduct 

an analysis of impairment to visibility outside the Class I area.  Instead, it relied on the Class I 

visibility analysis and the fact that there are no “visual sensitive criteria” established in any of 

the Class II areas in the vicinity of the plant.  Section 14, however, specifically requires an 

analysis of the impairment to visibility in the Class II area, with no exceptions if there are no 

visual sensitive criteria in the area. I conclude that it is reasonable to conclude that the analysis 

include the SIA, especially considering the proximity of Central City and the wildlife area to 

TGS. 
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309. Based on the above, I conclude that DAQ erred by approving TGC’s Additional 

Impacts Analysis which was not performed in accord with 401 KAR 51:017, Section 14.  The 

specific flaws in the Additional Impacts Analysis are the following: comparison of TGS’s 

impacts alone to screening values in EPA’s Screening Guidance, P104-39, instead of comparing 

impact values from the facility plus cumulative ambient concentrations to the screening values;  

failure to conduct an analysis of impairment to visibility within the Class II SIA of TGS; and 

failure to consider whether there is vegetation within the SIA which has significant commercial 

or recreational value.  

310. I recommend that on remand, TGC be required to perform and submit an 

Additional Impacts Analysis in accord with these conclusions. 

 

COUNT 9 – Best Available Control Technology (BACT) 

Count 9 - Findings 

Overview  

311. Since TGS is a new major stationary source, it is required to apply the best 

available control technology (BACT) for each pollutant subject to regulation under the CAA that 

it will have the potential to emit in significant amounts.  401 KAR 51:017 Section 9(2).  A 

BACT analysis is performed for each pollutant subject to PSD review.  Thus, the emissions of 

PM/PM10, SO2, NOx, CO, VOC, beryllium, H2SO4 (sulfuric acid mist) and mercury are subject to 

BACT review. Jt. #33 at Red 14.  BACT is an ongoing consideration during the permitting 

process until the date the permit is issued, in this case, October 11, 2002. 
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 312. Petitioners contend that DAQ’s BACT determinations are not supported by a 

reasoned analysis, and the TGC permit has emission limits which are not BACT.  Specifically, 

Petitioners allege that the BACT analyses involve numerous errors, including:  

 * Failure to follow the top-down analysis 
 * Failure to consider CFB and IGCC 
 * Rejection of coal washing 
 * Failure to consider using higher quality coal 
 * Permit limits for NOx, SO2, PM39 and mercury are not BACT  
 * No BACT determination for the coal and fly ash handling systems 
 * No BACT determination for the auxiliary boiler 
 
 313. The Cabinet maintains that the law and the relevant evidence support DAQ’s 

decision which was based on what is “achievable for that source”, in accord with the definition 

of BACT.  The Cabinet urges that “achievable for that source” means what was achievable for 

the plant as designed by TGC, i.e. two 750 MW pulverized coal-fired boilers burning western 

Kentucky coal.   

314. TGC also urges that BACT does not require a “redefinition” of the proposed 

source or the use of unproven technology.  It maintains that DAQ’s determinations reflect this 

and the case-by-case nature of BACT determinations, and the record supports DAQ’s reasoned 

justification for its BACT determinations. 

Experts’ Opinions  

315. Petitioners presented: Dr. Phyllis Fox, who was recognized as an expert in the 

review of air permit applications as they relate to BACT; Bill Powers, who was recognized as an 

expert in environmental engineering and air pollution control technology; Nisha Sizemore, 

IDEM engineer, who drafted the comments on the TGC permit; and Don Shepherd, 

                                                 
39 Petitioners are now in agreement that the PM limit of 0.018 lb/MMbtu is BACT as a result of Revision #2 which 
clarified that the limit is for combined filterable and condensable PM. 
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environmental engineer, Air Resources Division, NPS, who has some 26 years experience in 

making and reviewing BACT determinations. 

316. The Cabinet presented Tom Adams, senior environmental engineer, DAQ’s 

Permit Review Branch. 

317. TGC presented  Bryan Handy, a consultant with KEC who was recognized as an 

expert on BACT analyses and requirements; Tom Lillestolen, an engineer and director of Global 

Technology for ALSTOM, who was recognized as an expert in air pollution control equipment, 

design and evaluation; and Ms. Tickner, project manager for TGS. 

318. Dr. Fox and Shepherd are clearly the most experienced witnesses in their personal 

experience of preparing and reviewing BACT analyses. A summary of the five major witnesses 

on this Count follows. 

Dr. Phyllis Fox 

319. In preparing her opinions related to the BACT analysis prepared by TGC, Dr. Fox 

reviewed all of the discovery production by Respondents, some 50,000 pages of material.  She 

attended and/or reviewed the deposition transcripts of all witnesses who gave testimony on 

BACT.  She also did extensive research on her own to pull together additional information.  

While she has not personally prepared a BACT analyses for a coal-fired power plant, as 

emphasized by TGC, she has reviewed quite a few and has prepared and/or reviewed hundreds 

of BACT analyses on a variety of pollution control systems.  Dr. Fox notes that she is not 

proposing any specific emission limits for TGC, and she has not gone through a formal top-down 

BACT analysis for TGS.  However, she is proposing lower emission limits for TGS. 

320. Dr. Fox’s opinion regarding the sufficiency of the final BACT determination is 

that the Cabinet relied on information provided by TGC, which was inadequate.  Thus, the 
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determination made by the Cabinet was inadequate.  Although the Cabinet attempted to do some 

additional research of its own, the Cabinet does not have the resources to do the kind of review 

that is required for such a large, complex project.  It is the applicant who has the obligation to do 

the research and develop the database or develop the information on which a BACT 

determination should be based. 

 321. Upon being asked whether there is a single pollution control train that TGC could 

have selected that would produce lower emissions limits that were achievable over the long term, 

Dr. Fox recommends an SCR system that is designed for a larger NOx reduction efficiency 

because the current permit limit, based on 55.6%, is a very low NOx removal efficiency for SCR.  

This could be followed by a fabric filter baghouse, which would allow TGS to achieve a higher 

PM limit and would also reduce some of the SO2 and capture a greater fraction of the mercury.  

She would couple the fabric filter baghouse with sorbent injection, much like the TULEP and 

B&W “How Low Can You Go?” paper, to be followed by either a wet FGD and ESP or a 

circulating dry scrubber.  With the circulating dry scrubber, the wet ESP would not be needed 

because a circulating dry scrubber removes essentially 100% of the SO3, and the main purpose of 

the wet FGD is to take out the SO3.   12-2-03 TE at 169 (Fox).  The technologies that were not 

included in the BACT analyses, but should have been, include: circulating dry scrubber, fabric 

filter, powdered activated carbon with a baghouse, and an SCR that would achieve 90% NOx 

removal.   

Don Shepherd 



 139

322. Shepherd’s testimony was provided via his videotaped deposition and transcript. 

P160, and P160A and B40.  Shepherd became involved with the TGC permit application early in 

2001.  This was the first pulverized coal-fired boiler that he had seen in the NPS’ Air Resources 

Division office.  Shepherd testified that the general approach of NPS, Air Resources Division, is 

to “work out the issues”, which he said meant that the NPS would rather come to a mutually 

acceptable resolution on a permit than deny the permit. 

323. His review involved looking at what emission rates and control technologies are 

being proposed by the applicant and comparing that to his office’s knowledge of the state of the 

art of control technology, as well as what other similar applicants are proposing or being 

permitted to do.  He saw that pollution control technology was evolving and improving over the 

time that his office was reviewing the TGC application. 

324. At the time of permit issuance, his Air Resources Division thought that the 

control technology that TGC selected was appropriate, but it could be used more effectively.  

Since issuance, Shepherd has modified his views to believe that the 30-day rolling average limit 

for SO2 is appropriate, and even very good, for the kind of coal TGS is burning, but the short-

term limit is too high.  He thinks the short-term limit should be in the 0.2 lbs/MMbtu range.  The 

NOx limit could be lower, down to 0.07 lbs/MMbtu, based on a number of power plants which 

are achieving, or proposed, or permitted at rates lower than TGS.  

325. The particulate limit could be lower, probably not higher than 0.10.  He thinks 

that coal washing may have been the best opportunity to reduce SO2, but it was not adequately 

                                                 
40 Exhibit 2 to Shepherd’s deposition is a set of tables which he compiled during the time NPS was actively 
reviewing TGC’s application, with the exception of a permit or two issued after TGC’s permit.  The set of tables 
ranks power plants by their emission rates for all pollutants.  Exhibit 3 to his deposition was generated in January 
2003, after the TGC permit was issued, and is organized for sulfur dioxide in a different way, i.e. by ranking power 
plants according to the increasing sulfur content in the coal. NOx and PM are ranked solely by emission limits.  
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tested for feasibility and the economic analysis of coal washing was not adequate.  He thought 

that more analysis should have been conducted on the feasibility of other types of mercury 

control, such as coal washing which would reduce the sulfur input to the boiler. Another 

consideration Shepherd mentioned was substitution of a coal with less sulfur.  However, because 

this was a mine mouth plant, he felt such an analysis would be beyond the bounds of a BACT 

analysis.   

326. In sum, he believes that the BACT analysis was not adequate to support the final 

determinations in the permit.   

Tom Adams 

 327. At the time of the TGC permit, Adams had done two or three engineering reviews 

of BACT determinations.  He described BACT determinations as rather protracted negotiations 

between the applicant and the agency.  He said that although the NSR Manual is a perfectly 

acceptable way to determine a BACT, it does not touch on multi-pollutant concerns.  He believes 

that all DAQ’s BACT determinations are appropriate and the BACT emission limits in the TGC 

permit represent the best available technology as of October 11, 2002. 

Bryan Handy 

 328. As KEC’s project manager for the TGS project, Handy gathered information for 

the BACT submittals, contacted other regulatory agencies, performed research, and interviewed 

potential vendors.  Handy estimated that he worked on about 10 PSD applications with BACT 

analyses while he was employed with DAQ and about 10 since his employment with KEC; not 

all were on coal-fired power plants.  Handy is of the opinion that all the BACT determinations 

reached by DAQ are correct. 

Tom Lillestolen 
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 329. Tom Lillestolen is the director of Global Technology at ALSTOM, the 

technology control vendor which submitted a bid for TGS.  He opined that the technology 

selected and approved for TGS is the best AQC (air quality control) equipment for the TGS 

plant, and there was no commercially available technology which would achieve lower emission 

limits as of October 11, 2002. 
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COUNT 9 – General Findings  

Conducting a BACT analysis 

330. Kentucky’s BACT definition, found in 401 KAR 51:017 Section 1(8), provides in 

pertinent part: 

 “Best available control technology” means an emissions limitation (including 
a visible emission standard) based on the maximum degree of reduction for 
each pollutant subject to regulation under 42 USC 7401 to 7671q (Clean Air 
Act), which would be emitted from a proposed major stationary source or major 
modification which the cabinet, on a case-by-case basis, taking into account 
energy, environmental, and economic impacts and other costs, determines is 
achievable for that source or modification through application of production 
processes or available methods, systems, and techniques, including fuel 
cleaning or treatment or innovative fuel combustion techniques for control of 
that pollutant.  (Emphasis added). 
 
331. Drawing from the definition, there are certain key elements to a BACT 

analysis: 

a.  It is a case-by-case analysis. 

b.  BACT limits must be achievable. 

c.  Control technology must be available. 

d. Candidate BACT limits can be eliminated on the basis of energy, 
environmental, and economic impacts and other costs. 
 

332. It is generally accepted that a BACT limit is to be determined through a top-down 

BACT analysis, although a top-down analysis is not required by the CAA.  A top-down BACT 

analysis is the process that EPA developed for implementing the definition of BACT, which was 

set out in a series of EPA guidance memoranda that go back to the mid 1980s and was finally 

solidified in the draft October 1990 New Source Review Workshop Manual (NSR Manual)  Jt. 

#9 at B.5.  As agreed by the parties, the draft October, 1990, NSR Workshop Manual is not 

binding on DAQ because it has not been incorporated in the regulations.  However, as also 
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agreed by the parties, it is relevant guidance information and as such, it is appropriate for use by 

the Cabinet.41  DAQ does follow a top-down approach in making BACT determinations.  5-3-04 

TE 192:23-25 (Andrews).    

333. In each of the BACT analyses TGC submitted, it cites to the NSR Manual as 

being the guide for conducting a BACT analysis and indicates that it followed the draft BACT 

guidelines. Jt. #61 at Sec. 4; Jt. #57 at Sec. 4; Jt. #33 at Sec. 4.  DAQ also notes that TGC 

submitted a top-down BACT analysis following the NSR Manual.  Jt. #3 at 13; Jt. #5 at 10; Jt. #7 

at 18.  

334. Both Dr. Fox and Shepherd testified that the NSR Manual is “the bible” for doing 

BACT analyses.  Dr. Fox stated that the NSR Manual is used in every state in which she has 

worked. “(T)he only process I have seen in 20 odd years of doing this in 20 odd states is the top-

down BACT process as outlined in the NSR Manual”.  6-1-04 TE at 78:1-3 (Fox).  Bill Powers 

also stated that the NSR Manual has been the base template for top-down BACT analyses since 

the late 1980s.   

335. The steps in a top-down BACT analysis, as set out in the NSR Manual, Jt. #9, 

Chapter B, are as follows:  

Step 1 - Identify all control technologies  
List is comprehensive (Lowest Achievable Emissions Rate - LAER included). 
 

Step 2 - Eliminate technically infeasible technologies 
Clearly document that technical difficulties would preclude the successful use of 
the control option. 
 

Step 3 - Rank the remaining control technologies by their control effectiveness   
 Ranking should include: 

                                                 
41 See Order entered on February 1, 2004, Docket # 249, Order Granting TGC’s Motion for a Ruling that the Draft 
October 1990 NSR Workshop Manual is Not Binding on DAQ, But Denying Request to Exclude Evidence 
Pertaining to the Manual. 
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 control effectiveness (percent pollutant removed) 
 expected emission rate (tons per year) 
 energy impacts (BTU, kWh) 
 environmental impacts; and 
 economic impacts  
 
Step 4 - Evaluate the most effective controls and document results  

Case-by-case consideration of energy, environmental and economic impacts.  If 
the top technology is selected, it is unnecessary to evaluate the energy, 
environmental, or economic impacts of the various technologies. 
 

Step 5 - Select BACT 
BACT is the most effective option that was not rejected based on  
cost, energy or environmental reasons.  
 

336. Adams described the sources of information to be considered in a top-down 

BACT analysis. 4-12-04 TE at 68-69.  He finds permit limits are the most reliable information 

because “regulatory agencies actually have authority to insure and monitor that these limits are 

being achieved at all times.”  Id. at 69.  The next most important source to Adams are permit 

applications, even though the emission limits in applications “almost always go down from when 

an application comes in to when the permit is issued, but … with some of these multi-pollutant 

concerns, sometimes they get adjusted up or down based on other considerations.”  Id.  

Following permit applications, he finds CEMS data the most important as a “good indication of 

approximately the level a source can meet.  Id. at 70-71.  Next in importance is vendor 

information, followed by short-term stack tests. Id. at 74, 77.   

337. When asked the most common way to set BACT in the U.S., Dr. Fox agrees that 

looking at BACT determinations of other agencies is one of the most common.  She finds it an 

acceptable way to set a BACT limit as long as it is not the only method used.  “One should 

additionally consult other sources of information including applications, journal articles, vendor 

guarantee information, short-term performance tests, experience overseeing.” 11-18-04 TE at 41-
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44.  With regard to TGC’s reluctance to use vendor guarantees in its BACT analysis, Fox points 

out that all vendor guarantees that she relies on in her testimony have been backed up by short-

term performance tests, and the NSR Manual specifically identifies short-term performance tests 

as one of the things that can be relied upon in performing a BACT analysis.  She states that 

because vendors are on the hook financially for the guarantees that they make, they back up their 

guarantees by performance tests. 

338. Don Shepherd opined that the following are appropriate considerations in making 

a BACT determination:  vendor guarantees (although he does not put a lot of stock in vendor 

guarantees), plant proposals and demonstrations, CEMS results, and findings by other regulatory 

agencies.  

 339.  The NSR Manual lists the following sources for inclusion in a BACT analysis:   

1) EPA’s BACT/LAER Clearinghouse (a database maintained by EPA containing a list of 

limits imposed on permit units); 

2) BACT guidelines and determinations made by the South Coast Air Quality Management 

district or SCAQMD;  

3) control technology vendors;  

4) federal, state, local new sources review permits and associated inspection/ performance 

tests; 

5) environmental consultants;  
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6) technical journals, reports and newsletters (e.g. the McIlvaine Newsletters42 and the referee 

journals, like the Journal of the Air Pollution Control Association), air pollution control 

seminars; and 

7) EPA’s New Source Review bulletin board.  Also mentioned are technologies in 

application outside the U.S. if they have been successfully demonstrated in practice on full scale 

operations.  Jt. #9, the NSR Manual, at B.11. 

TGC’s BACT Analyses 

340. TGC submitted the following BACT analyses and supplemental information. 

(Issuance of the draft permits and final permit are also listed): 

* February 28, 2001 initial application, Jt. #61 
* October 26, 2001 revised application, Jt. #57 
* December 12, 2001 responses to comments from DAQ, EPA, 
 and NPS, Jt. #56 
* December 28, 2001 first draft permit, Jt. #2 
* February 28, 2002 response to follow-up comments from EPA Region IV, 
 NPS and others, TGC185 
* March 10, 2002 response to EPA comments, Jt. #44 
* April 24, 2002 coal washing submittal, Jt. #42 
* May 10, 2002 responses to inquiries from DAQ, EPA Region IV and 
 others, Jt. #41, 
* May 29, 2002 addendums to the October 26, 2001 application, Jt. #33 
* June 19, 2002 second draft permit, Jt. #4 
* September 16, 2002 responses and comments on the second draft permit, 
 Jt. #17, and 
* October 11, 2002 final permit, Jt. #6 

 

341. TGC’s initial BACT analysis is found in its initial application submitted on 

February 28, 2001, Jt. #61 at Red 27-56. TGC identifies the NSR Manual as a guide to 

                                                 
42 Dr. Fox described the McIlvaine report as a widely read journal that reports news in the power industry.  The 
McIlvaine report is specifically referenced in the NSR Manual as one of the sources to be considered. 
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performing a BACT analysis.  TGC’s BACT analysis was based solely on one source, the 

RACT/BACT/LAER Clearinghouse.  This application proposed the following limits: 

SO2  0.294 lb/MMbtu*43 
NOx  0.10 lb/MMbtu* 
PM/PM10 0.018 lb/MMbtu 
VOC  0.072 lb/MMbtu 
CO  0.10 lb/MMbtu* 
H2SO4  0.306 lb/MMbtu* 

Id. at Red 55. 

342. The NPS, EPA and DAQ filed comments stating that these proposed limits would 

not be acceptable because of adverse impact to visibility and other air quality related values at 

the Park. TGC22.  

343. In order to address these concerns, TGC took several steps.  It had Black & 

Veatch prepare an evaluation of the effectiveness and risks posed by technologies (P137-61), 

TGC personnel investigated technologies and traveled to plant sites in the U.S. and Europe. 12-

11-03 TE at 111-121(Tickner).  TGC states that it “was interested in finding the lowest 

emissions levels achievable in practice.” 

344. Based on information compiled, TGC and Black & Veatch prepared a bid 

specification and requested bids on the air quality control system (AQCS) to meet limits that 

modeling showed would be needed to address the visibility issues.  P177, July 27, 2001.  The 

specification listed certain emission levels for which TGC was seeking a guarantee. 3-16-04 TE 

(Lillestolen).  The requested specification was 0.10 lbs NOx/MMbtu and a request for alternative 

bids at 98% and 99% removal efficiency for SO2. 12-11-03 TE at 132-33; 122-23 

                                                 
43  Based on a 30 day average 
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(Tickner).  Most bidders offered to meet 0.08 lbs NOx/MMbtu.  No one submitted a bid on the 

alternate 99% removal of SO2, and no one bid lower than 0.018 lbs/MMbtu for PM. 

345. Only one bidder, ALSTOM, submitted complete commercial terms. 12-11-03 TE 

at 138 (Tickner).   Lillestolen, director of Global Technology at ALSTOM, testified that he is not 

stating that the limits in the TGC permit are the lowest ALSTOM could guarantee.  3-16-04 TE.  

Lillestolen is not aware that TGC asked ALSTOM whether it could achieve a lower NOx, SO2 or 

PM limit or asked the “how low can we go” question.  With regard to PM, he says ALSTOM is 

quite aggressive on particulates, so it would struggle very hard to make a more stringent 

guarantee.  Id. at 110.  He does not give an opinion as to whether the NOx, PM or SO2 emission 

limits are the best limits achievable by the control technology selected for the TGC plant.  Id. at 

106.  When a customer desires an emission level lower than ALSTOM can readily guarantee, the 

Global Technology group gets involved in making a technical risk assessment and a 

determination as to whether ALSTOM could support a guarantee. 

346. Lillestolen distinguished between “technically feasible technology”, 

“demonstrated technology” and “commercially available technology”.  While acknowledging 

that there was “technically feasible technology” which would achieve lower emission levels for 

TGC as of October 11, 2002, he was not aware of “demonstrated technology” which could 

achieve lower emission levels and stated there was no “commercially available technology” 

which would achieve lower emission levels.   

347. Lillestolen is in agreement with the ALSTOM letter in Jt. #44 at Red 99, stating 

that “(b)ased on this information and taking into consideration the contingencies described, the 

DRY ESP–WET FGD-WET ESP is the best AQC technology for this specific plant.” 
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348. Based on ALSTOM’s bid, TGC revised its permit application and on October 26, 

2001, submitted its final complete application and a revision to its BACT analysis.  Jt. #57 at 

Red 26-57.  The revised application contained the following proposed BACT limits: 

SO2  0.167 lb/MMbtu 
NOx  0.09 lb/MMbtu 
PM/PM10 0.018 lb/MMbtu  
VOC  0.0072 lb/MMbtu 
CO  0.010 lb/MMbtu 
H2SO4  0.00497 lb/MMbtu 

Jt. #57 at Red 55. 

349. Although TGC’s consultants indicated a need for a cushion, and thus did not 

propose 0.08 for NOx, TGC subsequently acquiesced to DAQ’s and EPA’s position that the NOx 

limit should be 0.08 lbs/MMbtu.  Jt. #30; 5-3-04 TE at 217 (Handy).  Later, TGC agreed to a 

short-term SO2 limit of 0.41 lbs/MMbtu with a commitment to reduce it further based on two 

years of operational data.  TGC maintains that this short-term SO2 limit is not meant to be a 

BACT limit.  1-6-04 TE at 86 (Handy). 

350. In response to the first draft permit, EPA expressed its concern with the “paucity 

of information sources referenced” in TGC’s BACT analysis and states that the only reference 

source TGC cites is the RBLC (RACT/BACT/LAER Clearinghouse) database, which “is a 

starting point, not an ending point”.  Jt. #44 at 12.  EPA continues, “we note that Peabody is 

considered the world’s largest coal company.  We would expect from this position that Peabody 

would have access to a wealth of information about coal-burning power plants that goes well 

beyond the information in the RBLC”.  Id.  EPA lists examples of references which should have 

been consulted, including NOx control levels at the existing coal-fired power plants that have 

SCR, the SO2 control levels at coal-fired power plants that have installed FGD, specific technical 

articles, control methods and emission rates proposed by Peabody for the Prairie State Energy 
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Campus in Illinois (which is essentially identical to TGS), and permits and permit applications at 

some ten pulverized coal boiler projects which EPA lists but which is not meant to be inclusive 

of all new projects in the U.S. and does not include projects in other countries or retrofits of 

existing PC boilers.  In summary, EPA states “the applicant cites only five projects as 

comparable with the proposed Thoroughbred Generating Station.  We believe that this falls far 

short of being an adequate comparison.”  Id. at Red 13. 

351. On May 29, 2002, TGC submitted Addendums, Jt. #33, to its October 26, 2001, 

application.  The Addendums contained TGC’s refined top-down BACT summary at Red 4-79, 

and again, refer to the NSR Manual as the guide for performing a BACT analysis, at Red 16.   

Addendum 1 was intended to replace the earlier BACT demonstration in the October 2001 

application and to identify additional projects. Addendum 1 contains Table 4.2-1 which is TGC’s 

revised BACT Comparison of New, Proposed, and Permitted Coal Fired Power Plant Emissions 

Limits. Jt. #33 at Red 21.  This table lists 27 power plants in the U.S. in addition to TGS, all of 

which were either proposed or permitted.  The power plants were not limited to PC boilers or to 

western KY bituminous coal.  Eleven of the power plants were Circulating Fluidized Bed (CFB) 

units; the rest were PC boilers and one plant was SCPC (supercritical pulverized coal).  None 

were Integrated Gasification Combined Cycle (IGCC).  

352. TGC evaluated each of the facilities in Table 4.2-1, noting the similarities and 

differences between TGS and each of the facilities.  The facilities were evaluated according to 

the following categories: MW, unit type, permit or application, date filed, agency, primary fuel, 

emission limits lb/MMbtu, and equipment.  In notes beside each facility, TGC compared each 

facility to TGS based on the following: 

1.  Boiler design is not similar 



 151

2.  No emission limit/emission limit too high for current BACT 
3.  No BACT analysis/Net out on PSD 
4.  Primary fuel is not similar 
5.  Similar boiler design and fuel use  
6.  No permit yet/not demonstrated 
 
353. TGC eliminated virtually all of the facilities identified, without getting to the step 

in a top-down BACT analysis where the applicant analyzes cost effectiveness or unacceptable 

energy or environmental impacts.  The plants using CFB were eliminated because the boiler 

design was not similar and the primary fuel was not similar.   

 354. Ms. Tickner maintains that TGC’s BACT analyses were used to derive the permit 

limits as opposed the BACT limits being based on the control technology selected (as Petitioners 

argue).  However, a Black & Veatch document dated September 17, 2001, entitled Client 

Meeting to Discuss Permit Status, at p. 3, bullet 12, states “Develop BACT analysis based on 

control technology selected.” P137-116. 

355. In questioning, Ms. Tickner is asked whether TGC left out a lot of information 

available to the company about lower limits being achieved for SO2, PM and NOx, as well as the 

range of control effectiveness available by SCR and the technical feasibility of coal washing.  

Ms. Tickner stated that she would not characterize it that way because TGC presented a lot of 

information on removal rates to the Cabinet.     

DAQ’s BACT Determinations 

 356.  In doing its BACT determination, DAQ contacted some other states to be aware of 

what they were doing with respect to BACT determinations.  4-15-04 TE at 8-9 (Adams).  

Adams also received EPA’s “cheat sheet” of power plants and recent permits, although he notes 

that certain recent permits were not on the EPA sheet. Cab30.  DAQ worked closely with Region 

4 on BACT issues.  4-12-04 TE at 39 (Adams). 
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 357. Although DAQ and TGC considered clean coal technologies, such as IGCC and 

CFB, these technologies were not subjected to a BACT analysis.   IGCC was rejected because 

DAQ and TGC believe this would require “redefining” the source and had not been 

demonstrated at the size of TGS (750MW). Specifically, DAQ does not believe that IGCC is an 

“innovative fuel combustion technique”, which the definition of BACT requires to be 

considered.  CFB was also rejected because it had not been demonstrated at the size of TGS.  

Alternative fuels were considered, but rejected because DAQ determined it did not have 

authority to require TGS to change fuels.  Jt. #63 at 14-15.  The use of coal washing to reduce 

SO2 was rejected on the basis of energy, environmental and economic impacts. 

 358. DAQ determined that BACT for the PC boilers at TGS to be: 

SO2  0.167 lbs/MMbtu 
NOx  0.08 lbs/MMbtu 
PM   0.18 lbs/MMbtu 
VOC  0.0072 lbs/MMbtu 
CO  0.10 lbs/MMbtu 
H2SO4  0.00497 lbs/MMbtu 

 

Parties’ Arguments on the meaning of “Available” and “Achievable for that Source” 
 

 359. As stated earlier, there are certain terms in the definition of BACT which are key 

elements to a BACT analysis.  While the parties are in agreement as to the meaning of some of 

these elements, they strongly disagree on other elements.  Since a resolution on these elements 

will influence whether the BACT analyses were flawed and resulting BACT determinations are 

arbitrary, they will be discussed at this point. 

 360. The two elements which are most contentious are the meaning of “available” and 

“achievable for that source”. 

Available 
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Petitioners 

 361. While not binding on Kentucky, Petitioners cite to several EPA Environmental 

Appeals Board decisions, in urging that “available” refers to a technology which sufficient data 

indicate has the realistic potential for application to the regulated pollutant.  In re Pennsauken 

County, 2 E.A.D. 667, 671 (EAB 1988), the Board states that a control technology is “available” 

when “there are sufficient data indicating (but not necessarily proving)” the technology “will 

lead to a demonstrable reduction in emissions of regulated pollutants or will otherwise represent 

BACT.”  In re Ogden Martin Systems of Onondaga, Inc. et al, 2 E.A.D. 405, 410, note 12, (EAB 

1992), the Board states that “ ‘(a)vailable’ control options are those which are known to have 

realistic potential for application to the regulated pollutant.”  In re Brooklyn Navy Yard 

Resource Recovery Facility, 3 E.A.D. 867, 874-875 (EAB 1992), the Board states that in 

determining whether removal of nitrogen-containing materials was BACT for nitrogen oxides 

emitted from a municipal waste incinerator, the “threshold question is whether there is sufficient 

indication that a separation program would reduce emissions beyond the levels achieved by the 

conventional control technologies already included in the permit.”  In addition to these decisions, 

Petitioners cite the TULEP proposal (Thoroughbred Ultra Low Emissions Project - an “advanced 

technology envelope”) which TGC made to US DOE in 2001 for one of its two 750 MW units at 

TGS as an example of an “available” technology.  P137-53. 

TGC 

362. TGC, on the other hand, argues that “available” means a control technology 

which has been demonstrated in practice, i.e. demonstrated successfully on full-scale operations 

for a sufficient time to be considered proven.  Thus, control technologies which require 
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government subsidies, as well as theoretical, experimental or developing technologies, are not 

“available” in TGC’s opinion.  

Cabinet 

363. The Cabinet does not ascribe any particular meaning to the term “available” in its 

post hearing brief. 

Achievable for that source 

Petitioners 

 364. Petitioners argue that “achievable” requires only a reasonable expectation, based 

on engineering principles, that the BACT limits can be met. Petitioners urge that the regulation 

uses the word “achievable”, not “achieved”, to denote the technology forcing nature of the PSD 

provisions, recognized in Alabama Power Co. v. Costle, 636 F.2d 323 (D.C. Cir. 1980). 

TGC 

365. TGC, on the other hand, contends that “achievable” in the context of BACT 

means an emission limit that the source can meet on a continual basis over each averaging period 

for the lifetime of the facility.  TGC points out that an emission limit must be met under all 

reasonably foreseeable worst-case conditions and must take into account the seriousness of 

exceeding a BACT limit.  TGC points to two EAB decisions which recognize that an agency has 

discretion to incorporate a reasonable safety factor into a BACT limit.  In re Masonite Corp. 5 

E.A.D. 551, 560-61 (EAB 1994);  In re Three Mountain Power, LLC, 10 E.A.D. 39, 53 (EAB 

2001).   

Cabinet 

366. The Cabinet urges that “achievable” must be read in conjunction with “for that 

source”.  “Achievable for that source”, the Cabinet contends, is an inquiry into what is 
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achievable for the pulverized coal-fired boilers TGC proposes.  As support for this contention, 

the Cabinet uses the definition of “source” found in 401 KAR 51:001(160)44, which is “one (1) or 

more affected facilities contained within a given contiguous property line …”.  “Affected 

facility” in turn “means an apparatus, building, operation, road, or other entity or series of 

entities which emits or may emit an air contaminant into the outdoor atmosphere.”  Id. at Section 

1(2).  In addition, the Cabinet cites to 401 KAR 59:01645, Section 2(1) which defines “affected 

facility” to mean “each electric steam generating unit that is capable of combusting more than 

250 MMbtu/hr heat input of fossil fuel” and then defines “steam generating unit” as “any 

furnace, boiler, or other device used for combusting fuel for the purpose of producing steam …” 

Id. at Section 2(3).  Relying on these definitions, the Cabinet urges that it considers TGC’s 

pulverized coal boilers as the “apparatus” and thus the “source” that is to be determined for 

BACT. 

                                                 
44 Chapter 51 is entitled Attainment and Maintenance of the National Ambient Air Quality Standards.  401 KAR 
51:001, Section 1 is the definitions section for Chapter 51.   
45 Chapter 59 is entitled New Source Standards.  Section 59:016 is entitled New Electric Utility Steam Generating 
Units. 
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Conclusions on the meaning of available and achievable for that source 

367. As I will state throughout this Report, TGC repeatedly stated in its applications 

and additional submittals that the NSR Manual was the guidance it followed in performing its 

top-down analyses.  During the formal hearing, however, TGC actually moved to exclude 

evidence pertaining to the Manual and for a ruling that the Manual was not binding on DAQ 

because it is not incorporated into Kentucky’s regulations46.   

368. The U.S. Supreme Court recently stated that “(a)lthough the top-down approach 

is not mandated by the Act, if a state purports to follow this method, it should do so in a reasoned 

and justified manner.”  Alaska v. US EPA, 298 F.3d 814, 822 (9th Cir. 2002).  I perceive this to 

mean that when an applicant purports to follow the NSR Manual and the agency approves this 

approach, neither the applicant nor the agency can later discredit the Manual by urging that their 

BACT analyses be adjudged or measured by a different and less stringent standard. 

Available 

369. In identifying candidate BACT limits, which is the first step in a BACT analysis, an 

applicant should take a comprehensive look at the world of control technologies.  This can only 

be accomplished by casting a wide net to identify many potential control technologies, without 

consideration of whether some technologies will be later eliminated.  I agree with Dr. Fox’s 

opinion that TGC failed to identify all available technologies and failed to present any clear 

documentation as to why technologies were eliminated.  Available control 

                                                 
46 In Docket #249, I granted TGC’s motion that the NSR Manual is not binding on DAQ (as agreed by all parties), 
but I denied TGC’s motion to exclude evidence pertaining to the Manual. 
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options are identified in the NSR Manual in Step 1 as those “air pollution control technologies or 

techniques with a practical potential for application to the emissions unit and the regulated 

pollutant under evaluation.” B5.  The Manual states that the list should include the application of 

production process or available methods, systems, and techniques, including fuel cleaning or 

treatment or innovative fuel combustion techniques, technologies employed outside the U.S., as 

well as technology transfer and innovative control technologies. Id. 

 370. “Availability” is also considered in Step 2, which involves evaluating the 

technical feasibility of the control options identified in Step 1. B.17.  A technology which is 

available and applicable is technically feasible.  A technology is described in Step 2 as being 

“available” if it can be obtained by the applicant through commercial channels or is otherwise 

available within the common sense meaning of the term.  Id.   

371. The “technology-forcing objective” of the PSD regulations was noted more than 

20 years ago in Alabama Power v Costle, supra at 372 (D.C. Cir. 1980) in challenges to the 

validity of the final PSD regulations promulgated by the EPA.   

372. In keeping with the technology-forcing nature of BACT, I agree with the 

definition Petitioners suggest for the purposes of Step 1, i.e. for purposes of Step 1 “available” 

control options are those with a practical potential for application to the emissions unit and the 

regulated pollutant under evaluation.  I find TGC’s suggested definition of “available” 

(technologies which have been demonstrated successfully on full-scale operations for a sufficient 

time to be considered proven) misses the mark.  The purpose of BACT is eviscerated by TGC’s 

narrow definition of available, under which there would be no incentive for applicants to 

consider any technologies which are not already considered to be proven, i.e. successfully 

demonstrated on full-scale operations.   
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Achievable for that source 

373. With regard to the definition of achievability, I conclude that the Cabinet erred by 

failing to look to the PSD definitions in defining “that source”.  See Discussion and Conclusion 

under IGCC and CFB.  “That source” refers to the “major stationary source” earlier in the BACT 

definition and means the entire plant, not the PC boilers, or equipment, chosen by TGC. 

374. The NSR Manual describes “achievability” in Step 4.  When a candidate BACT 

technology is eliminated, on the basis of energy, environmental or economic impacts, that 

technology is not “achievable”.  Each technology, beginning with the most stringent, is 

considered in this manner in determining whether it is achievable.  The most stringent 

technology, which is not eliminated as being not achievable, is selected as BACT.  Jt. #9 at B.2.  

375. I conclude that a control technology is achievable for TGS when it is not 

eliminated in Step 4 on the basis of energy, environmental or economic impacts. 

A. Clean Coal Technologies - CFB and IGCC as BACT 

Overview 

376. There are two types of alternative boiler designs that TGC and DAQ did not 

consider in their BACT analyses: CFB and IGCC.  They were eliminated based on differences in 

boiler type and/or differences in fuel before they went through the top-down BACT process.  As 

stated, TGC's BACT limits are based on the use of PC boilers.  In sum, TGC selected PC boilers 

because it contends they are “the only reliable and proven combustion technology available to 

meet the designed 1500 MW base load, site limitations and operational requirements of the 

project.” Jt. #33 at Red 10. 

377. Petitioners contend that both IGCC and CFB are “innovative fuel combustion 

techniques”, which are required to be considered under the definition of BACT. 
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378. TGC maintains that DAQ exercised its discretion not to require the use of 

processes or technology which would redefine the source, and reasonably rejected the use of 

IGCC and CFB. 

379. The Cabinet contends that consideration of IGCC and CFB is discretionary.  DAQ 

does not view IGCC as an “innovative fuel combustion technique”, as included in the definition 

of BACT and required by the NSR Manual to be included in Step 1 of a BACT analysis.  Jt. #9 

at B.5.  Instead, DAQ contends that IGCC would be a redefinition of the source, which it 

maintains is not required.  The Cabinet considered CFB, but determined that TGS’s PC boilers 

would produce emission levels comparable to or better than CFBs. Thus, DAQ rejected both 

IGCC and CFB. 

Findings – Clean Coal Technologies 

 380. IGCC is a two step system.  The first step is to convert coal (or other fuels) to a 

gas that in the second step is used as the fuel for a combined-cycle plant. 11-10-03 TE at 12-13 

(Powers).  CFB is a boiler in which the coal is combusted in a fluidized bed. 

 381. In TGC’s initial BACT analysis and final BACT analysis, IGCC was not 

addressed, although it was present on some draft tables in TGC files. 11-6-03 TE at 82 (Fox).  

CFB was also not considered in TGC’s original BACT analysis, but was included in its modified 

BACT analysis, although CFB was eliminated because of differences in fuel type and boiler. Id.  

Early in the permit process, however, KEC prepared two separate applications, as indicated in a 

letter from Bryan Handy to Peabody in October 2000.  See P30, one application for eight 250 

MW CFB boilers and the other with three 750 MW pulverized coal boilers.   

 382. On January 25, 2002, TGC counsel Kevin Finto sent a letter to DAQ’s Permit 

Review Branch, addressing a request by the National Resources Defense Council that DAQ 
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remand the permit application to TGC to evaluate the availability and feasibility of 

implementing CFB and IGCC as BACT pursuant to the federal PSD program.  The letter 

provides, in pertinent part:  

“while CFB and IGCC may be proven technologies, they are not suitable 
alternatives … and neither the law nor EPA precedent authorizes or requires the 
use of CFB or IGCC as BACT for TGS… TGC followed EPA’s recommended 
‘top-down’ BACT review process.  TGC evaluated and provided to Kentucky a 
thorough analysis of all technologies available to control emissions from the 
proposed TGS.… The lack of CFB in the size range appropriate for the TGC 
application indicates that CFB technology does not meet the test of “available 
technology”. … IGCC is a relatively new technology with only government-
subsidized demonstration plants operating around the world…. A commercially 
viable coal-fuel IGCC has yet to be built. As with CFB, IGCC is not a 
commercially available technology in the size proposed for TGC and also fails the 
test of “available technology”.  
 
Furthermore, the CFB and IGCC processes are separate and distinct technologies 
by which to generate electricity.  They are not, in this regard, control technologies 
for the conventional pulverized-coal technology that TGC is proposing to build.  
This distinction is important, since EPA has made it clear that according to the 
Clean Air Act and the PSD permit regulations, the control technology selected as 
the “best available” for a proposed PSD source as a result of BACT review is “not 
intended to redefine the source”.   

 

Jt. #45 at Red 90-93. In the letter, TGC cites as authority the Pennsauken case, In the Matter of 

Spokane Regional Waste-to-Energy, PSD appeal, No.88-12 at 5, n. 7 (June 9, 1989); and In the 

Matter of Hawaiian Commercial & Sugar Company Permit, PSD Appeal No. 92-1 at 11 (July 20, 

1992).   

 383. EPA’s response to comments regarding alternative designs was that it was in 

DAQ’s “discretion” to require a detailed evaluation of such alternative designs (CFB and IGCC) 

as part of the BACT evaluation. Jt. #44, at Red 18, EPA’s February 26, 2002 comments.  Even if 

DAQ decided not to exercise this discretion, EPA advised as follows: 
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Regardless of whether you elect to require a detailed evaluation before reaching a 
final BACT determination, we recommend that you include documentation from 
the applicant in your files providing a rationale as to why a configuration of 
pulverized coal boilers burning high-sulfur western Kentucky coal was selected 
for this project and why other design and fuel alternatives were eliminated.  Id. 
 

 384. TGC’s response to these EPA comments, Jt. #44 at Red 18-19, was as follows: 

(e)valuation of fundamentally different alternative designs for the facility is not 
part of the BACT analysis….Knauf Fiber Glass, 8 E.A.D. 121,136 (EAB Feb. 4, 
1999) (finding that BACT does not require the applicant to redefine the source; 
stating that the permitting authority has the discretion to require consideration of 
alternative processes in the BACT analysis); In re SEI Birchwood, Inc., 5 E.A.D. 
25, 29 n. 8 (EAB 1994) (stating that the classic example of redefining a source is 
the substitution of a gas-fired power plant for a coal-fired plant, finding that 
BACT does not require the consideration of the gas-fired plant, finding that 
BACT does not require the consideration of the gas-fired unit as part of the 
BACT determination); NSR Manual at B.13 (EPA generally does not require a 
source to redefine its basic design). 
 
Even if one were to look at CFB as an alternative technology, it would fail 
because it is infeasible for this project.  Technologies that are infeasible are not 
considered further in the BACT analysis.  CFB technology is not available for 
units of 750 MW.  The largest one constructed commercially today is less than 
300 MW.  Moreover, we note that the PC technology with add-on controls 
proposed for TGS will have better performance than 62% of the permitted or 
proposed CFB technology proposed to date…. 
 
For similar reasons, integrated gasification combined cycle (“IGCC”) is not 
appropriate technology.  TGS’s parent, Peabody Energy, is working with others to 
develop IGCC technology on a commercial basis.  We understand, however, that 
there are no IGCC plants that truly are operable commercially – all have received 
Department of Energy subsidies.  Moreover, IGCC technology results in some 
form of sulfur containing commodity product, which must be processed, stored, 
transported and sold.  This is well outside the original design of the utility power 
plant that TGC has proposed.  
 

 385. In its Refined Top-down BACT Summary, included in its Addendums filed on 

May 29, 2002, Jt. #33, at Red 9 and 10, TGC again states that PC boilers were selected based on 

reliability, availability and project operational requirements.  TGC notes that “(w)hile other 

power generating techniques utilizing coal as the fuel source exist, none are capable of providing 
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the generating output within the design and operational requirements of the project….”   TGC 

then presents its evaluation of CFB boiler technology and IGCC boiler technology. 

386. TGC states that CFB technology was eliminated because of size restriction on the 

units; the largest currently operating CFB units are 250 to 300 MW.  TGC also notes that 

comparisons of emissions from CFB and newly refitted or proposed PC boilers indicated that the 

levels of emissions are similar and in some cases the PC boilers with add on controls result in 

lower emissions than CFB technology.  Id.   

387. With regard to IGCC, TGC found that there is also a size limitation on the IGCC 

units and the high equipment costs prevent IGCC from being commercially viable.  TGC states 

that all current application of the IGCC technology is government subsidized.  Also noted was a 

reliability problem and a low percentage of availability.  For these reasons, IGCC was eliminated 

based on technical feasibility.  Id.  Ms. Tickner stated that although TGC considered the use of 

IGCC, it found that IGCC technology was not commercially available and there were a lot of 

operating problems with it.  She acknowledged that TGC provided no actual discreet numbers as 

required by a BACT cost effectiveness analysis. 

 388. While DAQ considered CFB and IGCC, DAQ does not believe that the scope of 

PSD was intended to apply to the selection of technology. Jt. #33 at Red 9-10; Jt. #63 at 14; 4-

14-04 TE at 20-22 (Adams); 12-5-03 TE at 144-49 (Tickner); 5-4-04 TE at 135, 235-6 (Handy).  

Thus, DAQ determined BACT for a pulverized coal combustion process, the process chosen by 

TGC.  DAQ viewed IGCC as a fundamental redefinition of the project, which is not required or 

appropriate in the BACT review.  Id.  It also determined that TGS’s PC boilers would produce 

emission levels comparable to or better than CFBs.  Id. 

Expert opinions on IGCC 
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Bill Powers47 

389. Bill Powers, an expert in the field of environmental engineering and air pollution 

control technology, described IGCC as an “innovative fuel combustion technique” which is 

available as a viable alternative to the proposed pulverized coal system and should be judged on 

its merits, technical feasibility and cost effectiveness.  He distinguishes the In re SEI Birchwood, 

Inc. case cited by TGC, supra, which states that the classic example of redefining a source as 

being the substitution of a gas-fired power plant for a coal-fired plant.  Here, TGC is not being 

asked to plumb in a natural gas line and ignore the fuel that justifies the project.  Instead, he 

states that IGCC and CFB are different processes being considered that can burn Kentucky No. 8 

and No. 9 coal from the mine at the site. 11-10-03 TE at 111.  Powers cited examples of IGCC 

technology in commercial use, among the following exhibits.48   

                                                 
47 Facts supporting Powers’ opinions are included in his testimony. 
48 The following are exhibits cited by Powers as examples of IGCC technology: 

P118-9 is the PSD/Title V permit, issued on June 7, 2001, for the Kentucky Pioneer gasification combined 
cycle project in Trapp, KY, showing all emission limits are lower than the emission limits for TGC.  

P118-2 is a summary, published in July, 2002, by DOE, of the Wabash River Coal Gasification 
Repowering Project in IN, the first integrated gasification combined cycle project of size (250MW) in the US.  
(continued on next page) 

P118-20 is a summary of the coal gasification process used at Eastman Chemical Company in Kingsport, 
TN, a project that became operational in 1983 and underscores that coal gasification is a mature technology.  

P118-3 is a 2001 summary of the Tampa Electric IGCC project, which began as a five-year demonstration 
project and then achieved the goal of becoming a full commercial operation.  The summary underscores the need for 
a spare gasifier at any commercial project. There were four so-called demonstration to commercial projects, two in 
the US (Tampa and Wabash) and two in Europe (in the Netherlands and in Spain), which demonstrated the 
commercial viability of the IGCC technology.    

P118-4 is a description of the William Alexander IGCC plant in Holland, an overview of the project and 
experience, dated March, 2002. 

P120-7 shows that by letter issued on March 6, 2002, the Georgia Department of Natural Resources was 
requiring the Longleaf Energy Station application, a coal-fired power plant, to include an analysis of IGCC.  

P118-30 is an October 8, 2001, presentation at the Coal Technologies annual conference on the current 
capacity and sole capacity of gasification around the world and a projection of future growth. The presentation 
states that the South Africans are the leaders in the amount of synthetic gas produced, with the US being number 
two and increasing rapidly.  China is also rapidly expanding its use of IGCC.  Each one of the three South African 
Sasol plants with a combined cycle power plant could produce about double the power that TGC projects at 1,500 
MW.  

P118-31 is a paper presented by a representative from Sasol at the Gasification Technologies Conference 
in October 2001 regarding issues when handling high ash coals. 
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At this moment in time, there have been few coal fired power plants built in the 
United States in the last decade, possibly the last two decades, and we’re at a 
point in time where the – around the country we’re gearing up to build more coal 
fired power plants, and integrated gasification combined cycle is really the 
technology that allows coal to be burned at a level that is essentially as cleaned as 
a gas turban combined cycle power plant. 11-10-03 TE at 14 (Powers). 
 

390. In Powers’ opinion, IGCC was demonstrated in practice, i.e. put in a full scale 

application, at the time the TGC permit was issued.  He relies on the experience in coal 

gasification of Eastman in Kingsport, TN (successfully operating for 20 years) and Sasol (South 

African projects operating for 20 years) and the demonstration projects at Wabash, IN, and 

Tampa, FL.  IGCC was described by Powers as a cleaner technology than pulverized coal 

                                                                                                                                                             
P118-5 is a document dated May, 2001, entitled Environmental Enterprise, Carbon Sequestration using 

Texaco Gasification Process presented at the First National Conference on carbon sequestration showing that there 
are numerous other commercial coal gasification projects around the world. 

P118-17 is a presentation made at the 19th Annual Pittsburg Coal Conference on September 23-27, 2002, 
entitled An Environmental Assessment of IGCC Power Systems, showing historical performance of IGCC.  

P118-16, a US DOE report entitled Gasification Markets and Technologies – Present and Future, dated 
July 2002, is a compilation of interviews with some 22 different companies involved with coal gasification.   
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technology, more efficient at burning coal (it emits less pollution per ton of coal burned and also 

has an output of more electricity per that ton of coal).   

391. In summary, Powers explained that the Eastman IGCC plant in Tennessee has 

achieved spectacularly high availability rates on its gasification process because it has a spare 

gasifier. The gasification unit was on line 98% of the time. Thus, the reliability issue is 

addressed with a spare gasifier, which adds a nominal additional expense.  An IGCC unit in 

Florida has an availability of 88.7% and 84.2% without a spare gasifier, higher than the 75% 

claimed by TGC. 

392. No rebuttal testimony was offered by the Cabinet or TGC to Powers’ testimony. 

Parties’ Arguments on Clean Coal Technologies 

Petitioners 

 393. Petitioners urge that the plain language of the definition of BACT, 401 KAR 

51:017, Section 1(8), as well as the legislative history show that DAQ was required to consider 

IGCC and CFB under BACT.   Petitioners maintain that both IGCC and CFB are “innovative 

fuel combustion techniques”, as that term is used in the definition of BACT.  

 394. Petitioners urge that the legislative history of the term “innovative fuel 

combustion techniques” is instructive.   When Senator Huddleston of Kentucky added the term 

“innovative fuel combustion techniques” to the definition of BACT, he included gasification and 

fluidized bed combustion in the definition of innovative fuel combustion techniques when he 

stated: 

 Mr. HUDDLESTON.  Mr. President, the proposed provisions for application of 
best available control technology to all new major emission sources, although 
having the admirable intent of achieving consistently clean air through the 
required use of best controls, if not properly interpreted may deter the use of some 
of the most effective pollution controls.  The definition in the committee bill of 
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best available control technology indicates a consideration for various control 
strategies by including the phrase “through application of production processes 
and available methods systems, and techniques, including fuel cleaning or 
treatment.  And I believe it is likely that the concept of BACT is intended to 
include such technologies as low Btu gasification and fluidized bed 
combustion.  But, this intention is not explicitly spelled out, and I am concerned 
that without clarification, the possibility of misinterpretation would remain.  It is 
the purpose of this amendment to leave no doubt that in determining best 
available control technology, all actions taken by the fuel user are to be taken into 
account – be they the purchasing or production of fuels which may have been 
cleaned or up-graded through chemical treatment, gasification, or liquefaction; 
use of combustion systems such as fluidized bed combustion which specifically 
reduce emissions and/or the post-combustion treatment of emissions with cleanup 
equipment like stack scrubbers.  The purpose, as I say, is just to be more explicit, 
to make sure there is no chance of misinterpretation. 

 

95th Congress, 1st Session (Part 1 of 2) June 10, 1977 Clean Air Act Amendments of 1977 A & P 

123 Cong. Record S9421 (emphasis added).   

 395. Petitioners urge that the above statement makes clear that gasification and 

fluidized bed combustion are included in the definition of innovative combustion techniques. 

They argue that DAQ and TGC are trying to rewrite the law to make PSD an equipment oriented 

program rather than a site oriented program by its narrow reading of “achievable for that source”. 

 396. Petitioners also cite to the testimony of Powers, president of a consulting firm 

involved in emissions testing, BACT analyses, and control technology, and testimony by Dr. Fox, 

both of whom testified to the benefits of IGCC and CFB technology. 

Cabinet 

 397. The Cabinet, as discussed earlier in the Count (under the discussion of 

“achievable for that source”), urges that it is not required to consider or evaluate IGCC and CFB 

because the BACT definition considers what is “achievable for that source”, and here, the source 

are the PC boilers TGC has proposed to build.  As stated earlier, the Cabinet uses the definition 
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of “source” found in the 401 KAR 51:001 definitions and New Source Standards definitions to 

conclude that TGC’s pulverized coal boilers are the “apparatus” and thus the “source” that is to 

be determined for BACT. 

 398. The Cabinet maintains that IGCC is not an innovative fuel combustion technique, 

but instead would be a redefinition of the project which is not required or appropriate under the 

PSD regulation.  In response to Petitioners’ contention that when Senator Huddleston added the 

term “innovative fuel combustion techniques” to the definition of BACT, he included 

gasification and fluidized bed combustion in the definition of innovative fuel combustion 

techniques, the Cabinet argues that Senator Huddleston did not say that coal gasification must be 

chosen or even considered.  Instead, the Cabinet contends that Senator Huddleston believed that 

BACT should be a decision process with many possible outcomes, so long as the end-of-the-pipe 

emissions from the source or modification are reduced to acceptable levels for the source. 

399. The Cabinet contends that although it is discretionary whether it even considers 

CFB, it did consider CFB and found that PC boilers “produce emission levels comparable to or 

better than” fluidized bed BACT determinations.  Jt. #63, p 14.  Adams testified that CFBs were 

rejected not because they would redefine the source (as DAQ believed about IGCC), but because 

of technical concerns.  DAQ found there were technical problems with the largest CFB boilers at 

the time, 300 MMbtus.  Thus, they were found to be technically infeasible because of the size 

considerations.  4-14-04 TE at 202 (Adams).   

TGC 

 400. TGC’s position is that IGCC and CFB are “separate and distinct technologies” by 

which to generate electricity.  They are not, in this regard, control technologies for the 

conventional pulverized-coal technology that TGC is proposing to build.  This distinction is 
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important, since EPA has made it clear that according to the CAA and the PSD permit 

regulations, the control technology selected as the “best available” for a proposed PSD source as 

a result of BACT review is “not intended to redefine the source”. TGC185 at KEC006498-6501; 

Jt. #45 at Red 90-93 (both exhibits are a letter from TGC counsel to DAQ’s Permit Review 

Branch, cited in the Findings). 

 401. TGC concurs with the Cabinet in stating that DAQ considered TGC’s analysis of 

CFB and applied its own knowledge of CFB in determining that CFBs were not technically 

feasible due to the size. 

402. TGC maintains that IGCC is more like a natural gas-fired plant as opposed to a 

coal-fired plant, 4-13-04 TE at 68 (Adams), and is “innovative technology”49 at the size proposed 

for TGS.  They urge that it is neither cost effective nor reliable.  TGC cites two administrative 

decisions issued after the TGC permit was issued which determined that IGCC is not yet a 

mature, reliable or economic technology alternative, In Re Tuscon Elec. Power Co.’s 

Application for a Hearing Regarding a Fourth Generating Unit Located in Springerville, AZ, 

Docket No. L00000C-77-0030 et al at 50 (November 1, 2002) (“IGCC is not yet a mature, 

reliable or economic technology alternative”.) and Final Decision of the Public Service 

Commission of Wisconsin on Application for Certificate of Public Conv. and Necessity for the 

Elm Road Generating Station, 05-CE-130 at 26 (November 10, 2003) (“IGCC technology, while 

promising, is still expensive and requires more maturation.”)  TGC also points out that in P118-

16, a US DOE Report on Gasification technologies dated July 2002, in the Executive Summary, 

iii, states that “(r)eliability, availability, and maintainability (RAM) must increase to reach 

                                                 
49 “Innovative technologies” are distinguished from “innovative fuel combustion techniques”.  Innovative 
technologies not required in Step 1 of the NSR Manual. Jt. #9 at B.12. 
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acceptable industry thresholds and to eliminate redundancies contributing to high capital and 

EPA costs.” 

Petitioners’ reply 

403. In reply, Petitioners point out that because Kentucky’s definition of BACT is at 

least as stringent as the federal definition, a pronouncement by Congress (Sen. Huddleston’s 

comments) on the definition of BACT is controlling in this proceeding.  See 40 CFR Section 

51.166(b).50  

404. In response to the Cabinet’s argument that BACT does not require consideration 

of  IGCC and CFB, Petitioners urge “for that source” in the definition of BACT is referring not 

to the PC boilers TGS has proposed, as the Cabinet contends, but instead is referring to 

“proposed major stationary source” found earlier in the same sentence.  “Major stationary 

source” is defined in the PSD definitions as a “stationary source”, 401 KAR 51:017 Section 

1(25)(a), which in turn is defined as a “building, structure, facility, or installation.”  Id. at 

Section 1(38).  The definition of “building, structure, facility, or installation” is then defined in 

Section 1(9) as “all of the pollutant emitting activities which belong to the same industrial 

                                                 
50 All state plans shall use the same definitions as the federal definitions, unless the state specifically demonstrates 
that a deviation from the federal definition wording is more stringent or at least as stringent as the federal definition.  
Kentucky’s definition is at least as stringent.   



 170

grouping, are located on one (1) or more contiguous or adjacent properties, and are under the 

control of the same person …”  Under these definitions, Petitioners argue “that source” in the 

BACT definition is a facility which engages in the generation, transmission and/or distribution of 

electric energy for sale, not a pulverized coal boiler or a coal-fired power plant.  Petitioners point 

out that terms in the BACT definition are defined in the PSD regulation definitions found in 401 

KAR 51:017.  If not defined there, they are defined in 51:001.  Thus, because “stationary source” 

is defined in 51:017, the definition of “source”, as cited to by the Cabinet from 51:001, is not 

applicable, nor is the definition of “affected facility” in 401 KAR 59:016 applicable.   

405. Petitioners cite to a recent law review article by an EPA official – Gregory B. 

Foote, an assistant general counsel with the EPA, who in his individual capacity wrote 

Considering Alternatives:  The Case for Limiting CO2 Emissions From New Power Plants 

Through New Source Review, 34 ELR 10642 (Aug. 2004).  In Section II of the article, entitled 

“Redefining the Source”, he explains why there is no basis in law for excluding consideration of 

alternatives that would “redefine the source” as proposed by a permit applicant.  Id. at 10643.  In 

a review of EAB precedents, Foote demonstrates that “permitting authorities cannot lawfully 

accept the design or location of a proposed source as a fait accompli.  Rather, the proposal is 

subject to public debate, and permitting authorities must justify on the record of the permit 

proceeding any decision to reject reasonable alternatives to the proposed source”.  Id. at 10651. 

Foote acknowledges that in the Pennsauken case, supra, the Administrator ruled that BACT 

permit conditions are imposed on the source as the applicant has defined it.  The following year, 

In re Hibbing Taconite Co., 2 E.A.D. at 838, 1988 EPA App. LEXIS 27, involved a permit for 

modification of a gas-burning boiler to switch to petroleum coke.  EPA ruled that the permitting 

agency had failed to justify its cursory rejection of continued use of gas on economic grounds, 
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since the mere fact of the plant’s prior history showed gas to be a viable alternative.  If only 

these two cases are considered, Foote suggests that one might conclude that EPA believes there 

is a line beyond which alternatives to a proposed source constitute “redefining” the source, and 

that as such they are beyond the scope of a PSD proceeding.  

406. However, he points out that more recent EAB decisions contravene that reading 

and make it clear that even if alternatives brought forward by commenters constitute 

“redefining” the source, they are within the scope of the PSD proceeding.  In addition, when the 

agency rejects a proferred alternative, the rejection is an exercise of discretion which is 

reviewable to determine whether such discretion was exercised reasonably or whether it was an 

abuse of discretion.  At page 10652 of his article, he cites to the following quote from In re 

Kendall New Century Development, PSD Appeal No. 03-01, ELR ADMIN. MAT. 41261, 2003 

EPA App. LEXIS 3, at 30 n. 14 (EAB Apr. 29, 2003).   

We have previously noted that the Agency’s PSD regulations governing permit 
conditions do not require that a permitting authority consider “redefining the 
source” as a means of reducing emissions … However, “although it is not EPA’s 
policy to require a source to employ a different design, redefinition of the source 
is not always prohibited.  This is a matter for the permitting authority’s 
discretion”.  Knauf Fiber Glass, 8 E.A.D. at 136.  In order to obtain review of a 
permit issuer’s decision not to conduct a broader BACT analysis that would 
include redefinition of the source, a petitioner must show a good reason in the 
circumstances of the case for curtailing the permit issuer’s discretion or that the 
permit issuer abused this discretion.   
 

407. Foote points out that the standard articulated by the EAB in addressing 

alternatives to the proposed source presumes as an initial matter that the permitting agency must 

have authority to consider redefining the source in response to criticism articulated by 

commenters who propose alternatives.  It would be illogical and contrary to the CAA statutory 

language and legislative purposes, to conclude otherwise. He points out that if states disclaim 
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authority to consider alternatives, they could by the same reasoning reject traditional add-on 

control devices that exceed some predetermined “disproportionate cost” threshold without 

providing a case-specific rationale for that decision.  The Supreme Court recently found that to 

be arbitrary and thus unlawful.  Alaska Dep’t of Envtl. Conservation v. EPA, 124 S. Ct. 983, 

1007-09, 34 ELR 20012 (2004).  Foote points out that in Kendall, the EAB pointed out that the 

state cannot abuse its discretion by a complete failure to consider statutorily mandated factors 

such as alternatives to a proposed source generally.  Likewise, he suggests that a court which 

reviewed the EAB’s generally narrow standard for granting review of agency permitting 

decisions (only in cases of clear error) would use the arbitrary and capricious standard.  The 

court would refuse to uphold the rejection of a proferred alternative to the proposed new source 

if such rejection, considering the administrative record as a whole, constituted an abuse of 

discretion or otherwise was arbitrary and capricious.  

408. Foote next examines the issue of what would constitute reasonable, as opposed to 

arbitrary, state consideration of alternatives.  EAB precedents show that the degree of discretion 

the agency has to accept or reject alternatives is a function of the persuasive value of those 

alternatives.  The more obvious and proven the alternatives are, the greater consideration is 

merited by the agency. 

 409. Next, following the Foote article, Petitioners offer more support for the 

conclusion that a “source” under the PSD program is not the particular boiler the applicant is 

proposing (as the Cabinet maintains) but instead is the facility the applicant is proposing with the 

combustion technology subject to change based on a BACT analysis.  Alabama Power Company 

v. Costle, supra at 396 (“‘facility’ and ‘installation’ defined broadly enough to encompass an 

entire plant”); Chevron, 467 U.S. at 840 (“EPA regulation promulgated to implement this permit 
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requirement allows a State to adopt a plantwide definition of the term ‘stationary source’”).  

Kentucky has adopted the same definition of “building, structure, facility, or installation”.  See 

also the recent Eleventh Circuit decision, Sierra Club v. Leavitt, 368 F. 3d 1300 (11th Cir. 

2004)51, a case in which the Sierra Club attempted to block Oglethorpe Power Corporation from 

obtaining a Title V/PSD permit for a new power plant in Georgia under Georgia’s SIP which 

provides a permit cannot be obtained for a new major stationary source if a permittee owns or 

operates an existing major stationary source that is in violation of the CAA.  The issue was 

whether Oglethorpe could obtain a permit for a new power plant when another power plant 

Oglethorpe owned was in violation.  EPA defended the action by urging that while Oglethorpe 

owned an interest in some of the boilers at the noncompliant power plant, it did not own the 

boilers that were noncompliant.  Thus, EPA urged that Oglethorpe did not own a noncompliant 

major stationary source.  The Court found that “(a)lthough the EPA Order did not explicitly 

acknowledge doing so, the agency appears to have determined that the Georgia Rule allows 

breaking major stationary sources into constituent parts with compliance determined 

individually.  But that interpretation requires 

                                                 
51 The firm of Hunton and Williams, TGC’s counsel in this case, represented the power plant.  Id. at 1300. 
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giving the term ‘major stationary source’ its ordinary meaning in its first appearance in the rule 

and redefining or ignoring it in its second appearance in the very same sentence.” Id. at 1306.  

EPA’s approach in giving two different meanings to “major stationary source” in a single 

regulatory sentence was arbitrary and capricious.  The Court thus vacated the EPA order and 

remanded the case to the agency for further review.  Id. at 1309.  Petitioners point to Citizens for 

Clean Air v. U.S. EPA, 959 F.2d 839, 849 (9th Cir. 1992), in urging that the Cabinet’s reliance on 

the NSPS (New Source Performance Standards) programs’ regulations to define a term out of the 

PSD program is in error.  The Court in the Citizens case explains that NSPS focuses on the 

particular apparatus which is a component in a stationary source while the “PSD program covers 

the whole stationary source, and focuses on where the plant will be located and its potential 

effect on its environs. The PSD program is therefore site oriented.”  Petitioners point out that the 

same distinction made by the court in the Citizens case between the PSD program and the NSPS 

program was made by an attorney with the firm representing TGC, the Hunton and Williams 

firm in a brief written in defending a citizen enforcement action against a power plant in 

Arizona.  Grand Canyon Trust v Tuscon Electric Power Company, CV-01-2189-PCT-EHC 

(D.Az. Dec. 16, 2002).   Although this attorney is a lead litigator for the power industry in CAA 

issues, he recognized that the PSD program is site oriented. 

410. Petitioners demonstrate that IGCC is available as a result of the Eastman plant in 

TN and plants in S. Africa, as neither of these is a DOE demonstration project.  Petitioners also 

distinguish TGC’s reliance on P118-16, “An Industry Perspective” on Gasification Markets and 

Technologies “Present and Future”, July 2002, noting that the purpose of the DOE report was “to 

support future budget requests”.  Id. at 53.  Petitioners point out that the report notes that single 

gasifier systems have now reached their design performance.  Id. at 21.  The report continues by 
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noting that because financial institutions are risk averse, they require major gasification projects 

to have multiple gasifiers (trains) or sparing to ensure reliability targets are achieved.  Id.  

Despite the cost for spare gasifiers, the report states that IGCC plants are competitive in “niche 

applications where feedstock costs are low.”  Id.  Powers explained that TGS is a niche market 

because it is a mine mouth plant, which will not pay the cost of transporting coal.  The report 

concludes that coal based projects are feasible at a coal cost of about $1/MMbtu.  Id. at 8.  

Because TGS is a mine mouth plant, its coal cost would be below the $1/MMbtu level.  11-10-03 

TE at 102:12-24 (Powers). Petitioners urge that in a case-by-case analysis, the report is support 

for IGCC being available and economically feasible for TGS.   

411. Petitioners also distinguish the two public utility commission cases on which 

TGC relies.  The Wisconsin decision was recently vacated on appeal.  Clean Wisconsin, Inc. v 

Wisconsin Public Service Commission, Case No. 03CV3478 (Dane Co. Ct. Nov. 29, 2004) at 

slip op. p 16.  Moreover, Petitioners point out that a public utility commission analysis has 

different standards than a PSD review.  The focus of a public utility commission analysis is 

providing the cheapest cost electricity for customers, while a BACT analysis is not designed to 

achieve the cheapest cost electricity for customers.  In addition, neither the Arizona nor the 

Wisconsin facilities are mine mouth facilities.  Petitioners also point out that whether a 

technology is mature is not relevant under BACT, contrary to the Arizona Corporation 

Commission’s decision which states that IGCC is not a mature, reliable or economic technology.   

412. In conclusion, Petitioners strongly urge that the Cabinet was wrong as a matter of 

law in believing that it could not consider BACT emission limits achieved through the use of 

IGCC or CFB boilers because TGC proposed PC boilers. 

Conclusions on Clean Coal Technologies 



 176

 413. The Cabinet erred as a matter of law by concluding that it lacked authority to 

require TGC to include IGCC and CFB in its BACT analysis.  The Cabinet’s reliance on the 

definition of “source” as referring to the PC boilers proposed by TGC is too narrow and is 

contrary to the PSD program’s focus, which is site oriented, not equipment oriented.  As argued 

by Petitioners, “that source” in the BACT definition refers to “major stationary source”, which is 

the entire facility TGC is proposing.  Alabama Power, supra at 396. 

414. Clearly, the Cabinet had authority to require TGC to do a BACT analysis on both 

IGCC and CFB.  This is clear from the legislative history of the amendment of the BACT 

definition, which adds the term “innovative fuel combustion technique” to the definition of 

BACT, with comments by Senator Huddleston indicating that gasification and fluidized bed 

combustion are included within the term “innovative fuel combustion technique”.  

415. Indeed, as stated in the Considering Alternatives law review article, it would be 

contrary to the CAA for a permitting agency not to be able to consider a redefinition of the 

source in response to commenters who are proposing alternatives.  In exercising its discretion to 

consider IGCC and CFB, it was incumbent on DAQ to consider the persuasive value of those 

alternatives.  I conclude that a remand is appropriate to require DAQ to exercise its discretion to 

consider IGCC given the considerable evidence adduced as to the viability of IGCC.  

416. As with IGCC, it was incumbent on TGC to include CFB in its BACT analysis, 

rather than excluding CFBs as technically infeasible at 750 MW, the size boiler chosen by TGC.  

Although DAQ stated that “(e)ven if TGC were to construct 10  smaller (C)FB (fluidized bed) 

units, instead of two large fired bottom units, the controls being installed produce emission levels 

comparable to or better than previous FB BACT determinations”, Jt. #63 at 14, DAQ did not 

produce its analysis to support these conclusions.  In addition, Jt. #33 at Red 21, TGC’s revised 
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BACT table, shows CFB units with emission limits lower than TGC, i.e. the best emission limit 

for a CFB for SO2 is 0.013 lbs/MMbtu (EnviroPower – KMP), which is lower than TGC’s 

permit.  The best emission limit for a CFB for NOx is 0.07 lbs/MMbtu (Calla facility), which is 

lower than TGC’s permit.  The best emission limit for a CFB for PM is 0.015 lbs/MMbtu 

(EnviroPower IL – Benton and EnviroPower – KMP), which is lower than TGC’s permit limit.  

Indeed, the Calla facility, which is a CFB plant, had a lower limit for SO2, NOx, PM and PM10.  

Moreover, PR319 also contains a number of CFB units that are permitted at levels below TGC’s 

permit.   Shepherd’s NPS chart shows the AES Warrior Run plant, with CFB, with a NOx limit of 

0.07 lbs/MMbtu in 1994.  P160-2 at Table 2.b. DAQ’s conclusion that the controls being 

installed at TGC’s PC boilers produce emission levels comparable to or better than CFBs is 

challenged by these exhibits. 

 417. For the foregoing reasons, I conclude that DAQ erred as a matter of law by 

concluding that it lacked authority to require TGC to include IGCC and CFB in its BACT 

analysis. Based on evidence adduced by Petitioners, on remand DAQ should require TGC to 

include IGCC and CFB in its BACT analysis, and then DAQ should exercise its discretion to 

accept or reject these analyses.  

B. Coal Washing as BACT  

Overview 

 418 DAQ concluded that energy, environmental and economic impacts preclude coal 

washing as BACT to reduce SO2 at TGS.  

 419. TGC and DAQ believe that this was a reasoned decision.  Petitioners contend that 

DAQ’s decision was contrary to fact and law. 

Findings on Coal Washing 
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 420. TGC did not initially include an analysis of coal washing in its BACT analysis.  

However, at the request of DAQ and in response to comments from EPA and NPS, TGC 

provided the following evaluations on coal washing describing the environmental, energy and 

economic impacts, and including a cost analysis:   

a. Jt. #56 at Red 30-31 (December 12, 2001) –  In this response to NPS’s request to 

address the BACT option of coal washing, TGC explained that coal washing creates two waste 

streams – gob (the solids portion of the waste removed in the washing) and slurry (a combination 

of smaller particles and fine coal that stay in suspension of the washing wastewater).  Washing 

the coal is estimated to create 20% more total waste than burning the coal raw.  The gob would 

be disposed of in a landfill structure and the slurry pumped to dewatering ponds.  TGC stated 

that these impoundment structures create environmental concerns.  Coal washing would add as 

much as $20 to $30 million in capital costs. Thus, TGC concluded that coal washing was 

undesirable, uneconomical and does not represent BACT.  Id. at Red 31. A raw coal versus clean 

coal analysis was attached at Red 45-48. 

b. TGC185 at KEC006418-20 (February 28, 2002) - In response to additional NPS 

concerns, TGC pointed out that even if TGS washed its coal, it would not achieve sulfur levels 

claimed by NPS (sulfur content reduced to 1.84%).  TGC also states that contrary to NPS 

comments, in its economic analysis of coal cleaning it did account for impacts to the power plant 

capital, operating and maintenance costs resulting from the use of raw versus washed coal.  

However, even with the costs savings, it found the marginal cost for coal washing is $28,117 per 

ton of SO2 removed, which in its opinion is not BACT. 

c. Jt. #44 at Red 15-18 (March 12, 2002) – In response to EPA comments, TGC 

responds that there is no onsite location for disposal of coal washing byproducts.  Costs 
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associated with offsite disposal are provided.  TGC compares the technology selected for control 

of SO2 (wet FGD and ESP on unwashed coal) which removes 409,000 tons of SO2 emissions at 

an annualized cost of $397 million to coal washing which removes 101,500 tons per year at an 

annualized cost of $62 million more per year, which TGC maintains is an incremental cost 

analysis of $69,000 per incremental ton removed.  In response to a question about beneficial 

effects in addition to removal of sulfur, TGC states that coal washing would result in no 

incremental reduction in particulate emissions, and the effect on metals is not clear. 

d. Jt. #38 is a letter from Ms. Tickner dated May 24, 2002 – This letter to DAQ 

Director Lyons, reviews TGC’s position on coal washing.  Jt. #38 also includes a report 

submitted by Dr. Rick Honaker, associate professor in the Department of Mining Engineering at 

the University of Kentucky, which concludes that coal washing was technically and 

economically infeasible for the following reasons:     

* the quality of coal made it infeasible to achieve the SO2 removal percentage 
 cited by NPS 
* adverse environmental impacts 
* significant energy loss 
* high incremental costs 
* coal washing would not produce significantly greater SO2 reductions than 
 already achieved 
* no environmentally safe locations to impound wastes. Attachment to Jt. #38. 
 

 However, in summary, the report states that total sulfur reductions up to nearly 35% can 

be achieved with relative small effects on the overall cost per clean ton.  Sulfur reductions 

greater than 35% sharply increase the cost of cleaning with minimal additional impact on total 

sulfur reduction.   

e. Jt. #33 at Red 43-48 (May 29, 2002 Addendums) – TGC states that coal washing 

is not technically feasible due to safety concerns.  Energy loss with coal washing can be 30 – 
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35%, resulting in the need for additional coal to be mined (approx. 25% more), with plant 

operating costs increased as much as $40 million per year in total cost ($5 to $6/clean ton of 

coal).  TGC reviews the environmental concerns with the waste streams and also states that 

vendor guarantees on lbSO2/MMbtu are identical whether raw or washed coal is used.  TGC 

states that coal washing is not a “dominant” technology when compared to the technologies 

selected (i.e., the wet FGD and ESP provide greater emission control at lower annualized costs).  

Thus, TGC states that it is appropriate to look at incremental rather than average cost per ton of 

SO2 removed.  TGC finds the additional cost of coal washing to the wet FGD and ESP 

technologies has an unacceptable incremental cost of approximately $69,000 per incremental ton 

removed. “Even if coal washing were feasible for TGS, it would be rejected as BACT since it 

adds nothing to the ultimate emission control and reduces efficiency, increases environmental 

risks, and adds significant costs”.     

f. Jt. #17 at Red 99-101, 134-45 (September 16, 2002) – In response to comments, 

TGC again states that coal washing would be technically infeasible and would produce 

unacceptable environmental impacts and safety concerns.  Referring to Dr. Honaker’s report, 

TGC states that if coal were washed to the extent suggested by commenters, the coal would have 

to be crushed entirely (to dust) and over half of the coal would be lost.  Thus, coal washing at 

TGS has unacceptable energy and economic consequences.  Dr. Honaker provided an additional 

report analyzing dry coal washing at Red 134-45, which in summary concludes that dry coal 

washing removes less SO2 than wet coal washing at higher capital cost.  He also concluded that 

there are no facilities with TGS’s throughput (1,200 tons/hour) that use dry coal washing 

processes. 
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 421. EPA and NPS filed the following comments during the permitting process which 

address coal washing: 

a. EPA commented on February 26, 2002:  
The applicant’s analysis of coal washing points out the potential adverse 
environmental effects resulting from solid and liquid wastes produced by coal 
washing.  While this observation is valid, we note for your attention that coal 
washing is commonly practiced at many mines and that the generation of waste 
materials does not mean necessarily that coal washing should be eliminated from 
further consideration. P23 at p.8, comment 2.c. 
 
The cost data provided for coal washing appears to concentrate on the incremental 
cost of controlling SO2 emissions by washing coal.  For a complete evaluation of 
the coal washing option, we recommend that KDAQ obtain or develop an 
estimate of total cost effectiveness (annualized dollars per ton removed) for coal 
washing plus FGD.  Although the incremental cost effectiveness may be high, the 
total cost effectiveness may be reasonable.  P23 at p.8, comment 2.d. 
 
b. NPS sent an email to DAQ on April 29, 2002:  
The email was sent by Dee Morse, but composed by Shepherd, and states,   in 
part: 
(w)e still believe that TGS can effectively use coal washing to lower SO2 
emissions from their proposed facility.  The limited information provided by TGS 
has not changed our position on this… 
 
If we compare TGS to the whole range of new boilers proposing to burn coal 
close to our Class 1 areas, the TGS emission rates fall out as above the median 
value for SO2 and equal to the median values for NOx and PM.  However, since 
BACT is supposed to consider the current state-of-the-art, if we compare TGS to 
the lowest levels we are seeing proposed or in operation, TGS falls short, as we 
have repeatedly noted in our comments to KDAQ.  TGS’s proposed BACT was 
great back in early 2001, but it has since been eclipsed by its competitors…. 
 
We again ask TGS to provide better explanation for the economic feasibility of 
coal washing, the information they provide has no explanations for their 
calculations, therefore it is difficult to determine how they arrive at their 
conclusions that coal washing is economically infeasible.  P160, exh. 15. 

 

Shepherd said the questions in this email were never addressed. P160 at 79:17-19.   

 422. Shepherd again emphasized in his deposition that TGC’s analysis of coal washing 

was insufficient. P160 at 31.  “(E)ven though Thoroughbred might be doing a pretty good job of 
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taking the sulfur out of the flue gas, the question we had is, is there some way that we could 

reduce the sulfur input to the boiler?  And we think that coal washing really deserved a more 

thorough analysis”.  Id. at 31 at 10-15.  He also believed that coal washing would achieve some 

20% reduction in mercury.  Id. at 81: 12-19.  Shepherd believed that a complete BACT analysis 

would look at the issue of coal washing in more depth.  He cites an EPA report to Congress 

stating that 77% of eastern bituminous coal is washed.  P160 at 16:20-23. 

 423. DAQ’s determination of coal washing is found in the final SOB and in its final 

response to comments: 

a.  In the final SOB, Jt. #7 at 22, the following conclusion is the only 
statement DAQ makes regarding coal washing: 

 
The applicant also submitted analysis on coal washing as a method of 
reducing SO2 emissions.  Based on the information provided the Division 
concurs that the adverse environmental, energy, and economic impacts are 
unacceptable, therefore coal washing is not considered BACT for this 
facility. 

 
b.  The Cabinet’s final response to comments, which were issued with the 
final SOB, includes the following: 

 
TGS has submitted additional information available prior (to) the second 
public hearing showing that coal washing has only minor benefit in the 
reduction of sulfur dioxide, PM and Hazardous Air Pollutants.  The 
Division’s review found that the relevant energy, environmental and 
economic impacts are substantial and preclude washed coal as a viable 
option. 

 
CATF (Clean Air Task Force) discusses in details the types of coal 
washing techniques not covered in TGS’s application and submittals, 
contending that the exclusion of “dry washing” and other techniques to 
remove pyrite and inerts does not meet the requirements of BACT.  While 
the Division agrees that CATF makes valid technical points, the 
Division’s decision to preclude coal washing was made based on the 
required top-down BACT approach. Jt. #63 at 14. 
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424. Dr. Fox testified with regard to two documents which show coal washing as being 

cost effective and as reducing the concentration of many trace metals. 

425. P137-12 is a document from TGC’s discovery document production entitled 

Estimated Cost Effectiveness of Coal Cleaning for Sulfur Dioxide Removal.  Dr. Fox described 

this document as a cost-effectiveness analysis for coal cleaning for SO2 removal.  She said the 

analysis is “done according to the procedure laid out in the OAQPS (EPA Office of Air Quality 

Planning and Standards) Cost Manual, an EPA cost-estimating bible that is used in doing cost-

effectiveness analyses under the top-down BACT process.  And what it shows is the cost-

effectiveness of the use of coal cleaning for removing sulfur dioxide is $411 per ton of SO2 

removed.  That is a very low number.  Generally the cutoff for cost-effectiveness is up in the 

range of $2,000-5,000 a ton.  This is very, very low”. 11-13-03 TE 137:21-138:6.  This 

document was not provided to DAQ.   

426. P137-44 is a fax from Peabody to Bryan Handy at KEC showing an analysis of 

raw Seam 8 and washed Seam 8 coal.  The analysis shows that coal washing reduces the 

concentration of many of the trace metals.  11-13-03 TE at 137:19-142:1-8. (Fox). 

Parties’ Arguments on Coal Washing 

Petitioners 

427. Petitioners incorporate their arguments in opposition to TGC’s motion for partial 

directed recommendation on Count 9, in which they argue that the benefits of coal washing with 

regard to mercury, PM, and NOx were not considered; they suggest ways to mitigate adverse 

environmental impacts of slurry impoundments; and they urge that the cost analysis was flawed.  

They point out that TGC’s own coal washing expert, Dr. Honaker, stated that coal washing could 
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remove 30 to 34% of the sulfur in the coal before the cost curve started increasing rapidly. P160 

at 31:19. 

Cabinet 

 428. The Cabinet states that its decision to preclude coal washing was made based on 

the required top-down BACT approach.  Jt. #63 at 14.  DAQ found “the relevant energy, 

environmental and economic impacts are substantial and preclude washed coal as a viable 

option.”  Id.  The Cabinet states its serious ongoing environmental concerns following the breach 

of the 72-acre slurry impoundment at Martin County Coal and also cites TGC15, an article in the 

Sierra Club newsletter opposing slurry impoundments. 
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TGC 

 429. TGC argues that while Petitioners may raise questions about coal washing, they 

fail to prove that DAQ’s determination as to coal washing was arbitrary and capricious.  TGC 

points out that Petitioners offered no expert on coal washing.    TGC urges that there are 

economic, energy and environmental reasons which led to DAQ’s reasoned determination that 

coal washing was not feasible. Coal washing produces an additional waste stream called coal 

slurry, and the disposal of this coal slurry raises serious environmental concerns. 4-14-04 TE at 

25-27 (Adams).  TGC concurs with the Cabinet in pointing out that the Sierra Club itself has 

called for a permanent ban on coal slurry impoundments at or near underground mine works due 

to their harmful environmental impacts. TGC15.   

Petitioners’ reply 

  430. In reply, Petitioners point out in their post hearing reply brief that because coal 

washing is a control technology which is widely used “the bar is very high for eliminating it as 

technically infeasible, in the absence of unusual circumstances.”  Petitioners urge that TGC was 

not able to provide reasons why coal washing is feasible for other similar facilities, but not TGS.   

431. Some 77% of eastern bituminous coal is being washed. P160 at 16:20-23.   

Peabody washes coal at its Highland mine and Freedom mine, both in Kentucky, and Peabody 

sells the washed coal. 12-4-03 TE at 116:1-9 and 12-5-03 TE at 126:2-4 (Tickner).  Peabody also 

had a coal washing operation with impoundments in the past at the adjacent Gibraltar Mine.  12-

10-03 TE at 173:23-174:13 (Tickner).   

432. In rebuttal, Petitioners point out that the revised application for the Cash Creek 

plant in Kentucky, which was prepared by KEC, shows that coal washing is being proposed as 

environmentally acceptable and cost-effective.  6-1-04 TE at 241-243 (Fox); PR305 at 4-1. 
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Petitioners question why coal washing is cost effective for the Cash Creek facility, which will 

fire washed western Kentucky coal, but not effective for TGS.   

433. Although DAQ states that its decision to preclude coal washing was made based 

on the “required top-down BACT approach”, Jt. #63 at 14, Petitioners urge that the Cabinet 

failed to follow the NSR Manual in rejecting this widely used control technology.  Under Step 4, 

the Manual states that: 

The determination that a control alternative is inappropriate involves a 
demonstration that circumstances exist at the source which distinguish it from 
other sources where the control alternative may have been required previously, or 
that argue against the transfer of technology or application of new technology … 
In showing unusual circumstances, objective factors dealing with the control 
technology and its application should be the focus of the consideration.  The 
specifics of the situation will determine to what extent an appropriate 
demonstration has been made regarding the elimination of the more effective 
alternative(s) as BACT.  In the absence of unusual circumstance, the 
presumption is that sources within the same category are similar in nature, 
and that cost and other impacts that have been borne by one source of a 
given source category may be borne by another source of the same category.  
Jt. #9 at B.29. (Emphasis added). 
 
434. Tickner cited land constraints (as an unusual circumstance) stating that there are 

essentially no locations where it would be environmentally safe to place an impoundment in 

proximity to the plant site because a large portion of the site has been undermined by prior 

underground mines, which would render this surface unsuitable.  She estimates that 1,000 acres 

would be needed for a coal washing facility.  Adams, however, testified that the land constraints, 

which TGC relies on, for placement of a slurry impoundment were not a valid reason for 

precluding coal washing. 4-15-04 TE at 14:22-15:8.  

435. Petitioners urge that TGC should have considered placing a slurry impoundment a 

little farther from the TGS site, and pointed out that TGC included costs for off-site disposal in 

its own cost analyses. Jt. #44 at 13.  TGC acknowledges that there is a wildlife management area, 
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which is leased to the Kentucky Fish and Wildlife Service, on the opposite side of the road from 

the plant, which has not been undermined. 12-5-03 TE at 8:17-10:2; P176- location map.  The 

leases indicate that this property exceeds the 1,000 acres Tickner said would be required for a 

coal washing facility. PR236.  12-5-03 TE at 10:5-8 (Tickner). 

436. Both TGC and the Cabinet refer to the Martin County impoundment failure to 

support their contentions that coal washing has adverse environmental impacts.  Petitioners 

acknowledge that in the December, 2000, newsletter of the Sierra Club in Kentucky, TGC15, the 

Club called for a permanent ban on coal slurry impoundments at or near underground mine 

works until the studies of the Martin County failure and of other impoundments is completed. 

TGC15.  However, there are some differences between the Martin County impoundment and the 

TGC proposal.  First, Martin County is in eastern Kentucky with its mountainous terrain, while 

western Kentucky has a flatter terrain.  Thus, in the flatter terrain there is not the same possibility 

for catastrophic failure. 4-14-04 TE at 26:4-27:8 (Adams).  Secondly, the Martin County 

impoundment was an old impoundment that was not designed with modern geotechnical 

methods, and it is possible to design an impoundment without the same problems. 12-1-03 TE at 

118:14-24 (Fox). An impoundment does not have to be located at or near underground mine 

works.  Moreover, there are alternatives to placing slurry from coal washing in an impoundment 

– it could be put in lined impoundments or underground mines, two alternatives which were not 

considered. 11-3-03 TE at 133:6-13 (Bhatt).  Also, the slurry waste could be sold or disposed dry 

or even converted into energy using a CFB or IGCC. 12-10-03 TE at 182:11-15 (Tickner); P137-

259 at KEC031051; 12-10-03 TE at 177:21-23 and 224:8-225:16 (Tickner); 6-14-04 TE at 

109:4-17 (Adams).  TGC did not evaluate these options. 
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437. Petitioners point to evidence that suggests that TGC decided to eliminate coal 

washing based on cost and then backed into a justification.  12-05-03 TE at 123:18-126:1; 129:7-

24 (Tickner); P137-5 is a document entitled “List of Air Permitting Concerns”, which came from 

TGC files.  Para. 5 (d) states “Peabody needs to develop possible technical, environmental and 

economic restraints related to coal washing.  Concentrate on the costs, so it can be eliminated as 

a control technology.”  P137-259 p. KEC31049, is an email from Peabody Vice President Jacob 

Williams, which indicates that the use of PRB coal, a low sulfur western coal, would be cost 

competitive if the project were required to use coal washing.  Petitioners urge that TGC wanted 

to gain the Kentucky tax credit, for using Kentucky coal, as well as the savings from not using 

coal washing.   

438. Dr. Fox opines that coal washing was not actually considered in the BACT 

process, as DAQ stated.  Instead, she stated that it was eliminated based on a cost analysis which 

did not conform with the cost-effectiveness type of analysis that is required under the top-down 

BACT process. 11-03-03 TE at 133:14 –134:6.  Dr. Fox states that it is the feasibility of coal 

washing per se that is the topic of a BACT analysis, and she does not think TGC can argue, 

given that it has other impoundments at the site, that coal washing is per se infeasible. 

439. Petitioners urge that the TGC cost effectiveness analysis is erroneous for four 

reasons: 

(1) It is based only on incremental cost effectiveness.  The NSR Manual, Jt. #9 at B.41, and 

Shepherd, P160 at 133:17-134:2; 17:10-19, advise that both the incremental cost and average 

cost should be evaluated in order to justify elimination of a control option.  Average cost 

effectiveness is calculated by dividing the annual cost by the tons of pollution removed. Jt. #9 at 

B.37.  Incremental cost effectiveness is calculated by dividing the difference in annual costs 
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between two dominant control technologies by the difference in the emissions that they reduct. 

Id. at 41. In its February 2002 comments, EPA suggested that DAQ obtain or develop an 

estimate of total cost effectiveness (annualized dollars per ton removed) for coal washing plus 

FGD.  EPA commented that “(a)lthough the incremental cost effectiveness may be high, the total 

cost effectiveness may be reasonable.” P23, Comments, pg. 8, 2.d.  TGC cites an incremental 

cost effectiveness value of $69,100 per ton, Jt. #33 at Red 46, Table 4.4.2.5-1, for which 

Petitioners can find no support in the exhibits cited by TGC.  Petitioners point out that the 

figures in Table 4.4.2.5-1, Jt. #33 at Red 46, do not agree with the figures in Jt.#56, Red 46-48 

($28,111).  Petitioners also point out that TGC included average cost effectiveness data, Jt. #33 

at Red 46, Table 4.4.2.5-1, showing $432/ton, which was not labeled as such, and which 

Petitioners urge shows coal washing is cost effective.   

(2) It is unsupported.  Shepherd found the economic analysis of coal washing provided by TGC 

was not adequate.  While the Honaker report was a good next step in the analysis, Shepherd 

testified that there was no justification given for the costs being presented ($69,100 per ton). 

P160 at 15:18-21; 17:10-19; 65:12-18; 80:24-81:8.  Therefore, it was difficult to determine how 

TGC arrived at its calculations. 

(3) It contains numerous errors. 

a. The incremental cost effectiveness analysis assumed that coal washing would only 

remove 575 tons of sulfur, compared to wet FGD.  12-11-04 TE at 169:11-17 (Tickner); Jt. #41 

at Red 12 (Raw versus Washed Coal Analysis). This is only one-tenth of one percent of the total 

amount of sulfur that enters the boiler (575/419,860), which Petitioners contend is clearly wrong. 

Jt. #41 at Red 12.  The basis for the 575 cannot be discerned from the record.  
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b. The costs analysis did not include other pollutants that are removed including ash, 

HAPs, and additional NOx. 6-1-04 TE at 105:15 – 107:24, 169:10-13; 6-2-04 TE at 113:17-114:1 

(Fox); PR232; 1-5-04 TE at 105:15-106:13 (Tickner); PR323-1; PR232; P138-7A. 

c.   In addition, the analysis ignored most reduction in costs that would result from 

washing coal, such as improved combustion efficiency, and decrease in waste from the FGD and 

ESP systems. 6-1-04 TE at 105:22-106:22 (Fox). 

d. TGC would not incur transportation costs for coal because it is a mine-mouth facility, 

which was not considered in determining whether this cost savings could be applied to the cost 

of coal washing. 12-5-03 TE at 126:8-127:25 (Tickner).  

e. The coal washing analysis was based on a lower amount of sulfur in the coal, 7.45 lb 

SO2/MMbtu, than the value used to design the wet FGD and establish the SO2 BACT limit, 8.5 lb 

SO2/MMbtu. Jt. #41 at Red 12; 1-5-04 TE at 104:20-105:4 (Tickner).  This would increase cost 

effectiveness. 

f. The coal washing analysis assumed the same SO2 emission removal efficiency rate 

would be met for all options, which Petitioners urge does not take into account that coal washing 

increases SO2 removal efficiency.  Petitioners point out that if coal washing achieves only 35% 

sulfur removal, as in Dr. Honaker’s report, Jt. #38, p 12, the total SO2 removal efficiency 

increases from 98% to 98.7%, which would remove 1.5 times more sulfur than using just wet 

FGD. 

g. The coal washing analysis irrationally constrains the analysis by assuming a cost per 

ton, Jt. #33 at Red 45 – ($5-$6/ton) that its own consultant concluded was not feasible. Jt. #38, 

Honaker report, p. 12. 
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(4) It did not demonstrate costs beyond those borne by other facilities. Dr. Honaker concluded 

for TGC’s coal that “(b)ased on an average cleaning cost of $1.90/raw ton, total sulfur reduction 

up to nearly 35% can be achieved with relative small effects on the overall cost per clean ton.” 

Jt. #38, Honaker Report, at 12.  Average cost effectiveness values for conventional coal cleaning 

calculated in this industry study ranged from $38 to $1,700 per ton. PR 323-1, Table 4, p. 833.  

The average cost effectiveness to wash TGC’s coal is reported as $432 per ton in Jt. #33 at 37, 

Table 4.4.2.5-1, and as $411 per ton in P137-12 (not submitted to DAQ).  These values are well 

within the range borne by others.  Dr. Fox reported that generally anything below $2,000 to 

$5,000 per ton is considered cost effective. 11-13-03 TE at 137:10-138:6. 

 440. Next, Petitioners urge that the adverse energy impacts TGC cites are erroneous.  

Petitioners point out that TGC has not documented any unusual energy impacts, and such 

impacts are not an adequate justification to eliminate a technology if they are within the normal 

range for the technology in question. Jt. #9 at B.30.  While Dr. Honaker’s report claimed that 

energy loss would be minimal, Jt. #38, p 12, TGC’s BACT analysis claims energy loss of 30 to 

35%. Jt. #33 at Red 43.  While ignoring the increase in energy content of the washed coal, TGC 

addressed energy loss from coal washing by increasing plant operating costs by $40 million to 

mine and wash 24% more coal. Jt. #33, p. 36.  Also, the coal washing cost analysis did not 

consider the value of waste coal, but, instead included costs for the disposal and perpetual care of 

coal refuse.  Ms. Tickner acknowledged that Peabody sells coal refuse to at least one recovery 

plant in Kentucky. 12-10-03 TE at 182:11-15. 

 441. Finally, Petitioners point out that the benefits of coal washing, such as removing 

ash, trace metals and NOx, were not evaluated even though these benefits offset many of the 
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alleged adverse environmental impacts.  6-1-04 TE at 105:22-107:24; 6-2-04 TE at 185:8-187:12 

(Fox). 

Conclusions on Coal Washing 

 442. DAQ states that its decision to preclude coal washing was made on the top-down 

BACT approach.  However, since the record does not reflect that DAQ performed any analysis, 

this statement appears to reflect that DAQ found that TGC’s evaluations of the energy, 

environmental, and economic impacts of coal washing were adequate and complied with the top-

down BACT process.  EPA and NPS, however, did not agree that TGC’s evaluations were 

sufficient, as reflected by their comments and Shepherd’s deposition, especially in the area of 

cost-effectiveness and in the failure to demonstrate how the impacts at the TGS facility differ 

from the many facilities using coal washing. 

 443. In response to EPA comments, TGC’s response is that its cost effectiveness was 

performed in accord with the NSR Manual, which it maintains provides that  cost effectiveness 

can be conducted on an average or incremental basis, citing to B.41.  Although the NSR Manual 

provides that “cost effectiveness calculations can be conducted on an average or incremental 

basis”, B.36, it also states that”(i)n addition to the average cost effectiveness of a control option, 

incremental cost effectiveness between control options should also be calculated.”  B.41.  Thus, 

the NSR Manual clearly recommends that calculations of both average and incremental costs be 

conducted. 

444. TGC states that coal washing is not a “dominant” technology when compared to 

the technologies selected (i.e., “the wet FGD and ESP provide greater emission control at lower 

annualized costs”).  Thus, TGC states that it is appropriate to look at incremental cost rather than 

average cost per ton of SO2 removed. Jt. #44 at Red 16-17.  Contrary to TGC’s assertions, the 
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NSR Manual does not state that incremental cost is what is used for non-dominant technologies.  

Instead, at B.41, the Manual states that “(i)ncremental cost-effectiveness comparisons should 

focus on annualized cost and emission reduction differences between dominant alternatives.” 

445. Shepherd clearly explained, at P160, 17:10-19, that in addition to the incremental 

costs he wanted to know what the total cost of coal washing would be versus the amount of 

emission reduction which would be achieved.  “We would normally look for total cost 

information.  Essentially what that is, is you look at the annual cost of reducing an emission 

versus the amount of emission that’s reduced.”  Id. at 17:23-18:1.  He said he never got the 

information to do that kind of total cost/benefit calculation.  

446. In determining an adverse economic impact, the NSR Manual cautions that “(t)he 

economic impact portion of the BACT analysis should not focus on inappropriate factors or 

exclude pertinent factors, as the results may be misleading…. Undue focus on incremental cost 

effectiveness can give an impression that the cost of a control alternative is unreasonably high, 

when, in fact the total cost effectiveness, in terms of dollars per total ton removed, is well within 

the normal range of acceptable BACT costs”.  Jt. #9 at B.45-46.  These cautions were not heeded 

by TGC, and indeed, it persisted in providing only incremental costs when average costs were 

also repeatedly requested. 

 447. In addition to the issue of whether TGC performed only an incremental cost 

analysis, or performed both an average and incremental cost analysis, however, is whether the 

analysis it performed is clearly supportable and understandable.  Both Shepherd and Dr. Fox, the 

two witnesses with the most experience in reviewing BACT determinations, pointed out 

conclusions which were contradictory, or lacked sufficient explanation, as well as favorable 
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information which was not provided to DAQ.  DAQ did not provide any analysis or any 

explanation of the cost-effectiveness TGC provided, but simply agreed with its conclusions. 

448. Numerous Environmental Appeals Board cases have addressed the issue of cost 

effectiveness. 

449. In re Masonite Corp., 5 E.A.D. 551, 566 (EAB 1994), the petitioner challenged 

whether the Region adequately considered the cost-effectiveness of using the existing RTO 

(regenerative thermal oxidizer) at the facility in combination with water-borne, low solvent 

coatings as BACT for the Grain Line instead of assuming an entirely new RTO would have to be 

built.  The Board determined that the Region did not adequately explain how it determined that 

using the existing RTO would not be cost effective.  Thus, the Board found that the rejection of 

the existing RTO on cost-effectiveness grounds was erroneous because it was based on an 

incomplete cost-effectiveness analysis.   

450. In re: Pennsauken County N.J. Resource Recovery Fac., 2 E.A.D. 667, 672 

(1988); 723 F. 2d 1440, the Board determined that the applicant’s BACT analysis did not contain 

the level of detail and analysis necessary to satisfy its burden of showing that thermal de-NOx 

technology is technically or economically unachievable for this source. The applicant stated that 

this technology was unavailable without providing a serious discussion of cost-effectiveness.  

Although the BACT analysis showed control costs in the range of $1,300 to 1,500 per ton of NOx 

removed, and annual costs of removing NOx using thermal de-NOx technology, there was no 

discussion that showed that these costs are unusually high … by obtaining and analyzing 

operating data and other information from other facilities.  The Board, thus, directed the agency 

to reopen the permit proceeding to allow the applicant to supplement its original BACT analysis.    
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451. In re: Steel Dynamics, 9 E.A.D. 165, 202-207 (EAB 2000), a review of IDEM’s 

issuance of a PSD permit for construction of a new steel mill, the Board considered the issue of 

economic feasibility.  “In general, a permit issuer will gauge economic impacts by estimating the 

average and incremental cost-effectiveness of various pollution control options, measured in 

dollars per tons of pollutant emissions removed.”  In response to numerous challenges to 

IDEM’s economic analysis and underlying data, the Board states that it has been unable to find 

any information in the administrative record about SCR costs at other steel mills or other 

facilities, even though this kind of information is recommended for inclusion in a complete and 

thorough cost-effectiveness analysis.  The Board found that IDEM’s decision to reject SCR on 

economic infeasibility grounds was clearly erroneous because IDEM’s cost-effectiveness 

analysis was incomplete.  On remand, IDEM is directed to perform a complete analysis of SCR’s 

cost-effectiveness, including comparisons of costs to other facilities, and submit its findings to 

public review.    

452. I conclude that DAQ’s rejection of coal washing was arbitrary and capricious 

because it was based on TGC’s cost-effectiveness analysis which did not include average cost 

effectiveness and because TGC’s analysis is not supportable and understandable.  I, thus, 

recommend that the permit be remanded with directions that TGC provide a cost-effectiveness 

determination for coal washing that includes consideration of both average and incremental cost 

effectiveness. 

C. Clean Coals -Using a Blend of Lower Sulfur Coal as BACT 

Overview 

 453. Petitioners contend that the SO2 BACT determination must be based on an analysis 

which considers cleaner coal.  TGC and the Cabinet disagree.  
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Findings on Using a Blend of Lower Sulfur Coal  

 454. The current SO2 BACT limit is based on worst case coal with 8.5 lb SO2/MMbtu, 

although the sulfur content will be much lower most of the time. 

 455. Ms. Tickner explained that there will be two stock piles at the power plant, one 

with “somewhat lower quality sulfur coal from the 8 and 9 Seams, and then one from higher 

sulfur that comes from the 8 and 9 Seams…”  In general, the goal is to blend the higher 8 and 9 

Seam on days when the flow actually coming to52 the plant is lower sulfur.  12-5-03 TE at 93. 

 456. When asked whether TGC’s BACT analysis considered the option of allowing for 

a stock pile of lower sulfur coal to blend in order to blend out the high spots above 8.0, Ms. 

Tickner’s response was “no”.  Id. at 93:19-25; 94:1.  She acknowledged that Peabody owns low 

sulfur coal reserves and that an analysis was done of bringing in low sulfur coal to be burned for a 

time to make up for a high sulfur episode.  Id. at 94.  The analysis is found in P98-7, an 

Alternative Fuel Analysis memorandum by Black & Veatch, which Peabody requested examining 

five additional fuels for potential use in temporarily reducing SO2 emission rates following 

exceedence of the permit limits.  When asked whether, in light of this exhibit, Peabody looked at 

the possibility of burning lower sulfur fuels to reduce average emissions of SO2, she responded, 

“We had a report prepared that considered it, yes.”  Id. at 96:1-5.  However, she confirmed that 

use of lower sulfur coals (lower than 8.5 lbs/MMbtu) was not considered in TGC’s BACT 

analysis.  Id. at 96:6-11.   

 457. The Cabinet points to DAQ’s response to a comment that the BACT analysis was 

incomplete because coal blending was not considered: 
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The Division has determined that this project is designed to burn high sulfur 
eastern coal, and that fuel switching to the extent suggested by OBTC 
(Owensboro Building and Trade Council) would (be) a fundamental redefining of 
the source and therefore precluded by PSD regulations.  OBTC is correct that the 
permit does not contain an upper bound on coal sulfur content, but there is an 
inherent requirement for a source to construct and operate as described in their 
application and on the same basis under which their BACT analysis was 
performed…. The Division does find, however, that the powerplant was designed 
with integral characteristics to burn Kentucky-type coal, with controls and 
combustion specific to this material.  A plant designed to burned (sic) Western or 
Powder River Basin coal would be a fundamentally different design, 
consideration of which is precluded under the PSD rules. Jt. #63 at 14-15. 
 

DAQ’s response indicates that it was responding to a comment urging “fuel switching”, not a 

change in the blend of the two piles being used or the use of low sulfur reserves.   

Parties’ Arguments on Using a Blend of Lower Sulfur Coal 

Petitioners 

458. Petitioners urge that DAQ never evaluated the use of cleaner coal by, for 

example, adjusting the blend of Seam No. 8 and Seam No. 9 coal, to achieve a lower SO2 BACT 

limit.  Petitioners point out that EPA has for a long time required that the permit writer examine 

the inherent cleanliness of the fuel.  In re: Inter-Power of New York, 5 EAD 130, 134 (EAB 

1994).   

Cabinet 

459. The Cabinet maintains that TGS is a mine mouth operation burning high sulfur 

coal and it lacks the authority to require TGS to burn low sulfur coal, which would be a 

redesigning of the plant.  

TGC 

                                                                                                                                                             
52 Ms. Tickner at first inadvertently stated that “the goal is to blend the higher 8 and 9 Seam back on days when the 
flow actually coming from the plant is lower sulfur.”  She corrected herself and stated that she meant flow coming 
to the plant.  12-5-03 TE at 93:15-18. 
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460. TGC agrees with the Cabinet by stating that DAQ has correctly interpreted 

Kentucky’s PSD regulations in determining that it does not have authority to require a source to 

change its selected fuel. 

Petitioners’ Reply 

461. In reply, Petitioners clarify that they are not seeking to require TGS to use lower 

sulfur coals in place of Western Kentucky coal.  Instead, they urge that TGC’s SO2 BACT 

analysis must include consideration of coal with a lower sulfur content than the sulfur content 

that TGC chose in its permit application, which could be achieved by changing the blend of the 

two coal piles being used, a high sulfur pile and a low sulfur pile or using low sulfur coal 

reserves Peabody owns.  Petitioners point out that In the Matter of: Old Dominion Electric 

Cooperative , 3 E.A.D. 779, 1992 WL 92372, the Environmental Appeals Board noted that EPA 

construes the 1990 Amendments as conferring discretion on the permit issuer to consider clean 

fuels other than those proposed by the permit applicant, and in footnote 39, states that the BACT 

analysis should include consideration of cleaner forms of the fuel proposed by the source.  

Petitioners urge that Kentucky’s BACT definition includes burning cleaner coal as an available 

method, system and technique for controlling SO2. 

Conclusion on Using a Blend of Lower Sulfur Coal 

 462. I do not perceive Petitioners’ request to be a redefinition of the source, as the 

Cabinet contends.  Even though I concluded in the discussion of IGCC and CFB that DAQ has 

discretion to require a redefinition of the source, here, Petitioners seek only to require that 

TGC’s SO2 BACT analysis consider cleaner Western Kentucky coals which TGC has available.  

I agree with Petitioners that TGC’s interpretation would allow it to choose its SO2 BACT limit 
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by the choice of the sulfur content of the coal.  This interpretation is contrary to the purpose of 

BACT.  

463. I conclude that DAQ erred by failing to require TGC’s SO2 BACT analysis to 

include an evaluation of whether there are any economic, environmental or energy reasons why a 

lower BACT limit cannot be achieved by a blend of cleaner coals using the coal which TGS has 

available. 
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D. BACT for NOx Emissions from PC Boilers  

Overview 

 464. TGC ultimately chose low NOx burners and Selected Catalytic Reduction (SCR) 

to control NOx from the PC boilers. The parties agree that this technology is appropriate for 

controlling NOx if a pulverized coal boiler is selected. 

465. However, the parties do not agree on what the specific NOx limit should be.  The 

NOx BACT limit of 0.08 lb/MMbtu is based on an SCR NOx reduction efficiency of 55.6%.  The 

reduction efficiency was not evaluated as part of the BACT analysis. 

466. Petitioners contend that the NOx permit limit of 0.08 lbs/MMbtu was a limit 

which resulted from negotiations between TGC and regulators and that many higher NOx 

reduction efficiencies and lower limits were not considered. 

 467. The Cabinet states that this final limit was not a negotiated limit, no source in 

Kentucky was at the 0.07 limit at the time the TGC permit was issued, and removal/reduction 

efficiency is not part of the Kentucky BACT definition. 

 468. TGC contends that while Petitioners have identified information which they 

believe should have been considered, they fail to show that this information would have led to a 

different result.  TGC maintains that DAQ had a reasoned basis for its NOx BACT determination. 

Findings - BACT for NOx  

 469. With regard to the control technology chosen, low NOx burners minimize the NOx 

levels out of the boilers by lowering the combustion temperatures.  The SCR is essentially a big 

metal frame in the exhaust duct with panes like in a window.  Ammonia is injected into the duct 

and the ammonia combines with the NOx and reacts in the presence of the catalyst to chemically 

form nitrogen gas and water.  SCR systems, which is a technology which has been in use since 
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the 1980s, are capable of achieving a wide range of levels of NOx removal, from 50% up to 93% 

depending on how the system is designed.  

 470. With regard to NOx limits, the permit sets a NOx BACT limit of 0.08 lb/MMbtu 

based on a 30-day rolling average. Jt. #8, p.3, Sec. B(2)(f).  TGC’s 30-day averaging period 

tends to smooth out or average the peaks and high values.   

 471. The degree of NOx reduction on which the BACT limit was based was not 

disclosed during the permitting process.  In fact, the degree of NOx reduction for the SCR 

(55.6%) was only discovered in the ALSTOM proposal in confidential documents produced in 

August 2003, almost a year after the permit was issued.  Thus, the range of control (or reduction) 

efficiencies were not evaluated in the BACT analysis. 12-5-03 TE at 123:8-10 (Tickner).  In 

other words, a listing of specific emission limits proposed for this project and the corresponding 

“degree of reduction” for each was not provided.  This is typically included in a BACT analysis 

and is required by Step 3 of the NSR Manual.  Instead, the record only lists “emission rates per 

unit of heat input” and does not list “the maximum degree of reduction for each pollutant”. The 

higher the degree of reduction, the lower the emission limit. 

 472. In the NOx BACT review in the SOB, Jt. #7, p. 20, the technology is listed and 

DAQ states that the NOx emission limit is based on the RBLC.  There is no explanation why 

lower NOx limits were not selected as BACT.  Justification for the NOx limit achievable by SCR 

is found in Jt. #17 at Red 107-108, in TGC’s responses to comments provided on September 16, 

2002, after the public comment period.  TGC states that the level of control by the SCR is equal 

to or better than those of similar units. 

While NOx limits lower than the proposed 0.08 lb-NOx/MMbtu are proposed, no 
units firing similar fuel and of similar design and operation to those proposed at 
TGS are currently achieving the lower limits on a continuous basis…. Based on 
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information obtained from various permitting authorities throughout the United 
States and recently proposed or permitted coal fired electric utility generating 
stations, an emission limit of 0.08 lbs/MMbtu based on low NOx burners in 
combination with selective catalytic reduction (SCR) is demonstrated BACT for 
PC boilers.  Each of the facilities cited by the commenter is fundamentally 
different from TGS.  Most notably, most are retrofit units for which NOx limits 
apply only a few months a year.  That factor greatly affects the catalyst life and 
the economics.  Id. 

 

 473. Tickner acknowledged that a cost analysis was not submitted for achieving 

greater levels of NOx reduction. 12-10-03 TE at 163:13-16. 

Expert opinions on BACT for NOx
53 

Dr. Phyllis Fox 

 474. PD153-654, NOx Removal, is a demonstrative exhibit Dr. Fox prepared which 

summarizes various design basis NOx removal efficiencies. The Y-axis is the vendor design basis 

NOx removal percent, and the X-axis is the name of the facility.  The percent sulfur in the coal is 

shown above some of the bars.  This exhibit compares the NOx reduction efficiency of TGC with 

29 coal-fired boilers that range from 70% to over 90% and supports Dr. Fox’s opinion that the 

level of NOx removal proposed for TGC does not represent BACT.   Dr. Fox stated that there 

have been hundreds of SCR systems guaranteed for NOx removal efficiencies that are quite a bit 

higher than the 55.6% that the NOx BACT level of 0.08 represents for this facility.  In her 

opinion, TGC’s BACT analysis clearly did not choose the most effective level of control that had 

been achieved by SCR technology for NOx.  When the most effective level of reduction or 

removal of a pollutant is not chosen, Dr. Fox would expect to find an explanation for why the 

                                                 
53 Facts supporting the experts’ opinions are included in their testimony. 
54 The evidence supporting each bar on PD153-6 was presented on 11-6-03 TE at 126-153 and 11-12-03 TE at 38-
99. 
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most effective level was not chosen based on chemical and physical characteristics of the flue 

gas and engineering design criteria. 

475. In providing foundation for each of the entries on P153-6, Fox offered P73, 

ALSTOM Power’s SCR Experience List which is a chart with a list of facilities for which 

ALSTOM has provided SCR systems listing the customer, fuel, name of the plant, size of the 

plant, NOx removal efficiency, etc.  This is the type of information the NSR Manual refers to as 

being relevant for a BACT analysis.  Many facilities are listed with NOx removal greater than 

56%. 

476. From her review of the record, Dr. Fox saw that TGC’s NOx limit of 0.08 

lbs/MMbtu was a negotiated level, negotiated between Peabody and the agencies, and it was 

placed in Black & Veatch’s bid specification package as a given.  P68A is the Black & Veatch 

bid package which went to vendors.  This is what the vendors bid on, and what became the 

permit limit.  She saw no evidence that vendors were ever asked the question “How low can you 

go?”  She found no substantial evidence that an effort was made to determine the lowest 

achievable emission limits.  In sum, Dr. Fox testified that all of the permit limits were specified 

in a bid package, as opposed to originating from a top-down BACT analysis. P68A.   

 477. In fact, Burns and McDonnell, one of TGC’s partners on this project, prepared the 

Cash Creek application with a higher NOx removal efficiency.  P137-106, Table 5-4 and p. 5-9; 

11-12-03 TE at 79:5-80:5; 6-1-04 TE at 57:22-58:3.  In documents produced during discovery, 

another partner, ALSTOM, the pollution control vendor, identified a high-sulfur, high-ash coal 

where it was proposing a 90% removal efficiency, i.e. Paradise, Homer City Unit 3.  P73.  

 478. With regard to how TGC’s coal quality affects the NOx BACT analysis, Dr. Fox 

states that there are a number of constituents in coal that can affect the design of an SCR system, 
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such as sulfur content, ash content and various chemical constituents, like arsenic.  Thus, these 

parameters are considered in the design of the SCR system and are normally dealt with in a 

BACT analysis or the cost-effectiveness analysis.  The parameters are not used as a basis to 

screen out technologies.  Here, TGC failed to evaluate experience with coals other than western 

Kentucky’s Seams 8 and 9 rather than evaluating them through a top-down BACT process and 

including design basis in the cost-effectiveness analysis.  

 479. When asked how much investigation is enough for a top-down BACT analysis, 

Dr. Fox responded that enough data should be collected to be confident that the lowest emission 

limits that can be achieved have been identified and by being comprehensive on the sources 

checked.  Dr. Fox says it took her about two days to determine that there were lower candidate 

NOx BACT emission limits that had not been considered by TGC.   

 480. Over much objection, Dr. Fox was asked what she would conclude is more likely 

than not to result from a proper BACT analysis for NOx.  Considering only permit limits that 

were available before the TGC permit was issued, the highest would be 0.07 lbs/MMbtu.  12-4-

03 TE at 72:11-21.  The NOx BACT level proposed for TGC is at the upper end of the range of 

the NOx levels achieved by commercial SCRs. P137-53, p. 32, Fig. 1-12; 12-3-03 TE at 120:14-

122:24 (Fox).  It should have been at the lower end of the emission range.  Id. at 122:10-13. 

         481. P153-5, entitled 

Candidate NOx BACT Limits55, is a bar graph prepared by Dr. Fox showing the investigations 

                                                 
55 Beginning from the left side of P153-5, or lowest NOx emission limit, and going to the right are the 

following in lbs. NOx/MMBtu. 
.015 - Baldwin, the facility Matt Haber’s report relates to regarding the BACT NOx limit.  The Haber 

Report, P119-2, was prepared by Matt Haber, one of EPA’s primary BACT experts, who is located in Region IX.  
The report is dated April, 2002, and was prepared in litigation between the US and Illinois Power Company 
regarding modifications that were made at the Baldwin facility without properly securing a permit under the PSD 
program.  Dr. Fox received the report by telephoning Mr. Haber in May, 2002, and asking if he had made any 
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BACT determinations on coal-fired power plants.  Page 50 of the Haber report shows that with the use of SCR, unit 
3 can reach an emission level of .015 MMbtu (which is the lowest emission limit listed and the latest in time).  
(P123-77 is the Supplemental and Rebuttal Report by Matt Haber – October 2002). 

.016 – Thoroughbred Ultra Low Emission Project, a proposal (referred to as TULEP) to the US 
Department of Energy by Babcock and Wilcox and McDermott Technologies, dated April, 2001, for funding to 
demonstrate on the subject TGC facility an ultra low emission train on one of the two 750 MW PC boilers. P137-53.  
This specific sequence of pollution control technologies are identified in a Babcock and Wilcox paper called “How 
Low Can You Go” that in combination are able to achieve much lower emission limits for most all of the pollutants 
under contention in this case than the limits that are present in TGC’s permit.  The NOx limit in the Ultra Low 
project is .016 lb/MMbtu, which is one-fifth of the limit proposed by TGC as BACT.  The TULEP proposal, P137-
53 at p. 6, shows that “(a)t least 90% mercury removal will be achieved….” 

.016 - Babcock and Wilcox paper entitled “How Low Can We Go”, describes a series of pollution control 
technologies to achieve lower emission limits.  The paper examines emission control technologies for eastern 
bituminous high sulfur fuels, similar to the fuel TGC plans to burn.  Dr. Fox pointed out that the state of Georgia 
rejected an application for a coal fired power plant because it failed to evaluate the emission limits in this paper and 
concluded that BACT was established by this paper. (P120-7).  On cross-examination, TGC pointed out that in 
TGC-109 it shows that Babcock and Wilcox in June 2002 declined to guarantee 90% mercury removal for WE 
Energy (Wisconsin Electric) Elm Road facility, even though in August, 2001, Babcock and Wilcox published its 
paper “How Low Can We Go” saying that mercury could be possible at 90% removal efficiency.  Dr. Fox points 
out that a technology does not have to be demonstrated in practice to be a candidate technology in the top-down 
analysis. 

.036– Amager – a coal fired power plant in Copenhagen, Denmark, which is achieving .036, as reflected 
by the CEMS data.  Dr. Fox discovered this information from catalyst vendors in June or July, 2001. 

.03 – Parish, Unit 5, based on the vendor guarantee and subsequent performance test.  The Texas Resource 
and National relied on this level in establishing a LAER limit for coal-fired power plants in nonattainment areas in 
TX. 

.032 - Trimble – vendor guarantee level which was verified in vendor performance tests, which are based 
on short term tests. 

.033 - SIP Dallas/Ft. Worth – Texas Register dated October 12, 2001, determination for the Dallas/Fort 
Worth nonattainment area. (P28). 

.037 - Sweden – basis was 1996 EPA report on European SCR experience. (P161). 

.04 – SIP Houston/Galveston determination also reported in Texas Register, October 12, 2001 (P28).   

.04 - Boswell – Information based on a study conducted between February 2001 and December 2001, 
posted several months thereafter on the website. 

.04 – Montour, with a reduction of NOx of 90%, corresponds to 1,000 tons per year, compared to the 
emissions from TGC, which are in excess of 5,000 tons per year. (See P153-7). 

.04 - Harrison, an Allegheny coal-fired power plant in WV, burning high sulfur eastern bituminous coal.  
(PAR123-178).  Dr. Fox testifies that vendor guarantees in conjunction with a short-term performance test is 
sufficient based on the guidance in the NSR Manual. 

.04 - Pleasant Station – the basis for this bar is the vendor guarantee and successful completion of the 
performance test.  (PAR137-354). 

.04 - Japan 250MW –  based on paper presented at EPA 1995 Joint Symposium.  Facility is designed to 
achieve 80% NOx removal efficiency and outlet NOx level can be converted to same units TGC uses, which is 
roughly .04 lbs/MMbtu.   

 .042 - Cayuga has a required NOx reduction of 90%.  (P120-18; P123-158). 
 .05 - Cash Creek – PSD permit application for the Louisville, KY, plant, contains DAQ date stamp of 

September 14, 2001. P137-106. The Cash Creek permit application is included in TGC’s Addendums submitted in 
May 2002 (Jt. #33, Table 4.2-1).  Burns and McDonnell, TGC’s own contractor, has proposed a NOx limit of .05 in 
the Cash Creek permit application with a 90% NOx reduction limit.  However, there was no top-down BACT 
analysis in the TGC permitting process that included that limit, no demonstration of technical infeasibility, no 
demonstration that that limit would not be cost effective, and no demonstration that that limit had unacceptable 
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she did to determine whether there were any lower NOx emission limits that should have been 

considered in the TGC BACT analysis.  Each of the technologies represented in the chart was 

available and demonstrated at the time of the TGC permit and, in her opinion, should have been 

included in a top-down BACT analysis. PD153-5 is based on a 30-day rolling average time.  

TGC’s NOx emission limit of 0.08 MMbtu is shown on the right side of the chart with some 20 

lower NOx emission limits to the left of TGC.  Those with lower NOx emission limits, ranging 

from 0.016 to 0.07, represent permit applications, permits, test data, vendor guarantee 

information, BACT determinations by other agencies, published literature and proposals by 

vendors.  Dr. Fox stated that these documents are the kind of information that is normally relied 

upon by environmental engineers in the course of preparing air permits or air permit 

applications.   

 482. Dr. Fox was not able to find in TGC’s submittals all the information relevant to 

determining the NOx BACT limit.  Most notably, she could not find the boiler outlet NOx, which 

in this case was the SCR inlet NOx level, which is one of the factors that is needed in order to 

determine what the NOx concentration is coming out of the SCR system.  The ALSTOM boiler is 

designed to achieve an outlet NOx level of .18 pounds per MMbtu (this is .18 to enter the SCR).  

TGC42, a diagram of the pollution control train, shows that the low NOx burners are the burners 

inside the boiler.  The SCR is after the boiler.  For doing a BACT determination, it is important 

to know what the inlet to the SCR NOx level is.   

483. Six of the bars in Dr. Fox’s bar graph, PD153-5, are included in TGC’s 

production of documents.  In Dr. Fox’s opinion, the list in Table 4.2-1 which TGC submitted 

                                                                                                                                                             
energy or environmental impacts.  TGC noted on Table 4.2-1 that Cash Creek had a “similar boiler design and fuel 
use” and also noted “no permit yet/not demonstrated”.   
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with its Addendums, Jt. #33, still falls far short of being an adequate comparison because there 

were many other facilities that TGC did not identify and Dr. Fox found in her research.  Also, all 

of the facilities TGC did identify with lower emission limits were excluded and did not go 

through a formal top-down BACT analysis. 

 484. One of the first things Dr. Fox does when doing a BACT analysis is to get from 

catalyst vendors their experience lists which will show the lowest units they have provided.  

Over the life of the catalyst, the activity decreases due to interactions between chemicals in the 

gas stream and the active agents in the catalyst.  Thus, a fresh catalyst will achieve a higher NOx 

reduction efficiency at the beginning of its life than at the end of its life.  However, when a 

vendor issues a guarantee on a catalyst, the guarantee is at the end of the life of the catalyst.  

Most catalysts are guaranteed for three years.  If a guarantee is 90%, the 90% applies at the end 

of the three-year period. 

 485. Dr. Fox was asked if she is aware of any permits anywhere at any time with lower 

NOx limits for PC boilers.  She responded by listing the Round-up permit with a preliminary 

determination of 0.07, two Georgia power plants (Bowen and Wonsley) and WYGEN 2.   

 486. PD153-7, NOx Emissions vs. NOx% Removal, is a demonstrative exhibit Dr. Fox 

prepared showing NOx emissions vs NOx% removal, with tons per year on the y-axis and percent 

removal on the x-axis.  TGC’s permit limit of .08 pounds per MMbtu corresponds to an SCR 

control efficiency of 56%.  The four blue bars to the right of TGC’s permit limit represent 

different levels of NOx control that have been achieved in practice on other facilities.  These 

different levels are 67%, 80%, 90% and 95%.  If that limit is multiplied by the heat rate, which is 

                                                                                                                                                             
 .05 - Somerset – The outlet NOx of .05 corresponds to a 90% NOx reduction. P120-19.  This plant burns a 

high sulfur coal. The SCR exceeded expectations. (P120-19, P120-20, P120-21 and P120-22). 
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7,443 million Btus an hour, and converted into tons, the result is the number shown on the 

TGC/purple bar, which is a little in excess of 5,000 tons per year, which is based on 56% NOx 

control.  

487. Had the SCR system at TGC been designed to achieve 80% NOx control (SCR 

systems have operated at 80% NOx control since the ‘80s in Europe and Japan), the emissions 

would have dropped more than in half.  Had the SCR system been specified for 90% control, as 

many SCR systems have been, including many by ALSTOM, which is the vendor of TGC’s 

pollution control system, the NOx emissions would drop by more than a factor of five.  Had the 

SCR system been specified for 95% control that Dr. Fox has seen for SCR systems, TGC’s NOx 

emissions would have dropped to about 500 tons per year.  

Shepherd on BACT for NOx 

 488. Shepherd stated that NPS had seen several permits issued or applications 

proposed at a NOx emission limit of 0.07 lbs/MMbtu. P160 at 18.  These included Black Hills 

Power-Wygen 2; Santee Cooper Cross 3 and 4; Bull Mountain-Roundup; Intermountain Power 

Project, Unit 3 (a CFB project), AES Warrior Run and Kentucky Western Power (withdrawn). 

Id. at 26.   He was of the opinion that the TGC NOx limit “could be a little bit lower, down to 

0.07.” Id. at 101. 

Powers on BACT for NOx 

489. Powers agrees with Dr. Fox that an SCR vendor could have provided a higher 

efficiency NOx reduction (than 55.6%), if requested.  He opined that a 90% reduction of NOx is 

achievable with SCR for coal-fired power plants.  The facilities he is aware of that have NOx 

guarantees lower than TGC are Trimble County, which is guaranteed at 0.032 pounds per 

MMbtu; Harrison Station and Pleasant Station power plants in WV, guaranteed at 0.04.  Also, in 
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conversations with Haldor Topsoe, the firm which provided the 0.04 MMbtu limits, Powers was 

told that Haldor Topsoe had experience on Kentucky No. 8 and 9 coal and did not foresee a 

problem with those coals with use of an SCR.  11-10-03 TE at 118 (Powers).  He also talked 

with Hitachi America about the Trimble County plant, which it guaranteed at 0.032 lbs/MMbtu 

and guaranteed at 90% reduction with a low NOx burner, which is the basis for stating that 90% 

reduction with SCR following a low NOx burner is not only feasible, but has actually been 

guaranteed and is in operation.  Id. at 122.  With regard to how vendor guarantees are different 

from vendor puffery, Powers said that once a contract is signed, the vendor is contractually 

obligated to meet the guarantee.  Thus, the puffery ends at the point that a contract is signed.  He 

also disagrees that vendor guarantees have to be set higher than the guarantee in order to 

establish continuous compliance.  Instead, the vendor builds a cushion into the guarantee.   
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Lillestolen 

 490. Lillestolen stated that in October 2002 there was no commercially available 

technology which could achieve a lower NOx emission limit using the type of fuel TGS will use.  

3-17-04 TE at 66.  He stated that there are legitimate technical reasons for the design provided 

by ALSTOM.   He explained that the characteristics of the coal, such as the sulfur and ash 

content, affect the operation of the SCR.  3-16 and 3-17-04 TE.  The sulfur content of the coal 

has a bearing on the quantity of catalyst used, with the SCR converting NOx to nitrogen and 

oxygen and also converting SO2 to SO3 resulting in the formation of sulfuric acid (H2SO4).  

Lillestolen said this is an example of the multi-pollutant interaction which must be addressed as 

part of the BACT analysis.  By adding more ammonia to the SCR in an attempt to reduce NOx 

emissions, this also causes problems with high-sulfur coals, such as fouling and clogging of the 

preheater located downstream of the SCR.  Popcorn ash, which is large particulate matter, can 

also result from high ash, high sulfur coals, which can block the SCR. 

Parties’ Arguments on BACT for NOx 

Petitioners 

491. Petitioners contend that TGC’s 0.08 lbs/MMbtu NOx limit does not represent 

BACT, but instead was the result of negotiations between regulators, and ignores overwhelming 

evidence that a lower limit should be BACT.  Petitioners point out that TGC’s revised BACT 

Table 4.2-1, in Jt. #33 at Red 21, includes three PC boilers with NOx emission limits lower than 

TGC’s.  One of these was the Cash Creek application, at 0.05 lbs/MMbtu, which TGC notes had 

similar boiler design and fuel use, but was apparently eliminated because the facility was not yet 

permitted/not demonstrated.  TGC’s engineer, Burns and McDonnell, was also used by Cash 
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Creek.  Petitioners point to other facilities with lower limits which are included in Dr. Fox’s 

demonstrative exhibits. 

 492. Petitioners urge that TGC was well aware of the improvements in NOx control, as 

seen in P37, a document from TGC’s files entitled “Latest SCR Technologies and Experience on 

Coal-Fired Boilers”.  Although TGC rebuffed the viability of NOx emission limits at coal fired 

power plants being retrofitted with SCR to comply with the NOx SIP call, EPA stated that plants 

being retrofitted with SCR to comply with the NOx SIP call could be considered in the BACT 

analysis, as could projects in other countries.  Jt. #44 at Red 12-13.  Petitioners point to PRD341-

1, a rebuttal document showing nine units designed and guaranteed before TGC’s permit was 

issued, operating for the whole ozone season below 0.07 lb/MMbtu. 

 493. With regard to the removal efficiency, Petitioners note that in its application TGC 

acknowledged that the control efficiency of SCRs is from a minimum of 60% up to 90%.  

Shepherd stated that the NPS had seen NOx removal efficiencies as high as 90% for coal fired 

boilers. P160 at 19.  In a 1996 study an EPA researcher found SCR NOx removal efficiency in 

coal fired units ranging from 54 to 94%, with the efficiency depending on the NOx reductions the 

plant wants to achieve. P161 at 12/17.  In response to TGC’s argument that its NOx removal 

efficiency is low because its inlet NOx level is low, Petitioners point to PR 301 at p 6, an 

ALSTOM paper showing Eastern Kentucky Power Cooperative’s Spurlock plant achieved 82% 

for one unit and 83% for another with low inlet NOx.  In response to TGC’s claim that a high 

removal efficiency is not possible on its high sulfur coal, Petitioners point to a Babcock & 

Wilcox paper explaining that a 95% removal efficiency is achievable on high sulfur eastern 

bituminous coal. P25 at 1.  Petitioners also note that none of the SCRs on ALSTOM’s 

experience list for coal are at less than 70% removal efficiency. P73.   
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TGC 

 494. TGC contends that the 0.08 lbs/MMbtu on a 30-day rolling average is the lowest 

rate achievable continuously under worst-case conditions for the life of the plant.  Id. at 107-108.  

TGC points out that this NOx limit will apply at all times, including startup, shutdown and 

malfunction.   

 495. TGC’s design expert, Lillestolen, explained significant constraints which are 

imposed by the characteristics of TGC’s fuel, such as the high sulfur and high ash content. 3-16-

04 TE.  Lillestolen enumerated a number of problems (such as ammonia slip and popcorn ash) 

which constrain the designer of the SCR.  Id. 

 496. TGC cites to other permits issued in the same time frame as the TGC permit, with 

which its NOx limit is consistent.  4-12-04 TE at 87-88 (Adams); CabR 28; CabR30, PR235, 

P120-53, TGCR224, TGCR225 and TGCR229.  Although TGC notes that a few permits were 

issued in late 2002 with NOx limits of 0.07 lbs/MMbtu, it urges that this does not mean that 

DAQ’s determination was arbitrary and capricious.  Moreover, TGC urges that it is appropriate 

for its BACT limit to include a safety factor. 4-14-04 TE at 197-99 (Adams).   

 497. TGC maintains that a 90% SCR removal efficiency is not BACT.  TGC points out 

that Dr. Fox’s testimony in this regard is based on retrofit units on which it is easier to achieve 

lower emissions based on their operating experience and knowing how the equipment will 

operate.  4-13-04 TE at 37-38, 95 (Adams).  In addition, it points out that most of these retrofit 

facilities are attempting to lower their NOx emissions in response to the NOx SIP call, which 

went into effect in May 2004, and requires a group of facilities in certain states to reduce their 

combined NOx emissions by a specified amount. 2-19-04 TE at 144-45 (Andrews).  If a certain 

plant cannot meet its “quota” of NOx reductions, it can buy NOx credits from other facilities that 
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have emissions below their allotment.  Thus, no single plant is required to meet a designated NOx 

target continuously. 4-13-04 TE at 41-42 (Adams).  Also, a retrofit facility is required to meet its 

NOx target only during the five months of ozone season, not year-round.  Id. at 44-45. 

 498. TGC maintains that the evidence offered by Petitioners (from CEMS data, short-

term stack tests or vendor information) does not support a lower limit.  TGC points out that a 

single season of CEMS data only shows the emission rates when the catalyst is relatively new.  

Indeed, TGC states that the CEMS data available to DAQ  prior to issuance of TGC’s permit 

indicates that the retrofit facilities were not achieving significantly less than 0.08 on a 30-day 

rolling average.  TGC201; TGCD153-012; TGCD153-013, TGCR340, TGC219, PR230-8, 

PD153-16.  The 2001 and 2002 CEMS data supports the NOx limit in TGC’s permit.  4-13-04 TE 

at 88-89 (Adams). 

 499. TGC asserts that Petitioners’ reliance on stack test or performance test data to 

assert lower NOx limits are achievable does not demonstrate what is achievable over the life of 

the facility because such data provides only short-term results.  Id. at 91-92.  Actual operating 

experience shows these facilities are not continuously achieving the levels claimed by 

Petitioners.  TGC201, TGCD153-012, TGCD153-013, TGCR340, TGC219; 6-2-04 TE at 181 

(Fox); 4-13-04 TE at 85-87 (Adams); PRD 230-8; PD 153-16. 

 500. Because proposals to the Department of Energy (DOE) are for technologies that 

are not demonstrated in practice, TGC contends that it was not required to consider these 

proposals.  4-13-04 TE at 122 (Adams).   

 501. At p. 178-182 of its post hearing brief, TGC provides a chart identifying facilities 

cited by Petitioners and indicating for each why TGC believes a lower emission rate for NOx to 

satisfy BACT is not compelled, based on the following factors: 
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*Different fuel 
*Retrofit 
*Cap/trade no permit limit 
*Short-term test data only 
*Limited data/ozone only 
*Pre-permit CEMS data does not support lower limit 
*Vendor promotion or design only 

 

 502. TGC urges that the Cash Creek application, P137-106, with a 0.05 lb/MMbtu NOx 

limit does not mandate a lower NOx limit for TGS because the application was deemed 

incomplete by DAQ and was withdrawn by the applicant.   Thus, DAQ did not rely on the Cash 

Creek application in the TGC BACT review.  4-13-04 TE at 71-72 (Adams).  Id.  Adams 

described the application as “speculation from Burns & McDonnell on a tentative project.” 4-22-

04 TE at 163 (Adams).  

Cabinet 

 503. The Cabinet briefly points out that no source in Kentucky was at a NOx emission 

limit of 0.07 at the time of the TGC permit.  4-12-04 TE at 89:20-24 (Adams).  Wyoming’s 

Black Hills (P120-034, WYGEN 2) is a smaller operation using Western coal, which was issued 

with a limit of 0.07 several weeks before the TGC permit.  This would not have made a 

substantive difference in the TGC permit.  4-13-04 TE at 21:8; 27-29 (Adams).  Georgia Power’s 

Bowen plant was issued a limit of 0.07 for a retrofit based on the ozone season.  Adams’ 

compiled several pages of his notes and comments regarding the facilities cited by Dr. Fox. 

CabD21. 

Petitioners’ Reply 

 504. In reply, Petitioners urge that there were many higher NOx reduction facilities and 

lower limits that were not considered. 
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 505. Petitioners maintain that the NOx BACT limit was not based on a reasoned 

analysis because the maximum degree of NOx reduction was not disclosed or considered in the 

BACT analysis, although Kentucky’s BACT definition states that BACT “means an emission 

limit … based on the maximum degree of reduction for each pollutant”.  Petitioners point out 

that DAQ now is requiring a listing of specific emission limits proposed for a project and the 

corresponding “degree of reduction” for each from permit applicants as required by Step 3 of the 

NSR Manual. PR237, p. 3, items 8 and 11 and table B-1; PR324, p. 2, item 3.   

 506. In addition, Petitioners maintain that the NOx BACT limit was not based on a 

reasoned analysis because the technical feasibility of meeting a lower NOx limit was not 

documented in the permitting record.   

  507. Next, Petitioners point to evidence which demonstrates that TGC’s coal quality is 

not a design constraint but instead is a design parameter for which other engineering firms, 

catalyst vendors, consultants and plant operators have identified SCR design solutions. PR261; 

PR339; P213; P214; TGC203. This was confirmed by Powers, an engineer with design 

experience, who polled SCR vendors on available NOx emission guarantees for TGS’s coal.  11-

10-03 TE at 118:13-21; 125:21-24; 118:4-8.  In a 1997 report by EPA on the performance of 

SCR on coal-fired boilers, EPA indicates that proper design can mitigate mechanical and 

chemical impacts on the catalyst. P178 at 32.  Moreover, Petitioners note that although TGC’s 

sulfur content and ash content are high, they are well within the range of sulfur contents of 

bituminous coals used by the existing fleet of power plants.   

 508. Petitioners point out specific SCR design solutions for the coal quality problems 

TGC cites.  The solutions include 1) use of a catalyst with a low SO2 oxidation rate and high 

resistance to fly ash erosion; 2) use of an edge-hardened catalyst surface coating to minimize 
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deactivation by fly ash; 3) soot blowing to prevent fly ash accumulation on the caralyst surface; 

4) periodically raising the catalyst temperature to reverse any SO3 impacts, etc., as demonstrated 

by design engineering firms and catalyst vendors.  PR261, P120-041, P213, P214 and TGC203.  

Petitioners also discuss the design solutions to the creation of sulfuric acid mist and point out 

that this is the type of issue that should have been addressed in the BACT analysis, as with 

ammonia slip (PR334, p 53, PR325, p 4, Eq. 4 and p 4) and popcorn ash (P163, p 20-21; PR261, 

p 18-19). 

  509. Ironically, TGC’s BACT analysis did not address the impact of coal quality on 

the achievable NOx limit.  Only after the close of public comment did TGC include the response 

that there are “no units firing similar fuel”, without any further explanations.  Jt. #17 at Red 108. 

  510. Petitioners respond to TGC’s statement in its post hearing brief, at p. 172, that the 

combined technology of low NOx burners and SCR remove roughly 88% of the NOx.  Petitioners 

point out that because the record does not contain the uncontrolled NOx level, which is required 

to calculate the total NOx control efficiency, there is no basis for TGC’s conclusion.   

 511. Petitioners urge that the record is replete with evidence that a higher NOx 

reduction efficiency than 55.6% is achievable for TGC as shown by PD153-6, NOx Removal, Dr. 

Fox’s exhibit summarizing various design basis NOx removal efficiencies.  Also, on rebuttal, 

Petitioners adduced evidence comparing TGC’s NOx reduction with that of 53 coal fired boilers 

equipped with SCR systems designed, guaranteed, and/or operating at 85% to 90% NOx control 

before the TGC permit was issued.  PR341-2.  Dr. Fox, on rebuttal, cited other plants permitted 

or operating with greater than 55.6% NOx reduction, including Spurlock (82 to 83%), Homer 

City (90%),Enel Produzione Spa (80%) and Allegheny’s Pleasants and Harrison Stations (95%), 

6-1-04 TE at 93-94.  The two charts prepared by Shepherd and attached to his deposition, P160-2 
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and P160-3, show three facilities permitted prior to TGC with higher NOx efficiencies, Wygen 2 

– 85%, Roundup – 80% and Santee Cooper Cross – 90%. 

Petitioners urge that lower limits are achievable 

512. TGC’s document production included a summary of NOx emission limits for the 

third quarter of 2002, which listed several facilities that had achieved NOx emissions limits lower 

than 0.08 lb/MMbtu – two units at the Ray D. Nixon facility in Colorado that achieved 0.038 and 

0.042 lb/MMbtu, the Mountainview facility in WV achieving 0.04 lb/MMbtu, the High Wagner 

facility in MD achieving 0.07 lb/MMbtu and the Spurlock facility in KY achieving 0.07 

lb/MMbtu. P137-157.  The ALSTOM SCR experience list indicates that ALSTOM had 

guaranteed SCR systems at 90% control on high sulfur coals (Paradise, Homer City Unit 3), 

compared to TGC’s at 55.6%. P73.  

513. Petitioners cite to multiple exhibits which show that lower NOx limits are 

achievable: 

* An EPA report dated 1997 showing one coal-fired plant operated at 0.04 during 
variable load and at 0.07 during maximum load. P161, handwritten p. 7. 

* CEMS data available before TGC’s permit was issued shows that Plant Bowen in GA 
achieved a lower NOx limit than 0.08 lb/MMbtu before October 2002.  TGC 219, 720 hour plot, 
BOWN2ALL to QTR2 02.  Also, Mountaineer CEMS data was available prior to October 2002. 
P137-258, PR230-8. 

* CEMS data for some SCR units on PR 341-2 designed and/or started up prior to 
October 2002 demonstrate these higher NOx efficiencies allowed these plants to achieve lower 
NOx limits than proposed for TGC, ranging from 0.052 to 0.069 lb/MMbtu. PRD 341-1.  
Petitioners’ response to TGC’s objection of this evidence (because it postdates the permit) is that 
TGC also objects to vendor data and technical literature (although it predates the permit), and the 
post permit CEMS data shows that the vendor and technical information was reliable.56 

* Dr. Fox’s bar graph, PD153-5, compares TGC’s 0.08 NOx limit with other similar coal-
fired boilers, ranging from 0.015 lb/MMbtu to 0.07 lb/MMbtu.   
                                                 
56 Petitioners urge that it would be unfair if they are limited to the strict rebuttal standard observed in the hearing for 
post-permit documentation (i.e., post permit evidence was not allowed in Petitioners’ case in chief because TGC 
had the benefit of an October 2002 BACT date), but TGC and the Cabinet are permitted to rely on post hoc 
rationalizations and post permit evidence to support the determination. 
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* A Peabody document reported NOx emissions from “commercial SCR’s” range from 
0.03 to 0.093 lb/MMbtu. P137-53, p. 32, Fig. 1-12; 12-3-03 TE at 120:12-122:24. 

 
Petitioners’ response to relevance of information 

514. Petitioners respond as follows to TGC’s contention that many of the types of 

information they cite for support are not relevant:  

PRB Limits 

 515. While TGC suggests that lower NOx BACT determinations for PRB coals are not 

relevant because it is easier to meet a lower NOx limit using PRB coals, Dr. Fox explained that 

PRB coals present SCR design problems and SCR vendors prefer to design for a high sulfur, 

high ash coal like TGS’s. 6-1-04 TE at 169:21-170:13. 

Retrofit experience 

516. A retrofit unit is an existing unit that is modified after it has been constructed to 

include an SCR.  For a new unit, on the other hand, the SCR is designed and constructed at the 

same time as the boiler and pollution control train, allowing the total system to be optimized.   

517. EPA Region 4 stated, in a letter to DAQ dated February 26, 2002, that retrofit 

experience was specifically relevant to TGS.  In the letter, EPA Region 4 listed examples of the 

types of information and reference sources which should be consulted prior to issuance of the 

TGC permit, and included retrofits among the examples listed, by stating: 

a.  The nitrogen oxides (NOx) control levels achieved (or expected to be achieved) 
at the many existing coal-fired power plants that have installed (or are planning to 
install) selective catalytic reduction (SCR) controls for NOx SIP call purposes or 
other purposes. Jt. #44 at Red 12. 

 

Petitioners also cite to the opinions of Powers, Lillestolen, Haber, Fox and Chicanowicz on 

retrofits.  Powers stated that there is not a great deal of difference between a retrofit plant and a 
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new plant meeting low NOx limits.  11-10-03 TE at 184:3-13.  When asked whether a retrofit 

SCR would be expected to perform better than an SCR on a new facility, Lillestolen responded 

that it depends on what the customer asks for.  Thus, he did not confirm TGC’s position that 

lower NOx limits are easier for a retrofit.  3-17-04 TE at 32:12-33:16.  Haber, a BACT expert in 

Region 9 (P119-002, p. 3-4), prepared a BACT analysis for the Baldwin facility in Illinois in 

April, 2002.  Because he concluded that it was more difficult for a retrofit unit to meet a low NOx 

limit, he increased his BACT determination from 0.015 lb/MMbtu to 0.02 lb/MMbtu to adjust 

for Baldwin Unit 3 being an existing unit.  Id. at 50.  Dr. Fox explained why a retrofit can 

represent a worst-case design situation for SCR and why a new plant is relatively easy to design 

for and should be able to meet better limits than a retrofit.  12-3-03 TE at 157:21-159:7.  

Chicanowicz, TGC’s witness, in a white paper prepared for industry associations, drew similar 

conclusions.  P123-13A, p. 8. 

518. TGC claims that CEMS operating data for retrofit units is not relevant because 

they only operate five months of the year, during the ozone season and are not required to meet 

any specific permit limits.  However, Petitioners point out that CEMS data is relied on by 

reasonably prudent environmental engineers.  The EPA technical report to support the NOx New 

Source Performance Standards relied on 90 days of CEMS data for each of two units to set a 

national NOx standard that applies to all steam electric generating units >250,000 MMbtu/hr 

fired on all coals. P224, Sec. 3.6.2.4, p 3-177, et seq.  Dr. Fox stated that the ozone season 

experience represents a worst case compared to a new plant operating SCR on a continuous 

basis.  12-2-03 TE at 156:13-157:15. 

 519. TGC claims that a single season of CEMS data shows only what emission rates 

are possible when the catalyst is relatively new, thus arguing that this does not indicate what 
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emissions are achievable over the life of the facility.  However, Petitioners point out that an SCR 

catalyst is designed for the end of the catalyst life, with uniform performance over the life of the 

catalyst.  P120-18, p. 3.  Petitioners note that some of the CEMS data presented are not from a 

single season when the catalyst is relatively new, i.e. data for two years for Bowen Unit 2 and 

Mountaineer show no degradation in performance with NOx limits lower than 0.08 lb/MMbtu.  

Some of this CEMS data was available before the final permit was issued.   

 520. Next, Petitioners urge that TGC injected the margin of safety issue to offset an 

unfavorable record.  However, Petitioners point out that a safety factor is encompassed in the 30 

day average because it allows TGC to average out peaks or exceedances.  6-2-04 TE at 129:25-

130:12 (Fox); P23, Comments, p. 9.  Although TGC cites Masonite, supra, as authority for 

including a margin of safety, Petitioners point out that the Board in Masonite set out certain 

limited conditions under which an agency has discretion to base an emission limitation on a 

control efficiency lower than the optimal level.  However, none of these conditions apply to TGC 

or are documented in TGC’s permit record.  Masonite at 560-561.  Petitioners also point out that 

SCR has been applied to hundreds of coal-fired boilers, many burning high sulfur fuels, and NOx 

control efficiency can be maintained at a constant level by monitoring inlet NOx and adjusting 

ammonia injection.   

 521. In the Three Mountain Power case, supra, another case cited by TGC, the 

advocated lower CO limit had only been achieved on distinguishable sources, and the CO limit 

was based on a 3-hour average not a 30-day average, as with TGC.  Also, Petitioners urge that 

TGC’s reliance on the Steel Dynamics case, supra, is misplaced because a safety factor was 

allowed because Indiana was setting the most stringent level ever.  While Dr. Fox did testify that 
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a safety factor could be incorporated if there is a basis for one, TGC’s 30-day average 

incorporates a safety factor by averaging out the peaks.  6-2-04 TE. 

Petitioners urge the NOx limit is not consistent with other contemporaneous permits 

 522. Petitioners claim that it is irrelevant that TGC can point to other permits issued 

before and after its permit that contain the same or higher limits because BACT is determined by 

examining the lowest, not the highest, rates. 6-16-04 TE at 10:8-11:11 (Fox); P160 at 26 

(Shepherd). 

 523. Petitioners point out that the 0.08 NOx level appeared in TGC’s solicitation for 

bids even before the final permit application was submitted and almost a year before the public 

comment period ended. P68A, TGC’s AQCS Bid Package by B&V, July 27, 2001 at pg. 32; 11-

14-03 TE 55:24; TE 57:15-24 (Dr. Fox).  Thus, Petitioners contend that vendors simply bid on 

the 0.08 level rather than going through a top-down analysis to determine what the best available 

control technology actually was.  They urge that the 0.08 NOx level was negotiated among 

Peabody and the commenting agencies and was specified by Black & Veatch in the bid package 

for vendors to bid on. 

 524. Petitioners point to EPA notes from a May 14, 2002, meeting which indicate that 

the NOx BACT limit was negotiated in exchange for dropping other issues raised by EPA and 

NPS. PR247 and 249; 6-1-04 TE at 109-115.  Petitioners urge that when negotiation results in a 

limit that is not consistent with BACT, it is contrary to law and fact.  In the recent Alaska case, 

supra, the applicant negotiated an alternative approach to NOx control with the agency, which did 

not satisfy BACT.  The U.S. Supreme Court remanded the decision. 

 525. Much of the disagreement over the NOx limit revolves around what sources of 

information should be included in a BACT analysis.  Petitioners identified the following sources 
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of data which they urge indicate that TGC’s NOx emission limit is not BACT – vendor 

guarantees, vendor literature, performance tests, CEMS data, draft permits, final permits, PSD 

applications, regulations published by other states, letters written by EPA and other state 

permitting authorities, BACT determinations by the EPA, foreign experience, industry 

newsletters, EPA technical reports and papers published in conference proceedings, among 

others.     

Conclusions on BACT for NOx 

526. Petitioners have demonstrated that there were many facilities with higher NOx 

reduction and lower emission limits that were not considered in TGC’s BACT analysis.  TGC 

has attempted to deflect the barrage of exhibits adduced by Petitioners by discounting the type of 

information and urging that the poor quality of its coal prevents a lower emission limit.  TGC did 

not cite to the poor quality of its coal in its BACT analyses, however, and Fox and Shepherd, and 

even TGC witness Lillestolen, explained that the quality of the coal is a design parameter.   

527. While acknowledging a few permits which were issued in late 2002 with NOx 

limits of 0.07, TGC also urges that its NOx limit is consistent with other permits issued in the 

same time frame.  The Cabinet states that there were no permits in Kentucky with a NOx 

emission limit of 0.07 at the time the TGC permit was issued.  Both of these arguments 

demonstrate either a lack of understanding of the requirements of BACT or a willingness to say 

one thing publicly and do another.  A BACT limit is not based on a limit which is in accord with 

other permit limits, or on permit limits in Kentucky.  

528. TGC also disparages the types of data Petitioners rely on as showing lower limits 

and higher efficiencies.  However, neither EPA nor Fox and Shepherd, the experts with the most 

BACT experience, agree with TGC’s arguments that much of the information adduced by 
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Petitioners need not be analyzed.  With regard to each of the types of information, i.e. retrofit 

plants, CEMS data, PRB coal, Petitioners have explored why this information is relevant.  

Indeed, in a top-down BACT analysis, following the NSR Manual, as TGC repeatedly cited to as 

its guidance for a BACT analysis, a comprehensive search is made.  Not only did TGC fail to list 

facilities identified in countless sources which were achieving lower emission limits and higher 

reduction efficiencies, documents from its files show that it was aware of lower limits which 

were not disclosed to DAQ.  Moreover, all of the facilities TGC did identify with lower emission 

limits in its revised BACT analysis, Table 4.2-1, Jt. #33, at Red 21, were excluded and did not go 

through a formal top-down BACT analysis.  Thus, the technical feasibility of meeting a lower 

NOx limit was not documented in the permitting record, nor did TGC perform any cost-

effectiveness analysis for NOx. 

529. In addition, contrary to the Cabinet’s assertions, Kentucky’s BACT definition, 

401 KAR 51:017 Section 1(8), states that BACT “means an emissions limitation … based on the 

maximum degree of reduction…” Thus, it was incumbent on TGC to disclose the degree of 

reduction and on DAQ to consider this measure of efficiency in determining the BACT emission 

limit for the PC boilers.   

 530. DAQ does not explain in the SOB, Jt. #7 at 20, why lower NOx limits were not 

selected, and justifications provided by TGC following the close of public comment, Jt. #17 at 

107-108, are conclusory. 

531. Based on the foregoing, DAQ’s determination to issue the permit with a NOx limit 

of 0.08 lb/MMbtu was contrary to fact and law, and the permit should be remanded for a new 

NOx BACT determination. 
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E. BACT for PM or PM10  

 532. Revision #2 includes an amendment providing that the reference in Section D.1 

on p. 35 of 50 is clarified to state that the regulated particulate matter pollutant is “PM/PM10 

(filterable and condensable)”. 

533. Petitioners agree that this is an appropriate BACT limit at the time the permit was 

issued.  Thus, this issue is moot. 

F. BACT for SO2  

Overview 

 534. The permit sets two SO2 limits: (1) 0.167 lb/MMbtu based on a 30-day rolling 

average, and (2) 0.41 lbs/MMbtu based on a 24-hour average. Jt. #8, pg 3, Sec. B(2)(c) and (d).  

The 30-day limit corresponds to 98% SO2 reduction; the 24-hour limit corresponds to 95.2% SO2 

reduction.  The technology for achieving these limits are the wet flue-gas desulfurization system 

(FGD) and wet electrostatic precipitator (WESP). Jt. #7, p. 21-22; Jt. #57 at Red 44-45.   

 535. Petitioners maintain that the Cabinet did not make an SO2 BACT determination, 

but instead reviewed the proposed control technologies in conjunction with information available 

in the US EPA’s RACT/BACT/LAER Clearinghouse database and other similar sources.   

Petitioners urge that the BACT determination is not satisfied by a technology review because a 

BACT analysis requires that an emission limit be selected based on the maximum degree of 

reduction that is achievable. 

 536. TGC and the Cabinet maintain that DAQ evaluated the information submitted by 

TGC, conferred with EPA and NPS, and made a reasoned determination of BACT for SO2 in 

accordance with the requirements of 401 KAR 51:017.  Contrary to Petitioners’ assertions, 
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Respondents urge that technology capable of continuously achieving 99% reduction of SO2 was 

not commercially available. 

Findings - BACT for SO2 

 537. In its original February, 2001, application, TGC proposed an SO2 limit of 0.294 

lb/MMbtu as BACT, on a 30-day average.  Jt. #61 at Red 55. 

538. In April, 2001, DAQ received a letter from the superintendent of the Park 

indicating that based on its review of the TGS air quality analysis it found that the proposed 

emissions would adversely impact visibility at the Park.  TGC22.  To address these concerns, 

Peabody visited plants in both the U.S. and Europe to look at pollution control technologies and 

determine what was achievable and what could be guaranteed commercially.  TGC considered a 

number of different technologies including the following: wet FGD with limestone; wet FGD 

with magnesium enhanced lime (MEL); WESP; spray dry absorber; circulating dry scrubber 

(CDS); and emerging wet ammonia scrubbing technology. Jt. #61 at Red 36-44.  In its 

evaluations, TGC concluded that CDS, which was capable of greater than 95% control, had not 

been used on units the size of TGS.  It also concluded that CDS and MEL were no more 

effective at removing SO2 than the combination of wet FGD and WESP. 

539. TGC determined that wet FGD (wet flue gas desulfurization system) with 

limestone injection and WESP is capable of continuously achieving 98% reduction of SO2 

emission based on TGC’s design-basis coal, resulting in TGC’s proposal of a limit based on 98% 

reduction or 0.167 lb/MMbtu on a 30-day average. Jt. #7, p 21-22.  Prior to TGS, experience 

with scaling up a WESP for use in a large coal fired power plant was limited. 3-16-04 TE at 30-

31 (Lillestolen). 
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540.    The complete Air Quality Control System (AQCS) Bid Package, P177, sent out by 

Black & Veatch, Peabody’s engineer for the project, includes a letter dated July 27, 2001, 

entitled Letter of Invitation for Bids.  The letter states that the bidder is to submit (as a 

minimum) a base bid of either Configuration 1 or Configuration 2 or both.  These configurations 

are reflected on P137-362.  Configuration 1 and 2 show 98% SO2 and SO3 removal.   The letter, 

P177, also states that in addition to one of the above base bid system configurations please 

consider an optional system bid for the design of installing a semi-dry lime flue gas 

desulfurization system dedusting equipment in series with a wet flue gas desulfurization system. 

The optional system referred to is Option 1 on P137-362 at TB004617, with 99% SO2 and SO3 

removal. 

541.  P180 is Black & Veatch’s AQCS Bid Evaluation.  It states that the AQCS invitation 

for bids was sent to eight bidders.  AQCS proposals were received from ALSTOM and Lurgi.  

The Lurgi bid was for 98% removal for SO2
57.  TGC decided to choose ALSTOM and not Lurgi 

because certain final information was never received from Lurgi.   

542. Although TGC contends that it sought 99% removal from vendors, no vendors 

guaranteed 99% SO2 removal, which TGC urges means that technology capable of continuously 

achieving 99% reduction of SO2 was not commercially available.  For this 

                                                 
57  P137-92 is a summary dated July 30, 2001, of the Lurgi AQCS technology presentation.  Lurgi was a vendor for 
the circulating dry scrubber.  Paragraph 6 on p. 2 indicates that SO2 removal of greater than 99% is possible but 
may not be guaranteed.  
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reason, Ms. Tickner said that TGC committed to the 98% removal emission limit which it 

believed would perform over the long term.   

543.      TGC’s top-down BACT analysis did not evaluate 99% SO2 control. Jt. #33, Sec. 

4.4.2; Jt. #57, Sec. 4.2; Jt. #61, Sec. 4.2; Jt. #7, pg 17-23.  A higher control efficiency necessarily 

leads to a lower emission rate.  Ms. Tickner stated that TGC did not include in its BACT analysis 

an evaluation of the feasibility of obtaining 99% removal because it did not get a guarantee for 

99%.  A guarantee would have demonstrated to Ms. Tickner that a technology was commercially 

available.   

544.     Ms. Tickner acknowledges that TGC developed its SO2 removal targets based on 

looking at visibility impacts, but she states that was not the only criteria used.  Ms. Tickner is 

asked whether the achievability of emission reductions in P137-76, entitled “CALPUFF 

Iterations on Emission Rates To Drop Visual Impact Below 10 Percent” (which included 99% 

removal of SO2), was evaluated in the BACT analysis.  She thinks they were included in some 

perspective in that TGC indicated in its BACT analysis that 98% was the highest achievable SO2.   

545.  P137-5 is a “List of Air Permitting Concerns”, which was produced from TGC files 

during discovery.  When asked whether it indicates that the technology was selected and the 

limits and the BACT analysis was developed to justify those limits, Ms. Tickner responded:  “I 

don’t know if justify the limits is the right word, but, yes the BACT analysis was done on the 

technology selected petition.”  12-5-03 TE at 130:11. 

546. In May 2002, EPA raised concerns about the protection of the short-term SO2 

NAAQS and PSD increment by a BACT limit with a 30-day rolling average compliance period.  

In response, TGC submitted additional modeling in support of a short-term 24-hour block 

average SO2 limit of 0.41 lbs/MMbtu. Jt. #22 and 23.  Respondents state that this short-term limit 
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was never intended to be a BACT limit.  Jt. #7 at 21-22; Jt. #17 at Red 22-31.  To address 

concerns raised by the NPS regarding visibility at the Park, the permit contains a provision for 

adjusting the short-term limit downward based on actual operations data, as follows: 

The permittee shall perform an optimization study to re-examine the 0.41 lb-
SO2/MMbtu 24-hour emission limit for emission units 1 and 2 after the initial 
compliance demonstration and two years of commercial operation of unit 1.  The 
results of that study will be used to revise the 24-hour SO2 limit with a target 
emission rate of 0.23 lb-SO2/MMbtu….. 
Jt.#8 at Section D; Jt. #7 at 34. 

Expert Opinions on BACT for SO2 

Dr. Phyllis Fox 

547. PD153-9, is a demonstrative exhibit prepared by Dr. Fox entitled Candidate SO2 

BACT Limits, showing that a reduction from 98% removal to 99% removal efficiency results in 

SO2 reductions being reduced from 11,000 tons/year down to 5,000.  

548. Dr. Fox opined that technologies which were not evaluated and could achieve 

greater than 98% are a dry scrubber and a jet bubbling reactor.  An ALSTOM publication 

entitled “FGD Technologies, Achieving SO2 Compliance at the Lowest Life Cycle Cost”, 

illustrates a number of ways to improve the performance of a wet FGD system. 

549. Dr. Fox cited a number of exhibits showing technologies which result in lower 

SO2 emissions than TGC’s permit limits.58 

                                                 
58 P123-156 is Lurgi’s response to a request for Budget Quotation Prepared by Black & Veatch for a sulfur removal 
process for the TGC facility.  Lurgi’s circulating dry scrubber has some distinctive advantages over the wet 
scrubber selected for the TGC plant because it not only removes sulfur dioxide, but removes all of the sulfur 
trioxide, obviating the need for the downstream WESP.  
P137-87 is a monthly progress report from Black & Veatch covering the period May 3 through July 13, 2001.  The 
report indicates that there are three options presented in the air quality control system specification for particulate, 
SO2, and SO3 removal.  The first option offers a CDS/Baghouse combination for 98/99 percent removal of each 
specie.  Secondly, a baghouse or ESP/wet limestone FGD/wet ESP combination is offered for 98%/98% removal of 
each specie.  Lastly, is a CDS/baghouse/wet FGD combination for 99%/99% removal for each specie.  Each specie 
refers to SO2 and SO3.  It states that the final selection will be based on permit requirements and the evaluation of 
the equipment bids.  
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Shepherd on SO2 

                                                                                                                                                             
P137-62 is a presentation by Babcock & Wilcox entitled B & W Wet FGD Technology which summarizes some of 
the high SO2 removal performance data for plants that B & W have supplied.  Plants D & E, and E in particular, 
indicate a percent of SO2 removal greater than what the TGC permit is based on.  TGC did not review the option of 
meeting the higher percent removals presented in this presentation. 
P137-19 is a summary of an EPRI DOE SCS Demonstration Project for the Chiyoda, CT-121 process, which is a jet 
bubbling reactor SO2 scrubbing process, which is licensed by Black & Veatch in the US (as announced in August, 
2001).  It is a demonstration at Georgia Power’s Plant Yates.  CT-121 at Plant Yates exhibited excellent availability, 
maintained greater than 97% limestone utilization, and demonstrated the ability to exceed 98% SO2 removal 
efficiency with high sulfur coals while at maximum boiler loads.  The fuels they tested ranged from 1.5 to 4.3% 
sulfur.  Another notable thing about this technology is it has the ability to simultaneously remove PM10.  When 
operating at a removal efficiency of 99.3%, the CT-121 achieved PM10 outlet loading of 0.010, which is lower than 
the .018 proposed for this project.  When operating at a removal efficiency of 98.5%, it achieved a .005 pounds per 
MMbtu particulate emissions rate.  When operating at 98%, it achieved 0.006 pounds per MMbtu.  This particular 
wet FGD scrubbing system has the dual benefit of removing not only SO2 but also particulate matter.   
P123-164  is a paper describing the commercial experience using the CT-121 FGD system at a 700-MW electric 
power plant in Japan.  The inlet SO2 concentration can be varied or the load of the power plant varied without any 
effect on the ability of the CT-121 to maintain a stable 99% removal efficiency. 
P137-137 is a letter from a German company, WULFF, dated September 27, 2001, which in part is responsive to 
Black & Veatch’s bid specification package for the sulfur removal train for the TGC project.  It states that for the 
extreme high SO3 removal rate, several measurements have shown more than 99%. 
P137-30 is a paper presented by WULFF, at the Pittsburgh Coal Conference in September, 2000, entitled “Dry Flue 
Gas Scrubbing in Heat and Power Stations, Operating Experience with Medium and Large-Sized Units”.  In 
summary, it concludes from the favorable design and operating reference to date that the GRAF, WULFF, RCFB 
technology can be employed beneficially and without risk in medium and large size flue gas scrubbing plants of 
single-train design serving units with inlet raw sulphur gas flow rates as great as approximately two million cubic 
meters an hour and for gaseous pollutant removal efficiencies up to 99%. 
P137-362 is a chart from TGC’s files that summarizes five emission control options that were being evaluated to 
reduce visibility impacts to address comments by the NPS. The highest control efficiency that was evaluated has a 
pollution control train consisting of SCR, lime injection, CDS (circulating dry scrubber), baghouse, and a wet FGD.  
That particular pollution control train was capable of reducing SO2 by 99%, and  no days with visibility impacts 
over 10%. The reduction from 98% removal efficiency to an emission rate corresponding to 99% removal efficiency 
would cut emissions in half.  The second page of P137-362 comes from the Black & Veatch bid specification 
package.  It shows the option of SCR, lime injection, circulating dry scrubber, baghouse, wet FDG with a 99% 
SO2/SO3 control.  The fact that this schematic was included shows that Black & Veatch considered it to be feasible.   
P137-53 is the proposal where McDermott Technology, a subsidiary of Babcock & Wilcox, partners with TGC to 
propose an ultra-low emissions facility called the Thoroughbred Ultra Low Emissions Project.  This demonstration 
will achieve 99.5% SO2 removal.                       
P120-14 (admitted by avowel only) shows the results of test results conducted from February, 2001, to December, 
2001, labeled Field Performance, Minnesota Power’s Boswell Energy Center, showing a sulfur dioxide removal of 
99.98%, using the Pahlman process. 
P166, is an independent test report available by Interpoll Laboratories, entitled Results of the November 8, 2001, 
Air Emissions Monitoring, EnviroScrub Technologies, Mobile Demonstration Pilot Scrubber Ducts at Minnesota 
Power’s Boswell Energy Center in Cohasset, MN.   It found a 99.824% removal efficiency for SO2. 
P25, the Babcock & Wilcox “How Low Can We Go?” article supports Dr. Fox’s opinion that SO2 reductions 
greater than 98% should have been evaluated as part of the BACT analysis for TGC.  It states that an advanced 
plant can be designed to achieve 99.5% SO2 removal with high-sulfur coals.  The coal sulfur concentration 
considered in this analysis is 4%.  TGC’s sulfur content is roughly 4.4%, so this analysis is based on a coal which is 
similar to TGC’s coal.  Dr. Fox adds that this is the level the Georgia Department of Natural Resources stated was 
BACT for purposes of evaluating the Longleaf application and in fact the Department  rejected an application for a 
coal-fired power plant because the BACT analysis did not review that level. (P120-7, March 6, 2002). 
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 550. Shepherd opined that taking TGS’s coal into consideration, its 30-day rolling 

average looks very good. However, on a 24-hour basis, he said TGC’s limit is too high.  There 

are other boilers achieving a higher level of control on coal with less sulfur.  He, thus, expected 

that TGC could do as well as the Conemaugh and the Harrison boilers he mentioned.  P160 at 86 

and 101.  Shepherd also opined that all limits – including the 24-hour limit – should meet BACT.  

Handy and Lillestolen 

 551. TGC maintains that the control technologies chosen, wet FGD with limestone 

injection and WESP, are the top technologies for TGS.  Handy and Lillestolen stated that TGS is 

one of the first coal-fired power plants to use a WESP along with the wet FGD to control SO2 

emissions. 

Parties’ Arguments on BACT for SO2 

Petitioners 

 552. Petitioners urge that TGC’s SO2 30-day limit of 0.167 is not BACT, and that TGC 

was aware that 99% was the maximum degree of reduction, but did not provide DAQ with 

evaluations of 99% control.  Petitioners offer the following as support for this contention: 

* A consent degree requiring the retrofit installation of FGD at three older coal-
fired units, which are required to meet a 30 day limit of 0.150 and a 24 hour limit 
of 0.25 limit. TGC200, p. 15, para 53 and 55, p. 16, para. 57; 
 
* Black & Veatch’s report for engineering work at TGC showing a 
CDS/Baghouse/Wet FGD combination of 99/99 removal of SO2 and SO3, P137-87 
at 2 (TB007371);  
 
* ALSTOM had provided SO2 removal systems which performed at greater than 
the 98% TGS’s 30 day limit is based on, P123-165;  
 
* Babcock & Wilcox achieved SO2 removal above 98% using the wet FGD 
device planned for TGS, P137-62 at TB006436;  
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* WULFF also stated it had installed FGD systems which perform at greater than 
99% removal, P137-137 at TB005307;  
 
* P137-7 shows that 99% removal was achievable with a CDS and wet FGD system, at 
TB001872; 
 
*MEL FGD was in use prior to the TGC permit – 6-1-04 TE at 213-223 (Fox); 
 
*Petitioners also cite to additives and a jet bubbling reactor as feasible technologies for 
achieving control greater than 98%.  11-13-03 TE at 80; 6-1-04 TE at 211; 12-3-03 TE at 
89 (Fox): P123-164. 

 

 553. With regard to the 24-hour limit, which represents a level of control of slightly 

less than 95%, Petitioners point out that Shepherd’s chart showed 29 facilities with limits of 

below 0.41 for a 24-hour averaging period.  P160-2 at Table 2.a.  They also point to Shepherd’s 

testimony that a 24-hour limit should be approximately 25 to 30% higher than a 30 day limit for 

SO2.  With a 30% increase, TGC’s 24-hour SO2 limit would be 0.22 lbs/MMbtu. P160 at 36, 46.   
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Cabinet 

 554. Respondents’ arguments on SO2 control are relatively brief.  The Cabinet states 

that the 30 day rolling average of .167 lbs/MMbtu is the BACT limit; the 24-hour limit is not a 

BACT limit, and the two limits together protect visibility and guard against NAAQS violation.  

The Cabinet also comments that the control train is appropriate for eastern power plants. 

TGC 

 555. TGC urges that the evidence supports the following contentions: 1) it selected the 

top control technology; 2) 0.167 SO2/MMbtu is BACT; 3) 99% reduction is neither continuously 

achievable nor commercially available; and 4) the short term SO2 limit is not intended to be a 

BACT limit. 

Petitioners’ Reply 

 556. Petitioners urge that the SO2 emission rates were selected by TGC based on 

visibility and then put out to bid.  A vendor was selected (ALSTOM), and the BACT analysis 

was then revised to conclude that the technology that ALSTOM proposed was BACT.  The use 

of this process is supported by P137-116, meeting notes between Black & Veatch and client 

TGC.  The meeting notes, at TB7589 note 12, state: “(d)evelop BACT analysis based on control 

technology selected.”  

 557. Petitioners contend that the process used by TGC in selecting its SO2 limits is 

inconsistent with the definition of BACT, which requires that the BACT emission limit be based 

on the “maximum degree of reduction”.  Petitioners contend that a four step process was 

followed by TGC in selecting the SO2 limits: 

(1) run air models to determine maximum SO2 emission rate that addresses NPS 
visibility issues at the Park; 
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(2) adjust mine plan to achieve desired sulfur content; 
 
(3) request vendor bids for the SO2 emission rate selected in step #1 and coal 
sulfur in step #2;  
 
(4) adjust the BACT analysis to agree with the technology selected in step #3.  

 

 558. Petitioners urge that while several technologies that were able to achieve 99% 

plus SO2 removal were evaluated by TGC, they were not selected as BACT because a higher SO2 

control efficiency was not required to resolve the visibility issues.  Petitioners point out that the 

record contains no support for eliminating the top SO2 control technologies, and they urge that 

testimony in the formal hearing which addresses some of the eliminated top technologies are 

post hoc rationalizations and were not before the Cabinet at the time the permit was issued.  

 559. TGC presented a cataloguing and description of control technologies.  In the 

BACT analyses in the February, 2001, application  (Jt. #57, pg 4-12, Table 4.2-1) as well as the 

October, 2001, application (Jt. #61 pg 4-11, Table 4.2-1), the same control efficiency of 90%+ is 

assigned to all SO2 emission control options.  For some of the SO2 control options, the control 

efficiency is revised to 95+% in the May 2002 Addendums. Jt. #33, pg 30, Table 4.4.2-1.  

Petitioners urge that by assigning the same removal efficiency to all of the potential scrubbing 

technologies, it appears as if they are all comparable, when they are not.  12-3-03 TE at 85:10-15 

(Dr. Fox). 
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TechnologiesPetitioners urge should be included in the BACT analysis 

 560. Petitioners cite to the following technologies which they urge should have been 

included in the BACT analysis as the top technologies regardless of vendor guarantees and 

should have been eliminated as technically infeasible only based on documentation that physical, 

chemical and engineering principles would preclude successful use.  

 a. Bubbling jet reactor – This technology can achieve greater than 98% SO2 control and 

thus would have resulted in lower SO2 emission limits.  6-1-04 TE 211:21-212:1 (Fox).  

Petitioners adduced evidence showing that the Chiyoda CT-121 jet bubbling reactor is able to 

maintain 99% SO2 control over the long term. 12-3-03 at 89:13-15 (Fox).  The operating history, 

P123-164 at pg. 6, shows continuous performance above 99%.   

 Although TGC claims to have solicited the vendor of the CT-121, this is not reflected by 

the record.  The only vendors who offered this process at the time of the Black & Veatch 

solicitation, July 27, 2001, were Chiyoda and BWE, and the bidder lists in P177 indicate that the 

request for proposal did not go to these vendors.  Although Black & Veatch became a licensee of 

the CT-121, as announced in a press release on August 29, 2001, it was not a licensee when the 

bid package was released.  PR312.  The Shinko-Kobe facility discussed in P123-164 is not 

clearly distinguishable from TGS, as TGC claims.  Although Shinko-Kobe burns coal with about 

1% sulfur, which is much lower than TGC’s coal, it is more difficult and costly to remove the 

same high percentage of sulfur from a low sulfur coal than a high sulfur coal.  As explained 

earlier in this Report, a higher SO2 efficiency likely could be achieved on a higher sulfur coal 

because the design SO2 removal efficiency increases and the cost per ton of SO2 removed 

decreases as the sulfur content of the coal increases. Jt. #33, p. 35 (“The removal efficiency of 

the control equipment is lower for more dilute washed streams.”); 1-5-04 TE at 113:20-23; 
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117:14-118:13 (Tickner – “It’s my understanding as the quality of the coal gets worse, it’s easier 

to get a higher removal efficiency.”).  The experience reported in P123-164 at p 15 is relevant to 

high sulfur fuels, i.e. as high as 6 lb/MMbtu or more (TGS’s design sulfur content is 8.5 

lb/MMbtu) and at a plant with an inlet concentration of 7,000 ppm SO2 (TGS’s inlet SO2 

concentration is 3,249 ppm).   

 b. CDS/wet FGD combination - The BACT analysis did not consider combinations of 

technologies, with one exception, and did not evaluate Circulating Dry Scrubber (CDS) plus wet 

FGD as the top technology at 99% control in the BACT analysis. 12-5-03 at 80:2-13 (Tickner).  

P137-7, the Air Quality Control System Performance Matrix apparently prepared by Black & 

Veatch, was not submitted to the Cabinet (12-5-03 TE 34:2-5 – Tickner), although it documents 

a higher SO2 removal efficiency and a lower SO2 emission limit than the BACT permit limits.  

This matrix shows that a circulating dry scrubber plus a wet FGD can achieve greater than 99% 

SO2 control with an “expected” removal of 99% and an SO2 emission limit of 0.1 lbMMbtu.  The 

removal efficiency for the upper end of the moderate risk range is 99%.  P137-7; 12-5-03 TE at 

24:5-26:19; 29:10-33:2 (Tickner). This risk level is consistent with that selected for SO2 and SO3. 

 c.  Furnace lime injection plus CDS and/or wet FGD  - A Black & Veatch June 2001 

report, “Emission Control Evaluation”, concluded a number of controls could be used to 

“achieve greater performance” than what was then (June 2001) proposed. P137-61, p. 2.  One of 

these was injecting a calcium-based sorbent, typically lime or limestone, into either the boiler or 

the ducting of the air pollution control system.  Id. at 3-5.  The Black & Veatch analysis 

indicates that sorbent injection could achieve 30 to 75% SO2 removal, beyond that achieved by 

the wet FGD.  Id. at 5.  This would increase the total SO2 removal from 98% up to 99.5%.   
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 In a subsequent July 2001 analysis, entitled “scrubber options per unit numbers”, Black 

& Veatch evaluated lime injection into the boiler in combination with various other SO2 control 

methods. P137-93.  Option 6 is lime injection coupled with a CDS, fabric filter or ESP and wet 

FGD (“double scrub”).  Black & Veatch concluded “double scrub” would achieve 99% SO2 

control.  Id.  The risk column indicates that the performance risk is low to medium, which is 

lower than the risk level for the pollution control train that was selected. P137-7.  P137-93, note 

3, indicates that the “pollutant levels are equipment guarantee levels”.  The Black & Veatch bid 

package for the steam generator and SCR included lime injection into the boiler. P137-87, p. 

TB7371. 

 The February 2001 BACT analysis briefly discusses injecting a sorbent into the ducting 

but did not mention injecting lime into the boiler and did not evaluate sorbent injection in 

combination with other SO2 controls. Jt. #61, p. 4-16 to 4-17.  The October 2001 BACT analysis 

eliminated the section on sorbent injection, without an explanation of why it was being 

eliminated from consideration.  Jt. #57, Sec. 4.2; Jt. #61, Sec. 4.2.   

  d. Additives -  Various chemicals can be added to wet FGD systems to increase SO2 

removal, including organic acids like adipic, dibasic and formic acids.  P137-51, p. 3-3; 12-12-

03 TE at 90:20-92:14 (Tickner); 3-16-04 TE at 63:15-71:1 (Lillestolen).  Babcock & Wilcox, in 

response to the Black & Veatch bid package, proposed to increase the SO2 removal beyond 98% 

using “acid addition”. P137-151.  Handy did not directly answer questions on whether additives 

were included in the BACT analysis, claiming they were always part of the project. 5-10-04 TE 

at 87-6 – 88:23 (Handy).  The BACT analyses and SOB do not mention additives. Jt. #33, Sec. 

4.4.2; Jt. #57, Sec. 4.2; Jt. #61, Sec. 4.2; Jt. #7, p. 17-23.  The record suggests that these 

additives were not part of the project.  Black & Veatch asked vendors if they were willing to 
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guarantee their SO2 control level without the use of dibasic acid. P137-64, item 4.  ALSTOM 

responded that its “limestone FGD system is designed to meet the guaranteed sulfur dioxide 

emission without the use of dibasic acid.” P180, p. TB6977.   

 e.  WESP is not an SO2 control technology 

 Although TGC claims in its post hearing brief that WESP is an SO2 control technology 

and claims that wet FGD and WESP are the top technologies for SO2 control, WESP was 

required in the control system only because TGC chose a wet FGD instead of a CDS.  The wet 

FGD creates sulfuric acid mist that must be eliminated with downstream equipment. P137-151, 

p. 8-2 to 8-3.  TGC42, a demonstrative showing the control system train, does not show WESP 

as an SO2 control. 

Petitioners urge that 99% control efficiency was feasible 

 561. Petitioners maintain that 99% control can be achieved over the life of this facility 

and has been achieved.  As explained earlier, the higher sulfur content of TGS’s coal makes it 

easier to achieve a higher degree of SO2 reduction.  Several sources were identified by 

Petitioners that are or have been continuously meeting 99% SO2 control, including the Shinko-

Kobe Power Plant, P123-164, and Mitchell 3, an Allegheny plant in PA, which operated at 99% 

under a consent decree in 1984 and 85. 6-1-04 TE at 220:15-25 (Fox). 

       562. Lillestolen admitted that ALSTOM was not asked to guarantee higher than 98% 

SO2 removal. 3-16-04 TE at 165:4-7.  A 99% control efficiency would result in an SO2 emission 

rate of 0.085 lb/MMbtu, two times lower than TGC’s 24-hour SO2 emission limit of 0.167 

lb/MMbtu.   

563. The BACT analysis did not disclose that CDS and MEL (magnesium enhanced 

lime) are capable of achieving 99% SO2 control.  These technologies were eliminated in Step 2 
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of the BACT analysis (technically infeasible) without providing any rationale or identifying any 

energy, environmental or economic impacts and other costs.  

564. TGC selected the technology bid by ALSTOM without explaining why other, 

more efficient technologies were not BACT.  It appears that the SO2 control technology proposed 

by ALSTOM determined the outcome of the BACT analysis.  In meeting notes taken September 

17, 2001, between Peabody, Mirant and Black & Veatch, it is stated:  “Develop BACT analysis 

based on control technology selected.  Will not know until after selection is made …” and also 

Item F: “FGD and Acid Gas controls and emission limits – Information will be available once 

vendor bids are provided.” P137-116, p TB7589.  The record suggests that TGC selected wet 

FGD because it was the cheapest technology.  P137-51, p 1-2 and Table 1-3, p 1-6.   P137-145 at 

KEC31426 shows that wet FGD costs $146 per ton of SO2 removed while CDS costs $164 per 

ton.  This cost effectiveness analysis, prepared by Black & Veatch based on vendor quotes and 

EPA guidance, was sent to Handy, but was not disclosed to the Cabinet or included in the BACT 

analysis.  12-10-03 TE at 162:4-163:5 (Tickner).   

565. TGC and the Cabinet evaluated CDS, CFB, and other controls as though they 

were capable of achieving the same SO2 control efficiency as all other SO2 control technologies, 

90+% or 95+%.  Thus, they never distinguished the upper end of the removal efficiency range 

for the various SO2 control technologies.  Jt. #33, Sec. 4.4.2; Jt. #61, Sec. 4.2; Jt. #57, Sec. 4.2; 

Jt. #7, p. 19-22, Table 5.2.  

566. Tickner acknowledged that the BACT analysis did not evaluate CDS as capable 

of achieving 99% SO2 control, 12-5-03 TE 78:4-6, and also that TGC did not reveal to the 

Cabinet that it had evaluated CDS for 99% SO2 removal.  Id. at 111:24-112:1.  In a report Black 

& Veatch prepared, dated March, 2001, which evaluated three SO2 control options for TGC – 
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wet FGD, MEL and CDS, reported one of the advantages of CDS “in this application”, 

compared to the other two technologies, was its “High SO2 removal.” P137-51, p. 5-11. 

567. Lillestolen admitted he was aware that MEL had been used to achieve 99% SO2 

control. 3-17-04 TE at 34:18-35:1.  Dr. Fox, referring to PR306 at 2478, confirmed that EPA 

argued that the MEL process achieved 99% SO2 control in the Longview case, based on units 

that had been guaranteed before the TGC permit was issued. 

568. In rebuttal, Petitioners introduced a letter of deficiency the Cabinet issued in 

January, 2004, in the Cash Creek PSD application stating “U.S. EPA recently determined that 

99% SO2 removal was possible and practical using MEL scrubbers.  This level of control would 

reduce emissions by half from those in the application.” PR237, p. 3.  The vendor of the MEL 

process has filed comments in other proceedings, stating that the MEL process has achieved 99% 

control on similar coals. 6-1-04 TE at 212:20-220:14 (Fox).  Referring to PR231, a paper 

presented by the vendor of the MEL FGD process, Dr. Fox stated that on p. 2 of PR231 there is a 

list of facilities with commercial scale FGD systems, many of which significantly predate the 

TGC permit.  6-1-04 TE at 212:20-213:3  (Dr. Fox).  See also PR306, p. 2478; PR317, which 

post date the permit. 

569. TGC’s BACT analysis, at Jt. #57, at Red 38-39, suggests that the use of MEL is 

“often site specific” and high removal efficiencies are not always attainable.   However, the 

BACT analysis did not identify the so-called site specific factors or indicate whether they are 

relevant to TGC. 

570. Although TGC claims that CDS was eliminated because it had not been used on 

units the size of TGS, the BACT analyses in Jt. #57 and 61 do not state that CDS was technically 

infeasible for TGS on the basis of size. 12-5-04 TE at 77:19 –78:3 (Tickner).   Further, Black & 
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Veatch prepared a report in March 2001 for TGC which evaluated CDS on an 850 MW gross 

(750MW net) boilers, P137-51 p 7-1 to 7-4, and concluded that it was technically and 

economically feasible.  The advantages it found over the wet FGD system included the 

following: higher SO2 removal, smaller space requirements, carbon steel construction, dry 

reagent handling, dry waste products, simple process control, lower sulfuric acid mist, absence 

of visible plume, and lower mercury emissions.  Id. at 5-1 and Sec. 8.0.  TGC did not disclose 

these advantages in its BACT analysis.  The wet FGD was selected because it was the cheapest, 

P137-51, p. 1-2, even though it had disadvantages which were not disclosed in the BACT 

analysis.  These include elevated sulfuric acid mist and a plume that is highly visible and 

persistent in all weather conditions and which can extend for several miles before dissipating.  

Id., p. 1-2, 8-1, 8-2. 

571. The Black & Veatch analysis addressed the size constraint by specifying a two-

train system, P137-51, p. 6-10, and found that CDS was more cost effective than wet FGD, when 

a WESP was included. P137-51, p. 1-2 to 1-3.  This information was not submitted to the 

Cabinet, and TGC did not disclose to the Cabinet that it had evaluated using a CDS for 99% 

removal of SO2. 12-5-03 TE at 111:23-112:4 (Tickner). 

572. TGC claims it requested bids for both 98 and 99% SO2 removal, but no vendors 

were willing to guarantee 99% removal.  Thus, TGC concludes that technology capable of 

continuously achieving 99% reduction of SO2 was not commercially available.  Petitioners, 

however, point out three problems with this argument: 1) ALSTOM was not asked to guarantee a 

higher SO2 removal efficiency than 98%.  3-16-04 TE at 165:4-7 (Lillestolen); 2) a vendor 

guarantee is not required to establish that a technology is feasible and available for purposes of 

BACT.  Jt. #9, at B.20.  (Petitioners point out that TGC does not have a vendor guarantee for 
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80% mercury removal, but concluded that it constitutes both BACT and MACT for mercury); 

and 3) Black & Veatch evaluated six SO2 control options to address visibility concerns. P137-93.  

These included an option designed to achieve 99% control of both SO2 and SO3, using furnace 

lime injection, CDS and a wet FGD.  A note to this table suggests that equipment guarantees 

were available at this level. Note 3 states “(t)he pollutant levels are equipment guarantee levels.” 

573. Ms. Tickner’s testimony, which TGC relies on for its claim that no vendor would 

guarantee 99% control, is in contradiction to the Black & Veatch air quality control system bid 

package and other supporting information.  P177.  The letter of invitation dated July 27, 2001, 

accompanying the Black & Veatch AQCS bid package only required bids on either SO2 

Configurations 1 or 2.  Id. at p. 1-2.  These two configurations only require 98% SO2 removal.  

Id. at p 727 of 761.  See also P137-362.  The 99% SO2 option is the Option 1 Configuration, the 

third listed option.  See P177, p. 727 of 761.  The letter of invitation does not mention this option 

specifically, although it does describe the technology in this option:  “In addition to one of the 

above base bid system configurations please consider an optional system bid for the design by 

installing a semi-dry lime flue gas desulfurization system and dedusting equipment in series with 

a wet flue gas desulfurization system.” P177, 7-27-01 B&V letter, p. 2.  Black & Veatch’s 

evaluation of the bids, P180, supports Petitioners’ contention that only 98% SO2 control was 

requested.  12-5-03 TE at 106:21-25 (Tickner).  Black & Veatch did not request bids for 99% 

control; instead, the 99% control configuration was optional and “was available for them to bid 

on…”  12-5-03 TE at 27:12 – 29:3 (Tickner). 

 574. Petitioners point out that the visibility concerns were addressed by controlling 

SO2 by 98%.  Thus, the 99% control issue is a factor which should have been considered for 

BACT, but was not.  The higher control efficiency would result in a more expensive SO2 control 
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system, which would be a disincentive to bidders.  In addition, proposals are expensive and time 

consuming, and there was less than two months between the letter of invitation for bids and the 

date proposals were due.  P177, 7-24-01 letter.  Proposals were due about the same time under a 

separate solicitation for the steam generating unit and SCR system.  TGC29.  ALSTOM wrote 

Black & Veatch that it “will be pleased to provide alternatives to our initial bid, but we are 

unable to provide the option pricing requested by today due to the limited time available.” P180 

at TB006972.   Thus, Petitioners suggest that it is unrealistic that any firm would provide 

proposals on multiple alternatives, especially an alternative that was optional and likely not to be 

selected based on cost alone. 

575. Petitioners do not dispute TGC’s assertion that not a single coal-fired permit in 

the country requires 99% removal.  However, they point out that a permit is not necessary to 

demonstrate that a technology is available.  Dr. Fox and Adams both testified that BACT limits 

are based on a wide range of sources, including vendor guarantees, source tests, technical papers, 

foreign sources and others.  Indeed, in comments on the draft permit, the EPA recommended that 

TGC look beyond permits. P23. 

576. Contrary to TGC’s argument that Petitioners’ evidence is theoretical because it is 

based only on vendor guarantees, Petitioners point out that TGC’s 98% BACT level is based on 

a vendor guarantee.  

Petitioners urge the short term limit should be BACT 

577. Petitioners acknowledge that TGC does not intend for its 24-hour limit to be 

BACT. However, Petitioners urge that by citing to 401 KAR 51:017, TGC characterized its short 

term 24-hour limit of 0.41 lb/MMbtu as a BACT limit.   
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578. Petitioners cite to three sources to support their argument that the short-term limit 

should be BACT:  1) the NSR Manual, Jt. #9, at B.56, states that BACT limits must demonstrate 

protection of the short term ambient standards; 2) John Bunyak with NPS wrote in July 2002 that 

TGS should be required to meet a short-term limit that represents BACT, not arriving at a limit 

just below the Class I increment; 3) Shepherd testified that a BACT analysis should be done for 

all emission limits, not just one.  P160 at 90:16-21.  

579. Dr. Fox believes a BACT determination should have been made on both the 

three-hour and 24 hour short term SO2 limits, but was not.  She testified that it is common 

practice to establish permit limits with averaging times that correspond to the averaging times of 

ambient air quality standards for each applicable pollutant.  The 24-hour SO2 limit was selected 

to assure that the emissions were just below the threshold that would result in significant 

visibility impacts.   12-4-03 TE at 86-90. 

 580. Shepherd testified that he found two plants (Conemaugh in PA and Harrison in 

WV) that with even lower sulfur coal were achieving a higher level of sulfur dioxide removal, 

which would lead him to believe that TGC could probably do at least as well on a 24-hour 

average, which would result in a one third reduction in TGC’s 24-hour emission rate.  P60 at 

25:11-25.  NPS also expressed concerns that at the 0.41 lb/MMbtu limit there was a potential for 

an adverse impact on visibility at the Park.  The concern would be eliminated if emissions were 

brought down to the .23 level.  Id. at 45:5-25; 88:15 – 89:22 and at 36:7 to 37:3.  (As stated, the 

permit contains a provision for adjusting the short-term limit downward based on actual 

operations data.  Jt. #8, Section D; Jt. #7 at 34.; see also Jt. #18 and 19.) 

Conclusions on BACT for SO2  
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 581. While TGC’s applications contain a consideration of various technologies for 

controlling SO2 emissions, these “evaluations” were summary in nature and fall far short of the 

technical feasibility analysis required by a Step 2 BACT analysis.  As cited by TGC, a Step 2 

analysis requires that “(a) demonstration of technical infeasibility should be clearly documented 

and should show, based on physical, chemical and engineering principles, that technical 

difficulties would preclude the successful use of the control option on the emissions unit under 

review.”  Jt. #33, p 11; Jt. #57, p 4-4. In contrast, TGC did not show that the control technologies 

considered could not be successfully used at TGS based on physical, chemical and engineering 

principles.  Instead, TGC made only general conclusions, as shown by the following examples.   

 582. With regard to the MEL process, TGC states: 

 
The MEL process has been demonstrated to be a technically feasible 
application for SO2 removal on pulverized coal fired boilers.  
Additionally, as stated above, the MEL system is often site specific, and 
such high removal efficiencies are not always attainable on a consistent, 
long-term basis due to process control considerations. 
 
Jt. #61 at Red 39. 

 583. With regard to the use of the Wet Scrubber (Limestone), TGC 

concludes: 

 
Just as with lime scrubbing, additives such as dibasic acid may be added 
to the scrubber liquor to improve the overall SO2 removal efficiency.  
Removal efficiencies in the upper 90% range have been obtained in some 
customized applications.  These high efficiencies are typically only 
achievable for short periods of time while using lower sulfur fuels.  Id. 

 

584. TGC had information which documented a higher SO2 removal efficiency and a 

lower SO2 emission limit than the BACT permit limits, as illustrated by P137-7, the Air Quality 
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Control System Performance Matrix apparently prepared by Black & Veatch, which was not 

submitted to DAQ.   

 585. Clearly, SO2 reductions greater than 98% should have been evaluated as part of 

TGC’s BACT analysis.  Lillestolen admitted that ALSTOM was not asked to guarantee higher 

than 98% SO2 removal. 3-16-04 TE at 165:4-7.  Ticker acknowledged that TGC did not reveal to 

the Cabinet that it had evaluated CDS for 99% SO2 removal, 12-5-03 TE  at 111:24-112:1, and 

the BACT analysis did not evaluate CDS as capable of achieving 99% SO2 control. 12-5-03 TE 

78:4-6.   Indeed, based on the evidence adduced by Petitioners, the control option of 99% 

removal of SO2 should have been presented as a control option in the top-down BACT analysis, 

and if it were eliminated, TGC would need to show either technical infeasibility or lack of cost-

effectiveness.  A 99% control efficiency would result in an SO2 emission rate of 0.085 

lb/MMbtu, two times lower than TGC’s 30-day SO2 emission limit of 0.167 lb/MMbtu.  Tickner 

acknowledged that Lillestolen admitted he was aware that MEL had been used to achieve 99% 

SO2 control. 3-17-04 TE at 34:18-35:1.  Dr. Fox, referring to PR306 at 2478, confirmed that EPA 

argued that the MEL process achieved 99% SO2 control in the Longview case, based on units 

that had been guaranteed before the TGC permit was issued.  

 586. In a top-down BACT analysis, an applicant cannot take equipment bids and select 

a vendor based on the bid.  However, a B&V progress report on TGS in the summer of 2001, in 

P137-87 at TB007371, states that “the final selection will be based on permit requirements and 

evaluation of the equipment bids”.  Just before this sentence, B&V states: 

There are three options presented in the AQCS specification for particulate, SO2 
and SO3 removal.  The first option offers a CDS/Baghouse combination for 98/98 
removal of each specie.  Secondly, a Baghouse or ESP/Wet Limestone FGD/Wet 
ESP combination is offered for 98/98 removal of each specie.  Lastly, is a 
CDS/Baghouse/Wet FGD combination for 99/99 removal of each specie.   
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587. Again, this shows that TGC was aware that 99% was the maximum degree of 

reduction of SO2 achievable.  However, this was not submitted to DAQ for evaluation.  

 588. Moreover, an applicant need not have a guarantee in order for a technology to be 

considered “available”. The NSR Manual, which TGC repeatedly states it followed, states under 

Step 2: 

 Vendor guarantees may provide an indication of commercial availability and the 
technical feasibility of a control technique and could contribute to a determination 
of technical feasibility or technical infeasibility, depending on circumstances.  
However, EPA does not consider a vendor guarantee alone to be sufficient 
justification that a control option will work.  Conversely, lack of a vendor 
guarantee by itself does not present sufficient justification that a control option or 
an emissions limit is technically infeasible.  Jt. #9 at B.20. 

  

 589. TGC urges that “BACT limits are set based on what the facility can achieve 

continuously over the life of the facility under worst-case conditions”.  As stated before, while 

BACT limits are to be met over the life of the facility under worst-case conditions, this does not 

mean that the selection process for a BACT limit is defined by this criteria. 

 590. A remand is generally appropriate when an agency fails to examine the feasibility 

of a more effective control technology.   The Board in In re Inter-Power in setting out the 

standard of review for remanding a BACT review, states that petitioners need to establish that 

the evidence in the record in support of their view clearly outweighs the evidence presented by 

the permit issuer in support of its decision.  

(I)t is important to distinguish between BACT decisions where the permit 
issuer failed to consider an “available” control option in the first instance 
and decisions where the option was considered but rejected.  Where a 
more stringent alternative is not evaluated because the permitting 
authority erred in not identifying it as an “available” option, a remand is 
usually appropriate, because a proper BACT analysis requires 
consideration of all potentially “available” control technologies.   



 247

In re Inter-Power of New York, Inc., 5 E.A.D. 130, 144. (EAB 1994). 
 
591. Also, the Board in In Re Masonite Corp., supra, at 551, 569, note 26, 5 E.A.D. 

(EAB 1994), found that the cost-effectiveness analysis was clearly erroneous because the permit 

issuer had rejected use of the existing RTO (regenerative thermal oxidizer) at the facility without 

an adequate cost-effectiveness analysis.  Thus, the issue was remanded for reconsideration.    

 592. DAQ’s SO2 BACT determination was based on an inadequate analysis by TGC of 

the technical feasibility of meeting a limit of 99% reduction.  Although testimony at the formal 

hearing addressed some of the eliminated top technologies, this testimony was not before DAQ 

at the time the permit was issued and, thus, amounts to post hoc rationalizations.   

 593. For the foregoing reasons, the permit should be remanded for a new SO2 BACT 

determination. 

 594. I do not agree with Petitioners that the short term SO2 limit must be BACT. 

Kentucky’s BACT definition requires that for each pollutant an emission limitation must be set 

based on the maximum degree of reduction.  It is not clear that if more than one emission limit is 

set it must also be BACT.  Here, the 24-hour average was requested by EPA and DAQ to 

demonstrate the protection of the Class I NAAQS and PSD increment.  The analysis to 

determine the short-term level was based on statistical analysis and modeling, not on revising 

BACT.  Jt. #17 at Red 25.  

595. Since the 30-day rolling limit is much less than the 24-hour level, TGS could only 

operate with emissions as high as 0.41 lbs SO2/MMbtu over a very short time frame and still 

meet the 0.167 lbs SO2 MMbtu limit.  Id. at Red 27.  “Without the 24-hour SO2 average limit, 

SO2 could actually be higher than 0.41 lbs/MMbtu so long as the 30-day rolling average is met.  

By adding the short-term limit, the acceptable range over which SO2 emissions occur on a daily 
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basis is reduced.  This provides greater protection, not only to NAAQS and increment, but also 

visibility.”  Id. at Red 30. 

G.     BACT for Mercury and Beryllium 

Overview 

 596. The permit contains a mercury BACT limit of 0.0000031 lbs/MMbtu for each unit 

based on a quarterly average.  Jt. #8, p. 3, Sec. B.2.k.  This limit is based on 80% mercury control.  

The permit also contains a beryllium BACT limit of 0.000000944 lb/MMbtu for each unit based 

on a quarterly average. Jt. #8, p. 3, Sec. B.2.h.  This limit is based on 99.5% beryllium control.  

The technology chosen to control mercury and beryllium is an ESP, WESP and WFGD. Jt. #7 at 

18.  

 597. Petitioners urge that TGC eliminated methods to reduce mercury and beryllium 

that are “available” and technically feasible within the definition of BACT, including baghouses 

or fabric filters, carbon injection, carbon filters, additives, and coal washing. 

 598. TGC maintains that it considered all the commercially available control 

technologies that provide a co-benefit of mercury removal, including fabric filters.  Although it 

originally proposed fabric filters for particulates including mercury, additional information from 

vendors led it to reconsider and conclude that fabric filters were not feasible because of the high 

sulfur content of the flue gas upstream of the wet FGD and the low temperature downstream of 

the wet FGD. 4-15-04 TE at 32 (Adams); Jt. #63 at 15.  

599. As to the use of activated carbon injection (ACI), TGC determined in conjunction 

with EPA’s MACT development group, that it was not commercially available as of October 11, 

2002, and thus, they urge it was not required to be considered in its BACT analysis.  5-10-04 TE 

at 18-19 (Handy).  EPA, in its proposed MACT for steam electric generators, also found that ACI 
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is still not commercially available.  TGCR258 (69 Fed. Reg. 4652, 4698-99 (January 30, 2004)59.  

Adams testified that he was not aware of vendors selling ACI as of October 11, 2002.  3-16-04 

TE at 88 (Adams). 

600. TGC urges that there was a rational basis for DAQ’s determination, and for this 

reason, it should be upheld. 

 601. The Cabinet urges that as of the date of issuance of TGS’s permit, the control 

technology was state of the art and no guarantees of lower limits were being offered. 

Findings - BACT for Mercury and Beryllium  

 602. In both its February, 2001, and its October, 2001, applications, TGC proposed a 

baghouse (i.e. fabric filters) as BACT for PM/PM10, beryllium and mercury.  Jt.  #61, p 4-9; Jt. 

#57, p. 4-10.  

 603. In January, 2002, ALSTOM sent a letter to Peabody, Jt. #44 at Red 98. The letter 

was responsive to Peabody’s request that ALSTOM guarantee a mercury emission. 3-16-04 TE at 

74-82 (Lillestolen). ALSTOM was not willing to make a guarantee at that time, and stated that the 

best air quality control system for the TGS plant was dry ESP – wet FGD - wet ESP, for which it 

estimated that a prudent removal efficiency would be 80%.  Jt. #44 at 99. 

 604. In Jt. #33, TGC’s May 2002 Addendum, TGC eliminated language contained in its 

applications, Jt. #61, p 4-9; Jt. #57, p 4-10, concluding that a baghouse was BACT for beryllium 

and mercury.  New sections on beryllium and mercury were added, Jt. #33 4.4.7.1 and 4.4.8.4, 

which conclude that ESP is the maximum degree of reduction. Jt. #33, p 53-54.   

                                                 
59 See Overview on Count 10  for additional information on EPA’s proposed MACT standard for steam electric 
generating units. 
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 605. TGC states that it eliminated fabric filters based on an analysis by its engineer, 

Burns & McDonnell.  Jt. #17 at Red 147-148.  This two-page paper, entitled “Attachment 3 

Baghouse Feasibility Analysis”, is included in TGC’s Responses and Comments on the second 

draft permit and submitted to DAQ with a date of September 16, 2002.  The analysis states that 

long-term performance and bag life were concerns at a high-sulfur coal fired unit.  

 606. Ultimately, TGC and DAQ determined that fabric filters were not feasible because 

of the high sulfur content of the flue gas upstream of the wet FGD and the low temperature 

downstream of the wet FGD.  Jt. #34.  In DAQ’s responses to comments, Jt. #63 at 15, it states: 

While the Division does not believe that the acidic and wet exhaust 
stream would automatically preclude the use of baghouse technologies, 
there are clear technical concerns that upon review justify the use of 
ESP controls. 

 

Parties’ Arguments on BACT for Mercury and Beryllium 

 607. The arguments in the post hearing briefs of Petitioners, the Cabinet and TGC are 

summarized in the overview of this Count.   

  Petitioners’ reply brief contains the following arguments: 

Petitioners’ Reply 

608. Petitioners point out that there is no requirement in 401 KAR 51:017 that a BACT 

technology be specifically designed to control the pollutant of interest, as TGC suggests.  Instead, 

“available” technologies are defined by the NSR Manual:  “Available control options are those air 

pollution control technologies or techniques with a practical potential for application to the 

emissions unit and the regulated pollutant under evaluation.” Jt. #9 at B.5.  

 609. Petitioners urge that the following technologies to remove mercury and beryllium 

were commercially available: carbon injection, carbon filters, TOXECONTM, and additives.   
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 610. Carbon injection – Petitioners note that ALSTOM announced that it was offering 

commercial guarantees for carbon injection systems on December 2, 2002, six weeks after TGC’s 

permit was issued and before the issuance of Revision #1 on December 6, 2002. P71.  Thus, 

Petitioners surmise that ALSTOM was in a position prior to permit issuance to discuss carbon 

injection systems with TGC (3-16-04 TE at 146:7 – 150:13 (Lillestolen)) and offer to sell them in 

the near future, certainly well within the four-year construction period for TGC.  12-2-03 TE at 

52:7-16 (Fox).  Moreover, Petitioners point out that ALSTOM is only one vendor of these 

systems, and Dr. Fox indicated that there were European vendors with carbon injection in use on 

coal-fired power plants in the late 1990s. 

 611. In addition, carbon injection is widely used on similar sources, i.e., the waste-to-

energy source category.  However, the BACT analyses did not consider the experience in the 

waste-to-energy source category in determining BACT for mercury for TGC. Technology transfer 

refers to a control technology being applied at source categories other than the source under 

consideration.  Jt. #9 at B.11. Waste-to-energy plants, or incinerators, are similar to coal-fired 

power plants because the emissions are similar and the same technologies can be used to control 

mercury emissions from both.  12-2-03 TE at 47:8-18, 54: 2-11; 6-1-04 TE at 27:2-34:21 (Fox).  

Carbon injection systems have been used to control mercury at these facilities for two decades, 

PR279, p 31, achieving 95 to 98% mercury control. PR280, p 4-8; PR281, p 16.  TGC’s vendor, 

ALSTOM, concluded that this experience is relevant and adds considerably to the confidence in 

the concept of PAC (powdered activated carbon) injection for mercury control on coal-fired 

boilers. P123-131, p.1 (Abstract), 9 (Conclusions).  ALSTOM currently offers a carbon injection 

system for coal-fired power plants based on two decades of experience.  PR279, p 31; 6-1-04 TE 

at 33:13-34:21 (Fox). Massachusetts relied on incineration systems to support its decision to 
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regulate mercury emissions from coal-fired power plants. PR281, p 16; 6-1-04 TE at 35:5-20 

(Fox).  Black & Veatch relied on this experience to conclude in the Air Quality Control System 

Performance Matrix, P137-7, that carbon injection was available for TGC.  

612. Fabric filters –Petitioners point out that fabric filters were considered to be 

feasible for TGS until September 2002, when a white paper was produced after the close of public 

comments, raising new issues that had not previously been discussed. Jt. #17, at Red 147-148.  

Indeed, the SOB and final response to comments contain no evidence that the Cabinet reviewed 

this white paper before issuing the final permit. Jt. #7, p 17-25; Jt. #63. 

 613. Although TGC concluded in its February and October 2001 applications that 

BACT for PM/PM10, beryllium, and mercury was a baghouse (i.e. fabric filter), TGC concluded in 

the May 2002 Addendum that BACT for PM/PM10 was an electrostatic precipitator. Jt. #33, p. 23.  

A new section was added to the BACT analysis to address beryllium and mercury that did not 

explain why fabric filters were no longer BACT for these pollutants.   

 614. Petitioners urge that TGC did not follow the very passage from the NSR Manual 

which it cited, at Jt. #61, p. 4-4 and Jt. #57, p. 4-4, which states that in eliminating technologies 

which are infeasible the demonstration of technical infeasibility should be clearly documented 

and the technical infeasibility should be based on physical, chemical and engineering principles.  

Instead, the white paper states that it is questionable if satisfactory long-term performance of a 

fabric filter on a high-sulfur coal-fired unit can be maintained, Jt. #17 at Red 147, because of 

concerns, including acid attack, fouling and solids buildup on the bags.  There was no analysis 

that these problems would occur for the TGC facility, and indeed, three vendors bid fabric filters 

for TGS.  Also, all of these concerns would normally be addressed in a cost analysis, and are not 

reasons for eliminating a technology as infeasible in Step 2 of the top-down BACT analysis.  
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These issues can be addressed by selecting bags that are corrosion resistant, by using reheat to 

keep the temperatures above the acid dew point, by selecting materials of construction that are 

resistant to corrosion, and/or by altering the location of the baghouse.  These measures increase 

the cost.  P137-61, p 14 (Black and Veatch analysis); 6-1-04 TE at 231:19-235:19 (Fox).  Dr. Fox 

states that in order to use a baghouse in a high sulfur environment, material would need to be 

selected that was able to withstand the high levels of sulfur; in other words, corrosion resistant 

metals would have to be used in constructing the frame.  Bags would need to be selected that 

would hold up under the high sulfur environment in the baghouse, which would be considered in 

a BACT analysis in the cost-effectiveness analysis, but should not be used to eliminate baghouses 

from consideration.  Indeed, Lillestolen testified that acid-resistant bags, Gortex or Teflon, could 

be used to address bag corrosion and corrosion-resistant materials could be used to eliminate 

corrosion of fabric filter components. 3-16-04 TE at 166:10-167:18.  He further admitted that the 

dew point issue could be addressed by keeping the temperature above the acid dew point 

temperature, e.g., by reheat. 3-16-04 TE at 166:10-172.  Shepherd was in agreement that with 

respect to sulfuric acid attack on a baghouse, “I didn’t really see that that was that serious because 

virtually – well, if you keep the baghouse above the acid dewpoint, that shouldn’t be a problem.” 

P160 at 113:20-23.  No fabric filter cost analysis was submitted to DAQ.  P160 at 27:19-28:6 

(Shepherd). 

 615. The SOB, Jt. #7, offers no explanation for switching from fabric filters to 

ESP/WESP as BACT for mercury and HAP control.  Indeed, a preponderance of the evidence 

shows that fabric filters remove more of the mercury and beryllium than electrostatic 

precipitators.  The following sources have concluded that fabric filters remove 90% of the 

mercury while ESPs remove 9% (cold-side ESPs) to 36% (hot-side ESPs).  Jt. #12, v. 1 (April 
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2002 EPA Report on Control of Mercury Emissions from Coal-Fired Utility Boilers, Table 6-5); 

P121-65A, Table ES-1; P120-58: PR 279, p 30; PR281, p 12, Table 1.   A hot-side ESP is located 

before the air preheater, where the gases are hottest, and a cold-side ESP is located after the air 

preheater, where the gases are cooler.  The TGS ESP is after the air preheater. 3-16-04 TE at 

58:5-22; 169: 25-170:10; 170:23-171:1 (Lillestolen).  Thus, TGS will use a cold-side ESP, the 

worst-case for mercury control.  Dr. Lindau, who was on the ALSTOM proposal team for TGC, 

wrote a paper stating that “(i)t can be seen that fabric filters enhance the capture of mercury more 

than ESPs.  This is because in the filter cake there is intimate contact between the vapour phase 

mercury and the solid materials such as fly ash and LOI (loss-on-ignition) carbon”. PR279, p 30; 

see also 3-16-03 TE at 140:24 – 141:1. 

 616. Lillestolen testified that “as an absorption device, whether it be for mercury, sulfur 

dioxide or any other acid gases, that the fabric filter is a much better device for enhanced 

absorption as compared to an ESP.” 3-16-04 TE at 138:16-23.  Burns & McDonnell, TGC’s 

engineer, compared mercury removal by fabric filters and ESPs and concluded that “in general, it 

can be seen that the mercury removal capability of existing ESPs typically does not even reach 

the 50% control level,” noting one exception that was equipped with an SNCR (Selective Non-

Catalytic Reduction), a technology not used by TGC.  Fabric filters, on the other hand, achieved 

85% mercury control. P120-58 p 6-8.  Compare Figures 1 and 2. Fabric filters also remove more 

of the beryllium and most other hazardous air pollutants (HAPs) associated with particulate 

matter than ESPs.  A presentation by Bill Maxwell, whom Adams claims he consulted to 

determine mercury MACT, shows that the median removal of beryllium by ESPs was greater than 

92% while the median removal by fabric filters was greater than 95%. Jt. #12, Non-mercury HAP, 

March 4, 2002.  A memorandum summarizing non-mercury HAP data noted poor HAP removals 
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were limited to sites with either an FGD (Flue Gas Desulfurization) or a cold-side ESP, the 

controls selected for TGS. Jt. #12, Memorandum from Martha Keating to Environmental Caucus 

of MACT Work Group, Bill O’Sullivan, and John Paul, RE: Non-Hg HAPs Analysis, May 28, 

2002.  

 617. Although TGC urges that “(m)ercury removal mechanisms are not well 

understood”, Lillestolen testified that ALSTOM had a proprietary prediction model and database 

based on long-term mercury testing that allowed them to make 90% control guarantees for 

specific plants. 3-16-04 TE at 128:24 – 129:6; 132:12-18: 132:24–133:1.  The database was 

available before the permit was issued, although commercial guarantees were not available until 

after.  However, Petitioners point out that the 80% mercury control proposed for TGS is also not 

based on a guarantee, but instead is an estimate. 3-16-04 TE 139:16-18 (Lillestolen).  To address 

uncertainty and determine how a given coal would perform, tests are conducted to develop design 

criteria.  Donau Carbon, which had carbon injection systems in operation on coal-fired boilers 

since 1996, stated that before issuing a guarantee for TGS, it would require a test which would 

involve a sample of coal being burned in a laboratory or bench-scale pilot combustor to generate 

flue gases, which are then treated with carbon, simulating the actual process. 6-2-04 TE at 174:4-

7 (Fox). They were never asked by TGC. 

 618. Petitioners urge that TGC’s mercury BACT does not evaluate the gaseous or 

elemental form of mercury.  There are three forms of mercury – elemental or gaseous, particulate 

and oxidized.  Although TGC states that ESPs and baghouses do not remove elemental mercury, 

fabric filters do.  Jt. #12, v. 1 (April 2002 EPA Report, p 6-7); PR279, p 30.  Also, although TGC 

argues that there are no commercially available control technologies for gaseous mercury, SCR 

converts elemental mercury to oxidized mercury, which can then be removed by the downstream 
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wet FGD.  P121-69; TGC42 (SCR listed as controlling mercury); 11-20-03 TE at 51:11-16 (Fox); 

4-12-04 TE 36:8 – 37:2 (Adams).  A more efficient SCR would have improved mercury removal, 

which was not evaluated in the mercury or other HAP BACT analyses.  Activated carbon also 

removes elemental mercury, and carbon injection was commercially available when TGS was 

permitted.  See Count 10 – MACT. 

 619. The mercury BACT analysis does not explain how gaseous or elemental mercury 

would be controlled, although the January 2002 ALSTOM letter demonstrates that a significant 

fraction of the mercury for all technology combinations for bituminous coal-fired units is in the 

elemental form.  Jt. #44, at Red 100.  The mercury BACT analysis did not discuss this form of 

mercury at all. 

Conclusions on BACT for Mercury and Beryllium 

 620. Again, both the Cabinet and TGC stated repeatedly that they followed a top-down 

analysis based on the NSR Manual.  “Although the top-down approach is not mandated by the 

Act, if a state purports to follow this method, it should do so in a reasoned and justified manner.”  

Alaska v. US EPA, 298 F.3d 814, 822 (9th Cir. 2002).  A technology is “available” under a top-

down analysis based on the NSR Manual if there is a “realistic potential” that it can be used.  

Under this analysis, carbon injection should have been evaluated because it has been used in the 

waste-to-energy plants and in European plants.   

 621. With regard to the fabric filters, which were considered to be feasible for TGS 

until shortly before the permit issuance, TGC did not follow the technical infeasibility 

demonstration set out in the NSR Manual, but instead made conclusory comments in the white 

paper, Jt. #17, such as questioning if long-term performance on high sulfur coals could be 

maintained.  TGC performed no analysis on whether the concerns (acid attack, fouling and solids 
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buildup on the bags) would occur at TGS.  Indeed, these concerns should be addressed in a cost 

analysis, not technical feasibility analysis.  No cost analysis was submitted to DAQ.  The SOB, 

Jt. #7, offers no explanation for the change from fabric filters to ESP/WESP in spite of 

considerable evidence showing that fabric filters remove a greater percentage of mercury than 

ESPs. 

 622. It was erroneous for DAQ to make a BACT determination based on TGC’s 

elimination of carbon injection and fabric filters without the required technical feasibility 

analysis. Hence, the permit should be remanded for a new BACT determination on mercury and 

beryllium.   

H. BACT for Material Handling Units and Auxiliary Boiler 

 623. Petitioners contend that even though the permit purports to contain BACT limits 

for the material handling units and auxiliary boiler, these limits were arbitrarily set. 

 624. TGC maintains that the top technologies were selected for the material handling 

units and routinely used at plants to comply with BACT.  Jt. #61 at Red 35-36; Jt. #57 at Red 35-

36; Jt. #33 at Red 32-24; Jt. #7 at 23. 4-14-04 TE at 180-81 (Adams).  Also, TGC urges that top 

technology was selected for the auxiliary boiler - operational controls as well as limits for 

specific pollutants (low-NOx burners and low-sulfur fuel (0.05% sulfur)) with proper operation 

as BACT, and Petitioners fail to offer any alternatives DAQ should have considered.  Jt. #8 at 

15-16; Jt. #7 at 24; 4-14-04 TE at 33 (Adams). 

 625. The Cabinet states that the facility design, as well as the precautions to minimize 

coal-handling dust, and the limit on operating hours and low sulfur fuel for the auxiliary boiler 

are BACT. 
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 626. I agree with Respondents that Petitioners have failed to carry their burden of 

proof on this issue. 

General Conclusions on Count 9 

 627. TGC states in its post hearing brief that “there is no regulatory requirement that a 

BACT determination be based on a top-down analysis”, citing the U.S. Supreme Court’s recent 

decision in Alaska Dept. of Envtl. Conserv. v EPA60, 124 S.Ct. 983 (2004) at 995, n. 7.  The 

                                                 
60  The factual history of the 2002 Ninth Circuit Alaska case and the U.S. Supreme Court review, which concern the 
authority of the EPA to enforce the provisions of the CAA’s PSD program, is as follows.  In 1996, Cominco, 
operator of a zinc concentrate mine in northwest Alaska, initiated a project to expand zinc production by 40%. 
Cominco applied to the Alaska Department of Environmental Conservation (ADEC) to allow increased electricity 
generation by its standby generator, MG-5.  ADEC initially proposed as BACT for the MG-5 the emission control 
technology known as selective catalytic reduction (SCR), which reduces nitrogen oxide emissions by 90%.  In 
response, Cominco amended its application to add a seventh generator, MG-17, and to propose as BACT an 
alternative control technology – Low NOx – that achieves a 30% reduction in nitrogen oxide pollutants.  ADEC in 
conjunction with Cominco issued a first draft PSD permit and preliminary technical analysis report that concluded 
Low NOx was BACT for MG-5 and MG-17.  To determine BACT, ADEC employed EPA’s recommended top-
down methodology.  Despite its staff’s clear view that SCR was technologically, environmentally, and economically 
feasible for the power plant engines, ADEC endorsed the alternative proferred by Cominco.  To achieve nitrogen 
oxide emission reductions commensurate with SCR’s 90% impact, Cominco proposed fitting the new generator 
MG-17 and the six existing generators with Low NOx.  Cominco asserted that it could lower net emissions by 396 
tons per year if it fitted all seven generators with Low NOx rather than fitting two (MG-5 and MG-17) with SCR and 
choosing one of them as the standby unit.  Cominco’s proposal hinged on the assumption that under typical 
operating conditions one or more engines will not be running due to maintenance of standby-generation capacity.  If 
all seven generators ran continuously, however, Cominco’s alternative would increase emissions by 79 tons per 
year.  Accepting Cominco’s submission, ADEC stated that Cominco’s Low NOx  solution “achieved a similar 
maximum NOx reduction as the most stringent controls; could potentially result in a greater NOx reduction; and is 
logistically and economically less onerous to Cominco”.  

NPS submitted comments to ADEC objecting to the projected offset of new emissions from MG-5 and 
MG-17 against emissions from other existing generators that were not subject to BACT.  Such an offset, NPS 
commented, is neither allowed by BACT, nor achieves the degree of reduction that would result if all the generators 
that are subject to BACT were equipped with SCR.  NPS further observed that the proposed production-increase 
project would remove operating restrictions that the 1994 PSD permit had placed on four of the existing generators.  
Due to that alteration, NPS urged, those generators, too, became part of the production-expansion project and would 
be subject to the BACT requirement.  EPA wrote to ADEC stating that although ADEC states that the most 
stringent level of control is economically and technologically feasible, ADEC did not propose to require SCR.  
Once it is determined that an emission unit is subject to BACT, the PSD program does not allow the imposition of a 
limit that is less stringent than BACT.  EPA agreed with NPS that based on the existing information, BACT would 
be required for MG-1, MG-3, MG-4 and MG-5.  After receiving EPA comments, ADEC issued a second draft PSD 
permit and technical analysis again finding Low NOx to be BACT for MG-17.  ADEC agreed with NPS and EPA 
that emission reductions from sources that were not part of the permit action (MG-1, 2, 3, 4, 5, and 6) could not be 
considered in determining BACT for MG-17.  Contradicting its May 1999 conclusion that SCR was technically and 
economically feasible, ADEC found in September 1999 that SCR imposed a disproportionate cost on the mine.  
ADEC concluded that requiring SCR for a rural Alaska utility would lead to a 20% price increase, and in 
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comparison with other BACT technologies, SCR came at a significantly higher cost.  No economic basis for a 
comparison between the mine and a rural utility appeared in ADEC’s technical analysis. 
 EPA protested the revised permit stating that Cominco had not adequately demonstrated any site-specific 
factors to support their claim that the installation of SCR is economically infeasible at the mine.  Therefore, 
elimination of SCR as BACT based on cost-effectiveness grounds is not supported by the record and is clearly 
erroneous.  To justify the 1999 permit, EPA suggested that ADEC could include an analysis of whether requiring 
Cominco to install and operate SCR would have any adverse economic impacts upon Cominco specifically.  
Cominco said such an inquiry was unnecessary and expressed concerns related to confidentiality; it declined to 
submit financial data.  Cominco simply stated that the company’s overall debt remains quite high.  Cominco also 
invoked the need for industrial development in rural Alaska.   
 In December 10, 1999, ADEC issued the final permit and technical analysis report.  Once, again, ADEC 
approved Low NOx as BACT for MG-17 to support Cominco’s mine project and its contributions to the region.  
ADEC did not include the economic analysis EPA had suggested, and advanced, as cause for its decision, SCR’s 
adverse effect on the mine’s unique and continuing impact on the economic diversity of the region and on the 
venture’s world competitiveness. 
 On the same day, EPA issued an order to ADEC, prohibiting ADEC from issuing a PSD permit to 
Cominco unless ADEC satisfactorily documented why SCR is not BACT for the Wartsila diesel generator, MG-17.  
EPA stated that ADEC’s own analysis supports the determination that BACT is SCR and that ADEC’s decision in 
the proposed permit therefore is both arbitrary and erroneous. 
 On February 8, 2000, EPA issued a second order prohibiting Cominco from beginning construction or 
modification activities at the mine.  A third order, issued on March 7, 2000, superseding and vacating the February 
8 order, generally prohibited Cominco from acting on ADEC’s PSD permit but allowed limited summer 
construction.  On April 25, 2000, EPA withdrew its December 10 order.  On July 16, 2003, ADEC granted 
Cominco a PSD permit to construct MG-17 with SCR as BACT.  Under the July 16 permit, SCR ceases to be 
BACT if and when the case pending before the U.S. Supreme Court is decided in favor of the state of Alaska. 
 When EPA issued its first order against Cominco, February 8, 2000, ADEC and Cominco petitioned the 
Court of Appeals for the Ninth Circuit for review of EPA’s orders.  The Court of Appeals resolved the merits in a 
judgment released July 30, 2002. 298 F.3d 814.  It held EPA had authority to issue the contested orders and had 
properly exercised its discretion in doing so. 
 The U.S. Supreme Court affirmed the Ninth Circuit in a holding that the CAA authorizes EPA to stop 
construction of a major pollutant emitting facility permitted by a state authority when EPA finds that an authority’s 
BACT determination is unreasonable in light of 42 U.S.C. Section 7479(3)’s prescribed guides.  The Court noted 
that the permitting authority exercises primary or initial responsibility for identifying BACT in line with the Acts 
definition of that term.  States have only authority to make reasonable BACT determinations with fidelity to the 
Act’s purpose.  EPA asserts only the authority to guard against unreasonable designations.  EPA acknowledges the 
need to accord appropriate deference to states’ BACT designations and disclaims any intention to second guess state 
decisions.  Only when a state agency’s BACT determination is not based on a reasoned analysis may EPA step in to 
ensure that the statutory requirements are honored.  EPA is authorized to act in the unusual case in which a state 
permitting authority has determined BACT arbitrarily. 
 Even if the EPA can issue a stop construction order when a state agency unreasonably determines BACT, 
the Court next addresses whether EPA acted impermissibly in this instance.  The Court was satisfied that EPA did 
not act arbitrarily in finding that ADEC furnished no tenable accounting for its determination that Low NOx was 
BACT for MG-17.  The Court considers whether EPA’s actions were arbitrary, capricious and an abuse of 
discretion or otherwise not in accord with the law.  ADEC’s switch from finding SCR economically feasible in May 
1999 to finding SCR economically infeasible in September 1999 had no factual basis in the record.  No record 
evidence suggests that the mine, were it to use SCR for its new generator, would be obliged to cut personnel, or 
raise zinc prices.  Absent evidence of that order, ADEC lacked cause for selecting Low NOx as BACT based on the 
more stringent control’s impact on the mine’s operation or competitiveness.  ADEC’s basis for selecting Low NOx 
thus reduces to a readiness to support Cominco’s mine increase project and its contributions to the region.  This 
justification hardly meets ADEC’s own standard of a source specific economic impact which demonstrates SCR to 
be inappropriate as BACT.   
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Court notes in the same footnote that “EPA represents that permitting authorities ‘commonly’ 

use top-down methodology.” In the Ninth Circuit Court of Appeals’ 2002 decision (298 F. 3d 

814),  which led to the 2004 Supreme Court decision affirming, the court stated that “(a)lthough 

the top-down approach is not mandated by the Act, if a state purports to follow this method, it 

should do so in a reasoned and justified manner.”  Id. at 822.   

628. As stated earlier in this Report, during the formal hearing TGC moved to exclude 

evidence pertaining to the NSR Manual and for a ruling that the Manual was not binding on 

DAQ.  I issued an order during the formal hearing granting TGC’s motion for a ruling that the 

NSR Manual is not a binding legal requirement on DAQ because it has not been incorporated 

into the regulations.  Docket #249.  My order also reflects that the parties acknowledge that the 

Manual is relevant guidance information and is appropriate for use by DAQ. 

629. TGC repeatedly stated in its submissions that it was following the NSR Manual.  

DAQ acknowledges this and cites to the Manual in its explanation of BACT limits.  As stated in 

Alaska, when a state purports to follow the method outlined in the Manual, it must do so in a 

reasoned and justified manner.  This is, of course, true for the applicant as well.  Adams noted 

that TGC “proceeded not to follow it (the NSR Manual) to a large degree.”  4-22-04 TE at 

74:13-14.  “My criticism is that the applicant didn’t do a good job of following the NSR 

Manual.”  Id. at 74:20-21 (Adams).  

630. As confirmed by Dr. Fox, DAQ lacks the resources to perform the kind of review 

required for a project as large and complex as TGS.  Peabody Coal, however, which is the largest 

coal company in the world, has the resources and obligation to do the research and develop the 
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information which would then enable DAQ to perform its BACT determination in a reasoned 

and justified manner.   

631. I agree with Petitioners that instead of performing the top-down BACT analysis  

described in the NSR Manual, as TGC states it did, TGC instead determined the limits based on 

vendor quotes and then invented a top-down analysis to fit the technology it decided to buy. 

Petitioners presented extensive evidence on control technologies which was not considered by 

TGC, and in addition, presented documents from KEC and TGC files showing more effective 

control technologies, which were available, but were not included in the BACT analyses 

submitted to DAQ. 

632. TGC never advised the Cabinet that on April 13, 2001, Peabody proposed to use 

an “advanced technology envelope” on one of its two 750 MW units. P137-53, p. TB7801-7803.  

The project was called the Thoroughbred Ultra Low Emissions Project (TULEP).  The only 

difference between the technology that was permitted for TGS and that proposed in the TULEP 

project is that the baghouse proposed in TULEP was replaced with an electrostatic precipitator 

(ESP).  The difference in the emission rates and degree of reduction proposed for TULEP 

compared to BACT limits in TGC’s final permit is as follows: 

 

 

 TGC BACT Levels 

 

TULEP 

Ex. P137-53 

Pollutant 

Emission 

Rate 

Degree 

Of 

Emission 

Rate 

Degree 
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(lb/MMbtu)

 

Reduction

(%) 

(lb/MMbtu) 

 

Reduction

(%) 

NOx 0.08 55.6 0.016 95 

SO2 0.167 98 0.038 99.5 

Hg 13.21E-5 80 1.18E-5 90 

 

633. TGC did not present testimony from Black and Veatch or Burns and McDonnell, 

the engineering firms on the project, but instead chose only to present evidence from the 

technology vendor chosen, ALSTOM.     

634. TGC’s BACT analyses do not include analyses of energy, environmental, 

economic, or cost impacts for any emission source or pollutant except CO and VOC emissions 

from the PC boilers and coal washing.  There are no costs analyses for NOx, PM10, SO2, mercury 

or beryllium emissions from the PC boilers.   

 635. In addition, the level of detail provided by TGC is not adequate to support its 

conclusions.  The Cabinet now requests that applicants supply the information missing from the 

TGC record.  The Cash Creek application, also prepared by KEC, is similar to the BACT 

analysis KEC prepared for TGC. Compare PR305 and PR346, Sec. 4.0 to Jt. #33, Sec. 4.0.  See 

notice of deficiency letter dated January 22, 2004, for Cash Creek.  

 636. In January 2004, the Cabinet issued a notice of deficiency for Cash Creek, whose 

BACT analysis was prepared by KEC, the firm which had prepared TGC’s.  The Cabinet wrote: 

3.  The Best Available Control Technology (BACT) analysis is cursory and 
unacceptable at this time.  Justification must be made for the selection of emission 
limits and control technology, not just a selection without justification of an 
emission level higher than previous regulatory determinations.  A variety of 
permits and application (sic) have higher control efficiencies than submitted in 
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the application.  Previous regulatory agency determinations are the presumptive 
floor for a BACT determination.  A detailed Top-Down BACT analysis must 
include detailed lists of all available control technology and should follow the 
process outlined in Chapter B of the New Source Review Workshop Manual.  The 
analysis must include control specific information for each item listed in STEP 3 
of Table B-1 (attached) of the manual in a format similar to Table B-3 (attached).  
The analysis must include an appropriate economic analysis for all recent 
technologies that could be applied to boilers. 
… 
 
7.  The application fails in most cases to properly state the basis for BACT, 
instead listing BACT as an emission rate per unit of heat input.  BACT is the 
maximum degree of reduction for each pollutant subject to regulation under 42 
USC 7401 to 7671 Q (Clean Air Act).  The application should state the control 
efficiency of each pollution control train.  
PR237, p. 2-3, items 3, 8 & 11 and Table B-1. 

 
 637. In the Cash Creek notice of deficiency letter DAQ acknowledges the deficiencies 

which are present in TGC’s applications and were never cured.  DAQ also acknowledges that 

when an applicant purports to follow the NSR Manual it cannot pay lip service to the Manual by 

picking and choosing the portions which suit its purposes, but instead must accurately adhere to 

it.  

Count 10 – Maximum Achievable Control Technology (MACT) 

Count 10 - Findings 

Overview 

 638. As a new major source of hazardous air pollutants (HAPs), TGC is subject to the 

requirement that it apply the maximum achievable control technology (MACT) for its HAP 

emissions.   

 639. Section 112(n) of the CAA was enacted in 1990 and required EPA to collect data 

on mercury emissions for power plants and assess risks to public health from these emissions.  In 

December 2000, EPA determined that, based on the potential and adverse effects of mercury, 
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HAPs emitted from steam electric generating units should be regulated.  65 Fed. Reg. 79825 

(Dec. 20, 2000). EPA’s finding triggered a rulemaking to establish an industry-wide MACT 

standard.  

640. In January 2004, following issuance of the TGC permit and during the course of 

the formal hearing in this case, EPA issued “Proposed National Emission Standards for 

Hazardous Air Pollutants; and, in the Alternative, Proposed Standards of Performance for New 

and Existing Stationary Sources: Electric Utility Steam Generating Units” (TGCR258 – 69 Fed. 

Reg. 4652) and in March 2004, EPA issued a “Supplemental Notice” (CabR24 – 69 Fed. Reg. 

12398).  In the proposed rule, three alternative regulatory approaches are proposed – 1) EPA 

proposed to retain the December 2000 finding and associated listing of coal- and oil-fired utility 

units and to issue MACT national emission standards for hazardous air pollutants for such units; 

2) EPA proposed revising its December 2000 finding, removing coal- and oil-fired utility units 

from the CAA, section 112(c) list and issuing final standards of performance under section 111 

for new and existing coal-fired units that emit Hg and new and existing oil-fired units that emit 

nickel; and 3) EPA proposed retaining the December 2000 finding and regulating Hg emissions 

from utility units under section 112(n)(1(A).  In the Supplemental Notice, EPA proposed 

additional regulatory text, which largely governed the proposed section 111 standards of 

performance for Hg, and included a cap-and-trade rule for Hg emissions from coal-fired utility 

units.  The Supplemental Notice also proposed state plan approvability criteria and a model cap-

and-trade program.  

641. In the Supplemental Notice, CabR24 at 12403, EPA states that 90% mercury 

removal is not currently achievable. In a section entitled “The Timing of Technology 

Development and Commercialization”,  Id., EPA states that some Hg emissions control 
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technologies such as sorbent injection, with 50 to 70% Hg emissions reduction, will be ready for 

“broader full-scale demonstration on bituminous coal in 2005…. (i)f these demonstrations are 

successful, commercial deployment could occur on a large scale after 2010, or perhaps later.  

Assuming two years to permit and construct such commercial units, large scale operation of the 

technology is feasible by 2013 and 2015…. A second wave of technologies operating at 90% 

reduction should be ready for full-scale demonstration by 2010, leading to effective reductions 

after 2018…. Substantial progress in Hg control technology has been achieved through a 

partnership between government … and industry.  A broad portfolio of technologies is beginning 

to emerge, and EPA is confident these techologies will most likely be able to provide 50 to 70% 

reduction of Hg emissions in the period after 2015, with up to 90% reduction of hg emissions on 

many applications after 2018.  Thus, EPA is proposing a Phase II cap of 15 tons in this 

supplemental notice, which will take full advantage of the emerging, demonstrated technologies 

that are outlined above.”  Id. 

642. However, TGC was subject to a case-by-case MACT determination because at the 

time the TGC permit was issued a national MACT standard for steam electric generating units 

had not been promulgated.  TGS will be required to meet the more stringent of either its permit 

limit or EPA’s final rule limit61.  TGC was one of the first steam electric generating facilities 

subject to a case-by-case MACT determination and was one of the very early case-by-case 

                                                 
61 I take judicial notice that EPA finalized the Clean Air Mercury Rule (CAMR) on May 18, 2005.  70 Fed. Reg. 
28606.  The effective date of the final rule is July 18, 2005.  The CAMR establishes standards of performance for 
mercury for new and existing coal-fired electric utility steam generating units, as defined in CAA section 111.  The 
amendments to CAA section 111 rules would establish a mechanism by which Hg emissions from new and existing 
coal-fired utility units are capped at specified, nation-wide levels.  A first phase cap of 38 tpy becomes effective in 
2010 and a second phase cap of 15 tpy becomes effective in 2018.  Facilities must demonstrate compliance with the 
standard by holding one “allowance” for each ounce of Hg emitted in any given year.  Allowances are readily 
transferable among all regulated facilities. See also www.epa.gov/mercuryrule . 
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MACT permits which DAQ had done.  Adams referred to case-by-case MACT as a “hellish 

program” to ask the states to do in terms of hours spent – with EPA looking over DAQ’s every 

number and every limit.  

 643. A case-by-case MACT analysis is similar to a case-by-case BACT analysis but 

differs in some major respects because the definition of MACT is distinct from the definition of 

BACT.  MACT like BACT is an emission limit, or if an emission limit is not feasible or 

enforceable, a work practice.  40 CFR Section 63.43(d)(3).   

 644. The mercury MACT emission limit in the permit is 0.1047 tons per unit per year, 

Jt. #8, p 4, Sec. B.2.m., or 3.21E-06 lb/MMbtu, Jt. #33 at Red 21, Table 4.2-1, “Hg, 30-day” 

column.  This limit was calculated assuming 0.16 ppm mercury in the coal and a removal 

efficiency of 80%. P171. The control technologies are low NOx burners, SCR, ESP, WFGD, and 

WESP. 

 645. The only MACT determination for non-mercury HAPs in the permit requires that 

lead be reduced by 80% and all other non-mercury metallic HAPs by 98%.  Jt. #33 at Red 80-85; 

Jt. #8 at 14; 12-2-03 TE at 136:20-137:11 and 138:8-13 (Fox).62  The permit contains a MACT 

limit on VOC(HAPs) of 5.154 tons per year per unit. Jt. #8, pg 4. 

 646. Petitioners urge that the mercury MACT limit was not determined pursuant to the 

criteria dictated by the definition of MACT in 40 CFR 63.41, incorporated into Kentucky 

regulations at 401 KAR 63:105, Section 2.  Specifically, they contend that DAQ never made a 

proper MACT floor finding.  Thus, they urge that the MACT determination made by DAQ was 

                                                                                                                                                             
 
62 Petitioners point out that the permit does not support TGC’s assertion in its post hearing brief that “DAQ 
determined based on its evaluation that MACT is limits (sic) based on 98% reduction in acid gas emissions, 99.5% 
reduction for non-mercury metallic HAPs, and a VOC HAP limit of 5.154 tons per year per each unit.”  Petitioners 
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arbitrary and capricious.  In addition, they argue that no MACT analysis was performed to 

develop the permit limits for the non-mercury HAPs. 

 647. TGC urges that DAQ critically evaluated the best information available, in close 

coordination with EPA Region 4 and EPA’s MACT development work group, and arrived at a 

MACT determination which has a rational basis.   

                                                                                                                                                             
further point out that the 99.5% reduction claim appears in the record for the first time as an attachment to TGC’s 
prehearing memo, filed in October 2002. 
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 648. The Cabinet argues that Petitioners’ reliance on inadequacies in the application is 

misplaced because it is DAQ’s determination which is at issue, not the application.  The Cabinet 

maintains that DAQ justifiably relied on the expertise of EPA with regard to MACT for electric 

generating units. 

General Findings  

 649. Section 112(g) of the Clean Air Act, 42 U.S.C. Section 7412(g)(2)(B), states: 

(N)o person may construct or reconstruct any major source of hazardous air 
pollutants, unless the Administrator (or the State) determines that the maximum 
achievable control technology emission limitation under this section for new 
sources will be met.  Such determination shall be made on a case-by-case 
basis where no applicable emission limitations have been established by the 
Administrator. (Emphasis added). 
 

650. MACT is defined in 40 CFR Section 63.41 (incorporated into Kentucky 

regulations at 401 KAR 63:105, Section 2) as:  

Maximum achievable control technology (MACT) emission limitation for new 
sources means the emission limitation which is not less stringent than the 
emission limitation achieved in practice by the best controlled similar source, 
and which reflects the maximum degree of reduction in emissions that the 
permitting authority, taking into consideration the cost of achieving such emission 
reduction, and any non-air quality health and environmental impacts and energy 
requirements, determines is achievable by the constructed or reconstructed major 
source. (Emphasis added).  
 

Similar source is defined as: 

 A similar source means a stationary source or process that has comparable 
emissions and is structurally similar in design and capacity to a constructed 
or reconstructed major source such that the source could be controlled using 
the same control technology.  40 CFR 63.41, incorporated by reference at 401 
KAR 63:105, Section 2(1). (Emphasis added). 
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651. There is EPA guidance relating to how to do a case-by-case MACT analysis.  

MACT Determinations Under Section 112(g), dated May 1994, report no. EPA 453/R-94-026. 

11-14-03 TE 72-83 (Fox).  In a case-by-case MACT analysis, the first step is referred to as Tier 

1.  In Tier 1, the best-controlled similar source is identified.  The best-controlled similar source 

is the “MACT floor”.  The final emission limit must be at least as stringent as the MACT floor.  

If a best-controlled similar source cannot be identified, i.e. if there is no MACT floor (a negative 

MACT floor finding), then you move to Tier 2.  Tier 2 is similar to the top-down BACT process.  

In the third and last step, Tier 3, an emission limit is established based on either the best-

controlled similar source identified in Tier 1 or the results of the Tier 2 analysis.  See PD153-20, 

which is a flow chart from the EPA published guidance document.  Once the MACT floor is 

determined, TGC could select any method, pollution control train, coal washing, or coal 

blending to meet it since the definition of MACT requires the maximum degree of reduction 

achievable for that source, considering the allowable factors. 

 652. When deciding what a similar source is when trying to establish whether there is a 

best-controlled similar source, there are two questions to answer. The first question is whether 

the two emission units have similar emission types.  The second is whether the same control 

technologies can be applied.  See PD153-21, which is p 45 from PD153-20.  To the first 

question, i.e. defining what is a similar source to TGS, Dr. Fox would define similar sources as 

all coal-fired boilers firing coal or segregate it by saying all coal-fired boilers firing bituminous 

coal.  The answer to the second question (can the emission units be controlled with the same type 

of control technology) is yes for all coal-fired boilers.   In other words, the same control trains 

and same HAP-specific control methods can be used, irrespective of the type of coal being 
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burned.  Although there are differences in cost and differences in types of designs, the same type 

of control technology can be applied to any coal-fired boiler. 11-14-03 TE at 88 (Fox). 

 653. EPA did a three-phase study under Section 112 of the CAA to establish a mercury 

MACT standard for the electric generating segment.  This is referred to as the ICR (Information 

Collection Request) Database.  EPA started out by sending the universe of coal-fired power 

plants a questionnaire asking for information on pollution control train and coal type.  In Phase I 

of the study, information was collected on the fuels, boiler types, and air pollution control 

devices used at all coal-fired utility boilers in the U.S.  In Phase II, coal data were collected and 

analyzed for 1,043 coal-fired boilers and three IGCC units.  Over 39,000 samples of coal were 

analyzed for mercury, chlorine, sulfur, ash, moisture, and heat content.  In Phase III, the inlet and 

outlet concentrations of 81 of these units were measured.  The tested units were selected at 

random to achieve 95% confidence in the results.  Jt. #12, v. 1, April 2002 EPA Study; P121-

65A; 11-14-03 TE at 100:18 – 102:16 (Fox); P120-58.  

 654. While TGC acknowledges that the ICR Database is the best information 

available, it has some limitations, i.e. short-term emissions that do not account for fuel variability 

or achievable mercury removal and negative removal rates. 

 655. TGC’s MACT analyses can be found in six locations in the record:  

1) the October 2001 Revised Application (Jt. #57 at Red 19-21); 
 
2) the December 12, 2001 Response to Comments (Jt. #56 at Red 41-44); 
 
3) the December 21, 2001 Case-By-Case MACT analysis (Jt. #55);  
 
4) the January 2, 2002 supporting information (Jt. #54); 
 
5) the March 10, 2002 Responses to Comments (Jt. #44); and 
6) the May 29, 2002 Addendum to the October 2001 Application (Jt. #33, Addendum 2). 
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 656. TGS’s original application was submitted in February 2001, two months after 

EPA’s determination to regulate HAPs from steam electric generating units.  Thus, TGS was one 

of the first steam electric generating facilities subject to a case-by-case MACT determination. 4-

14-04 TE at 48-49 (Adams); 3-4-04 TE at 161 (Tickner); 4-15-04 at 23-24 (Handy).  In its 

application, TGC acknowledged the requirement for a case-by-case MACT analysis, but stated 

that because EPA had indicated that guidance for establishing a case-by-case MACT 

determination will not be made available until mid 2001, no case-by-case MACT was included 

in this original application.  Jt. #61 at Red 17.   

 657. The October 2001 application stated that the “(o)verall mercury removal from the 

facility is estimated to be greater than 80 percent with possible removals in excess of 90 

percent”. 5-3-04 TE at 241-42 (Handy); Jt. #57 at Red 21.  

 658. On December 21, 2001, in response to a request from EPA and DAQ, TGC 

submitted a stand-alone document summarizing its case-by-case MACT analysis. This document 

concludes that a work practice standard requiring the operation of certain control equipment -  

low NOx burners, SCR, particulate control, wet FGD, and WESP - should be accepted as the best 

available means of controlling HAP emissions including mercury, rather than a numeric 

emission limit.  The reasons TGC gives for the work practice standard are because of 

outstanding questions referenced in the introduction of the document, including EPA’s lack of 

long-term monitoring data.  Jt. #55.   

 659. On January 2, 2002, TGC submitted supporting information for its December 21 

analysis.  Jt. #54.  Included was a letter from ALSTOM explaining the removal efficiencies 

expected from the proposed control technologies at TGS – the low NOx burners, an SCR, an 

ESP, a Wet FGD, and a WESP.  Id. at Red 12-13.  ALSTOM stated that the combination of 
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technologies proposed for TGS represented the best air quality control technology for mercury 

available for TGS, with an estimated mercury removal in the range of 85%.  However, allowing 

for contingencies, ALSTOM stated that it would be prudent to estimate an 80% removal.  Id.   

 660. Included with the ALSTOM letter, at Red 14-15, is a chart entitled Mercury 

Removal and Stack Gas Speciation from Pulverized Coal Boilers Using Existing Control 

Technology.  The chart is ALSTOM’s summary of EPA’s ICR database in which it categorizes 

the results of the tests according to coal type and pollution control train.   

661. The portion of the chart most similar to TGC is the “Technology Combinations 

for Bituminous Coals”.  For bituminous coals, the chart indicates the best performing single 

source, using technology combinations, is the one using a spray dryer adsorber and fabric filter 

with an average removal efficiency of 98%.  The next best is a facility equipped with a fabric 

filter and flue gas desulfurization (FGD) system, which achieved 97% mercury removal.  Neither 

of these two technologies were evaluated by TGC in the course of performing their MACT 

analyses as a best-controlled similar source.  Although vendors did make proposals on similar 

pollution control trains, TGC did not pick those proposals. 

 662. In a search for a “best controlled similar source,” DAQ determined that eastern 

bituminous pulverized coal boilers are similar sources for purposes of MACT.  2-9-04 TE at 

88:15 – 89:5 (Adams).  DAQ also requested TGC to compare the proposed control efficiency for 

mercury to a similar existing source.  5-3-04 TE at 245 (Handy).  

 663. Tom Adams and Ben Markin had the most extensive involvement with the case-

by-case MACT determinations for TGC.  “Achieved in practice” under the definition of MACT 

means to Adams “a technology that is functioning, that is in use, in operation on the best – the 

same class of source …(t)he basic bar is a source that is in operation or that is permitted.” 4-16-
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04 TE at 45-46.  … “the permitting agency has to determine that a technology is available, 

achievable, and appropriate for a similar controlled source.”  Id. at 47. 

 664. Using a software tool created by EPA to assist permitting authorities in making 

case-by-case MACT decisions, TGC predicted a theoretical mercury removal percentage for the 

D.B. Wilson facility in Kentucky and compared this to the proposed removal for TGS.  5-4-04 

TE at 8-10 (Handy).  TGC maintains that the D.B. Wilson facility was selected because it burned 

a similar high-sulfur fuel, but at the formal hearing Handy testified that it was not intended to 

represent the “best controlled similar source”. 5-3-04 TE at 245-47; Jt. #54 at Red 104.  In Jt. 

#44, TGC’s case-by-case MACT determination dated December 12, 2001, at Red 41, TGC states 

that it “looked at the best performing sources burning bituminous coal from Western Kentucky 

#9 Seam and proposes to use all of the same control technologies being used plus WESP.”  

Handy admitted that KEC did not evaluate whether a different control technology train could 

provide better mercury removal.  5-10-04 TE at 91:4-16 (Handy).   

 665. Referring to whether a similar source could be defined as a source burning 

bituminous coal from Western Kentucky No. 9 Seam, Dr. Fox said she had never seen similar 

source so narrowly defined in terms of fuel.  11-14-04 at 93.  TGC states that the combination of 

control devices it proposes (low NOx burners, SCR, particulate control, wet FGD and WESP) 

would equal or exceed control devices used to control mercury emissions on the best 2% of any 

currently operating similar coal-fired utility sources. Jt. #54 at Red 10.  Dr. Fox states that 2% is 

not consistent with the definition of MACT.  MACT is the best-controlled similar source, not the 

best controlled of 2% of any of the currently operating similar sources.  Attachment 5 to Jt. #54, 

at Red 104, is labeled D.B. Wilson Electric Utility Mercury Emissions from EPA Software.  As 

stated, TGC used EPA computer model based on the ICR database which allows it to put in 
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pollution control train equipment and mercury content, which would give it the percent of 

mercury reduction.  TGC used that software and ran it for the configuration at the D.B. Wilson 

Generating Station to confirm that its pollution control train would achieve mercury reductions 

equivalent to or better than the best-controlled 2% of the sources.  Id. at Red 105, entitled An 

Evaluation of a Control Alternative for an Electric Utility Furnace. TGC assumed that it had 

bituminous coal with 0.0797 ppm of mercury, as shown for D.B. Wilson.  The model indicated 

that particular pollution control train would achieve a 77.7% mercury reduction. 

 666. DAQ did not agree with the best controlled similar source which was selected by 

TGC and in fact did not find TGC’s choice “defensible under the regulations”.  4-14-04 TE at 

67:17-69:16 (Adams). 

Q In your analysis, what did you view as the best-controlled similar 
source? 
 
A For the metallic HAPs, the source category was probably any coal-fired 
power plant.  For the acid gases, it would have been the best-controlled 
eastern bituminous coal plant, and that’s because they – different chlorine 
contents on that.  For mercury, it still would have been the best-controlled 
eastern bituminous power plant, even though the coal that Thoroughbred’s 
burning has really lower mercury than most eastern coals, maybe all of 
them.  But most of them for sure. 
 
Q Your analysis of best-controlled similar source, was that the same as 
what Thoroughbred’s view was of best-controlled similar source, to your 
knowledge? 
 
A It wasn’t the same as what they put into documents, no. 
 
Q Why did you look at it differently? 
 
A What they were submitting to us, really, I didn’t find was defensible 
under the regulations. 
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 667. DAQ and TGC worked closely with EPA in the development of the MACT limits 

for TGS. 4-14-04 TE at 51, 56-58 (Adams); 5-3-04 TE at 238-39 (Handy).  EPA provided a list 

of all items required by 40 CFR Section 64.43 to be included in the MACT analysis and 

identified each HAP that TGC should evaluate in its analysis.  P23 at 2-4.  Because EPA had 

decided that a MACT was necessary, but it had not promulgated a MACT, DAQ relied heavily 

on EPA in working on the case-by-case determination.  DAQ conferred with both Region 4 EPA 

and the chair of the EPA MACT work group. 4-14-04 TE at 53-56 (Adams).  In his research, 

Adams also “…called up half a dozen states and talked to various reviewers”.  Id. at 64:23-25. 

 668. The SOB, Jt. #7, at 11, Section C (MACT), states: 

The applicant has submitted to the Division a case-by-case MACT determination 
for possible HAPs.  Additional information received indicates that the control 
technologies being proposed at the facility will be equal to or better than any 
similar source.  KYDAQ  concurs with the applicant’s determination.  Based on 
the control technologies being used at the facility and the data provided in the 
USEPA documents the proposed control technology and emission limits will meet 
the control levels at other sources.  According to the application the overall 
mercury removal from the facility is estimated to be greater than 80 percent with 
possible removals in excess of 90 percent.  Similarly, other HAP emissions from 
the facility will be controlled by the combination of dry ESP, wet FGD and 
WESP.  Based on the proposed control technologies and the reductions expected, 
the facility should meet the requirements for the best-controlled similar sources 
and therefore complies with all applicable MACT requirements. 
 

 669. TGS must meet the more stringent of either its permit limit or EPA’s final MACT 

rule limit.  Id. at 70-71 (Adams); 2-19-04 TE at 156:4-14 (Andrews). 

Expert Opinions on MACT: 

Lillestolen 

 670. As of the date of permit issuance, Lillestolen says there were no commercially 

available control technologies for mercury.  He emphasizes that as stated in the January, 2002, 

letter from ALSTOM, Jt. #44, at Red 99, based on the ICR data and ALSTOM findings, 
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ALSTOM was not willing to guarantee 80% for mercury.  Instead, ALSTOM believed it was 

reasonable to estimate that the mercury removal in the configuration that it described would be 

in the range of 85%, but accounting for contingency allowance, it would be prudent to estimate a 

value of 80%.   

671. As of the date of Lillestolen’s testimony in March 2004, if ALSTOM were asked 

to provide a system that would achieve 90% reduction of mercury for TGC, it would give it 

consideration.  3-16-04 TE at 124.  At that time (March 2004), ALSTOM was attempting to 

commercialize a technology that relies upon activated carbon and primarily in combination with 

a fabric filter to control mercury to specific performance levels. Id. at 124.  However, ALSTOM 

was not in a position in October 2002 to support offering such a configuration and making 

guarantees.  ALSTOM began offering the configuration with guarantees as of summer 2003.  It 

did begin talking to customers in early December 2002 about this. 

672. ALSTOM was generally aware, as of the beginning of October 2002, that 

activated carbon injection plus a baghouse added after reheat at the end of TGS’s pollution 

control train would achieve greater mercury removal than the TGC control technology alone.  Id. 

at 132.  This answer is based on the ICR data attached to ALSTOM’s letter, Jt. #44, and partly 

on the remainder of the data ALSTOM was developing for its predictor model, which is based on 

long-term testing for mercury in Europe.  ALSTOM was hoping that technology might be 

transferable to pollution control technology for coal-fired boilers. 

673. P71 is a document dated December 2, 2002, announcing that ALSTOM 

Environmental Control Systems and ADA Environmental Solutions (ADA-ES), LLC, have 

entered into a partnership focusing on providing the required equipment and modifications to 

achieve up to 90% removal of mercury meeting all applicable standards.  It further states that 



 277

“(t)he partnership will combine ADA-ES’s leading technology position in PAC based mercury 

removal, acquired through years of development including Department of Energy sponsored 

projects, with ALSTOM’s technology in particulate collection (Electrostatic Precipitators and 

Fabric Filters) and ALSTOM’s experience in mercury removal in the waste to energy business.”  

674. Lillestolen acknowledges that as of October 2002 ALSTOM had experience in 

mercury removal in the waste-to-energy business and had a mature technology in particulate 

collection.  3-16-04 TE at 154.  P71 was offered as rebuttal to the fact that these technologies 

were infeasible prior to October 2002.  ALSTOM was at the time of Lillestolen’s testimony, in 

March 2004, guaranteeing 90% mercury control on coal-fired boilers.  However, he testified that 

TGC could not have bought a process for the control of mercury as of October 11, 2002, based 

on the process or the marketing described in P71. 

Bryan Handy 

 675. The TGC permit was the first MACT analysis on which Handy had worked.  He 

did not recall reviewing any MACT analyses while he worked at DAQ. 

676. Because this permit was the first case-by-case MACT analysis for a coal fired 

power plant in Kentucky, KEC researched other MACT determinations and applications and 

consulted with EPA on the case-by-case MACT.   

 677. Although Handy attempted to argue in the formal hearing that there was no best-

controlled similar source, when shown his deposition, he acknowledged KEC had used D.B. 

Wilson as the best-controlled similar source because it was in Kentucky and burned similar fuel.  

5-5-04 TE at 82:11-89:9.  

Dr. Fox 
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 678. Dr. Fox has prepared some 30 to 40 MACT analyses. 12-1-03 TE at 136:5-9.  

However, she acknowledges that none were on coal-fired power plants and none were for 

utilities the size of TGS.  Her experience relating to mercury emissions is as follows. While she 

was a principal investigator at Lawrence Berkeley Laboratory, she did extensive investigation 

into the partitioning of mercury during combustion of a wide range of fuel types, and among 

other things, she developed the first mercury CEM (continuous emission monitor).  In addition, 

she has done many field investigations and studies of mercury distribution in the environment in 

South America, in conjunction with oil fields in the Amazon basin, particularly in Ecuador and 

Peru.   

679. Dr. Fox relied on the ICR data in forming her opinions about mercury MACT in 

this case.  She opined that the ICR database is one of the best and most comprehensive data sets 

that is available and many agencies have implemented mercury control rule-making based on 

that data set.  She opined that TGC failed to appropriately establish the MACT floor.  This 

opinion was also expressed by IDEM in stating that Peabody failed to explain why it chose 

control options with mercury control efficiencies lower than those achieved by other sources 

using fabric filters and FGD control. IDEM 5 to Sizemore depo., P159, pg. 1705. 

 680. There was never any formal MACT Tier 1 analysis to determine de novo what the 

TGS mercury emission limits should be to comply with MACT standards. 11-14-03 TE at 108 

(Fox).  Instead, TGC looked at the ICR database to see if there were any sources in that database 

that were burning Western Kentucky Seam 8 and 9 coal.  There were not any, so TGC found a 

facility in that database that burned Seam 9 coal (D.B. Wilson) but which did not have the same 

pollution control train.  It was only equipped with an ESP and an FGD.  Since it was burning the 

same coal and had a less stringent pollution control train and TGC was burning a similar coal 
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with more units that would reform mercury, TGC claimed that the performance of that unit 

represented MACT for this plant without ever going through a formal Tier 1/Tier 3 MACT 

determination and identifying a similar source based on the universe of bituminous coal-fired 

boilers.  TGC did not evaluate different control technology trains for the control of mercury, but 

instead picked the control technology train to address NPS concerns about visibility impacts on 

the Park and simply had ALSTOM evaluate what level of mercury control could be achieved by 

that train.  ALSTOM estimated that the expected mercury removal efficiency would be 80%.  

Then the 80% number was used to estimate the mercury emission limit in the permit.   

681. TGC concluded, since it had additional pollution control beyond what was at the 

D.B. Wilson facility, that its pollution control train was equivalent to the best-controlled 2% of 

the sources. Jt. #54 at Red 104.  However, TGC assumed that its pollution control train would 

only achieve 80% control efficiency which is quite low because this particular analysis did not 

have an SCR system in it.  The catalyst in an SCR system converts elemental mercury, which is 

hard to remove because it is insoluble, into oxidized mercury, which is easy to remove.  This 

analysis did not include an SCR system, so it underestimated the mercury control relative to 

what would be expected at the TGC plant.  This analysis also did not include the wet ESP, which 

would also remove some of the mercury.  So even though this analysis shows a control 

efficiency close to the 80% that was assumed for the TGC facility, it is really irrelevant because 

it does not include two of the control systems that are present on the TGC pollution control train 

and which would allow higher mercury removal efficiencies, i.e., the SCR and the wet ESP.  

Another important difference between TGC and D.B. Wilson is the mercury content assumed in 

this analysis (0.797 ppm) is roughly half of the mercury content in TGC’s coal (.15 ppm).  Id. at 

Red 105. 
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682. Finally, Dr. Fox opines that this kind of an analysis does not constitute case-by-

case MACT analysis.  Running a computer model using a different pollution control train and a 

different coal type cannot be used to confirm TGC’s selective MACT determination.  Another 

problem is that D.B. Wilson burns more than coal.  It burns coke and it burns coal from other 

seams.  So even under TGC’s narrow definition of what constitutes a similar source, D.B. 

Wilson does not qualify because it runs coke and coal from other seams.  Finally, the ICR 

database itself does not include any actual mercury stack test data on D.B. Wilson.  The only 

information in the ICR database on D.B. Wilson is coal quality data.  EPA did not test it to 

confirm the mercury emissions, so the only support is the model using that pollution control train 

in a coal that is different from the source. 

683. Dr. Fox was asked repeatedly on cross-examination whether she knows of any 

vendor in the world that was willing to guarantee 90% mercury removal prior to October 11, 

2002.  Although she did not do a study of that specific question, she points to Lillestolen’s 

testimony which is that activated carbon injection was commercially available prior to October 

12, 2002.  She also mentions the long-term widespread use of activated carbon injection for 

incineration plants, both in the US and in Europe, which is referred to as technology transfer. 

684. Dr. Fox opined that the MACT floor finding should have been the combination of 

spray dryer adsorber (SDA) and fabric filter, which was the best-controlled similar source. 

685. P153-22, Candidate Hg MACT limits, is a bar chart, showing six bars, prepared 

by Dr. Fox showing the effect of mercury control efficiency on mercury emissions in pounds per 

year.63 

                                                 
63 On P153-22, the TGC permit limit corresponds to an 80% control efficiency and results in the emission of 420 
pounds per year in mercury from the two boilers.  If an 85% control efficiency had been used, the mercury 
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686. P153-23, entitled Candidate Mercury MACT (% Removal), is a listing prepared 

by Dr. Fox of facilities and information relating to mercury removal of 90% or better, which are 

candidate control levels which she opines should have been evaluated in a proper MACT 

analysis. 11-17-03 TE at 66:9.64  The information included in P153-23 is the basis for the bar 

                                                                                                                                                             
emissions would drop to about 300 pounds per year.  If a 90% control efficiency had been used, the mercury 
emissions would drop to 200 pounds per year.  With 95% control efficiency, the mercury emissions would drop to 
100 pounds per year.  With 96.5%, they would drop to about 60 pounds per year, and with 98% they would be 
roughly 30 pounds per year. 
64 Included in P153-23 are the following: 

P121-69 is a technical paper written by authors from the US EPA, US DOE  and EPRI, the utility 
industry’s research organization.  The report discusses a coal fired power plant labeled S2, which is a 1300 MW 
pulverized coal facility burning very high sulfur Ohio bituminous coal, and equipped with a SCR, ESP and Wet 
FGD like TGC, which achieved a 90% reduction in mercury emissions.  Id. at 5,7.  Although Dr. Fox acknowledged 
that there are uncertainties, she pointed out that there are many power plants in Germany that have been meeting 
90% mercury control for a decade or more.   

P25 is the Babcock and Wilcox report “How Low Can We Go?” which explains that a 90% removal can be 
achieved by B & W’s process of adding low cost agents to a wet scrubber.  Another technology also mentioned to 
achieve 90% mercury removal is fabric removal followed by advance adsorber  involving additives.  Dr. Fox opined 
that because TGC is using a wet scrubber, the process of additives could be used to achieve 90% mercury removal.  
(P25 was inadvertently listed as P120-7 on P153-23). 

P120-56 is a Burns & McDonnell study showing that dry FGD systems on boilers firing bituminous coal 
will likely meet 90% mercury removal. 

P123-152 and P120-56 relate to a consent decree with PSEG Power in Newark, NJ, where there was a $3 
million program to install both dry FGD and SCR systems at the coal fired Hudson and Mercer Station.  P123-152 
is a trade publication called the McIlvaine utility fax alert dated January 21, 2002.   
 P137-106 is the PSD permit application for the Cash Creek facility in Louisville which is for a mine mouth 
PC boiler to burn western Kentucky coal.  Burns and McDonnell is the engineering firm on both Cash Creek and 
TGC.  The Cash Creek application, which is dated September 2001, proposed 90% mercury removal using an SCR 
filter.  11/17/03 TE at 30:18.  Another company, WULFF, proposed a pollution control train to TGC that would 
achieve over 90% mercury removal.  Id. at 48:24.   
 P137-142 is a technical paper dated October 2001 stating that cost estimates were developed using 
powdered activated carbons to achieve a minimum of 80% mercury removal at plants using electrostatic 
precipitators and a minimum of 90% removal at plants using fabric filters.  This exhibit was in TGC’s files.  
 P137-229 is a PSD permit application for the Santee Cooper facility in SC dated March 2002.  It shows 
90% mercury removal with low NOx burners, SCT, ESP, and FGD.   
 P120-60 is an EPA report dated September 2000 on the performance and cost of mercury emission control 
technology applications on electric utility boilers.  Two options for removal efficiencies and cost for high sulfur 
bituminous coal boilers are evaluated:  PAC injections with a spray dryer ESP and secondly, PAC injection plus 
fabric filter, both of which show a 90% control efficiency as feasible and cost effective.  On page 14, a table shows 
that based on the ICR data that an ESP plus a wet FGD and a plant firing high sulfur bituminous coals and without 
the need for any additional add-on mercury that 97% removal can be achieved in one case and 94.5% in another 
case. On page 10, 95% is calculated from information in various other pages in this report where it reports that 70% 
oxidized mercury with the SCR converting 55% and 100% FGD. 
 P123-144 is a McIlvaine utility fax alert dated March 1999 referring to McDermott stating that relatively 
low cost additives and process changes can provide 50% mercury removal in the precipitator and 90% mercury 
removal in a system with coal cleaning and scrubbers.   
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 P137-53, TGS’s Ultra Low Emission Project, is a proposal to DOE  to install a certain sequence of 
pollution control systems on one of the two 750 MW boilers at the TGC project.  On page 6, it states that at least 
90% mercury removal will be achieved through the combined contributions of particulate removal in the fabric filter 
and oxidation of mercury in the ASCR (Advanced Selective Catalytic Reduction) for subsequent capture in the IAT 
(Integrated Advanced Tower) wet scrubber with additives.  It further states that the technology is inexpensive 
because the additives are inexpensive and are used in very small quantities.   
 P120-58 is a paper by Burns and McDonnell, Peabody’s engineer, entitled Can Existing Air Pollution 
Control Tech Equipment Meet Future State and Federal Requirements for Control.  The paper states that all dry 
FGD systems on boilers firing bituminous coal show attainment of 90% mercury control benchmark.  Also, on page 
12, it is stated that by comparison to figure two, it can be surmised that the baghouse wet FGD combination on a 
bituminous coal fired boiler although not directly tested in the ICR program would certainly be at or above 90%.   

PAR123-131 is a paper by ALSTOM Power, which is providing the air pollution control train for TGC.  
The paper is entitled Operating Experiences of Mercury Collection by PAC Injection in Bag Filters.  This exhibit 
states that injection of PAC into a fabric filter with a very low ash influx at the Gaston Station, the fabric filter being 
located downstream of an ESP having 97 to 99% fly-ash collection efficiency, gave 90% mercury collection 
efficiency.    
 P137-137 is a letter written by WULFF, one of the vendors who responded to the Black & Veatch bid 
package for the TGC project.  WULFF proposed two different pollution control trains, neither of which is the 
ALSTOM train., and for both technical proposals, an extreme high SO3 removal rate of 99% was shown and the 
mercury removal was measured in the range between 40-80% depending on the composition fly ash and reaction 
conditions.  A higher rate of mercury removal of  more than 90% can be reached by adding a small quantity of 
lignite coke.  Thus, Dr. Fox pointed out that TGC had before it a proposal that was able to meet all of the permit 
limits proposed for the project and which was also capable of achieving greater than 90% mercury removal for this 
particular project.    
 P121-64A is a journal called Fuel Processing Technology.  The article is entitled Activated Carbon 
Injection in Spray Dryer/ESP/FF for Mercury and Toxics Control and is dated 1994 .  The article summarizes 
experience with mercury reduction on existing coal fired power plants.  Plant D, an eastern US coal with baghouse, 
achieved 96.5% mercury removal without carbon injection and greater than 99% mercury removal with carbon 
injection. 

P137-118 came from KEC files and is a run made using the EPA model in which it evaluated a pollution 
control train being considered which was capable of achieving greater than the 80% control which ended up as the 
basis of the mercury limits in the permit.  This was not submitted in the MACT analysis submitted to the Cabinet. 

P120-57 is an ALSTOM analysis (included in Jt. #44) dated January 2, 2002.  On page 3 of 4, entitled 
Technology Combinations for Bituminous Coals, 98% removal is shown using a spray dryer adsorber and fabric 
filter.   

P121-65A is an EPA report entitled Control of Mercury Emissions from Coal-Fired Electric Utility 
Boilers:  Interim Report Including Errata Dated 3-21-02.  It was adduced by Petitioners in support of their allegation 
that 98% removal efficiency for mercury is achievable at coal fired power plants.  On page ES-10, three bituminous 
coal-fired boilers are shown achieving 98% removal efficiency – one using a spray dryer adsorber and fabric filter, a 
second using a spray dryer adsorber and fabric filter and SCR, and the third using a fabric filter and FGD.  All have 
a fabric filter in common, which TGC said was infeasible for its facility.  Dr. Fox stated that two vendors responded 
to TGC with fabric filter proposals – one was Black & Veatch which specifically indicated to Dr. Fox that the 
vendors believe it is feasible.  Dr. Fox’s opinion is that it is feasible; it is simply a matter of cost.  TGC did not 
submit a cost analysis of doing a fabric filter with respect to its MACT analysis. 

P137-34 is an EPA memorandum on the control of mercury emissions from coal fired utility boilers dated 
October 25, 2000, which came from KEC files and was received by DAQ on January 30, 2002.  On page 7, table 2, 
there are two entries showing 98% Mean Mercury Emission Reductions for PC Fired Boilers, one is achieved with a 
spray dry adsorber and another is achieved with an SCR adsorber plus a fabric filter, both burning bituminous coal, 
as TGC uses. 

P137-278 is a PSD permit for the Franklin Energy Coal Project (in Illinois) dated June 6, 2002.  On page 
36, under PC Boiler – Mercury Anticipated MACT, it is stated “(t)o maximize the reduction of this output, data 
show a total mercury capture of 97.6% is possible with the controls this BACT recommends for other criteria 
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graph labeled P153-22.  Dr. Fox stated that if one of the mercury MACT limits on P153-23 were 

chosen by TGC, the emissions from TGC would be cut by as much as half.  The items listed in 

P153-23, coupled with research done on mercury, including the ICR data, supports Dr. Fox’s 

opinion that the best controlled similar source would have spray dryer adsorbers and fabric filters 

or fabric filters and a flue gas desulfurization system.   

687. PD153-24 is a demonstrative exhibit prepared by Dr. Fox entitled Hg Removal 

Technologies Not Considered.  The listing of the technologies not considered include: 

* Coal washing, (P137-44); 
* Carbon filter installed in the duct work to absorb the mercury (used in Japan and 
 Germany), Utility Fax Alert 641; 
* Non-carbon absorbents injected into the flue gas stream (carbon and lime; and 
 oxidized lime); and 
* Baghouse plus reheat downstream of the WESP. 

 

Tom Adams 

688. Adams said there is very little robust data on the question of mercury removal.  4-

16-04 TE at 165 (Adams).  He said that DAQ considered eastern bituminous power plants for the 

best controlled similar source for mercury.  DAQ’s analysis of best-controlled similar source was 

not the same as TGC put in documents.  “What they were submitting to us, really, I didn’t find 

was defensible under the regulations.” 4-14-04 TE at 68.   

                                                                                                                                                             
pollutants for the Franklin County facility:  Electrostatic Precipitation and wet FGD.  A minimum of 90% control of 
mercury emissions will be achieved.”  

In a bullet without an exhibit no. but labeled “Pet. 8/15/03 production”, Petitioners refer to a letter that the 
Institute of Clean Air Companies (ICAC), an organization that represents vendors of pollution control equipment, 
wrote in the MACT deliberations on mercury stating that ICAC believed 90% mercury removal was feasible at that 
point in time for bituminous coals. 

P137-127 is the LURGI technical proposal, dated September 21, 2001, for an air quality control system in 
response to Black & Veatch’s bid package.  The LURGI bid is for a circulating dry scrubber and fabric filter.  P137-
153 is a letter from LURGI to Mirant, who at the time was a partner in the TGC project.  Mercury is present in two 
forms, in the oxidized form and the elemental form.  This letter indicates that the CFB scrubber proposed for SO2 
control by LURGI would be capable of removing 95% of the oxidized form and 80% of the elemental form with the 
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addition of activated carbon which would result in an overall removal rate of 95% MACT.  Dr. Fox recalled that 
WULFF was another vendor that bid on an air pollution control train that could achieve 98% removal.    
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689. Adams opined that at the time the permit was issued, the emission limit in the 

permit was the appropriate MACT.  4-16-04 TE at 156.  He believed that 80% mercury removal 

was the maximum achievable degree of emission reduction for mercury for a pulverized coal 

boiler burning eastern bituminous coal based on the materials TGC submitted and a review of 

available data, mainly from the ICR database.  Id. at 158-59.  In addition, he believes that the 

procedures followed were adequate.  4-14-04 TE at 70.   

690. With regard to the high removal numbers attributed to the ICR database, Adams 

testified that “(s)ince no one seemed to be able to duplicate those numbers, they weren’t used.” 

4-16-04 TE at 162-63.  When questioned about P153-23, Dr. Fox’s demonstrative exhibit 

entitled Candidate Mercury MACT (% Removal), he said that while the exhibit contains good 

information, it does not reflect an existing source, which is the regulatory definition.  He said 

that if DAQ erred by not including some of the phenomenally high mercury removals suggested 

in the ICR database, then EPA has also erred by not incorporating them in its proposed MACT 

rule.  He said the ICR database numbers could not be duplicated based on the information DAQ 

had or that could be obtained for DAQ.  4-16-04 TE at 162-63.  

Parties’ Arguments on MACT 

Petitioners 

691. Petitioners contend that the mercury MACT limit is arbitrary because TGC failed 

to adequately analyze the emission limitation achieved in practice for the “best controlled similar 

source” as required by the definition of MACT.  Petitioners maintain that TGC defined “similar 

source” too narrowly by defining it as only sources burning West Kentucky Seam No. 9 coal, 

and further, narrowing it to the D.B. Wilson plant.  Petitioners point out that to determine if a 

source is similar, only two questions must be answered in the affirmative: 1) does the source 
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have comparable emissions; and 2) could the same types of emission control technologies be 

applied to both sources.  TGC’s narrow definition resulted in its failure to examine emissions 

from similar sources using different pollution technologies.   

692. In addition, Petitioners urge that TGC’s mercury limit does not provide the 

maximum degree of reduction, which they contend would be 90% or greater with a baghouse.  

693. Moreover, Petitioners contend that the case-by-case MACT for pollutants other 

than mercury was also inadequate.    

Cabinet 

694. The Cabinet maintains that Petitioners incorrectly focus on the inadequacies of 

TGC’s application rather than DAQ’s MACT determination.  The Cabinet points out that Adams 

did not limit his case-by-case MACT analysis to the best controlled similar source information 

that TGC provided, as indicated by the following testimony: 

Q. In your analysis, what did you view as the best-controlled similar 
source? 

 
A. For the metallic HAPs, the source category was probably any coal-

fired power plant.  For the acid gases, it would have been the best-
controlled eastern bituminous coal plant, and that’s because they – 
different chlorine contents on that.  For mercury, it still would 
have been the best-controlled eastern bituminous power plant, 
even though the coal that Thoroughbred’s burning has really lower 
mercury than most eastern coals, maybe all of them.  But most of 
them for sure. 

 
Q. Your analysis of best-controlled similar source, was that the same 

as what Thoroughbred’s view was of best-controlled similar 
source, to your knowledge? 

 
A. It wasn’t the same as what they put into documents, no. 
 
Q. Why did you look at it differently? 
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A. What they were submitting to us, really, I didn’t find was 
defensible under the regulations. 4-14-04 TE at 67:17-68:14. 

 
The Cabinet maintains that Adams explained why he did not include western coal in his analysis 

and states that he based his decision on information he received from EPA, Id. 68:15-69:16, and 

reviewed EPA’s ICR data.  2-9-04 TE at 89:23-91:6.  The Cabinet emphasizes that DAQ worked 

very closely with EPA on the MACT determinations because it was well aware that EPA was in 

the process of preparing a proposed MACT for electric generating units and was fairly well 

along on its work. 4-14-04 TE at 52 (Adams).  Adams also contacted other states with regard to 

the meaning of the MACT regulation and how to implement it.  Id. at 64-66.   

TGC 

 695. TGC points out that Petitioners fail to identify a “best controlled similar source” 

to determine an applicable MACT floor lower than DAQ’s determination for TGS.  They fail to 

provide evidence of any similar source achieving in practice a greater removal rate than TGS.  

TGC emphasizes that EPA recently concurred in the preamble to its proposed MACT rule that 

90% mercury removal is not currently achievable and may not be until 2018 or possibly later.  

CabR 24 at 12403.  The parties agree that the MACT limit must be “achievable”, which means it 

must be set at levels the source can achieve under all reasonably foreseeable worst-case 

conditions over the life of the plant.  12-1-03 TE 141 (Fox).   

696. TGC urges that it is insufficient for Petitioners to speculate about or merely raise 

questions regarding a hypothetical best controlled similar source or to allege that DAQ might 

have reached a different conclusion.  Compounding the lack of specifically designed mercury 

controls is the paucity of accurate and reliable empirical data to determine what is “achieved in 

practice”.  TGC defines best controlled similar source achieving in practice as achieving under 
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reasonably foreseeable worst-case conditions on a long-term basis.  “Petitioners must prove by a 

preponderance of the evidence that, at the time the permit was issued, a best controlled similar 

source was achieving in practice (i.e. under reasonably foreseeable worst-case conditions on a 

long-term basis) greater emissions reductions for HAPs than those required for TGS”.   

697. TGC acknowledges that the ICR database, containing most of the data points 

available at the time TGS was permitted, TGC123-170 at 43, was then and still is the best 

information available.  However, DAQ reasonably concluded that the data alone did not 

conclusively establish the level of mercury control achievable in practice under worst-case 

foreseeable conditions.  4-14-04 TE at 72-73 (Adams); 12-2-03 TE at 167 (Fox).  DAQ 

requested TGC to compare the proposed control efficiency for mercury to a similar existing 

source.  However, because it could find no plants with data on HAP emissions from the same 

general coal characteristics and the same proposed technology, Jt. #54 at Red 104, TGC 

predicted a theoretical mercury removal percentage for the D.B. Wilson facility because it 

burned a similar high-sulfur fuel and compared it to the proposed removal for TGS. TGC urges 

that no one other than Petitioners has suggested that DAQ considered D.B. Wilson a “best 

controlled similar source.”   

698. TGC states that it discovered no commercially available control technology to 

remove mercury from power plant emissions.  3-16-04 TE at 73-74 (Lillestolen).  Therefore, it 

considered the best mercury emissions reductions from commercially available technologies 

designed specifically to control other pollutants.  TGC argues that Petitioners presented no 

evidence to refute that the combination of technologies being used represents the best air quality 

control technology available for TGS.  Instead, TGC states that Petitioners persist in claiming 

that fabric filter technology, coal washing and spray dry adsorber technology should have been 
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considered and selected.  These technologies were rejected in the BACT analysis, and TGC 

points out that the MACT analysis is no different in the absence of a MACT floor.   

699. While MACT does require consideration of the best controlled similar source, 

MACT also contemplates situations where best controlled similar source cannot be identified.  

TGC urges that neither DAQ not TGC could identify a best controlled similar source, because 

reliable data was lacking.  The sources identified by Petitioners in the ICR database as having 

greater than 80% removal are not similar to TGS because they all use fabric filters, which TGS 

contends it cannot use.  Because a specific best controlled similar source could not be identified, 

the MACT analysis essentially became the same as the BACT analysis described in Count 9.  

TGC contends that TGS will have controls that are as good or better than any source burning 

eastern coal; therefore, it will achieve emissions at least as good as the best controlled similar 

source.  Petitioners admit that no permits were issued before TGS’s with a mercury limit based 

on 90% reduction. 11-19-03 TE at 34 (Fox).  

700. The high removal numbers attributed to the ICR database could not be duplicated.  

TGC distinguishes the following examples cited by Petitioners of TGS’s ability to achieve 90% 

removal.  TGC points out that WULFF’s technical proposal to TGC was incomplete because it 

never followed up with any pricing and commercial terms. 12-11-03 TE at 138 (Tickner).  Also, 

the Cash Creek application was never deemed complete by DAQ. 4-13-04 TE at 71-72 (Adams).  

Babcock & Wilcox’s confidence concerning mercury removal changed when the context moved 

from promotional to a real project.  TGC109 is a letter from Babcock & Wilcox regarding the 

Elm Road Project, stating that B&W’s goal was to develop a system to reduce mercury 

emissions by 90%.  “However, B&W does not consider the current developmental status of 
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mercury removal technologies to be mature enough to commit to a meaningful guarantee for 

mercury emissions at the present time and can only offer targeted mercury emissions values.”   

701. Adams contacted EPA Region 4 and the EPA MACT development work group.  

DAQ had a reasoned basis to reject the 97% or 98% removal efficiency as a long-term 

achievable limit for TGS.  Further, TGC urges that absent proof that 90% mercury removal has 

been achieved in practice, Petitioners’ position on MACT is unsupported and untenable. 

702. With regard to non-mercury HAPs, TGC  states that a MACT floor was not 

identifiable and the case-by-case MACT analysis was built on the BACT analysis.  While other 

control technologies were considered, TGC urges that Petitioners have not identified an existing 

similar source continuously achieving a higher level of reduction than the reduction required of 

TGS for non-mercury HAPs. 

Petitioners’ Reply 

 703. In summary, Petitioners maintain that the preponderance of the evidence in the 

record demonstrates that MACT is a much lower emission limit than proposed in the permit.  

TGC neglected to submit this evidence to the Cabinet, and the Cabinet failed to discover it on its 

own.  Thus, Petitioners urge that DAQ’s MACT decision is arbitrary and capricious. 

 704. Petitioners maintain that DAQ never made a proper MACT floor finding. While 

DAQ determined that eastern bituminous pulverized coal boilers are similar sources for purposes 

of MACT, DAQ never made a proper MACT floor finding based on these similar sources.  

Petitioners urge that evidence they adduced shows that eastern bituminous boilers could achieve 

greater than 90% mercury removal, even 98% removal.  The ICR database demonstrated that 

eastern bituminous coal fired boilers were achieving 98%.   
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 705. The parties disagree on whether the ICR data provides a sufficient basis for a 

MACT floor finding, whether coal quality is a consideration, and whether a similar source is 

limited to pulverized coal plants that actually are controlled by the same pollution control train 

as TGS’s.  The courts have consistently concluded in challenges to rulemakings establishing 

emission standards for HAPs in various other industries under the 1990 revisions to the CAA 

that other approaches, besides measured long-term emission data, can be used to establish the 

best controlled similar source, so long as they are “reasonable”. 65 

706. Next, the definition of “similar source” does not include any reference to coal 

quality.  Despite TGC’s claim that its coal is unique, Petitioners urge that it is a typical 

bituminous coal which could be controlled by the same types of pollution control systems that are 

currently widely used at bituminous coal-fired power plants.  Also, the definition of similar 

source does not require control by the same methods, only the potential for control by similar 

methods.  The technologies used on the existing fleet of power plants are used by TGC.  

However, other types of particulate control devices and SO2 scrubbers achieve higher mercury 

removal.  The type of coal that is burned does not restrict the use of these technologies; it only 

affects the design and cost of these technologies.  Costs cannot be considered in determining the 

MACT floor.   

707. Although TGC now maintains that there is no similar source, in its MACT 

analyses it assumes that a best-controlled similar source exists.  For example, in Jt. #44 at Red 

                                                 
65 Cement Kiln Recycling Coalition v. EPA, 347 U.S. App. D.C. 127; 255 F.3d 855, 859, 862, 865; (D.C. Circuit 
2001) (challenge of emission standards for hazardous waste combustors);  Mossville Envtl. Action Now v. EPA, 361 
U.S. App. D.C. 508; 370 F.3d 1232, 1241 (D.C. Circuit 2004) (challenge of emission standards for polyvinyl 
chloride and copolymer production facilities);  Sierra Club v. EPA, 359 U.S. App. D.C. 251; 353 F.3d 976, 982-983 
(D.C. Circuit 2004) (challenge of emission standards for primary copper smelters);  National Lime Association v. 
EPA,  344 U.S. App. D. C. 97: 233 F. 3d 625, 630-633, 637-640 (D. C. Circuit 2000) (challenge of emission 
standards for Portland cement manufacturing facilities). 
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11, TGC states “(b)ecause the proposed controls meet and exceed the best similar source, 

alternative control technologies were not considered.”  See also Jt. #44 at Red 10 and 11; Jt. #33 

at Red 84; and in testimony at 11-17-03 TE at 68:3-69:12 (Fox).  Although Adams testified that 

the best-controlled similar source for metallic HAPs and mercury was the best-controlled eastern 

bituminous coal plant (DAQ did not limit its review to a source burning Western Kentucky Seam 

9), he did not identify a specific best-controlled similar source, but said that “it was just research 

on all plants”.  2-9-04 TE at 88:15-89:5; 4-14-04 TE at 67:17-68:4 and 4-16-04 TE at 153:22-

155:15.  Petitioners urge, however, that the best-controlled similar source is a single facility that 

“leads the pack, not a generic collection of unidentified plants.”   

708. Next, Petitioners explain that MACT and BACT analyses are distinguishable in 

several respects.  The MACT analysis: 

1)  establishes a floor that must be met, regardless of cost, energy, or 
environmental impact; 

2) is based on the best-controlled similar source while BACT is based on the 
lowest emission limit, the former encompassing a large population of 
sources; 
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3) can only consider non-air quality environmental impacts, while BACT 

considers all environmental impacts; and  
4) is based on “similar sources,” where similar has been defined much more 

broadly than under BACT, bringing in a much larger universe of sources, 
including “transfer” technologies.   

 
709. Petitioners point out that TGC argues that the BACT analysis for mercury 

satisfies a case-by-case MACT analysis for mercury; the BACT analysis for VOC satisfies a 

case-by-case for VOC (HAPs); the BACT analysis for sulfuric acid mist satisfies a case-by-case 

MACT analysis for the other acid gases, HF and HCI (hydrogen chloride); and the BACT 

analysis for PM satisfies a case-by-case MACT analysis for HAPs.  However, Petitioners urge 

that these BACT analyses eliminated a number of widely used technologies which should have 

been considered in establishing the MACT floor.       

710. In addition, although TGC asserts that technologies to control mercury must be 

“commercially available” and TGC uses this criterion to justify eliminating technologies, it 

points to no statutory or regulatory requirement that emission controls be “commercially 

available”.   

711. Petitioners point out that even though Adams testified that the Cabinet did 

independent investigations and reviewed additional information in its MACT deliberations, 2-9-

04 TE at 89:13-92:22 and 4-22-04 TE at 83:24-84:19, there is no documentation in the record.  

Indeed, the MACT analysis in the permit and TGC’s application are identical.   

712. Next, Petitioners discuss the factors relevant to a MACT analysis.  While TGC  

argues for the first time in its brief that the uniqueness of its coal is support for its MACT limits, 

the evidence does not show that its coal is unique, and there is no evidence in the record that 

sulfur content has any effect on mercury removal other than a positive effect.  Mercury is 
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removed by the wet FGD and the wet ESP, which are designed to control the high sulfur content.  

Moreover, as stated before in this Report, the design basis sulfur of TGC’s coal (in CBI - 

Confidential Business Information) is not unique compared to bituminous coals burned by the 

existing power plant fleet.  Jt. #12, v. 1, April 2002 EPA Report, p A-8, Table A-12.  Ash is 

beneficial for mercury; the more ash, the higher the mercury removal.  Jt. #55, p 5 of 5.  

Although ash is a design parameter for SCR because it can erode an SCR catalyst, TGC did not 

explain why ash is relevant for HAPs.  While the design basis ash content of TGC’s coal is high 

(per CBI information), it is well within the existing fleet of power plants. Jt. #12, v 12, April 

2002 EPA Report, p A-2, Table A-2.  Although TGC argues that its coal has a low chlorine 

content compared to other bituminous coals, (400 ppm (0.04%) for TGS compared to 700 ppm 

(0.07%) for other bituminous coals), and because chlorine converts elemental mercury to more 

soluble oxidized forms, making them easier to remove in the wet FGD and wet ESP, the more 

chlorine the better.  However, the chlorine content of TGS’s coal is generally consistent with the 

ranges reported for other bituminous coals.  The mercury content of TGC’s coal, which averages 

about 0.15 ppm, is well within the range of bituminous coals used by the existing fleet of power 

plants.  Jt. #12, v. 12, April 2002 EPA Report, p. A-8.  The same types of pollution control 

technology can be used on virtually all coal-fired boilers, regardless of the type of coal that is 

burned.  The type of coal only affects design parameters for the controls.   

713. Petitioners maintain that the preponderance of the evidence indicates that the ICR 

data are reliable to establish mercury MACT for TGS and should have been used to identify the 

best-controlled similar source.  The table attached to ALSTOM’s January 2, 2002 letter, Jt. #54 

at Red 14-15, is ALSTOM’s summary of that data in which it categorizes the results of the tests 

according to coal type and pollution control train.  ICR data has been widely relied on to 
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establish mercury control levels, including in the instant case, and Respondents do not explain 

why it could not have been relied on in conjunction with other data, or why statistical methods 

could not have been used to account for variability, as has been done in other rule makings.  

While there is a substantial variation from test to test and boiler to boiler for sub-bituminous 

coals, this is not necessarily so for bituminous coals. TGC does not distinguish between 

bituminous and sub-bituminous coals in its criticism of the ICR data. 

714. Although the ICR data consists of three separate measurements of both the inlet 

and outlet to pollution control devices, coupled with simultaneous coal quality testing, less 

rigorous monitoring is required in the permit to determine compliance with the mercury MACT 

limit. 12-2-03 TE at 77:14-23 (Fox). The highest values in the ICR database, 97 to 98%, were 

replicated in nine separate tests on three separate boilers.  Negative values (mercury 

concentrations at the stack that are higher than those at the boiler outlet, suggesting that mercury 

was being created) do not mean the ICR data are not reliable for the purposes advocated, namely 

to demonstrate that a higher mercury reduction has been achieved by the best-controlled similar 

source.  The negative values are likely due to measurement error caused by inlets and outlets to 

pollution control devices that are about the same. 

 715. Petitioners point to several sets of short-term test data in the record  – the ICR 

data, Massachusetts source tests collected as part of a rule making, and data published in an older 

scientific paper – and urge that these data validate each other and together confirm that the 

mercury MACT floor is greater than 90% mercury removal.  This data set contains triplicate test 

data on 81 separate coal-fired power plants, selected to give the EPA 95% confidence that it had 

accurately sampled coal-fired boilers.  Included in this data are seven existing boilers burning 
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bituminous coals that are achieving greater than 90% mercury control.  PR295-1; 6-1-04 TE at 

36:3-23 (Fox).  These tests results are included in Jt. #12, PR291, PR 291-1, and PR292-2. 

 716. In an independent analysis of the ICR data, Burns & McDonnell, TGC’s engineer, 

concluded that “it can be surmised that the combined mercury removal for a baghouse/wet FGD 

combination (originally proposed for TGC), although not directly tested in the ICR program, 

would certainly be at or above 90%.  P120-58; 11-17-03 TE at 40:22-42:7 (Fox). 

 717. ALSTOM also independently analyzed the ICR data and reported an average of 

98% mercury control for bituminous coal-fired boilers equipped with spray dryer adsorbers plus 

fabric filters and 97% control for those equipped with fabric filters plus FGD.  Jt. #44 at Red 

100.  These high removal efficiencies for bituminous coal-fired boilers equipped with spray 

dryer adsorbers and fabric filters also have been reported by others based on non-ICR tests.  

P121-64A, p 419, Table 1, Plant D (96.5% to greater than 99% removal for a plant equipped 

with dry FGD and a baghouse).  Petitioners note that ALSTOM does not criticize the ICR data, 

but rather relies on it to establish the mercury removal facility for TGS.   

718. The highest removal efficiencies are consistently obtained for bituminous coal-

fired units equipped with fabric filters plus a sulfur removal technology or with a spray dryer 

adsorber. P120-58, Figs 2, 3.  Dr. Fox testified that this combination of technology is the best-

controlled similar source for mercury for bituminous coal-fired boilers.  11-20-03 TE at 163:12-

14; 12-2-03 TE at 130:7-9; 130:19-24; 132:1-17; 168:4-8 (Fox).  The EPA concluded in January 

2003 that “fabric filters are the most effective technology for controlling mercury emissions” 

from similar commercial, industrial, and institutional boilers.  TGC121-070, p 1681. 

Petitioners urge that others including TGC have relied on ICR data 
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719. While TGC points to a sister agency in Iowa in dismissing the ICR data as invalid 

for TGS, the subject facility, Council Bluffs, will burn a sub-bituminous coal, not a bituminous 

coal. TGC123-70, p 43 (Power River Basin or PRB coal).  As stated, the ICR database is limited 

for sub-bituminous coals because the measurements were not reproducible due to poor removal 

efficiencies.  Iowa ultimately set a mercury control efficiency of 83%, which is higher than the 

upper end of the mercury control range reported in the ICR database for sub-bituminous coals 

(73%). 

720. Others relying on the ICR data to determine mercury control levels, include 

TGS’s own engineers, as well as Massachusetts, Wisconsin and other states, and the EPA.  11-

20-03 TE at 71:16-72:7; 6-1-04 TE at 47:23-48:10 (Fox).  These agencies were not concerned 

with the so-called limitations that TGC urges.  12-2-03 TE at 86:13-20; 87:6-25 (Fox).  TGC’s 

own permitting contractor, KEC, also relied on the ICR database to support 80% mercury control 

for the pre-selected pollution control train.  12-3-03 TE at 114:10-115:9 (Fox); 5-4-04 TE at 8:4-

12:6 (Handy); Jt. #54 at Red 104.  Also, TGC’s engineer, Burns & McDonnell, published a 

paper in September 2001 which analyzed the ICR data to determine the mercury control 

efficiencies that could be achieved by existing pollution control equipment on existing coal-fired 

units.  P120-58.  IDEM relied on the ICR data in concluding that the Cabinet had not properly 

determined MACT in this case.  P159; IDEM 5, p 17: McCabe letter, p 3 of 7.   The 

Massachusetts Bureau of Waste Prevention relied on the ICR data to support more stringent 

mercury emission standards for power plants than proposed for TGS. PR281, p 11-12. 

      Petitioners urge that the MACT floor for mercury is greater than 90% removal 

Fabric filters –  
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721. The ICR data showed that the highest removal efficiencies are consistently 

obtained for bituminous coal-fired units equipped with fabric filters plus a sulfur removal 

technology or with a spray dryer adsorber. P120-58, Figs. 2,3.  This is the combination Dr. Fox 

identified as the best-controlled similar source for mercury for bituminous coal-fired boilers.  11-

20-03 TE at 163:12-14; 12-2-03 TE at 126:24-128:22, 130:19-24, 132:1-17, 168:4-8.  Petitioners 

urge that TGC’s submission on the infeasibility of baghouses was inadequate and did not 

consider an add-on baghouse with reheat, as mentioned by both Lillestolen and Shepherd.  6-1-

04 TE at 231:10-25 (Fox).   

722. The factors used to eliminate fabric filters in the BACT analysis cannot be 

considered in the MACT floor analysis.  Moreover, the SOB does not contain any basis for 

eliminating them.  11-20-03 TE at 162:21-163:14 (Fox).  Adams acknowledged that fabric filters 

were more effective at controlling mercury than EPSs, which were chosen by TGC in the BACT 

analysis. 2-9-04 TE at 121:25-122 (Adams).  ALSTOM’s summary of the ICR data also shows 

that fabric filters remove 89% of the mercury while ESPs remove 11% (hot-side ESPs) to 29% 

(cold-side ESPs).   

723. In its March 2001, “Flue Gas Desulfurization Technical Analysis”, Black & 

Veatch, TGC’s engineers, included fabric filters as part of three SO2 control options evaluated 

“due to their flexibility, especially if additives are required to be injected for removal of other 

future regulated pollutants such as mercury.” P137-51, p 7-3.  In other work, B&V analyzed six 

options to address NPS visibility concerns.  All included fabric filters. P137-93.  In its June 2001 

report, “Emission Control Evaluation”, B&V concluded that a fabric filter was feasible, but the 

inference is that cost was a factor in eliminating fabric filters.  P137-61, p 14.  Also see Jt. #17, 

at Red 144.  As stated, costs cannot be considered in determining the MACT floor.  In its “Air 
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Quality Control System Performance Matrix”, P137-7, p TB1873, maintenance and bag 

replacement were discussed as issues to consider in reaching expected performance.  Again, 

maintenance and bag replacement are cost items which cannot be considered in establishing the 

MACT floor.  The matrix concluded that fabric filters plus other control equipment were 

expected to achieve up to 95% mercury control. 

724. In response to the B&V bid package, three vendors – Babcock & Wilcox (P137-

151, p TB5210), Lurgi (P137-127) and WULFF (P137-137) - provided bids based on using 

fabric filters and SDA technology (B&V bid wet FGD).  Fabric filters are currently used or 

proposed for similar coals.  Dr. Fox identified three facilities which are currently using fabric 

filters on similar high sulfur coals – Scrubgrass (PR280, p 3-2, Table 3.1), JEA Northside, and 

Sulcis. 12-3-03 TE at 60:14 to 61:3; 6-1-04 TE at 245-248 (Fox).  B&V asked Lurgi whether 

corrosion, erosion, or solids buildup would occur with their proposed CDS-fabric filter train.  

Lurgi stated that the baghouse had been in service since early 1995 with no signs of corrosion or 

erosion. P180, pTB6995.  Others using fabric filters on pulverized coal fired boilers, burning 

eastern bituminous coal are – Upshur Energy, P137-143, p 2-19; Cash Creek, P305, p 4-27, 5-32; 

Longview, PR235, p 3, condition 5. 

725. Although TGC alleged technical constraints to the use of fabric filters in a 

document which was put into the record after the close of public comments, Jt. #17 at Red 147-

48, it does not point to any correspondence from its engineers or vendors.  It footnotes a 

conversation with Burns & McDonnell but not as to the ultimate conclusion and this was put into 

the permitting record after the ESP was chosen.   The problems alleged in this document would 

occur only if the flue gas temperature drops below the acid dew point, resulting in condensation 

of acids, corrosion, and plugging of the bags.  However, there was no engineering analysis 
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showing that the flue gas temperature would be less than the acid dew point.  These issues are 

normally addressed during design and add to the cost of a fabric filter; they do not render the 

technology infeasible.  Neither Lillestolen nor Dr. Fox agreed with most of these issues.  3-16-04 

TE at 166:22-168; 6-1-04 TE at 231:19-25.  Even assuming the problems occur, they could be 

addressed during design by using reheat or locating the fabric filters downstream of the wet 

FGD, after the sulfur had been removed.  Shepherd testified that the “main limit on baghouse 

efficiency is how much you’re willing to spend.” P160, p 27:25.  The issues raised by TGC are 

not problems if the baghouse is kept above the acid dew point using reheat.  Id., p 113:15-23.  

Lillestolen and Dr. Fox testified similarly.  Both fabric filters and reheat were technically 

feasible before the permit was issued. 3-16-04 TE 125:25-126:1-3(Lillestolen). 

726. Carbon injection into the fabric filter for mercury control was feasible, but vendor 

guarantees were not available from ALSTOM in October 2002.  Id. at 124:5-14.  Lillestolen 

testified that if he had it to do over today, he would consider designing the TGS control system 

with a fabric filter plus reheat and carbon injection, downstream of the wet ESP.  Id. at 121:21-

122:3 (Lillestolen).  Even though TGC provides no support for its contention that a permit limit 

is required to support a MACT floor finding, Petitioners point out that the original permit 

application for Peabody’s nearly identical facility in Illinois, Prairie State, concluded that the 

mercury MACT floor was 95% mercury control. P211, p 3.  This plant will burn higher sulfur, 

higher ash, generally worse quality coal than TGC. 5-4-04 TE at 213:2-9 (Handy); 12-5-03 TE at 

5:24-6:8 (Tickner).  The ICR database shows high mercury removals which were reported nearly 

a decade before TGC applied for its permit, on a full-scale, bituminous coal-fired boiler. P121-

64A, p 419, Table 1, Plant D; 11-17-03 TE at 57:25-58:13 (Fox).  The high removal efficiencies 

were demonstrated consistently in the ICR tests on multiple facilities, in fact, on every single 
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facility firing bituminous coal equipped with a spray dryer adsorber and fabric filter, or nine 

units.  See Jt. #12, v 1, p 6-22, Table 6-7, Post-combustion control:  Dry FGD Scrubbers (The 

range in mercury reduction efficiencies is 96.56% to 99.23%).  The ICR database removals were 

also uniformly higher for units equipped only with fabric filters. 

Carbon injection –   

727. Petitioners adduced evidence to show that a full-scale carbon injection system on 

a bituminous coal-fired boiler achieved over 99% mercury control a decade ago. P121-64A, p 

419, Table 1, Plant D; 12-2-03 TE at 109:13-113:6 (Fox).  The EPA prepared detailed cost 

estimates for 90% mercury control more than two years before the TGC permit was issued.  

P120-60; 12-2-03 TE at 108:11-20 (Fox). 

728. A German company, Donau Carbon, would guarantee about 90% mercury 

reduction for a coal similar to TGS’s coal. PR290; 6-1-04 TE at 20:22-21:18 (Fox); PR322; 6-1-

04 TE at 23:4 – 22 (Fox).  This technology was commercially available at the time the TGC 

permit was issued.  In fact TGC’s engineer, Burns & McDonnell, evaluated the use of carbon 

injection for TGC.  The report was not produced in discovery and was never submitted to the 

Cabinet. P103-31; 5-5-04 TE at 140:13-141:20 (Handy).   

729. The TOXECONTM process, offered by a U.S. firm, injects activated carbon 

upstream of a COHPACTM baghouse located downstream of an ESP.  PR285.  The use of this 

process has been in continuous operation since 2001 on a coal-fired power plant in Alabama. 

PR281, p 15-16; PR285. 

Carbon filters - 

730. Packed beds of sorbent material, typically carbon, have been used in Japan and 

Germany to remove mercury, dioxins, and other HAPs from a wide range of combustion sources, 
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including coal-fired power plants.  11-17-03 TE at 74:24-75:1 and 77:19-24; 6-1-04 TE at 65:9-

73:18 (Fox).  One example uses a packed bed of activated coke to simultaneously achieve 90% 

mercury removal, 80% NOx removal, and 99% SO2 and SO3 removal. PR282, PR283, PR313. 

Additives -    

731. The additive, TMT (trimercapto-s-triazine, tri-sodium salt), is used on virtually all 

coal-fired power plants in Germany to control the mercury content of scrubber waters, and has 

the added benefit of achieving 90% control of mercury emissions from the stack. PR284; 6-1-04 

TE at 24:15-27:1.   

Coal washing - 

 732. Coal washing was not considered in the case-by-case MACT analysis.  P137-44; 

5-5-04 TE at 136:10-137:21 (Handy). Coal washing was eliminated in the BACT analysis due to 

cost, energy and environmental factors, factors which cannot be considered in establishing the 

MACT floor.  Petitioners suggest that coal washing is widely used and likely is used by the best-

controlled similar source. 

 733. Coal washing would reduce mercury by about one-third for Kentucky Seam 8 

coal.  For Kentucky Seams 9 and 14, data shows 24% mercury reduction, 46% arsenic reduction, 

and 51% ash reduction. PR232, p 34; 6-2-04 TE at 113:11-114:9 (Fox). 

 Vendor guarantees - 

 734. The only evidence cited by TGC that vendor data is not reliable is Tickner’s 

testimony on a letter from Babcock & Wilcox submitted to Wisconsin in the Elm Road case, 

stating that they would not guarantee 90% mercury removal for that facility.  However, 

Wisconsin rejected the claims in this letter and issued a permit based on 90% mercury control. 

12-2-03 TE at 50:4-7 (Fox). 
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 735. Petitioners point to a number of organizations which have determined that a 

higher mercury efficiency removal than required for TGS is achievable.  They include the 

following:  the Institute of Clean Air Companies, an organization that represents pollution 

control equipment vendors, recommended to the EPA Mercury MACT Work Group that “(t)he 

standard (MACT) for bituminous coal should be 90% removal or a comparable emission rate.” 

P168, P2; 11-17-03 TE at 63:12-22 (Fox); NESCAUM, the Northeast States for Coordinated Air 

Use Management, is a non-profit association of air quality divisions of the state departments of 

environmental protection of Connecticut, Maine, Massachusetts, New Hampshire, New Jersey, 

Rhode Island, and Vermont. PR280, p ES-3; 6-1-04 TE at 39:6-40:12.  (Fox); Massachusetts - 

the state of Massachusetts has promulgated regulations to control mercury emissions from coal-

fired power plants. 310 CMR 7.29.  Testing of mercury emissions was required by five large 

coal-fired power plants.  Four of the five were achieving mercury removals of about 90% with 

existing controls. 6-1-04 TE at 38:11-39:1  (Fox). 

 736. In rebuttal, the Cabinet introduced a number of MACT analyses that had 

equivalent or higher (less stringent) mercury limits in an effort to justify its own mercury MACT 

determination.  Petitioners urge that these permits, which postdate TGC’s permit, are not 

relevant for two reasons.  First, MACT is the “best-controlled similar source”.  Thus, facilities 

permitted with higher mercury limits do not assist in identifying the “best controlled similar 

source”.  6-16-04 TE at 10:8-15 and 11:14-19 (Fox).  Second, most of these facilities would fire 

sub-bituminous coals.  “PRB coals represent a worst case for mercury control.”  Id. at 18:1-2 

(Fox); CabR227-1 (PlumPoint); CabR26, 27 (MidAmerican) and  CabR30 (Whelan).  
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737. Petitioners point to a number of permitting materials, indicating that the best-

controlled similar source could meet a lower mercury MACT emission limit and/or higher 

mercury percent reduction than TGS.66 

738. Based on the following, Petitioners urge that TGC was aware that the mercury 

MACT floor was lower than it proposed but never disclosed what it knew to the Cabinet.  TGC 

did not submit the following evidence to the Cabinet: 

* Two of the bidders on TGC’s bid package for the boilers and air pollution control train, 
Lurgi and WULFF, indicated their proposed pollution control trains would meet greater than 
90% mercury control.  P137-153 (Lurgi); P137-137 (WULFF).  

 
*  Black & Veatch also prepared two other documents that indicate greater than 90% 

mercury control was achievable – an evaluation of emission control technologies in June 2001, 
P137-61, and the Air Quality Control System Performance Matrix, P137-7, evaluating 
technologies for mercury control.  

 
* Black & Veatch also prepared the original permit application for Prairie State, 

Peabody’s nearly identical facility in Illinois.  This application, submitted on October 19, 2001, 
concluded that the mercury MACT floor was 95% mercury control, consistent with the matrix 

                                                 
66These permitting materials include: 
MidAmerican – This permit includes a mercury limit that is nearly two times lower than TGC’s, and also requires 
the use of carbon injection, which was found to be commercially available, represented “beyond-the-floor” MACT 
technology and could achieve at least 83% mercury on a sub-bituminous coal, which is high.  12-2-03 TE at 61:16-
63:12 (Fox); TGC 123-170. 
Roundup -  While Adams initially claimed the Roundup mercury limit was about the same as TGC’s, 6-14-04 TE at 
31:5-9, when pressed, he admitted that the Roundup limit was 17% lower.  Id. at 146:12-148:15.   
Birchwood, VA -  This facility, which was included in EPA’s RACT/BACT/LAER Clearinghouse  and was 
included in TGS’s case-by-case MACT determination, was permitted with a much lower mercury emission rate than 
proposed as MACT for TGS.  The TGS mercury MACT permit limit is 0.1047 tons per year per unit, Jt. #8, p 4, 
which is equivalent to 0.0239 pounds per hour or twice as much as Birchwood. P101-4, p 1, controlled emissions 
column. 
Franklin Energy Project, IL – This PSD application has a proposed mercury limit nearly ten times lower than TGS’s 
limit. P137-278, p 37, Table 16, with a minimum of 90% control of mercury emissions.  Although this application 
was in KEC’s files, it was not submitted to the Cabinet. P137-278, p 37; 11-17-03 TE at 61:18-62:20(Fox); 5-5-04 
TE at 124:14-127:11 (Handy). 
Cash Creek, KY –This PSD application concluded that greater than 90% mercury control could be achieved.  It 
proposed a mercury limit of 1.995E-6 lb/MMbtu, compared to TGC’s limit of 3.21E-6 lb/MMbtu. Jt. #33 at Red 21, 
Table 4.2-1, “Hg, 30-day” column. 
Other permitting materials -  Other facilities with more stringent mercury limits than proposed for TGS (not 
necessarily available before TGC’s permit was issued), include:  the Baldwin permit requiring 95% mercury 
control; the Elm Road, WI permit, with a 90% mercury control; and the Santee Cooper application, with 90% 
mercury control. 
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prepared for TGC.  PAR211, p 3: 5-4-04 TE at 213: 2013 (Handy).  This plant will burn worse 
quality coal than TGS. 

 
* In July 2001, TGC proposed to demonstrate 90% mercury control on one of its two 

750MW trains. P137-053, p 3.  
 
* KEC modeled an alternate pollution control train that would achieve 97.4% mercury 

control (an alternate to the proposed pollution control system which would achieve 80% mercury 
reduction). P137-118; 11-17-04 TE at 47:20-49:13 (Fox); 5-10-04 TE at 88:13 – 90:1 (Handy).  
However, this second analysis was never submitted to the Cabinet. 11-17-03 TE at 51:18-53:11 
(Fox); 5-10-04 TE at 93:18-94:24 (Handy). 

 

739. KEC files also contained PSD applications prepared by TGC’s engineer, Burns & 

McDonnell, indicating that other applicants believed 90% mercury control was feasible, 

including the September 2001 Cash Creek PSD application and the June 2002 PSD application 

for the Franklin Energy Coal project. 

740. Finally, a draft of the ALSTOM January 2, 2002 letter, which TGC points to as 

justification for 80% control, concluded that 85% mercury control was feasible.  P137-156.67 

 741. Petitioners point out that during the formal hearing, TGC argued that the 

proposed MACT standards were irrelevant.  Now, however, TGC relies on the preambles to the 

January 30, 2004 (TGCR258) and March 16, 2004 (CabR24) proposed MACT standards for 

electric utility steam generating units to conclude that carbon injection was not commercially 

available as of January 2004 and to argue that “there is no basis for Petitioners to claim that in 

October 2002 the best controlled similar source was achieving in practice 90% reduction in 

mercury.”  Petitioners point out that the preambles are preliminary and do not reflect final 

agency conclusions or action.  Adams acknowledged that the proposed MACT standards are 

“controversial”. 6-14-04 TE at 132:4-133:16.  They garnered 680,000 comments, more than any 

                                                 
67 See footnote in Overview of Count 10 regarding EPA’s finalization of Clean Air Mercury Rule (CAMR). 
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regulation ever published by EPA.  While the draft standards assert that carbon injection was not 

commercially available as of January 2004, Lillestolen testified that ALSTOM has offered 

carbon injection technology for coal-fired power plants since December 2002. P71 and 3-16-04 

TE.  Petitioners argue that public comments filed by many regulatory agencies and vendors of 

pollution control equipment indicate EPA has erred with respect to the passages TGC relies on. 
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Petitioners urge that a non-mercury MACT analysis was not performed 

 742. Petitioners urge that the MACT analysis submitted by TGC and relied on by the 

Cabinet did not review the use of alternate control technologies and concluded that MACT for 

the non-mercury metallic HAPs: (VOC HAPs), hydrogen chloride, hydrogen fluoride, arsenic, 

beryllium, chromium, manganese, lead and chromium) is 98% control based on a pollution 

control train selected to address visibility issues.  Petitioners urge that the control efficiencies 

used to calculate HAP emissions were not divulged and are not stringent enough, and do not 

demonstrate that the selected technologies meet the definition of MACT.  12-2-03 TE at 136:20-

137:11 (Fox). 

 743. Petitioners again urge that a BACT analysis does not satisfy the obligation to 

make a case-by-case MACT determination.  Thus, they urge that the PM BACT analysis does 

not satisfy the obligation to make a case-by-case MACT determination for these HAPs, as TGC 

contends.  They also urge that the MACT analysis for organic hazardous air pollutants is 

inadequate because there is no support for the VOC (HAP) MACT limit and because the EPA 

methods used to demonstrate compliance measure only nonvolative organic compounds, whereas 

all organic HAPs must be regulated.  11-17-03 TE at 102:19-103:5 (Fox).  Finally, Petitioners 

urge that the MACT analysis and resulting HAP permit limits exclude several HAPs that are 

present at high concentrations in TGC’s coal.  11-17-03 TE at 98:19-99:20, 103:15-104:1, 

108:25-109:17 (Fox). 

Count 10 - Conclusions  

744. Much of Petitioners’ argument on this Count is a critique of the MACT analyses 

submitted by TGC.  Indeed, DAQ is in agreement with Petitioners that TGC’s analysis of best 

controlled similar source was not defensible under the regulations.  For this reason, DAQ began 
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an independent analysis.  The reason DAQ’s analysis focused on permits and permits in process 

is because the focus of the regulatory definition is on emission limits which are actually achieved 

in practice.  MACT is defined as “the emission limitation which is not less stringent than the 

emission limitation achieved in practice by the best controlled similar source, and which reflects 

the maximum degree of reduction in emissions…”  

745. DAQ was not able to identify a best-controlled similar source, and indeed, 

Petitioners do not identify a single best-controlled similar source.  Thus, DAQ moved to Tier 2, 

which is similar to the top-down BACT analysis. 

746. At the time of the TGC permit, DAQ had performed only two or three 

independent analyses of case-by-case MACT.  DAQ’s independent analysis for TGS focused on 

other existing permits and permits in process for facilities which were burning eastern 

bituminous coal, which DAQ determined as a “similar source”.  Thus, DAQ’s definition of 

similar sources is not in conflict with Dr. Fox’s definition, which is that similar source would be 

all coal fired boilers firing coal or segregated by saying all coal fired boilers burning bituminous 

coal.   

747. Adams correctly understood the regulatory definition of MACT to be an existing 

source which is in operation, i.e. a technology which is in use and functioning.  The basic bar is a 

source that is in operation or that is permitted.  4-14-04 TE at 45-46.  With regard to P153-23, 

Dr. Fox’s demonstrative exhibit entitled Candidate Mercury MACT (% Removal), Adams found 

this was good information, but he opined that to the extent the information did not reflect an 

existing source, it was not encompassed in the regulatory definition.   

748. The final version of the SOB, Jt. #7, at p. 11, states that DAQ considered 

“additional information” following TGC’s submittal of its case-by-case MACT determination.  
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In retrospect, Adams said that some of the research DAQ did was not documented to the extent it 

will be on future permits.  In other words, while Adams said he could have told anyone inquiring 

what sources he looked at (primarily the MACT promulgation Web page for mercury), he agreed 

that “additional information” does not advise the public what sources were investigated.  2-9-04 

TE at 92. 

749. Adams stated that DAQ’s determination that 80% mercury removal was the 

maximum achievable degree of emission reduction for mercury for a pulverized coal boiler 

burning eastern bituminous coal was based on the materials submitted by TGC, and a review of 

available data, mainly from the ICR database.  4-16-04 TE at 158-59.   

 750. Thus, while DAQ considered the ICR database, it did not find that it conclusively 

established the level of mercury control achievable by TGC because the high removal numbers 

in the ICR database could not be duplicated. 

We did a review of the data on the best-controlled similar source, and I do not 
recall being able to duplicate these numbers based on the information we had or 
that could be obtained for us.  We specifically asked for these numbers from both 
the MACT development group and EPA, because if 98 percent is being – if 98 
percent is being achieved, that would be of prime importance for the MACT 
development.  And since no one seemed to be able to duplicate those numbers, 
they weren’t used…. 
 

The MACT determination that we made achieved considerable notice from both 
Region 4 and the National EPA.  And if this (the ICR database) was reproducible, 
quantifiable data, we could not have issued the permit, unless there’s a large 
conspiracy out there. 4-16-04 TE at 162-164 (Adams). 

 

In addition, with regard to the ICR database, Adams stated: 

There was a lot of discussion about the information in the ICR database, and 
the main thing I can say about that is if we erred on not including some of 
those phenomenally high mercury removals that have been suggested that 
have been in there, then also the USEPA has not erred but committed major 
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fraud because they didn’t incorporate those into their final MACT or proposed 
MACT, either, and they were certainly under an obligation to look at the 
information and use the best-controlled similar source.   
4-14 -04 TE at 73. 

 

 751. As I stated in the introduction to this Report, there was considerable discussion 

regarding the admission of exhibits which postdated October 11, 2002, the date of issuance of 

the permit.  Because DAQ would not have had access to exhibits which were available after 

October 11, 2002, in reaching its permit determinations, I disallowed such exhibits, and such 

exhibits were labeled “avowal” exhibits.  However, when rebuttal began, exhibits which 

postdated October 11, 2002, were admissible if they tended to show that DAQ’s permit decisions 

were either erroneous or arbitrary, or conversely, if they tended to show that DAQ’s permit 

decisions were neither erroneous nor arbitrary. As stated in the overview to this count, EPA’s 

“Proposed National Emission Standards for Hazardous Air Pollutants; and, in the Alternative, 

Proposed Standards of Performance for New and Existing Stationary Sources:  Electric Utility 

Steam Generating Units” was issued in January 2004 and supplemented in March 2004, during 

the course of the formal hearing in this case.  Evidence pertaining to these proposed standards 

was not allowed during the parties’ cases in chief, but in rebuttal the federal regulations 

publishing the proposed standards and supplement were introduced.  TGCR258 and CabR24.  

752. The proposed standards, even though controversial, are evidence which tends to 

show that DAQ’s mercury MACT determination was neither erroneous nor arbitrary.   

753. Even if other agencies have found that the ICR data are reliable to establish the 

best controlled similar source, Petitioners offer no support for requiring that the ICR data 

conclusively establish the best controlled similar source.  Petitioners cite several cases in which 

rulemakings were challenged which established emission standards for HAPs in other various 
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industries.  Petitioners point out that the courts have consistently held that other approaches, 

besides measured long-term emission data, can be used to establish the best controlled similar 

source as long as they are reasonable.   Again, this does not establish that DAQ erred by failing 

to base its case-by-case MACT determination solely on the ICR data.  In its Proposed Standards, 

EPA notes, at TGCR at 4670, that the ICR test report data “shows a significant degree of 

variability even within a given subcategory.  The EPA, therefore, decided it was necessary to 

develop a methodology to address the multiple sources of the observed variability in order to 

assure that an emission limitation value could be derived that was representative of what was 

actually being achieved by the best performing units under all conditions expected to be 

encountered by those units”. 

754. Indeed, Adams testified that DAQ reviewed the ICR database, consulted with 

other state agencies, and worked intensely with the EPA MACT development group in arriving 

at its mercury MACT determination.  This is not contrary to what Petitioners are seeking, even 

though they argue that the final determination should be a significantly higher mercury removal.   

755. I conclude that following DAQ’s review of the ICR data, it was reasonable to 

consult with the MACT development group and Region 4 to see if these numbers could be 

duplicated before DAQ reached its mercury MACT determination.  DAQ’s analysis and 

determination were especially reasonable given the few MACT analyses which had been 

performed by DAQ and the advanced stage of the MACT development group.  I conclude that 

Petitioners have failed to establish that DAQ’s mercury MACT determination is erroneous or 

arbitrary. 

756. I also conclude that Petitioners have failed to show that DAQ erred in 

determining the non-mercury MACT.   
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Count 11 - Single Source 

Count 11 - Findings 

Overview 

 757. This Count involves the issue of whether the power plant and nearby mine must 

be permitted as a single source for PSD purposes.  The purpose of the “single source rule” is to 

ensure that facilities do not split certain related pollutant emitting activities (i.e. the mine and the 

power plant) into different entities for permitting, thus avoiding PSD requirements for some or 

all of their activities. 

General Findings 

758. The regulations which pertain to the single source rule are the following 

regulations which define stationary source, and in turn in defining building, structure or 

installation, set forth the three factors to be met for multiple sources to be considered a single 

source: 

401 KAR 51:017 Section 1(38) “Stationary source” means a building, structure, 
facility, or installation which emits or may emit an air pollutant subject to 
regulation under the …(Clean Air Act). (emphasis added). 

401 KAR 51:017 Section 1(9) “Building, structure, or installation” means all 
of the pollutant emitting activities which: 

1) belong to the same industrial grouping,  

2) are located on one (1) or more contiguous or adjacent properties, and  

3) are under the control of the same person (or persons under common control) … 

In determining which building, structures or intallations belong to the same 
industrial grouping, Section 1(9) provides that “(p)ollutant-emitting activities 
shall be considered as part of the same industrial grouping if they belong to the 
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same major group (i.e., which have the same two (2) digit code) as described in 
the Standard Industrial Classification (SIC) Manual, 1987 …” (emphasis added)68.    

 759. The parties agree that the second and third prongs of 401 KAR 51:017, Section 

1(9) are met, i.e. 2) the power plant and the mine are on contiguous or adjacent properties and 3) 

the power plant and the mine are under the control of the same person (the proximity and 

common control prongs).  It is the first prong, i.e. whether the power plant and the mine belong 

to the same industrial grouping, on which there is disagreement.  It is not disputed that the power 

plant and the mine do not have the same SIC code - coal mining operations have an SIC code of 

12; facilities which generate, transmit and/or distribute electric energy for sale

                                                 
68 TGC cites to Harsco Corp. v. Natural Res. And Envtl. Prot. Cabinet, Ky. App., 2003-CA-000025-MR, 2004 WL 
1103594, 4, 10 n.9 (May 14, 2004) in its post hearing brief wherein the Court of Appeals, in an unpublished case, 
stated that all three factors of Section 1(9) must be met for multiple sources to be considered as a single source.  In 
their reply brief, Petitioners point out that the Harsco case was inappropriately cited because it was an unpublished 
case.  Petitioners also point out that two motions for discretionary review were filed with the Kentucky Supreme 
Court, by private parties and by the Cabinet.  On January 17, 2005, TGC filed notice that the Supreme Court had 
denied the Cabinet’s motion for discretionary review and had granted the private parties’ motion to withdraw their 
motion for discretionary review.  
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have an SIC code of 49.  However, Petitioners urge (and the Cabinet agrees) that the regulation 

simply requires that if pollutant-emitting activities have the same two digit SIC code, they must 

be considered a single source.  However, they contend that this does not preclude a 

determination that pollutant emitting activities under different SIC codes are a single source. 

760. In my Interim Report denying TGC’s motion for directed recommendation on this 

Count, I point out that DAQ acknowledges that it did not make a formal determination as to 

whether the power plant and nearby mine are a single source.  I then concluded that “Petitioners 

put on a prima facie case to show that DAQ was required to make a single source determination, 

and the determination would be that the mine and the power plant are a single source.” Docket 

#273 at 24.  This ruling was based on evidence adduced during the course of the formal hearing, 

up to the time of my ruling (on April 12, 2004), which showed that no formal determination had 

been made by DAQ because TGC agreed to make the emissions sources at the coal mine a part 

of its BACT determination and to examine those emissions units in the air dispersion modeling 

for the facility.  Hence, the Cabinet urges that the PSD analysis overall would not be affected or 

change as a result of considering the mine and the power plant as a single source.   

761. In Petitioners’ case in chief, Don Newell, branch manager of DAQ’s Permitting 

Branch at the time of the formal hearing, testified that DAQ never made a single source 

determination.  3-4-04 TE 60-61 (Newell).  Subsequently, in the Cabinet’s case in chief, 

however, the Cabinet adduced evidence that Edd Frazier had done research and made the 

determination for DAQ that the power plant and mine were separate sources.  4-14-04 TE at 93 

(Adams).  This contradiction in testimony was explained by the fact that Newell was not with the 
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Permitting Branch when the separate source determination was made, so he was not aware of it.  

Id. at 92-93.  

 762. DAQ’s determination that the power plant and mine were separate sources is 

confirmed by Jt. #30 at 2 (letter from Tickner to Lyons); TGC218 at 3 (letter from EPA Region 4 

to Lyons); and Jt. #63 at 9 (response to public comments). 

 763. As stated above, the primary SIC code for establishments engaged in the 

generation, transmission and/or distribution of electric energy for sale fall under Group 49, while 

the SIC code for the mine is Group 12.  Jt. #35; TGC214 (relevant excerpts from SIC Manual). 

 764. TGC gave the following justification for treating the mine and power plant as 

separate sources: each facility has independent utility and could exist without the other; when the 

mine begins operations, all of its production will be sold to other facilities; and only after TGS is 

operational will the mine’s output be directed to TGS.   Jt. #35; 12-5-03 TE at 88 (Tickner) 

 765. However, in a letter dated July 18, 2002, from EPA Region 4’s Chief of the Air 

Planning Branch, to the director of the Cabinet’s Department for Environmental Protection, EPA 

commented that it understood that DAQ had determined that the power plant and mine are 

separate sources.  EPA commented that “this determination and an explanation for this 

determination are not provided in the revised PD/SB”.  TGC218 at 3. 

 766. TGC agreed to include emissions modeling for both sources in the permit 

application for TGS and to apply BACT to both sources.  Jt. #35 (letter from Handy to Markin).  

An agreement was reached between DAQ and representatives of TGC that the mine should be 

controlled to BACT levels. 4-14-04 TE (Adams) at 97. 
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 767. The modeling for TGS included the relevant emissions points at the mine (those 

that are part of the mine to power plant system). 4-14-04 TE 95-99 (Adams).  Jt. #57 at Red 68 

(Table 6.3.1-2); Jt. #56 at Red 30. 

Count 11 – Parties’ Arguments 

Petitioners 

 768. In their post hearing brief, Petitioners incorporate their earlier arguments on the 

single source issue, and urge that I have ruled in their favor on this Count.  They note that even 

after the second draft permit came out, Jim Little of US EPA Region 4 believed that the permit 

was in error in not containing both the mine and power plant as a single source (citing to 

testimony by Sizemore (P159 at 103:11)).   

TGC 

 769. TGC urges that DAQ presented a reasoned basis for its determination that TGS 

and the mine are separate sources.  In a letter from Handy to Markin, Jt. #35, it is explained that 

while the mine will supply coal to the facility, the mine will have independent customers.  Thus, 

the facility and the mine have independent utility.  In addition, TGC states that the modeling for 

TGS included “all relevant emission points” at the mine (i.e. those that are part of the mine-to-

power plant system), and TGC states it has agreed that the mine would be controlled to BACT 

standards.  4-14-04 TE 95-99 (Adams); Jt. #57 at Red 68 (Table 6.3.1-2); Jt. #56 at Red 30; Jt. 

#7 at 31-33; Jt. #35 at 4.   

Cabinet 
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 770. The Cabinet basically concurs with TGC’s arguments and states that the single 

source issue was a comparatively minor issue in the permitting process.  In light of TGC’s desire 

that the mine be permitted separately from the power plant and TGC’s decision that it would not 

object to DAQ considering all of the emissions, DAQ believes that environmental controls were 

not being neglected by a determination that the mine and power plant are separate sources. 

Petitioners’ Reply 

 771. In reply, Petitioners urge that even if a determination was made by the Cabinet, a 

preponderance of the evidence does not show that an analysis was conducted by the Cabinet on 

the single source issue. 

 

 

Count 11 - Conclusions 

 772. I conclude that this issue is moot because of TGC’s agreement that BACT will 

apply to both the emissions from the mine and the power plant.  I will recommend that TGC’s 

agreement be incorporated into the permit. 

 

Count 14  - Enforceability 

Count 14 - Findings 

Overview 
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 773. Counts 14 and 17 are interrelated in that they both address the enforceability of 

the permit. Count 14 involves permit conditions which Petitioners allege are not enforceable.  

Count 17 involves errors and omissions in the permit which Petitioners allege make the permit 

unenforceable.  Count 2, the public participation count, is also related to these counts. 

 774. Permit limits are enforced through monitoring, recording and reporting.  

Monitoring can take many forms, depending on the nature of the underlying emission unit and 

applicable requirement.  The permit includes several broad classes of monitoring: 1) continuous 

monitoring using a continuous emission monitoring system (CEMS), 2) periodic stack tests; 3) 

measuring the operational parameters of pollution control equipment; and 4) measuring a 

chemical that is related to the regulated pollutant (indicator or parametric monitoring).  The only 

monitoring methods that measure actual emissions coming out of the stacks are stack tests and 

CEMS.  The other methods rely on establishing a relationship between the regulated pollutant at 

the stack and an indicator of the regulated pollutant, e.g., opacity as an indicator for particulate 

matter.   

775. On July 1, 2004, following the formal hearing, TGC submitted to DAQ a list of 

proposed administrative amendment/minor permit modifications to address some, but not all, of 

the items in Counts 14 and 17. Docket #299.  TGC proposed that the Cabinet approve the 

amendment/minor permit modifications pursuant to Sections 13 (Administrative Permit 

Amendments) and 14 (Minor Permit Revisions) of 401 KAR 52:020, which provide that the 

source may implement such changes upon submittal of the request for the change. 

776. On July 30, 2004, Petitioners sent a letter to DAQ in which they supported certain 

revisions proposed by TGC and opposed others.  Docket #300.  On August 12, 2004, DAQ 

received a letter from TGC replying to Petitioners’ letter.  Docket #308.  The Cabinet stated in 
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its post hearing brief that the matter was under review by DAQ, but no determination had been 

made.  However, on February 17, 2005, the Cabinet issued Revision #2 in response to TGC’s 

proposed permit amendments.  On March 21, 2005, Petitioners filed a petition to contest the 

permit modifications which they had objected to earlier. Docket #332.  They urged that their 

petition be considered as part of this pending case without reopening the record or submission of 

additional arguments.  By Agreed Order of the parties, filed on April 19, 2005, the claims raised 

by Petitioners shall be considered in this Report as part of File Nos. DAQ-26003-037 and DAQ-

26048-037.  Docket #339. 

777. A review of the parties’ arguments on Counts 14 and 17 is difficult because these 

arguments were filed prior to the issuance of Revision #2, but following TGC’s proposal on July 

1, 2004.  Thus, each party commented on the proposed revisions in their post hearing briefs, and 

the Cabinet’s brief set out what it believed to be DAQ’s position on each proposed revision.  

Now that Revision #2 has been issued, I will set out in the Findings of Fact the items it includes, 

and I will attempt to state the parties’ response to each item.  Where all parties agree with an 

item in the revision, any issue dealing specifically with that item is now moot. 

 778. In Count 14, Petitioners enumerate six permit provisions which they urge are not 

“enforceable as a practical matter”: 1) the HAPs limits are not enforceable; 2) numerous 

monitoring requirements are missing from the permit; 3) VOC limits are not enforceable; 4) the 

public does not have access to the operating procedures that are used to determine compliance; 

5) the monitoring for PM is not enforceable as a practical matter; and 6) the permit lacks 

monitoring and reporting to make the emission limits for emission units 4-9 enforceable as a 

practical matter. 
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 779. The Cabinet contends that the permit is enforceable as a practical matter as 

demonstrated through the testimony of DAQ permitting experts, Adams and Andrews, the 

extensive involvement and oversight of EPA, and the permit when read as a whole.  The Cabinet 

cites to testimony by Adams regarding comments by Region 4 on the issue of enforceability.  “I 

don’t find her (Dr. Fox’s) arguments have been any more strenuous than Region 4’s, through 

Cesar Zapata, were.  He was a stickler for enforceable and enforceable as a practical matter to 

the point of we – I couldn’t begin to go through the iterations we had on this.” 4-14-04 TE at 

100-101.  Adams also explained that the permit was subject to an extensive review by DAQ 

enforcement personnel.  Id. at 114-15. 

 780. TGC urges that Petitioners fail to consider the following: 1) the permit contains 

multiple enforcement mechanisms that work together to ensure compliance with any one 

emission limit; 2) suggestions of additional methods of enforcement do not make the permit 

unenforceable; 3) certain information related to TGS’s operation cannot be known until the 

facility is actually built; and 4) TGC has an affirmative obligation to demonstrate compliance to 

DAQ. 

 781. In reply, Petitioners address issues which can be found in both Counts 14 and 17.  

The reason for doing this, Petitioners state, is to reply to Respondents’ defense that multiple 

enforcement mechanisms work together to ensure compliance with any one applicable 

requirement.  Petitioners identify each of the multiple enforcement methods for each pollutant, 

emission unit, and activity and urge that each provision individually or in combination is not 

enforceable.  Petitioners cite six reasons why they believe that multiple monitoring methods do 

not ensure compliance.  First, the “secondary” methods do not measure emissions coming out of 

the stack, they monitor surrogates or indicators, and the permit contains no provisions that state 



 321

that a violation of the indicator is a violation of the underlying applicable requirement.  Second, 

some of the indicators rely on infrequent stack tests69 that are not representative of normal 

operation, e.g., PM10, VOCs, HAPs.  Thus, the indicators themselves must fail for their stated 

purpose.  Third, each monitoring method in the proposed chain of methods would not itself yield 

“reliable data” or is not clear enough to be enforceable.  Fourth, some of the conditions that 

Petitioners maintain are not enforceable are subject only to secondary monitoring that is not 

linked in any fashion to the emissions from the process (auxiliary boiler, cooling towers, material 

handling equipment and diesel engines).  Fifth, some of the applicable requirements, due to the 

way they are stated, cannot be enforced, i.e., an inspector cannot determine if an annual emission 

cap is being met on HAPs limits expressed only in tons per year.  Sixth, the permit relies on 

descriptive information. 

782. Petitioners also urge that regulated pollutants monitored using initial only or 

annual stack tests are not enforceable, i.e. PM or PM10, VOCs, HAPs and SAM (sulfuric acid 

mist) limits.  Petitioners urge that stack tests should be conducted biannually to quarterly for the 

first one to two years of operation, with the option of reducing the frequency to annual if more 

frequent testing demonstrates compliance.  This stack testing is supplemented by certain 

additional indicator parameters under the continuous assurance monitoring program (CAM) to 

provide a reasonable assurance of compliance with applicable requirements.  The proposed 

indicator monitoring in the permit does not comply with the CAM regulations, and thus, 

Petitioners urge that the applicable requirements they seek to implement are unenforceable. 

General Findings 

                                                 
69 A stack test measures the emissions at the stack by inserting a probe into the stack to collect a sample. 4-16-04 TE 
at 49:19-50:8 (Adams).  Stack tests are also called source tests, performance tests, and compliance tests. 
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 783. The findings related to permit conditions are found in the permit itself, which is 

Appendix No. 4 to this Report.  The relevant portions of the permit are cited in the Parties’ 

Arguments and Conclusions. 

 784. 401 KAR 52:020, Section 10, provides that “(p)ermits shall contain  terms and 

conditions as provided in Sections 1a to 1c of the ‘Cabinet Provisions and Procedures for Issuing 

Title V Permits’ (Title V Policy Manual), which is incorporated by reference in 401 KAR 

52:020, Section 26(1).  

 785. A Title V permit shall contain a provision stating that all emission limits and 

standards shall be “enforceable as a practical matter”.  Title V Policy Manual, Section 1a, para. 

15a. 

 786. “Enforceable as a practical matter” means that the emission or other standards 

include: 

(a) Technically accurate emission standards and the portions of the source that are 

subject to the standards; 

(b) A time period adequate to demonstrate compliance with the standards; and 

(c) The method the source will use to achieve and demonstrate compliance with 

the standards, including appropriate monitoring, recordkeeping, and reporting. 

401 KAR 52:001 Section 1(31).  See also 401 KAR 51:001, Section 1(46) for the 

same definition. 

 787. The following state and federal regulations pertain to the enforceability of TGC’s 

permit: 401 KAR 50:045; 51:017, 52:001, 52:020, 52:060, 59:016, 60:005, and 63:010, as well 

as 40 CFR Parts 60, 64, and 75. 
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 788. The EPA was very involved in enforceability issues in the permit. 2-5-04 TE at 

155; 4-14-04 TE at 100-01 (Adams).  The permit also included an extensive review by 

enforcement personnel within DAQ.  4-14-04 TE at 114-15; 105-106 (Adams). 

 789. Revision #2 contains the following twelve revisions.  In my listing of each 

individual revision, first, the item is given a number corresponding to the number in TGC’s 

proposal; next, the capital letter following the number relates to letters assigned by Cabinet 

counsel in its post hearing brief (See Count 17).  The underlined portion states the subject matter 

of the item; the actual revision follows; and is followed by the parties’ position.   

 

(1)C – Conflicting coefficients between SOB and permit with regard to the 24-hour limit for SO2 

Revision #2: The equation in Section D.4 on p. 35 of the permit is revised to reflect the more 

stringent condition, by changing the coefficient from 135% to 110%. 

All parties agree. 

 

(2)D – Omission of exponent “2” from 24-hour SO2 limit equation 

Revision #2: Equation in Section D5 on p. 35 of 50 is revised by changing the “n” in the 

denominator in the prior version to “n2” in the revised version. 

The parties agree.  

 

(3)H –Grab or composite samples 

Revision #2: The permit is amended to clarify that quarterly composite samples for HAPs are 

required. 

All parties agree. 
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(4)Aa – Error in regulatory reference 

Revision #2: The reference in the permit to 401 KAR 50:055, Section 1(a) is corrected to read 

“Section 2(1)(a)”. 

All parties agree. 

 

(5)E – Error in Cadmium limit 

Revision #2: The permit is revised so that the table in Section B.2(m) on p. 4 of 50 states that the 

cadmium limit for each PC boiler is 0.0119 tons per year. 

All parties agree. 

 

(6)B – Non-mercury HAP permit limits 

Revision #2: Table B7(e) on p.14 of 50 is revised to state that the control technology for the 

non-mercury metallic HAPs (arsenic, beryllium, cadmium, chromium, lead and manganese) is 

wet and dry electrostatic precipitators with an approximate control efficiency of 99.5% to 99.9% 

control efficiency for PM. 

All parties agree.  

 

(7)F,G – Filterable/condensable PM10 

Revision #2: The reference to PM/PM10 in Section D.1 on pg. 35 of 50 has been clarified to state 

that the regulated particulate matter pollutant is PM/PM10 (filterable and condensable). 

All parties agree. 
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(8)J – Clarify frequency of stack testing 

Revision #2: The permit, Section B.3(b) on p. 4 of 50 has been revised to require TGC to 

conduct a performance test for particulate emissions annually after demonstrating compliance 

with the allowable standard. 

All parties agree. 

 

(9)I –Clarify HAP compliance testing 

Revision #2: The permit, Section B.3(g) is revised to state that the permittee shall take a 

representative sample of the fuel “as fired” and analyze it to determine the HAP content in the 

fuel.  This information shall be used to establish a correlation between the sample’s HAP content 

and HAP emissions for monitoring purposes, except for VOC (HAPs).  The permittee shall 

demonstrate compliance with these emissions limits annually.  This testing shall be used to 

validate the correlation between composite sample HAP content and HAP emissions, except for 

VOC (HAPs). 

All parties agree. 

 

(10)O – Fuel oil sulfur content 

Revision #2: The following sections of the permit are revised to consistently reflect that all fuel 

oil will have a 0.05% sulfur limit – Section B Description, p. 2; Section B Description, pg. 15; 

Section C Description 1, p. 34; and Section C Description 6, p. 34. 

All parties agree. 

 

 (11)W – Clarify compliance provision contained in SOB with permit 
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Revision #2: The permit, Section D.1 on p. 35 of 50, is revised to state that the listed pollutants 

(PM/PM10) (filterable and condensable), sulfur dioxide, carbon monoxide, nitrogen oxides, 

VOC and visible (opacity) shall be measured by applicable reference methods, or equivalent or 

alternative methods approved by the Cabinet (and USEPA, if required), and shall not exceed the 

respective limitations specified herein. (The prior version of the permit did not list VOCs). 

All parties agree. 

 

Revision #2: The monitoring provisions for the cooling towers in Section B.4 on p. 32 of 50 are 

revised to state that the permittee shall measure the total dissolved solids (TDS) content on at 

least a monthly basis.  Measurement of TDS in the wastewater discharge permit associated the 

units as required by National Pollutant Discharge Elimination System (water) permit, may be 

used to satisfy this requirement if the effluent has not been diluted or otherwise treated in a 

manner that would significantly reduce the TDS content. 

All parties agree, but Petitioners propose 0.0005% drift eliminators. 

(12)M – Discrepancy between permit application and permit with respect to heat rate of boilers 

Revision: The permit is revised so that Section B on p. 2 of 50 states that the nominal heat rate 

of the PC boilers is 7,443 MMbtu/hour. 

All parties agree. 

 

Count 14 – Parties’ Arguments Followed by Conclusions70  

Petitioners 

                                                 
70 Since this Count has multiple subparts, my conclusions will follow the parties’ arguments on each subpart. 
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 790. Petitioners urge that the following six permit provisions (labeled A – F) are not 

enforceable as a practical matter: 
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 A.  HAPs limits are not enforceable, for three reasons 

i. Test method not specified for coal. 

 791. Conditions B.3 (g), B.4 (j), and B.4 (m) indicate that the primary method of 

determining compliance with HAP limits is through quarterly coal sampling and annual stack 

tests, Jt. #8 at 5-10.  However, Petitioners point out that the permit does not contain any 

sampling procedures for collecting the quarterly “grab” or “composite” coal sample or analytical 

methods for measuring their HAP content.  Thus, they argue the HAP emission limits in 

Conditions B.2 (h), B.2 (k), B.2(1) and B.2 (m) are not enforceable as a practical matter.   

  ii. The sampling is not adequate to determine quarterly averages for beryllium, 

mercury, or lead. 

 792. Although conditions B.2(h), B.2(k), and B.2(1) for Emission Units 01 and 02 set 

emission limits on beryllium, mercury and lead, respectively, based on quarterly averages, Jt. #8 

at p. 3, the testing required is only a single “grab” sample once per quarter.  Id. at 7-10, 

Conditions B.4 (j) and B.4 (m).  A single grab sample cannot be used to determine an average. 

Thus, the permit limits on beryllium, mercury and lead are not practically enforceable. 

  iii.  Quarterly coal sampling is not adequate to assure compliance with HAP 

limits. 

 793. The permit requires only quarterly samples of fuel “as fired” for metallic HAPs.  

However, quarterly sampling is “not going to provide a representative basis for what 
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HAPs emissions would be”.  P159 at 17:23 (Sizemore).  Thus, quarterly sampling does not result 

in HAPs limits that are practically enforceable.  Id. at 19:5. 

The Cabinet 

 794. The Cabinet urges that coal sampling is just part of the monitoring procedure for 

determining compliance with HAP limits.  The primary method is proper operation of the control 

devices, which is covered by a variety of conditions. 4-14-04 TE at 75:11-17; 75:22-25 (Adams).   

795. With regard to Petitioners’ contention that coal sampling and annual stack tests 

are the primary method of determining compliance with HAP limits, Adams stated: 

The coal sampling is just – is just part of the monitoring procedure.  I 
mean, the primary method for this permit is proper operation of the control 
devices, and that’s certainly covered by a variety of conditions.  You know, 
operation of the SCR, which is covered by a continuous emission monitor, 
operation of the particulate control devices, which are almost completely covered 
by a continuous opacity monitor, and I say that because I believe it’s before the 
final wet scrubber, if I remember the location right, plus the periodic monitoring 
to insure the monitoring of the ESP.  You know, since this hearing came up and 
we’ve looked at other permits, you know, I have noticed some states have gone to 
a monthly sampling.  You know, that’s their call.  I don’t think that it makes this 
permit any less enforceable.  I mean, some have done more, some have done less, 
and we all seem to come up with professionals with an appropriate judgment.  Id. 
at 107:11-108:7. 

 

TGC 

796. TGC urges that Petitioners’ arguments regarding inadequate coal sampling are 

now moot as a result of Revision #2 (items 3 and 9) which clarify the required coal sampling to 

specify that TGS will take daily samples of the coal “as fired” and analyze these composites on a 

quarterly basis (i.e. daily samples composited quarterly).  

797. In addition, TGC points out that coal sampling is only one of several permit 

provisions that ensure continuous compliance with the HAPs emissions limits, 4-14-04 TE at 77-
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78 (Adams), and as acknowledged by Dr. Fox, 2-9-04 TE at 12, “monitoring for mercury and 

other HAPs consists of three parts – quarterly coal sampling, annual stack tests, and then a 

correlation of the annual stack test with the quarterly coal sampling and some operational 

parameters.” See Jt. #8 at B.3.a,e,f and B.4.m,n.  Adams testified that TGS is one of the first 

permits to include the additional requirement that the facility regularly take and analyze coal 

samples to verify the HAPs content. 4-14-04 TE at 74-75.  TGC urges that the quarterly coal 

samples are included primarily to provide further information to DAQ on the quality of the coal 

being used and to verify that the emission estimates used to set the permit limits are reasonable.  

4-14-04 TE at 75-77 (Adams). 

798. With regard to Petitioners’ claim that the permit is deficient because it lacks 

specific test methods for taking the coal samples and analyzing them, TGC urges that the 

regulations provide approved test methods to perform such activities. 401 KAR 50:015, Section 

3, American Society for Testing and Materials (ASTM), which incorporates by reference ASTM 

Standards, including at subsection (1)(dd) D 3176-74 “Standard Method for Ultimate Analysis of 

Coal and Coke”).  The permit also requires TGC to keep a record of its sampling methods so 

DAQ can verify that appropriate methods are used. Jt. #8 at 37.   

Petitioners’ reply 

799. In reply, Petitioners urge that the PC boiler HAP limits, found in Section B.2, p. 

3-4. Jt. #8, are not enforceable as a practical matter because the permit does not include 

“appropriate monitoring” to demonstrate compliance, as required by 401 KAR 52:001, Sec. 

1(31). 2-9-04 TE at 11:4-18:3 (Fox).   

 800. The permit indicates that compliance with the HAP limits will be demonstrated 

by a combination of methods:  annual stack testing for all HAPS; annual coal sampling and 
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correlation with stack test for all HAPs; quarterly coal sampling for all HAPs except HCI 

(Hydrogen chloride); indicator parameters for VOC (HAPs), HC1, and HF (Hydrogen fluoride); 

and process operating conditions for all HAPs except HC1 and HF.  

801. For the following reasons, Petitioners urge that TGC is incorrect in arguing that 

the permit contains multiple enforcement mechanisms that work together to ensure compliance 

with any given HAP limit:  First, the only method that makes the applicable requirements 

enforceable is stack testing, which measures HAP emissions in the stack.  Jt. #8, B.3.f. and B.3.g 

and p 7-8, Condition B.4.j.  The indicator monitoring that provides secondary compliance 

assurance falls under the CAM (Compliance Assurance Monitoring) program, which does not 

make the underlying permit conditions enforceable.  Second, each secondary method proposed to 

determine compliance with HAP limits contains a flaw, as listed below.  Thus, the compliance 

methods in the permit do not yield “reliable data” for the HAPs limits, as required by Title V 

Manual, Sec. Ib.III(2).   

 a.  Annual HAP limits are not enforceable because compliance cannot be established at 

any given time. 

 802. The HAPs – VOC(HAP), hydrogen chloride, arsenic, chromium, manganese, and 

cadmium – are only limited by an annual emission cap expressed in tons per year per unit. Jt. #8, 

p 3-4.  The other HAPs – mercury, beryllium, lead, hydrogen fluoride – are limited by an 

instantaneous limit expressed in lb/MMbtu and an annual cap.  Both types of limits are required 

to ensure enforceability, pursuant to the NSR Manual.  Jt. #9, p B.56.  EPA’s position is that the 

longest averaging time generally acceptable for practical federal enforcement is one month.  The 

initial test is not required until 180 days after initial startup. Jt. #8, p 5, B.3.f.  Thus, the HAP 
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limits are not enforceable at least until the first stack test is conducted, about six months after 

startup, when relationships with indicators are established. 2-12-04 TE at 113:14-25 (Adams). 

 b.  Annual stack tests are not enforceable 

 803. The permit requires demonstration of compliance with annual (ton/yr) and 

instantaneous (lb/MMbtu) MACT limits by annual stack testing.  Annual stack testing is the only 

method that actually measures HAP emissions coming out of the stack.  All other methods – 

quarterly coal sampling, coal quality correlation, process operating conditions – are indicators of 

stack HAP emissions.  Annual stack tests are not adequate to assure continuous compliance with 

permit limits because one short-term stack test per year, a snapshot, is not enough to determine 

what the emissions are for an entire year, given the variability of HAPs in the coal.  In addition, 

Petitioners urge that the stack test detection limits are too high.  While the permit specifies EPA 

test methods (Method 26A, 29) to measure the HAPs in stack gases from the PC boilers, Jt. #8, 

p. 5, B.3.e, the permit does not state the analysis procedure that should be used where several are 

listed, as in Method 29, and does not require that a method be selected that is capable of 

measuring HAPs at levels below their permit limits.  If the permittee chose an analytical method 

that cannot measure as low as the permit limit, it could fail to reveal a violation that was present 

but below the detection limit, 2-9-04 TE at 51:24-52:2-8; 2-11-04 TE at 113:9-114:15 (Fox), 

which Petitioners urge would render the applicable requirement unenforceable.  2-10-04 TE at 

175:19-176:1 (Fox).  This situation could be remedied by requiring the use of an analytical 

method with a known detection limit lower than the permit limit.  2-9-04 TE at 51-24-52:1-18 

(Fox).  

 c.  No correlation between annual stack tests and coal quality 
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 804. One actual measurement (annual stack test) supplemented by three “estimates” 

(one sample of coal per quarter) is inadequate to determine continuous compliance with the HAP 

limits.  The concentrations of HAPs in TGC’s coal are highly variable. P98-4, P98-5, P99-8; 2-9-

04 TE at 13:7-9; 20:8-9; 34:14-38:1, 150:6-7 (Fox).  The coal quality is not constant enough to 

prove with one stack test per year and one sample of coal per quarter, or four samples per year, 

that a violation of a 30-day rolling average, quarterly average, or annual average limit occurred 

over the appropriate averaging time. 2-9-04 TE at 13:10-15:23 and 151:5-152:7 (Fox).  Adams 

acknowledged that “there was a fairly detailed knowledge of coal quality that wasn’t submitted 

with the application.”, 2-9-04 TE at 98:1-4, which he said he would review after this process is 

over to determine if any changes are needed. 2-9-04 TE at 98:12-15.  Also, the permit does not 

require that the stack tests be conducted under “maximum emissions potential”, but rather only 

the “maximum production rate”. Jt. #8, p 5, Sec. B.3.f. 

 d.  Coal test method not specified 

 805. The permit and SOB do not specify a test method for the analysis of metallic 

HAPs in the coal itself. 2-9-04 TE at 81:15-23; 2-10-04 TE at 196:1-12 (Fox). Although TGC 

asserts that no permits exist that require HAPs compliance testing because “testing protocols are 

developed over time after equipment specifications and operating procedures are developed …”, 

Petitioners state that relying on a protocol to identify test methods for the first time violates the 

Title V Manual, pg. 7, Sec. 1b(III)71.  Although the record in this case contains reams of HAPs 

                                                 
71 Title V Manual, Sec. 1b(III), Monitoring Requirements, provides: 
1) The permit shall contain all emissions monitoring and analysis procedures and test methods that are specified in 
the applicable requirements, including those in 42 U.S.C. 7414(a)(3) or 42 U.S.C. 7661c(b). 
2)  If the applicable requirement does not require periodic testing or monitoring, the permit shall contain periodic 
monitoring sufficient to yield reliable data from the relevant time period representative of the source’s compliance 
with the permit. 
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test data, the record contains no evidence as to why TGC can measure HAPs in its coal, but 

cannot specify a HAPs coal test method in its permit or in its proposed amendments.  Petitioners 

note that the ASTM method cited by TGC does not identify a single HAP. 

 e.  Grab samples are not adequate to enforce HAP limits 

 806. As discussed earlier, annual stack testing and quarterly grab sampling is the 

primary method to enforce HAP limits.  Although Petitioners agree with Revision #2 (item #3) 

changing “grab” to “composite”, they are concerned with the daily sampling and quarterly 

compositing scheme.  This would still only result in four samples per year being analyzed.  The 

proposed change does not identify the coal sampling method, the coal HAP test method, and 

does not modify reporting requirements, which only require quarterly recording of HAP 

analyses.  Thus, the proposed TGC change does not make the HAP limits enforceable.  They also 

note that “grab” sample is also called for in Condition B.5.g on p 5, which needs to be modified.  

The SOB also needs to be changed. 

 f.  Quarterly coal sampling is not enforceable 

 807. The permit requires quarterly sampling of “as fired” fuel to the PC boilers for 

arsenic, beryllium, cadmium, fluorides, chromium, manganese, mercury, and lead, which would 

be “correlated” with annual stack test results to comply with the 30-day rolling average, 

quarterly average, and annual average emission limits.  Jt. #8, Secs. B.2.h, B.2.j, B.2.k, B.2.1 and 

B.2.m, p 3-4.  Quarterly sampling is not adequate to assure that HAP limits are federally 

enforceable, IDEM commented.  The permit must require “periodic monitoring sufficient to 

                                                                                                                                                             
3) Monitoring requirements shall be specified in the permit, which assure the use of terms, test methods, units, 
averaging periods, and other statistical conventions consistent with the applicable requirement.  Recordkeeping 
provisions may be sufficient to meet this requirement. 
4) The permit shall contain requirements covering the use, maintenance, and installation of monitoring equipment or 
methods. 
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yield reliable data from the relevant time period representative of the source’s compliance with 

the permit.” Title V Manual, p. 7,1b.III(2).  Further, the CAM regulations require some data 

collection at least once per 24-hour period.  Neither requirement is met. 

 808. The permit does not indicate whether the primary method of determining 

compliance with HAP limits is coal sampling, as Petitioners contend. The quarterly coal 

sampling provisions are found in three separate conditions and are confusing and overlapping. 

The conditions are: Jt. #8.p.5. Sec. B.3.g. –  Jt. #8, p. 8-10 – and Jt. #8, p. 7, Sec. B.4.j. The only 

monitoring method that is potentially enforceable, because it measures stack emissions, is the 

annual stack test.  All of the so-called secondary HAP monitoring methods combined are based 

on indicators to satisfy CAM requirements, which do not provide an enforceable mechanism for 

the emission limits.  Because the permit is silent on how a violation of the HAP emission limits 

will be established, Petitioners urge that the permit is unenforceable. 

 809. Quarterly coal sampling coupled with monitoring of operating parameters is not 

adequate to determine compliance with the HAP limits due to variability of HAPs content of 

coal. 2-9-04 TE at 19:5-19, 84:25-86:23 (Fox).  Annual to quarterly sampling is only acceptable 

when the underlying parameters are stable and do not vary.  Quarterly coal sampling is also not 

adequate because the permit only requires that the control equipment be designed to meet about 

98% control while most of the HAP emission limits (not including mercury) were calculated 

assuming 99.5 to 99.9% control. P171. Thus, these two factors – variability coupled with a 

mismatch in assumed control efficiency – lead to a reasonable presumption that HAP limits will 

be exceeded but the violations will go undetected, and thus unremedied, by the monitoring 

methods in the permit. 2-9-04 TE 148:23-152:7 (Fox). 
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 h.  Operating parameters are not enforceable72 

 810. Control system operating parameters do not make the underlying HAP limits 

enforceable because the permit does not state that an exceedance of the operating parameter 

range amounts to an exceedance of the HAP limits.  6-2-04 TE at 85:1-18 (Fox). 

 811. The control efficiencies, required at Jt. #8, p 13-14, Sec. B.7.e, are not 

enforceable to assure compliance with the HAP emission limits because the permit does not 

require testing to demonstrate that the required control efficiency is being achieved and because 

the permit only requires an “approximate” removal efficiency.  2-11-04 TE at 176:13 – 179:2 

(Fox). 

 812. The permit fails to establish operating parameters for all of the equipment that 

controls HAPs, although operating parameters are required to assure compliance with the 

mercury limit.  The permit only sets operational parameters on the wet FGD and the wet ESP.  2-

9-04 TE at 15:24-17:8 (Fox). 

 813. The SOB does not contain any support or factual basis for the presumption 

inherent in permit condition B.4.m that process indicator parameters would assure compliance 

with the underlying HAP permit limits.  

 i.  Indicator ranges and monitoring methods are not established 

814. The permit fails to state that operation outside of a range constitutes a violation of 

the HAP limits, and even if the operating parameters were within the proper range, there could 

be an exceedance of the applicable requirement if, for example, the amount of mercury in the 

coal varied.  6-2-04 TE at 84-87 (Fox). 

j.  The permit does not require that a relationship be demonstrated 

                                                 
72 I have included Petitioners’ subparagraph “g”  in “e”. 
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between the operating parameter and HAP emission limits 

 815. The permit fails to require a study to demonstrate a relationship between 

emissions at the stack, and the indicator operating parameter. 2-9-04 TE at 17:22-18:19 (Fox); 

Jt.#9, p. H.7. 

k. Recordkeeping is inadequate 

 816. The permit only requires that the permittee keep records of the indicator 

parameters which are monitored continuously, Jt. #8, p. 11, B.5.e, with only a summary of these 

records submitted to the Cabinet every six months, Jt. #8, p. 37, Sec. F.5, which conflicts with 

the requirement in the Title V Manual and permit that the permit be enforceable by citizens. 

l.  All regulated HAPs not included in CAM monitoring 

 817. The permit should have included CAM monitoring for all of the metallic HAPs 

listed in PD101-4. 

m. The VOC (HAP) test method does not measure nonvolative organic compounds 

 818. The emissions from TGC will include nonvolative organic compounds, such as 

dioxins, which are not measured by EPA Methods 18 or 25, used to measure volative organic 

compounds. 

Conclusions – On the issue of whether the HAP limits are enforceable 

 819. In brief summary, although Petitioners agree with Revision #2, item #3 (which 

would clarify that TGS is to take daily samples of the coal “as fired” and analyze these 

composites on a quarterly basis), they urge that the change does not make the HAP limits 

enforceable because the change does not identify the coal sampling method, the coal HAP test 

method, and does not modify reporting requirements, which only require quarterly recording of 

HAP analyses.   
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 820. In addition, as set out above, the revision does not address numerous other 

reasons Petitioners urge for concluding that the HAPs limits are unenforceable. 

 821. I conclude that the HAPs limits are not enforceable, for the following reasons:   

*Compliance cannot be established at any given time. 
 
*Compliance cannot be established until the first performance test, six months after 
startup. 
 
*One stack test per year, and three quarterly coal composite analyses, are insufficient to 
yield reliable data on continuous compliance given the variability of HAPs in the coal. 
 
* The permit does not demonstrate the relationship between emissions limits and the 
indicator operating parameter. 
 
* The permit does not establish acceptable operating ranges for the indicators. 
 

Hence, on remand, I recommend the following revisions: 
 
* The permit should indicate the primary method of determining compliance with HAPs 
limits. 
 
* A HAPs coal test method, sampling procedure, and analysis procedure should be 
identified in the permit. 
 
* The test method should be capable of measuring HAPs at levels as low as the permit 
limits. 
 
* More than four analyses of coal samples should be required and should be recorded 
more frequently than quarterly. 
 
* All control system operating parameters should be identified. 
 
* The permit should state how monitoring provisions are to be used and whether 
exceedance of the operating parameter amounts to an exceedance of the HAPs limits. 

  

 822. Although Adams stated with regard to a question about (PM) test methods, “it’s 

up to the source to make sure testing is done in such a method that they show compliance, not up 

for the permit review to know four or five years in the future what the test method – the subtest 
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methods, the exact option under the testing schemes that can be done”, 4-14-04 TE at 118, his 

opinion is in conflict with the Title V Manual.  The Manual, which is incorporated by reference 

in 401 KAR 52:020, very clearly states at 1b, III, 1, that the permit shall contain all emissions 

monitoring and analysis procedures and test methods.  This does not contemplate that a testing 

protocol will be developed in the future, but instead requires that the test method and analysis 

procedures be a part of the permit.  Dr. Fox’s testimony demonstrates the problems that can be 

encountered if choosing a method is discretionary and a method is chosen which does not detect 

a limit as low as the permit limit.   
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 B.  Numerous monitoring requirements are missing from the permit and are only 

set out in the SOB.   

Petitioners 

823. Petitioners point out that the following compliance provisions are provided only 

in the SOB, which is not an enforceable document, and are required to be in the permit by the 

Title V Manual, 1b(III)3.   

PM test methods for PC boilers 
Annual PM performance testing for PC boilers 
Annual VOC performance testing for PC boilers 
VOC test methods for PC boilers 
Cooling tower compliance testing 
Annual PM performance testing for auxiliary boiler 
Annual PM test methods for auxiliary boiler 
 

TGC 

824. TGC states that in order to make certain that the Permit is crystal clear, it 

submitted a minor permit revision to address all of these issues. 

Conclusions – On the issue of whether there are numerous monitoring requirements 
missing from the permit and only set out in the SOB? 
 

825. In light of TGC’s acknowledgement that Revision #2 addresses all of the issues 

Petitioners raise with regard to compliance provisions which appear only in the SOB, I conclude 

that the permit should be so revised to the extent any of the above compliance provisions appear 

only in the SOB and not in the permit. 

 C.  VOC limits are not enforceable  

Petitioners 

 826. Petitioners incorrectly state that both the permit and SOB require only an initial 

source test for VOCs.  A correction is made in Petitioners’ reply, which points out that while the 
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permit specifies a single initial compliance test for VOCs, Jt. #8, p. 4, Sec. B.3.a., the SOB 

specifies both an initial source test and annual stack tests.  Jt. #7 at 26.   

Cabinet and TGC 

827. Both the Cabinet and TGC point out that Section B.2.g of the permit requires 

compliance with the VOC limit to be demonstrated by compliance with the CO limit (i.e. CO is a 

surrogate for VOC). Jt. #8 at 3. Compliance with CO is demonstrated through, among other 

things, the use of a CEM (continuous emissions monitor). Jt. #8 at 7 (permit condition B.4.f).  

Thus, TGC urges that the CO CEMS is a parametric indicator for compliance with the VOC 

emission limit. 

Petitioners’ Reply 

 828. Petitioners state that the CO indicator approach would be enforceable, but they 

urge that one initial stack test for the PC boilers is inadequate to establish a relationship between 

CO and VOCs which would be valid over the life of the facility, given the variability of the coal.  

Thus, Petitioners urge more frequent stack tests and also urge that the permit should clarify that 

an exceedance of a CO indicator range constitutes a violation of the VOC limit.  Petitioners also 

note that the test method, either Method 18 or 25, is listed only in the SOB and should be listed 

in the permit.   

829. Petitioners point out that because Respondents did not respond to their argument 

regarding auxiliary boilers and the need for more than an initial performance test and the failure 

to identify any test methods, they should prevail on their argument as to the auxiliary boilers. 

Conclusion – On the issue of whether the VOC limits are enforceable  

830. The Title V Manual clearly requires that the permit is the document which shall 

contain all emissions limits, monitoring and analysis procedures, and test methods.  Given the 
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variability of the coal, I agree with Petitioners that more frequent stack testing (not just an initial 

stack test) should be required to confirm the relationship between CO and VOCs and should be 

in the permit.  The permit should also specify the test method.  

831. Because Respondents do not provide any reason why these requirements should 

not also apply to the auxiliary boiler, these should also be added to the permit.  

 D.  The public does not have access to the standard operating procedures (SOPs) 
that are used to determine compliance 
 

Petitioners 

832. Petitioners urge that the permit is not enforceable because the public did not have 

access to the SOPs or manufacturer’s specifications for the FDG, SCR, ESP and WESP during 

the permitting process and will not have access to these items once TGS begins operation.  In re: 

Cargill, Petition IV-2003-7 (US EPA July 16, 2004), supra. 

Cabinet 

 833. The Cabinet urges that its inspectors have access to the information they need to 

determine compliance.  Jt. #8, p 37, F3. 

TGC 

 834. TGC points out that as discussed in Count 2, under Kentucky’s combined 

PSD/Title V/Acid Rain permit program, where a single permit governs the construction of the 

facility as well as its subsequent operation, general language appears in the permit requiring the 

facility to maintain its equipment according to manufacturer’s specifications and SOPs, which by 

necessity are developed after construction. 2-19-94 TE at 158-59 (Andrews).  After the facility is 

constructed and operating, DAQ re-evaluates the required monitoring to ensure the permit 

reflects appropriate operating parameters.  4-15-04 TE at 90-91; 4-16-04 TE at 47 (Adams).  
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Even though Kentucky’s permitting scheme limits the availability of the information Petitioners 

desire prior to construction, DAQ included other measures in the permit that allow for its 

enforcement.  Permit Section F requires TGC to report exceedances from any permit requirement 

within 30 days. Jt. #8 at F.8., which also requires TGC to submit semi-annual monitoring reports 

to DAQ.  Excess emissions due to unexplained shutdowns or malfunction must be reported 

promptly, and TGC must also submit annual compliance reports.  Id. at pg 37-38. 

 835. With regard to Petitioners’ reliance on In re Cargill, an EPA’s administrator 

order, the emissions unit at issue in Cargill had been operating for nearly 22 years, and thus, 

appropriate SOPs and manufacturers’ specifications were readily available.  Here, however, 

under Kentucky’s combined permitting program, it is not possible to provide such information at 

this point because the information does not yet exist.  4-14-04 TE at 108-09 (Adams). 

Petitioners’ Reply 

 836. In reply, Petitioners urge that since the permit relies on following maintenance 

and operating procedures, the permit must disclose with specificity what those procedures are.  

Petitioners argue that even with Kentucky’s combined construction and operating permit 

program, it was feasible to establish maintenance and operation procedures before the permit 

was issued because they state that the required information did exist before the permit was 

issued, as shown by confidential exhibits, PCBI-137-123 and PCBI-137-119. 

837. In addition, they urge that TGC’s engineers could have prepared maintenance and 

operating procedures for the proposed equipment.  Petitioners also urge that the reporting 

procedures in the permit do not make up for lack of maintenance and operating procedures. 

Conclusion – On the issue of whether the public is required to have access to the standard 
operating procedures (SOPs) that are used to determine compliance 
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 838. I do not agree that the permit is unenforceable because the SOPs and 

manufacturer’s specifications are not included in the permit.  As explained, Kentucky’s 

combined permitting program is distinguishable from the situation in Cargill where the 

emissions unit at issue had been operating for almost 22 years and the SOPs and manufacturers’ 

specifications were readily available.  Under Kentucky’s program, the information which 

Petitioners seek is not available, except in confidential business information.  Indeed, design 

details remain to be completed because neither construction nor operation has begun.  As stated 

by Respondents, however, the permit includes general language requiring the facility to maintain 

its equipment according to manufacturer’s specifications and SOPs.  2-19-04 TE at 158-59 

(Andrews).  After the facility is constructed and operating, DAQ re-evaluates the required 

monitoring to ensure the permit reflects appropriate operating parameters. 4-15-04 TE at 90-91 

(Adams). 

E.  The monitoring for PM is not enforceable as a practical matter 

839. The permit sets a “particulate emissions” limit from the PC boilers of 0.018 

lb/MMbtu on a 3-hour average.  The permit sets a limit of 0.06 lb/MMbtu on “particulate 

emissions” from the auxiliary boiler.  Jt. #8, p. 15, B.2.a.  Compliance with the PC boiler limit is 

to be determined by annual stack tests, monitoring opacity as an indicator, and monitoring 

operating parameters of the dry ESP and wet ESP as indicators. Jt. #8 at B.4.b),c) and l).  6-2-04 

TE at 72:3-17 (Fox). Compliance with the auxiliary boiler limit is determined only by stack tests.  

Jt. #8 at 16-17.   

840. All parties now agree that the particulate matter limit for the PC boilers is BACT, 

as a result of item #7 in Revision #2, which states that the PM limit for the PC boilers is set on 

total PM and total PM10, both comprising the sum of filterables (front half) and condensables 
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(back half).  Also, Revision #2, item #8, clarifies that annual PM stack tests are required, during 

which all parameter ranges will be verified using the type of coal being burned at that time.   

Petitioners 

841. Petitioners state that the indicator parameter operating ranges for PM are to be 

determined during initial operation, when the facility is burning Seam 9 coal.  However, when 

TGC switches to a blend of fuels, Petitioners argue that none of the relationships will be valid.  

Nothing requires that these relationships be revised when coal quality changes even though coal 

changes often effect PM emissions and the performance of the ESP. 

Respondents 

 842. Both Respondents urge that this is an entirely new argument raised in Petitioners’ 

brief.  (In their reply brief, Petitioners point out that they raised this in rebuttal in response to 

claims by Respondents that the PM indicator monitoring was enforceable. 6-2-04 TE at 76:12-

77:7 (Fox)).  

 843. TGC points out that Petitioners cite no evidence showing that a switch to a Seam 

9/Seam 8 coal blend would change the relationships for the PM parameter ranges.  TGC also 

points out that the permit requires a continuous opacity monitor (COM) to ensure continuous 

compliance with the PM limit. Jt. #8 at B.4.a.  The permit and regulations authorize DAQ to 

perform or require TGS to perform a stack test at any time to verify compliance. 401 KAR 

50:045, Sections 1, 2; Jt. #8 at B.3.c.   

Petitioners’ Reply 

 844. The PM/PM10 limits are not enforceable for four reasons: 1) the regulated 

pollutant is not clear; 2) the proposed stack testing, the only method that actually measures 

emissions from the stack, is not adequate to assure continuous compliance; 3) the use of 
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operational parameters as an indicator for PM emissions violates regulations and is not adequate 

to assure continuous compliance; and 4) the use of opacity as an indicator of PM emissions 

violates regulations and is not adequate to assure continuous compliance.  TGC’s proposed 

revision attempts to cure the first two issues. 

Reason one - This issue is now resolved by Revision #2, item #7.  This same ambiguity 

should be corrected for the auxiliary boiler, Petitioners urge.   

Reason two - The permit does not list any test methods, beyond citing a regulation that 

contains a laundry list of methods, which is contrary to the Title V Manual, p 7, Sec. 1b(III).  

The SOB does list test methods73 but further confuses the matter, classifying the PM limit as 

applying to PM/PM10 for BACT and then listing the regulated pollutant as PM (rather than 

PM/PM10), but providing a list of test methods that include the components of total PM and total 

PM10. 2-10-04 TE at 179-187 (Fox).  Petitioners ask how “this smorgasbord of test 

                                                 
73 The SOB, Jt. #7 at pg 26, cites Methods 5 (filterable PM), 9 (opacity), 201 (filterable PM10), or 201A (filterable 
PM10), & 202 (condensable PM/PM10).  In other words, the SOB does not cite Methods 5 and 17. 
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methods” can be used to determine compliance with the PM limits.  Adams conceded:  “I do not 

disagree that the language in this permit needs to be tweaked for the PM test methods.” 4-14-04 

TE at 118:1-3.  Only the SOB lists PM test methods for the auxiliary boiler.   

845. Petitioners urge that annual testing for the PC boilers (item #8 in Revision #2) is 

not adequate to demonstrate compliance with the PM/PM10 limits, given the deficiencies in the 

“secondary” methods of compliance documented elsewhere in their brief and given that PM is 

highly variable.  2-9-04 TE at 20:16-21:13; 6-2-04 TE at 79:12-17 (Fox).  A particulate matter 

stack test consists of three 1-hour runs, which Adams acknowledges was not “robust”. 4-16-04 

TE at 62:23-24.  

 846. Petitioners point out that neither the permit nor the SOB contain support for 

choosing opacity as an indicator of PM/PM10 emissions expressed in lb/MMbtu.  While the 

permit proposes to establish a correlation between opacity and PM during an initial stack test, 

Dr. Fox testified that the opacity indicator monitoring is structured so that it is nearly impossible 

to detect an exceedance of the PM limit. 6-2-04 TE at 74:12-15; 6-3-04 TE at 132:13-133:12.  

While it is not feasible for TGC to develop a correlation between opacity and the PM emission 

limit for a facility that does not yet exist, it is feasible to present relevant data from similar 

operating facilities or to lay out the details of a test plan to develop the relationship.  Second, the 

permit contains no requirement to revisit the correlation between opacity and PM following the 

initial stack test if the fuel changes, equipment is updated, or operating modes change.  Third, the 

relationship between PM and opacity is established during “representative” and likely optimized 

and idealized conditions.  Fourth, even during “representative” conditions, the correlation 

between opacity and PM is not necessarily good and must be demonstrated.  Fifth, a five percent 

opacity fudge factor is added on top of the measured opacity-PM relationship.  The fudge factor 
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should be eliminated unless the maximum PM emission rate is substantially lower than the upper 

end of the opacity range.  Sixth, if the generous trigger is exceeded, the exceedance only triggers 

an inspection.  Seventh, stack testing to confirm compliance with the PM limit only takes place 

after the trigger test is failed more than five percent of the time.  This is clearly not enforceable 

as it allows the facility to operate for extended periods of time at opacity levels that on their face 

represent exceedance of the underlying PM limits.  Eighth, the condition exempts periods of 

startup and shutdown.  Ninth, the condition was developed before it was recognized that the 

regulated pollutant is total PM/PM10.  Tenth, the EPA in the preamble to its performance 

standard for PM CEMS concluded that for rules that establish PM emission limits, it believes 

that PM CEMS are the appropriate technology for compliance monitoring.  CabR32, p 1790-

1791; 6-2-04 TE at 75:8-20; 5-3-04 TE at 112:17-25 (Fox and Adams).   

 847. Next, Petitioners urge that the COMs (continuous opacity monitor) is located in 

the wrong place (it is after the dry ESP and before the wet FGD).  The opacity indicator method 

proposes to correlate PM emissions in the stack with opacity measured upstream of the wet FGD 

because the stack is wet. 2-9-04 TE at 21:8-21 (Fox); 2-12-04 TE at 105:5-11 (Adams); 4-22-04 

TE at 120:10-20 (Adams); 6-2-04 TE at 78:20-79:15 (Fox); Jt. #8, pg. 9, B.4.5.  Petitioners urge 

that this location is not necessary because COMs have been developed since NOx NSPS at 40 

CFR 60, Subpart Da was promulgated, which allow accurate opacity measurements in wet 

stacks.  2-10-04 TE at 207:18-21; 2-11-04 TE at 117:2-5 (Fox).  The proposed location for the 

COM voids the use of opacity as an indicator for PM emissions at the stack because it is in the 

wrong place for use as an indicator.  2-9-04 TE at 22:5-12 (Fox).   

Reason three - The permit proposes the use of control equipment operating parameters as a 

secondary check on PM emissions.  The proposed parameters are the dry ESP and wet ESP 
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(WESP) electrical fields, i.e. voltage.  Jt. #8, p. 8-11.  Petitioners urge that this condition is not 

enforceable for four reasons: 1) the permit does not establish acceptable ranges for the voltages 

of the ESPs, nor a method to determine that range; 2) the record contains no support for the 

assumed relationship between just voltage and proper operation of the ESPs; 3) the permit does 

not require monitoring of operating ranges of all of the devices that control PM; and 4) this type 

of indicator monitoring, even when correctly specified, is not adequate to render the emission 

limit enforceable, because the permit limit is specified in terms of pounds of particulate matter 

per million BTUs of fuel burned based on a 3-hour average, not in terms of instantaneous ESP 

voltage.  In sum, indicators cannot be used to prove a violation unless the permit explicitly states 

that an exceedance of the indicator range constitutes a violation of the applicable requirement 

(which it does not state). 

Reason four - Although the permit requires four methods to determine compliance with the 

PM/PM10 emission limit:  stack tests, opacity surrogate monitoring, operating parameter 

monitoring, and visual observation, Petitioners maintain that the record contains no support for 

the underlying assumption that a visual observation of the stack at the proposed frequency would 

reveal anything about the PM/PM10 emissions in lb/MMbtu.  
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Conclusions – On the issue of whether monitoring for PM is enforceable as a practical 
matter 
 

848. The enforceability of the PM limit relies on three factors: 1) a relationship 

between PM and opacity determined in source tests, as measured by a COM; 2) periodic source 

tests; and 3) monitoring operational parameters on some of the PM control equipment, such as 

ESPs.  Based primarily on the testimony of Dr. Fox and Adams, I conclude that the PM limits 

are not enforceable, and I make the following recommendations: 

1)  The regulated pollutant should be corrected for the auxiliary boiler, as Revision #2, item #7, 

did for the PC boilers. 

2)  The permit should list test methods for PM/PM10 for the PC boilers and the auxiliary boiler.  

The test methods in the SOB need to be clarified so that the regulated pollutant is consistently 

identified. 

3)  Annual testing for the PC boilers is not adequate. 

4)  On remand, TGC should be required to present a test plan to develop the relationship between 

opacity and PM; to revisit the relationship if the fuel changes, equipment is updated or operating 

modes change; the 5% opacity fudge factor should be eliminated unless the maximum PM 

emission rate is substantially lower than the upper end of the opacity range; TGS should not be 

allowed to operate for extended periods of time at opacity levels that represent exceedance of the 

underlying PM limits; and periods of startup and shut down should not be exempted. 

5)  On remand, the location of the COMs should be changed as a result of testimony showing 

that COMs now allow accurate opacity measurements in wet stacks. 2-10-04 TE at 207:18-21; 2-

11-04 TE at 117:2-5 (Fox). 
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6)  PM control equipment operating parameters are inadequate for reasons cited by Petitioners.  

On remand, DAQ should reassess the parameters, and the permit should provide that an 

exceedance of the indicator range constitutes a PM violation. 

 F.  The permit lacks monitoring and reporting to make the emission limits for the 
material handling units (emission units 4 – 9) enforceable as a practical matter 
 

Petitioners 

 849. Petitioners state that although the permit contains emission limits and work 

practices for the six material handling units (emission units 4 and 5 - coal handling systems; 6 - 

coal piles; 7 - FGD reagent prep handling; 8 - FGD reagent prep handling (fugitives); and 9 - fly 

ash handling system), it lacks monitoring and recordkeeping to ensure the BACT limits.  Jt. #8 at 

19-31. Petitioners give the following examples: a) even though the coal handling system 

emission unit must exhibit a particulate design control efficiency of at least 99%, there is no 

requirement to test the control efficiency of these baghouses; b) with regard to units 5, 6 and 8, 

which are prohibited from discharging visible fugitive dust beyond the property line, there is no 

monitoring of this standard; and c) unit 7 contains a particulate matter emission limit, but there is 

no requirement to test to demonstrate compliance at any regular interval. 

Cabinet 

 850. The Cabinet responds specifically, as follows: 

With regard to baghouse emissions, the permit provides that the baghouse shall be 

maintained and operated in compliance with applicable requirements of 40 CFR 60, Subpart Y (a 

national source performance standard).  Jt. #8, p. 21, Sec. B, 7a, Unit 4. With regard to coal 

handling generally, the permit provides that a qualitative visual observation of the opacity of 
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emissions from each emission unit is to be performed on a weekly basis by the permittee.  Id.. at 

20, Sec. B.4.  

With regard to units 5, 6 and 8, they are prohibited from discharging visible fugitive dust 

beyond the property line, pursuant to the citation of 401 KAR 63:010 (fugitive emissions) in the 

permit.  

With regard to unit 7, the permit provides for compliance with 401 KAR 60:670 and 40 

CFR 60.675(b)(1), which require that EPA Reference Method 5 or 17 be performed to determine 

compliance.  Id. at 27, Sec. B, 3b. 

 851. The Cabinet urges that Petitioners have not shown that these provisions are 

insufficient.  In addition, the Cabinet points out that TGC is under an ongoing obligation to 

“maintain and operate any affected facility including associated air pollution control equipment 

in a manner consistent with good air pollution control practice for minimizing emissions.” 401 

KAR 50:055. 

TGC 

 852. TGC points out that the permit contains numerous monitoring and recordkeeping 

requirements for each of these units. Jt. #8 at pg 20,27, 31.  If visual emissions are observed, 

then Reference Method 9 must be used to determine opacity emissions and TGS must inspect the 

control equipment, and in addition, TGS is required to record the results of its visual 

observations and any compliance testing performed.  Id.  Several of these units are subject to the 

requirements of 40 CFR Part 60, Subparts Y and OOO (incorporated by reference in 401 KAR 

60:005). See Jt. #8 at pg. 19, 26.  Both of these subparts, which are applicable to TGS’s material 

handling operations, contain specific emission standards for fugitive PM emissions. 40 CFR 
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Section 60.252(c), 60.672.  Both subparts also designate specific monitoring methods to ensure 

compliance with the standards. 40 CFR Section 60.254, 60.675. 

 853. Also TGC points out that the permit requires TGC to install and operate various 

types of control devices to reduce emissions from these emission units, Jt. #8 at p. 22-25, 28-29, 

and to maintain and operate the equipment to ensure these units comply with fugitive emissions 

requirements under 401 KAR 63:010. 4-14-04 TE at 114 (Adams).  TGS is required to take 

“reasonable precautions” to prevent fugitive PM emissions, 401 KAR 63:010, Section 3, and 

TGS is also required to maintain records of the fugitive monitoring, operations and maintenance 

on the control equipment. Jt. #8 at 23, 25, 29.  TGC urges that given the level of DAQ’s 

technical expertise in this area, deference is especially appropriate here.  

Petitioners’ Reply 

854. In reply, Petitioners urge that unless the permit requires that emissions are to be 

monitored, with the results recorded and reported, the general maintenance and operation 

practices cited by Respondents are not enforceable.  Title V Manual at p. 6, Sec. 1b (III)(2) 

requires “if the applicable requirement does not require periodic testing or monitoring, the permit 

shall contain periodic monitoring sufficient to yield reliable data from the relevant time period 

representative of the source’s compliance with the permit.”  

855. In sum, Petitioners cite three reasons why the qualitative provisions TGC cites are 

not adequate to demonstrate compliance with BACT: 1) control efficiencies are not listed; 2) no 

methods are listed to determine a relationship between a monitored operational parameter and 

underlying emissions; and 3) no explicit statement is included that an exceedance of an 

operational limit constitutes a violation of the permit limit. 2-9-04 TE at 44:7-17 (Fox); see EPA 

Comment 7, Jt. #44 at Red 21.   
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Conclusions – On the issue of whether the permit’s lack of monitoring and reporting make 
the emission limits for the material handling units (emission units 4 – 9) unenforceable as a 
practical matter 
 
 856. When Dr. Fox was asked about the adequacy of the permit with respect to 

materials handling operations, she responded: 

There are at least two of the units for which there is – there are no permit limits or 
testing required on coal handling unit 5 and the coal storage plant…. 
 
There should have been a PM10 or an opacity limit and a requirement for periodic 
testing of opacity.  Instead there’s a specific monitoring requirement in Section 4, 
on page 23, which has all the flaws that we’ve talked about previously:  For 
operational parameters, no ranges specified, no method to determine whether 
there’s a relationship between the monitored operational parameter and 
underlying emissions, and no explicit statement that – if an operational limit, once 
established, is exceeded constitutes a violation. 
2-9-04 TE at 43:17 – 44:17  

I conclude that the qualitative practices which Respondents rely on are inadequate to maintain 

BACT for the materials handling units.  TGC should be required to comply with the monitoring 

and recordkeeping requirements of Title V Manual at pg. 6, Sec. 1b III and IV.   

Additional enforceability issues 

 857. The following enforceability issues were not included in the six issues raised in 

Petitioners’ posthearing brief.  They were raised only in Petitioners’ reply brief.  Thus, 

Respondents did not have an opportunity to respond to them.  For this reason, I will not consider 

them. 

 a. Emission limits during startups and shutdowns are not enforceable 
 b. Liquid fuel activities are not enforceable 
 c. Cooling tower limits are not enforceable 
 d. The absence of emission caps makes the permit unenforceable 
 e. CEMS compliance is ambiguous 
 
Count 17 – Errors and Omissions  

Count 17 - Findings 
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Overview 

 858. This Count involves alleged errors and omissions in the permit, which Petitioners 

urge make the permit unenforceable.  

859. Although TGC and DAQ acknowledge that there are certain errors and omissions 

in the permit which need to be corrected, they do not agree that the errors and omissions render 

the permit unenforceable. 

860. As stated in Count 14, following the formal hearing, TGC submitted to DAQ a 

list of proposed administrative amendment/minor permit modifications to address some, but not 

all, of the items in Counts 14 and 17. Docket #299.  On February 17, 2005, the Cabinet issued 

Revision #2 in response to TGC’s proposed permit amendments. The items in Revision #2 are 

listed in the Findings for Count 14. On March 21, 2005, Petitioners filed a petition to contest 

Revision #2 with regard to the permit revisions which they had objected to at the time they were 

filed.  By Agreed Order of the parties, filed on April 19, 2005, the claims raised by Petitioners 

shall be considered in this Report as part of File Nos. DAQ-26003-037 and DAQ-26048-037.  

Docket #339. 

861. As stated in Count 14, where all parties agree with an item in Revision #2, any 

issue dealing specifically with that item is now moot. 

General Findings 

 862. The Findings of Fact enumerated for Count 14 are applicable to Count 17.  
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Count 17 - Parties’ Arguments Followed by Conclusions 

Petitioners 

 863. Petitioners urge that there are six errors or omissions which are “material” and 

require amendment of the permit.  Petitioners then cite 27 more bulleted items which they state 

need to be clarified or corrected.  Petitioners also list four additional permit conditions which 

they urge need to be changed. 

 864. The Cabinet, in an attempt to simplify this Count, has presented in its post hearing 

brief an “Index for Count 17 Allegations”, listing Claim A – Claim Ab.  The basis for the index 

is PD190-21 (Petitioners’ Supplemental Answer to Interrogatories, filed October 8, 2003), which 

Petitioners’ counsel on April 15, 2004, stated was the final statement of Petitioners’ claims on 

the errors and omissions in the permit.  The Cabinet points out that PD190-21 did not include 

two items – Bulleted items 5 and 15 - which Petitioners had listed earlier in their Memorandum 

in support of Petitioners’ Motion for Summary Judgment, CABD-023, and which do not appear 

in Petitioners’ post hearing brief. For this reason, the Cabinet urges that I not consider any 

arguments which may appear in Petitioners’ reply brief as to these two bullets.  These two 

bullets and the Cabinet’s response (set forth in its response to Petitioners’ Motion for Summary 

Judgment, P200) follow:  

 Bulleted item 5 - Permit Condition B(4)(c) requires monthly qualitative 
visual observation of the opacity of emissions while Permit condition B(4)(1) 
requires weekly stack observations. 
 

Cabinet Response to Bulleted item 5 – This is not an inconsistency or 
error.  The conditions in B(4)(c) are summarized in the table following B(4)(1).  
However, the conditions noted in the table following B(4)(1) do not elaborate on 
the monitoring scenario which is fully explained in B(4)(c).  The monitoring 
scenario in B(4)(c) provides that if, during a monthly qualitative visual 
observation of emissions some opacity is noted, then Observation Method 9 must 
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be performed, and if opacity is determined to exceed 20%, then a Method 9 
observation must be conducted on a weekly basis until the problem is corrected. 

   
 Bulleted item 15 – The SOB, Table 5.2, indicates that mercury would be 
controlled by ‘scrubbing and baghouse’ while the Permit, pg. 2, indicates that a 
baghouse would not be used. 
 

Cabinet’s Response to Bulleted item 15 – We at the Division acknowledge 
that the phrase “scrubbing and baghouse” was copied from a previously drafted 
document and pasted into the Statement of Basis for the Thoroughbred permit 
without deleting the words “and baghouse”, as was the intent of the Division.  
The Division will address this typographical error through an administrative 
amendment.  (The Cabinet will amend the SOB). 

  

 865. In its post hearing reply brief, Petitioners adopt the Cabinet’s labeling of 

Petitioners’ claims under Count 17, and Petitioners present a table enumerating these claims and 

stating their positions on each claim.  I have taken this table, labeled Count 17 Table, and to the 

best of my ability I have stated the parties’ positions on each claim as reflected in their post 

hearing briefs.  This table is found in Appendix 5 to this Report.  I note that because TGC’s post 

hearing brief was filed at the same time as the Cabinet’s post hearing brief, TGC did not have the 

benefit of the Cabinet’s labeling system.  However, I have attempted to identify TGC’s position 

on each claim under Count 17, and I have added it to the table. 

 866. Revision #2 addressed Claims C, D, H, Aa, E, B, F, G, J, I, O, W and M (as 

labeled by the Cabinet in its Index and adopted by Petitioners in their table).  Thus, as stated 

earlier, these claims are now moot. 

 867. Claims which were not included in Revision #2 are: Claims A, D (in part), K, L, 

N, P, Q, R, S, T, U, V, W (in part), X, Y, Z, and Ab.  An explanation of these claims in the 

Count 17 Table are listed below, with my Conclusions.  
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Claim A – Chromium limit – The question is whether the chromium limit should be 0.3419 

ton/yr or 0.3149 ton/yr.  TGC urges that the correct emission rate is .3419 ton/yr.  The Cabinet 

and Petitioners both suggest that the issue needs review. 

Conclusion:  On remand, DAQ should review this issue. 

Claim D -  The question in the second part of Claim D is whether the second constant in the SO2 

equation should be changed from 1.96 to 1.645 to correspond to a 95% single-sided confidence 

limit.   

Conclusion – On remand, DAQ should review this issue. 

Claim K -  The question is whether the inconsistency between the SOB and permit should be 

clarified, i.e. the SOB indicated only an initial performance test would be conducted for mercury 

while the permit requires annual performance tests.   

Conclusion:  DAQ should make this clarification. 

Claim L – The question is whether the inconsistency between the SOB and permit should be 

clarified, i.e. the SOB, p. 12, indicates no compliance testing for HF.  The SOB, p. 27, indicates 

an initial performance test for HF, Be and Hg.  The permit, Condition B(4)(n), p. 10, requires 

annual performance tests for all HAPs, while the permit, Condition B(4)(1), p. 8, requires only 

an initial source test for HF and thereafter the use of a correlation with SO2. 

Conclusion: DAQ should review this issue. 

Claim N- The question is whether the permit condition which allows TGS to switch from No. 2 

fuel oil to natural gas for startup if and when it becomes available at the site, without having to 

reopen the permit, is error.  Petitioners presented no evidence on this claim. 

Conclusion: No amendment required. 
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Claim P - The question is whether clarification is required on the air quality analysis on less 

than 40% loads. 

Conclusion: DAQ should review this issue for possible amendment.  

Claim Q – The question is whether DAQ should state in the SOB where it obtained Table 5.2, 

ranking control technologies in the BACT analysis. 

Conclusion:  On remand, DAQ should correct this error. 

Claim R – The question is whether the 3-hr and 24-hr Class I SO2 increments are inadvertently 

reversed in the SOB.  Adams acknowledges that there is an error; the 24-hr increment should 

read 5 µg/m3 and the 3-hr increment should read 25 µg/m3.  Petitioners agree that this is error, 

but they state that the 24-hr increment is 4.98 µg/m3.  TGC acknowledges the error, but states 

that it is irrelevant to the permit. 

Conclusion:  On remand, DAQ should correct this error and state that the 24-hr increment is 

4.98 µg/m3. 

Claim S -  The question is whether there is a discrepancy between the SOB emission summary 

and the application.  In the SOB, Table 3.1, the NOx emissions are reported as 6,029 ton/yr, 

while the Addendum reports NOx emissions of 6,030 ton/yr.  SOB, Table 3.1 reports H2SO4 

emissions as 326 ton/yr, while the Addendum reports H2SO4 emissions as 324 ton/yr. 

Conclusion:  On remand, DAQ should correct the typos in the SOB. 

Claim T – The question is whether the annual emission caps in the SOB, Tables 3.1 and 4.1, 

should be in the permit to assure that emissions are maintained below those assumed in the air 

quality analyses.   

Conclusion:  No amendment is needed because the emissions limits are based on the facility 

operating at 8,760 hours per year, the number of hours in a year. 
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Claim U – The question is whether the permit should contain an annual emissions cap based on 

annual averages, not 30-day or shorter averaging periods. 

Conclusion:  No amendment is required because the regulations do not require annual emission 

caps. 

Claim V -  The question is whether the permit should contain the requirement in the SOB, p. 14, 

that “coal sulfur content would be a direct indicator of expected sulfuric acid uncontrolled 

emissions, which would then be correlated to CEM SO2 results to determine compliance.” 

Conclusion:  No amendment is needed because the requirement is in the CAM section on p. 8 of 

the permit. 

Claim W (second part) -  The question is whether there is a difference between  0.0005% drift 

eliminators (high efficiency) and  0.002% drift eliminators (standard) in the cooling towers. 

Conclusion: DAQ should review this issue. 

Claim X – The question is whether the SOB should be revised to reflect that the FGD does not 

control either HF and H2SO4. 

Conclusion:  No revision is needed because both HF and H2SO4 reach to a limited degree in a 

wet FGD. 

Claims Y and Z -The question is whether the permit should be amended because the VOC 

emission limit is lower than the limit guaranteed by ALSTOM and whether the CO BACT 

emission limit should be changed because it is greater than the level guaranteed by ALSTOM. 

Conclusion:  No revision is needed because an applicant can choose a limit lower than a vendor 

guarantee, and there no inherent wrong in choosing a limit higher than a vendor guarantee. 

Claim Ab – The question is whether criteria pollutant emission limits apply during start ups and 

shut downs.   
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Conclusion:  No revision is required because BACT limits apply at all times. 

 

Count 18 - HAP Emissions estimates 

Count 18 - Findings 

Overview 

 868. Petitioners allege that the basis for the calculations used to derive the HAP 

emissions in tons per year for the two PC boilers is not in the record the Cabinet considered prior 

to issuing the final permit, in violation of 401 KAR 52:020 Section 5(3)(g) and (j), which require 

that applications shall contain emission rates in tons per year and in terms necessary to establish 

compliance consistent with the applicable standard reference test method, and calculations upon 

which the information in this paragraph is based. 

869. The Cabinet urges that Petitioners failed to carry their burden of proof on this 

Count because they did not show that if the HAP calculations were done differently, they would 

show that TGC will violate its HAP emissions limits.  

870. TGC urges that DAQ had all the information necessary to make a reasoned 

decision as to the HAP emission limits. 

871. In reply, Petitioners urge that because of errors, omissions, and inconsistencies in 

supporting information it is not possible to infer, derive or back calculate the HAP emissions 

with the information the Cabinet had prior to permit issuance.  Moreover, Petitioners urge that 

the regulations require forward calculation, i.e. the process of deriving the answer. 

General Findings 



 362

872. TGC acknowledges that it did not provide DAQ with the basis for calculations 

used to derive the HAP emission limits, which are summarized in P101-4, p. 6-7, and Jt. #57 at 

Red 241 and 242. 

 873. The information which TGC submitted, which it urges was all that was necessary 

for DAQ to estimate HAP emissions, is listed below: 

 a.  February 2001 boiler POC (Pollutants of Concern) table – Jt. #61 at Red 297 

(controlled and uncontrolled emissions estimates for mercury, beryllium and lead based on coal 

quality data (ultimate analysis, trace metals, and heat content)) from the nearby mine and AP-

4274 emission factors when coal quality date was unavailable. 

 b.   Revised October 2001 permit application - POC table for HAPs (emission factors, 

coal usage, heat rate and controlled emissions estimates) – Jt. #57 at Red 236 

 c.   Coal quality data for Western Kentucky Seams 8 and 9 coal upon which the 

emissions estimates in the October POC tables were based.  Jt. #56, Att. 2 at Red 42-44 

 

 d.  Supporting information (analogous coal content, additional removal efficiency 

information) on HAP emissions estimates in the case-by-case MACT analysis. Jt. #44 at Red 7-

8. 

Count 18 - Parties’ Arguments 

Petitioners 

 874. Petitioners state that TGC’s application did not contain the basis for the HAP 

emission calculations.  Instead, the results of these calculations, reported in the “Pollutants of 

Concern” table, P101-4, became the HAP emission limits in the permit.  Petitioners point out 
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that HAP emissions are calculated from the pollution control efficiency, the heat rate, and coal 

quality, among other factors. 12-3-03 TE at 85:17-25(Fox).  Petitioners cite to the Cabinet’s 

Final Determination and SOB for the Spurlock plant, P137-317, p 6, as showing the type of 

information that is typically provided to support emission calculations, and the level of detail 

which is required to support an emission rate.  12-3-03 TE at 88:25-89:3 (Fox).  In contrast, 

Petitioners point out that TGC provided the supporting information and calculations for its HAP 

emissions in its prehearing memorandum, Attachment 9, in September 2003, after the permit was 

issued. 12-3-03 TE at 99:22-102:13 (Fox). 

 875. Petitioners point out that the MACT analysis, the permit and the SOB all claim 

that the HAP emissions and permit limits for non-mercury metallic HAPs is based on a 98% 

control efficiency. See, e.g., Jt. #8, permit, pg. 14 at Sec. B(7)(e); 12-3-03 TE at 95:17-96:7 

(Fox).  TGC’s prehearing memorandum revealed for the first time that the emission rates and 

permit limits were calculated assuming much higher control efficiencies than 98:99.9% for 

arsenic, 99.5% for other HAPs. 12-3-03 TE at 102:24-104:8 (Fox).  The record, however, 

contains no support for these high removal efficiencies. 12-3-03 TE at 103:4-8 (Fox). 

Cabinet 

 876. The Cabinet urges that for the same reasons I granted TGC’s motion for directed 

recommendation on Count 3 (wherein Petitioners alleged that TGC failed to demonstrate its 

emissions will not cause or contribute to a violation of NAAQS or increment consumption) (see 

Interim Report, Appendix 3, p. 6), I should conclude that Petitioners have not met their burden of 

proof on Count 18.  The Cabinet points out that although Petitioners complain that they could 

not find the HAP emission calculations in the permit materials, they did not show that if the HAP 

                                                                                                                                                             
74AP-42 is EPA’s bible for estimating emissions. 
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calculations were done differently they would show that TGC will violate its HAP emissions 

limits.  

TGC 

 877. TGC urges that it provided all the information necessary for DAQ to estimate 

HAP emissions.  2-9-04 TE at 143 (Adams).  TGC points out that Petitioners are arguing that 

because TGC did not include a sample calculation showing how to use the information submitted 

to derive the emissions estimates in the application, DAQ had no rational basis for the HAP 

emissions limits in the permit.  However, DAQ possesses technical expertise to derive HAP 

emissions from the information submitted.  2-10-04 TE at 229-62 (Fox); 2-19-04 TE at 69 

(Handy).  Dr. Fox testified that the control efficiencies could be calculated from the information 

provided to DAQ. See TGC210 at 1-2, Dr. Fox’s affidavit, where she acknowledged that 

removal efficiencies for mercury and hydrogen fluoride can be calculated based on information 

provided in the permit application.  While she suggested that TGC’s submittals did not support 

assumptions necessary to calculate removal efficiencies for the other constituents, she 

acknowledged that the removal efficiencies could be calculated “using information on coal blend 

and heat rate submitted by TGS.”  Id. at 2.  Both of these, however, can be derived from TGC’s 

submittals.  Heat rate is 7,443 MMbtu/hr (Jt. #57 at Red 236), and the 30/70 coal blend can be 

derived from the December 2001 response to comments’ trace metal analysis (Jt. #56 Att. 2 at 

Red 42-44) and from the October 2001 POC table (Jt. #57 at Red 236); see 2-19-04 TE at 75, 80-

81 (Handy).  Finally, and most importantly, Dr. Fox admitted that P171 contains all the 

necessary information. 2-10-04 TE at 229 (Fox).  Thus, TGC urges that the record reflects that 

all the removal efficiencies on the exhibit could be derived from information TGC submitted to 

DAQ. 2-19-04 TE at 69 (Handy). 
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 878. With regard to Sizemore’s testimony that she could not find the basis for the lead 

emissions, TGC points to the boiler POC table in Jt. #57 at Red 236, which includes the emission 

factor for lead in lb/MMbtu and the controlled and uncontrolled emissions in tons per year.  The 

limits in the permit are based on this information. Jt. #8 at 3.   

 879. With regard to Petitioners’ argument that DAQ lacked support for the non-

mercury metallic HAP removal efficiency of 99.5+%, TGC points out that the record provides 

sufficient information in the POC table for DAQ to require this removal for the non-mercury 

metallic HAP emissions limits.  See Jt. #57 at Red 236; P171; 2-19-04 TE at 69-71, 73-76 

(Handy).  Dr. Fox was in agreement that information was present to determine the non-mercury 

metallic HAP removal efficiency of  99.5+%. 12-2-03 TE at 133-34 (Fox). 

 

 

Petitioners’ reply 

 880. In reply, Petitioners urge that HAP emission calculations must be in the 

application.  401 KAR 52:020, Section 5, and Title V Manual, p. 14.  As a result of the HAP 

emission calculations not being in the application, Petitioners urge that DAQ has issued a permit 

with HAP limits that are inaccurate and cannot be met.  They also urge that the public was 

deprived of its right to review the permit and supporting material.   

 881. Petitioners argue that the regulations do not contemplate “back calculation” 

(referring to TGC’s statement that “engineers testified … that HAP emissions could be derived 

from the information submitted”), but instead require forward calculation, which refers to the 

process of deriving the answer.  Petitioners urge that the process of back calculation is “complex 
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and beyond the grasp of most of the public”, as demonstrated by the difficulty Handy, Fox, and 

Tickner experienced in attempting to back calculate the HAP emissions. 

 882. In responding to TGC’s allegations specifically, Petitioners argue that TGC 

misstated Dr. Fox’s testimony and mischaracterized the record.  In summary, Petitioners urge 

that the HAP emission calculations were not in the record before the permit was issued, and the 

testimony reveals that it is not possible to “infer, derive or back calculate them” with the 

information that was before the Cabinet prior to permit issuance because of the errors, omissions, 

and inconsistencies in supporting information.   

 

Count 18 - Conclusions 

 883. I agree with Respondents on this Count.  Even though TGC failed to provide the 

basis for the HAP calculations, as required by 401 KAR 52:020 Section 5(3)(g) and (j), DAQ 

found that TGC supplied the information which was necessary to determine the HAP emission 

limits.  This was confirmed by testimony from Adams, Handy, and even Dr. Fox.   

 884. With regard to whether DAQ lacked support for the 99.5+% non-mercury 

metallic HAP removal efficiency, the fact remains that this is the removal efficiency to which 

TGC will be held. 

 

X. REVISIONS #1 and #2 

 885. Minor Revision #1 was issued on December 6, 2002.  Although Petitioners filed a 

petition to challenge minor Revision #1 (Docket #1 in File No. DAQ-26048-037), they presented 

no claims as to minor Revision #1, but instead stated that the “(t)he revised permit does not 

appear to change the substance of any of the determinations complained of”.   
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886. Revision #2 was issed on February 17, 2005.  In Petitioners’ petition challenging 

Revision #2 (Docket #332 in consolidated File No. DAQ-26003-037 and DAQ-26048-037), they 

agree with certain modifications which reflect changes they urged be made, but disagree with 

modifications they opposed.  

887. I conclude that Petitioners failed to carry their burden of proof on Revisions #1 

and #2, except for the changes which I recommend (in Counts 14 and 17) be addressed as a 

result of the remand of Title V/PSD Permit V-02-001. 

 

XI. RECOMMENDATIONS 

 For the reasons set forth above, I respectfully recommend to the Secretary that she sign 

the attached Secretary’s Order. 

 So RECOMMENDED this _____ day of _______________, 20___. 

 
 
     ________________________________ 
     JANET C. THOMPSON 
     HEARING OFFICER 
     OFFICE OF ADMINISTRATIVE HEARINGS 
     35-36 Fountain Place 
     Frankfort, Kentucky 40601 
     Telephone: (502) 564-7312 
     Fax: (502) 564-4973 

 
 
 
 
 
 
 
 
 
 

EXCEPTION RIGHTS 
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 Pursuant to KRS 224.10-440, any party may file exceptions to this Report and 
Recommendation within fourteen (14) days of receipt of this Report.  The Secretary will 
then consider this Report, any Exceptions, and the recommended Order and decide this 
case.   
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COMMONWEALTH OF KENTUCKY 
ENVIRONMENTAL AND PUBLIC PROTECTION CABINET 

FILE NO. DAQ-26003-037 and DAQ-26048-037 
 
  
SIERRA CLUB, VALLEY WATCH, INC., 
LESLIE BARRAS, HILARY LAMBERT, and 
ROGER BRUCKER, 

PETITIONERS, 
 
VS.  
 
ENVIRONMENTAL AND PROTECTION CABINET, 
And 
THOROUGHBRED GENERATING COMPANY, LLC 

RESPONDENTS 
******************* 

SECRETARY’S FINAL ORDER 
******************* 

 
 THIS MATTER is before the Secretary on the Report and Recommendation of the 

Hearing Officer, Hon. Janet C. Thompson.  Having considered the Hearing Officer’s Report and 

Recommendation and any exceptions thereto, and being otherwise sufficiently advised, IT IS 

HEREBY ORDERED AND ADJUDGED as follows: 

 1. The Hearing Officer’s Report and Recommended Order filed in the record on 

August 9, 2005, is ADOPTED and incorporated by reference and made a part of this Final Order 

as if set forth verbatim in this Order. 

 2. Title V/PSD Air Quality Permit V-02-001, which was issued by the Cabinet’s 

Division for Air Quality (DAQ) to Thoroughbred Generating Company (TGC) on October 11, 

2002, is hereby REMANDED to DAQ, with the following directions:   

 

 

Count 1 –  Air Toxics, Risk 



 2

DAQ erred by relying on the Cumulative Assessment to satisfy the requirements of 401 KAR 

63:020, Section 3.   

DAQ SHALL evaluate the impact of TGS’s potentially hazardous or toxic substances on 

animals. 

Count 2 – Public Participation 

Petitioners failed to carry their burden of proof on most of the arguments they advanced in 

Count 2, which relates to public participation, with the following exceptions, which DAQ shall 

correct on remand: 

The SOB (Statement of Basis) should include an explanation why the permit’s SCR 

(Selective Catalytic Reduction) control efficiency is less than that shown in a table in the SOB 

for SCRs.  Also, the SOB should explain DAQ’s reason for concluding that a dry ESP 

(Electrostatic Precipitator) is equivalent to a baghouse or what the “clear technical concerns” are 

that justify the use of ESP controls.  In addition, the SOB should discuss DAQ’s evaluation of 

TGS’s potentially hazardous or toxic substances on animals. 

Count  3 –  Increment, NAAQS 
Count  6 –  Visibility – Mammoth Cave National Park 
Count  7 – Coordination with Army Corps 
 

Petitioners failed to establish a prima facie case as to Count 3 (Increment/NAAQS – National 

Ambient Air Quality Standards), Count 6 (Visibility – Mammoth Cave), and Count 7 

(Coordination with Army Corps of Engineers).  Hence, Petitioners’ claims for relief on these 

Counts are DENIED. 

 

Count 8 – Additional Impact Analysis, Soils, Vegetation 
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DAQ erred by determining that the Additional Impacts Analysis performed by TGC 

complies with 401 KAR 51:017 Section 14.  

TGC SHALL perform and submit an Additional Impacts Analysis in accord with the 

conclusions in the Hearing Officer’s Report. 

Count 9 – Best Available Control Technology (BACT) 

IGCC and CFB 

DAQ erred as a matter of law by concluding that it lacked authority to require TGC to 

include IGCC (Integrated Gasification Combined Cycle) and CFB (Circulating Fluidized Bed) in 

its BACT (Best Available Control Technology) analysis.  

DAQ SHALL require TGC to do a BACT analysis on both IGCC and CFB.  

Coal Washing 

DAQ’s rejection of coal washing is arbitrary and capricious because TGC’s cost-

effectiveness analysis on which it is partly based is not supportable and understandable.  

DAQ SHALL direct TGC to provide a cost-effectiveness determination for coal washing 

that includes consideration of both average and incremental cost effectiveness. 

Clean Coals – Using a Blend of Lower Sulfur Coal as BACT 

DAQ erred by failing to require TGC’s SO2  BACT analysis to include an evaluation of 

whether there are any economic, environmental or energy reasons why a lower BACT limit 

cannot be achieved by a blend of cleaner coals using the coal which TGS has available. 

DAQ SHALL direct that TGC’s SO2 BACT analysis include this evaluation. 

BACT for NOx 

DAQ’s determination to issue the permit with a NOx limit of 0.08 lb/MMbtu was contrary 

to fact and law. 
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DAQ SHALL make a new NOx BACT determination. 

BACT for PM or PM10 

This issue is MOOT as a result of Revision #2. 

BACT for SO2 

DAQ’s SO2 BACT determination was erroneous because it was based on an inadequate 

analysis by TGC of the technical feasibility of meeting a limit of 99% reduction.   

DAQ SHALL make a new SO2 BACT determination. 

BACT for Mercury and Beryllium 

DAQ erroneously made a BACT determination based on TGC’s elimination of carbon 

injection and fabric filters without the required technical feasibility analysis.  

DAQ SHALL make a new BACT determination on mercury and beryllium.   

Count 10 – Maximum Achievable Control Technology (MACT) 

Petitioners failed to carry their burden of proof to establish that DAQ’s mercury MACT 

and non-mercury MACT determinations are erroneous or arbitrary.  Hence, Petitioners’ claims 

for relief on this Count is DENIED. 

Count 11 – Single Source 

The issue of whether the mine and power plant are a single source is MOOT because of 

TGC’s agreement that BACT will apply to both the emissions from the mine and the power 

plant. 

DAQ SHALL require that TGC’s agreement that BACT applies to both the emissions 

from the mine and the power plant be incorporated in the permit. 

Count 14 - Enforceability 

 The HAPs, VOC and PM limits are not enforceable.  
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DAQ SHALL make a number of revisions to the permit, including the following:  

For HAPs –  

* The permit should indicate the primary method of determining compliance with HAPs 

limits. 

* A HAPs coal test method, sampling procedure, and analysis procedure shall be 

identified in the permit. 

* The test method should be capable of measuring HAPs at levels as low as the permit 
limits. 
 
* More than four analyses of coal samples shall be required and shall be recorded more 

frequently than quarterly. 

* All control system operating parameters shall be identified. 

* The permit shall state how monitoring provisions are to be used and whether 

exceedance of the operating parameter amounts to an exceedance of the HAPs limits. 

For Monitoring – 

In light of TGC’s acknowledgement that Revision #2 addresses all of the issues 

Petitioners raise with regard to compliance provisions which appear only in the SOB,  DAQ 

SHALL require that the permit be so revised to the extent any of the above compliance 

provisions appear only in the SOB and not in the permit. 

 

 

For VOCs - 
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More frequent stack testing (not just an initial stack test) shall be required to confirm the 

relationship between CO and VOCs and should be in the permit.  The permit shall also specify 

the test method.   These requirements shall also apply to the auxiliary boiler. 

 For PM - 

1)  The regulated pollutant shall be corrected for the auxiliary boiler, as Revision #2, item 

#7, did for the PC boilers. 

2)  The permit shall list test methods for PM/PM10 for the PC boilers and the auxiliary 

boiler.  The test methods in the SOB need to be clarified so that the regulated pollutant is 

consistently identified. 

3)  Annual testing for the PC boilers is not adequate. 

4)  On remand, TGC shall be required to present a test plan to develop the relationship 

between opacity and PM; to revisit the relationship if the fuel changes, equipment is 

updated or operating modes change; the 5% opacity fudge factor should be eliminated 

unless the maximum PM emission rate is substantially lower than the upper end of the 

opacity range; TGS shall not be allowed to operate for extended periods of time at 

opacity levels that represent exceedance of the underlying PM limits; and periods of 

startup and shut down should not be exempted. 

5)  On remand, the location of the COMS shall be changed as a result of testimony 

showing that COMS now allow accurate opacity measurements in wet stacks.  

6)  PM control equipment operating parameters are inadequate for reasons cited by 

Petitioners.  DAQ SHALL reassess the parameters, and the permit shall provide that an 

exceedance of the indicator range constitutes a PM violation. 

For material handling units (units 4-9) –  
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Compliance with the monitoring and recordkeeping requirements of Title V Manual at 

pg. 6, Sec. 1b III and IV shall be required. 

Count 17 – Errors and Omissions 

 The permit contains numerous errors and omissions.  

 DAQ is DIRECTED as follows: 

Claims A, D, L, P, and W (second part) – DAQ should review.  

Claim K – DAQ shall clarify the inconsistency between the permit and the SOB. 

Claim Q – DAQ shall state in the SOB where it obtained Table 5.2. 

Claim R – DAQ shall state that the 24-hr increment is 4.98 µg/m3. 

Claim S – DAQ shall correct typos in the SOB. 

Count 18 – HAPs Emissions Estimates 

 Petitioners failed to carry their burden of proof on this Count. 

Revisions #1 and #2 

Petitioners failed to carry their burden of proof on any claims relating to Revisions #1 

and #2.  Thus, they are AFFIRMED, except for the changes which are necessary as a result of 

the remand of Title V/PSD Permit V-02-001. 
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So ORDERED this _____ day of ________________, 200_____. 

      ENVIRONMENTAL AND PUBLIC 
      PROTECTION CABINET 
 

      ______________________________ 
      LAJUANA S. WILCHER 
      SECRETARY 
 

APPEAL RIGHTS 
 
 In accordance with the provisions of KRS 224.10-470 and KRS 151.186, appeals 
may be taken from Final Orders of the Cabinet by filing in Circuit Court a Petition for 
Review.  Such Petition must be filed within thirty (30) days from the entry of the Final 
Order, and a copy of the Petition must be served upon the Cabinet. 
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 I hereby certify that a true and accurate copy of the foregoing SECRETARY’S ORDER 
was, on this _____ day of ____________, 20___, mailed first class mail, postage prepaid, to: 
 
HON W HENRY GRADDY IV 
HON ELIZABETH R BENNETT 
WH GRADDY & ASSOCIATES 
103 RAILROAD STREET 
PO BOX 4307 
MIDWAY KY 40347 
 
HON ROBERT UKEILEY 
507 CENTER STREET 
BEREA KY  40403 
 
HON CAROLYN BROWN 
HON KELLY DANT 
GREENEBAUM DOLL & MCDONALD 
300 WEST VINE ST STE 1100 
LEXINGTON KY  40507 
 
HON KEVIN J FINTO 
HON HARRY M JOHNSON III 
HON PENNY A SHAMBLIN 
HUNTON & WILLIAMS 
951 EAST BYRD ST 
RICHMOND VA  23229 
 
SIERRA CLUB 
C/O RAMESH BHATT 
1000 RAIN COURT 
LEXINGTON KY  40515 
 
VALLEY WATCH INC 
C/O JOHN BLAIR 
800 ADAMS AVE 
EVANSVILLE IN  47713 
 
ROGER BRUCKER  
1635 GRANGE HALL ROAD 
BEAVERCREEK OH  45432 

 
LESLIE BARRAS 
L00 N KEATS AVE 
LOUISVILLE KY 40206 
 
HILARY LAMBERT  
720B AURORA AVE 
LEXINGTON KY 40502 
 
THOROUGHBRED GENERATING CO 
701 MARKET STREET 6TH FLOOR 
ST LOUIS MO  63101 
 
THOROUGHBRED GENERATING STATION 
1380 THOROUGHBRED DRIVE 
PO BOX 151 
CENTRAL CITY KY 42330 
 
AND TO INTERESTED PARTIES: 
 
ROBERT COLOZZA 
LS POWER DEVELOPMENT, LLC 
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ST. LOUIS, MO  63017 
 
HON DENNIS J CONNIFF 
HON RACHAEL A HAMILTON 
FROST BROWN TODD LLC 
COUNSEL FOR LOUISVILLE & ELECTRIC 
400 W MARKET STREET 32ND FLOOR 
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HON SCOTT MELLO 
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FIFTH FLOOR, CAPITAL PLAZA TOWER 
FRANKFORT, KY 40601 
 
 
 
_______________________________ 
Docket Coordinator 
 
Distribution: 
 
DAQ 
JCT 
LTS – email notification to Barbara Summers 
FILE 
WESTLAW - email 
Hon. Susan Green – DENF  
Hon. Liz Natter – OAG  
Hon. Jack Bates (1033 Silvercreek Drive, Frankfort, KY  40601) 
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January 14, 2004  
 
CERTIFIED MAIL 
RETURN RECEIPT REQUESTED IN REPLY REFER TO:  4530-1 
 
 
Mr. Scott A. Patulski  
Vice President, Fossil Operations 
231 W. Michigan 
Milwaukee, WI 53201 
 
Dear Mr. Patulski: 
 
Your application for an air pollution control construction permit has been processed in accordance with sec. 
285.61, Wis. Stats. 
 
The enclosed construction permit is issued to provide authorization for your source to construct and initially 
operate an Electric Generating Facility referred as Elm Road Generating Station – North Site With 
Accommodations at 4801 E. Elm Road, Oak Creek, Wisconsin in accordance with the requirements and 
conditions set forth within Parts I and II of the permit.  Please read it carefully.  This permit expires 90 months 
after the day this permit is issued.  This source may not operate after this construction permit expires unless you 
have been issued an operation permit. 
 
Enclosed with the permit there are two copies of a bill for the cost of reviewing and acting upon your air 
pollution control permit.  This bill is due and payable within 30 days of the date of the issuance of the permit.  
Your check should be made payable to Wisconsin Department of Natural Resources and returned to the address 
on the bill.  Please include one copy of the bill with your payment. 
 
A copy of this permit should be available at the source for inspection by any authorized representative of the 
Department.  Questions about this permit should be directed to the Wisconsin Department of Natural Resources, 
Wisconsin Department of Natural Resources, Southeast Region, 2300 North Dr. Martin Luther King Jr. Drive, 
Milwaukee, WI 53212, Phone (414) 263-8500 
 
 NOTICE OF APPEAL RIGHTS 
 
If you believe that you have a right to challenge this decision, you should know that Wisconsin statutes establish 
time periods within which requests to review Department decisions must be filed. 
 
To request a contested case hearing pursuant to s. 285.81, Stats., you have 30 days after the decision is mailed, or 
otherwise served by the Department, to serve a petition for a contested case hearing on the Secretary of the 
Department of Natural Resources.  Any such petition for hearing shall set forth specifically the issues sought to 
be reviewed, the interest of the petitioner, the reasons why a hearing is warranted and the relief desired. 



 
 

 
 
For judicial review of a decision pursuant to ss. 227.52 and 227.53, Stats., you have 30 days after the decision is 
mailed, or otherwise served by the Department, to file your petition with the appropriate circuit court and serve 
the petition on the Department.  Such a petition for judicial review shall name the Department of Natural 
Resources as the respondent. 
 
This notice is provided pursuant to s. 227.48(2), Stats. 
 
STATE OF WISCONSIN 
DEPARTMENT OF NATURAL RESOURCES 
 
 
 
 
 
Raj Vakharia, Review Engineer 
Permits & Stationary Source Modeling Section 
Bureau of Air Management 
 
cc:   SER Air Program Air Program 
       SER, Sturtevant Service Center Air Program 
       US EPA Region V  
        Kathy Zuelsdorff, PSC, 610 N. Whitney Way, P.O. Box 7854, Madison, WI 53707-7854 
      
Enclosure 
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 BEFORE THE DEPARTMENT OF NATURAL RESOURCES 
 AIR MANAGEMENT PROGRAM 
 FINDINGS OF FACT 
 CONCLUSIONS OF LAW 
 AND DECISION 
 
 
 Findings of Fact 
 
The Department of Natural Resources (DNR) finds that: 
 
1) Elm Road Generating Station  (Referred as North Site with Accommodations), 4801 E. Elm Road, Oak 

Creek, Wisconsin, Wisconsin has applied for an air pollution control construction permit.  The authorized 
representative of the facility is Scott A. Patulski – Vice President, Fossil Operations. 

 
2) Elm Road Generating Station  (Referred as North Site with Accommodations), submitted an air pollution 

control permit application and plans and specifications and any additional information describing the air 
contaminant source between June 18, 2002 and January 9, 2004. 

 
3) DNR has reviewed  Elm Road Generating Station  (Referred as North Site with Accommodations)'s air 

permit application and the plans and specifications submitted to DNR. 
 
4) This permit is for an air contaminant source. 
 
5) DNR has complied with the procedures set forth in s. 285.61, Stats. 
 
6) The proposed air contaminant source meets all of the applicable criteria in s. 285.63, Stats. 
 
7) DNR has complied with the requirements of s. 1.11, Stats., and ch. NR 150, Wis. Adm. Code. 
 
 
 Conclusions of Law 
 
 DNR concludes that: 
 
1) DNR has authority under s. 285.11(a), Stats., to promulgate rules contained in chs. NR 400-499, Wis. 

Adm. Code, including, but not limited to, rules containing emission limits, compliance schedules and 
compliance determination methods. 

 
2) DNR has the authority under ss. 285.11(a), (e), and (f), 285.27 and 285.65, Stats., and chs. NR 400-499, 

Wis. Adm. Code, to establish emission limits for sources of air pollution. 
 
3) DNR has the authority to issue air pollution control permits and to include conditions in such permits 

under ss. 285.60, 285.61, 285.63 and 285.65, Stats. 
 
4) The emission limits included in this permit are authorized by ss. 285.65, Stats., and NR 400-499, Wis. 

Adm. Code. 
 
5) DNR is required to comply with s. 1.11, Stats., and ch. NR 150, Wis. Adm. Code, in conjunction with 

issuing an air pollution control permit. 
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 Decision 
 
Elm Road Generating Station  (Referred as North Site with Accommodations), is authorized to construct and 
initially operate an Electric Generating Facility referred at 4801 E. Elm Road, Oak Creek, Wisconsin, as 
described in the plans and specifications dated between June 18, 2002 and January 9, 2004 in conformity with 
the emission limits, monitoring, recordkeeping and reporting requirements and specific and general conditions 
set forth in this permit. 
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                                      AIR POLLUTION CONTROL CONSTRUCTION PERMIT 
  
                                EI FACILITY NO.   PERMIT NO. 03-RV-166  
 

STACK NO.(S). S18 –S174 SOURCE NO.(S). B18, B19, B20,P62, P63, P64, P175, P76P,     
P41, P42, P43, B44, T16, T188, T121, T122,   
T123, T119, T120 

 
 

THIS CONSTRUCTION PERMIT EXPIRES NINETY (90) MONTHS FROM THE DATE OF 
ISSUANCE OR WHEN THE OPERATION PERMIT IS ISSUED FOR THE EMISSION UNITS 
INCLUDED IN THIS PERMIT, WHICHEVER COMES FIRST.  
  

 
In compliance with the provisions of Chapter 285, Wis. Stats., and Chapters NR 400 to NR 499, Wis. Adm. 
Code, 
 

Name of Source:  Elm Road Generating Station (Referred as North Site with Accommodations)  
 

Street Address: 4801 E. Elm Road 
 Oak Creek, Milwaukee County, Wisconsin 

 
 

Responsible Official & Title: Scott A. Patulski – Vice President, Fossil Operations 
 

is authorized to construct and initially operate an Electric Generating Facility described in the plans and 
specifications submitted between June 18, 2002 and January 9, 2004 in conformity with the conditions 
herein. 
 
This authorization requires compliance by the permit holder with the emission limitations, monitoring 
requirements and other terms and conditions set forth in Parts I and II hereof. 
 
Dated at  Madison, Wisconsin this     14th         day of   Januray 2004                                     . 
 
STATE OF WISCONSIN 
DEPARTMENT OF NATURAL RESOURCES 
For the Secretary 
 
 
 
By        signed by Lloyd L. Eagan                                                                                              

Lloyd L. Eagan, Director 
Bureau of Air Management 
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 PART I: APPLICABLE LIMITATIONS 
 

 
A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: 0.018 pound per million Btu heat input averaged over any consecutive 3–hour period. (Best  Available Control Technology, 
BACT) [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. Code, s. NR 440.20(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.1   [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 550 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 27 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system in combination with a flue gas 
desulfurization and a wet electrostatic precipitator to meet the 
BACT emission limit.  [ s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a).1, Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.1.b.(5). [s.  NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.1.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 5 
or 5B including backhalf (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code; s. NR 
440.20(8)(b)2., Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall continuously monitor the operating pressure 
drop across the fabric filter system and shall sound an audible alarm, 
whenever the operating pressure drop is below minimum pressure 
drop identified in I.A.1.b.(5) is exceeded. [s. NR 439.055(1)(b)1., Wis. 
Adm. Code] 
 
(6) The permittee shall respond to every “out of range” pressure drop 
alarm in accordance with the provisions of 40 CFR 64.7(d)(1).  [s. 
285.65(3), Wis. Stats.] 
 
(7) The permittee shall install, calibrate, maintain, and continuously 
operate a fabric filter bag leak detection system and be equipped with 
an audible alarm. [s. 285.65(3), Wis. Stats.] 
 
(8) The alarm set point and alarm delay time for each bag leak 
detection system shall be established during the initial testing period. 
[s. 285.65(3), Wis. Stats.] 
 

 
 
 
Note 1:The boiler is subject to New Source Performance Standards (NSPS) requirements for particulate matter under 
s. NR 440.20(3), Wis. Adm. Code and is 0.03 pound per million Btu and 99% reduction when combusting solid fuel.  
The BACT limit for particulate matter is more restrictive then the particulate matter emission limits under NSPS, thus 
the boiler is expected to meet the particulate matter emission limits under NSPS.   
 
 
 

                                                 
1If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder 

may request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 
 
 

 
(9) The permittee shall record the output of the fabric filter bag leak 
detection system. [s. 285.65(3), Wis. Stats.] 
 
(10)The permittee shall respond to every bag leak detection alarm in 
accordance with the provisions of 40 CFR 64.7(d)(1). [s. 285.65(3), 
Wis. Stats.] 
 
(11) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: 0.018 pound per million Btu heat input averaged over any consecutive 3–hour period. (BACT) [s. NR 405.08(2), Wis. Adm. 
Code and s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.1 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 550 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 27 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT emission limit.  [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a).1, Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.2.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.2.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.] 

  
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 5 
or 5B including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code; s. NR 
440.20(8)(b)2., Wis. Adm. Code ] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall continuously monitor the pressure drop across 
the fabric filter system and shall sound an audible alarm, whenever the 
operating pressure drop is below the minimum pressure drop identified 
in I.A.2.b.(5) is exceeded. [s. NR 439.055(1)(b)1., Wis. Adm. Code] 
 
(6) The permittee shall respond to every “out of range” pressure drop 
alarm in accordance with the provisions of 40 CFR 64.7(d)(1).  [s. 
285.65(3), Wis. Stats.] 
 
(7) The permittee shall install, calibrate, maintain, and continuously 
operate a fabric filter bag leak detection system and be equipped with 
an audible alarm. [s. 285.65(3), Wis. Stats.] 
 
(8) The alarm set point and alarm delay time for each bag leak 
detection system shall be established during the initial testing period. 
[s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall record the output of the fabric filter bag leak 
detection system. [s. 285.65(3), Wis. Stats.] 
 
(10)The permittee shall respond to every bag leak detection alarm in 
accordance with the provisions of 40 CFR 64.7(d)(1). [s. 285.65(3), 
Wis. Stats.] 

 
 

                                                 
1 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions less than 10 microns (PM10) [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 
 
 

 
(11) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) 0.15 pound per million Btu heat input for all periods, including startup and shut down, averaged over any consecutive 
30-day period.  (BACT) (2) Uncontrolled sulfur dioxide emission rate in the coal shall be limited to 4.0 pound per million Btu, averaged over 
any consecutive 30-day period. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.20(4), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  
See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation. [s. NR 439.07, Wis. Adm. Code] 
 
(2) Sulfur Dioxide Emissions shall be controlled by the use of wet 
flue gas desulfurization (FGDS) System to meet the BACT 
emission limits. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The absorber recirculation (AR) slurry flow rate to the wet flue 
gas desulfurization (FGD) system shall be periodically monitored 
and maintained within the range specified under condition 
I.A.3.c.(4). [s. 285.65(3), Wis. Stats.] 
 
(4) (a) The boiler may be fired on coal and/or coal/ash fuel blend, 
except during periods of start-up and load stabilization when 
natural gas and/or low sulfur fuel oil may also be utilized as a fuel. 
(b) The amount of ash fired in the boiler may not exceed 5% by 
weight averaged over any consecutive 30 day period.  [s. NR 
405.08(2), Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(5) (a) The permittee shall demonstrate compliance with the coal 
sulfur limit in I.A.3.a,(2)] by utilizing coal  sampling and analysis of 
the coal as it is shipped from the mine. (b) The permittee shall 
provide the sampling and analysis protocol at least four months 
prior to the initial operation of the boiler to the Department for 
approval.  (c) In the event that mine sampling and analysis is 
unavailable, the permittee shall use as received fuel sampling and 
analysis procedures in accordance with s. NR 439.08, Wis. Adm. 
Code to demonstrate compliance with this limit.  (d) In lieu of fuel 
sampling and analysis, the permittee may demonstrate compliance 
with the coal sulfur limit in I.A.3.a.(2) by using emissions data 
measured by a continuous emission monitoring system at the inlet 
to the FGD system. [s. 285.65(3), Wis. Stats., s. NR 439.08, Wis. 
Adm. Code]  
 
 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.   
[s. NR 439.06(2), Wis. Adm. Code] 
 
(2) (a) The permittee shall install, calibrate, maintain and operate a 
continuous emission monitoring system, and record the output of the 
system, for measuring the sulfur dioxide and oxygen or carbon dioxide 
content of the flue gases at each location where sulfur dioxide 
emissions are monitored.  (b) Continuous emissions monitoring 
systems shall be installed and operated in accordance with 40 CFR 
Part 75, s. NR 440.20(7)(b), Wis. Adm. Code and s. NR 439.06(4), 
Wis. Adm. Code. [s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall use continuous emission monitoring methods 
and procedures under s. NR 440.20(7)(b), Wis. Adm. Code and s. NR 
439.09, Wis. Adm. Code to comply with the NSPS monitoring 
requirements. [s. NR 439.09, Wis. Adm. Code] 
 
(4) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational absorber recirculation (AR) slurry flow rate to the FGD 
system to be used for monitoring the absorber recirculation (AR) slurry 
flow rate to the FGD system, as required under condition I.A.3.b.(2), 
and shall incorporate this information into the Malfunction Prevention 
and Abatement Plan. (MPAP) [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall submit quarterly reports to the Department on 
the information required under condition I.A.3.b.(5) for each train of 
coal received during the calendar quarter. [s. 285.65(3), Wis. Stats., s. 
285.65(10), Wis. Stats.] 

 
Note 1: The proposed boiler is subject to NSPS requirement for sulfur dioxide under s. NR 440.20(4), Wis. Adm. 
Code. The NSPS limit for sulfur dioxide varies depending upon fuel sulfur content, with either a 90% reduction and 
1.2 pound per million Btu limitations or a 70% reduction when emissions are below 0.60 pound per million Btu.  The 
NSPS limits apply at all times except during periods of startup, shut down or when emergency conditions exist and 
the procedures under s. NR 440.20(6)(d), Wis. Adm. Code is implemented.  The BACT limits for sulfur dioxide is 
more restrictive then the sulfur dioxide emission limits under NSPS, thus the boiler is expected to meet the sulfur 
dioxide emission limits under NSPS.   
 
 
 
 



 
 

 
  Page 7 

 
A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. [CONTINUED] 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(6) The permittee shall demonstrate compliance with the sulfur 
dioxide emission limits contained in I.A.3.a. (1) Using emissions 
data measured by the continuous emission monitoring system 
required by I.A.3.c. (2) as follows: 
(a) Daily average concentration shall be calculated each calendar 
day by combining the sulfur dioxide concentration and diluent 
concentration (in % O2 or % CO2) measurement consistent with 
the procedures specified in 40 CFR Part 75 Appendix F. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.3.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(9) (a) Sulfur dioxide emissions shall be limited to 1,150 pounds 
per hour averaged over any consecutive 3-hour period and sulfur 
dioxide emissions shall be limited to 1,050 pounds per hour 
averaged over any consecutive 24-hour period.  These conditions 
are established to ensure compliance with PSD increments and 
NAAQS.  At these emission rates the air quality standards are 
expected to be protected. [s. 285.65(3), Wis. Stats., s. 285.65(7), 
Wis. Stats.] 
(b) The permittee shall use the CEMs data to demonstrate 
compliance with permit condition I.A.3.b. (9)(a). [s. 285.65(3), Wis. 
Stats.]   
 

 
 (6) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall keep appropriate records to comply with permit 
condition I.A.3.b. (9). [s. 285.65(3), Wis. Stats.] 
 
(8) The permittee shall keep appropriate records to ensure compliance 
with permit condition I.A.3.b.(4)(b). [s. 285.65(3), Wis. Stats.] 
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A.  S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler  
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) 0.07 pound per million Btu heat input during normal operation not including periods of startup and shut down, averaged 
over any consecutive 30-day period. (BACT)  [s. NR 405.08(2), Wis. Adm. Code,  s. 285.65(3), Wis. Stats.]; (2) 0.07 pound per million Btu 
heat input for all periods including startup and shut down, averaged over any consecutive 12-month period. (BACT) [s. NR 405.08(2), Wis. 
Adm. Code, s. NR 440.20(5)a.1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Notes 1,  2, 3 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.2 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Nitrogen Oxide Emissions shall be controlled using low NOx 
burners, good combustion practices and a Selective Catalytic 
Reduction (SCR) System to meet the BACT emission limits. [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall demonstrate compliance with the NOx 
emission limit as follows:  
 
(a) NOx emissions shall be calculated based on each 24-hour 
calendar period.  
 
(b) 24 hour  emissions shall be calculated by combining the NOx 
concentration and diluent concentration (in % O2 or % CO2) 
measurement consistent with the procedures specified in 40 CFR 
Part 75 Appendix F.  
 
(c) 12 consecutive months concentrations shall be calculated 
based on the calculations of the daily concentrations. 
[s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.4.c.(5)a.-d., to meet good combustion 
practices and/or maintain proper operation of the SCR. [s. 
285.65(3), Wis. Stats.] 
 
(5) The permittee shall perform the compliance emission tests 
required under condition I.A.4.b.(1) every 60 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 7 or an 
alternate method approved in writing by the Department shall be used 
to demonstrate compliance or an alternate method approved in writing 
by the Department, shall be used.  [s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall install and operate continuous emissions 
monitoring systems (CEMs) for NOx and carbon dioxide or oxygen 
within 60 days after initial start up of the boiler.  The CEMs shall be 
calibrated within 90 days after initial start up of the boiler. Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 75, s. NR 440.20(7)(d), Wis. Adm. Code 
and s. NR 439.06(6)(b), Wis. Adm. Code requirements.[s. 285.65(3), 
Wis. Stats.; s. NR 439.06, Wis. Adm. Code] 
 
(3) The permittee shall certify the CEMs in accordance with 40 CFR 
Part 75 Appendix A. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep appropriate records of the strip chart, 
round chart or data acquisition (DAS) system/electronic data storage 
continuously. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  
 
(5) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, including SCR inlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(6) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.4.c.(5) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats] 
 
(7) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.4.c.(5)a. - d. [s. 285.65(3) and (10), Wis. Stats.] 

 
 
 
 
 

                                                 
2 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.  S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler  
The following emission limits apply to each SCPC boiler. [CONTINUED] 
 
Pollutant: 4. Oxides of Nitrogen [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(6) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code.  A copy of the requirements attached with the permit. 
[s. 285.65(3), Wis. Stats.] 
 

 
(8) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall comply with all the recordkeeping and 
reporting requirements under s. NR 428.04(4), Wis. Adm. Code. A 
copy of these requirements attached with the permit. [s. NR 428.04(4), 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(11) The permittee shall comply with all the requirements for 
monitoring, installation, certification, data accounting, compliance 
dates and reporting data prior to initial certification as required under 
s. NR 428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. 
Code, s. NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(12) The permittee shall monitor NOx and heat input  per s. NR 
428.08(1)(a), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(13) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) AND (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(14) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
 

 
Note 1: Startup period begins with the firing of fuel and end when the temperature of the flu gas entering selective 
catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the temperature of the 
flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the cessation of fuel firing. 
 Steady state operation is defined as any hour in which no mills are started or stopped or no stabilization fuel is used 
in the boiler. 
 
Note 2: The boiler is subject to NSPS requirements under s. NR 440.20(5)(a)1., Wis. Adm. Code for nitrogen oxides. 
The NSPS limit is 0.50 pound per million Btu. The NSPS emission limits for nitrogen oxides apply at all times except 
during periods of startup, shut down or malfunction.  The BACT limit for nitrogen oxides under I.A.4.a.(1), is more 
restrictive then the nitrogen oxides emission limits under NSPS, thus the boiler is expected to meet the emission limit 
for nitrogen oxides under NSPS. 
 
Note 3: The boiler is subject to emission limits for nitrogen oxides under s. NR 428.04(2)(a)1.a., Wis. Adm. Code and 
is 0.15 pounds per million Btu of heat input  on a 30-day rolling average basis.  The BACT limit for nitrogen oxides is 
more restrictive then the nitrogen oxides emissions limit established under s, NR 428,04, Wis. Adm. Code, thus the 
boiler is expected to meet the nitrogen oxides emission limits under s. NR 428.04, Wis. Adm. Code.   
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) 0.12 pound per million Btu heat input during steady state operation, excluding periods of startup, shut down and 
averaged over any consecutive 24-hour period. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. 
Stats.]  See Note 1;  (2) 742 pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. 
(BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. Stats.]; (3) 2,400 pounds per hour during any one 
hour period. [s. 285.65(3), Wis. Stats.] See Note 2; (4) 3,250 tons in any 12 consecutive months for all periods, including startup and shut 
down. (BACT) [s. NR 405.08(2), Wis. Adm. Code,  s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. Stats.]  See Note 3  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.3 [s. NR 439.07, Wis. Adm. Code] 
 
(2)Carbon Monoxide Emissions shall be controlled using low NOx 
burners and good combustion practices to meet BACT limits. [s. 
NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall demonstrate compliance with the carbon 
monoxide emission limits as follows: 
(a) Daily average shall be determined by calculating the arithmetic 
average of all applicable hourly emission rates for a calendar day.  
 (b) The hourly emission rate shall be calculated by combining the 
CO concentration and diluent concentration (in % O2 or % CO2) 
measurement consistent with the procedures specified in 40 CFR 
Part 75 Appendix F.  The conversion factor, (K), shall be 0.7266 x 
10E-7 lb CO/ft3 – ppm.  
 (c) The annual emission limit in I.A.5.a.(4) shall be calculated 
using and totaling the hourly calculated emission rate.  [s. 
285.65(3), Wis. Stats.]  
 
(4) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.5.c.(3)a.-d., to meet good combustion 
practices. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall perform the compliance emission tests 
required under condition I.A.5.b.(1) every 60 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the temperature of the flue gas entering the 
SCR. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, US EPA Method 
10, or an alternate method approved in writing by the Department shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(4), Wis. 
Adm. Code] 
 
(2) The permittee shall install and operate continuous emissions 
monitoring systems (CEMs) for CO and oxygen or CO2 within 60 days 
after initial start up of the boiler.  The CEMs shall be calibrated within 
90 days after initial start up of the boiler.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 60 Appendix B, and s. NR 439.06(4), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s.  NR 439.06, Wis. Adm. 
Code] 
 
(3) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(4) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.5.c.(3) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.5.c.(3)a.-d. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
 

 
 
 
 

                                                 
3 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 5. Carbon Monoxide [CONTIUNUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

   
(8) (a) The permittee shall keep records to show that they did not 
exceed the emission limit in I.A.5.a.(2), (3) and (4) and condition 
I.A.5.b.(3).   
(b) The permittee shall monitor the temperature of the flue gas 
entering the SCR and keep records of the flue gas temperature 
entering the SCR to show compliance with Note 1. [s. 285.65(3), Wis. 
Stats.]    

 
 
Note 1: Startup period begins with the firing of fuel and end when the temperature of the flu gas entering selective 
catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the temperature of the 
flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the cessation of fuel firing. 
 Steady state operation is defined as any hour in which no mills are started or stopped or no stabilization fuel is used 
in the boiler. 
 
Note 2: This hourly emission limit is established to protect the ambient air quality standards. 
 
Note 3: This limit is based on a BACT limit, 0.12 pound per million Btu heat input x heat input of the boiler, 6,180 
mmBtu/hr x 8,760 hours/year operation x ton/2000 lbs.
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
 (a) Limitations: (1) 0.0035 pound per million Btu heat input during steady state operation excluding periods of startup and shut down 
averaged over any consecutive 24-hour period. (LAER) [s. NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 1; (2) 21.6 
pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. (LAER) [s. NR 408.04, Wis. 
Adm. Code, s. 285.65(7), Wis. Stats.] ; (3) 95 tons in any 12 consecutive months for all periods, including startup and shut down. (LAER) [s. 
NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 2 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.4 [s. NR 439.07, Wis. Adm. Code] 
 
(2) VOC Emissions shall be controlled using low NOx burners and 
good combustion practices to meet LAER limits. [s. NR 419.03, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.6.c.(2)a.-d., to meet good combustion 
practices (LAER). [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall demonstrate compliance with the volatile 
organic compound emission limit contained in I.A.6.a. as follows: 
 (a) VOC emissions shall be calculated based on each 24-hour 
calendar period.  
(b) The permittee shall calculate an hourly average emission rate 
based on measured data using CO CEMs required in I.A.5.b. (4) 
by combining the CO concentration and diluent concentration (in 
%O2 or % CO2) measurement, consistent with the procedures 
specified in 40 CFR Part 75 Appendix F, in the following equation: 
VOC actual = VOC limit X (CO actual/CO limit) 
[s. 285.65(3), Wis. Stats.]  
 
(5) The permittee shall provide the following information to the 
Department for approval at least 4 months prior to the initial 
operation: 
(a) Compliance demonstration method that will be used and the 
records that will be kept to comply with the emission limit in 
I.A.6.a.(2), and (3).  The Department will use this information to 
write the operation permit. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the temperature of the flue gas entering the 
SCR. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, US EPA Method 25A and/or 18 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(3), Wis. Adm. 
Code] 
 
(2) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(3) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.6.c.(2) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.6.c.(2)a.-d. [s. 285.65(3) and (10), Wis. Stats.] 
 
(5) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
  
 (6) The permittee shall monitor the temperature of the flue gas 
entering the SCR and keep records of the flue gas temperature 
entering the SCR to show compliance with Note 1. [s. 285.65(3), Wis. 
Stats.]   

 
Note 1: The LAER limit of 0.0035 pound per million Btu heat input equates to 21.6 pounds in any hour at maximum 
output levels. Startup period begins with the firing of fuel and end when the temperature of the flu gas entering 
selective catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the 
temperature of the flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the 
cessation of fuel firing.  Steady state operation is defined as any hour in which no mills are started or stopped or no 
stabilization fuel is used in the boiler. 
 
Note 2: This limit is based on a LAER limit, 0.0035 pound per million Btu heat input x heat input of the boiler, 6,180 
mmBtu/hr x 8,760 hours/year operation x ton/2000 lbs.

                                                 
4 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: 7.9 pound per trillion Btu Heat Input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), 
Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.5 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Lead emissions shall be controlled using a fabric filter 
baghouse system to meet the BACT limit. [ s. 285.65(3), Wis. 
Stats.] 
 
(3) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10 and s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(4) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(5) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.7.b.(4). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(6) The permittee shall perform the compliance emission tests 
required under condition I.A.7.b.(1) every 60 months from the date 
of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats.,  s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 or Method 29 shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

                                                 
5 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: 1.12 pound per trillion Btu Heat Input (BACT, MACT) [s. NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.6 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Mercury emissions shall be controlled using a fabric filter 
baghouse system coupled with the use of a FGDs flue gas 
desulfurization system and SCR to meet the BACT limit. [ s. 
285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
the baghouse system, section I.A.1, and the FGD flue gas 
desulfurization system, section I.A.3, and the SCR system, section 
I.A.4, shall be used as compliance demonstration techniques for 
mercury emissions as well. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall perform 4 stack tests within 18 months of 
the initial operation and then perform biannual stack test, the first 
of which shall be performed at the beginning of the initial operation 
period and every 6 months until the initial operation period has 
been completed. (b) The permittee shall perform the compliance 
emission tests required under condition I.A.8.b.(1) every 60 
months from the date of the last stack test as long as the permit 
remains valid.  [s. 285.65(10), Wis. Stats.,  s. 285.65(3), Wis. 
Stats.] 
 
(5) (a)The permittee shall determine mercury emission through 
coal sampling and analysis. The permittee shall monitor monthly 
average mercury content and higher heating value in the coal. (b) 
The data obtained from the monthly coal sampling and analysis 
shall be correlated with the results of the latest emission 
compliance test for the purpose of calculating mercury emission 
rate.  [s. NR  405.08, Wis. Adm. Code] 
 
(6) The permittee shall submit the results of the compliance testing 
to the Department and the Department will review the test results 
and adjust the emissions limit to more accurate reduction levels for 
mercury when the operation permit is issued. 
 [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  

 
(1) Reference Test Method for Mercury Emissions: Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall record the pressure drop across the fabric 
filter baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The BACT emission limit for Mercury is based on uncontrolled mercury emissions of 11.2 pounds per trillion 
Btu and an control efficiency of 90%.  The permittee shall achieve process optimization during the initial operation and 
conduct stack testing for mercury emissions to determine the mercury reduction that is achieved through the use of 
fabric filter, Wet FGD and SCR system.  The Department will use the testing information to adjust the emissions limit 
to more accurate reduction levels for mercury when the operation permit is issued. 
 
 

                                                 
6 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: 0.00088 pound per million Btu heat input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7) 
Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.7 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Emissions of fluorides shall be controlled by a fabric filter 
baghouse system and a FGD system. [s. NR 406.10, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
fabric filter baghouse system and the FGD system, section I.A.3, 
I.A.1. shall be used as compliance demonstration techniques for 
fluoride emissions as well. [s. 285.65(3), Wis. Stats.] 
 

 
(1)  Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B  shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.20(3)(b), Wis. Adm. Code]  
See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Opacity shall be controlled using a fabric filter baghouse 
system. [s. 285.65(3), Wis. Stats.] 
 
(2) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 

 
(1)  Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall install, calibrate, maintain and operate a 
continuous monitoring system, and record the output of the system, 
for measuring the opacity of emissions discharged to the 
atmosphere. [s. NR 440.20(7)(a), Wis. Adm. Code, s. 285.65(10), 
Wis. Stats.] 
 
(3) Continuous opacity monitoring methods and procedures shall 
comply with the requirements of s. NR 440.20(7)(a), Wis. Adm. Code 
and s. NR 439.09, Wis. Adm. Code. [s. NR 439.09, Wis. Adm. Code; 
s. 285.65(3), Wis. Stats.] 
 
(4) The continuos opacity monitor (COM) may be located after the 
baghouse and before the WFGD where condensed water vapor is 
not present, because the SCPC boilers will utilize wet flue gas 
desulfurization systems which operate at conditions that will have 
condensed water vapor present in the flue gas in the stack.  [s. 
285.65(3), Wis. Stats.]   

 
Note 1: No owner or operator may cause to be discharged into the atmosphere any gases which exhibit greater than 
20% opacity (6-minute average), except for one 6-minute period per hour of not more than 27% opacity per s. NR 
440.20(3)(b), Wis. Adm. Code. 
 
 
 
 

                                                 
7 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 11. Beryllium 
 
a.  Limitations: 0.35 pound per trillion Btu heat input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7) 
Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.8 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Emissions of beryllium shall be controlled by a fabric filter 
baghouse system and a FGD System to meet the BACT limit. [s. 
NR 406.10, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
fabric filter baghouse system and the FGD system, section I.A.3, 
I.A.1. shall be used as compliance demonstration techniques for 
beryllium emissions as well.  [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.11.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats.,  s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall monitor beryllium emissions through coal 
sampling and analysis. The permittee shall monitor monthly 
average beryllium content and higher heating value in the coal. (b) 
The data obtained from the monthly coal sampling and analysis 
shall be correlated with the results of the latest emission 
compliance test for the purpose of calculating beryllium emission 
rate.  [s. NR  405.08, Wis. Adm. Code]. [s. NR 405.08, Wis. Adm. 
Code] 
 

 
(1) Reference Test Method for Emissions of Beryllium: Whenever 
compliance emission testing is required, US EPA Method 29 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall record the pressure drop across the fabric 
filter baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 
 

 
 
 
 

                                                 
8 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
Pollutant: 12. Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act.  
 
a.  Limitations: (1) The permittee shall use fabric filter baghouse and comply with the PM/PM10 limits in I.A.1.a to meet case by case 
MACT for inorganic solid HAPs;  (2) The permittee shall use a wet flue gas desulfurization system (FGD) and comply with the emission 
limitation of condition I.A.3.a.(1) to meet case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet 
the VOC emission limits to comply with case by case MACT for organic HAPs [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Inorganic HAPs emission shall be controlled using a fabric filter 
baghouse system. [s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration method identified in section 
I.A.1.b.(6), shall be used as compliance demonstration techniques 
for  inorganic HAPs emission limitations in I.A.12.a.(1). [s. 
285.65(3), Wis. Stats.] 
 
(3) Inorganic acid HAPs emission shall be controlled using a wet 
flue gas desulfurization system (FGD) [s. 285.65(3), Wis. Stats.] 
 
(4) The compliance demonstration method identified in section 
I.A.3.b.(5), shall be used as compliance demonstration techniques 
for  inorganic acid HAPs emission limitations in I.A.12.a. (2). [s. 
285.65(3), Wis. Stats.] 
 
 (5) Organic HAPs emission shall be controlled using good 
combustion practices. [s. 285.65(3), Wis. Stats.] 
 
(6) The compliance demonstration method identified in section 
I.A.6.b.(2), (3), and (4) shall be used as compliance demonstration 
techniques for organic HAPs emission limitations in I.A.12.a. (3). 
[s. 285.65(3), Wis. Stats.] 
 
(7) The amount of ash fired in the SCPC boilers may not exceed 
5% by weight averaged over any consecutive 30-day period. [s. 
285.65(3), Wis. Stats.] 
 
(8) The permittee shall analyze the ash fired as fuel at least once a 
year and any time a different coal is used to ensure the fly ash and 
bottom ash meet the definition of coal and thus the use of this ash 
is exempt from the requirements of ch. NR 445, Wis. Adm. Code. 
[s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance testing 
is required, a compliance test protocol approved in writing by the 
Department, shall be used.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2)  The permittee shall shall keep appropriate records to 
demonstrate compliance with permit conditions I.A.12.b.(7) and (8). 
[s. 285.65(3), Wis. Stats.] 
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A.S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
Pollutant: 13  Ammonia Emissions 
 
a.  Limitations: (1) 5 ppm and 20 pounds per hour9 [ s. NR 445.04(1), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall demonstrate compliance with applicable 
ammonia hourly emission limit by performing a stack test using 
USEPA conditional test Method 027, within 180 days after initial 
start up of the boiler10.  
 
(a) Compliance emission tests shall be conducted at 100%  load 
operation.  
 
(b)  If operation at the 100% load is not feasible, the source shall 
operate at a capacity level that is approved by the Department in 
writing.  [s. NR 439.075(3), Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.A.13.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Ammonia: Whenever compliance 
testing for ammonia is required, USEPA Method 027, or an alternate 
method approved in writing by the Department, shall be used.  [s. NR 
439.06(8), Wis. Adm. Code] 
 

 
 

                                                 
9 These emissions do not result from combustion.  Aqueous ammonia is used as the reagent for the SCR.  Ammonia that does not 
react is exhausted out of the stack. 
10 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.  S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 14. Sulfuric Acid Mist 
 
a.  Limitations: 0.010 pound per million Btu heat input, based upon a 24-hour average. (BACT) [s. NR 405.08(2), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 

days after the start of operation of the process to show 
compliance with the emission limitation.11 [s. NR 439.07, Wis. 
Adm. Code] 

 
(2) Sulfuric acid mist emissions shall be controlled by a FGD 

system and wet electrostatic precipitator system to meet the 
BACT limits.  [s. NR 405.08(2), Wis. Adm. Code] 

 
(3) The boiler may only be fired on coal and/or ash fuel blend, 
except for periods of start-up and load stabilization when natural 
gas or fuel oil may also be utilized as a fuel. [s. NR 405.08(2) , 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.14.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
NR 439.075(3)(b) Wis. Adm. Code] 
 
(5) The absorber recirculation (AR) slurry  flow rate of water to the 
FGD system shall be periodically monitored and maintained within 
the range specified under condition I.A.14.c.(2). [s. 285.65(3), Wis. 
Stats.] 
 
(6) The sulfur content of fuel oil to be used during periods of start-
up and load stabilization may not exceed 0.003% by weight. [s. 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) During the initial performance testing, the permittee shall 
perform simultaneous monitoring of the parameters identified in 
condition I.A.14.c.(5) to establish operational ranges for 
incorporation into the operation permit. [s. 285.65(10), Wis. Stats.] 
 
(8) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.14.c.(5)a.-d., to meet good combustion 
practices. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational water flow rate to the FGD system  to be used for 
monitoring the flow rate of water to the FGD system, as required under 
condition I.A.14.b.(7). [s. 285.65(10), Wis. Stats.] 
 
(3) Compliance with the fuel oil sulfur requirements of I.A.14.b.(6) shall 
be determined using periodic sampling and analysis using methods 
and procedures specified under condition I.A.13.c.(4). [s. NR 
439.06(2)(c), Wis. Adm. Code] 
 
(4) The sulfur content of a liquid fossil fuel sample shall be determined 
according to ASTM D129-95, Standard Test Method for Sulfur in 
Petroleum Products (General Bomb Method), ASTM D1552-95, 
Standard Test Method for Sulfur in Petroleum Products (High-
Temperature Method), or ASTM D4294-98, Standard Test Method for 
Sulfur in Petroleum Products by Energy-Dispersive X-ray 
Fluorescence Spectroscopy. [s. NR 439.08(2)(b), Wis. Adm. Code] 
 
(5) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(6) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.14.c.(5)a.-d. [s. 285.65(3) and (10), Wis. Stats.]  

 
 
 
 
 
 
 
 
 
 
 
 
 

                                                 
11 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.  S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 15. Hydrogen Chloride 
 
a.  Limitations: 16.2 pounds per hour, based upon a 24-hour average (MACT), regulated under sec. 112 of the Clean Air Act.  [s. 

285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 

days after the start of operation of the process to show 
compliance with the emission limitation. [s. NR 439.07, Wis. 
Adm. Code] 

 
(3) Hydrogen Chloride emissions shall be controlled by the use of 

wet flue gas desulfurization (FGDS) Systems to meet the 
MACT limits.  [s. NR 405.08(2), Wis. Adm. Code] 

 
(3) The boiler may only be fired on coal and/or ash fuel blend, 
except for periods of start-up and load stabilization when natural 
gas or fuel oil may also be utilized as a fuel. [s. NR 405.08(2) , 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.15.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
NR 439.075(3)(b) Wis. Adm. Code] 
 
(5) The absorber recirculation (AR) slurry  flow rate of water to the 
FGD system shall be periodically monitored and maintained within 
the range specified under condition I.A.15.c.(2). [s. 285.65(3), Wis. 
Stats.] 
 
 

 
(1) Reference Test Method for Hydrogen Chloride Emissions: 
Whenever compliance emission testing is required, US EPA Method 
26A shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(8), Wis. Adm. Code] 
 
 (2) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational absorber recirculation (AR) slurry flow rate to the FGD 
system to be used for monitoring the absorber recirculation (AR) slurry 
flow rate to the FGD system, as required under condition I.A.15.b.(3), 
and shall incorporate this information into the Malfunction Prevention 
and Abatement Plan. [s. 285.65(10), Wis. Stats.] 
 
(3)  Instrumentation to monitor the absorber recirulation (AR) slurry 
flow rate to the wet flue gas desulfurization (FGD) system shall be 
installed and operated properly.  [s. NR 439.055(1)(a), Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler  
 
Pollutant: 1. Particulate Matter Emissions 
 
a. Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas. (BACT); (2) The emissions may not 

exceed 0.05 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which no 
more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation when firing distillate fuel oil.12 [s. NR 
439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 280.0 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 5.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight .  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.1.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60, Appendix A, Reference Method 5, including backhalf  
(Method 202) shall be used to demonstrate compliance or an alternate 
method approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.B.1.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.B.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The boiler is subject to NSPS requirements under s. NR 440.205, Wis. Adm. Code for particulate matter.  The 
only New Source Performance Standards (NSPS) standard that will be applicable to the boiler for PM is in the form of 
an opacity standard when fuel oil is fired per 40 CFR Part 60.43b(f) and s. NR 440.205(4) (f), Wis. Adm. Code. 

                                                 
12 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT).; (2) The emissions may not 
exceed 0.05 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of good 
combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which no more 
than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.13 [s. NR 439.07, Wis. Adm. Code] 
 
(1) The permittee shall determine the hourly emissions using fuel 

consumption records and emissions factor determined by 
stack testing.  [s. 285.65(3), Wis. Stats.] 

  (3) Stack Parameters: These requirements are included because  
the source was reviewed with these stack parameters and it was     

determined that no increments or ambient air quality standards will   
be violated when constructed as proposed.   

 
  (a) The stack height shall be at least 280 feet above ground     

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 5.0 

  feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]                            
                                                                                                         
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.2.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.B.2.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications that 
indicate the process’s fuel design capabilities.  [s. NR 439.04(1)(d), Wis. 
Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.B.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 

 
 
 
 
 
 
 
 
 

 

                                                 
13 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide 
 

a.  Limitations: (1) The emissions may not exceed 0.0024 pound per million Btu when firing natural gas. (BACT); (2) The 
emissions may not exceed 0.0032 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. 
(BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 
consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  
[s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight .  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.3.b.(8). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The sulfur dioxide New Source Performance Standard  (NSPS) in Subpart Db and s. NR 440.205(3), Wis. 
Adm. Code will be applicable to the boiler only when fuel oil is fired.  Based on vendor specification for fuel oil and the 
proposed BACT limits, the sulfur percentage of the fuel will not exceed 0.05% by weight.  Thus it meets the definition 
for “very low sulfur fuel oil” given in 40 CFR 60.41 and s. NR 440.205(2)(zj), Wis. Adm. Code.  Affected sources 
combusting only very low sulfur fuel oil are not subject to percent reduction requirements required under 40 CFR 
60.42(a) per s. NR 440.205(3)(j), Wis. Adm. Code.  Also, facilities that combust very low sulfur fuel oil are not required 
to conduct performance testing or install and operate continuous monitors for sulfur dioxide and if fuel receipts are 
maintained.
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 
(8) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.3.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(5) The permittee shall keep records required under condition 
I.B.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(6) The permittee shall obtain and maintain fuel receipts from the fuel 
supplier  which certify that the fuel oil meets the definition of distillate 
oil as defined in s. NR 440.205(2)(h), Wis. Adm. Code, if the permittee 
combust very low sulfur fuel oil as defined under s. NR 440.205(2)(zj), 
Wis. Adm. Code.  A copy of the requirements attached with the permit. 
[s. NR 440.205(3)(j)2., Wis. Adm. Code,  s. 285.65(7), Wis. Stats.] 
 
(7) The permittee shall submit quarterly reports to the Department 
certifying that only very low sulfur fuel oil meeting the definition was 
combusted in the affected facility during the preceding quarter. [s. 
285.65(7), Wis. Stats., s. NR 440.205(10)(r), Wis. Adm. Code.] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen 
 
a.  Limitations: (1) The emissions may not exceed 0.036 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(BACT); (2) The emissions may not exceed 0.09 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight oil based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.[s. NR 405.08(2), Wis. Adm. Code,  s, NR 428.04(2)(a)2. and 3., s. NR 428.04(2)(a)2. and 3.,  s. 285.65(3), Wis. 
Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption record and vendors or AP-42 emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.4.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
(5) The permittee shall determine compliance with the emission 
limits in I.B.4.a.(2) by conducting performance test as required 
under s. NR 440.08, Wis. Adm. Code using one the continuous 
systems for monitoring nitrogen oxides under s. NR 440.205(9)(g), 
Wis. Adm. Code as follows: 
(a) Comply with the provisions of s. NR 440.205(9)(b), (c), (d), (e) 
2., (e) 3., and (f), or 
(b) Monitor steam generating unit operating conditions and predict 
nitrogen oxides emission rates as specified in a plan submitted 
pursuant to s. NR 440.205(10)(c), Wis. Adm. Code.  
(c) Submit a plan as required under s. NR 440.205(10)(c) to the 
Department for approval within 360 days of the initial startup of the 
facility.   [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.4.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall maintain records of the information required 
under s. NR 440.205(1)(g), Wis. Adm. Code.  A copy of the 
requirements attached with this permit. [s. 285.65(3), Wis. Stats.]   
 
(6) The permittee shall submit quarterly reports containing the 
information recorded in (5) above to the Department for every 
calendar quarter.  All quarterly reports shall be postmarked by the 30th 
day following the end of each calendar quarter. [s. 285.65(3), Wis. 
Stats., s. NR 440.205(10)(I), Wis. Adm. Code] 
 
 

 
Note 1: The boiler will have high heat release rate and therefore subject to New Source Performance Standards 
(NSPS) emission limit of 0.20 pound per million Btu on a 30 day rolling average per s. NR 440.205(5)(a)1.b., Wis. 
Adm. Code for NOx.  The proposed BACT emission limit for NOx is more restrictive then the NSPS limit for NOx. 
 
Note 2: The boiler is subject to s. NR 428.04(2)(a)2. and 3., Wis. Adm. Code and is 0.05 pounds per million Btu of 
heat  input  when firing natural gas and 0.09 pounds per million Btu of heat  input  when firing fuel oil for NOx.  The 
BACT limit for NOx is more restrictive or equal to the NOx limit established under s. NR 428,04, Wis. Adm. Code, 
thus the boiler is expected to meet the limits for NOx emission limits under s. NR 428.04, Wis. Adm. Code. 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 

 
(8) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permit  shall  comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.]         
(11) The permittee shall monitor NOx and heat  input  per s. NR 
428.08(1)(c), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(12) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 0.075 pound per million Btu when firing natural gas based on a 30-day rolling average.  
(BACT); (2) The emissions may not exceed 0.075 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 factor or vendor provided 
emissions factor  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and /or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.5.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, US EPA Method 10, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance. [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.5.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
a. Limitations: (1) The emissions may not exceed 0.0060 pound per million Btu when firing natural gas based on a 30-day rolling average. 

(LAER); (2) The emissions may not exceed 0.0050 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% 
by weight based on a 30-day rolling average. (LAER); (3) The use of good combustion practices. (LAER); (4) The total heat input may 
not exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel 
oil in any 12 consecutive months.  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor or vendor 
provided emission factors. [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet LAER emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.6.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.B.6.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000000024 pound per million Btu when firing natural gas. (BACT); (2) The emissions 
may not exceed 0.000009 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which 
no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.7.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1)  Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, US EPA Method 12 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.   [s. NR 439.06(1), Wis. 
Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.7.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000026 pound per million Btu when firing natural gas. (BACT); (2) The emissions 
may not exceed 0.000003 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which 
no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.8.a. (4). [s. 285.65(3), 
Wis. Stats.] 
  
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.8.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.027 pound per million Btu when firing natural gas and/or fuel oil having a maximum 
sulfur content of 0.003% by weight. (BACT); (2) The use of good combustion practices. (BACT); (3) The total heat input may not exceed 
498,000 mmBtu on a 12-month rolling average, of  which no more than 122,500 mmBtu may be from the combustion of fuel oil on a 12-
month rolling average.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.9.a. (3). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Emissions of Fluorides: Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.B.9.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.205(4)(f), Wis. Adm. Code] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall conduct an initial test as required under s. 
NR 440.08, Wis. Adm. Code using the procedures and reference 
method in 40 CFR part 60, Appendix A, which is incorporated by 
reference in s. NR 440.17, Wis. Adm. Code. [s. NR 440.205(7)(d), 
Wis. Adm. Code]  

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 

 
Note 1: Any gases emitted from the stack when the unit is fired with fuel oil shall not have an opacity greater than 
20% (6 minutes average).  The exception is one 6-minute period per hour when the opacity not exceeding 27%.  The 
opacity standard does not apply during periods of start up and shut down or malfunction per s. NR 440.025(4)(f), Wis. 
Adm. Code. 
 
 
 
 
 



 
 

 
  Page 32 

B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use natural gas and/or fuel oil having a maximum sulfur content of 0.003% by weight and comply 
with the PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us natural gas and/or fuel oil having 
a maximum sulfur content of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee 
shall comply with and meet the VOC LAER emission limits to comply with case by case MACT for organic HAPs and (4) The total heat input 
may not exceed 498,000 mmBtu on a 12-month rolling average, of  which no more than 122,500 mmBtu may be from the combustion of 
fuel oil on a 12-month rolling average. [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or 0.003% by weight 
low sulfur fuel oil.  This condition is established to meet MACT 
emission limit. [ s.  NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.11.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs:  Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance.   
[s. NR 439.06(1), Wis. Adm. Code] 
  
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.11.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a. Limitations: (1) The emissions may not exceed 0.00024 pound per million Btu when firing natural gas. (BACT); (2) The emissions may 

not exceed 0.00064 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu on a 12-month rolling average, of 
which no more than 122,500 mmBtu may be from the combustion of fuel oil on a 12-month rolling average.  [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.12.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
2) The permittee shall keep records on the heat input used as required 
in condition I.B.12.b.(3). [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. 
Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall keep records required under condition 
I.B.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator.  
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 1.94 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of  0.003% by weight . (BACT); (4) The use of 
good combustion practices (BACT).; (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM.  This condition 
is established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation when firing natural gas and fuel oil.14 
[s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
(a) The stack height shall be at least 18 feet above ground 
 level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
  (b) The stack inside diameter at the outlet may not exceed       

2.12   feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 
Code] 

 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60, Appendix A and US EPA Method 5, including backhalf 
(Method 202) shall be used to demonstrate compliance or an alternate 
method approved in writing by the Department, shall be used.  [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code)] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.1.a.(2). [s. 285.65(10), Wis. 
Stats., 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.C.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.C.1.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
14 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 1.94 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM. This condition is 
established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.15 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 18 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 

2.12 feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
 (2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code]  
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.1.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.C.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.C.2.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
15 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0.05 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a sulfur content of  
0.003% by weight .  This condition is established to meet BACT 
emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.3.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 

 
(5) The permittee shall keep records required under condition 
I.C.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) The emissions may not exceed 6.9 g/bhp-hr and 33.4 pounds per hour. (BACT); (2) The hours of operation may not 
exceed 500 hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) 
The use of good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. NR 428.04(2)(h), Wis. Adm. Code,  s. 285.65(3), Wis. 
Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.4.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
 
(8) The permittee shall submit quarterly reports per s. NR 428.09(2), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 

 
Note 1: The diesel generator is subject to s. NR 428.04(2)(h), Wis. Adm. Code and is 6.9 grams per brake 
horsepower when firing natural gas and firing fuel oil for NOx.  The BACT limit for NOx is more restrictive then the 
NOx limit under s. NR 428,04, Wis. Adm. Code, thus the diesel generator is expected to meet the NOx limits under s. 
NR 428.04, Wis. Adm. Code. 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 41.19 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of  0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, US EPA Method 10, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance.  [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.5.a.(2). [s. 285.65(10), Wis. 
Stats.,  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, -Emergency  Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
b. Limitations: (1) The emissions may not exceed 4.8 pounds per hour.  (LAER); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (LAER); (4) The use of good 
combustion practices. (LAER)  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
LAER emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.6.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000114  pound per hour . (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight.. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, US EPA Method 12 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(5), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.7.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000682 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance. [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.8.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  B62,  – Emergency Diesel Generator 1;  S63, B63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.00088 pound per million Btu Heat  Input .  (BACT); (2) The hours of operation may not 
exceed 500 hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) 
The use of good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B  shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.9.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
 

 
(1)  Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use fuel oil having a maximum sulfur content of 0.003% by weight and comply with the PM/PM10 
limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall use fuel oil having a maximum sulfur content of 0.003% 
by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet the VOC 
emission limits to comply with case by case MACT for organic HAPs and (4) The hours of operation may not exceed 500 hours in any 12 
consecutive months.; (5) The use of good combustion practices. (BACT) [s. 285.65 (13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
MACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required method approved in writing by the 
Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.11.a.(4). [s. 285.65(10),  
Wis. Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.005 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight.  [s. NR 405.08(2), Wis. 
Adm. Code; s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
   
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep an operating log, which records the 
monthly hours of operation, to demonstrate compliance with condition 
I.C.12.a.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall retain on site, plans and specifications that 
indicate the process’s fuel design capabilities. [s. 285.65(3), Wis. 
Stats.] 
 
(4) The permittee shall keep records required under condition 
I.C.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump.  
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.21 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The use of 
good combustion practices. (BACT); (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM. This condition 
is established to protect the ambient air quality standards.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.16 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption and vendor provided emission factors.  [s. 285.65(3), 
Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The height of stack S64 shall be at least 32 feet above 

ground level and the height of the stack S175 shall be at least 32 
feet and the height of stack S176 shall be at least 12.0 feet. [s. 
285.65(3), Wis. Stats, s. NR 406.10, Wis. Adm. Code] 

 
  (b) The inside diameter at the outlet of the stack S64 may not 

exceed 0.7 feet and the inside diameter at the outlet of the stack 
S175 may not exceed 0.7 feet and the inside diameter at the outlet 
of the stack S176 may not exceed 0.7 feet.  [s. 285.65(3), Wis. 
Stats, s. NR 406.10, Wis. Adm. Code] 

 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s.  285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60 and US EPA Method 5, including backhalf  (Method 202) 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.1.a.(2). [s. 285.65(10), Wis. 
Stats.,  s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.D.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition  
I.D.1.a.(5). [s. 285.65(3), Wis. Stats.]  
 

                                                 
16 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 0.21 pound per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT); (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 pm. This condition is 
established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.17 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The height of stack S64 shall be at least 32 feet above 

ground level and the height of the stack S175 shall be at least 32 
feet and the height of stack S176 shall be at least 12.0 feet. [s. 
285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
  (b) The inside diameter at the outlet of the stack S64 may not 

exceed 0.7 feet and the inside diameter at the outlet of the stack 
S175 may not exceed 0.7 feet and the inside diameter at the outlet 
of the stack S176 may not exceed 0.7 feet.  [s. 285.65(3), Wis. 
Stats., s. NR 406.10, Wis. Adm. Code] 

 
 (4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.2.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.D.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.D.2.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
17 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0. 01 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.3.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. [CONTINUED] 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 

 
(5) The permittee shall keep records required under condition 
I.D.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 4. Oxides of Nitrogen 
 
a.  Limitations: (1) The emissions may not exceed 14.0 pounds per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.4.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 3.36 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, US EPA Method 
10, or an alternate method approved in writing by the Department shall 
be used to demonstrate compliance. [s. NR 439.06(4), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.5.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
a. Limitations: (1) The emissions may not exceed 0.31 pounds per hour.  (LAER); (2) The hours of operation may not exceed 500 hours 

in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (LAER); (4) The use of 
good combustion practices. (LAER)  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet LAER emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, 
Appendix A, US EPA Method 25 or 18, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.6.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.0000274 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The 
use of good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emission factors.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 shall be used to 
demonstrate compliance or an alternate method approved in writing by 
the Department, shall be used. [s. NR 439.06(5), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.7.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000164 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]     
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.8.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 9. Emissions of Fluorides 
 
Limitations: (1) The emissions may not exceed 0.00000376 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours 
in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight. This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.9.a.(2). [s. 285.65(10), Wis. 
Stats., 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, 
P176 –  Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use fuel oil having a maximum sulfur content of 0.003% sulfur by weight and comply with the 
PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us fuel oil having a maximum sulfur content 
of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet 
the VOC emission limits to comply with case by case MACT for organic HAPs and (4) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (5) The use of good combustion practices. (BACT) [s. NR 445.04(3)(a), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
MACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.11.a.(4). [s. 285.65(10), 
Wis. Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.001pound per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of  fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
   
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep an operating log, which records the 
monthly hours of operation, to demonstrate compliance with condition 
I.D.12.a.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall retain on site, plans and specifications that 
indicate the process’s fuel design capabilities. [s. 285.65(3), Wis. 
Stats.] 
 
(4) The permittee shall keep records required under condition 
I.D.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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E. S23, P23 – Crusher House Dust Collector No. 1; S24, P24 – Crusher House Dust Collector No. 2 
The following emission limits apply to each crusher house duct collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.307 pounds per hour. (BACT)  [s. NR 405.08, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

  
(1) Initial compliance emission tests for one of the crusher house 
dust collector 1 or 2 shall be conducted within 180 days after the 
start of operation of the process to show compliance with the 
emission limitation.18 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 160 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed  
3.73  Feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 

Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.E.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.   [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
18 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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E.  S23, P23 – Crusher House Dust Collector No. 1; S24, P24 – Crusher House Dust Collector No. 2 
The following emission limits apply to each crusher house duct collector.  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.E.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) for visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. 
Adm. Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying 
equipment, coal storage system, or coal transfer and loading system.  The BACT limit for opacity is more restrictive 
then NSPS limits for opacity thus the crusher house operation is expected to be in compliance with the NSPS 
emission limits for opacity. 
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F. S27, P27- Fly Ash Silo Filter Vent 1; S65, P65 – Fly Ash Silo Filter Vent 2 
The following emission limits apply to each of the fly ash silo filter vent.  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.02 grains per dry standard cubic foot of exhaust gas and 0.394 pound per hour.  (BACT)  [s. NR 405.08, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine hourly emissions using operating 
parameters and OEM emission factors. [s. 285.65(3), Wis. Stats.] 
 
(2) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 120 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed  
3.4 Feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 

Code] 
 
(3) Particulate matter emissions shall be controlled using a bin vent 
filter system to meet BACT limits. [ s. NR 405.08(2), Wis. Adm. 
Code] 
 
(4) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The permittee shall develop and follow a Malfunction 
Prevention and Abatement Plan for the bin vent filter system.  The 
plan shall identify the specific measures that will be taken, when 
needed and frequency needed to maintain emissions in 
compliance with emission limits.  For example, specific measures 
could include: filter inspection schedule, filter replacement criteria, 
etc.  The Department may request the permittee to review and 
amend the plan if necessary to maintain emissions in compliance 
with emission limits. [s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(6) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(7) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters and 
bin vent filter.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
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F. S27, P27- Fly Ash Silo Filter Vent 1; S65, P65 – Fly Ash Silo Filter Vent 2 
The following emission limits apply to each of the fly ash silo filter vent. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The compliance method in I.F.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
 [s. NR 439.04(1)(d), Wis. Adm. Code] 
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G.  S28, P28 - Existing Junction House 7/8 Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.01 grains per dry standard cubic foot of exhaust gas and 2.331 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.19 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 175 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 3.1 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.G.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
19 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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G.  S28, P28 - Existing Junction House 7/8 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.G.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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H.  S47, P47 – Limestone Prep Building Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.480 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.20 [s. NR 440.688(6)(b), Wis. Adm. 
Code,  s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 60 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 2.3 
feet.   [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.H.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 440.688(6)(b), Wis. Adm. Code, s. 
NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The limestone prep operation is subject to New Source Performance Standards (NSPS) for particulate matter 
under s. NR 440.688(3), Wis. Adm. Code and the limit is 0.022 gr/acf.  The BACT limit for particulate matter is more 
restrictive than NSPS limit for particulate matter thus the limestone prep operation is expected to meet the NSPS 
emission limit for particulate matter.

                                                 
20 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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H.  S47, P47 – Limestone Prep Building Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 7% opacity. [s. NR431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3)(a), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.H.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The permittee shall determine compliance with the visible 
emission limits using EPA Approved Method 9. [s. NR 
440.688(6)(b)2., Wis. Adm. Code. [s. 285.65(3), Wis. Stats.]  
 
(4) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(5) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 
(5) The permittee shall submit written reports of the results of all 
performance tests conducted to demonstrate compliance with the 
visible emission limits in I.H.2.a. Including reports of opacity 
observations made using Method 9. [s. 285.65(3), Wis. Stats.]  

 
Note 1: The limestone prep operation is subject to New Source Performance Standards (NSPS) to visible emissions 
limit under s. NR 440.688(3), Wis. Adm. Code and the limit is 7% opacity.   
 



 
 

 
  Page 66 

 
 
I  S48, P48 - XFr Tower No. 3  And Tripper Room Unit 1  Dust Collector 
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.759 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.21 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 280 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 

(b) The stack inside diameter at the outlet may not exceed 4.33 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.I.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
21 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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I  S48, P48 - XFr Tower No. 3  And Tripper Room Unit 1 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.I.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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J.  S49, P49 - Tripper Room Dust Collector Unit 2   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.182 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.22 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 240 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b)  The stack inside diameter at the outlet may not exceed 3.6 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.J.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
22 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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J.  S49, P49 – Tripper Room Dust Collector Unit 2   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.J.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.   [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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K.  S58, P58 - XFr Tower House #5 Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.567 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.23 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 196 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 2.5 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.K.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
23 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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K.  S58, P58 – XFr Tower House #5 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.K.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 



 
 

 
  Page 72 

 
 
L. S59A, P59A - IGCC Coal Silos Dust Collector a; S59B, P59B – IGCC Coal Silos Dust Collector b 
The following emission limits apply to each IGCC coal silos dust collector.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.371 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests on any one IGCC coal silos 
dust collector or b shall be conducted within 180 days after the 
start of operation of the process to show compliance with the 
emission limitation.24 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 130 feet above ground          

   level. [s. 285.65(3), Wis. Stats, s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 3.8 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determined during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.L.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
 

                                                 
24 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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L. S59A, P59A - IGCC Coal Silos Dust Collector a; S59B, P59B – IGCC Coal Silos Dust Collector b 
The following emission limits apply to each IGCC coal silos dust collector.  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.L.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. Adm. 
Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying equipment, 
coal storage system, or coal transfer and loading system.  The BACT limit for opacity is more restrictive then NSPS 
limits for opacity thus the coal handling/storage operations is expected to be in compliance with the NSPS visible 
emission limits. 
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M.  S66, P66 – XFr Tower No. 4  Dust Collector  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.944 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.25 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 25 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 3.2 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.M.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
25 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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M.  S66, P66 - Transfer Tower No. 4  Dust Collector  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.M.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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N.  S76, P76 - Coal Car Dumper Dust Collector No. 1   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 5.531 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.26 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 60 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 7.68 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10 and s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.B.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
26 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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N.  S76, P76 - Coal Car Dumper Dust Collector No. 1   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s, NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.N.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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O.  S93A – S93T, P93 – Active Coal Storage and handling Operations  Building Ventilators a-t  
The limits apply to each stack associated with the coal storage building ventilators.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.024 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
coal stackout, storage and reclaim operations, a stackout conveyor 
– with telescopic chute or travelling stacking conveyor with short 
drop, and coal reclaim system with short chute drop and loading 
table to minimize emissions and to meet the BACT limits. [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person 
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using the 
hourly throughput and AP-42 emission factors.  [s. 285.65(3), Wis. 
Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.O.1.b.(3) shall sign 
and date the records required in I.O.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.O.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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O.  S93A – S93T, P93 – Active Coal Storage and Handling Operations Building Ventilators a-t  
The limits apply to each stack associated with the coal storage building ventilators. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. 
Code, s. NR 440.42(3)(c), Wis. Adm. Code,  s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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P. S104, P104 – Gypsum Storage and Handling Operations Building Exhaust Fan No. 1; S105, P105 – Exhaust Fan No. 2; S106, 

P106 – Exhaust Fan No. 3 
The following emission limits apply to each gypsum building exhaust fan.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.377 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
gypsum stackout, storage and reclaim operations,  and a reversible 
shuttle conveyor to distribute gypsum along the pile crest with short 
drop to minimize emissions and to minimize emissions and to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using 
hourly throughput and AP-42 emission factors.  [s. 285.65(3), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.P.1.b.(3) shall sign 
and date the records required in I.P.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.P.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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P.  S104, P104 – Gypsum Storage and Handling Operations Building Exhaust Fan No. 1; S105, P105 – Exhaust Fan No. 2; S106, 

P106 – Building Exhaust Fan No. 3 
The following emission limits apply to each gypsum building exhaust fan. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, 
s. NR 440.42(3)(c), Wis. Adm. Code,  s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(9)(a)1., Wis. Adm. Code] 
 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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Q.  S109, P109- Fuel Ash Building Exhaust Fan   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.240 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
fuel ash stackout, storage, and reclaim operations, stackout drop 
from telescopic chute and reclaim fuel ash into hopper via front 
end loader to minimize emissions and to meet the BACT limits. [s. 
NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using 
throughput and AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 

 
 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.Q.1.b.(3) shall sign 
and date the records required in I.Q.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Q.1.b.(4) training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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Q.  S109, P109 – Ash Reburn Building Exhaust Fan   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. 
Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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R.  S114, P31- OCPP Fly Ash Storage Building Dust Collector  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.350 pound per hour. (BACT)  [s. NR 415.06(2), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 90 
after the start of operation of the process to show compliance with 
the emission limitation.27 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 40 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 0.9 
feet.  [s. 285.65(3), Wis.  Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation to meet the 
BACT limits.  [s. NR 406.10, Wis. Adm. Code, s. NR 
407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determined during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.R.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) (a)The fly ash storage facility shall receive fly ash either by bulk 
tanker truck or fully enclosed pneumatically conveyors. (b) The 
bulk truck loading be done in a fully enclosed structure. [s. 
285.65(3), Wis. Stats.] This condition is established to ensure no 
fugitive dust is generated by the fly ash storage facility’s operation. 
  Also based on this condition no emissions are expected from the 
equipment used to transfer material to and from the fly ash storage 
facility. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 

                                                 
27 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 85 

 
 
R.  S114, P31- Fly Ash Storage Building Exhaust Fan  Dust Collector 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.R.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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S. S149, P149 - Gypsum XFr Tower No. 1 Dust Collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.005 grains per dry standard cubic foot of exhaust gas and 0.504 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.28 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 35 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 2.1 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse filter system to meet the BACT limit.  [s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.S.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 
 

                                                 
28 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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S. S149, P149- Gypsum XFr Tower No. 1 Dust Collector.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.S.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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T. S150, P150 – Gypsum XFr Tower No. 2 Dust Collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.005 grains per dry standard cubic foot of exhaust gas and 0.450 pound per hour.  (BACT) [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.29 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 35 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 1.96 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.T.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
29 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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T. S150, P150- Gypsum XFr Tower No. 2 Dust Collector.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.T.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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U.  S169a, P169a - Fly Ash Silo No 1 Vacuum Exhauster a; S169b, P169b - Fly Ash Silo No 1 Vacuum Exhauster b; S170a, P170a - 
Fly Ash Silo No 2 Vacuum Exhauster a; S170 b, P170b - Fly Ash Silo No 2 Vacuum Exhauster b 
The following emission limits apply to each fly ash silo vacuum exhauster.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.02 grains per dry standard cubic foot of exhaust gas and 0.369 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code; s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and OEM emission factors. [s. 285.65(3), 
Wis. Stats.] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 30 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 1.0 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a filter 
separator system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The filter separator system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The permittee shall develop and follow a Malfunction, 
Prevention and Abatement Plan for the filter separator system.  
The plan shall identify the specific measures that will be taken, 
when needed and frequency needed to maintain emissions in 
compliance with emission limits.  For example, specific measures 
could include: filter inspection schedule, filter replacement criteria, 
etc.  The Department may request the permittee to review and 
amend the plan if necessary to maintain emissions in compliance 
with emission limits. [s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack and file 
separator system parameters. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the filter separator system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
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U.  S169a, P169a - Fly Ash Silo No 1 Vacuum Exhauster a; S169b, P169b - Fly Ash Silo No 1 Vacuum Exhauster b; S170a, P170a - 
Fly Ash Silo No 2 Vacuum Exhauster a; S170 b, P170b - Fly Ash Silo No 2 Vacuum Exhauster b 
The following emission limits apply to each fly ash silo vacuum exhauster.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The filter separator system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The compliance method in I.U, 1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the filter separator system, 
containing the date of the action, initials of inspector, and the results. 
 [s. NR 439.04(1)(d), Wis. Adm. Code] 
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V. S171, P171 - Gypsum Hopper Dust Collector    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.80 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code; s. 285.65(3), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.30 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 75 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b)  The stack inside diameter at the outlet may not exceed 4.4 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.V.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 

                                                 
30 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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V.  S171, P171- Gypsum Hopper Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.V, 1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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W. S172, P172 – Limestone Loading Table Insertable Bin Vent Filter   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.171 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine hourly emissions using operating 
parameters and OEM emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 25 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (Ib) The stack inside diameter at the outlet may not exceed 1.4 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) (a) Particulate matter emissions shall be controlled using a bin 
vent filter system to meet the BACT limits.  (b) The limestone 
loading table will be connected to the limestone unloader and will 
travel along the dock conveyor. [s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the bin vent filter 
system shall be determined during the initial testing period. [s. 
285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the bin vent filter system shall be 
maintained within the range identified by condition I.W.1.b.(5). [s. 
NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation. [s. NR 440.688(6)(b), Wis. Adm. Code, 
s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 440.688(6)9b), Wis. Adm. Code, 
s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack and bin vent 
filter parameters.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the bin vent 
filter system every eight hours whenever the process is in operation.  
[s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
   [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the bin vent 
filter system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

 
 
Note 1: The limestone loading table operation is subject to New Source Performance Standards (NSPS) for 
particulate matter under s. NR 440.688(3), Wis. Adm. Code and the limit is 0.022 gr/acf.  The BACT limit for 
particulate matter is more restrictive than particulate matter emission limit under NSPS, thus the limestone loading 
table operation is expected to meet the particulate matter emission limit under NSPS.
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W.  S172, P172 – Limestone Loading Table Insertable Bin Vent Filter   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 7% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3)(a), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the bin vent filter system shall be 
maintained within the range identified by condition I.W.1.b.(5). [s. 
NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The permittee shall determine compliance with the visible 
emission limits using EPA approved Method 9. [s. NR 
440.688(6)(b)2., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the bin vent 
filter system every eight hours whenever the process is in operation.  
[s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the bin vent 
filter system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 
(5) The permittee shall submit written reports of the results of all 
performance test conducted to demonstrate compliance with the 
visible emission limits in I.W.2.a. including reports of opacity 
observations made using EPA Method 9. [s. 285.65(3), Wis. Stats.] 

 
Note 1: The proposed operation is subject to New Source Performance Standards (NSPS) under s. NR 440.688(3), 
Wis. Adm. Code and the limit is 7% opacity. 
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X. S178, P178 - Coal Transfer Tower No. 2a Dust Collector and S179, P179 – Coal Transfer Tower No. 2b 
The following emission limits apply to each Process   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 2.197 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.31 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
(a) The stack height for S178 shall be at least  80 feet above      

ground level and the stack height for S179 shall be at least  
60.0 feet above ground level. [s. 285.65(3), Wis. Stats., s. NR 
406.10, Wis. Adm. Code] 

 
 (b) The stack inside diameter at the outlet for S178 may not 
exceed 3.7 feet and the stack inside diameter at the outlet for 
S179 may not exceed 3.2 feet.  [s. 285.65(3), Wis. Stats., s. NR 
406.10, Wis. Adm. Code] 

 
(3) (a) The transfer tower #1 will be completely enclosed structure. 
(b) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system. [s.  NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.X.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
31 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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XI. X. S178, P178 - Coal Transfer Tower No. 2a Dust Collector and S179, P179 – Coal Transfer Tower No. 2b 
The following emission limits apply to each Process  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.X.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) for visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. 
Adm. Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying 
equipment, coal storage system, or coal transfer and loading system.  The limit for opacity established for this 
process is more restrictive then NSPS limits for opacity, thus the coal handling/storage operation is expected to be in 
compliance with the opacity emission limits under NSPS. 
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Y. F29, F29B, F31, S29, S29B, S31 – Inactive Coal Pile A Reclaim & Wind Erosion;  F32,  S32, - Inactive Coal Pile B Reclaim & 

Wind Erosion 
The following emission limits to each coal pile.    
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations:  No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.  
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (a) Coal loaded out to the inactive coal storage pile shall be 
compacted in accordance with standard coal pile maintenance 
procedures. (b) Once compacted, the bulk of the pile will be left 
undisturbed (inactive). [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) (a) A surfactant (wet suppression spray and/or surface 
stabilizing agent) or cover material(s), shall be applied to the pile.  
The surfactant (wet suppression spray and/or surface stabilizing 
agent) shall be applied to the active area of the pile at the 
beginning and end of each at stack out and reclaim activity. (b) In 
addition to the beginning and ending applications, surfactant (wet 
suppression spray and/or surface stabilizing agent) will also be 
applied to the active area during reclaim activities whenever any 
visible emissions are seen beyond the coal pile boundary or 
whenever, in the option of the rained person, additional surfactant 
(wet suppression spray and/or surface stabilizing agent) is needed. 
 [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, 
s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) (a)The permittee shall conduct weekly inspections of the 
inactive coal storage pile.  (b) Additional surfactant will be applied 
whenever any visible emissions are seen beyond the coal pile 
boundary or whenever, in the opinion of the trained person, 
additional surfactant is needed. (c) In addition to weekly 
inspections, daily inspections of the active coal pile area, to 
determine the continued effectiveness of the surfactant, will be 
conducted by a trained person whenever coal is reclaimed from the 
pile. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.Y.1.b.(5) shall sign 
and date the records required in I.Y.1.c.(4) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Y.1.b.(6)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the prosperity fence 
line of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include 
increased watering, increased application of dust suppressants, or increased street s sweeping depending upon the 
nature of the emissions.  
 
 



 
 

 
  Page 99 

 
 
Y.  F29, F29B, F31, S29, S29B, S31 – Inactive Coal Pile A Reclaim & Wind Erosion;  F32, S32, - Inactive Coal Pile B Reclaim & 

Wind Erosion 
The following emission limits to each coal pile.    
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
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Z.  F33, S33, F33B, S33B – Limestone Storage Pile And Reclaim Activity & Wind Erosion 
 
Pollutant: 1.   Fugitive Dust (PM/PM10)  
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

  
1) (a) The limestone pile shall be wetted by means of a wet 
suppression system whenever visible emissions are seen beyond 
the limestone pile boundary or whenever in the opinion of the 
trained person, additional wet suppression is necessary. (b) 
Weekly inspections of the limestone storage pile will be conducted 
to insure the pile contains the proper moisture content to prevent 
fugitive dust emissions. (c) Daily inspections to determine the 
continued effectiveness of fugitive dust control measures shall be 
conducted whenever limestone is reclaimed to the limestone 
preparation building. (d) Limestone shall be transferred from the 
pile to the limestone preparation building in a covered conveyor. [s. 
NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I..Z.1.b.(3) shall sign 
and date the records required in I.Z.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Z.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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  F34, S34, – Inactive Coal Piles – Stackout Drop Point for Pile AA 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Fixed portions of coal load-out to outdoor storage system shall 
be conducted within a covered conveyor to meet the BACT limits. 
[s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) Dust created during coal load-out shall be suppressed using a 
liquid spray to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Coal shall be transferred from the conveyor to the storage pile 
using a telescoping spout to meet the BACT limits. [s. NR 405.08, 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) (a)The permittee, for each day of operation of the plant, shall 
ensure that a person at the site keeps records of specific measures 
taken for that day in accordance with the Fugitive Dust Control Plan 
and signs and dates such records including the use of wet 
suppression system. (b) The records shall consist of the date, time, 
observations, and any actions taken including the start and end times 
the wet suppression system is used. [s. NR 415.04(1)(b), Wis. Adm. 
Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.AA.1.b.(5) shall 
sign and date the records required in I.AA.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.AA.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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BB.  F37, S37 – Limestone Barge Unloading; F38, S38 - Limestone StackOut 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), 
Wis. Stats.]  See Note 1  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (a) Limestone shall be unloaded from the barge using either a 
screw auger  (or rotary screw) or an enclosed hydraulic clamshell 
to meet the BACT limits. (b) Limestone load-out to outdoor storage 
shall be conducted within a covered conveyor equipped with a 
telescopic chute. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) Dust shall be suppressed using a liquid spray to meet BACT 
limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(3) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.BB.1.b.(4) shall 
sign and date the records required inI.BB.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.BB.1.b.(5)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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CC.  F121,F121B, F123, S121, S121B, S123 – Gypsum Dock Side Storage Pile and Barge Loading Activity 
 
Pollutant: 1.   Fugitive Dust (PM/PM10)  
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.  [s. 
NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1). Gypsum loaded out to the dock side storage pile shall be 
covered with a tarp of sufficient size to cover the entire pile to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) A portion of the pile can be maintained in an “active” state to 
allow for appropriate barge loading activities to meet the BACT 
limits.  [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(3) Active portions of the pile shall be wetted by means of a 
supplemental wet suppression system to a moisture content 
consistent with proper fugitive dust control whenever visible 
emissions are seen beyond the gypsum pile boundary or 
whenever, in the opinion of the trained person, addition wet 
suppression is necessary. [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(4) Weekly inspections of the dock side gypsum storage pile will be 
conducted to insure that the pile is either covered or contains the 
proper moisture content to prevent fugitive dust emissions to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(5) Daily inspections of the active area to determine the continued 
effectiveness of fugitive dust control measures, shall be conducted 
by the trained person whenever gypsum is loaded out to the barge 
to meet the BACT limits.  [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall transfer gypsum from the conveyor to the 
dock-side storage using a telescoping chute to meet the BACT 
limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(7) The permittee shall use a covered conveyor equipped with a 
telescoping chute or enclosed clamshell when loading gypsum to 
the barge to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.CC.1.b.(9) shall 
sign and date the records required inI.CC.1.c.(8) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.CC.1.b.(10)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 
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CC.  F121,F121B, F123, S121, S121B, S123 – Gypsum Dock Side Storage Pile and Barge Loading Activity 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(9) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall ensure that the Trained Person 
designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 

 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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DD.  F122, F124, S122, S124 – Gypsum Drop Side Pile and Barge Loading Drop Points. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Fixed portions of the gypsum load-out to outdoor storage 
system shall be conducted within a covered conveyor to meet the 
BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. 
Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(2) Dust created during gypsum loadout shall be suppressed using 
a liquid spray to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Gypsum shall be transferred from the conveyor to the storage 
pile using a telescoping spout to meet the BACT limits, [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall use a covered conveyor equipped with a 
telescopic chute or enclosed clamshell when loading Gypsum to 
the pile to meet the BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(6) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.DD.1.b.(6) shall 
sign and date the records required inI.DD.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.DD.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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EE.  F125, S125 – Fuel Ash Reclaim – Maintenance and Front End Loader Excavate Drop to Trucks  
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM.  The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) The fuel ash reclaim area shall be wetted by means of a wet 
suppression system whenever visible emissions are seen beyond 
the area’s boundary or whenever, in the opinion of the trained 
person, additional wet suppression is necessary to meet the BACT 
limits. [s. 285.65(3), Wis. Stats.] 
 
(2) Weekly inspections of the fuel ash reclaim area will be 
conducted by a trained person to insure that the material to be 
reclaimed contains adequate moisture content to prevent fugitive 
dust emissions to meet BACT limits.  [s. 285.65(3), Wis. Stats.] 
 
(3) In addition to weekly inspections, daily inspections, to 
determine the continued effectiveness of fugitive dust control 
measures, shall be conducted by the trained person, whenever fuel 
ash is reclaimed to meet BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.EE.1.b.(5) shall 
sign and date the records required inI.EE.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.EE.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the 
operation to demonstrate compliance with condition I.EE.1.a.(2). [s. 
285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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FF.  F44, S141 – S148 – Activities associated at the Caledonia Landfill. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM. The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The landfill shall be wetted by means of a wet suppression 
system whenever visible emissions are seen beyond the landfill 
boundary or whenever, in the opinion of the trained person, 
additional wet suppression is necessary to meet the BACT limits. 
[s. 285.65(3), Wis. Stats.] 
 
(2) Weekly inspections of the materials storage landfill  will be 
conducted by a trained person to insure that the material to be 
restored and reclaimed contains adequate moisture content to 
prevent fugitive dust emissions to meet BACT limits.  [s. 285.65(3), 
Wis. Stats.] 
 
(3) In addition to weekly inspections, daily inspections, to 
determine the continued effectiveness of fugitive dust control 
measures, shall be conducted by the trained person, whenever fuel 
ash is reclaimed to meet BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.FF.1.b.(5) shall 
sign and date the records required inI.FF.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.FF.1.b.(6)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the 
operation to demonstrate compliance with condition I.FF.1.a.(2). [s. 
285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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GG.  F174, F173, S173, S174 – Front End Loader reclaim of bottom ash – SCPC units to trucks. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM. The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Dust created during bottom ash reclamation activities shall be 
suppressed using a water spray to meet BACT limits. [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.GG.1.b.(3) shall 
sign and date the records required inI.GG.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.GG.1.b.(4)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the process 
to demonstrate compliance with condition I.GG.1.a.(2). [s. 285.65(3), 
Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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HH.  F134 – Facility Haul Roads 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: The permittee shall apply Best Available Control Technology (BACT).  BACT shall be met by the use a) paving the haul 
roads.  b) Use of trucks washing stations and c) of a high efficiency vacuum street sweeper. [s. NR 405.08, Wis. Adm. Code, s. NR 431.05, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) All facility haul roads shall be paved to meet the BACT limits. 
[s. NR 405.08, Wis. Adm. Code] 
 
(2) All facility haul roads shall be vacuum swept, at minimum, twice 
daily (except when weather conditions exist such that precipitation 
and/or ambient temperature would control fugitive emissions or 
prevent vacuum sweeping’s effectiveness).  If, in the opinion of the 
trained person additional roadways vacuum sweeping is necessary 
to prevent inappropriate fugitive dust emissions it will be conducted 
as soon as practical. [s. NR 405.08, Wis. Adm. Code] 
 
(3) Truck washing stations shall be installed and used near four 
locations where removal of mud, dirt and dust must occur, the 
SCPC ash loading stations, the IGCC slag loading station, the fuel 
ash reclaim area, and the Caledonia landfill area. [s. NR 405.08, 
Wis. Adm. Code] 
 
(4) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
 (2) The permittee shall ensure that the trained Person at the site 
keep(s) daily records consisting of the date and time roadway 
sweeping occurred or the date and reasons why it did not. [s. 
285.65(3), Wis. Stats., s. NR 415.04(1)(b), Wis. Adm. Code] 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.011 pound per million Btu including startup and shut down. (BACT); (2) The use of good 
combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.32 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.1.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0 

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire only fire syngas as the primary fuel with 
fuel oil having a maximum sulfur content of 0.003% sulfur by 
weight for start up.  This condition is established to meet BACT 
emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall demonstrate good combustion practices by: 
 (a) monitoring appropriate combustion operating parameters. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method  5, including backhalf  (Method 202) or an alternative 
method approved in writing by the department, shall be used to 
demonstrate compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  (s. 
NR 439.04(1)(d), Wis. Adm. Code) 
 
(2) During operation, the facility will monitor and record the following 

operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal fuel flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(4) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.1.c.(3) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.1.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

                                                 
32 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 0.011 pound per million Btu including startup and shut down. (BACT); (2) The use of good 
combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.33 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.2.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground       

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0    

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire only fire syngas as the primary fuel with 
fuel oil having a maximum sulfur content of 0.003% sulfur by 
weight for start up.  This condition is established to meet BACT 
emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall demonstrate good combustion practices by: 
 (a) monitoring appropriate combustion operating parameters. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method  5, including backhalf  (Method 202) or an alternative 
method approved in writing by the department, shall be used to 
demonstrate compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  (s. 
NR 439.04(1)(d), Wis. Adm. Code) 
 
(3) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal fuel flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(4) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.2.c.(3) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.2.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 

                                                 
33 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) 1; S40, B40 – Integrated Gasification Combined Cycle (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 3. Sulfur Dioxide Emissions 
 
a.  Limitations: (1) (a) 0.015 percent by volume at 15% O2 on a dry basis. (NSPS) [s. NR 440.50(4)(a), Wis. Adm. Code]; or (b) fuel sulfur 
content less than or equal to 0.8% by weight. (NSPS) [s. NR 440.50(4)(b), Wis. Adm. Code]; (2) 0.03 pound per million Btu heat input, based 
on a 24-hour average including startup and shut down. (BACT) [s. NR 405.08(2), Wis. Adm. Code]; (3) 40 ppmvd sulfur in the gasified 
(syngas) fuel (expressed as hydrogen sulfide). (BACT) [s. NR 405.08(2), Wis. Adm. Code; (4) 278 tons in any 12 consecutive months for all 
periods, including startup and shut down, (BACT) [s. 405.08(2), Wis. Adm. Code]; (5) The sulfur content of fuel oil to be sued during periods 
of start-up and shut down may not exceed 0.003% by weight. (BACT) [s. NR 405.08(2), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.34 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.3.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0 

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) Each combustion turbine may only be fired on syngas, except 
for periods of startup and load stabilization when distillate fuel oil 
may also be utilized as a fuel. [s. NR 405.08(2), Wis. Adm. Code, 
s. 285.65(3), Wis. Stats.] 
 
(5) Sulfur Dioxide Emission shall be controlled by a syngas 
cleanup system. [s. NR 405.08(2), Wis. Adm. Code, s. NR 
440.20(4)(a)1., Wis. Adm. Code] 
 
(6) Compliance with the sulfur dioxide emission limit contained in 
I.II.3.a. (3) shall be demonstrated either through the use of (a) daily 
syngas sampling and analysis or (b) through the use of a sulfur 
dioxide continuous emission monitoring system (CEMs). [s. NR 
405.08(2), Wis. Adm. Code] 
 
(6) Compliance with the sulfur dioxide BACT emission limit 
contained in I.II3.a.(3) constitutes compliance with the emission 
limit contained in I.II.3.a.(1) and (2) as I.II.3.a.(3) is a more 
restrictive limit.  [s. 285.65(3), Wis. Stats.] 
 
(7) The sulfur content of fuel oil to be used during periods of start-
up and load stabilization may not exceed 0.003% by weight. [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 6, 6A or 6C or an alternative method approved in writing by 
the department, shall be used to demonstrate compliance.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The daily syngas sampling and analysis provisions of I.II.3.b.(5)(a) 
shall be determined according to ASTM D1072-90, “Standard Test 
Method for Total Sulfur in Fuel Gases”, ASTM D4468-85 “Standard 
test Method for Total Sulfur in Gaseous Fuels by Hydrogenolysis and 
Radiometric Colorimetry”, ASTM D5504-94 “Standard test Method for 
Determination of Sulfur Compound in Natural Gas and gaseous Fuels 
by Gas Chromatography and Chemiluminescence”, or ASTM 3246-81 
“Standard test Method for Sulfur in Petroleum Gas by Oxidative 
Microcoulometry”. [s. NR 439.08(2)(b), Wis. Adm. Code] 
 
(3) The provision of I.II.3.b.(5)(b) shall be satisfied through the 
installation and use of a continuous emissions monitoring system 
(CEMs) for sulfur dioxide and carbon dioxide or oxygen content of the 
flue gases at each location where sulfur dioxide emissions are 
monitored within 60 days after initial startup of the combustion turbine. 
 The CEMs shall be calibrated within 90 days after initial startup of the 
combustion turbine.  Continuous emissions monitoring systems shall 
be installed and operated in accordance with 40 CFR Part 75 and s. 
NR 439.06(6)(b), Wis. Adm. Code requirements. [s. 285.65(3), Wis. 
Stats., s. NR 439.06, Wis. Adm. Code] 
 
(4) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(5) The sulfur content provisions of I.II.3.b.(7) shall be determined 
according to ASTM D129-95, Standard Test Method for Sulfur in 
Petroleum Products, ASTM D1552-95, Standard test Method for 
Sulfur in Petroleum Products, or ASTM D4294-98 Standard test 
Method for Sulfur in Petroleum Products by Energy-Dispersive X-ray 
Fluorescence Spectroscopy, respectively. [s. NR 439.08(2)(b), Wis. 
Adm. Code] 
 
(6) The permittee shall comply with NSPS monitoring of operations 
requirements per s. NR 440.50(5), Wis. Adm. Code.  A copy of these 
requirements attached with the permit. [s. NR 440.50(5), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall use test methods and procedure per s. NR 
440.50(6), Wis. Adm. Code to comply with the NSPS emission limits. 
[s. NR 440.50(6), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 

 

                                                 
34 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 4. Nitrogen Oxides Emissions 
 
Limitations: (1) The emissions may not exceed 15 ppmdv, corrected to 15% oxygen on a 30 day rolling average basis, not including periods 
of startup and shut down, on a 30 day rolling basis.  (BACT); (2) The emissions may not exceed 15 ppmdv, corrected to 15% oxygen on a 30 
day rolling average basis, including periods of startup and shut down, averaged over any consecutive 12 month period. (BACT); (3) 75 ppm 
@ 15% Oxygen. (NSPS); (3) The use of a diluent injection system (DIS) (BACT).  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.50(3), Wis. 
Adm. Code, s. NR 428.04(2)(g)3., Wis. Adm. Code, s. 285.65(3), Wis. Stats., s.  285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.35 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.4.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground       

level. [s. 285.65(3), Wis. Stats. ,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0    

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) Nitrogen Oxides Emission shall be controlled by a diluent 
injection system to meet BACT limits. [s. NR 405.08(2), Wis. Adm. 
Code] 
 
(5) The permittee shall demonstrate compliance with the nitrogen 
oxides emission limit contained in I.II.4.a.(1) using emissions data 
measured by the continuous emission monitoring system required 
by I.II.4.c.(2) as follows: 
(a) Daily average concentration shall be calculated each calendar 

day by combining the nitrogen oxides concentration and 
diluent concentration (in % O2 or % CO2) measurement 
consistent with the procedures specified in 40 CFR 75 
Appendix F. [s. 285.65(10), Wis. Stats.] 

(b) Each monthly nitrogen oxide emissions average shall be 
calculated by dividing the sum of all daily averages calculated 
during the month by the number of daily average calculated 
during the month. [s. 285.65(3), Wis. Stats.] 

(c) Each 12-month nitrogen oxide emissions average shall be 
calculated as the average of the past 12 monthly emissions 
average. [s. 285.65(3), Wis. Stats.] 

 
(6) Compliance with the nitrogen oxides BACT emission limit 
contained in I.II.4.a.(1) constitutes compliance with the NSPS 
emission limit as the BACT emission limits is more restrictive then 
the NSPS emission limit. [s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Nitrogen Oxides Emissions: Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 7or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(6), Wis. Adm. Code] 
 
 (2) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for NOx and carbon dioxide or oxygen 
within 60 days after initial start up of IGCC.  The CEMs shall be 
calibrated within 90 days after initial start up of the IGCC.  Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. 
Code requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. 
Adm. Code] 
 
(3) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(4) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(7) The permittee shall monitor NOx and heat input per s. NR 
428.08(1)(e), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(8) The permittee shall submit quarterly reports per s. NR 428.09(2), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
   
 

 

                                                 
35 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 – Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 4. Nitrogen Oxides Emissions [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(7) The permittee shall keep track of the startup and shut down 
time by monitoring the fuel combusted in the turbine.   Startup 
periods begin with the firing of any fuel in the combustion turbine, 
and end with the introduction of syngas to the combustion turbine.  
Shut down period begin with the cessation of syngas flow to the 
combustion turbine, and end with the cessation of all fuel firing.[s. 
285.65(3), Wis. Stats.] 
  

 
 (9) The permittee shall comply with NSPS monitoring of operations 
requirements per s. NR 440.50(5), Wis. Adm. Code.  A copy of these 
requirements attached with the permit. [s. NR 440.50(5), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall use test methods and procedure per s. NR 
440.50(6), Wis. Adm. Code to comply with the NSPS emission limits.  
[s. NR 44.50(6), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]   
 
(11) The permittee shall keep records required under condition 
I.II.4.b.(5)(b), (c) and I.II.4.b.(7). [s. 285.65(3), Wis. Stats.] 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) Combustion Turbine 1; S40, B40 – Integrated Gasification Combined 
Cycle (IGCC) Combustion Turbine 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 5. Carbon Monoxide Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.030 pound per million Btu on a 24-hour rolling average, excluding periods of startup and 
shut down. (BACT); (2) The use of good combustion practices. (BACT) ; (3) 624 pounds per hour during any one hour period, including 
startup and shut down. (4) 282 tons in any 12 consecutive months for all periods, including startup and shut down. (BACT) [s. NR 405.08(2), 
Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.36 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.5.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Carbon Monoxide Emissions shall be controlled using good 
combustion practices to meet BACT emission limit. [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The permittee shall demonstrate compliance with the BACT 
limit by:(a) monitoring appropriate combustion operating 
parameters or (b) through the use of a CO CEMs. [s. 285.65(3), 
Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall demonstrate compliance with the carbon 
monoxide emission limits using data from a continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen 
required under condition I.II.5.c.5 as follows: 
(a) Daily average shall be determined by calculating the arithmetic 

average of all applicable hourly emission rates for a calendar 
day. 

(b) The hourly emission rate shall be calculated by combining the 
CO concentration and diluent concentration (in % O2 or % 
CO2) measurement consistent with the procedures specified 
in 40 CFR Part 75 Appendix F.  The conversion factor, (k), 
shall be 0.7266 x 10-7 lb CO/ft3 - ppm. 

(c) The annual emission limit in I.II.a.(4) shall be calculated using 
and totally the hourly calculated emission rate. [s. 285.65(3), 
Wis. Stats.] 

 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the fuel combusted in the turbine. Startup 
periods begin with the firing of any fuel in the combustion turbine, 
and end with the introduction of syngas to the combustion turbine. 
Shutdown periods begin with the cessation of syngas flow to the 
combustion turbine, and end with the cessation of all fuel firing. [s. 
285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method 10 or an alternative method approved in writing by 
the department, shall be used to demonstrate compliance.  [s. NR 
439.06(4), Wis. Adm. Code] 
 
(2) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(3) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.5.c.(2) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.1.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen within 
60 days after initial start up of IGCC.  The CEMs shall be calibrated 
within 90 days after initial start up of the IGCC.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. Adm. 
Code] 
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep records required under condition 
I.II.5.b.(5)(b), (c) and I.II.5.b.(6). [s. 285.65(3), Wis. Stats.] 
 
 

 
 

                                                 
36 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) Combustion Turbine 1; S40, B40 – Integrated Gasification Combined 
Cycle (IGCC) Combustion Turbine 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 6. Volatile Organic Compound Emissions 
 
a.  Limitations: (1) 0.0017 pound per million Btu heat input excluding periods of startup and shut down averaged over any consecutive 24-
hour period. Startup periods begin with the firing of any fuel in the combustion turbine, and end with the introduction of syngas to the 
combustion turbine. Shutdown periods begin with the cessation of syngas flow to the combustion turbine, and end with the cessation of all 
fuel firing. (LAER); (2) 3.64 pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. 
(LAER); (3) 16.93 tons in any 12 consecutive months for all periods, including startup and shut down. (LAER); (4) The use of good 
combustion practices. (LAER)  [s. NR 408.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.37 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.6.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Volatile Organic Compound Emissions shall be controlled 
using good combustion practices to meet LAER emission limit. [ s. 
NR 408.08(2), Wis. Adm. Code] 
 
(4). The permittee shall demonstrate compliance with the LAER 
limit by:  (a) monitoring appropriate combustion operating 
parameters or (b) through the use of a CO CEMs. [s. 285.65(3), 
Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(5) CO emissions data measured by the CEM system shall be 
used to demonstrate compliance with the LAER emission limit by 
using the following equation to keep daily, monthly and annual 
VOC emissions records: 
 
VOC actual = VOC limit X (CO actual/CO limit) 
 [s. 285.65(3), Wis Stats., s. 285.65(10), Wis. Stats.] 
 
 
 
 
  
 
 
 

 
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in US EPA Method 25 or 
18 or an alternative method approved in writing by the department, 
shall be used to demonstrate compliance.  [s. NR 439.06(1), Wis. 
Adm. Code] 
 
(2) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(3) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.5.c.(2) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.5.c.(3)a. – b. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen within 
60 days after initial start up of IGCC.  The CEMs shall be calibrated 
within 90 days after initial start up of the IGCC.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. Adm. 
Code] 
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep records required under condition 
I.II.6.b.(5). [s. 285.65(3), Wis. Stats.] 

 

                                                 
37 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.0000257 pound per million Btu including startup and shut down.  (BACT); (2) The use of 
good combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.38 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.7.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Lead Emissions shall be controlled using good combustion 
practices and firing syngas as the primary fuel with 0.003% low 
sulfur fuel for startup to meet BACT emission limit. [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4). The permittee shall demonstrate compliance with the BACT 
limit by complying with the conditions in I.II.1.b. [s. 285.65(3), Wis. 
Stats.; s, 285.65(10), Wis. Stats.] 
 
 
 
  
 
 
 

 
(1) Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 12, or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(8), Wis. Adm. Code] 
 
 
 
 

 

                                                 
38 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 – Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0. 56lb/trillion Btu based on a 12-month rolling average including startup and shut down. 
(BACT); (2) The use of carbon bed or equivalent control technology capable of achieving 95% control of mercury emissions. (BACT) [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.39 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.8.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Mercury Emissions shall be controlled using Carbon bed or 
filter containing similar material in the synthetic gas specifically 
designed to control emissions of mercury contained in the fuel 
supply or such requirement for the effective control of mercury 
emissions as may be promulgated by USEPA as the MACT 
standard applicable to new stationary combustion turbines of an 
IGCC facility to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the carbon bed and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that the carbon bed 
system is operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(5) The permittee shall monitor uncontrolled mercury emissions 
through coal sampling and analysis.  Such testing occur on a 
monthly basis according to the relevant provisions of s. NR 439.08, 
Wis. Adm. Code as applied to mercury content in the coal.  The 
permittee shall also monitor monthly average coal higher heating 
value. [s. NR 405.08, Wis. Adm. Code] 
 
  
 
 
 

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 29 or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.II.8.b.(4).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The data obtained form the mercury content from the coal 
sampling and analysis shall be kept at the facility for a period of five 
years. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 

 
Note 1: The BACT Limit for Mercury is based on uncontrolled mercury emissions of 11.2 pounds per trillion Btu and a 
control efficiency of 95%.

                                                 
39 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 9. Visible Emissions  
  
a.  Limitations: 20% opacity.   [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Opacity shall be controlled using good combustion practices.  
[ s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration methods identified in I.II.1.b. 
shall be used to demonstrate compliance with the visible emission 
limit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 or 
Reference Method 22 of Appendix A, 40 CFR Part 60 shall be used 
to demonstrate compliance or an alternative method approved in 
writing by the department, shall be used to demonstrate compliance. 
 [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee shall install, calibrate, maintain and operate a 
continuous monitoring system, and record the output to the system, 
for measuring the opacity of emissions discharged to the 
atmosphere.  [s. 285.65(10), Wis. Stats.] 
 
(3) Continuous opacity monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 

 
 



 
 

 
  Page 120 

II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 10. Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use syngas cleanup system and use good combustion practices to meet case by case MACT for 
inorganic solid HAPs;  (2) The permittee shall use syngas cleanup system and good combustion practices to comply with the case by case 
MACT limits for inorganic acid HAPs; (3) The permittee shall comply with good combustion practices and meet  the VOC emission limits to 
comply with case by case MACT for organic HAPs. [s. 285.65(13), Wis. Stats., s. 285.65(3), Wis. Stats., 40 CFR Part 63, Subpart B] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The inorganic solid HAPs, acid gas HAPs and organic HAPs 
shall be controlled using a syngas clean up system and good 
combustion practices. [s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration methods in I.II.1.b., I.II.3.b., 
I.II.6.b., shall be used as compliance demonstration techniques for 
inorganic solid HAPs, inorganic acid HAPs, and organic HAPs.  [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs:  Whenever compliance 
emission testing is required an alternate method approved in writing 
by the Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The testing, recordkeeping and monitoring requirements 
contained in I.II.1.c., I.II.3.c. shall be used as compliance methods for 
I.II.10.b.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 11. Sulfuric Acid Mist 
 
Limitations: (1) The emissions may not exceed 0.0005 pound per million Btu, based on a 3-hour average including startup and shut down.  
(BACT); (2) The use of gas clean up system. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.,  s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (1) Initial compliance emission tests shall be conducted within 
180 days after the start of operation of the process to show 
compliance with the emission limitation.40 [s. NR 439.07, Wis. 
Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.11.b.(1) every 24 months from the 
date of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Sulfuric acid mist emissions shall be controlled by a gas clean 
up system. [s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The compliance demonstration method identified in section 
I.II.3.b. shall be used as compliance demonstration techniques for 
sulfuric acid mist emission limitation. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternative method approved in 
writing by the department, shall be used to demonstrate compliance.  
[s. NR 439.06(8), Wis. Adm. Code] 
 
 

                                                 
40 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 122 

 
 JJ. S41, P41 – Sulfuric Acid Plant #1; S42, P42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 1. Sulfur Dioxide Emissions 
 
a.  Limitations: (1) The emissions may not exceed 4.0 pounds per tons of 100% sulfuric acid produced. (BACT); (2) The use of a dual 
absorption plant and fiber mist eliminators to meet BACT limits.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.24(3), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.41 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.JJ.1.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 150.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 3.5 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall control sulfur dioxide emissions through the 
use of a dual absorption plan and fiber mist eliminator. [s. NR 
405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fiber mist eliminator and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that the 
dual absorption plan and fiber mist eliminator is operating properly. 
 This information will be used by the Department to establish 
appropriate permit conditions in the operation permit. [s. 285.65(3), 
Wis. Stats., s. 285.65(10), Wis. Stats.] 
 

 
(1) Reference Test Method for  Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A, 6C     
or an alternative method approved in writing by the department shall 
be used to demonstrate compliance.  [s. NR 439.06(2), Wis. Adm. 
Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.JJ.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for sulfur dioxide within 60 days after initial 
start up of the sulfuric acid plant.  The CEMs shall be calibrated within 
90 days after initial start up of the sulfuric acid plant.  Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 60 and s. NR 439.06(6)(b), Wis. Adm. 
Code requirements.  A copy of s. NR 440.24, Wis. Adm. Code 
requirements attached with the permit. [s. 285.65(3), Wis. Stats., s. 
NR 440.24(5), Wis. Adm. Code, s. NR 439.06, Wis. Adm. Code] 
 
(4) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 440.24(5) and (6), Wis. Adm. 
Code and s. NR 439.09, Wis. Adm. Code.  A copy of s. NR 440.24, 
Wis. Adm. Code requirements attached with the permit. [s. NR 439.09, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
 
 
 
 
 

 
Note 1: The sulfuric acid plant is subject to New Source Performance Standards (NSPS) for sulfur dioxide.  The sulfur 
dioxide emissions limit to not exceed 4.0 pounds per tons 100% sulfuric acid produced per s. NR 440.24(3), Wis. 
Adm. Code.  The sulfuric acid plant is expected to comply with the sulfur dioxide emission limits under NSPS. 

                                                 
41 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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 JJ. S41, P41 – Sulfuric Acid Plant #1; S42, P42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 2. Sulfur Acid Mist Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.128 pounds per tons.  (BACT).; (2) The use of a dual absorption plant and fiber mist 
eliminators to meet the BACT limits.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.24(4)(a), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 
285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.42 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.JJ.2.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) The permittee shall control sulfuric acid mist emissions through 
the use of a dual absorption plan and fiber mist eliminator. [s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fiber mist eliminator and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that the 
dual absorption plan and fiber mist eliminator is operating properly. 
 This information will be used by the Department to establish 
appropriate permit conditions in the operation permit. [s. 285.65(3), 
Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(5) The permittee shall determine compliance with sulfuric acid 
emission limits per test methods and procedures identified in s. NR 
440.24(6)(b), Wis. Adm. Code.  A copy of these requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.]  
 

 
(1) Reference Test Method for  Sulfuric Acid Mist Emissions:  
Whenever compliance emission testing is required, US EPA Method  
8 or an alternative method approved in writing by the department shall 
be used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.JJ.2.b.(4).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The sulfuric acid plant is subject to New Source Performance Standards (NSPS) for sulfuric acid mist 
emissions.  The sulfuric acid mist emissions limit to not exceed 0.15 pounds per tons 100% sulfuric acid produced per 
s. NR 440.24(4)(a), Wis. Adm. Code.  The BACT limit for sulfuric acid mist is more restrictive then the NSPS limit for 
sulfuric acid mist.  The sulfuric acid plant is expected to meet the NSPS limit for sulfuric acid mist. 
 
 

                                                 
42 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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JJ. S41, P41 – Sulfuric Acid Plant #1; S42, B42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 3. Visible Emissions  
  
a.  Limitations: 10% opacity  [s. NR 405.09, Wis. Adm. Code, s. NR 440.24(4)(a), Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 
285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Compliance emission tests to demonstrate compliance with the 
visible emission limit shall be conducted within 60 days after the 
start of the initial operation.  [s. 285.65(3), Wis. Stats.]  
 
(2) The permittee shall determine compliance with visible emission 
limits per test methods and procedures identified in s. NR 
440.24(6)(b)4., Wis. Adm. Code.  A copy of these requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternative method approved 
in writing by the department shall be used to demonstrate 
compliance.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
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 KK.  S43, P43 – Gasifier Flare 
 
Pollutant: 1. Particulate Matter Emissions (PM/PM10) 
 
a.  Limitations: (1) The use of good flare design and limiting number of startup and shut down cycles to 35 per 12 contiguous month period 
to meet BACT.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Stack Parameters. These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 150.0 feet above ground       

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 6.0      

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(2) The flare shall be operated at all times when the IGCC unit is 
operating. [s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall limit the number of startup and shut down 
cycles to 35 per 12 contiguous month period. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The permittee shall install and operate a temperature 
monitoring and continuous recording system to ensure that the 
flare is operating. [s. NR 405.08, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.]  
 

 
(1) The permittee shall retain on site technical drawings, blueprints or 
equivalent records of the physical stack parameters.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(2) The permittee shall record  the number of startup and shut downs 
to demonstrate compliance with condition I.KK.1.b.(3).  [s. NR 
439.06(1), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall record date and time the flare was inoperable 
for each event the flare was inoperable. [s. 285.65(3), Wis. Stats.]  
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KK.  S43, P43 – Gasifier Flare 
 
Pollutant: 2 Visible Emissions  
  
a.  Limitations: 0% opacity or number 1 on the Ringlemann chart.  See Note 1 [s. NR 431.05, Wis. Adm. Code, s. NR 405.08, Wis. Adm. 
Code, s. 285.65(13), Wis. Stats., s. NR 440.18(3)(a), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Compliance emission tests to demonstrate compliance with the 
visible emission limit shall be conducted within 180 days after the 
start of the initial operation.  [s. 285.65(3), Wis. Stats.]  
 
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternative method approved 
in writing by the department shall be used to demonstrate 
compliance.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 

 
 
Note 1:   S. NR 440.18(3)(a), Wis. Adm. Code requires flares to be designed and operated with no visible emissions 
as determined by the methods specified in s. NR 440.18(6), Wis. Adm. Code except for periods not to exceed a total 
of five minutes during any 2 consecutive hours.
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  LL. B44, S44 – IGCC Auxiliary Boiler  
 
Pollutant: 1 Particulate Matter  
 
b. Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may not 

exceed 0.020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no 
more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
NR 440.207(4) (c), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.43 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 140.0 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 4.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.1.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60 and US EPA Method 5, including backhalf  (Method 202) 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.LL.1.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.LL.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The IGCC auxiliary boiler is subject to NSPS requirements for particulate matter (PM) under s. NR 
440.207(4)(c), Wis. Adm. Code.  The only New Source Performance Standards (NSPS) standard that will be 
applicable to the boiler for PM is in the form of an opacity standard when fuel oil is fired per s. NR 440.207(4)(c), Wis. 
Adm. Code. 

                                                 
43 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may not 
exceed 0.020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of good 
combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no more 
than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats., s. 285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.44 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 140 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 4.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]                            
                                                                                                         
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.2.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.LL.2.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.LL.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 

 

                                                 
44 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0.0012 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may 
not exceed 0.0032 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices.  (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no 
more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 
440.207(3)(d), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats., s. NR 440.207(5)(h), Wis. Adm. Code] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.LL.3.b.(8). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall keep records required under condition 
I.LL.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(6) The permittee shall comply with the NSPS reporting and 
recordkeeping requirements per s. NR 440.207(9), Wis. Adm. Code.  
A copy of these requirements attached with the permit. [s. 285.65(3), 
Wis. Stats.] 
 
(7) The permittee shall keep records of the fuel supplier certification.  
The certification  shall include the following information:  
1. For distillate oil: 
a. The name of the oil supplier; and  
b. A statement from the oil supplier that the oil complies with the 

specification under the definition of distillate oil in s. NR 
440.207(2)(g), Wis. Adm. Code   

[s. 285.65(3), Wis. Stats., s. NR 440.207(9)(f), Wis. Adm. Code] 

 
Note 1: The New Source Performance Standard  (NSPS) for sulfur dioxide in s. NR 440.207(3) (d), Wis. Adm. Code 
will be applicable to the IGCC auxiliary boiler only when fuel oil is fired and is 0.50 pound per million Btu heat input or 
combust oil having a sulfur content of 0.5 percent by weight.  The BACT emission limit for sulfur dioxide is more 
restrictive then the NSPS limit for sulfur dioxide, thus the IGCC auxiliary boiler is expected to meet the NSPS limit for 
sulfur dioxide.
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LL.   S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. The fuel supplier certification shall include the 
information identified in condition I.LL.3.c.(7). [s. 285.65(3), Wis. 
Stats.]  
 
(8) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.3.a. (4). [s. 285.65(3), 
Wis. Stats.] 
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LL.   S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) The emissions may not exceed 0.050 pound per million Btu when firing natural gas based on a 30-day rolling average.  
(BACT); (2) The emissions may not exceed 0.090 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight oil based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 428.04(2)(a)2., and 3., Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 
285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption record and vendors or AP-42 emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.4.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.4.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(8) The pemittee shall monitor NOx and heat  input  per s. NR 
428.08(1)(a), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(9) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 

 
Note 1: The IGCC auxiliary boiler is subject to NOx emission limits per s. NR 428.04(2)(a)2. and 3., Wis. Adm. Code 
and is 0.05 pounds per million Btu of heat input  when firing natural gas and 0.09 pounds per million Btu of heat  input 
 when firing fuel oil.  The BACT limit for NOx is more restrictive then the emission limit for NOx under s. NR 428,04, 
Wis. Adm. Code, thus the IGCC auxiliary boiler is expected to meet the emission limits for NOx under s. NR 428.04, 
Wis. Adm. Code.
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 0.045 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(BACT); (2) The emissions may not exceed 0.045 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (BACT); (3) The use of good combustion practices.  (BACT); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 factor or vendor provided 
emissions factor  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and /or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.5.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, Appendix A, US EPA Method 10, or an alternate 
method approved in writing by the Department shall be used to 
demonstrate compliance. [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.5.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
(a) Limitations: (1) The emissions may not exceed 0.0060 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(LAER); (2) The emissions may not exceed 0.0020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (LAER); (3) The use of good combustion practices. (LAER); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor or vendor 
provided emission factors. [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet LAER emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.6.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.6.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000000024 pound per million Btu when firing natural gas.  (BACT); (2) The emissions 
may not exceed 0.000009 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which 
no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.7.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 shall be used to 
demonstrate compliance or an alternate method approved in writing by 
the Department, shall be used.   [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.7.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000026 pound per million Btu when firing natural gas.  (BACT); (2) The emissions 
may not exceed 0.000003 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which 
no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s.  285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.8.a. (4). [s. 285.65(3), 
Wis. Stats.] 
  
  

 
(1) Reference Test Method for Mercury Emissions: Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.8.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.0000990 pound per million Btu when firing natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight. (BACT); (2) The use of good combustion practices. (BACT); (3) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.9.a. (3). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Emissions of Fluorides: Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.9.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
 

 
LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.207(4)(c), Wis. Adm. Code] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall conduct an initial test as required under s. 
NR 440.08, Wis. Adm. Code using the procedures and reference 
method in 40 CFR part 60, Appendix A, which is incorporated by 
reference in s. NR 440.17, Wis. Adm. Code. [s. NR 440.207(4)(c), 
Wis. Adm. Code]  
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 

 
Note 1: Any gases emitted from the stack when the unit is fired with fuel oil shall not have an opacity greater than 
20% (6 minutes average).  The exception is one 6-minute period per hour when the opacity not exceeding 27%.  The 
opacity standard does not apply during periods of start up and shut down or malfunction. 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use natural gas and/or fuel oil having a maximum sulfur content of 0.003% by weight and comply 
with the PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us natural gas and/or fuel oil having 
a maximum sulfur content of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee 
shall comply with and meet the VOC LAER emission limits to comply with case by case MACT for organic HAPs and (4) The total heat input 
may not exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel 
oil in any 12 consecutive months. [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet MACT emission limit. [ s. 285.65(13), Wis. 
Stats.] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.11.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance.   
[s. NR 439.06(1), Wis. Adm. Code] 
  
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.11.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.L.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.00024 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may 

not exceed 0.00064 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices.  (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of 
which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
 
 
3) The permittee shall keep daily records of the type and amount of 
fuel fired in the boiler and shall calculate heat input to the unit on a 
daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.12.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
2) The permittee shall keep records on the heat input used as required 
in condition I.LL.12.b.(3). [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. 
Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall keep records required under condition 
I.LL.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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MM.  T16 – SCPC Boiler Fuel Oil Storage Tank (500,000 gallons),  T118 – IGCC Fuel Oil Storage Tank (300,000 gallons), T121 – 
Diesel Gen. #1 Fuel Oil Storage Tank (5,000 gallons), T122 – Diesel Gen. #2 Fuel Oil Storage Tank (5,000 gallons), T123  - Fire 
Pump Fuel oil Storage Tank (1,000 gallon), T119, T120 – Two IGCC Sulfuric Acid Storage Tanks 
The following emission limits apply to each storage tanks, T16, T118, T121, T122, T123. 
 
Pollutant: 1.   Volatile Organic Compounds (VOC) 
 
a.  Limitations:  (1) Use of a carbon bed absorption system or its equivalent on each fuel oil storage tanks to meet LAER control 
requirements. (LAER); (2) 90% reduction in VOC emissions. (LAER) [s. NR 408.02, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the carbon bed; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that carbon bed is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(2) Compliance emission tests to demonstrate compliance with the 
90% reduction emission limit in I.MM.1.a.(2) shall be conducted 
within 60 days after the start of the initial operation of tanks T16 
and T118.  [s. 285.65(3), Wis. Stats.]  
 
(3) The maximum true vapor pressure of fuel oil shall be less than 
3.5 kPa.  The condition is established so the storage tanks are not 
subject to NSPS requirements. [s. 285.65(7), Wis. Stats.] 
 
(4) The permittee may use available data on the Reid pressure and 
the maximum expected storage temperature based on the highest 
expected calendar-month average temperature of the stored fuel 
oil to determine the maximum true vapor pressure from the 
nomographs contained in API Publications 2517. [s. 285.65(7), 
Wis. Stats.] 
 
 

 
(1) Reference test Method for Volatile Organic Compound Emissions: 
Whenever compliance emission testing is required, the appropriate 
US EPA Method 25 or 18 shall be used to demonstrate compliance 
or an alternate method approved in writing by the Department, shall 
be used. [s. NR 439.06(3)., Wis. Adm. Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.MM.1.b.(1).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The permittee shall retain records of the determined maximum 
true vapor pressure. [s, 285.65(7), Wis. Stats.] 
 
 
 
 

 
Note 1: The standards of performance for a new sources under s. NR 440.285, Wis. Adm. Code apply to al new 
petroleum storage tanks which are larger than 40 cubic meters (10,600 gallons).  Therefore, the new SCPC boiler and 
IGCC fuel oil storage tanks are subject to the requirements of s. NR 440.285.  However the performance standards 
under this section apply to tanks storing organic liquids with a maximum true vapor pressure greater than 5.2 kPa 
(0.74 psia).  The fuel oil has a maximum true vapor pressure of 0.035 kPa (0.005 psia).  As a result, although the 
SCPC boiler and IGCC fuel oil storage tanks are subject to the performance standards under s. NR 440.285, Wis. 
Adm. Code there are no applicable NSPS standards for these tanks.
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type:   1.  Construction Permit Requirements 
 
a.  Conditions:  
 
(1)  Construction Notification: The permittee shall inform the Wisconsin Department of Natural Resources, Southeast Region, 2300 North 
Dr. Martin Luther King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500,  in writing of the following for the emissions unit covered in 
this permit:  
 
(a) Notice of commencing construction shall be submitted within 15 days of the start of construction. 
 
(b) Notice of intent to initially operate the source(s) covered by this permit, 30 days prior to the anticipated date of initial operation. 
 
(c) Notice of the actual date of initial startutp shall be submitted within 15 days of the initial startup. 
 

[s. NR 439.03(1), Wis. Adm. Code] 
 
(2) (a) Construction Permit Expiration:   This construction permit expires 90 months after the date of issuance.  Construction or modification 
and an initial operation period for equipment shakedown, testing and Department evaluation of operation to assure conformity with the 
permit conditions is authorized for each emissions unit covered in this permit.  Please note that the sources covered by this permit are 
required to meet all emission limits and conditions contained in the permit at all times, including during the initial operation period.  
(b) Reevaluating BACT: The permittee shall submit information for reevaluating BACT to the Department at least 18 months prior to the 
commencement of construction of any permitted processes that may have not begun construction within eighteen months from the date of 
the issuance of the final permit.  [ss. 285.60(1)(a)2 and 285.66(1), Wis. Stats.;  s. NR 406.12, Wis. Adm. Code]   
 
(3)  Completion of Operation Permit Application : 
 
(a) Compliance information required to complete the operation permit application for the emission units included in this permit should be 

tted to the DNR at least 4 months prior to the expiration of the Construction Permit.     
 
(b) Operation of the source(s) covered by this permit after this permit expires is prohibited unless a complete operating permit application 

e source(s) has been submitted to the Department. 
 

[s. 285.60(1)(b)1., Wis. Stats.; s. NR 407.04(1)(b), Wis. Adm. Code] 
             
(3) This permit supersedes permit #02-RV-054. [s. 285.65(3), Wis. Stats.] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 2.  Malfunction Prevention and Abatement Plans 
 
a.  Conditions: 

 
b.  Compliance Demonstration: 

 
(1) A malfunction prevention and abatement plan shall be prepared 
and followed for the plant. [s. NR 439.11, Wis. Adm. Code] 
 
(2) A written copy of the plan shall be kept at the plant and shall be 
updated once every five years.  [s. NR 439.11(1), Wis. Adm. Code] 
 
(3)  All air pollution control equipment shall be operated and 
maintained in conformance with good engineering practices (i.e.  
operated and maintained according to manufacturer's 
specifications and directions ) to minimize the possibility for the 
exceedance of any emission limitations [s. NR 439.11(4), Wis. 
Adm. Code] 
  
 
 

 
(1)  The plan shall be developed to prevent, detect and correct 
malfunctions or equipment failures which may cause any applicable 
emissions limitation to be violated or which may cause air pollution.   
 [s. NR 439.11(1), Wis. Adm. Code]  
 
(2) This plan shall include installation, maintenance and routine 
calibration procedures for the control equipment instrumentation.  
This plan shall require an instrumentation calibration at the frequency 
specified by the manufacturer but not less than once per year plus an 
inspection and/or calibration whenever instrumentation anomalies are 
noted.  [ss. NR 407.09(1)(c)1.c., NR 439.055(4) and s. NR 439.11, 
Wis. Adm. Code]  
 
(3) The plan shall require a copy of the operation and maintenance 
manual for the control equipment be maintained on site.  The plan 
shall contain all of the elements in s. NR 439.11(1)(a) - (h), Wis. 
Adm. Code.   [s. NR 439.11, Wis. Adm. Code] 
 
(4)  The facility shall maintain an inventory of normal consumable 
items necessary to ensure operation of the control device(s) in 
conformance with the manufacturer's specifications and 
recommendations.  [s. NR 439.11, Wis. Adm. Code] 
 
(5)   The facility shall maintain records of the instrumentation 
calibrations.  [s. NR 439.04, Wis. Adm. Code] 

 
NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 3. Stack Testing Requirements 
 
a.  Conditions:  
 
 (1) All testing shall be performed with the emissions unit operating at capacity or as close to capacity as practicable and in accordance with 
approved procedures.  If operation at capacity is not feasible, the source shall operate at a capacity level, which is approved by the 
Department in writing.  [s. NR 439.07(1), Wis. Adm. Code] 
 
(2) If the testing for the sources is not completed in the time frame identified in this permit then the permittee shall request an extension 
upto 60 days to complete the testing. [s. 285.65(3), Wis. Stats.]  
 
 (2)  The Department shall be informed at least 20 working days prior to any stack testing so a Department representative can witness the 
testing.  At the time of notification a compliance emission test plan shall also be submitted to the Department for approval.  When approved 
in writing, an equivalent test method may be substituted for the reference test method.  [s. NR 439.07(2), Wis. Adm. Code] 
 
 (3)  Two copies of the report on the tests shall be submitted to the Department for evaluation within 60 days following the tests.  [s. NR 
439.07(9), Wis. Adm. Code]  
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 4. Acid Rain Requirements 
 
a.  Conditions:  
 
(1) The permittee shall obtain and secure allowances equal to the actual annual SO2 emissions.  (Allowances are available through the 
Chicago Board of Trade and other sources) [40 CFR Parts 72 and 75, s. NR 409.06(3), Wis. Adm. Code] 
 
(2) The permittee shall have a Designated Representative (DR) in accordance with 40 CFR Part 72.  The DR shall be responsible for 
submitting required permits, compliance plans and emission monitoring reports, allowance plans and compliance certifications; and will be 
the responsible official with regards to all matters under the acid rain program. [40 CFR Part 72 and 75, s. NR 409.07, Wis. Adm. Code] 
 
(3)  The permittee shall submit a Phase II acid rain permit to the Department at least 24 months before the date on which the unit 
commences operation. [s. 285.65(3), Wis. Stats., s. NR 409.08(1), Wis. Adm. Code]  
 
(4) The owner or operator of a Phase I and phase II acid rain units shall install, calibrate, operate and maintain all monitoring equipment 
necessary for continuously monitoring sulfur dioxide, nitrogen oxides, carbon dioxide, stack flow rate and opacity. The type of monitoring 
equipment used and the manner and location of its installation are subject to prior department approval. [ s. NR 439.095(1), Wis. Adm. 
Code] 
 
(5) The owner or operator of monitoring equipment installed to comply with condition I.NN.4.a.(4) shall install, calibrate, maintain and 
operate the continuous emission monitor in accordance with the performance specifications in 40 CFR part 60, Appendix B or, for affected 
units, the performance specifications in 40 CFR part 75, Appendices A to I, incorporated by reference in s. NR 484.04(21) and (27), and the 
requirements in s. NR 439.09. The owner or operator of the source shall submit a quality control and quality assurance plan for approval by 
the department.  The monitor shall follow the plan, as approved by the department. [s. NR 439.095(6), Wis. Adm. Code] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 5.  Compliance Reports / Records 
 
a.  Conditions: 

 
b.  Compliance Demonstration: 

 
(1) Upon issuance of the operation permit, the permittee shall 
submit periodic monitoring reports. [s. NR 407.09(1)(c)3., Wis. 
Adm. Code] 
 
(2) Upon issuance of the operation permit, the permittee shall 
submit periodic certification of compliance. [s. NR 407.09(4)(a)3., 
Wis. Adm. Code] 
 
(3) The records required under this permit shall be retained for at 
least five(5) years and shall be made available to department 
personnel upon request during normal business hours.  [s. NR 
439.04, s. NR 439.05, Wis. Adm. Code] 
 

 
(1) Submit a monitoring report, which contains the results of 

monitoring or a summary of monitoring results required by this 
permit to the Department every 6 months.  

    (a) The time periods to be addressed by the submittal are January 
1 to June 30 and July 1 to December 31.   
    (b) The report shall be submitted to the Wisconsin Department of 
Natural Resources, Southeast Region, 2300 North Dr. Martin Luther 
King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500 within 
30 days after the end of each reporting period.   
    (c) All deviations from and violations of applicable requirements 
shall be clearly identified in the submittal.   
    (d) Each submittal shall be certified by a responsible official as to 
the truth, accuracy and completeness of the report. 
(e)   The content of the submittal is described in item D. of Part II of 
the operation permit. [s. NR 439.03(1)(b), Wis. Adm. Code] 
[s. NR 439.03(1)(b), Wis. Adm. Code] 
 
(2) Submit an annual, certification of compliance with the 
requirements of this permit to the Wisconsin Department of Natural 
Resources, Southeast Region, 2300 North Dr. Martin Luther King Jr. 
Drive, Milwaukee, WI 53212, Phone (414) 263-8500 and to 
Compliance Data - Wisconsin, Air and Radiation Division, U.S. EPA, 
77 W. Jackson, Chicago, IL 60604]. 
    (a) The time period to be addressed by the report is the January 1 
to December 31  period which precedes the report.   
    (b) The report shall be submitted to the Wisconsin Department of 
Natural Resources, Southeast Region, 2300 North Dr. Martin Luther 
King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500 and 
U.S. EPA within 30 days after the end of each reporting period.   
    (c) The information included in the report shall comply with the 
requirements of Part II Section N of this permit.  
    (d) Each report shall be certified by a responsible official as to the 
truth, accuracy and completeness of the report. 
[s. NR 439.03(1)(c), Wis. Adm. Code] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 6.  Acquisition of Emission offsets   
 
a.  Conditions:  
 
(1) The permittee shall obtain Volatile Organic Compound offsets at a minimum ration or 1.3 or a total of 294 credit. [s. NR 408.06(4)(d), 

Wis. Adm. Code] 
 
(2) The permittee will ensure that the actual transfer of credits has taken place prior to commencing operation of the power plant. [s. NR      
     405.06, Wis. Adm. Code] 
 
(2) The permittee shall provide information on whether actual transfer of credits has occurred prior to commencing operation of the 

ERGS’s project to the DNR, Bureau of Air Management, 101 S. Webster Street, P.O. Box 7921, Madison, WI 53707. [s. 285.65(3), 
Wis. Stats., s. NR 408.06, Wis. Adm. Code] 

 
 



PART II 
General Permit Conditions For Construction Permits 

Issued To Direct Stationary Sources  

A. 

B. 

C. 

1. 

2. 

3. 

4. 

5. 

Scope 

This permit is valid only for the structure, building, facility, equipment or operation specifically identified 
herein. All emissions authorized hereby shall be in compliance with the terms and conditions of Parts I 
and II of this permit. [s. 285.60(7), Wis. Stats.] 

Emissions Prohibited 

Unless the Department has approved an exception under s. NR 436.03(2), no person may cause, allow, or 
permit emissions of any air contaminant into the ambient air in excess of the limits set in chs. NR 400 to 
499, Wis. Adm. Code. [s. NR 436.03(1), Wis. Adm. Code] 

General Emission Limits 

No person may cause, allow, or permit particulate matter to be emitted into the ambient air which sub-
stantially contributes to exceeding of an air standard, or creates air pollution. [s. NR 415.03, Wis. Adm. 
Code] 

No person may cause, allow, or permit any materials to be handled, transported, or stored without taking 
precautions to prevent particulate matter from becoming airborne. Nor may a person allow a structure, a 
parking lot, or a road to be used, constructed, altered, repaired, sand blasted or demolished without taking 
such precautions. Such precautions shall include, but not be limited to the following [s. NR 415.04, Wis. 
Adm. Code]: 

a. Use, where possible, of water or chemicals for control of dust in the demolition of existing buildings 
or structures, or construction operations. 

b. Application of asphalt, oil, water, suitable chemicals, or plastic covering on dirt roads, material 
stockpiles, and other surfaces which can create airborne dust, provided such application does not 
create a hydrocarbon, odor, or water pollution problem. 

c. Installation and use of hoods, fans and air cleaning devices to enclose and vent the areas where dusty 
materials are handled. 

d. Covering or securing of materials likely to become airborne while being moved on public roads, 
railroads, or navigable waters. 

e. Conduct of agricultural practices such as tilling of land or application of fertilizers in such manner as 
not to create air pollution. 

f. The paving or maintenance of roadway areas so as not to create air pollution. 

No person may cause, allow or permit emission of sulfur or sulfur compounds into the ambient air which 
substantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 417.025, Wis. 
Adm. Code] 

No person may cause, allow or permit organic compound emissions into the ambient air which sub-
stantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 419.03(1), Wis. 
Adm. Code] 

No person may cause, allow or permit the disposal of more than 5.7 liters (1.5 gallons) of any liquid 
Volatile Organic Compound (VOC) waste, or of any liquid, semisolid or solid waste materials containing 
more than 5.7 liters (1.5 gallons) of any VOC, in any one day from a facility in a manner that would 
permit their evaporation into the ambient air during the ozone season. This includes, but is not limited to, 
the disposal of VOC which must be removed from VOC control devices so as to maintain the control 
devices at their required operating efficiency. Disposal during the ozone season shall be by methods 
approved by the Department, such as incineration, recovery for reuse, or transfer in closed containers to 
an acceptable disposal facility, such that the quantity of VOC which evaporates into the ambient air does 
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not exceed 15% (by weight) or 5.7 liters (1.5 gallons) in any one day, whichever is larger. [s. NR 419.04, 
Wis. Adm. Code] 

6. 

7. 

8. 

9. 

10. 

11. 

12. 

13. 

14. 

15. 

No person may cause, allow or permit emissions of carbon monoxide to the ambient air which sub-
stantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 426.03, Wis. Adm. 
Code] 

No person may cause, allow or permit emissions into the ambient air of lead or lead compounds which 
substantially contribute to the exceeding of an air standard or air increment, or which create air pollution. 
[s. NR 427.025, Wis. Adm. Code] 

No person may cause, allow, or permit nitrogen oxides or nitrogen compounds to be emitted to the 
ambient air which substantially contribute to the exceeding of an air standard or cause air pollution. [s. 
NR 428.03, Wis. Adm. Code] 

No person may cause, allow or permit emission into the ambient air of any substance or combination of 
substances in such quantities that an objectionable odor is determined to result unless preventive 
measures satisfactory to the Department are taken to abate or control such emission. [s. NR 429.03(1), 
Wis. Adm. Code] 

Open burning is prohibited except as provided in s. NR 429.04, Wis. Adm. Code. [s. NR 429.04, Wis. 
Adm. Code] 

No person may cause, allow or permit emissions into the ambient air from any direct or portable source in 
excess of one of the limits specified in ch. NR 431, Wis. Adm. Code. Where the presence of uncombined 
water is the only reason for failure to meet the requirements of ch. NR 431, Wis. Adm. Code, such failure 
is not a violation of the chapter. [s. NR 431.03, Wis. Adm. Code] 

No person may cause, allow, or permit emissions into the ambient air of any hazardous substance in such 
quantity, concentration, or duration as to be injurious to human health, plant or animal life unless the 
purpose of that emission is for the control of plant or animal life. Hazardous substances include, but are 
not limited to, hazardous air contaminants listed in Tables 1 to 4 of s. NR 445.04, Wis. Adm. Code. [s. 
NR 445.03, Wis. Adm. Code] 

Chapter NR 447, Wis. Adm. Code, applies to all air contaminant sources which may emit asbestos, to 
their owners and operators and to any person whose action causes the emission of asbestos to the ambient 
air, including demolition and renovation activities. Chapter NR 447, Wis. Adm. Code, establishes 
emission limitations for asbestos air contaminant sources, establishes procedures to be followed when 
working with asbestos materials and contains additional reporting and record keeping requirements for 
owners or operators of asbestos air contaminant sources in order to protect air quality. [ch. NR 447, Wis. 
Adm. Code] 

When the department requires instrumentation to monitor the operation of air pollution control 
equipment, or to monitor source performance, the instrument shall measure operational variables with the 
following accuracy: [s. NR 439.055(3), Wis. Adm. Code] 

a. The temperature monitoring device shall have an accuracy of 0.5% of the temperature being 
measured in degrees Fahrenheit or ±5°F of the temperature being measured, or the equivalent in 
degrees Celsius (centigrade), whichever is greater. 

b. The pressure drop monitoring device shall be accurate to within 5% of the pressure drop being 
measured or within ±1 inch of water column, whichever is greater. 

c. The current, voltage, flow or pH monitoring device shall be accurate to within 5% of the specific 
variable being measured. 

All instruments used for measuring source or air pollution control equipment operational variables shall 
be calibrated yearly or at a frequency based on good engineering practice as established by operational 
history, whichever is more frequent. [s. NR 439.055(4), Wis. Adm. Code] 
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D. 

1. 
Reporting Requirements 

The Department shall be notified of the following events: 

Event Timing

a. Hazardous substance air spill Immediate call: 1-800-943-0003 

b. Malfunction or other unscheduled event 
which causes or may cause any emission 
limitation to be exceeded [except certain 
visible emission limit exceedances – see s. 
NR 439.03(4), Wis. Adm. Code]. 

Notification by next business day of any such 
event at the source which is not reported in ad-
vance to the Department. Report the cause and 
duration of the exceedance, the period of time 
considered necessary for correction, and meas-
ures taken to minimize emissions during the 
period 

c. Deviation from any other condition specified 
in this permit. 

Notification by next business day identifying the 
deviation, cause, duration and steps taken to 
prevent recurrence. 

[ss. 292.11(2) and 285.65(10), Wis. Stats., and ss. NR 439.03(4) and 445.08, Wis. Adm. Code] 

2. 

3. 

E. 

F. 

G. 

The permittee shall report to the Department, in advance, schedules for planned shutdown and startup of 
air pollution control equipment and the measures to be taken to minimize the down time of the control 
equipment while the source is operating. Scheduled maintenance or any other scheduled event, including 
startup, shutdown or sootblowing procedures which have been approved by the Department under s. NR 
436.03(2)(b), which causes an emission limit to be exceeded shall also be reported in advance to the 
Department. Advance reporting pursuant to this permit condition does not relieve any person from the 
duty to comply with any applicable emission limitations. [s. NR 439.03(6), Wis. Adm. Code] 

Except for information determined to be confidential under s. 285.70(2), Wis. Stats., any information or 
reports obtained by the Department in the administration of ss. 285.01 to 285.87 and 299.15, Wis. Stats., 
will be available for public inspection at the offices of the Department. [s. 285.70(1), Wis. Stats.] 

Right of Entry and Inspection 

The permittee shall allow authorized representatives of the Department to enter upon the permittee's 
premises at any reasonable time, to have access to and examine any record relating to emissions or re-
quired to be kept, and to make any inspection necessary to ascertain compliance with air pollution control 
laws and the terms of this permit. The Department may, for the purpose of determining a source's 
compliance with applicable requirements, sample or monitor at reasonable times production materials or 
other substances or operational parameters. [ss. 285.13(6) and 285.19, Wis. Stats., and s. NR 439.05, Wis. 
Adm. Code] 

Malfunction Prevention and Abatement Plans 

The owner or operator of any direct or portable source which may emit hazardous substances or emits 
more than 15 pounds in any day or 3 pounds in any hour of any air contaminant for which emission limits 
have been adopted shall prepare a written malfunction prevention and abatement plan to prevent, detect, 
and correct malfunctions or equipment failures which may cause any applicable emission limitation to be 
violated or which may cause air pollution. Any such plan shall be carried out by the owner or operator. 
The plan shall be updated at least every 5 years. The Department may require the plan to be submitted for 
review and approval. [s. NR 439.11, Wis. Adm. Code] 

Emission Control Action Plan 

For source(s) covered by this permit which emit 0.25 tons or more per day of any air contaminant for 
which air standards have been adopted, the permittee shall prepare an emission control action program, 
consistent with good industrial practice and safe operating procedures, for reducing the emission of air 
contaminants into the outdoor atmosphere during periods of an air pollution alert, air pollution warning or 
air pollution emergency declared under s. NR 493.03(2), Wis. Adm. Code. The emission control action 
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program shall be in writing, available on the premises and is subject to review and approval by the De-
partment on request. [s. NR 493.04, Wis. Adm. Code] 

H. 

1. 

2. 

3. 

I. 

J. 

K. 

1. 

2. 

L. 

M. 

N. 

1. 

Construction, Reconstruction, Replacement, Relocation or Modification 

Unless the replacement is authorized by a permit or is exempt under s. NR 406.04, Wis. Adm. Code, 
replacement of the source(s) covered by this permit is prohibited. [s. 285.60(1)(a), Wis. Stats.] 

No person may commence construction, reconstruction, replacement, relocation or modification of a 
stationary source unless the person has a construction permit for the source or unless the source is exempt 
from the requirement to obtain a permit under s. 285.60(5), Wis. Stats., or under ch. NR 406, Wis. Adm. 
Code. Applications for the construction permit shall be submitted on forms which are available from the 
Department at its Madison headquarters and district offices. [s. 285.60(1)(a), Wis. Stats.] 

Note: The address of the Madison headquarters is: Wisconsin Department of Natural Resources, Bureau 
of Air Management, PO Box 7921, Madison, WI 53707, Attention: Permit Application Forms 

For new or modified sources for which no construction permit is required, the application for an operation 
permit shall be filed before the source commences construction or modification. [s. NR 407.04, Wis. 
Adm. Code] 

Payment of Construction Permit Application Fees 

Any person who obtains a construction permit shall pay the application fee within thirty days of the date 
of the billing statement. [s. NR 410.03(4), Wis. Adm. Code] 

Construction Permit Revision, Suspension, and Revocation 

A construction permit may be suspended, revoked or revised, in whole or in part, for cause. [s. NR 
406.11, Wis. Adm. Code] 

Circumvention 

The installation or use of any article, machine, equipment, process, or method which conceals an emission 
which would otherwise constitute a violation of an applicable rule is prohibited unless written approval 
has been obtained from the Department. Such concealment includes, but is not limited to, the use of 
gaseous diluents to achieve compliance and the unnecessary separation of an operation into parts to avoid 
coverage by a rule that applies only to operations larger than a specified size. [s. NR 439.10, Wis. Adm. 
Code] 

No one may render inaccurate any monitoring device or method required under ch. NR 439, Wis. Adm. 
Code, or in this permit. [s. NR 439.03(12), Wis. Adm. Code] 

Violations 

Any owner or operator who fails to construct a stationary source in accordance with the application as 
approved by the department; any owner or operator who fails to construct and operate a stationary source 
in accordance with conditions imposed by the department under s. 285.65, Wis. Stats.; any owner or 
operator who modifies a stationary source in violation of conditions imposed by the department under s. 
285.65, Wis. Stats.; or any owner or operator who commences construction or modification of a 
stationary source without applying for and receiving a permit as required under this chapter or ch. NR 
408 shall be considered in violation of s. 285.60, Wis. Stats. [s. NR 406.10, Wis. Adm. Code] 

Duty to Comply 

Approval to construct or modify does not relieve any owner or operator of the responsibility to comply 
with the emission limits of chs. NR 400 to 499, the air quality standards of ch. NR 404 or the control 
strategies of all local, state and federal regulations which are part of the state implementation plan. [s. NR 
406.13, Wis. Adm. Code] 

Recordkeeping Requirements 

The permittee shall maintain the following records: 
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a. Records of all sampling, testing and monitoring conducted or required under chs. NR 400 to 499 or 
under this permit. Records of sampling, testing or monitoring shall include the following: 

1) The date, monitoring site and time and duration of sampling, testing, monitoring or measure-
ments. 

2) The dates the analyses were performed. 

3) The company or entity that performed the analysis. 

4) The analytical techniques or methods used, including supporting information such as calibration 
and maintenance records of all original recording charts for continuous monitoring 
instrumentation including emissions or equipment monitors. 

5) The results of the analyses. 

6) The relevant operating conditions that existed at the time of sampling, testing, monitoring or 
measurement. 

b. Records detailing all malfunctions which cause any applicable emission limitation to be exceeded, 
including logs to document the implementation of the plan required under s. NR 439.11, Wis. Adm. 
Code; 

c. Records detailing all activities specified in any compliance schedule approved by the Department 
under chs. NR 400 to 499, Wis. Adm. Code; and 

d. Any other records relating to the emission of air contaminants which may be requested in writing by 
the Department. 

[s. NR 439.04, Wis. Adm. Code] 

2. 

O. 

P. 

Copies of all records and reports required under this permit shall be retained by the permittee for a period 
of 5 years. [s. NR 439.04(2), Wis. Adm. Code] 

Required Air Emission Inventory Reports 

The permittee shall annually submit to the Department an emission inventory report of annual, actual 
emissions or throughput information in accordance with ch. NR 438, Wis. Adm. Code. [s. NR 438.03, 
Wis. Adm. Code] 

Annual Emission Fees 

The permittee shall pay an annual emissions fee to the Department at the rate specified in s. 285.69(2), 
Wis. Stats. [ss. NR 410.04 and NR 407.09(1)(e), Wis. Adm. Code] 
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completeness, or usefulness of the information contained in this report, or that the use of any
information, apparatus, method, or process disclosed in this report may not infringe privately-
owned rights; or

B. Assumes any liabilities with the report as to the use of, or damages resulting from the use of,
any information, apparatus, method, or process disclosed in this report.

Reference herein as to any specific commercial product, process, or service by trade name,
trademark, manufacturer, or otherwise, does not necessarily constitute or imply its endorsement,
recommendation, or favoring by the U.S. DOE. The views and opinions of authors expressed
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ACRONYMS and ABBREVIATIONS

ACAA – American Coal Ash Association
ADEM – Alabama Department of Environmental Management
AFBC – Atmospheric fluidized-bed combustor
AOS – Alternate operating scenarios
APCDJC – Air Pollution Control District for Jefferson County (Kentucky)
As – Arsenic
ASU – Air separation unit
ASTM – American Society for Testing and Materials
atm – Atmosphere
ATS – Advanced Turbine System
Avg – Average
B – Boron
Ba – Barium
BACT – Best Available Control Technology
BAT – Best Available Technology
BCT – Best Control Technology
Be – Beryllium
BFW – Boiler feedwater
BGL – British Gas Lurgi
BOD – Biochemical oxygen demand
BTA – Best Technology Available
Btu – British thermal unit
CAA – Clean Air Act
CAAA – Clean Air Act Amendments
CCB – Coal combustion by-product
CCP – Coal Combustion Products

CCT – Clean Coal Technology

CCW – Coal combustion waste

Cd – Cadmium
CEM – Continuous emission monitor
CERCLA – Comprehensive Environmental Response, Compensation, and Liability Act
CESQG – Conditionally Exempt Small Quantity Generator
CFR – Code of Federal Regulations
CGCU – Cold gas cleanup unit
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CH4 – Methane

Cl- – Chloride ion

Cl – Chloride

CO – Carbon monoxide
CO2 – Carbon dioxide
Co – Cobalt
COD – Chemical oxygen demand
COE – Cost of electricity
COS – Carbonyl sulfide
Cr – Chromium
CRF – Codified Regulations Federal (interchangeable with CFR)

CSC – Connective syngas cooler

CSI – Clear Shies Initiative

CT – Combustion turbine
Cu – Copper
CUB – Coal utilization by-product

CW – Cooling water

CWA – Clean Water Act
CWIS – Cooling water intake structure
DAQ – Division of Air Quality

DEP – Department of Environmental Protection

DIZ – Discharge information zone

DLE – Dry-low emissions

DR– Designated representative
DLN – Dry low NOx
DOE – U.S. Department of Energy
EA – Environmental Assessment
EERC – Energy and Environmental Research Center
EIA – Environmental Impact Assessment
EIS – Environmental Impact Statement
EKPC – East Kentucky Power Cooperative

EOR – Enhanced oil recovery

EP – Extraction procedure

EPA – U.S. Environmental Protection Agency
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EPCRA – Emergency Planning and Community Right to Know Act
EPD – Environmental Protection Division
EPRI – Electric Power Research Institute
ESP – Electrostatic precipitator
F – Fluoride
F.A.C. – Florida Administrative Code
FBC – Fluidized bed combustion
FDEP – Florida Department of Environmental Protection
Fe3+ – Ferric ion
FFC – Fossil fuel combustion
FGD – Flue gas desulfurization
FONSI – Finding of no significant impact
FR – Federal Register
FWPCA – Federal Water Pollution Control Act
GE – General Electric
Ge – Germanium
H- – Hydrogen ion

H2 – Hydrogen

H2S – Hydrogen sulfide

H2SO4 – Sulfuric acid

HAP – Hazardous air pollutant
HCN – Hydrogen cyanide
HF – Hydrogen fluoride
HHV – Higher Heating Value

Hg – Mercury

HgCL2 – Mercuric Chloride

HGCU – Hot gas cleanup system

HgO – Oxidized mercury

HgS – Mercuric sulfide

HPC – Heterotrophic plate count
HRSG – Heat recovery steam generator
HTHRU – High temperature heat recovery unit
HTW – High Temperature Winkler
IAC – Indiana Administrative Code
IC – Indiana Code
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ICCI – Illinois Clean Coal Institute

ICR – Information Collection Request (U.S. EPA)
IDEM – Indiana Department of Environmental Management

IDOT – Illinois Department of Transportation

IEPA – Illinois Environmental Protection Agency

IGCC – Integrated Gasification Combined Cycle

IPP – Independent Power Producer

IWP – Industrial wastewater pretreatment
KDEP – Kentucky Department for Environmental Protection

KPDES – Kentucky Pollutant Discharge Elimination System

KRS – Kentucky Regulatory Standard

KWh – Kilowatt-hour

LAC – Louisiana Administrative Code
LAER – Lowest Achievable Emission Rate
lb – Pound
LDR – Land disposal restrictions
LGTI – Louisiana Gasification Technology Incorporated
LHV – Lower heating value
Li – Lithium
LNG – Liquified Natural Gas
MACT – Maximum Achievable Control Technology
MCL – Maximum Contaminant Level
MCLG – Maximum Contaminant Level Goal
MDEA – Methyl diethanolamine
MGD – Million gallons per day
Mg/l – milligrams per liter

Mn – Manganese
Mo – Molybdenum
Mpa – Mega Pascals

MS – Molecular Sieve
MSDS – Material Safety Data Sheet
MSGP – Multi Sector General Permit
MSW – Municipal Solid Waste
MVR – Mechanical Vapor Recompression
MWC – Municipal Waste Combustor
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MWe – Megawatts of electricity
MWh – Megawatt-hour
N2 – Nitrogen

Na+ – Sodium ion

NAAQS – National Ambient Air Quality Standards

NATEMIS – National Emission Inventory of Electric Utility Mercury

NAS – National Academy of Sciences
NEPA – National Environmental Policy Act
NESHAP – National Emission Standard for Hazardous Air Pollutants
NETL – National Energy Technology Laboratory
ng/J – Nanograms per joule
NGCC – Natural gas combined cycle
NH3 – Ammonia
NH4

+ – Ammonium ion
NH4NO3 – Ammonium Nitrate
(NH4)2SO4 – Ammonium sulfate
Ni – Nickel
NO – Nitric oxide

NO2 – Nitrogen dioxide
NO2

- – Nitrite ion
NO3

- – Nitrate ion
NOx – Nitrogen oxides
NOI – Notice of intent

NPDES – National Pollutant Discharge Elimination System
NSDWR – National Secondary Drinking Water Regulations
NSPS – New Source Performance Standards
NSR – New Source Review
NYCRR – New York Code of Rules and Regulations

NYSDEC – New York State Department of Environmental Conservation
O3 – Ozone
OAQP – Office of Air Quality and Planning (U.S. EPA)

OEPA – Ohio Environmental Protection Agency
OSHA – Occupational Safety and Health Administration
OTAG – Ozone Transport Assessment Group
OWM – Office of Water Management
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PAH – Polycyclic Aromatic Hydrocarbons

PAN – Peroxyacetylnitrate

Pb – Lead
PBT – Persistent bioaccumulative toxic
PC – Pulverized coal
PCDD – Polychlorinated dibenzo-p-dioxins

PCDF – Polychlorinated dibenzo-furans

PFBC – Pressurized fluidized bed combustion

PM – Particulate matter

PM10 – Particulate matter < 10 µm in diameter
PM2.5 – Particulate matter < 2.5 µm in diameter

POTW – Publicly Owned Treatment Works
PPA – Pollution Prevention Act
ppm – parts per million
ppmvd – parts per million by volume dry
PPSA – Power Plant Siting Act
PSD – Prevention of Significant Deterioration
PSES – Pretreatment Standards for Existing Sources
PSIA – Pounds per square inch - absolute

PSNS – Pretreatment Standards for New Sources
RACI – Reasonably Available Control Technology

RCRA – Resource Conservation and Recovery Act
RDF – Refuse-derived fuel
RMP – Risk Management Plan
Rn – Radon
RSC – Radiant syngas cooler
SASOL – South Africa Coal, Oil, and Gas Corporation

Sb – Antimony

SCE – Southern California Edison

SCR – Selective catalytic reduction

SDWA – Safe Drinking Water Act
Se – Selenium
SFC – Synthetic Fuels Corporation

SGP – Shell Gasification Plant
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SHPO – State Historic Preservation Office

SIC – Standard Industrial Classification

SIP – State Implementation Plan
SLA – Slag lightweight aggregate

SMCL – Secondary Maximum Contaminate Levels

SMCRA – Surface Mining Control and Reclamation Act

SNCR – Selective non-catalytic reduction

SNG – Synthetic natural gas
SO2 – Sulfur dioxide

SO3
2- – Sulfite ion

SO4
2- – Sulfate ion

SPDES – State Pollutant Discharge Elimination System

Sr – Strontium
SVOC – Semi-volatile organic compounds

SWPPP – Strom Water Pollution Prevention Plan

TAP – Toxic air pollutant
TC – Toxicity Characteristic
TCLP – Toxicity Characteristic Leaching Procedure
TDEC – Tennessee Department of Environment and Conservation

TECO – Tampa Electric Company
Th – Thorium
TMDL – Total Maximum Daily Load
TNRCC – Texas Natural Resource Conservation Commission

TRI – Toxic Release Inventory
TSDF – Treatment, storage, and disposal facility
TSS – Total suspended solids
TSP – Total suspended particulates
U – Uranium
ULWA – Ultra lightweight aggregate
U.S.C.A. – United States Code Annotated
UAT – Urban Air Toxics
UIC – Underground Injection Control
USDW - Underground Sources of Drinking Water
UTS – Universal treatment standards
V – Vanadium
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VCAPC – Vigo County Air Pollution Control
VOC – Volatile organic compound
VOM – Volatile Organic Material

WET – Whole effluent toxicity
WQC – Water quality criteria
WQBEL – Water Quality Based Emission Limitation
Zn – Zinc

µg/m3 – microgram per cubic meter
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EXECUTIVE SUMMARY

The objective of this report is to provide a comprehensive reference resource for gasification-
based power generation technologies that examines both environmental performance and
regulatory topics affecting the siting and operation of commercial plants. The sources used in
preparing this report include data and information gathered from utility and government-
sponsored testing programs at commercial and pilot Integrated Gasification Combined Cycle
(IGCC) and gasification facilities, independent environmental performance monitoring and tests
at operating IGCC plants, environmental impact assessments (EIAs) for commercial plants,
bench-scale gasification projects, gasifier performance modeling studies, technology developers,
and related government and industry reports, technical papers, and databases.

The report focuses on the most important environmental performance aspects of IGCC power
generation, which are similar to those associated with all power plants that consume solid fuels,
such as coal and petroleum coke:

• Discharge of criteria and hazardous air pollutants into the atmosphere;

• Discharge of aqueous effluents that contain hazardous species into water bodies;
• Handling and long-term storage of large quantities of solid ash residues and their

potential for leaching toxic substances into the soil and groundwater;
• Safe utilization of by-products generated by environmental control processes; and
• Discharge of carbon dioxide into the atmosphere, which may impact global climate

change.

Because gasification-based power generation is a relatively new technology with few operating
plants, its unique operating features and its environmental performance capability, relative to the
above topics, are not well known. However, based on the available data presented in this report,
gasification-based energy conversion systems are capable of providing stable, high-efficiency
energy supply with reduced environmental impact compared with competitive technologies.
They can provide flexibility in the production of a wide range of products including electricity,
fuels, chemicals, hydrogen, and steam, while utilizing low-cost, widely available feedstocks,
such as coal and petroleum coke. In particular, gasification of abundant U.S. coal provides an
alternative to coal-fired combustion systems that is more efficient and environmentally friendly.
Coal gasification is a well-proven technology that started with the production of coal gas for
urban areas, progressed to the production of fuels, such as oil and synthetic natural gas (SNG),
chemicals, and most recently, to large-scale Integrated Gasification Combined Cycle (IGCC)
power generation.

Although the number of operating IGCC power plants is small, there are at least 163 commercial
gasification plants in operation, under construction, or in planning and design stages in twenty-
eight countries in North and South America, Europe, Asia, Africa and Australia.a This is
equivalent to 67,800 MWth syngas capacity installed or planned (about 37,000 MWe IGCC
equivalent), with most new plants based on electricity production and co-production of steam
and syngas for hydrogen or chemicals. There have been six large-scale IGCC power generation
plants built that have used coal and/or petroleum coke as the primary feedstock. The first two

a Based on a 1999 survey sponsored by U.S. DOE and the Gasification Technologies Council.
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U.S. plants, Texaco’s Cool Water and Dow’s LGTI plant, were important first-generation IGCC
projects that demonstrated the major IGCC characteristics of low emissions and stable integrated
control of the gasification process with a combined cycle in a power utility application. The
four second-generation IGCC systems that are currently operating commercially, and which were
designed solely to generate electricity, are Tampa Electric’s Polk Power Station in Florida
(ChevronTexaco Gasification Process),b PSI Energy’s Wabash River Generating Station in
Indiana (Global Energy’s E-Gas Process),b NUON/Demkolec/Willem Alexander IGCC Plant in
Buggenum, The Netherlands (Shell Gasification Process), and the Elcogas/Puertollano IGCC
Plant in Puertollano, Spain (Uhde’s Prenflo Process). Detailed descriptions of these plants are
provided in Appendix 1B.

These commercial IGCC power plants have proven capable of exceeding the most stringent
emissions regulations currently applicable to comparable combustion-basedc power plants. They
have achieved the lowest levels of criteria pollutant air emissions (NOx, SOx, CO, PM10) of any
coal-fueled power plants in the world. Emissions of trace inorganic and organic hazardous air
pollutants (HAPs) are extremely low, comparable with those from coal combustion-based plants
that use advanced emission control technologies. If mercury is regulated, commercial mercury
control equipment is already available for IGCC. The ash (slag or bottom ash) and sulfur (or
sulfuric acid) generated by operating IGCC plants have been tested to be environmentally benign
and can be sold as valuable by-products. Discharge of solid by-products and wastewater is
reduced by roughly 50% compared with combustion-based plants. Another significant
environmental benefit is a reduction of carbon dioxide (CO2) emissions, by at least 10% for an
equivalent net production of electricity, due to higher operating efficiency compared to existing
coal-fueled, combustion-based power generation technology. If more significant CO2 reduction
is required in the future, gasification technology has major operating advantages that can be
exploited to capture CO2 more efficiently than is currently possible with combustion technology.

While IGCC’s demonstrated environmental performance capabilities allow it to meet or exceed
current environmental standards established for coal-based combustion systems, there are
regulatory ambiguities associated with the specific environmental standards that IGCC must
meet. Whereas a pulverized coal-fired (PC) plant is regulated and permitted strictly as a coal-
fired boiler due to its single-stage combustion process design, an IGCC plant is unlikely to be
treated similarly. The multi-stage process configuration of IGCC, which physically separates
solid fuel conversion into syngas (in a gasifier) from final combustion of the syngas in a
combustion turbine (CT), can lead to environmental permitting based on CT technology, as well
as other emission sources within the plant (e.g., sulfur recovery subsystem). Thus, even if both
types of plants consume the same coal, they may have to comply with different regulatory
standards. If CT technology is used as the basis for regulating the air emissions of an IGCC
plant, it is very important for regulators to evaluate the unique performance capabilities of a CT
that fires syngas.

In light of such important performance and regulatory issues, this report presents a
comprehensive evaluation of the environmental performance of IGCC power generation

b The Polk and Wabash River IGCC plants were selected and put into service in the U.S. under DOE’s cooperative
Clean Coal Technology (CCT) demonstration program.
c Combustion-based power plants refers to technologies that directly combust their solid fuel, such as pulverized
coal-fired (PC-fired or PC), fluidized-bed combustion (FBC), stoker-fired, and cyclone-fired plants.
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technology for all media types (air, water, and land), compares the performance with competing
fossil-based combustion technologies, and relates the expected performance to specific
regulatory requirements. Chapter 1 supports this assessment by providing an overview of
gasification and IGCC technology that identifies alternative gasifier designs, describes other key
IGCC process equipment, and defines primary resource inputs and emissions/effluent discharges,
the latter being of critical importance in characterizing environment performance. The chapter
also describes six demonstration/commercial plants and compares IGCC’s operational and
environmental control features with those of state-of-the-art PC and fluidized bed combustion
(FBC) power plants, both of which are important competing technologies.

Relying upon this descriptive information, Chapter 2 comprehensively evaluates IGCC
technology’s environmental performance within different chapter sections that exclusively cover
air emissions, water effluents, and solid wastes/by-product discharges, respectively. Each
section provides the following basic information:

• Identification and characterization of emissions, effluents, or discharges;

• Review of IGCC plant operating data and experience;

• Assessment of control/treatment/handling technologies and methods; and

• Comparison of the environmental performance of IGCC with PC and FBC Power Plants.

Finally, Chapter 3 examines existing and future environmental regulations that may impact the
siting, environmental permitting, and operation of gasification-based power plants. In order to
correspond with the performance information presented in Chapter 2, material is also presented
in chapter sections that exclusively cover each media type – air, water and land. Potentially
applicable federal, state, and local regulations that deal with criteria air pollutants, organic and
inorganic hazardous air and water pollutants, and solid wastes/by-products are appropriately
divided among the media-specific sections. The information presented indicates that
increasingly restrictive regulatory requirements for coal-based power generation are a critical
factor impacting selection, acceptability, and operability of IGCC versus competing
technologies. Critical issues regarding applicable regulations and permitting requirements are
factored into the discussions.

IGCC Environmental Performance Summary

A summary of IGCC environmental performance results is presented below for each of the key
environmental topics previously identified. These results are primarily based on operating
experience with a limited number of IGCC plants that use entrained flow, slagging gasifier
technology (e.g., ChevronTexaco, E-Gas, Shell, and Prenflo). Therefore, the information
presented does not necessarily account for different operating outcomes that may result from the
use of the other gasification reactor types (e.g., moving-bed and fluidized bed) in IGCC systems.
For example, moving-bed gasifiers (e.g., BGL and Lurgi Dry-Ash) are much more likely to
generate higher levels of organic emissions, such as tars and oils, than entrained-flow and
fluidized bed gasifiers, which consequently will impact environmental control requirements and,
possibly, emissions. Additionally, not only are there fundamental performance differences
among these three generic gasifier types, unique gasifier designs may exhibit different operating
characteristics, even within a particular category. Some of the entrained-flow designs, for
example, have demonstrated tendencies to yield excessive carbon in the slag. Therefore, the
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reader should not over-generalize these results to cover all IGCC designs, configurations, and
feedstocks. While there are similarities between alternative gasification technologies and the
manner in which they integrate into IGCC systems, there are also important differences that must
be considered when evaluating their operating and environmental performance.

Nevertheless, the four operating IGCC power plants discussed in this report, all using different
gasifier designs from four different vendors, have clearly demonstrated that they can be designed
to achieve very low environmental impact. There is no reason to believe that the same will not
be true for IGCC plants that make use of other gasifier types and alternative integration methods.

Discharge of Criteria and Hazardous Air Pollutants into the Atmosphere

Criteria pollutant emissions from state-of-the-art, coal-fed IGCC plants have been demonstrated
to be well below existing Federal New Source Performance Standards (NSPS) established for
large-scale, combustion-based power plants that consume coal. While these standards may not
necessarily apply to IGCC technology installations, they provide an important benchmark for
IGCC technology emission control effectiveness. Keeping this in mind, projected IGCC criteria
pollutant emission levels, based on operating plant results, are listed below in Table ES-1 and are
compared with their associated combustion-based NSPS limits, as well as well the operating
permit levels required at the Polk and Wabash River IGCC plants.

TABLE ES-1. IGCC CRITERIA POLLUTANT EMISSION LEVELS

CRITERIA
POLLUTANT

PROJECTED
IGCC

EMISSION
LEVELSa

COAL
COMBUSTION-

BASED NSPS LIMIT

POLK IGCC
OPERATING

PERMIT
LIMITb

WABASH
RIVER IGCC
OPERATING

PERMIT
LIMITc

SO2
0.08 lb/106 Btu

0.7 lb/MWh
1.2 lb/106 Btu

(No lb/MWh basis)
1.43 lb/MWh

(357 lb/hr)
1.25 lb/MWhe

(315 lb/hr)

NOx
(as NO2))

0.09 lb/106 Btu
0.77 lb/MWh

0.15 lb/106 Btu
1.6 lb/MWh

0.53 lb/MWh
(15 ppm or 132

lb/hr)

1.35 lb/MWh
(25 ppmvd or

0.15 lb/106Btu)

PM10,
Particulate and

H2SO4 Mist

0.011 lb/106 Btu
0.10 lb/MWh

0.03 lb/106 Btu
(No lb/MWh basis)

0.288 lb/MWhd

(72 lb/hr)
0.25 lb/MWhf

(64 lb/hr)

CO 0.033 lb/106 Btu
0.29 lb/MWh None 0.392 lb/MWh

(98 lb/hr)
2.2 lb/MWh
(555 lb/hr)g

a Basis: Heat rate equals 8,600 Btu/kWh. SO2 emissions are based on 2.5% sulfur, 12,000 Btu/lb coal, and 98%
reduction. NOx emissions are based on a turbine combustor that emits 15 ppm NOx (15% O2, dry). CO, PM10,
and H2SO4 emissions are based on 1998 Wabash River plant experience.

b Values provided by TECO Energy
c Basis: permit limits specified in final technical report for Wabash River Coal Gasification Repowering Project.
d Basis: 0.068 lb/MWh for particulate-only (17 lb/hr, excluding H2SO4 mist) and 0.22 lb/MWh (55 lb/hr H2SO4)
e Basis: 252 MWe @ 6000 hrs/year, 1,512,000 MWh/year
f Basis: limits specified for combustion turbine (20% max opacity, 0.01 lb/106Btu H2SO4) and tail gas incinerator

(6.8 tons/yr)
g Based on limits specified for flare, combustion turbine, and tail gas incinerator.
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The inorganic hazardous air pollutants (HAPs) of greatest environmental concern are generally
thought to be the trace metals arsenic, boron, cadmium, lead, mercury, molybdenum, and
selenium, but others may also be included in this list depending on feedstock type and
concentration. While in-situ measurement of these species has proven to be quite difficult in the
reducing atmosphere of an IGCC system, computer-based thermodynamic equilibrium studies
have indicated that these metals are highly volatile and hard to control. Other trace metals will
most likely either remain with the slag/bottom ash or be removed from the syngas in downstream
process equipment. Most troublesome, as verified by bench-, pilot-, and full-scale testing, is
mercury, which primarily remains in the vapor-phase. Elemental mercury is, by far, the
predominant chemical form in gasification systems.

While there is every indication that elemental mercury exits IGCC plants in the stack gas, a
significant portion also appears to be removed within the IGCC process. There is evidence that
mercury is removed by the amine solvent, accumulates in the acid gas scrubbing loop, and/or is
stripped from the amine solvent upon regeneration and partitions to the sulfur recovery unit.
Some mercury, especially particulate-phase and oxidized forms, may also be removed in the wet
particulate scrubber and discharged with wastewater sludge. Overall, mercury testing indicates
that stack gas emission factors range from 3 to 6 x 10-5 lb/MWh (1.5 to 5 lb/1012 Btu).
Comparison with similar tests performed at PC power plants indicates that IGCC mercury
emissions are of a similar magnitude. If PC plants are required to control mercury as a result of
expected EPA regulations, then IGCC plants will also likely need to control mercury emissions.

Compared with combustion-based power plants, IGCC plants have a major advantage when it
comes to mercury control. Commercial methods have been employed for many years that
remove trace amounts of mercury from natural gas and gasifier syngas. Both molecular sieve
technology and activated carbon beds have been used for this purpose, with 90 to 95% removal
efficiency reported. While such mercury control technology has not yet been incorporated into
an operating IGCC system, the successful, long-term experience with these processes indicates
that mercury emissions control may be more of an economic issue than a technical one. A recent
DOE cost study was conducted for applying a packed-bed carbon adsorption system to an IGCC
plant. Based on an eighteen-month carbon replacement cycle and 90% reduction of mercury
emissions, the total cost of mercury reduction is estimated to be $3,412 per pound of mercury
removed, which is projected to be about one-tenth the cost of flue gas-based mercury control.

Release of trace organic compounds is also an environmental concern, since some of these
compounds, such as formaldehyde, can have deleterious effects on the environment or human
health. While limited data are available to characterize trace organic releases to the air from
IGCC systems, detailed test results from the LGTI IGCC plant indicates extremely low levels of
all trace organic emissions, in-line with emissions expected from combustion-based plants. In
particular, formaldehyde emissions from a syngas-fired combustion turbine appear to be more
than an order-of-magnitude lower than from natural gas-fired combustion turbines. While this
conclusion applies to this particular unit, less detailed data from other IGCC plants seems to
corroborate the overall low levels of organic emissions.

Discharge of Aqueous Effluents that Contain Hazardous Species into Water Bodies

Coal gasification-based power plants have two principal water effluents that are similar to those
in combustion-based power plants. The first is wastewater from the steam cycle, including
blowdowns from the boiler feedwater (BFW) purification system and the cooling tower.
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Gasification processes typically purify and recycle raw process streams, and net water discharge
is normally only a blowdown stream. These effluents contain salts and minerals that have been
concentrated from the raw feedwater. The second aqueous effluent is process water blowdown,
which is typically high in dissolved solids and gases along with the various ionic species washed
from the syngas, such as sulfide, chloride, ammonium, and cyanide. Detailed test results from
the Wabash River IGCC plant have recently shown wastewater constituents to be in compliance
with environmental permit limits. An add-on mechanical vapor recompression (MVR) system
was installed in 2001 to better control arsenic, cyanide, and selenium in the wastewater stream.
The Polk IGCC plant treats process water blowdown via a series of cleanup steps (ammonia
stripping, vapor compression concentration, and crystallization) to completely eliminate process
water discharge. However, the plant has had a problem with process water run-off from the slag
storage and process areas of the facility, which subsequently contaminated their cooling
reservoir. Remediation actions are addressing this plant-specific problem.

In general, water effluents may create fewer problems for IGCC than for combustion-based
power generation, because the steam cycle in an IGCC plant typically produces less than 40% of
the plant’s power. While effluents from cooling-water blowdown are significantly less, BFW
blowdown may be the same as, or even larger, than a PC-based plant of comparable output, even
if it is well designed, operated and maintained. A gasification process can easily consume
considerable quantities of BFW via tap purges, pump seals, intermittent equipment flushes, as
well as syngas saturation for NOx control and direct steam injection into the gasifier as a reactant
and/or temperature moderator. The amount of process water blowdown is about the same for
both gasification and a PC-based steam plant.

Handling and Long-Term Storage of Large Quantities of Solid Ash Residues and the
Potential for Leaching Toxic Substances into the Soil and Groundwater

In terms of quantities of waste material produced, as well as the potential for leaching of toxic
substances into the soil and groundwater, IGCC power generation has demonstrated reduced
environmental impact compared with similarly sized coal combustion-based power plants. The
largest solid waste stream produced by IGCC is slag or bottom ash, depending on the type of
gasifier utilized. Slagging gasifiers are focused on in this report. Slag is a black, glassy, sand-
like material that is potentially a marketable by-product. Slag production is a function of ash
content, so coal produces much more slag than an alternative fuel like petroleum coke.
Regardless of the feed, as long as the operating temperature is above the fusion temperature of
the ash, slag will be produced. Leachability data obtained from different gasifiers unequivocally
shows that gasifier slag is highly non-leachable. Therefore, gasifier slag need not be treated any
differently than coal combustion waste material that is classified as non-hazardous. However,
local regulations may dictate otherwise. Although the slag is classified as non-hazardous at the
Polk IGCC plant, local regulations require disposal in a different class of landfill. Polk must use
a Class I landfill that is double-lined with leachate extraction/control versus a much less
expensive and more available Class III landfill. Conversely, possible utilization of slag in a
variety of applications may negate the need for long-term disposal. Polk has recently
demonstrated that they can produce slag that is consistently suitable for the cement industry. The
Wabash River IGCC plant markets a portion of their slag for asphalt, construction backfill, and
landfill cover operations.

Most gasification systems also produce a smaller quantity of char (unreacted fuel) and/or flyash
that is entrained with the syngas. These are typically captured and recycled to the gasifier to

dsugg
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maintain high carbon conversion efficiency and to convert the flyash into slag to eliminate flyash
disposal. Some gasifiers (e.g., ChevronTexaco) produce a char that is mixed with a “glassy frit”
that needs to be separated from the char before recycle. This frit is not an environmental
problem, and can be disposed of economically or utilized commercially, if it is decontaminated
via washing with clean water. However, the water is a potential environmental problem if not
treated before recycle, which increases overall water treatment requirements and cost. Frit
cleaning also increases the plant’s water consumption. This is not an issue with all gasification
processes, but it is discussed as another example of the need to address specific operating
characteristics of different gasifier/IGCC designs that may yield different environmental impacts.

Utilization of By-Products Produced by Environmental Control Processes

The other large-volume by-product produced by IGCC plants is solid (or liquid) sulfur or sulfuric
acid, both of which can be sold to help offset plant operating costs. In comparison, most coal
combustion plants recover sulfur as wet scrubber sludge, dry or semi-dry spent sorbent, or
gypsum. These sulfur forms have significantly larger mass and volume than pure sulfur, are
often more difficult to handle and market, and must usually be disposed of in an appropriate
landfill or surface impoundment.

IGCC slag has the potential to be a valuable by-product for applications such as lightweight
aggregates and asphalt shingle roofing granules. IGCC slag is similar to the material produced in
wet-bottom PC plants, and has as good or better leachability characteristics. Such slag is often
characterized by low bulk density, high shear strength, good drainage and filtering
characteristics. Unfortunately, due to the relatively small quantities of boiler slag produced in
the U.S., relative to fly ash and FGD material, the markets for this type of material are not yet
fully developed. There is also relatively little experience in the U.S. with using coal gasification
slag. However, utilization of slag from PC boilers has been estimated to be about 94%, which
indicates high acceptability, if material specifications are met.

The primary technical barrier to commercial utilization of IGCC slag is meeting particular
industry specifications for the slag by-product. Cement production is a good example in that it is
a large-volume market that requires stringent criteria for slag quality and consistency,
particularly carbon content. Slag (or bottom ash) with excessive carbon content can be an issue
for some gasifier designs and operating regimes. Recently excessive carbon had been a problem
with the ChevronTexaco gasifier at the Polk IGCC plant, which solved it by installing additional
slag handling equipment to separate unconverted carbon. Not only does the slag now meet
specifications, but also the carbon can be recycled back to the plant or used elsewhere. While this is
not a generic gasifier issue, it appropriately points out that potential by-product applications need
to be considered in the design and operation of an IGCC system.

Discharge of Carbon Dioxide into the Atmosphere

Carbon contained in the fuel fed to an IGCC power plant will ultimately be converted into CO2.
Although CO2 emissions are higher than for gas-fired power plants, IGCC’s improved efficiency
reduces CO2 emissions relative to existing PC plants. Repowering the Wabash River plant
reduced CO2 emissions by approximately 20% on a per kWh basis. On average, IGCC plants
produce CO2 at a rate of about 1.8 lb/kWh (assuming 40% efficiency), while PC plants yield
about 2 lb/kWh. An advanced gasification-based fuel cell plant may be able to achieve a
discharge rate of 1.2 lb/kWh.
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If an even lower CO2 release rate is required in the future, IGCC technology has two major
advantages that can be exploited to capture CO2 more efficiently than is possible with
combustion-based technology. First, syngas has a high CO2 concentration, which can be further
increased by converting CO to CO2 prior to combustion (while simultaneously producing more
hydrogen), and second, IGCC gasifiers typically operate under relatively high pressure (~400
psig in the Wabash plant), making recovery of the CO2 from the syngas much easier than capture
from flue gas. Several recent design studies, one performed for DOE and another for
ChevronTexaco in cooperation with General Electric (GE), bracket plant output loss at between
3 to 6% of original net plant electricity generation if CO2 is captured. The DOE study indicates
that comparable CO2 capture (on a percentage basis) for a natural gas combined cycle (NGCC)
plant and a PC plant would yield an output loss of 21% and 28%, respectively. Lower energy
consumption for CO2 capture means that less additional generation capacity is needed to make
up for this parasitic loss. Since additional CO2 will likely be generated by any added fossil-
based capacity, IGCC minimizes this effect. Including CO2 capture, the overall cost of
electricity (COE) of the IGCC plant is shown to be about 6.3 ¢/kWh versus 7.9 ¢/kWh for the PC
plant, while the NGCC plant’s COE is also 6.3 ¢/kWh at a natural gas price of approximately $4
/106Btu.

The ChevronTexaco/GE-sponsored study investigated a design concept based on incorporating
CO2 capture capability into a new IGCC facility without requiring that it initially be used, and
that would require incremental equipment upgrades to make CO2 capture operational. The
design study concluded that 75% of the CO2 could be captured from a 900 MWe IGCC plant
with only a 2 percent loss in efficiency (3% reduction in electricity output) at an incremental cost
of $5 to $11/kW, based on an original plant cost of $974/kW (mid-2001 dollars). This result
suggests that the economic impact of CO2 capture may be quite a bit less than previously
thought, with appropriate design forethought. However, the evaluation did not account for
transport of the CO2 to utilization or sequestration sites and any further processing.

Existing and Future Environmental Regulations that Affect the Siting and Operation of
Gasification-Based Power Systems

Many existing and future environmental regulations may impact the siting, environmental
permitting, and operation of gasification-based power plants. These federal, state, and local
regulations deal with criteria air pollutants, organic and inorganic hazardous air and water
pollutants, and solid wastes/by-products in all media – air, water and land. Increasingly
restrictive regulatory requirements for coal-fueled power plants are a critical factor impacting
selection, acceptability, and operability of competing technologies. While regulations are
generally intended to treat all technologies equally and consistently, current permitting
procedures originally established for solid-fuel combustion-based technology, may in fact
discriminate against advanced technologies, such as gasification-based IGCC.

The legal instrument used in the U.S. to ensure compliance with environmental regulations is the
environmental permit. A permit may specify in considerable detail how a facility may be
constructed or operated and, therefore, must be obtained prior to commencement of any activity,
including construction. Industrial and municipal facilities are required to obtain these permits to
control their pollutant emissions to the air, land, and water. In general, permit programs are
defined in the regulations to ensure that the requirements of the original statute are properly
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implemented. Rather than issuing most permits itself, EPA generally has established programs
to authorize state, tribal, and local permitting authorities to perform most permitting activities.

State and local governments have the right to be more restrictive than the federal requirements.
A review of states with a large base of existing coal-based electric power generation indicates, in
general, that the states follow federal regulations with respect to criteria and hazardous air
pollutants, but may be more restrictive with water quality standards. Also, states generally
exempt coal utilization by-products from regulation as hazardous waste and allow their
commercial utilization. This report provides detailed information about the current regulatory
practices in those states that have a large base of existing coal-based electric power generation.

Air Pollution Regulations

The federal government has established environmental regulations that specify maximum
emission limits. Air emissions from a fossil-fueled plant are effectively required to comply with
two major regulatory programs required by the Clean Air Act (CAA), New Source Performance
Standards (NSPS) and New Source Review (NSR), to achieve national ambient air quality
standards (NAAQS). NSPS specifies maximum emission limits on criteria air pollutants, but can
be superseded by provisions of NSR that impose emission limits on individual sources, such as a
coal-fueled power plant. Other regulatory limits are based on Titles I, III and IV of the 1990
Clean Air Act Amendments (CAAA) covering ozone and PM10 nonattainment, hazardous air
pollutant emissions and aggregate emissions of acid rain precursors, respectively. These
regulations control emissions of sulfur dioxide (SO2), nitrogen oxides (NOx), carbon monoxide
(CO), particulate matter (PM10), ozone (O3), lead (Pb), and particular inorganic and organic
hazardous air pollutants.

The manner in which these regulations are currently being applied to IGCC power plants, via the
permitting process, differs from their application to combustion-based power plants. The unique
process design of an IGCC plant has resulted in discreet unit operations (separate pollution
sources) being independently permitted. Therefore, units such as the gasifier, combustion
turbine/HRSG, Claus plant or acid plant, process flare, etc., have to individually meet their own
regulated limits, as opposed to permit limits covering the overall facility. This results in
markedly different emission limits compared to a PC plant that uses the identical fuel to generate
an equivalent power output.

Air permitting is by far the most time-consuming and complex aspect of developing an IGCC
project. New plants have to go through NSR, using either a BACT (best available control
technology) determination in an attainment area or LAER (lowest achievable emission rate)
determination in a nonattainment area. For areas that are designated as attainment, the major
source threshold for most emission sources is 250 tons per year of the applicable pollutant. (For
fossil-fueled steam electric plants, the trigger is 100 tons per year of the applicable pollutant.)
For areas designated as nonattainment, the compliance threshold ranges from 100 tons per year
of the designated pollutant down to 10 tons per year, depending on the severity of the air quality
compromise where the plant is located. If a proposed plant site is in a designated nonattainment
area, requiring LAER treatment, the project developer loses the ability to argue that specific
controls are not reasonably cost-effective. For attainment areas, most of the emissions sources
and BACT determinations for a new IGCC plant are not expected to be a problem, since most of
the balance-of-plant equipment (cooling towers, flares, materials handling) and their emissions
are well-defined and understood. However, since the IGCC process differs fundamentally from
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coal combustion-based power generation technology, its unique technology may raise questions
with respect to appropriate CT emission levels, applicable regulations, and appropriate BACT
equipment. Determining proper emissions levels for NOx, SO2, and CO for the combustion
turbine in IGCC requires detailed analysis to avoid permitting problems.

In particular, setting NOx emission limits has had the biggest impact on IGCC technology. The
initial response by regulators has been to suggest that NOX emissions be controlled to the same low
levels as those from a natural gas-fired CT. EPA’s “top-down-approach” for determining BACT
has resulted in lowering allowable natural gas turbine NOx emission levels to values
significantly less than federal new source performance standards (NSPS). Currently, this top-
down BACT typically requires a new natural gas-fired turbine to achieve a NOx output level in
the range of 2 - 4 ppm NOx, and often requires the use of both combustion controls and flue gas
treatment equipment, such as selective catalytic reduction (SCR). However, new units in ozone
nonattainment areas are required to install LAER technology, without cost consideration, to
reach emission levels as low as 2.5 ppm NOx.

However, it is very important for regulators to understand that the combustion characteristics of
syngas and natural gas are fundamentally different, which results in different NOx emission levels
and different control capabilities for each. Use of Lean-Premix Technology is not applicable to
IGCC gas turbines that fire gasification-derived syngas, and the SCR technology has also
reported to be problematic due to excessive SO2 concentration (> 2 ppm) in the turbine exhaust
gas. The current state-of-the-art control for syngas-fired turbines makes use of diluents, such as
nitrogen or steam, to reduce NOx emission levels to approximately 15 ppm (@ 15% oxygen and
ISO conditions). This approach has been supported by a final NOx BACT determination for the
Polk IGCC power plant in February 2002, which bases control on the application of an N2

diluent to lower the syngas-fired turbine NOx emission limit from 25 ppm to 15 ppm (15% O2

basis and ISO conditions) on a 30-day rolling average. Alternatively, setting BACT based on the
types of NOx controls applied to a natural gas-fired CT will impose add-on technology solutions
that may negatively impact the operating efficiency and performance of IGCC.

Water Pollution Regulations

The Clean Water Act outlines the regulation of discharges into U.S. waters. The National
Pollutant Discharge Elimination System (NPDES) program limits the concentration of various
pollutants in water discharges. States may submit State Pollutant Discharge Elimination System
(SPDES) plans to the Administrator of the EPA for approval. SPDES may outline more
stringent regulations but must be at least as stringent as the NPDES. NPDES plans differentiate
between process wastewater and storm water runoff and regulate the two independently. The
design of cooling systems and wastewater treatment facilities must ensure that their discharges
are permittable under the applicable program. None of the applicable water discharge
regulations appear to limit the introduction of IGCC technology any more than they limit coal
combustion-based technology. The existing IGCC plants discussed in the report are complying
with their water permit limits, although some modifications to their original water treatment
system designs have been necessary.

Solid Waste/By-product Regulations

Solid waste regulations are outlined in the Solid Waste Disposal Act, as amended by the
Resource Conservation and Recovery Act (RCRA). Regulated wastes are characterized as either
hazardous (covered by RCRA Subtitle C) or non-hazardous (covered by RCRA Subtitle D)
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wastes with regulations specific to the pertinent waste type. Subtitle C of RCRA imposes
requirements on the generation, transportation, storage, treatment and disposal of “hazardous”
wastes, while those that fall under Subtitle D are subject to regulation by the states as solid
waste. A significant policy issue affecting electric utilities that use coal has been the question of
whether or not coal combustion by-products (CCBs) should be regulated at the Federal level as
hazardous wastes under Subtitle C. A 1993 EPA final regulatory determination exempted coal
utilization by-products (CUBs) generated by electric utilities and independent power producers
from regulation as a hazardous waste under RCRA. EPA currently applies this exemption to fly
ash, bottom ash, slag and flue gas desulfurization (FGD) by-products that are managed
independently of any other wastes. In April 2000, an EPA regulatory determination concluded
that CUBs that are co-managed with other wastes do not warrant regulation as hazardous wastes
under Subtitle C of RCRA, and EPA also concluded that, except for mine filling, no additional
regulations are warranted for coal combustion wastes that are used beneficially. However, EPA
also stated its intent to develop nationwide regulations for disposal of CUBs; prior to this, all
regulations governing CUB disposal and use had come from individual states.

None of the applicable solid waste discharge regulations appear to limit the introduction of IGCC
technology any more than they limit coal combustion-based technology. Forty-five (45) states,
encompassing 96% of coal-fired utility generating capacity, duplicate the federal exemption of
coal combustion by-products from being categorized as a hazardous waste. Since IGCC by-
products have demonstrated better toxicity characteristics than wastes from coal combustion-
based plants, IGCC should be no more impacted than such plants. Leachability test data from
demonstration and operating plants indicate that IGCC slag is comparable to that produced in
wet-bottom PC power plants and should clearly fall under the classification of non-hazardous
waste. Unfortunately, even if IGCC slag/bottom ash is classified as non-hazardous, local
regulations still may require disposal in a different class of landfill. As mentioned previously,
the Polk IGCC plant is currently required to use a Class I landfill (double-lined with leachate
extraction and control) versus much less costly and more available Class III landfills that don’t
require such strict standards.

Ultimately, it is highly desirable to avoid IGCC by-product disposal by selling the by-product
material for commercial applications. Unfortunately, most states currently do not have specific
regulations addressing the use of CUBs as commercial by-products, and requests for specific
uses are handled on a case-by-case basis or under generic state recycling laws or regulations.
Many states have “generic” laws and regulations that authorize limited reuse and recycling of
hazardous and/or solid wastes. If by-product utilization is planned as part of a project, this issue
needs to be fully addressed in waste handling permit applications.

Future Regulations

Uncertainty over how environmental regulations and rules will be implemented, and existing
regulations and rules tightened, is of major importance to the future development of IGCC
technology. Recent congressional attempts to introduce national multi-pollutant control legislation
would not only significantly reduce total emissions of SO2 and NOx, but would also dramatically
reduce total CO2 and mercury emissions. However, since it has currently been decided that the
United States will neither participate in the Kyoto agreement nor pursue mandatory efforts to
limit CO2 emissions from power plants, the status of multi-pollutant control legislation that
includes CO2 is clearly uncertain. This is supported by the proposed Bush Administration’s
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Clear Skies Act (CSA), which only supports further control of SOx, NOx, and mercury. The
CSA proposes the following annual emission targets:

• SO2: 4.5 million tons by 2010 and 3 million tons by 2018 (currently 11 million tons)

• NOx: 2.1 million tons by 2010 and 1.7 million tons by 2018 (currently 5.4 million tons)

• Mercury: 26 tons by 2010 and 15 tons by 2018 (currently 48 tons)

However, the most recent multi-pollutant control legislation to be introduced to the 107th

Congress, the Clean Air Planning Act of 2002 (CAPA), sets national caps on SO2, NOx, CO2,
and mercury emissions from electric power plants. The more aggressive CAPA proposes the
following annual emission targets:

• SO2: 4.5 million tons by 2008, 3.5 million tons by 2012, and 2.25 million tons by 2015
(currently 11 million tons)

• NOx: 1.87 million tons by 2008 and 1.7 million tons by 2012 (currently 5.4 million tons)

• Mercury: 24 tons by 2008 and 5-16 tons by 2012, with EPA to set the cap (currently 48
tons)

• CO2: ~ 2.6 billion tons by 2008 and ~2.3 billion tons by 2012 (currently 2.4 billion tons)

These proposed limits are independent of the impending plant-specific mercury regulations that
EPA must issue by December 15, 2004. Installation of mercury controls, based on MACT
standards, will be required no earlier than three years after the regulation goes into effect. As
discussed previously, commercial methods have been employed for many years that remove
trace amounts of mercury from natural gas and gasifier syngas, although such mercury control
technology has not yet been incorporated into an operating IGCC system.

At the state and local level, tightening of existing regulations, such as lower BACT/LAER
requirements for NOx and HAPs, is equally important. Further complicating the uncertainty for
IGCC technology is how future regulations will deal with the inherent fuel flexibility of gasifiers,
which allows them to feed coal in combination with alternative feedstocks like municipal solid
waste (MSW).
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1. INTRODUCTION TO GASIFICATION-BASED POWER SYSTEMS

Gasification-based energy conversion systems are capable of providing a stable, affordable,
high-efficiency energy supply with a minimal environmental impact. They can provide
flexibility in the production of a wide range of products including electricity, fuels, chemicals,
hydrogen, and steam, while utilizing low-cost, widely available feedstocks. In particular,
gasification of abundant U.S. coal provides an alternative to commercial coal-based combustion
systems that is generally more efficient and environmentally benign. Coal gasification is a well-
proven technology that has had many applications, starting with the production of coal gas for
urban areas, progressing to the production of fuels, such as oil and synthetic natural gas (SNG),
chemicals, and most recently, to large-scale Integrated Gasification Combined Cycle (IGCC)
power generation.

The first commercial IGCC plantsa were put into service in the U.S. through DOE’s cooperative
Clean Coal Technology (CCT) program, and have proven capable of exceeding the most
stringent emissions regulations currently applicable to coal-fueled power plants. They have
achieved the lowest levels of criteria pollutant air emissions (NOx, SOx, CO, PM10) of any coal-
fueled power plants in the world. However, because of ever-tightening environmental
regulations governing fossil fuel-based power generation, it is important to assess the
environmental performance of IGCC technology in order to address key regulatory issues that
may affect both the siting and operation of future commercial plants.

This section of the report, and its accompanying appendices, presents a brief primer on
gasification and IGCC technology, starting with a generalized overview of key gasification-
based energy conversion concepts, with IGCC currently representing one of the most promising
configurations. This is followed in Section 1.1 (in conjunction with Appendix 1A) with detailed
descriptions of major IGCC components, including alternative gasifier designs and basic
environmental control options for criteria pollutants. Section 1.2 characterizes the primary
resource inputs and effluent discharges, the latter being of critical importance in defining the
impact of IGCC technology on the environment. Section 1.3 (in conjunction with Appendix 1B)
provides an overview of six large, commercial-scale IGCC plants that have successfully
demonstrated coal-based IGCC technology. Finally, Section 1.4 provides a general comparison
of IGCC operational/environmental performance with that of state-of-the-art pulverized coal-
fired (PC) and fluidized bed combustion (FBC) power plants.

FIGURE 1-1 depicts a simplified flow chart illustrating alternative gasification-based energy
conversion options. Various gasification and environmental cleanup technologies convert coal
(or other carbon-based feedstocks) and an oxidant to synthesis gas (syngas) for further
conversion into marketable products, such as electricity, fuels, chemicals, steam, and hydrogen.
FIGURE 1-2 identifies many of the basic components that make up the systems illustrated in
FIGURE 1-1. The heart of any gasification-based system is the gasifier, which can process a
wide variety of feedstocks, including coal, biomass, petroleum coke, refinery residues, and other
wastes. The gasifier converts carbonaceous feedstock into gaseous products at high temperature
and (usually) elevated pressure in the presence of oxygen and steam. Partial oxidation of the
feedstock in a reducing (oxygen starved) atmosphere provides the heat. At operating conditions,
chemical reactions occur that produce the syngas, a mixture of predominantly CO and H2.

a Tampa Electric Company’s new 250 MWe Polk Power plant was placed into service in October 1996 and PSI
Energy’s 262 MWe retrofit of the Wabash River Generating Station was placed into service in November 1995.
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FIGURE 1-1. GASIFICATION-BASED ENERGY CONVERSION SYSTEM CONCEPTS

Minerals in the feedstock (ash) separate and leave the bottom of the gasifier as an inert slag (or
bottom ash), a potentially marketable solid product.b The fraction of the ash entrained with the
syngas, which is dependent upon the type of gasifier employed, requires removal downstream in
particulate control equipment, such as filtration and water scrubbers. This particulate is typically
recycled to the gasifier to ensure high carbon conversion. Some gasifiers also yield
devolatilization or pyrolysis products (coal tars, oils, phenols, etc.) that can and must be
controlled. While this is a major issue with moving-bed gasifiers, it is less of a concern for fluid-
bed and multi-stage/single-stage entrained-flow gasifiers.

b When applicable, char must be separated from slag or bottom ash before it can be marketed.
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FIGURE 1-2. GASIFICATION-BASED ENERGY CONVERSION SYTEM OPTIONS
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Other potential pollutants, such as sulfur and nitrogen compounds, form species that can be
readily extracted. Hydrogen sulfide (H2S) and carbonyl sulfide (COS), once hydrolyzed, are
removed by dissolution in, or reaction with, an organic solvent and converted to valuable by-
products, such as elemental sulfur or sulfuric acid. Fuel nitrogen is mainly converted to diatomic
nitrogen, but a small fraction is converted to ammonia (NH3) and some cyanide and thiocyanate
in the gasifier’s reducing environment, which is readily removed via water scrubbing. Most
trace pollutants are removed in the slag/bottom ash or in the particulate control equipment. Since
some pollutants end up in the wastewater, proper water treatment facilities are quite important
for overall environmental performance.

After cleanup, the syngas can:

• Be combusted in a gas turbine, the waste heat from which can be used to generate steam
in a combined cycle mode (so-called IGCC configuration);

• Provide hydrogen, through separation, for refinery applications or as a fuel for highly
efficient fuel cells, the waste heat from which can be used to generate steam in a
combined cycle mode; and

• Produce a broad range of chemicals and clean fuels using established processes.

The IGCC configuration, which is the primary subject of this report, is an innovative electric
power generation concept that combines modern coal gasification technology with both gas
turbine (Brayton cycle) and steam turbine (Rankine cycle) power generation. IGCC is highly
flexible and can be used for new power generation applications, as well as for repowering older
coal-fired plants, significantly improving their environmental performance. IGCC provides
feedstock and product flexibility, greater than 40 percent net efficiency (based on HHV), and
very low pollutant emissions. The high process efficiency also has the added benefit of reducing
CO2 production per unit of electricity output. Because CO2 can readily be recovered in
concentrated form with oxygen-blown gasification, CO2 capture technology can be integrated
into IGCC as part of a future strategy to reduce greenhouse gas emissions.

1.1 Description of Major IGCC System Components

IGCC power systems use a gasifier to convert a carbon-based feedstock into syngas consisting of
a mixture of carbon monoxide (CO) and hydrogen (H2) with some carbon dioxide (CO2) and
traces of other gases. The syngas is cleaned of particulates, sulfur, and other contaminants and is
then combusted in a high-efficiency combustion turbine/generator. Heat from the turbine
exhaust gas is extracted in a heat recovery steam generator (HRSG) to produce steam to drive a
steam turbine/generator. FIGURE 1-3 shows a simplified flow chart of a generic IGCC plant.

Major system components for coal-fed IGCC plants include:

• Air Separation Plant (separates oxygen from air to supply 95%+ pure oxygen to the
gasifier) – used for oxygen-blown gasification processesc

• Gasifier (oxygen-blown or air-blown)

• Syngas cooler

c Chemicals co-production often requires high-purity oxygen
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• Particulate remov al and r ec ycle–water s crubbin g or hot filtration

• Acid Gas Cleanup (H2S and COS removal and sulfur recovery)

• Combustion turbine/Generator

• Heat Recovery Steam Generator

• Steam turbine/Generator

• Water treatment and recycle

FIGURE 1-3. SCHEMATIC OF GENERIC IGCC POWER PLANT
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1.1.1 Air Separation Plant

All coal gasification processes require an oxidant to maintain the temperature required for
gasification. The oxidant, usually in combination with steam, reacts with the coal to produce
carbon monoxide and as little carbon dioxide as possible. The oxidant can be air, oxygen, or
oxygen-enriched air. The choice of oxidant affects the amount of nitrogen the gasification
system has to handle and depends on the application, type of gasifier, and degree of system
integration.

Oxygen-blown systems have several advantages over air-blown systems. Syngas from an
oxygen-blown gasifier has a heating value ranging from 250 to 400 Btu/scf, compared to an air-
blown gasifier with 90 to 170 Btu/scf fuel gas and high nitrogen content. The medium Btu
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syngas can potentially be used as a replacement for natural gasd or as synthesis gas for higher-
value chemicals production. In addition, the moderate heating value of the gas helps minimize
the size of the gasifier and auxiliary systems. The “cold-gas” efficiencye is 7-10% higher for
oxygen-blown gasification due to the avoidance of nitrogen dilution. Gasifier operability and
carbon conversion also improves with the use of oxygen.1

An air separation unit (ASU), usually high-pressure cryogenic-type, supplies pure oxygen for
oxygen-blown gasification processes. A conventional ASU is capable of producing 99+% pure
oxygen for use in the gasifier and sulfuric acid plant, but lower purity oxygen (e.g., 95%) is
believed to be the economic optimum for IGCC plants. If co-production of chemicals is also
incorporated into the plant, then higher purity oxygen is usually required.2 The other product of
the ASU, high purity nitrogen (e.g., over 98% pure) can also be utilized in appropriately
designed combustion turbines. The addition of nitrogen to the syngas has dual benefits. First,
this additional mass flow has the advantage of higher power output from the combustion turbine,
and second, the nitrogen acts to control NOx emissions by reducing the combustor flame
temperature, which reduces the formation of thermal NOx (see Section 2.2.1.3).

1.1.2 Gasification Process and Reactor Types

In comparison with combustion technology, which uses air (or oxygen) in excess of the
stoichiometric amount theoretically required to completely convert all carbon to CO2,
gasification generally uses one-fifth to one-third of the theoretical oxygen (substoichiometric) to
only partially oxidize the combustible constituents of the feedstock material (e.g., coal). The
major combustible products of gasification are carbon monoxide (CO) and hydrogen (H2), with a
small fraction of the carbon completely oxidized to yield some CO2. A small amount of methane
may also be present. The heat produced by the partial oxidation provides most of the energy
required to break chemical bonds in the coal, increase the gasifier products to reaction
temperature, and drive endothermic (heat-producing) gasification reactions.1

While the chemistry of coal gasification is quite complex, FIGURE 1-4 presents the major
gasification reactions. Rising temperature in the gasifier initiates devolatilization and breaking
of weaker chemical bonds to yield tars, oils, phenols and hydrocarbon gases. These products
generally further react to form H2, CO, and CO2. The fixed carbon that remains after
devolatilization is gasified through reactions with O2, steam, CO2, and H2, and these gases react
further to produce the final gas mixture. The water-gas shift reaction alters the H2/CO ratio in
the final mixture, but does not greatly impact the heating value of the synthesis gas. Methane
formation, via the two methanation reactions shown in FIGURE 1-4, are favored by high
pressures and low temperatures, thus are important in lower-temperature systems. Methane
formation is a highly exothermic reaction that does not consume oxygen and therefore increases
the efficiency of gasification and the final heating value of the synthesis gas. Overall, about 70%
of the feed fuel’s heating value is associated with the CO and H2 components of the gas, but can
be higher depending upon the gasifier type.

d Equipment modifications may be required to utilize medium Btu syngas as a replacement for natural gas.
e Cold gas efficiency is a measure of the percentage of a feedstock’s chemical combustion energy that is contained in
the gasifier syngas.
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FIGURE 1-4. MAJOR GASIFICATION REACTIONS

Gasification with Oxygen
C + 1/2 O2 CO
(Exothermic Reaction)

C + O2 CO2
(Highly Exothermic Reaction)

Gasification with Carbon Dioxide
C + CO2 2CO
(Endothermic Reaction)

Gasification with Steam
C + H2O CO + H2

(Endothermic)

Gasification with Hydrogen
C + 2H2 CH4
(Exothermic Reaction)

Water-Gas Shift
CO + H2O H2 + CO2

(Mildly Exothermic Reaction)

Methanation
CO + 3H2 CH4 + H2O

(Highly Exothermic Reaction)

Coal

Oxygen

Steam

Typical
Gasifier Gas
Composition
(Volume %)

H2 25 - 30
CO 30 - 60
CO2 5 - 15
H2O 2 - 30
CH4 0 - 5

H2S 0.2 - 1
COS 0 - 0.1
N2 0.5 - 4
Ar 0.2 - 1

NH3 + HCN 0 -0.3

Ash/Slag/PM

The minor and trace components of coal (or other solid fuel feedstocks) are also transformed in
the gasification reactor, and their ultimate fate is of significant importance to the environmental
impacts of gasification. Under the substoichiometric, reducing conditions of gasification, most
of the fuel’s sulfur converts to hydrogen sulfide (H2S), but some (3-10%) also converts to
carbonyl sulfide (COS). Nitrogen bound with the fuel generally converts to gaseous nitrogen
(N2), with some ammonia (NH3) and a small amount of hydrogen cyanide (HCN) also being
formed. Most of the chlorine content of the fuel is converted to hydrogen chloride (HCl) gas and
some particulate-phase chlorides. Trace elements associated with both organic and inorganic
components of the coal, such as mercury and arsenic, are released during gasification and
partition between the different ash fractions (e.g., fly ash, bottom ash, slag) and gaseous
emissions. The particular chemical species and physical forms of condensed-phase and vapor-
phase trace elements are functions of gasifier design and operating conditions. These contaminants
need to be removed from the syngas prior to delivery to the energy conversion device (e.g., gas
turbine or fuel cell).

Although there are various coal gasification reactors, with different design and operating
characteristics, all are based on one of three generic types:1

• Moving-bed reactors (also call fixed-bed)

• Fluidized-bed reactors

• Entrained-flow reactors
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TABLE 1-1 summarizes the characteristics of the generic reactors types.

1.1.2.1 Moving-bed reactors

In moving-bed (also called fixed-bed) reactors, large particles of coal move slowly down through
the bed while reacting with gases moving up through the bed. Reaction “zones” are often
referred to in describing the types of reactions occurring. In the drying zone at the top of the
gasifier, the entering coal is heated and dried, while cooling the product gas before it leaves the
reactor. The coal is further heated and devolatized by higher temperature gas as it descends
through the carbonization zone. In the next zone, the gasification zone, the devolatized coal
gasifies by reaction with steam and carbon dioxide. Near the bottom of the gasifier, in the
combustion zone, which operates at the highest temperature, oxygen reacts with the remaining
char. In a dry-ash version (e.g., Lurgi dry ash gasifier), the temperature is moderated to below
the ash-slagging temperature by reaction of the char with steam, in the presence of excess steam.
The ash below the combustion zone is cooled by the entering steam and oxidant (oxygen or air).1

In a slagging version (e.g., British Gas/Lurgi or BGL gasifier), much less steam is used, which
maintains the temperature above the ash-slagging temperature.

Feed coal moisture content principally controls the discharge gas temperature. High-moisture
lignite coal produces a raw gas temperature of about 600°F, while low-moisture bituminous coal
produces a raw gas temperature of over 1000°F. The raw gas leaving the reactor is quenched
directly with recycle water to condense and remove tars and oils. After the quench, low-level
heat can be recovered from the gas.

All moving-bed reactors have the following characteristics:

• Low oxidant requirements

• Design modifications required for handling caking coals

• Production of hydrocarbon liquids, such as tars and oils

• High “cold-gas” thermal efficiency, when the heating value of the hydrocarbon liquids
are included

• Limited ability to handle fines.

Moving-bed gasifiers differ in exit ash condition and in special design configurations. There are
two main commercial moving bed gasifier technologies. The Lurgi dry-ash gasifier was
originally developed in the 1930s and has been used extensively for Town Gas production and in
South Africa for chemicals from coal. In this gasifier, the temperature at the bottom of the bed is
kept below the ash fusion point so the coal ash is removed as a solid. In the 1970s, Lurgi and the
then British Gas Corporation (now BG plc) developed a slagging version in which the
temperature at the bottom is sufficient for the ash to melt. This gasifier is referred to as the BG
Lurgi (BGL) gasifier. Several BGL gasifiers are currently operating for gasifying solid wastes
and co-gasifying coal and waste.
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TABLE 1-1. IMPORTANT CHARACTERISTICS OF GENERIC TYPES OF GASIFIERS1

GASIFIER TYPE MOVING-BED FLUIDIZED-BED
ENTRAINED-

FLOW

Ash Conditions Dry Ash Slagging Dry Ash Agglomerating Slagging

FEED FUEL
CHARACTERISTICS:

Fuel size limits 6-50 mm 6-50 mm <6 mm <6 mm <0.1 mm

Acceptability of caking coal Yes (with
modifications) Yes Possibly No, Non-caking Yes

Preferred feedstock
Lignite, reactive
bituminous coal,
anthracite, wastes

Bituminous coal,
anthracite, petcoke,

wastes

Lignite, reactive
bituminous coal,
anthracite, wastes

Lignite, bituminous
coal, anthracite, cokes,

biomass, wastes

Lignite, reactive
bituminous coal,

anthracite, petcokes

Ash content limits No limitation <25% preferred No limitation No limitation <25% preferred

Preferred ash melting
temperature, oF >2200 <2370 >2000 >2000 <2372

OPERATING
CHARACTERISTICS:

Exit gas temperature, oF Lowa

(800 –1200)
Low

(800 –1200)
Moderate

(1700 – 1900)
Moderate

(1700 – 1900)
High

(>2300)

Gasification Pressure, psi 435+ 435+ 15 15 – 435 < 725

Oxidant requirement Low Low Moderate Moderate High

Steam requirement High Low Moderate Moderate Low

Unit Capacities, MWth 10 – 350 10 – 350 100 – 700 20 – 150 Up to 700

KEY DISTINGUISHING
CHARACTERISTICS

Hydrocarbon liquids in raw gas Large char recycle
Large amount of sensible

heat energy in the hot
raw gas

KEY TECHNICAL ISSUE Utilization of fines & hydrocarbon liquids Carbon conversion Raw gas cooling

a. Moving-bed gasifiers operating on low rank fuels have exit temperatures lower than 800o F.
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Since the moving-bed gasifier has very high cold gas efficiency, compared with other gasifiers, a
larger portion of the original heating value of the coal appears as chemical energy in the gas as
opposed to thermal energy. Thus, the moving bed gasifier typically does not feature high-
temperature heat exchangers as required by entrained-flow and fluidized-bed systems. When
incorporated into an IGCC configuration, the gasification island and power generation unit are,
therefore, less closely coupled, as the gas-cooling train is not intimately integrated into the steam
turbine cycle. Thus, in a moving-bed IGCC system, more of the power is generated by the gas
turbine and less by the steam turbine than in an entrained-flow system.

Appendix 1A provides a detailed description of the Lurgi Dry Ash and BGL gasifiers.

1.1.2.2 Fluidized-Bed Reactors

Fluidized-bed reactors are highly back-mixed and efficiently mix feed coal particles with coal
particles already undergoing gasification. Coal enters at the side of the reactor, while steam and
oxidant enter near the bottom, suspending or fluidizing the reacting bed. A constant temperature
is sustained that is below the ash fusion temperature, which avoids clinker formation and
possible de-fluidization of the bed. This in turn means that fluidized bed gasifiers are best suited
to relatively reactive fuels, such as biomass. Some char particles are entrained in the raw gas as
it leaves the top of the gasifier, but are recovered and recycled back to the reactor via a cyclone.
Ash particles, removed below the bed, give up heat to the incoming steam and recycle gas.

Fluidized-bed gasifiers have the following characteristics:

• Accepts a wide range of solid feedstock (including solid waste, wood, and high ash coals)

• Uniform, moderate temperature

• Moderate oxygen and steam requirements

• Extensive char recycling.

Fluidized bed gasifiers may differ in ash conditions (dry or agglomerated) and in design
configurations for improving char use. Commercial versions of this type of gasifier include the
High Temperature Winkler (HTW) and KRW designs. The latter gasifier was incorporated into
the Pinon Pine Coal Gasification Plant. There are relatively few large fluidized bed gasifiers in
operation.

Appendix 1A provides a detailed description of the High Temperature Winkler (HTW) and
KRW gasifiers.

1.1.2.3 Entrained-flow Reactors

Entrained-flow gasifiers react fine coal particles with steam and oxidant. Residence time in this
type of reactor is very short. Entrained-flow gasifiers generally use oxygen as the oxidant and
operate at high temperatures, well above ash-slagging conditions, to assure high carbon
conversion.

Entrained-flow gasifiers have the following characteristics:

• Ability to gasify all coals regardless of coal rank, caking characteristics, or amount of
coal fines (although feedstocks with lower ash content are favored)

• Uniform temperatures
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• Very short fuel residence time in gasifier

• Solid fuel must be very finely divided and homogeneous

• Relatively large oxidant requirements

• Large amount of sensible heat in the raw gas

• High-temperature slagging operation

• Entrainment of some molten slag in the raw gas.

Differences among entrained-flow gasifiers include the coal feed systems (water slurry or dry
coal feed systems can be used), internal design to handle the very hot reaction mixture, and heat
recovery configuration. Entrained flow gasifiers have been selected for nearly all the coal- and
oil-based IGCCs currently in operation or under construction. Commercial entrained flow
gasifiers include the ChevronTexaco gasifier, the two variants of the Shell gasifier (one for coal,
the other for oil), the Prenflo gasifier, the E-Gas (formerly Destec) gasifier, and the Noell
gasifier. Of these, both the ChevronTexaco gasifier and the Shell oil gasifier have over 100 units
in operation worldwide.

Appendix 1A provides a detailed description of the ChevronTexaco, Shell, E-Gas, Prenflo, and
Noell gasifiers.

1.1.3 Syngas Cooler/Heat Recovery

Coal gasification processes operate at high temperatures, and, therefore, some method of heat
recovery is typically utilized to increase overall system efficiency. Heat recovery can represent
about 15% of the energy in the feed fuel, but this varies with the gasification technology
employed (5% for moving bed to 25% for entrained flow processes).

The raw syngas leaving the gasification reactor can be cooled by radiant and/or convective heat
exchange and/or by a direct quench system, which injects either water or cool recycle gas into
the hot raw syngas. The syngas next passes through a gas cooling process, which usually is a
series of heat exchangers. The heat recovered can be utilized for steam generation or process
heating.

In most IGCC plant design configurations, saturated steam raised from cooling the raw gasifier
syngas is sent to the HRSG for superheat and reheat. The steam and water systems are integrated
between the gasification island and the power conversion block and superheated steam is
generally better generated in the HRSG than in the raw syngas coolers.f

1.1.4 Particulate Removal

The syngas exiting a gasifier contains fine char and ash particulate and therefore particulate
removal (and recycle) is necessary for all processes. Coal gasification, however, has an
advantage over combustion technologies, as it operates at high pressure and generates a
significantly smaller gas volume. Fly ash and remaining char particles need to be removed from
the gas in both slagging and non-slagging gasifiers. The particulate is removed by either hot, dry
barrier filters, of the candle (either ceramic or metallic) type, located upstream of the high

f The higher metal temperatures required for superheated steam raising from the hot raw syngas make this form of
heat recovery much more difficult and expensive than saturated steam raising.
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temperature heat recovery devices or by “warm gas” water scrubbers located downstream of the
cooling devices. Hot candle filters are advantageous since the particulate is removed as a dry
solid; however, these filters are subject to blinding and breakage. In water scrubbers, the
particulate is removed as a slurry which must be dewatered; however, the water scrubber also
removes the trace quantities of chlorides which may be present in the syngas and which, if not
removed, will poison the hydrolysis catalyst and cause metallurgy problems in downstream
equipment. In both cases, the recovered particulate is recycled back to the gasifier.

Conventional wet scrubbers are used for fine particulate removal in many coal gasification
systems currently operating commercially. The coal gasifier’s high operating pressure allows the
scrubbers to operate at reasonably large pressure drops, which makes them small, efficient, and
inexpensive. Scrubbers also remove ammonia, chlorides, and other trace organic and inorganic
components from the synthesis gas. The blowdown water from the scrubber is flashed,
sometimes under vacuum, and the flash gas is sent to a Claus plant or sulfuric acid
decomposition furnace. Particulate-laden water is sent to a water handling system, which
separates the solids for recycle to the gasifier or disposal.

Advanced hot gas cleanup systems must achieve fine particulate removal without cooling the
gas. Development of this technology focuses primarily on barrier-type filters, including fiber
filters, ceramic candle filters, cross-flow filters, and screenless granular bed filters. Chlorides
and other trace components can also be removed with the dry fly ash, but no commercially
available methods are currently available. Recovering the dry fly ash significantly reduces salt
build up in the recycle process water and wastewater cleanup costs. Recovered particulates can
then be recycled back to the gasifier for gasification of residual carbon.3 Hot gas cleanup
technology is not commercially available. Warm gas particulate removal via wet scrubbing is
typically employed.

1.1.5 Acid Gas Cleanup/Sulfur Recovery

Acid gas cleanup processes are very effective and have been proven by the oil and gas industries
for many years with over 99.8% sulfur recovery. The gasifier’s raw syngas (called sour gas)
contains carbonyl sulfide (COS) and hydrogen sulfide (H2S), both of which require a high degree
of removal for the power plant to achieve a low SO2 level in the stack gas. H2S can be removed
in an acid gas removal system; however COS is not readily removed unless it is first converted to
H2S by hydrolysis. A hydrolysis unit reacts COS with water in the presence of a catalyst to form
CO2 and H2S. The cooled syngas is then sent through an acid gas removal process to remove
most of the H2S and some of the CO2.

Conventional acid gas removal processes treat the syngas via contact with chemical or physical
solvents to capture the H2S and some of the CO2. Amine solvents, such as MDEA
(Methyldiethanolamine), react to form a chemical bond between the acid gas and the solvent.
Physical solvents, such as Selexol (dimethylether or polyethylene glycol) or Rectisol (cold
methanol) remain chemically non-reactive with the gas, which avoids the formation of heat-
stable salts that sometimes impacts amine systems. The cleaned gas is sent to the downstream
conversion device, such as a combustion turbine. The rich amine (or other solvent) from the
absorber is sent to the stripper where it is stripped of acid gases. The amine (or other solvent) is
recycled and the recovered acid gases are sent to a sulfur recovery process for conversion into
by-products.
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Sulfur recovery processes recover sulfur either as sulfuric acid or as elemental sulfur. Sulfuric
acid plants convert the H2S to SO2 by combustion with air. The SO2 is oxidized to form SO3,
which is then scrubbed with weak sulfuric acid to make 98% H2SO4, which can be sold
commercially. The remaining SO2 and SO3 are at low enough concentrations to permit discharge
to the atmosphere. A sulfuric acid plant typically recovers 99.8% of the H2S feed.

For high recovery efficiency, sulfur recovery processes often are comprised of two processes,
one for bulk removal, and a second for fine recovery from the bulk tail-gas. The most common
removal system is the Claus process followed by a tail-gas treating process such as the SCOT
(Shell Claus Off gas Treatment) process. A Claus sulfur recovery unit produces elemental sulfur
from the H2S in the syngas in a series of catalytic stages. Part of the H2S is burned to produce
SO2, which is then reacted with the remaining H2S to produce elemental sulfur and water. The
Claus process removes about 98% of the sulfur in the syngas, and the tail-gas is then sent to a
SCOT process for further sulfur recovery.g The SCOT system is amine-based and can achieve
an overall sulfur recovery of 99.8%. High quality elemental sulfur is recovered which can be
sold commercially.4 Other commercially available processes include wet oxidation systems such
as Stretford, LO-CAT, and Sulferox.

1.1.6 Combustion Turbines

In IGCC systems, the cleaned syngas is used, in whole or in part, to fuel a combustion turbine.
The combustion turbine drives an electric generator, may provide compressed air to the air
separation unit or gasifier, and produces heat (exhaust) to generate steam for a steam turbine.
This combined use of combustion and steam turbines significantly boosts generation efficiency.

Air-blown coal gasification processes supply a portion of the air to the gasifier from the
combustion turbine air compressor. A necessary adjustment for existing combustion turbines is
to balance and match the air and turbo-expander mass flows. Extracted air, however, must be
cooled and compressed further to achieve gasifier operating pressure. In addition, the low-Btu
syngas produced by air-blown gasifiers often requires modifications to the combustion turbine’s
burners.

The medium-Btu fuel gas produced by oxygen-blown coal gasification processes requires less
modification to existing combustion turbines and less integration than the low-Btu gas produced
by air-blown gasifiers. However, with oxygen-blown IGCC systems, air may be extracted from
the combustion turbine to supply some or all of the ASU (air separation unit) feed air, which
better balances the air and turbo-expander mass flows for which existing combustion turbines are
designed. Additionally, this integration increases the overall performance of IGCC.h

Gas turbine exhaust emission regulations for nitrogen oxides (NOx) add additional criteria for
the design of IGCC turbine combustors. General Electric (GE) currently uses diffusion
combustion systems with diluent (inert) injection for IGCC NOx control.5 This contrasts with

g An approach that is gaining more attention in design studies is to compress and return the tail gas from the sulfuric
acid plant or Claus plant to the process, thereby eliminating at least part of the tail gas treating unit cost. This is
currently not practiced in operating IGCC units.2
h Full integration (all ASU air supplied by the combustion turbine) increased the startup time and operating
complexity for the two European solid fuel-fed IGCCs, so this performance improvement has offsetting impacts.
Therefore, the industry appears to have moved away from full integration as a result. Also, some turbines cannot
accommodate full integration.
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the use of their dry low-NOx (DLN) combustor technology with natural gas. GE claims that the
flame speed of the hydrogen component of the gasifier syngas is too fast to be compatible with
the combustor design.6 Most IGCC plants also saturate the syngas with water to minimize NOx
formation.

1.1.7 Heat Recovery Steam Generator (HRSG)/Steam Turbine

The exhaust temperature from the combustion turbine is generally about 1100°F, which makes
additional power generation through a steam cycle very effective. A HRSG can produce steam
by cooling the combustion turbine flue gas; 1500 psig, 1000°F superheat/1000°F reheat steam
can be generated without supplemental firing of the HRSG. This steam is supplied to a steam
turbine to generate additional electric power. In addition, the HRSG is always used to superheat
the high-pressure steam generated in the syngas cooler,1 since satisfactory superheater materials
have not been demonstrated in the reducing atmosphere of a syngas cooler.

1.1.8 Water Treatment and Recycle

Gasification cycles minimize water consumption and water discharge by reusing process water.
Process water produced within the gasification process is treated to remove dissolved gases
before being recycled to the slurry preparation area or being discharged to the water outfall. The
gases are removed from the process water (sour water), in a two-step process. CO2 and the bulk
of the H2S are removed in a steam stripper column. The removed H2S is sent to the sulfur
recovery process. The water is further cooled and the majority is recycled to the slurry
preparation area. Any excess water is treated in an ammonia stripper column to remove
ammonia and trace components. The stripped ammonia is combined with the recycled slurry
water. The water out of the ammonia stripper is purified sufficiently to meet environmental
requirements for discharge. If the discharge water is out of specifications, for any reason, it can
be stored in holding tanks for further testing and possible recycle before final disposition.7,i

Gasification processes that produce organics (tars and oils) typically require additional
processing steps to separate them.

1.2 Primary Resource Input Flows, Effluent Discharge Flows, and Product Flows

FIGURE 1-5 presents a generic IGCC block flow chart that identifies all major resource input
streams and effluent flows. Coal, water, and oxygen are the primary inputs for IGCC, with
secondary inputs typically being the makeup solvents and catalysts used by the environmental
control processes, including MDEA, catalyst for the Claus process, and catalyst for the SCOT
process. The primary material effluents from IGCC systems include stack gas from the HRSG,
bottom ash or slag, flyash, and wastewater blowdown. The primary IGCC product flows are
electricity and sulfur or sulfuric acid by-product. These major input and effluent flows for a
generic IGCC plant are characterized in TABLE 1-2 in terms of their potential environmentally
sensitive constituents.

Typical plant flow rates and conditions are presented in TABLE 1-3 for a 400 MWe IGCC plant
using an oxygen-blown, entrained-flow gasifier.

i The Polk IGCC system uses a viable alternative to the system described above for zero process water discharge. A
brine concentration unit processes “grey” water discharged from the gas cleanup systems, recovering a usable water
stream for slurry preparation and a land-fillable solid waste stream. There is no liquid effluent.12
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FIGURE 1-5. GENERIC IGCC INPUT RESOURCES AND OUTPUT EFFLUENT
STREAMS

Gasifier
Particulate
Scrubber

Process
Water

Treatment

Gas
Cooling

Sulfur
Recovery

Unit

Heat
Recovery

Steam
Generator

Acid
Gas

Removal

Gas
Turbine/

Generator

109

11

1

6

7

5

2

3

Raw
Syngas

Raw
Syngas

Sour
Syngas

Sweet
Syngas

Stack
Gas

Tail

Gas

Sour Gas

Coal

Slurry
Water

Turbine
Exhaust

Electricity

Air

Scrubber
Water

Oxygen
From ASU

or Air

Slag

Ash

Scrubber
Blowdown

Sour
Condensate

Water
Treatment
Residuals

Treated
Waste
Water By-product

Sulfur
or H2SO4

Acid
Gas

2

Electricity

8

8
4

Steam
Turbine/

Generator

Recycle Water
Tail Gas

Incinerator

Incinerator
Stack Gas

Tail Gas Recycle to Gasifier

Air

Fuel
Gas

5

1.2.1 Material Input Flows

Coal is processed through coal handling and preparation before it enters the gasifier. After being
delivered to the plant, coal is crushed or ground, depending on the gasifier system, and then fed
to the gasifier either dry or slurried with water. Recycled process water and makeup water is
used to make the coal slurry. Other carbonaceous feeds, such as petcoke, may also be used, and
will be handled and prepared via suitable methods.

High-pressure oxidant is injected into the gasifier, either as air, oxygen, or oxygen-enriched air.
Air supplied for air-blown gasifiers is bled from the gas turbine compressor exhaust; some
applications may require an additional booster compressor to reach the desired pressure. Oxygen
for oxygen-blown gasifiers is produced within an air separation unit (ASU), the compressed air
being mostly provided by a dedicated air compressor, but can be partially supplied by the gas
turbine compressor in a more integrated IGCC design configuration (see Section 1.3). A
conventional ASU is a high-pressure cryogenic system that typically separates ambient air into
95% pure oxygen and 98% pure nitrogen. For chemicals co-production, a higher purity O2 may
be produced.
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TABLE 1-2. GENERIC IGCC PRIMARY RESOURCE INPUTS AND EFFLUENTS3

INPUT AND
EFFLUENT
STREAMS

FIGURE 1-5
STREAM

NO.

IGCC PLANT
STREAM

DESCRIPTION

POTENTIAL
ENVIRONMENTALLY

SENSITIVE
CONSTITUENTS

ENERGY AND
MATERIAL INPUTS

Gasifier Feed 1
Coal or other carbon-

based fuels
Ash, Sulfur, Nitrogen,
Chlorine, Trace Metals

Process Makeup Water 2
Condenser cooling, coal
slurry water, scrubber

water
None

Gasifier Oxidant 3
Air from gas turbine

compressor or 95% Pure
Oxygen from ASU

None

Process Air 4 Air to gas turbine None

Makeup Solvents and
Catalysts

-
Amine solvent for H2S
removal, Catalysts for
sulfur or sulfuric acid

plants, COS hydrolysis

None

Electricity - Auxiliary electricity None

ENERGY AND
MATERIAL OUTPUTS

Gaseous Effluents 5
Stack Gas from HRSG,

Tail Gas Incinerator

Fine particulates, SO2, NOx,
CO2, CO, H2SO4 mist, HCl,

HF, NH3, HCN, Trace metals,
trace organics

Liquid Effluents 6
Water treatment

blowdown

Trace metals, cyanide,
organics, ammonia, anions,

sulfide

Material By-products 7
94 - 98% Sulfuric Acid,

sulfur Metals

Energy By-products 8 Electricity None

Solid Effluents 9, 10, 11
Slag, fly ash, fines and
water treatment solids Metals, anions

Gaseous Fugitive
Emissions - Equipment leakage CO, H2S, organics, NH3

Solid Fugitive Emissions - Coal, Slag, Slurry Fine particulate
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TABLE 1-3. TYPICAL IGCC PLANT FLOW CONDITIONS FOR A 400 MWe IGCC
PLANT USING AN OXYGEN-BLOWN ENTRAINED BED GASIFIER8

LOCATION FLOW
(lb/h)

TEMPERATURE
(°F)

PRESSURE
(psia)

INPUT FLOWS:

Coal 224,910 - -

Plant Total Water Consumption 2,807,308a - -

Oxygen 169,187 249 620

Air for combustion turbine 3,858,840 63 14.4

INTERNAL FLOWS:

Fuel gas from gasifier 1900

Fuel gas to THGDb 1100 425

Cooled fuel gas to combustion
turbine 461,251 1105 372

DISCHARGE FLOWS:

Quenched Slag 22,414 - -

Stack gas 4,737,159 252 14

H2SO4 by-product 17,190 - -
a ChevronTexaco quench gasification system9

b THGD - transport hot gas desulfurizer system

1.2.2 Effluent Flows

1.2.2.1 Slag

Solids discharged from the bottom of the gasifier consist of slag, char, and sometimes limestone.
Slag is formed when the ash mineral content of coal is liquified. Molten slag flows out of the
bottom of the gasifier into a quench bath for cooling. The non-leachable slag is typically
saleable for blasting grit, roofing tiles, other construction building products, and as aggregate for
asphalt roads.

1.2.2.2 Flyash

Flyash entrained in the syngas is recovered in the particulate removal system and is either
recycled to the gasifier or combined with other solids in the water handling system and shipped
off site for reuse or to be landfilled.

1.2.2.3 Sulfur By-Products

Depending on the gas cleanup system used, sulfur or sulfuric acid is produced from the sulfur
containing gases removed from the syngas. The sulfuric acid produced is generally about 98%
pure and the sulfur by-product is typically greater than 99.99% pure. Both are valuable by-
products that are readily sold to existing markets, including fertilizer production.
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1.2.2.4 Stack and Incinerator Gas

Emissions in the turbine/HRSG stack flue gas typically include sulfur dioxide (SO2) from
residual H2S sent to the gas turbine, nitrogen oxides (NOx), carbon dioxide (CO2), residual
particulates, residual halogens, such as hydrogen chloride (HCl), and trace organic and inorganic
species.

An incineration system is typically used to convert trace acid gas components in tank vents to
oxide form (SO2, NOx, H2O, CO2). The tank vent stream is primarily composed of air purged
through various process storage tanks and may contain very small amounts of acid gas. The high
temperature in the incinerator results in complete conversion of any hydrogen sulfide present in
the tank vents to SO2 before the gas is vented to the atmosphere. Heat recovery is provided in
the incinerator hot exhaust gas to produce medium pressure steam before the vent gas is directed
to a tall stack for dispersion in the atmosphere

1.2.2.5 Discharged Water

Process wastewater includes all wastewater streams generated or captured during normal
operations and equipment purges/wash-downs during maintenance activities. The combined
streams include, but are not limited to: cooling tower blowdown; gasification plant process waste
water; regeneration waste water from the demineralizer system in the power block; rainwater
collected in both the gasification and the power blocks; equipment purges (blowdowns) and
water wash-downs during maintenance procedures; and un-recycled condensed water from the
process.7

Process wastewater potentially contains small amounts of dissolved solids and gases and is
treated to remove the contaminants before being recycled to the slurry preparation or being
discharged to the water outfall. Dissolved gases are driven from the water via flashing
(sometimes under vacuum) or steam stripping with low-pressure steam (which provides heat and
a sweeping medium to expel the gases from the water). The flash gas is sent to the Claus plant
or sulfuric acid decomposition furnace. Removal of solid contaminants, such as trace metals,
may require additional wastewater treatment using other equipment, such as a mechanical vapor
recompression (MVR) system. Most of the treated process water is recycled to the plant, and
only a relatively small amount is discharged as a blowdown to a pond. Reuse of the water within
the gasification plant minimizes water consumption and water discharge. Chapter 2, Sections
2.3.3 and 2.3.4 more fully discuss wastewater treatment.

1.2.3 Solid and Gaseous Fugitive Emissions

Fugitive dust emissions may occur from coal piles and coal slurry and slag transport. Gaseous
fugitive emissions, such as H2S, CO, HCN, and ammonia (NH3), may occur from leaking valves
and process equipment.

1.3 Overview of Large Commercial-Scale IGCC Plants

IGCC, as represented by existing commercial plants, is one of the most efficient and cleanest of
available technologies for fossil-based power generation. The core process, gasification, is
commercially proven technology that has been deployed on a worldwide basis for the refining,
chemical, and power industries. In 1999, the first World Gasification Survey was conducted
with support from the U.S. Department of Energy, and in cooperation with the member
companies of the Gasification Technologies Council.10 The survey identified and gathered
information on at least 163 commercial gasification plants in operation, under construction, or in
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planning and design stages in twenty-eight countries in North and South America, Europe, Asia,
Africa and Australia. At the time the survey was completed, there was an equivalent 67,800
MWth syngas capacity installed or planned (about 37,000 MWe IGCC equivalent), with most
new plants based on electricity production with co-production of steam and syngas for hydrogen
or chemicals. The post-2000 power-to-chemicals syngas volume ratio is projected to be almost
3:1 in favor of power generation, reflecting increasing electricity demand and deregulation of
electricity markets around the world.j

Although there are numerous gasifiers operating commercially worldwide, with at least fifteen
technology suppliers, there is far less (but growing) experience with commercial operation of
IGCC plants. There are currently eleven major IGCC plants operating internationally that use
coal, petroleum coke, and refinery residue as feedstock. The largest market for IGCC systems
has been in the petroleum refining and petrochemical industries using petroleum residual
feedstocks such as vacuum residual oil, deasphalter bottoms and petroleum coke. These plants
typically feature multi-train designs for high reliability and the co-production of power, steam
and hydrogen for the refinery. A portion of the syngas is shifted for hydrogen production and
CO2 is removed (and currently is vented). Partly because of the need for hydrogen most of these
IGCC plants that are adjacent to or within refineries use quench type gasifiers. Power is
generated from the gas turbine for refinery use or sale. Some steam is also often used for
additional power generation, however refineries are large steam consumers and this is often
supplied directly to the refinery from the HRSG.11

This section focuses on successfully demonstrated commercial-scale IGCC plants, both domestic
and foreign, designed solely for power generation and that use coal and/or petroleum coke
feedstock. These plants are listed below in TABLE 1-4, and are described in detail in Appendix
1B. Lessons learned from these demonstration projects in the U.S. and Europe identified proper
component integration as most significant to the success of IGCC.

The first two U.S. plants listed in the table, Cool Water and LGTI (Louisiana Gasification
Technology Inc Project), were important first-generation, large-scale IGCC projects that
demonstrated the major IGCC characteristics of low emissions and stable integrated control of
the gasification process with a combined cycle in a power utility setting.11 Cool Water was
originally funded by a consortium of industrial partners, with guaranteed product price support
from the U.S. Synthetic Fuels Corporation (SFC, which no longer exists). The LGTI facility
(sometimes called the Dow Syngas Project) was supported by a price guarantee contract offered
to Dow Chemical by the SFC. Both of these first-generation IGCC plants were shut down once
the duration of the price guarantee period expired.

The second two plants listed, Wabash River and Polk, are second-generation IGCC systems that
are the direct beneficiaries of the knowledge and experience gained from the initial plants.
DOE’s Clean Coal Technology (CCT) Demonstration Program co-funded the construction and
initial operation of Tampa Electric’s Polk Power Station12 (Tampa Electric Integrated
Gasification Combined-Cycle CCT Project) and PSI Energy’s Wabash River Generating Station4

(Wabash River Coal Gasification Repowering CCT Project).

j A summary of the survey can be found at the Gasification Technologies Council’s web site:
http://www.gasification.org/story/worldwid/worldwid.html.

http://www.gasification.org/story/worldwid/worldwid.html
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The Buggenum and Puertollano demonstration plants also represent the current generation of
IGCC plants, but make use of different gasifiers designs and turbine vendor. The Buggenum
plant is fully owned by the Netherlands utilities. The Puertollano project, owned by utilities from
Spain and France, was the first targeted project funded under the EU’s Thermie-Programme.

TABLE 1-4. COMMERCIAL-SCALE COAL/PETROLEUM COKE BASED IGCC
POWER PLANTS

PLANT NAME
PLANT

LOCATION
OUTPUT

(MWe)
FEEDSTOCK

GASIFIER
TYPE

POWER
ISLAND

OPERATION
STATUS

U.S. IGCC PLANTS

Texaco Cool
Water

Daggett, CA,
USA 125

Bituminous
Coal

(1,000 tpd)
Texaco CCGT – GE

7FE 1984 - 1988

Dow
Chemical/Destec

LGTI Project

Plaquemine,
LA, USA 160

Subbituminous
Coal

(2200 tpd)

E-Gas
(formerly
Destec)

CCGT –
Westinghouse

501
1987 – 1995

Tampa Electric
Polk Plant

Polk County,
FL, USA 250

Bituminous
Coal

(2200 tpd)
ChevronTexaco CCGT – GE

7FA 1996 - Present

PSI
Energy/Global
Energy Wabash

River Plant

West Terre
Haute, IN,

USA
262

Bituminous
Coal and

Petroleum
Coke

(2544 tpd)

E-Gas
(formerly
Destec)

CCGT – GE
7FA 1995 - Present

FOREIGN IGCC PLANTS

NUON/Demkolec/
Willem-

Alexander

Buggenum,
The

Netherlands
253 Bituminous

Coal Shell
CCGT –
Siemens
V94.2

1994 - Present

ELCOGAS/
Puertollano

Puertollano,
Spain 298

Coal and
Petroleum

Coke
(2500 tpd)

Prenflo®
CCGT –
Siemens
V94.3

1998 - Present

CCGT – Combined Cycle Gas Turbine, tpd – short tons per day

Each of the four major commercial-sized, coal/coke-based IGCC demonstration plants currently
in operation use a different gasification technology, gas cooling and gas cleanup arrangement,
and integration scheme between the plant units. All of the current coal based plants integrate the
steam systems of the gasification and power block sections. Typically boiler feed water (BFW)
is preheated in the HRSG and passed to the gasification section where saturated steam is raised
from cooling of the raw syngas. The saturated steam passes to the HRSG for superheating and
reheating prior to introduction, with additional HRSG superheated steam, to the steam turbine for
power production.11 The operating U.S. plants are based on GE ‘F’ gas turbines with turbine
inlet temperatures of about 1260°C (2300°F) and equipped with multiple-can combustors in an
annular arrangement. The European IGCC projects are both based on Siemens gas turbines
equipped with dual-silo combustion chambers, with turbine inlet temperatures of 1100°C
(2000oF, Buggenum) and 1260°C (2300°F, Puertollano).



Introduction to Gasification-Based Power Systems

DECEMBER 2002 U.S. DOE/NETL1-21

The characteristic of integration design that is most varied among the coal/coke-based IGCC
plants identified above has been the degree of integration between the gas turbine and the ASU.
There is a major design divergence between the two European IGCC plants and the U.S. plants,
which derives from the gas turbine selection and design philosophy differences regarding the
relative importance of efficiency compared to availability. The Buggenum and Puertollano
demonstration plants are both highly integrated designs with all the air for the ASU being taken
as a bleed of extraction air from the combustion turbine compressor. In contrast, the operating
U.S. plants, Polk and Wabash, are less integrated, and the ASUs have their own separate air
compressors. The more tightly integrated design results in higher plant efficiency, since the
auxiliary power load is lowered by the elimination of the separate air compressor. However,
there is a potential loss of plant availability and operating controllability for the highly integrated
system. Start-up time is also longer with this design because the combustion turbine must be run
on a more expensive secondary fuel (natural gas or oil) before extraction air can be sent to the
ASU for its cool-down and start-up.11 FIGURE 1-6 presents a block flow diagram that identifies
the difference between the integration schemes.

FIGURE 1-6. BLOCK FLOW DIAGRAM OF INTEGRATED IGCC POWER PLANT11
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In Europe where fuel prices are higher, efficiency is a major driver that has favored capital
investment for the tightly integrated plant. In the U.S., fuel prices are lower and availability is a
more important factor than efficiency. It is now the general consensus among IGCC plant
designers that the preferred design is an intermediate approach; one in which the ASU derives
part of its air supply from the gas turbine compressor and part from a separate dedicated
compressor. This provides the necessary flexibility for quicker start up, less usage of expensive
secondary fuels, and an auxiliary power load intermediate between the two options.11

1.3.1 Design Features and Steady-State Operating/Environmental Performance

Design features of the Cool Water and LGTI plants are presented in TABLE 1-5. The same
information is provided for the currently operating plants in TABLE 1-6. IGCC offers high
system efficiencies and very low pollution levels, as can be seen in the performance data for the
Tampa, Wabash, Buggenum, and Puertollano plants given in TABLE 1-7.

Information about the Cool Water project comes from a detailed description provided in EPRI’s
Coal Gasification Guidebook.1 The source of data for the LGTI facility is based on a joint
DOE/EPRI/LGTI project3 (in 1995) to characterize the trace substance emissions from advanced
gasification technology. Information and data about the Polk and Wabash plants comes from
DOE project reports,4,12 additional operational data made available by the operators since
completion of the DOE demonstration projects, as well as EPA’s very recent information
collection request (ICR) to evaluate power plant mercury emissions. Basic information about the
Buggenum and Puertollano demonstration plants was obtained from published technical papers.
Appendix 1B contains detailed descriptions of the six IGCC plants discussed in this section, as
well as their current status.

1.4 Comparison of IGCC with PC and FBC Power Plants

This section compares IGCC with commercial pulverized coal-fired (PC) and fluidized bed
combustion (FBC) power plants FIGURE 1-7 illustrates the generic design aspects of any solid
fuel-based power generation technology, whether IGCC or combustion-based. Raw solid fuel
(e.g., coal) initially undergoes handling and processing into an optimum form for the energy
conversion equipment (e.g., dry pulverized coal or coal-water slurry). The processed fuel is then
input into the conversion equipment (e.g., boiler or gasifier) to release and transfer its latent
chemical energy to a secondary medium (e.g., water/steam) and/or convert the solid fuel into flue
gas or syngas. The secondary medium is then introduced to the power generation equipment
(e.g., steam turbine) to produce electricity. If syngas is produced, it is transferred to a power
conversion device (e.g., gas turbine) in the Power Block. Other primary inputs, in addition to
fuel, are air or oxygen, water and perhaps some other chemicals used for pollution control (e.g.,
MDEA, limestone). Primary outputs include electricity, stack gas that contains residual
pollutants (e.g., SO2, NOx, CO, particulates, trace metals) and carbon as CO2, mineral matter in
the form of ash or slag, and useful by-products (e.g., sulfur, sulfuric acid, gypsum) produced
from fuel constituents released during the fuel conversion process.
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FIGURE 1-7. SCHEMATIC DIAGRAM OF GENERIC COAL-FIRED POWER PLANT

The configuration of the Fuel Conversion and Power Generation blocks for IGCC is
fundamentally different from either a PC or FBC plant. In PC and FBC plants, the processed
carbonaceous fuel is converted (combusted) in a single step in a boiler, where the released
energy is transferred directly to water/steam. The steam is transferred to the power block (a
steam turbine) to produce electricity. Included in the fuel conversion block is pollution control
equipment, such as an ESP or fabric filter, to remove fly ash, and flue gas desulfurization (FGD)
equipment to remove SO2 to remove pollutants from the combustion gas. While NOx production
is primarily controlled in the fuel combustion process, post combustion equipment, such as
selective catalytic reduction (SCR), may also used to meet regulatory limits.

In an IGCC plant, the processed feedstock (e.g., coal or petroleum coke) is input to the Fuel
Conversion (gasification) system in order to produce a clean, synthesis gas (syngas) via reaction
with steam and oxygen at high temperature and pressure in a reducing (oxygen-starved)
atmosphere. The primary syngas constituents, typically greater than 85% by volume, are carbon
monoxide (CO) and hydrogen (H2) and smaller quantities of carbon dioxide (CO2) and methane
(CH4). The syngas is subsequently transported to the Power Generation Block and combusted in
a stationary gas turbine to produce power. The hot exhaust gas from the gas turbine is then fed
to a heat recovery steam generator (HRSG) to produce steam for input to a steam turbine. Flue
gas leaving the HRSG is then emitted to the atmosphere via a stack. Thus, the Power Generation
Block includes both a gas turbine and a steam turbine, hence combined cycle power generation.
Included in the Fuel Conversion Block is pollution control equipment to remove pollutants from
the syngas, such as a wet scrubber to remove fly ash and chlorides and acid gas equipment to
remove H2S and COS (the sulfur compounds primarily formed during gasification). Since NOx
is only produced during combustion of the syngas in the gas turbine, control efforts typically
focus on minimizing production in the combustion turbine.

The aforementioned description emphasizes that the IGCC design basically separates the coal
conversion process into two distinct stages and two physically separate operational units, namely
the gasifier and the combustion turbine. This process design translates into significant
operational advantages compared to the direct combustion-type plants. TABLE 1-8 compares
the general operational features of IGCC with commercial PC and FBC-type power plants.
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TABLE 1-5. OVERVIEW OF NON-OPERATING COMMERCIAL-SCALE IGCC
DEMONSTRATIONS PLANTS

Texaco Cool Water
Project

Dow Chemical/Destec
LGTI Project

Net Power Generation
Capacity (MWe)

125 160

Fuel Feed
Bituminous Coal (Illinois #6

and Pittsburgh #8)
Low Sulfur

Subbituminous

Gasification Technology Texaco E-Gas

Gasification Process
Type/Fuel Feed Type

Single-Stage Entrained-
Bed/Slurry Fed

Two-Stage Entrained Bed/
 Slurr y Fed

Oxidant 99.5% Pure Oxygen 95% Pure Oxygen

Slag Removal Lock Hoppers Continuous

Syngas Cooler Type Downflow Radiant Water Tube
And Convective Firetube Downflow Firetube

Gas Cleanup System Low-Temperature Low-Temperature

Particulate Control Water Scrubber Water Scrubber

Chloride, Fluoride, and
Ammonia Control Water Scrubber Water Scrubber

COS Hydrolysis Catalytically Converted to H2S Catalytically Converted to H2S

Acid Gas Cleanup and Sulfur
Recovery/
Sulfur By-product

Selexol Scrubber/Claus Unit
with SCOT Tailgas Unit/Sulfur

SelectamineTM Scrubber and
SelectoxTM Plant/

Sulfur

Sulfur Recovery Capability 97% for low sulfur coal
99% for high sulfur coal 85% Design

Air Separation Unit Cryogenic Distillation Cryogenic Distillation

Air Supply Compressor 100% Separate 100% Separate

Nitrogen Use Mostly Vented Mostly Vented

Gas Turbine GE Frame 7E CCGT – Westinghouse 501-
D5

Combustors Multiple Cans Multiple Cans

Syngas Heating Value (HHV),
Btu/lb 265 260

Firing Temperature, oF (°C) 1985 (1085) 1900 (1037)

NOx Control Syngas Saturation with Hot
Water (25% by volume H2O)

Steam Dilution To
Combustion Turbine

Heat Recovery Steam
Generator

Single-Pressure, Natural
Circulation, No Reheat

Single-Pressure, Natural
Circulation, No Reheat

Steam Turbine
55 MW, no intermediate

pressure reheat cycle
75 MW, 1,250 psig/950oF

superheated steam, no reheat
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TABLE 1-6. OVERVIEW OF OPERATING COMMERCIAL-SCALE IGCC PLANTS
FED WITH COAL/PETROLEUM COKE 3

Polk Power
Station

(Florida, USA)

Wabash River
Generating Station

(Indiana, USA)

NUON/Demkolec
(Buggenum, The

Netherlands

ELCOGAS
(Puertollano,

Spain)

Net Power Generation
Capacity (MWe)

250 262 253 298

Fuel Feed High Sulfur Bituminous High Sulfur Bituminous Bituminous Coal Bituminous Coal and
Petroleum Coke

Gasification Technology ChevronTexaco E-Gas Shell Prenflo

Gasification Process
Type/Fuel Feed Type

Single-Stage Entrained-
Bed/Slurry Fed

Two-Stage Entrain ed Bed/
  S lu rry Fed

Single-Stage Upflow
Entrained/dry fed

Single-Stage Upflow
Entrained/dry fed

Oxidant 95% Pure Oxygen 95% Pure Oxygen 95% Pure Oxygen 95% Pure Oxygen

Slag Removal Lock Hoppers Continuous Lock Hoppers Lock Hoppers

Syngas Cooler Type
Downflow Radiant
Water Tube And

Convective Firetube
Downflow Firetube Downflow Concentric

Coil Water Tube

Upflow/Downflow
(Two-Pass) Radiant

Water Tube And
Convective Water Tube

Gas Cleanup System Low-Temperature Low-Temperature Low-Temperature Low-Temperature

Particulate Control Water Scrubber
Metallic Candle Filter

System and Water
Scrubber

Candle Filter (Operating
at 230°C)

Candle Filter
(Operating at 240°C)

Chloride, Fluoride, and
Ammonia Control Water Scrubber Water Scrubber Water Scrubber Water Scrubber

COS Hydrolysis Catalytically Converted
to H2S

Catalytically Converted to
H2S

Catalytically Converted
to H2S

Catalytically Converted
to H2S

Acid Gas Cleanup and
Sulfur Recovery/
Sulfur By-product

MDEA Scrubber and
H2SO4 Plant/Sulfuric

Acid

MDEA Scrubber and
Claus Plant/Sulfur

Sulfinol M Scrubber and
Claus Plant/Sulfur

MDEA Scrubber and
Claus Plant/Sulfur

Sulfur Recovery
Capability 98% Design 99% Design 99% Design 99% Design

Air Separation Unit Cryogenic Distillation Cryogenic Distillation Cryogenic Distillation Cryogenic Distillation

Air Supply Compressor 100% Separate 100% Separate 100% from Gas Turbine 100% from Gas Turbine

Nitrogen Use GT NOx Control Mostly Vented Syngas Saturator for GT
NOx Control

Syngas Saturator for GT
NOx Control

Gas Turbine GE MS 7001FA GE MS 7001FA Siemens V 94.2 Siemens V 94.3

Combustors Multiple Cans Multiple Cans Twin Vertical Silos Twin Horizontal Silos

Syngas Heating Value
(HHV), Btu/lb 267 280 - -

Firing Temperature, oF
(oC) 2350 (1287) 2350 (1287) 2012 (1100) 2300 (1260)

NOx Control
Nitrogen and Steam

Dilution To Combustion
Turbine

Steam Dilution To
Combustion Turbine

Syngas Saturation and
Nitrogen Dilution

Syngas Saturation and
Nitrogen Dilution

Heat Recovery Steam
Generator

Three-Pressure, Natural
Circulation, Reheat

Three-Pressure, Natural
Circulation, Reheat

Three-Pressure, Natural
Circulation, Reheat

Three-Pressure, Natural
Circulation, Reheat

Steam Turbine
1,465 psia, 1000oF with

1000oF Reheat
1,600 psia, 1010oF with

1010oF Reheat - -
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TABLE 1-7. OPERATING COMMERCIAL-SCALE IGCC PLANTS FED WITH
COAL/PETROLEUM COKE -- STEADY-STATE OPERATIONAL/ENVIRONMENTAL

PERFORMANCE

Polk Power
Station

(Florida, USA)

Wabash River
Generating

Station
(Indiana, USA)

NUON/Demkolec
(Buggenum, The

Netherlands

ELCOGAS
(Puertollano,

Spain)

Gas turbine, MWe 192 192 155 182

Steam turbine, MWe 121 104 128 135

Auxiliary power, MWe 63 34 31 35

Net Power Output MWe 250 262 253 298

Efficiency, % (HHV basis) 37.5 39.7 41.4 41.5

Efficiency, Btu/kWh (HHV
basis)

9,100 8,600 8,240 8,230

Total Operating Hours >25,700 through
9/2001

21,991 through
2001

>23,000 through
2000

> 6700 through
3/2001

Coal Usage (tons/day) 2,200 2,544 2,200 2,400

Gasifier Availability, %
Power Block Availability, %

84.2a

94.4a
85b

89.9b 50 (combined)h 68g

84.6g

Emissions:

SO2 (lb/MWh) <1.35c 1.08e 0.44i 0.15j

NOx (lb/MWh) 0.86d 1.09e 0.7i 0.88j

Particulates (lb/MWh) <0.14c <0.10e 0.01i 0.044j

Hg (lb/MWh)f 4.8 x 10-5 6.1x10-5 Unavailable Unavailable

Sulfur Removal, % > 98 > 97 >99 99.9

a Year 5 operation, ending September 2001
b Yea r 5 op era ti on i n 200 0
c Reported emissions in 2000
d Av era g e of 1 4 m onth s of CE M S da ta 
e Average Emissions in 200113

f EPA ICR Results in 2000
g 2001 operating statistics through 9/200114

h Average plant availability in 2000 through September15

i Average emissions reported for 200116

j Average emissions reported for 200117
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TABLE 1-8. GENERAL COMPARISON OF IGCC, PC, AND FBC POWER PLANTS

IGCC PLANT PC PLANT FBC PLANT

Operating
Principal

Feedstock is only partially oxidized. The
high-pressure synthesis gas produced is
combusted and expanded in a combustion
turbine to produce power. Heat is
recovered from the turbine exhaust gas to
produce steam for expansion in a steam
turbine to produce added power.

Pulverized coal is combusted in a
boiler where the heat is directly
transferred to produce high-pressure
steam that is expanded in a steam
turbine to produce power.

Air-suspended coal is combusted together
with sorbents for sulfur control. Heat is
directly transferred to produce high-pressure
steam. Boiler operates at either atmospheric
pressure or may be pressurized. Key designs
are bubbling bed and circulating bed boilers.

Oxidant
Air or oxygen in the gasifier. Air in the

combustion turbine. Air in the boiler Air in the boiler

Operating
Pressure

25 to 40 atmospheres 1 atmosphere 1 to 100+ atmospheres

Coal Sulfur
Conversion

Sulfur is primarily converted to H2S and
some COS in the synfuel.

Sulfur is converted to SO2 in the
combustion process and exits boiler
with flue gas.

Sulfur is converted to SO2 in the combustion
process and is mostly captured by an in-bed
sorbent such as limestone. Residual SO2

exits the boiler with the flue gas.

Coal Nitrogen
Conversion

Converted to ammonia and nitrogen in the
gasifier. Ammonia is removed from the
syngas prior to combustion in the
combustion turbine. NOx is formed in the
combustion turbine. Exits turbine as
constituent of flue gas.

Converted to NOx. Low-NOx
burners are used to minimize
conversion to NOx. NOx exits
boiler as constituent of flue gas.

Converted to NOx. FBC is an inherently
low NOx producer due to its low combustion
temperature. NOx exits boiler as constituent
of flue gas.

Process Solids

Most of the coal ash is recovered as inert
slag or bottom ash from the gasifier. Only
a small portion of the ash is entrained with
the synfuel.

Approximately 80% of the coal ash
is entrained in the flue gas as fly ash.
The remaining ash is recovered as
bottom ash or inert slag.

Ash and spent sorbent (limestone) is
entrained in the flue gas collected in a
control device such as a cyclone and returned
to the boiler. Most solids collected as
bottom ash.

Thermal
Efficiency, %
(HHV Basis)

38 - 50 34 - 42 36 - 45
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1.4.1 Environmental Control Comparison of IGCC with PC and FBC Power Plants

IGCC, PC, and FBC power plants use different methods of environmental control due to their
different design configurations. Generally, stringent emission requirements favor IGCC over PC
and FBC power plants. Coal gasification can meet strict air pollutant emission standards,
produce only a small amount of inert solid waste, and recover sulfur as valuable elemental sulfur
or sulfuric acid. PC and FBC plants can also achieve relatively low levels of emissions by
utilizing advanced low-NOx burners and SCR for high-efficiency NOx control, high-efficiency
flue gas desulfurization for SO2 control (95%+ removal), and state-of-the-art particulate control
(e.g., fabric filter). The major environmental benefit of selecting FBC technology is the removal
of SO2 (90-95%) and NOx (emission is less than 100 ppm) in the combustion process without
adding post-combustion cleaning equipment, such as wet or dry flue gas desulfurization (FGD)
systems and selective catalytic reduction (SCR) systems. TABLE 1-9 compares the emission
control methods used by the different these power generation technologies.

Coal gasification has advantages over coal combustion. Because gasification-based power
generation operates at higher efficiency levels than combustion-based power plants, they emit
less CO2 per unit of energy. Furthermore, gas cleanup is relatively inexpensive in an IGCC
power plant compared with flue gas cleanup in coal combustion-based power plants. Smaller
equipment is required because a much smaller volume of gas is cleaned, as contaminants are
removed from the pressurized syngas before combustion. In contrast, the volume of flue gas
from a combustion-based power plant is 40-60 times greater.9 The emissions  of sulfur dioxide
and nitrogen oxides, gases linked to acid rain, are a small fraction of allowable limits. The water
required to run an IGCC plant is considerably less than that required to run a PC plant with a flue
gas scrubbing system. Furthermore, discharge of solid waste/by-products and wastewater is
typically 30 to 50% lower than PC and FBC plants. Recovery of high-value-added by-products
or co-products is a valuable advantage of coal gasification, in that their sales can actually bring
higher revenues and return on investment than the sale of electricity.
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TABLE 1-9. COMPARISON OF ENVIRONMENTAL CONTROL METHODS FOR IGCC, PC and FBC POWER
GENERATION TECHNOLOGIES

IGCC PLANT PC PLANT FBC PLANT

Sulfur Control
and Sulfur
Byproducts

Greater than 98% sulfur control. H2S and COS are
removed from the syngas in an amine-based scrubber
prior to combustion and recovered as elemental sulfur
or sulfuric acid. Both are valuable industrial
commodities.

Up to 98% sulfur control. SO2 is usually
removed in a flue gas desulfurization process,
such as a wet limestone scrubber. Advanced
limestone FGD scrubbers typically produce a
gypsum byproduct. Gypsum can be safely
landfilled or sold for production of wallboard or
utilized for other purposes.

90 to 95% sulfur control. SO2 is removed within the
fluid or circulating bed via use of a sorbent such as
limestone. Calcium-sulfate-based ashes are chemically
stable and are easily disposed. This ash can be used as
raw material for cement manufacturing, soil
stabilization, concrete blocks, road base, structural fills,
etc.

Nitrogen Oxides
Control

Fuel nitrogen mainly converted to N2 and small
amount of NH3 and HCN, with the latter removed via
syngas cleaning. Diluents, such as nitrogen and
steam, are used in the gas turbine to lower the
combustion flame temperature to minimize NOx
generation. Use of add-on control technologies, such
as SCR, have not been demonstrated for syngas-fired
turbines.

Fuel nitrogen converted to NOx. Low-NOx
burners are used to minimize conversion to NOx.
The NOx formed may be removed with
additional control technology, such as SCR. SCR
unit can be installed between economizer and air
heater. NH3 preferentially adsorbs onto flyash.
Sulfates and bisulfates captured in particulate
control equipment downstream of SCR.

Fuel nitrogen converted to NOx. FBC is an inherently
low NOx producer, but N2O may be produced. The
NOx formed may be removed with additional control
technology, such as SCR, although it is not typically
applied. SCR unit can be installed between economizer
and air heater. NH3 preferentially adsorbs onto flyash.
Sulfates and bisulfates captured in particulate control
equipment downstream of SCR.

Particulate
Control

Virtually all particulate is removed. Fly ash entrained
with syngas is removed downstream in wet scrubber.
No acid mist problem.

Very high levels of particulate control. Fly ash is
efficiently collected in a control device, such as
an ESP or fabric filter. Acid mist may be
problem from FGD unit.

Very high levels of particulate control. Ash and spent
sorbent (limestone) is collected in a control device such
as a cyclone. Usually primary and secondary particulate
control devices. No acid mist problem.

Trace Substance
Control (Metals

and organics)

Most semi-volatile and volatile trace metals
condensed and removed in syngas cleaning
equipment. Elemental mercury emissions may exit
with flue gas. Other metals exit with wastewater
blowdown and wastewater treatment material. Trace
organic emissions are extremely low. Activated
carbon beds have been commercially demonstrated to
remove more than 90% of syngas mercury.

Most semi-volatile and volatile trace metals
condense on fly ash particles and are effectively
removed with fly ash. Elemental mercury
emissions may exit with flue gas. Other elements
exit with ash and FGD byproduct. Trace organic
emissions are extremely low. Hg emissions may
depend on coal type and presence of FGD
system.

Most semi-volatile and volatile trace metals condense on
fly ash particles and are effectively removed with ash.
Elemental mercury emissions may exit with flue gas.
Other elements exit with calcium-sulfate-based ash.
Trace organic emissions are extremely low. Hg
emissions may depend on coal type.

Solid Waste
Disposal/

Utilization

Slag material is environmentally benign and can be
safely landfilled. Slag can also be safely utilized for
various applications, such as drainage material or
roofing granules. Similar to material produced by
wet-bottom PC plants.

Bottom ash and fly ash can be safely landfilled.
Leaching of trace metals adsorbed by fly ash is
more likely than with slag material. Ash can be
utilized for a variety of applications, such as
cement/concrete production and waste
stabilization/solidification.

Calcium-sulfate-based ashes are chemically stable and
are easily disposed. Leaching of trace metals adsorbed
by fly ash is more likely than with slag material. This
ash can be used as raw material for cement
manufacturing, soil stabilization, concrete blocks, road
base, structural fills, etc.

Carbon Dioxide
Control

Higher thermodynamic efficiency of IGCC cycle
minimizes CO2 emissions relative to other
technologies. High pressure and high CO2

concentration in synfuel provides optimum conditions
for CO2 removal prior to combustion, if required.

Generally higher CO2 emissions than IGCC due
to lower cycle efficiency. CO2 removal from flue
gas more technically challenging and more
expensive than IGCC.

Generally higher CO2 emissions than IGCC due to lower
cycle efficiency. CO2 removal from flue gas more
technically challenging and more expensive than IGCC.
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2. DETAILED EVALUATION OF THE ENVIRONMENTAL PERFORMANCE OF
GASIFICATION-BASED POWER SYTEMS

2.1 Introduction and Summary of Information Presented

The single most compelling reason for utilities to consider coal gasification for electric power
generation is superior environmental performance.1 As shown in Figure 2-1, gasification has
fundamental environmental advantages over direct coal combustion. Commercial-scale plants
for both integrated gasification combined cycle (IGCC) electric power generation and chemicals
applications have already successfully demonstrated these advantages. The superior
environmental capabilities of coal gasification apply to all three areas of concern: air emissions,
water discharges, and solid wastes. This chapter of the report presents a comprehensive
evaluation of the environmental performance of IGCC power generation technology and
compares performance with other coal-fired technologies.

FIGURE 2-1. EMISSIONS AND WASTES FROM DIFFERENT POWER CYCLES*
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* Plant assumptions are defined in Section 2.2.7

2.1.1 Chapter Organization

The chapter is divided into three major sections (in addition to this introductory section) that
exclusively cover air emissions in Section 2.2, water effluents in Section 2.3, and solid
wastes/byproduct discharges in Section 2.4, respectively. Each provides the following basic
information:

• Identification and Characterization of Emissions, Effluents, or Discharges

• Review of IGCC Plant Operating Data and Experience
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• Assessment of Control/Treatment/Handling Technologies and Methods

• Comparison of the Environmental Performance of IGCC with Pulverized Coal-Fired and
Fluidized Bed Power Plants.

A brief summary of the information presented in Sections 2.2, 2.3, and 2.4 is presented below.
The chapter concludes by listing cited references in Section 2.5.

2.1.2 Air Emissions Summary

The most important environmental issue associated with coal-based power generation has been
the level of pollutant (and other) emissions discharged to the air. These emissions include:

• Major criteria air pollutants: SO2, NOx, CO, lead, and particulates (PM10) – Section
2.2.1

• Trace ionic species emissions: sulfate, nitrogen-containing ions, chloride, fluoride,
phosphate, and cyanide – Section 2.2.2

• Trace metal emissions: Trace metal constituents of coal (or other solid gasifier feed
material), such as mercu r y and arseni c – Section 2 .2.3

• Trace organic emissions: Trace organic species produced during gasification and
combustion of s ynfu el, such as formald eh yde – Section 2.2.4

• Greenhouse Gases: Carbon Dioxide (CO2) – Section 2.2.5

Section 2.2.1 examines the release of criteria air pollutants from IGCC power plants. Sulfur (as
H2S and COS) and particulates are very effectively removed from raw gasifier syngas by gas
cleanup equipment located upstream of the combustion turbine. A major advantage of a high
temperature, slagging gasifier is that most of the coal ash is discharged as molten slag from the
bottom of the gasifier, with only a small portion entrained with the syngas. Reducing conditions
in the gasifier converts most of the chemically bound nitrogen in the coal into harmless nitrogen
gas, rather than into NOx as occurs in direct combustion. While NOx is still formed when the
clean syngas is fired in the combustion turbine, turbine manufacturers have developed highly
effective means of minimizing thermal NOx formation without resorting to post-combustion
control technologies, such as SCR. These combustion-based methods also limit CO emissions to
relatively low levels, but fugitive CO emissions from upstream components and the plant’s flare
system, represent sources of CO that must be efficiently controlled. In the aggregate, the criteria
pollutant emissions from a state-of-the-art IGCC plant are well-below current emissions
standards for coal-fireda power plants. TABLE 2-22 (on page 2-51) compares IGCC emissions
with those from other types of coal-fired power plants. Demonstrated IGCC criteria pollutant
emission levels are:

• SO2: < 0.15 lb/106 Btu or 1.35 lb/MWh (NSPS limitb = 1.2 lb/106 Btu)

• NOx: < 0.1 lb/106 Btu or 0.9 lb/MWh or 15 ppm (NSPS limitb = 1.6 lb/MWh)

a Coal-fired refers to combustion-based technologies, such as pulverized coal-fired (PC-fired or PC), fluidized-bed
combustion (FBC), stoker-fired, and cyclone-fired plants.
b EPA’s New Source Performance Standards (NSPS) for solid-fueled power plants
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• PM10: < 0.015 lb/106 Btu or 0.14 lb/MWh (NSPS limitb = 0.03 lb/106 Btu)

• CO: < 0.033 lb/106 Btu or 0.3 lb/MWh (no NSPS limit)

Release of both inorganic and organic trace substances is assessed in Sections 2.2.2, through
2.2.4. If these substances are emitted from an IGCC system, of primary concern is the degree of
release, the chemical form of the release, as well as the specific source of the release from the
plant. Section 2.2.2 characterizes ionic species (sulfate, ammonia, cynanide, chloride and
fluoride). Cyanide is the only ionic species to be identified as a potential problem; both the
Wabash River and LGTI plants have experienced levels in aqueous discharges that exceeded
permit levels. However, Wabash River has recently installed new wastewater treatment
equipment that has apparently solved this problem.

Section 2.2.3 identifies and characterizes potential trace metal emissions (e.g., mercury, arsenic,
selenium). The section initially discusses how chemical forms and partitioning of trace species
among various gas, liquid and solid streams in IGCC ultimately depend upon coal characteristics,
gasifier type (e.g., fluidized bed, slagging entrained-flow), operating conditions, operating
conditions downstream of the gasifier, and the downstream processing of the syngas. The trace
metals of greatest environmental concern are considered to be arsenic, boron, cadmium, mercury,
and selenium. All are volatile or semi-volatile elements that are likely to exit the gasifier in the
syngas. While in-situ measurement of these species has proven to be quite difficult in the
reducing atmosphere of an IGCC system, computer-based thermodynamic equilibrium studies
have identified arsenic, boron, cadmium, mercury, and selenium as the most highly volatile, and
hard to control species. Other trace metals will generally either remain with the slag or be
removed from the syngas in downstream processing equipment. Most troublesome, as verified
by bench-, pilot-, and full-scale testing, is mercury, which primarily remains in the vapor-phase.
Elemental mercury is, by far, the predominant chemical form in gasification systems.

As discussed in Section 2.2.3.3, mercury testing at the Wabash River, Polk, and LGTI IGCC
plants has yielded relatively poor mass balance closures (33 to 67%). Therefore, while there is
no question that elemental mercury exits these plants in the stack gas, it appears that a significant
portion is removed within IGCC process components. There is evidence that mercury is
removed by the amine solvent, accumulates in the acid gas scrubbing loop, and/or is stripped
from the amine solvent upon regeneration and partitions to the sulfur recovery unit. Some
mercury, especially particulate-phase and oxidized forms, may be removed in the wet particulate
scrubber and discharged with wastewater sludge. Overall, mercury testing indicates that stack
gas emission factors range from 3 x 10-5 to 6 x 10-5 lb/MWh (1.5 to 5 lb/1012 Btu). Comparison
with tests performed at PC power plants indicates that IGCC mercury emissions are of a similar
magnitude. If PC plants are obligated to control mercury as a result of expected EPA
regulations, then IGCC plants will also likely be required to control mercury emissions.

IGCC has a major advantage when it comes to mercury control. Commercial methods have been
employed for many years that remove trace amounts of mercury from natural gas and gasifier
syngas. As described in Section 2.2.6.2, UOP and the Eastman Chemical Company have used
molecular sieve technology and activated carbon beds, respectively, for this purpose. Eastman
Chemical reports 90 to 95% mercury capture using Calgon Corporation’s sulfur-impregnated
activated carbon, with carbon lifetime ranging from 12 to 18 months. Thus, mercury emissions
control for IGCC technology is likely to be more of an economic issue than a technical one.
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Section 2.2.4 identifies and characterizes potential trace organic compounds (aldehydes and
ketones, VOCs, SVOCs, PAHs, and chlorinated dioxins and furans) that may be discharged with
the flue gas, wastewater, or byproduct solids. Release of organic compounds is also an
environmental concern, since some of these compounds, such as formaldehyde, can have
deleterious effects on the environment or human health. Trace organics can be released from coal
reactors via complex, non-oxidizing, pyrolytic processes. While limited data is available to
characterize trace organic releases to the air from gasification systems, detailed test results from
the LGTI IGCC plant indicate extremely low levels of all trace organic emissions, in-line with
emissions expected from plants that directly combust solid and gaseous fuels. In particular,
formaldehyde emissions from a syngas-fired combustion turbine appear to be more than an
order-of-magnitude lower than emissions from a natural gas-fired combustion turbine (see
Section 2.2.4.2).

A more global environmental concern related to power generation from fossil fuels is the
production of carbon dioxide (CO2), discussed in Section 2.2.5. The carbon in the fuel fed to an
IGCC plant will ultimately be converted into CO2. Although still significantly higher than that
from a gas-fired plant, IGCC’s improved efficiency reduces CO2 emissions relative to other coal-
based plants. For example, repowering the Wabash River plant reduced CO2 emissions by
approximately 20% on a per kWh basis. TABLE 2-21 (on page 2-38) compares uncontrolled
CO2 emissions from different types of fossil-fired power plants. If the amount of CO2 released is
regulated in the future, IGCC has two major operating advantages that permit more efficient CO2

capture than is possible with conventional combustion technology. Syngas has a high CO2

concentration, which can be increased by the water gas shift reaction to convert CO to CO2 prior
to combustion (while simultaneously producing more hydrogen). Also, IGCC gasifiers typically
operate under relatively high pressure (~400 psig at the Wabash River plant). Both of these
conditions make recovery of the CO2 from the syngas much easier than capture from flue gas. A
recent study of one design concept concluded that 75% of the CO2 could be captured from an
IGCC plant with only a 4% loss in efficiency at a cost of $5 to $11/kW. This result shows that
the economic impact of CO2 capture may be quite a bit less than previously thought. It should be
noted that this particular performance and cost estimate is based on a plant design that originally
incorporates required equipment and does not include transport of the CO2 to a site for use or
sequestration (see Section 2.2.6.3).

In order to put the IGCC air emissions into proper perspective, Section 2.2.7 provides a
comparison of IGCC’s performance with PC-fired and fluidized-bed power plants. TABLE 2-22
(on page 2-51) provides a realistic indicator of how well IGCC performs with respect to criteria
air pollutants, ionic species, and CO2. In all respects, potential air pollution impacts from IGCC
are likely to be significantly less, or less costly, than from competing coal-based technologies.
While uncontrolled mercury emissions from IGCC plants appear to be comparable to those from
the other power plant types (based on consumption of similar coals), effective mercury control
has already been demonstrated for IGCC plants, if required. Uncontrolled CO2 emissions from
current IGCC technology, measured on an output basis (lb/kWh), are about 10% lower than a
modern PC plant and probably equivalent to those from an advanced PFBC plant.

2.1.3 Aqueous Effluents Summary

While air emissions can affect large geographical areas and are often of greatest concern to
regulators, both water consumption and aqueous discharges from coal-fired plants are quite
important at the local level. Water is required for the plant’s steam cycle as boiler feedwater and
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cooling water, as well as for process operations, such as syngas emissions control. While the
steam cycle in an IGCC plant typically produces less than 50% of the power plant’s total power
output, its water consumption is not proportionately lower (compared with a similarly sized
conventional steam plant), since the gasification process itself consumes considerable quantities
of boiler feed water. On an output basis, IGCC will consume roughly 30% to 60% less water
than the competing technologies, which gives it more siting and permitting flexibility.

As discussed in Section 2.3, gasification plants have two principal water effluents that are similar
to those from coal-fired plants. The first is wastewater from the steam cycle, including
blowdowns from the boiler feedwater purification system and the cooling tower. Gasification
processes typically purify and recycle raw process streams, and net water discharge is normally
only a blowdown stream. These effluents contain salts and minerals that have been concentrated
from the raw feedwater. The second aqueous effluent is process water blowdown, which is
typically high in dissolved solids and gases with the various ionic species removed from the
syngas, such as sulfide, chloride, ammonium, and cyanide. Detailed test results from the
Wabash River plant have generally shown wastewater constituents to be well within
environmental permit limits, with the exception of arsenic, cyanide, and selenium. However,
recent installation of an add-on mechanical vapor recompression (MVR) system appears to have
brought the wastewater stream into full compliance, although some operational problems have
occurred. While the Polk IGCC plant has zero process water discharge, it comes at the price of
operating several wastewater treatment systems.

2.1.4 Solid Waste and Byproducts Discharge Summary

Solid waste from coal-fired power plants is a significant local environmental issue due to the
large quantities produced and the potential for leaching of toxic substances into the soil and
groundwater at disposal sites. In both these areas, IGCC power generation poses minimal
environmental impact. The largest solid waste stream produced by an IGCC that incorporates a
slagging gasifier (currently the preferred choice) is slag, a black, glassy, sand-like material that
can potentially be a marketable by-product. The amount of slag produced is a function of fuel
ash content, so coal produces much more slag than alternative fuels like petroleum coke.
Regardless of the fuel, as long as the operating temperature is above the ash fusion temperature,
slag will be produced. Leachability data obtained from different gasifiers (see Section 2.4.2)
unequivocally shows that gasifier slag is highly non-leachable and indicates gasifier slag need
not be treated any differently than coal combustion wastes classified as non-hazardous. Even
more important, the possible use of this material in a variety of applications may negate the need
for long-term disposal (see Section 2.4.6).

The other large-volume by-product produced by IGCC plants is solid (or liquid) sulfur or sulfuric
acid. Both can be sold as by-products that help offset plant costs. In comparison, most coal
combustion processes recover sulfur in the form of wet scrubber sludge, dry or semi-dry spent
sorbent, or gypsum. These sulfur forms have significantly larger mass and volume than pure
sulfur, are often more difficult to handle and market, and must usually be disposed of in an
appropriate landfill or surface impoundment. Should IGCC solid by-products require disposal,
Sections 2.4.3, 2.4.4, and 2.4.5 discuss current storage stability, management practices and
handling experience to minimize site contamination. However, due to the potential economic
value of IGCC by-products, temporary surface impoundments for slag and containment vessels
for sulfur or sulfuric acid may be the likely storage practice.
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IGCC’s solids generation amounts to about 50% less than that produced by a PC plant and 63%
less than that of the atmospheric fluidized bed combustion (AFBC) technology when comparing
plants of equivalent size that consume a bituminous coal with 4% sulfur content. While all of
these plants produce byproduct material that may have commercial value, the slag and sulfur
produced by the IGCC plant should be highly valued commodities in numerous areas of the
country.

2.2 Air Emissions –Identification, Characterization and Control

The level of pollutant emissions emitted to the air is probably the most important environmental
issue associated with gasification-based power generation. This section identifies and
characterizes the potential air emissions within the following categories:

• Major criteria air pollutants: SO2, NOx, CO, lead, and particulates (PM10) – Section
2.2.1

• Trace ionic species emissions: sulfate, nitrogen-containing ions, chloride, fluoride,
phosphate, and cyanide – Section 2.2.2

• Trace metal emissions: Trace metal constituents of coal (or other solid gasifier feed
material), such as mercury and arsenic – Section 2.2.3

• Trace organic emissions: Trace organic species produced during gasification and
combustion of s ynfu el, such as formald eh yde – Section 2.2.4

• Greenhouse Gases: Carbon Dioxide (CO2) – Section 2.2.5

While ample data are available to characterize the criteria pollutants with a relatively high degree
of certainty, considerably less data is available to dependably identify and characterize the trace
emissions. Therefore, more space is devoted here to examine various types of data and
information, including model predictions, which help define and describe the trace emissions.
This includes identifying their likely chemical forms, their partitioning behavior within an IGCC
power generation system, and estimates of their magnitude (to assess control requirements if
needed). Since trace mercury emissions from fossil-fueled power plants has been identified by
the EPA as possibly requiring future control (see Section 3.2.2), mercury emissions are accorded
a more detailed examination than other trace substances.

Information and data are also provided regarding the control of NOx, mercury and CO2

emissions in Section 2.2.6, and Section 2.2.7 provides a detailed comparison of IGCC air
emissions with those generated by PC and FBC power plants.

2.2.1 Identification and Characterization of Criteria Air Pollutants

SO2, NOx (as NO and NO2), particulates, CO, and lead are the EPA-designated criteria air
pollutants produced by the conversion of coal and other solid carbonaceous fuels (e.g., petroleum
coke) in gasification-based power cycles. As discussed in Chapter 1 of this report, clean gasifier
syngas is burned in the combustion turbine, where these pollutants are formed from constituents
of the syngas and air. Upon leaving the combustor, the hot turbine exhaust gas is typically
cooled in a heat recovery steam generator (HRSG) before being exhausted to the stack.
Therefore, the criteria air pollutants are discharged to the atmosphere as constituents of the stack
gas. Criteria pollutants may also be emitted in much smaller amounts from equipment installed
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to treat the tail gas from the sulfur recovery process (see Section 1.1.5). This section describes
the formation of the criteria air pollutants and the extent of their release from an IGCC plant.

2.2.1.1 Sulfur Dioxide (SO2)

During high-temperature gasification of coal (or other solid fuels), most of the sulfur constituent
is released and converted to hydrogen sulfide (H2S), as well as a small amount of carbonyl
sulfide (COS), due to the reduced oxygen environment. The concentration levels of these so-
called acid gases, in the raw syngas exiting the gasifier, are almost entirely dependent on the
levels of sulfur in the solid fuel (e.g., coal).2,3 These H2S and COS contaminants are mostly
removed from the syngas in the acid gas removal equipment prior to combustion or other forms
of fuel conversion (e.g., fuel cell).

There are inherent advantages in removing syngas contaminants prior to utilization of the
syngas.4 These advantages are:

• Removal prevents potential damage to the conversion devices, such as gas turbines, that
result from contamination, corrosion, or erosion of materials;

• Relatively high concentration of H2S in syngas, versus much lower concentration that
would be found in the combustion flue gas, improves removal;

• High-pressure gasifier operation significantly reduces the gas volume requiring
treatment;

• Conversion of H2S into elemental sulfur (or sulfuric acid) is technically much easier and
more economical than capture and conversion of SO2 into salable by-products; and

• The oil and gas industries already have significant commercial experience with efficient
removal of acid gases and particulates from natural gas.

As described in Section 1.1.5, the acid gas removal equipment extracts from 95% to greater than
99% of the H2S and COS, once hydrolyzed, from the fuel gas and converts it to a salable sulfur
or sulfuric acid (H2SO4) byproduct.2 The small amount of residual sulfur that remains in the
syngas is converted to SO2 in the combustion turbine and released to the atmosphere in the
HRSG stack gas. Other secondary sources of SO2 emissions in an IGCC plant will typically
include the sulfur recovery system’s tail gas incinerator stack, auxiliary boilers (if applicable),
and the syngas flare during gasifier startup and system upset conditions. These secondary SO2

sources are typically be significantly smaller than the HRSG stack emissions.

Both of the U.S. commercial IGCC plants discussed in Chapter 1, Polk and Wabash River,
achieve total SO2 emissions below 0.15 lb SO2/106 Btu heat input (< 1.3 lb/MWh for 8,600
Btu/kWh heat rate) or greater than 97% sulfur reduction. EPA’s New Source Performance
Standards (NSPS) for solid-fueled power plants requires 70 to 90% sulfur removal with a
maximum SO2 emission rate of 1.2 lb SO2 /106 Bt u heat input (see Se ction 3.2.1.1.1).

2.2.1.2 Particulate Matter (PM)

While ash is released from the solid fuel during the gasification process, most gasifiers release
only a small portion as fly ash that becomes entrained with syngas. Particulate control in
gasification processes is highly efficient for reasons provided in Section 1.1.4. Not only does the
gasification process provide an inherent capability to remove most ash as slag or bottom ash, but
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the fly ash that is produced is concentrated is a relatively small gas volume relative to solid fuel
combustion processes, which further assists its cost-effective collection. Both the Polk and
Wabash River plants use a wet scrubber to efficiently capture fine particulates that are entrained
in the syngas. Additional particulate removal occurs in the gas cooling operations and in the acid
gas removal systems. As a result, very low particulate emission levels are achieved.

Other particulate matter emission sources include:5

• The sulfur recovery system tail gas incinerator;

• The flare system used during cold start-up, shutdown, and during upset conditions, when
the combustion turbine may be unavailable;

• Mineral matter in the spray from the cooling towers (if applicable); and

• Coal and ash/slag handling and storage operations.

The Wabash plant reported emissions of less than 0.012 lb/106 Btu heat input (0.088 lb/MWh
output), while the Polk plant typically emits less than 0.015 lb/106 Btu. These emissions are
significantly less than the current Federal NSPS requirement of 0.03 lb/106 Btu heat input (see
Section 3.2.1.1.3).

2.2.1.3 NOx

The term “NOx” refers to the sum of the nitric oxide (NO) and nitrogen dioxide (NO2) emissions
from a combustion source. While most of the NOx produced during the combustion of syngas is
in the form of NO, it is subsequently oxidized to NO2 in the atmosphere. (Federal NOx emission
standards are based on NOx expressed as converted to NO2.) NOx is formed in fossil
combustion systems by two primary mechanisms. “Fuel NO” is formed via the oxidation of
chemically-bound nitrogen in the fuel, and “thermal NO” is formed via the dissociation of
molecular nitrogen and oxygen to their atomic forms (at high temperatures) and subsequent
recombination into oxides of nitrogen. Unlike natural gas, coal contains chemically-bound
nitrogen that forms most of the NOx emissions when it is fired in a typical excess-oxygen
environment, such as a utility boiler. Fuel NO typically contributes over 80% of the total NOx
emissions in a coal-fired combustion unit, and its formation is highly insensitive to the flame
temperature.6 Generally, thermal NOX increases exponentially with increases in flame
temperature and linearly with increases in residence time.

The gasification process differs significantly from combustion with respect to the impact of
chemically bound nitrogen in solid fuels, like coal. Gasification, because it operates with a
deficiency of oxygen, converts most of the fuel nitrogen into harmless nitrogen gas (N2). While
a small portion is converted to ammonia (NH3) and hydrogen cyanide (HCN), these water-
soluble species are removed during fuel gas cooling and cleaning and are usually converted to
nitrogen in the sulfur recovery process.3 Therefore, the syngas produced is virtually free of fuel-
bound nitrogen, and NOx formation is primarily the result of thermal NO produced at the high
temperatures in the turbine combustor. The following relationships exist between turbine
combustor operating conditions and thermal NOx production:7

• NOx increases strongly with fuel-to-air ratio or with firing temperature

• NOx increases exponentially with combustor inlet air temperature

• NOx increases with the square root of the combustor inlet pressure
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• NOx increases with increasing residence time in the flame zone

• NOx dec reas es ex ponentiall y with increasin g water or ste am injection or increasin g
specific humidity.

Therefore, by maintaining a low fuel-air ratio (lean combustion) and adding a diluent (e.g.,
nitrogen from the air separation unit or steam from the steam turbine), the flame temperature can
be lowered to significantly reduce thermal NOX formation (see Section 2.2.6.1.1). The gas
turbines installed in commercially operated IGCC plants have made use of this combustion-
based control method to minimize NOx emissions. TABLE 2-1 lists the typical NOx emissions
that have been recorded for commercially operated IGCC power plants in the U.S., and confirms
that current IGCC plants can meet the Federal NOx NSPS for utility power plants of 1.6 lb
NO2/MWh or 0.15 lb NO2/106 Btu (about 25 ppm for a gas turbine). As discussed below, the
current state-of-the-art combustion control for a syngas-fired turbine has been demonstrated to be
15 ppm (15% O2 basis and ISO conditions), and a recent BACT determination for the Polk IGCC
plant specifies this value.

2.2.1.3.1 Comparison of NOx Emissions from Syngas-Fired Turbines versus Natural Gas-
Fired Turbines

Since IGCC technology incorporates a combustion turbine (CT) in its power cycle, which
accounts for most of the air emissions, its environmental performance is inevitably compared
with that of a natural gas-fired combustion turbine, either a simple cycle or a natural gas
combined cycle (NGCC) plant. Based on so-called Lean-Premix combustion technology (see
Section 2.2.6.1.1), the PSD BACT standard for natural gas-fired stationary gas turbines, discussed
in Section 3.2.1.1.2, specifies a NOx emission level of 9 ppm or 0.04 lb/106 Btu. Additionally,
new units sited in ozone nonattainment areas have been required to install Lowest Achievable
Emissions Reduction (LAER) technology, such as selective catalytic reduction (SCR), to reach
emission levels as low as 2 or 3 ppm (equivalent to 0.01 lb/106 Btu) in some states.

With regard to recently installed IGCC plants, the initial response by regulators has been to
suggest that NOX emissions be controlled to the same low levels as those from NGCC plants.
However, it is very important to understand that the combustion characteristics of syngas and natural
gas are fundamentally different, which results in different NOx emission levels and different control
capabilities for each. As discussed in detail in Section 2.2.6.1.1, use of the Lean-Premix
Technology is not applicable to IGCC gas turbines that fire gasification-derived syngas, and the
SCR technology has also reported to be problematic due to excessive SO2 concentration in the
turbine flue gas. The current state-of-the-art control for syngas-fired turbines makes use of
diluents, such as nitrogen or steam, to reduce NOx emission levels to approximately 15 ppm (at
15% oxygen and ISO conditions).8

In summary, even though IGCC NOx emissions are quite low relative to emissions allowed from
other coal-based power systems, enhanced control technology will likely be needed if the current
requirements for stationary, natural gas-fired combustion turbines are used by regulators as a
future standard for syngas-fired turbines. To date, regulators in Florida have concluded that a
unique NOx standard for syngas-fired turbines is more appropriate, based on cited limitations.



Detailed Evaluation of the Environmental Performance of Gasification-Based Power Systems

DECEMBER 2002 U.S. DOE/NETL2-10

TABLE 2-1. TYPICAL NOX EMISSIONS FROM IGCC PLANTS

NOX EMISSIONS
IGCC

PLANT
NAME

PLANT
SIZE,
MWe

APPLICATION,
FUEL TYPE

GASIFICATION
TECHNOLOGY

GAS
TURBINE

TYPE
ppmvd @
15% O2,

Dry

lb/106 Btu
(lb/MWh as

NO2)

Cool
Water9 125 Demonstration

Power Plant, Coal

ChevronTexaco
pressurized

oxygen-blown
entrained-flow

GE 7FE 25 Unknown

Polk10 250 New Power Plant,
Coal

ChevronTexaco
pressurized

oxygen-blown
entrained-flow

GE 7FA <20a 0.08 - 0.11a

(0.8 – 1.03)

Wabash
River11 262

Repowered PC
Plant w IGCC,

Coal

E-Gas two-stage
pressurized

oxygen-blown
entrained-flow

GE 7FA 25
0.15

(1.09)

Chevron
Texaco

Eldorado5
40

Cogeneration
Plant, Petroleum

Coke

ChevronTexaco
pressurized

oxygen-blown
entrained-flow

GE 6B <25 Unknown

LGTI9 160 Demonstration
Power Plant, Coal

E-Gas two-stage
pressurized

oxygen-blown
entrained flow

Westinghouse
WD501-D5 70 0.26

Motiva;
Delaware
City, DE9

240 Refinery,
Petroleum Coke

ChevronTexaco
pressurized

oxygen-blown
entrained-flow

GE 2-6FA 16 0.1

a Based on 14 months of CEMS data at the Polk plant. The average of the monthly highs is just under 0.10
lb/106Btu and the average of the monthly lows is just under 0.085 lb/106Btu. Polk’s emissions will be reduced to 15
ppm (0.076 lb/106Btu) in July 2003 based on a recent BACT determination.

2.2.1.4 Carbon Monoxide (CO)

CO emissions are typically the result of incomplete combustion but can also result from fugitive
emissions from the gasification equipment. In an IGCC system, sources are typically the gas
turbine, sulfur recovery unit tail gas incinerator, and the flare system and equipment leaks.

Detailed CO emissions from the Wabash IGCC plant are characterized below in TABLE 2-2.
The original Wabash coal-fired plant, which was repowered by the IGCC plant, emitted CO at an
annual average rate of 0.64 lb/MWh.

While CO emissions from the primary combustion equipment appear be able to comply with
emission standards, total CO emissions also depend upon fugitive sources and emissions from
the flare system. These latter sources may cause CO emissions to exceed site permit
specifications if not carefully controlled.
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TABLE 2-2. 1998 CO EMISSIONS FROM THE WABASH RIVER IGCC PLANT11

PROCESS
COMPONENT

EMISSION RATE PERMITTED EMISSION
RATE a

lb/hr lb/MWh lB/MWh

Tail Gas Incinerator 0.46b 0.0018b, 0.0009c 0.21

Flare 63.8h 0.25 42e

Power Block – Gas
Turbine

11.2d 0.045d 15 ppm, (corrected to 15%
oxygen and 75% or greater load)

Fugitive Emissions 0.0011f 4.5 x 10-6 None Required

TOTAL 75.5 0.30g

a Based on 56 lb/hr and 221 tons/yr permit limits and 251 MWe net actual output
b Based on initial compliance stack testing
c Average based on 1998 emission inventory of 0.588 tons/yr, 5,279 hours of operation, and 1,322,985 MW-hr net output
d Average based on 1998 emission inventory of 29.68 tons/yr, 5,279 hours of operation, and 1,322,985 MW-hr net output
e Based on CO flare permit limit of 11,099 lb/hr, 95% efficiency of CO combustion in the flair at maximum syngas flow
f Based o n reported emissions of 0.003 tons/yr in 1998
g Equivalent to 0.033 lb CO/106 Btu coal heat input, as reported by Wabash in 1998
h Data not directly provided, calculated by difference based on reported total CO emissions of 0.033 lb/106 Btu

2.2.1.5 Lead

Lead (Pb) is found in coal in trace amounts in various forms (e.g., PbO2, PbS, etc.). The mean
concentration (ppm by weight) of lead found in U.S. coals is tabulated in TABLE 2-3.

TABLE 2-3. MEAN LEAD CONCENTRATION (PPM BY WEIGHT) IN U.S. COALS12

Appalachian Interior Gulf Great Plains Rocky
Mountain

All U.S.
Coals

15.3 55 20 5.3 5.5 16

Lead, a semi-volatile metal, is released from coal during combustion or gasification. It is
classified as a Group II metal (see Section 2.2.3.2.1) that partially volatizes and becomes
enriched on fly ash particles of decreasing particle size, as exhibited in results of analytical
investigations completed on a slagging gasifier demonstration for IGCC power generation.12

Such enrichment has been explained by a volatization-condensation mechanism, similar to that
which takes place in coal combustion. In 1996 bench-scale study,13 in which Illinois No. 6 coal
was gasified in an entrained flow device at a gas temperature of 1450o C (2642o F), over 40% of
the lead contained in the coal vaporized. Under the reducing conditions in a gasifier, chemical
equilibrium analysis indicates that Pb will remain in the vapor phase at temperatures over 500o C
(932o F) and condense on cooling to 400o C (752o F).14 Both bench-sale testing and
thermodynamic equilibrium models15 indicate that the most likely chemical forms of lead in
gasifier product gas will be Pb, PbS, PbCl2 and PbCl. Key variables that influence the formation
of these lead species are the lead species present in the coal, coal pretreatment, gasifier
temperature profile, oxygen partial pressure and reaction time. Most, but not all, of the lead
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species should be removed in the plant’s particulate and acid gas cleanup systems. Any residual
lead in the fuel gas will be discharged from the combustion turbine as Pb, PbCl2, or PbO.

Trace metal mass balance results for LGTI’s IGCC plant showed that about one-third of the lead
in the coal ended up in the gasifier slag and less than 5% as air emissions. The remaining lead
was assumed to be removed in the particulate and acid gas cleanup systems and discharged with
solid and liquid waste streams. Turbine stack emissions showed an average lead content of 1.6
µg/Nm3, with 62% in the particulate phase and 38% in the vapor phase. A total average air
emission factor for lead at the LGTI plant was calculated to be 2.9 lb/1012 Btu of heat input.

In summary, trace amounts of lead contained in coal can be efficiently removed in an IGCC
plant with minimal discharge to the atmosphere. While lead discharged with the slag can be
effectively sequestered, the form of the lead species discharged in solid or liquid streams from
the plant’s water treatment facility is not known.

2.2.2 Identification and Characterization of Emissions of Trace Ionic Species

Ionic speciesc of environmental concern in the effluent streams of gasification-based power
plants include sulfate, nitrogen-containing ions (e.g., nitrate, ammonium), chloride, fluoride,
phosphate and cyanide. The ionic forms of these species in stack gases are present only in the
aerosol phase.16 Chloride and fluoride, however, can exist as acids and, thus, may appear in the
gas phase as well. In IGCC plants, cyanide in process wastewater discharge appears to be the
ionic species that is most problematic due to its toxic nature.

2.2.2.1 Sulfate

Sulfur species are typically the major anionic component of fossil fuel waste streams, typically
present as sulfate (SO4

2-) and sulfite (SO3
2-) species. Sulfate is usually the dominant species in

aqueous solution due to its stability over a wide range of Ehd and pH.17 In stack gas, residual
sulfur will primarily be in the gas phase, with a much smaller portion in the particulate phase. As
discussed in Chapter 1, high-efficiency removal of H2S and particulate from the synthesis gas
limits emissions of aerosol sulfates and sulfuric acid to very low levels.

Sulfuric acid mist (H2SO4) has been identified as a constituent of incinerator tail gas emissions at
the Wabash IGCC plant. In general, emissions are controlled by limiting fuel gas to less than or
equal to 360 ppmdv of sulfur and ensuring that exhaust stack temperature is maintained at or
above 264 ºF.11 Initial compliance testing at the plant measured acid emissions of 2.69 lb/hr
versus a permit limit of 3.79 lb/hr (6.8 tons/yr). 1997 annual emissions of sulfuric acid were
estimated to be 3.84 tons/yr, and 1998 emissions were estimated to be 0.63 tons/yr.

Another potential source of sulfate emissions, as mentioned in Section 2.2.1.1, is the flare system
that is used during cold start-up, shutdown, and during upset conditions, when the combustion
turbine is unavailable. Since the flare is designed to efficiently combust the clean syngas at high
temperatures (> 1830o F), emissions of H2SO4 are small compared to the rest of the plant.

c An ion is an atom or a group of chemically combined atoms that is electrically charged through addition or
removal of one or more electrons. Examples are sodium ion (Na+), chloride ion (Cl-), ferric ion (Fe3+), sulfate ion
(SO4

2-), and hydride ion (H-).
d Redox potential – meas ur es a b ilit y o f a n environme nt to supply or use electro ns.
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2.2.2.2 Nitrogen-Based Species

Excluding NOx in stack gas, the trace nitrogen species most frequently found in fossil power
plant effluent streams (including IGCC fugitive emissions) are NH3

0, NH4
+, NO3

-, and NO2
-.

Ammonia is generated in the gasification process, but most is removed from the syngas during
acid gas and particulate removal. Fugitive emissions of ammonia vapor at the Wabash IGCC
plant have been estimated to be 0.0374 tons/yr in 1997 and 0.00011 tons/yr in 1998.11 Stack gas
testing at Wabash measured less than 0.0031 lb/hr of total ammonia in 1998. Testing at the
LGTI plant measured combined ammonia emissions in the stack gas and incinerator tail gas as
1.5 lb/hr (534 lb/1012 Btu).18

2.2.2.3 Chloride

Chloride is a common constituent in the effluent streams from coal-fired power plants due to the
chlorine in U.S. coals (primarily as sodium and potassium chlorides), ranging from 0.01 to 0.5%
by weight. While most U.S. coals have relatively low chlorine content, about 2.5% of the total
estimated reserves have chlorine content above 0.2 percent, and these are mostly concentrated in
the states of Illinois and Indiana.19 Therefore, the relatively low chloride content of most coals
limits chloride levels in effluent streams to low levels.

Most of the chlorine in coal is organically bound. During gasification, most of the chlorine is
converted to hydrogen chloride (HCl) gas that appears in the untreated syngas.14 The
concentration in solid waste effluent streams (e.g., slag and ash) is affected primarily by a
volatilization/condensation mechanism. The vapor-phase HCl and particulate-phase chlorides
can be efficiently removed from the raw syngas in a water scrubber. As explained in Chapter 1,
the scrubber effluent (bottoms) are treated in the water treatment system where particulates are
separated for return to the gasifier, and the effluent is concentrated and solids crystallized for use
or disposal in a landfill.10 The results of a chloride mass balance, performed at the LGTI power
plant, are shown in TABLE 2-4.

TABLE 2-4. CHLORIDE MASS BALANCE AT LGTI PLANT

INPUT OUTPUT, lb/HR (% OF INPUT)

COAL FEED,
lb/hr SLAG

INCINERATOR
STACK GAS

GAS TURBINE
STACK GAS

SOLIDS AND
WASTEWATER

EFFLUENTS

5.3

(100%)

0.83 lb/hr

(15%)

0.09 lb/hr

(2%)

2.0 lb/hr

(38%)

2.38 lb/hr

(45%)

In summary, regardless of gasifier type, low-temperature water scrubbing of the syngas can
remove a significant portion of the chlorides, input with the coal feed, that exit the gasifier as a
constituent of the syngas. However, more than one-third of the chlorides may exit the plant with
the stack gas.
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2.2.2.4 Fluoride

Fluoride is a common constituent in the effluent streams from coal-fired power plants due to the
fluorine content of U.S. coals, ranging from 10 to 295 ppm.14 The relatively low fluorine content
of coal limits fluoride levels in effluent streams to low levels.  Most of the fluorine in coal is
organically bound and during gasification, is converted to hydrogen fluoride (HF) gas in the raw
syngas. The concentration in the solid streams (slag and ash) is affected primarily by a
volatilization/condensation mechanism.  The highly soluble vapor-phase HF, and particulate-
phase fluorides can be efficiently removed from the raw syngas in a water scrubber.

Results of a fluoride mass balance, performed at the LGTI power plant, are shown in TABLE
2-5:

TABLE 2-5.  CHLORIDE MASS BALANCE AT LGTI PLANT

INPUT, lb/hr OUTPUT, lb/hr (% OF INPUT)

COAL FEED SLAG
INCINERATOR

STACK GAS
GAS TURBINE

STACK GAS

SOLIDS AND
WASTEWATER

EFFLUENTS

10 2.0

(20%)

0.0012

(0%)

0.1

(1%)

7.9

(79%)

In summary, regardless of gasifier type, low-temperature water scrubbing of the syngas can
remove most of the fluorides.

2.2.2.5 Cyanide

Hydrogen cyanide (HCN) is a toxic species that can be produced in the reducing environment of
a gasifier process.18  Likely formation reactions are:

CH + N2  �  HCN + N

CH3 + N  �  HCN + 2H

IGCC process effluent gas streams that may contain HCN are the gas turbine/HRSG stack gas
and the incinerator stack gas.  Cyanide compounds may also occur on surfaces of particle
entrained in gas streams.  Aqueous streams may also contain dissolved cyanide as a result of
syngas scrubbing to remove particulates and acid gases.

Emissions testing at both the LGTI and Wabash plants indicates extremely low levels of cyanide
in both the turbine and incinerator stack gases, as indicated in TABLE 2-6.
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TABLE 2-6. TURBINE AND INCINERATOR STACK GAS EMISSIONS OF CYANIDE

EFFLUENT
STREAM

PARTICULATE
PHASE CYANIDE,

AVERAGE

VAPOR PHASE
CYANIDE,
AVERAGE

TOTAL
CYANIDE,
AVERAGE

LGTI PLANT18

Turbine Stack Emissions,
µg/Nm3 Not Analyzed <3.2 Not Calculated

Incinerator Stack Emissions,
µg/Nm3 Not Analyzed 5 Not Calculated

WABASH PLANT11

Turbine Stack Emissions,
lb/hr (1998) None Reported None Reported <0.00006 (below

detection limit)

Incinerator Stack Emissions,
lb/hr None Reported None Reported None Reported

2.2.3 Identification and Characterization of Trace Element Emissions

Coal contains most of the naturally occurring chemical elements in (at least) trace amounts,e with
specific elements and their concentrations dependent upon the rank of the coal and its geological
origins.20 Some are potentially toxic trace metals and metal compounds bound with the coal’s
mineral and organic matter components. While associated with both the organic and inorganic
constituents of the coal, they are more often associated with the three groups that make up the
mineral content– silicate-rich minerals, carbonates, and sulfides. These trace species may be
released during gasification or combustion and can pose an environmental and human health risk,
depending upon their abundances, physicochemical forms, toxicity, partitioning behavior relative
to process streams, and their ultimate disposal/deposition in the local and regional ecosystems
associated with the coal conversion system.

TABLE 2-7 lists the trace metals and groups them according to their perceived level of
environmental impact. The table also identifies the eleven trace elements (shown in bold),
among a total of 189 substances, considered as hazardous air pollutants (HAPs) by the 1990
Clean Air Act Amendments (CAAA), see Section 3.2.7.3. These elements (and their
compounds) are found in coals at concentrations ranging from a few ppb for elements such as Sb
and Hg, to several hundred ppm for Mn. Some of these eleven trace elements, as well as the
radionuclides uranium (U) and thorium (Th), may be the focus of future regulations.

e By definition, trace elements are those that are present at levels no greater than 1000 ppm (0.1% or 1000 µg/g).
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TABLE 2-7. TRACE ELEMENTS OF ENVIRONMENTAL CONCERN ASSOCIATED
WITH COAL COMBUSTION/GASIFICATION12

Trace Elements of Greatest
Environmental Concern

Arsenic (As), Boron (B), Cadmium (Cd), Lead
(Pb), Mercury (Hg), Molybdenum (Mo), and
Selenium (Se)

Trace Elements of Moderate
Concern

Chlorine (Cl), Chromium (Cr), Copper (Cu), Nickel
(Ni), Vanadium (V), and Zinc (Zn)

Trace Elements of Minor
Environmental Concern

Antimony (Sb), Barium (Ba), Beryllium (Be),
Cobalt (Co), Fluorine (F), Germanium (Ge), Lithium
(Li), Manganese (Mn), Strontium (Sr)

Radioactive Elements of Concern Radon (Rn), Thorium (Th), Uranium (U)

Determining the amount and chemical form of trace constituents that partition to the gaseous
effluents (and liquid discharges and solid residues) of a gasification-based power generation
system can be quite difficult and uncertain. It requires proper sampling, sample recovery,
awareness of potential contamination errors, choice of appropriate reference materials, and
appropriate analytical techniques. This is complicated by a number of problems that lead to data
uncertainty and inadequate mass balances for trace inorganic (and organic) species, such as
mercury, exiting an IGCC plant. These problems can be been categorized as follows:

• Low concentrations of species being measured
• Inaccurate identification of all input and output streams and deposition locations, solid

and liquid
• Inaccurate plant operating assumptions
• Inaccuracies in the measurement methods.

A detailed review of previously tested trace (inorganic and organic) pollutant measurement and
monitoring techniques is provided in Appendix 2A, along with an assessment of the critical
factors that may yield significant data inaccuracy. This is presented so that the reader fully
understands the potential imprecision associated with the information presented in this section,
as well as the other sections that deal with trace species.

2.2.3.1 Predicted Physical and Chemical Forms of Trace Elements within an IGCC System

Data on the chemical and physical forms of trace elements during coal gasification is quite
limited compared to that from conventional boilers. However, information is available from
thermodynamic equilibrium modeling studies, bench- and pilot-scale units, and several
commercial-scale IGCC plants.

A variety of computer-based thermodynamic equilibrium studies have been performed to
identify the chemical and physical forms of vapor-phase trace elements likely to be produced in a
gasification process. This work makes use of global free energy minimization calculations and
trace metal thermodynamic data to establish thermo-chemical equilibrium for specified fuel gas
composition, temperature and pressure conditions. When total Gibbs free energy is at a
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minimum, all possible chemical reactions – homogeneous and heterogeneous – have reached
equilibrium, and only stable chemical species and phases remain. While many of the reactions in
coal combustion and gasification are kinetically (reaction rate) controlled and may not actually
reach equilibrium, the equilibrium analysis provides a computational approach that has proven to
yield insight into the chemical and physical behavior of trace elements in both combustion and
gasification systems.

One such study evaluated the partitioning between vapor and condensed phases for the elements
As, Cr, Hg, Pb, Se and Zn as a function of temperature at pressures of 0.1 MPa (1 atmosphere)
and 2 MPa (20 atmospheres) for the entrained-flow gasification of Illinois No. 6 coal.21 TABLE
2-8 identifies the most likely chemical forms of the vapor and condensed phases and the
temperature at which 10 percent of a species condenses. Both Hg and Se are predicted to remain
primarily in the vapor phase throughout an IGCC power cycle (regardless of operating pressure);
whereas, other elements should condense and partition among particulate solids, heat transfer
surfaces, and/or aqueous streams. Based on its condensation temperature, arsenic would most
likely condense on the heat transfer surfaces that cool the synthesis gas prior to water washing
and acid gas removal.

TABLE 2-8. EQUILIBRIUM MODEL PREDICTIONS OF VOLATILE TRACE
ELEMENT CHEMICAL FORMS IN ENTRAINED FLOW GASIFIER21

Element
Prominent

Vapor-Phase
Species

Prominent
Condensed-

Phase Species

Condensation
Temperature (oF) @

14.7 psi

Condensation
Temperature (o F) @

290 psi

As AsO As2S2 675 819

Cr Not identified Cr2O3 2672 2942

Hg Hgo HgS 152 207

Pb PbS, Pbo PbS 927 1070

Se H2Se Se 152 189

Zn Not identified ZnS 1412 1592

Equilibrium calculations assume that all Cl and S in coal are present in vapor phase as HCl and H2S.

A second, but more comprehensive analysis, evaluated all of the above trace elements, as well as
antimony, boron, beryllium, cadmium, cobalt, gallium, nickel, phosphorous, tin, titanium,
vanadium, and zinc.22 In this analysis, the syngas composition was based on a subbituminous
coal, and the key design parameters included a stoichiometric ratio set at 0.6 (versus 1.2 for
combustion) and a total pressure of one atmosphere. TABLE 2-9 presents the results of this
analysis.

Another study evaluated gasification of a British coal at conditions representative of an air-
blown, pressurized fluidized bed gasification plant.23 Calculations considered each element in
isolation, only simple salts (chlorides, oxides, and sulfides), and only the formation of pure
condensed phases. Gasifier pressure was set at 290 psi. Calculations predicted the generalized
trace metal behavior shown in TABLE 2-10 for As, Cd, Co, Cu, Cr, Hg, Mo, Mn, Ni, Pb, Se, Sn,
V, and Zn. As indicated earlier, while most trace elements will be removed from the gas,
potential problems exist with Hg, Se, As, and Cd.
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TABLE 2-9. EQUILIBRIUM MODEL PREDICTIONS OF TRACE ELEMENT
CHEMICAL FORMS IN AN AIR-BLOWN, A TMOSPHERIC GASI FIER22

Element
Prominent Vapor-Phase

Species
Prominent Condensed-

Phase Species

Condensation
Temperature

(oF) @ 14.7 psi

Arsenic, As AsO (>800oF), AS4 (530-800o F) As2S2 530

Boron, B HBO2 (>1880o F), H3BO3 (250-1350 o F) HBO2 250

Beryllium, Be Be(OH)2 BeO 1250

Cadmium, Cd Cd CdS 710

Cobalt, Co Co CoS2 (<370 F), CoS0.89 (370-
1250o F), Co (1250-2000 o F) 2500

Chromium, Cr CrO2, CrO, Cr Cr2O3 2800

Gallium, Ga Ga2S, Ga2O, Ga, GaCl (complex
equilibrium chemistry)

Ga2S3 (< 675 F), Ga2O3 (675-
1350 o F) 1350

Germanium,
Ge GeS (1000o F), GeO (3000o F) GeO2 800

Mercury, Hg Hg (100-3000 o F) Not identified Not identified

Nickel, Ni Ni NiS2 2600

Phosphorous, P (P2O3)2 (314-2500 o F), PO2 (>2500o F) H3PO4 314

Lead, Pb Pb (> 1200 o F), PbS (<1200o F) PbS and/or PbCl2 1000

Selenium, Se H2Se None identified Not identified

Antimony, Sb SbS None identified Not identified

Tin, Sn SnS SnO2 980

Titanium, Ti None TiO2 (100-3100o F) Not applicable

Vanadium, V VO2 V2O3, V2O 2800

Zinc, Zn Zn ZnS 1340

TABLE 2-10. EQUILIBRIUM MODEL PREDICTIONS OF VOLATILE TRACE
ELEMENT BEHAVIOR IN PRESSURIZED FLUIDIZED BED GASI FIER23

Synthesis Gas Conditions:
Temperature, Pressure Trace Metals

Phase of Trace Metal at Specified
Conditions: Condensed or Vapor

> 1832° F, 290 psi
(Gasifier conditions)

Co, Ni, Cr, V Condensed

1100° F, 290 psi Zn, Cu, Mo Condensed

750° F, 290 psi Sn, Pb, Mn Condensed

< 750° F, 290 psi Hg, Se, As, Cd Vapor
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As discussed above, gasification-oriented equilibrium modeling studies identify the most highly
volatile species as mercury, selenium, arsenic, cadmium, and boron. Such species are potentially
the most difficult to control in gasification-based power generation systems. All other trace
metals will most likely be removed from the synthesis gas, as described in Section 2.2.3.2.1, and
discharged in the solid and aqueous effluents.

2.2.3.2 Partitioning of Trace Pollutant Species Among Air, Water and Solid Discharge
Streams

The partitioning behavior of trace elements significantly influences their potential environmental
impact. If a trace element is primarily captured within the slag, then it is essentially permanently
sequestered and poses very little environmental threat. On the other hand, trace pollutants in the
gaseous state that are emitted to the atmosphere in the flue gas may be more damaging to the
environment and human health. The purpose of this section is to characterize partitioning
behavior based on theoretical expectations and actual data. In order to present a cohesive
discussion, this section covers multi-media partitioning behavior.

Elements that partition to IGCC solid residue streams will primarily impact the environment and
health via leachability. Section 2.4 presents data that indicates that any such trace elements that
are trapped in gasifier slag are highly non-leachable. Trace species that partition to the flue gas
effluent are more likely to be a problem. As discussed in Section 3.2.1, EPA’s 1998 Report to
Congress on hazardous air pollutants from fossil-fired plants concluded that mercury from coal-
fired utilities was the HAP of greatest potential concern24 and merited additional research and
monitoring to determine if flue gas control was warranted. Therefore, in addition to an overall
review of trace metals partitioning to the flue gas stream, this section focuses particularly on the
fate of mercury in an IGCC plant. Partitioning to aqueous and by-product streams is also
discussed.

2.2.3.2.1 Predicted Partitioning Behavior of Trace Elements

In order to better understand their partitioning behavior, trace elements are typically divided into
three classifications depending on their volatility and the volatility of their simple compounds,
such as oxides, sulfides and chlorides. Class I elements are the least volatile and remain in the
ash. Class II elements are more volatile and partition between the ash and the gaseous phase,
with condensation of vaporized species on the surface of ash particles as the gas cools. Class III
elements are highly volatile (e.g., low boiling point) and show little or no tendency to condense
from the vapor-phase. Investigators have often disagreed on the classification of particular trace
elements. Many elements have shown "intermediate" behavior that could place them in more than
one category. FIGURE 2-2, a compilation of various study results,20 identifies trace elements by
class, indicates the potential for intermediate behavior, and qualitatively correlates the class
behavior with some measure of volatility, such as boiling point. Many of the environmentally
sensitive elements fall into classes II and III.

During combustion or gasification of coal, the trace elements partition between ash (fly ash,
bottom ash, slag) and the gaseous stream. The initial distribution depends upon the degree of
volatilization of their particular forms in the coal and the extent to which they may be physically or
chemically bound to the carbon matrix or the primary aluminosilicate minerals. Those elements
(major, minor, and trace) that are not volatized during combustion/gasification will comprise the
fly ash and the bottom ash/slag in the form of a homogeneous "melt," as well as crystalline phases;
the split between bottom ash/slag and fly ash is determined primarily by the furnace/gasifier design
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and, to a lesser extent, by operating conditions and coal rank.25 Trace elements that exit the
furnace/gasifier in a vaporized state will further partition downstream as the gas cools and
condensation occurs. Thermodynamic models indicate that the trace metals are generally more
volatile under the reducing conditions of gasification than in oxidizing environments, possibly
because volatile gaseous compounds, such as chlorides, sulphides, and hydroxides, are more stable
in reducing atmospheres.23 In an oxidizing environment, metals tend to be converted into less
volatile compo unds, s uch as ox ides and s ulf ates. f

FIGURE 2-2. TRACE ELEMENT CATEGORIZATION BASED ON VOLATILITY
BEHAVIOR 25
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The so-called chalcophile elements (As, Cd, Mo, Pb, Sb, Se, Zn), which are defined as those
with a strong affinity for sulfur, are claimed to be mostly volatized during combustion because
they occur as sulfides or within sulfide minerals.26,27,28 It has been inferred that this is the result of
the high temperature, reducing conditions near the surface of a burning coal particle that breaks
the chemical bonds between metallic elements and sulfur in the sulfides.24 Therefore, these

f This phenomenon is supported by experimental results, which compared fractional vaporization under reducing and
oxidizing conditions – higher oxygen partial pressures reduced the fraction of each element vaporized.13

h It is assumed that the temperature of ash or other sorbent surface is close or equal to the local gas temperature.
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elements are likely to partially or fully vaporize during combustion, which correlates with their
Class II partitioning categorization.

In a combustion system operating with excess oxygen, trace metals that have been volatized,
regardless of the release mechanisms, will probably be oxidized as they diffuse from the burning
coal particles. However, in the reducing environment of gasification, the volatile species may be
different from those that form during combustion. Gaseous species will undergo additional
physical and chemical conversions as they are carried to different locations, depending on their
thermodynamic properties, the fly ash/char properties, and temperature variations in the system.
Once synthesis gas leaves the gasifier, the key factors influencing partitioning behavior are the
conversion into various solid forms and their collection along with the fly ash and char. The
former is determined by three complex and interrelated processes, namely adsorption,
condensation, and chemical transformation. While these simultaneous processes occur along the
entire gas pathway, conversion will be complete for all but the most volatile species before the
particulate and acid gas control equipment. Understanding the complicated transformation of
each volatile component can be simplified with the help of the flowchart presented in FIGURE
2-3.

FIGURE 2-3. GENERIC PARTITIONING PROCESS OF VAPOR-PHASE TRACE
SPECIES IN HEAT TRANSFER AND GAS POLLUTANT CONTROL EQUIPMENT25
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Zone 1: In this zone, the gas and heat exchange surface temperatures are higher than the dewpoint
of a specified component, although adsorption may occur on the surface of fly ash and/or char.h

Adsorption will mostly occur on the porous char/ash particles instead of smooth particles formed
from condensed metals. The concentration (partial pressure) of a volatile component, as shown on
Figure 2-3, initially falls slowly with decreasing temperature. Chemisorption will yield a new
compound on a particle surface, which may be more stable and less volatile. Capillary
condensation in the pores of fly ash (and sorbent particles) can also be a factor in removing volatile
species from the gas phase. The saturation vapor pressure of most compounds is lowered in fine
pores due to the Kelvin effect; therefore, condensation can occur in the pores even though the bulk
vapor pressure is below saturation. This provides a means for capturing trace metals at relatively
high flue gas temperatures.29

Zone 2: In this zone, the temperature of the heat exchange surface is equal to or below the
dewpoint of the specified species. The process of adsorption on particulates continues in the bulk
of the gas stream. However, special conditions appear in the laminar flow regime near the heat
exchange surface. In this regime, the gas temperature decreases dramatically, and condensation
processes become possible: 1) heterogeneous condensation on the heat exchange surface as a film,
2) heterogeneous condensation on the surface of particles whose temperature drops with that of the
gas, 3) condensation of gaseous species previously adsorbed on the particle surface, and 4)
homogeneous condensation/mist formation. A portion of the adsorbed component will be returned
to the main gas flow due to particle and mist re-entrainment. Depending on the heat exchange
surface design and other conditions, the species concentration in this zone will vary somewhat.
High concentrations of some volatized-condensed trace species, such as As, have been reported for
boiler tube ash deposits.30

Zone 3: Here the bulk gas temperature reaches the dewpoint of a particular species. Because the
temperature of the heat exchange surface is usually lower than the gas temperature all along the
boiler pass, all of the processes described above continue. However, condensation on ash particles
and on mist droplets within the entire gas volume is now possible. Also, homogenous
condensation is possible, especially if a sharp temperature drop occurs, as in the case of wet
scrubbing. The component’s partial pressure drops sharply to the saturation level, achieving
equilibrium between the material adsorbed on particle surfaces and the vapor phase.

Zone 4: This zone is characterized by equilibrium between gaseous and condensed phases.
However, if enough particles are present, the partial pressure of a species can be reduced below its
saturation pressure by continued adsorption. Here the species is present as 1) an equilibrium liquid
film on the surface of solid particles, 2) mist droplets, and 3) vapor. The location in the gas path
where the various regimes are in control will be different for each of the volatile trace species
based on their concentration levels, their thermodynamic properties and chemical reactivity
potential. This simplified picture becomes much more complicated if we take into account
possible chemical reactions between condensed species, between species and fly ash, and between
the volatile species and other components of the gas. For example, investigation of the adsorption
of mercury vapor on ash and activated carbon particles31 has shown that the largest part of the
mercury captured is not physically adsorbed, but chemically adsorbed and immobilized as more
stable compounds. Immobilization of the trace species on fly ash or other adsorbents may offer an
opportunity for ultimate disposal of these materials.

In summary, chemical forms and partitioning of trace elements among various gaseous, liquid and
solid streams in an IGCC system ultimately depend upon coal characteristics, gasifier type
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(fluidized bed, slagging entrained-flow), gasifier operating conditions, operating conditions
downstream of the gasifier, and the type of downstream gas treatment processes.

2.2.3.2.2 Measured Partitioning Behavior

Gasifier Bench- and Pilot-Scale Test Results

Tests conducted in a bench-scale pressurized drop-tube furnace by the Energy and
Environmental Research Center have shown that gasifier temperature, pressure, and oxygen-to-
carbon ratio (a proxy for reducing tendency) affect trace element partitioning, but primarily for
the volatile elements.20 The majority of trace elements were recovered with the ash and char,
regardless of temperature, pressure and reducing conditions. However, the most volatile species,
such as arsenic, cadmium, selenium and mercury, are affected by operating conditions, but not
necessarily in an entirely consistent (or intuitive) manner. For example, increasing pressure
increased the volatility of cadmium and mercury, but decreased volatility for selenium.
Increasing temperature generally increased the volatility of the Class III metals. Additionally,
while no significant trend was observed for the oxygen-to-carbon ratio, Hg volatility was shown
to increase under more reducing (less oxidizing) operating conditions. The latter observation
indicates that mercury may take a less volatile form under more oxidizing conditions (e.g., HgO
versus Hgo or HgS). As expected, the elements found to be the most volatile under all conditions
were cadmium, selenium, and mercury. In contrast, nickel, chromium and, to a certain degree
lead, were determined to be less volatile or nonvolatile.

In another bench-scale study reported by Helble,13 the fate of trace elements was investigated in
a device that simulated the gasification of Illinois No. 6 coal under entrained-flow conditions at
atmospheric pressure and a temperature of 1450oF. The results indicated that over 40% of the
elements arsenic, antimony, lead, selenium and mercury were vaporized, whereas the elements
cadmium, chromium, cobalt, manganese, nickel, uranium and thorium were relatively non-
volatile.

IGCC Test Results

While the bench-scale studies clearly identified the most volatile trace elements, the test results
offer no information regarding the capture or escape from an IGCC facility that includes syngas
cleanup equipment. Tests at representative IGCC units must be examined to garner this
information.

Shell Development Company Pilot-Scale Plant

Pilot-scale test results have been reported by Shell Development Company based on operation of
their SCGP-1 IGCC plant from 1987 to 1991.32 The Shell system is a high-pressure, oxygen-
blown, dry-feed, entrained-bed slagging gasification process (see Section 1.1.2.3 for more
details). Extensive characterization during a long-term demonstration, while gasifying Illinois
No. 5 coal, established the distribution of the major, minor, and trace elements to the slag,
particulate filters, scrubber water, raw syngas, acid gas, and treated syngas.

Trace elements showing very high levels of recovery in the gasifier slag and particulate filter
were: B (90%), Be (100%), Cd (74%), Co (100%), Cr (100%), Mn (100%), Mo (100%), Ni
(84%), Pb (80%), U ((100%), V (100%), and Zn (90%). Elements with low levels of recovery
were: As (63%, all in slag and particulate), Cd (74%, all in slag and particulate), Hg (27%, with
21% in slag and particulate and 6% removed in acid gas treatment), Sb (40%, all in slag and
particulate), Se (63%, with 61% in the slag and particulate and 2% in scrubber water), and Sn
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(71%, all in slag and particulate). Shell concluded that the low measured recovery of these
volatile elements was related to retention within the process equipment. Analysis of the sorbent
and packing material from their syngas scrubber after decommissioning of the plant showed this
material to be “significantly” enriched in Hg, As, Pb, Se and Zn. Therefore, they concluded that
the scrubbing step in the syngas cleanup train, upstream of the acid gas removal equipment, was,
in fact, very effective at removing volatile trace elements. Volatile trace elements were not
detected in the clean product syngas or the acid gas, with the exception of lead (clean syngas)
and selenium (acid gas), which were present at less than 1% of the total inlet feed rate to the
gasifier.

Louisiana Gasification Technology Inc (LGTI) IGCC Plant

Detailed field measurements of toxic emissions were performed at the 160 MWe LGTI IGCC
power plant described in Chapter 1.18 Sampling and measurements included all inlet and outlet
streams, as well as many internal streams. In general, Radian reported that the trace substance
emissions (inorganic and organic) were relatively low and comparable to a well-controlled
pulverized coal-fired power plant. Material balance closures were best (70 to 130%) for the non-
volatile elements (Be, Cr, Co, Mn and Ni), not as good for the semi-volatile elements (As, Cd,
and Pb), but poor for the most volatile elements (Hg, Se, Cl and F). They also found that the
acid gas Selectamine scrubber captured some volatile elements and organics. FIGURE 2-4
shows the partitioning of the trace elements among the major outlet streams – gasifier slag,
processed “sweet” water, turbine stack gas, and incinerator stack gas. Since many of the trace
elements are present at extremely low levels and since some of the metals may partially
accumulate within an IGCC process, it isn’t considered unusual to obtain material balance
closures of less than (or more than) 100%.

Test results show that the volatile Class III elements, such as Hg and the halogens, are
completely vaporized during gasification and are carried downstream with the syngas. Little to
none is retained in the slag, but a portion is removed in the cleanup equipment. However,
species, such as mercury, remain in the gas phase and will ultimately be discharged with the
turbine exhaust gas. LGTI test data showed that the concentration in the tail-gas incinerator
stack (28 µg/Nm3) was significantly higher than in the turbine exhaust (0.71 µg/Nm3). As
discussed in the LGTI report, a possible explanation is the formation of mercuric sulfide in the
syngas, which would be removed by the amine (MDEA) in the SelectamineTM absorber. During
amine regeneration, the mercury would desorb into the acid gas stream that is sent to the sulfur
unit (SelectoxTM unit), and exit in the tail gas sent to the incinerator. These results definitively
show that some portion of the input mercury will be discharged into the atmosphere but some
mercury remains unaccounted for. This is further discussed in Section 2.2.3.3.

The semi-volatile Class II elements, such as As, Cd, Pb, and Se, were distributed partially to the
slag, but were also present in the vapor phase throughout the process. The test data indicate that
a small amount of each ends up in the turbine exhaust gas, but it is not clear where the remaining
material goes. The Radian report suggests that some of the Class II and III metals may
accumulate in the acid gas removal system, but, unfortunately, the solvent and the sludge were
not sampled.
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FIGURE 2-4. DISTRIBUTION OF VOLATILE, SEMI-VOLATILE, AND NON-
VOLATILE TRACE ELEMENTS AS MEASURED IN LGTI IGCC DISCHARGE

STREAMS18

0

50

100

150

200

Sb Cl F As Be Cd Cr Co Pb Mn Hg Mo Ni Se

P
er

ce
n

t
o

f
In

p
u

t

Gasifier Slag Sweet Water Turbine Stack Incinerator Stack

As expected, the non-volatile Class I elements almost fully partition to the slag. The excess
chromium and nickel found in the slag is claimed to come from the gasifier refractory material.
Traces of these metals were also measured in the turbine exhaust. Radian speculates that this
may be due to the reducing environment of the gasifier, which provides the potential for forming
volatile carbonyl compounds.

Trace element emission factors (lb/1012 Btu input basis), calculated for total stack emissions
from the LGTI plant, are presented in TABLE 2-11.
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TABLE 2-11. TOTAL STACK EMISIONS OF TRACE ELEMENTS IN LGTI IGCC
PLANT18

TRACE ELEMENT EMISSION FACTOR, lb/1012 Btu

Average 95% Confidence Level*

Antimony 4 4.7

Arsenic 2.1 1.9

Berylium 0.09 0.03

Cadmium 2.9 3.8

Chloride 740 180

Chromium 2.7 0.63

Cobalt 0.57 0.58

Fluoride 38 22

Lead 2.9 1.5

Manganese 3.1 6.5

Mercury 1.7 0.43

Nickel 3.9 3.6

Selenium 2.9 1.3

* Mean value of the confidence interval in which there is a 95% probability that the value occurs

2.2.3.3 Detailed Evaluation of Mercury Data

Mercury is a particular problem in combustion and gasification systems, since it primarily
remains in the vapor phase due to its low boiling point (357oC or 675oF). Its partitioning and
speciation may vary between different gasification systems, but should be broadly similar. The
likely chemical forms that may be found within a gasification-based power system are: 1)
elemental mercury (Hgo), 2) oxidized mercury (HgO and HgCl2), and 3) mercuric sulfide (HgS).
Other species are possible, but they should be present in only small quantities. The mercury may
remain in the gaseous phase, be adsorbed onto particulates, or be removed in the liquid
scrubbers. As discussed previously, both thermodynamic equilibrium modeling studies and
actual test results indicate that elemental mercury is the prominent chemical form in gasification
systems.

The mercury originally contained in the solid gasifier feed (e.g., coal) can be distributed in
varying amounts to the following IGCC flow streams:

• Gasif ier slag/ash – Hg d ischar ged in solid form from the gasifi er

• HRSG stack gas – H g e x i ts in gaseous fo rm as constituent of the flue gas

• Sulfur recovery unit tail gas – Hg exits in gaseous form in the tail gas

• Acid gas removal amine solvent – Hg potentially accumulates within the gas cleanup
system solvent

• Discharge water – Hg potentially absorbed in process water
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• Discharged process solids – Hg contained in scrubber bottoms of flyash/char

• Sulfur or sulfuric acid by-product – Hg potentially captured with byproducts

2.2.3.3.1 Characterization of Probable Mercury Pollutant Emissions (Gaseous, Solids And
Liquids) Based On Plant Test Results

Polk and Wabash River IGCC Plants

The U.S. EPA’s Office of Air Quality and Planning (OAQP) conducted a program to collect the
mercury emissions from coal-fired power systems.33,34 As part of their Information Collection
Request (ICR), EPA selected specific power plants for emissions testing to characterize
speciated mercury emissions. Mercury sampling was performed on both the Polk Power and the
Wabash River IGCC units. Mercury speciation testing was performed at the outlet of the
combustion turbine/HRSG (in the stack) and mercury in the coal feed was also quantified to
identify the mercury input to the cycles. Results of these tests are listed below in TABLE 2-12.

TABLE 2-12. MERCURY EMISSION TEST RESULTS FOR POLK AND WABASH
RIVER IGCC POWER PLANTS33,34

POLK WABASH RIVER

Flue Gas Emissionsa
µg/Nm3 lb/hr % Total µg/Nm3 lb/hr % Total

Particulate bound mercury < 0.01 0.00003 0.25 <0.02 0.00006 0.56

Oxidized mercury 0.29 0.00087 7.08 <0.9 0.00273 25.30

Elemental mercury 3.81 0.01120 92.67 2.64 0.00800 74.14

Total 4.11 0.01210 100.00 <3.56 0.01079 100.00

Input (mercury in coal) < 0.0207 0.016 100

Mercury partial mass balanceb lb/hr Closure, % lb/hr Closure, %

Mercury In 0.0207 0.016

Mercury Out 0.01210 0.01079

Difference 0.00860 58.45 0.00521 67
a Average values for 3 tests, Nm3 = Normal cubic meter (0oC and 1 atm)
b Balance is not complete -- no results for liquid and solids effluent streams

Although a complete mercury mass balance cannot be performed, both tests clearly indicate that
a large portion, at least 60%, of the mercury will exit with the combustion flue gas as elemental
mercury, predominant species generated by these IGCC processes.

A significant portion of the Hg does not exit in the flue gas and is removed elsewhere. Since
little mercury will be trapped with the gasifier slag (see Section 2.2.3.2.2), the most likely sinks
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are the water and amine scrubbers and the flyash and char particles entrained in the fuel gas.
Therefore, the following partitioning of the remaining mercury is possible:

• Accumulates in the amine scrubbing loop

• Removed from the amine solvent when stripped of H2S and partitioned to the
sulfur/sulfuric acid recovery unit – discharged with the by-product

• Returned to the gasifier with excess scrubber water that is recycled for coal/water slurry
preparation

• Recycled to the gasifier with char and flyash (Wabash River Plant)

• Discharged with treated water, water treatment material (e.g., activated carbon), or water
scrubber bottoms.

Louisiana Gasification Technology Inc. (LGTI) IGCC Plant

A joint DOE/EPRI/LGTI project characterized trace substance emissions from this plant in 1995.
Mercury was measured in the gasifier coal feed, gasifier slag, turbine stack, acid plant incinerator
stack, sulfur by-product, and sweet water discharge. Mercury speciation testing distinguishes the
particulate phase from the vapor phase. Results of these tests are listed in TABLE 2-13.

The LGTI test results are not consistent with the test results provided in Table 2-12 in terms
of mass balance closure. However, these test results were more complete since they included data
for the solid and liquid discharge streams. The mass balance is summarized in FIGURE 2-5:

FIGURE 2-5. LGTI MERCURY MASS BALANCE
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TABLE 2-13. MERCURY EMISSION TEST RESULTS FOR LGTI IGCC POWER
PLANT18

Hg OUTPUT µg/Nm3 (avg) lb/hr (avg) % TOTAL
by WEIGHT

Flue Gas Emissionsa

Turbine Stack – Particulate Phase 0.01 0.00005 1.1

Turbine S t ack – Vapo r P hase 0.70 0.00335 72.8

In ciner ator S t ack – P a rticulate
Phase

0.015

In ciner ator S tack – Vapo r P hase 28 0.0012 26.1

Total Flue Gas Emissions 0.0046 100.0

Solid Discharge Effluent Streams µg/g (avg) lb/hr (avg) % Total by
Wt

Gasifier Slag 0.02 0.00020 90

Sulfur By-product 0.095 0.000023 10

Total Solid Phase Hg 0.000223 100.0

Aqueous Discharge Streams Mg/L lb/hr (avg) % Total

Sweet Waterb <0.00003 N/A 100.0

Hg INPUT µg/g (avg) lb/hr (avg) % Total

Input (mercury in coal) 0.11 0.015 100.0

Mercury Partial Mass Balance lb/hr (avg) Closure, %

Mercury In 0.015

Mercury Out 0.004823

Difference 0.0102 33
a Average values for tests, Nm3 = Normal cubic meter 0oC and 1 atm)
b Mass flow of sweet water discharge not provided in report, but Hg content is very small
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Approximately 31 percent of the inlet mercury is discharged in gaseous form to the atmosphere,
probably as elemental mercury. About 2 percent leaves with the slag and sulfur by-product.
According to these test results, the unaccounted mercury is not leaving with the solid and liquid
discharge streams. Either the emissions test data are in error or the Hg is being accumulated
within the system. There is some evidence that Hg may accumulate in the amine-based sulfur
removal system.35 The amine solvent is periodically regenerated to prevent excessive buildup of
heat stable salts, primarily carboxylic acids. These acids, it is claimed, can keep metallic
elements such as Hg in solution by chelation. The sludge layer that accumulates at the bottom of
the solvent storage tank may also contain some Hg. In the tests reported here, no samples were
taken that can fully confirm this result.

Mass balance closure was considerably less for LGTI than for the Polk and Wabash River plants.
As a percentage of mercury input to the power plant cycle, about half as much mercury is
released in the LGTI system. One conspicuous difference is the type of coal being consumed –
subbituminous versus eastern bituminous, but it is unclear why this would have such a
significant impact. It should be noted, however, that ICR results for PC power plants show
mercury emissions and speciation differences that can be correlated with coals of different rank
(e. g., bituminous versus subbituminous).

2.2.3.3.2 Mercury Emission Rates and Emission Factors

The data presented in the previous section can be used to estimate total mercury flue gas
emissions and emission factors for IGCC plants, assuming that the unaccounted mercury is
accumulated somewhere within the gas treatment equipment and not subsequently released to the
atmosphere. TABLE 2-14 presents this information for three U.S. IGCC plants evaluated in this
chapter of the report.

TABLE 2-14. ESTIMATED MERCURY EMISSION RATES AND EMISSION
FACTORS FOR IGCC PLANTS36

Polk Plant Wabash River
Plant

LGTI
Plant

Plant Net Capacity, MWe 250 262 160

Average Load During Tests, MWe 250 177.7 160

Average Unit Heat Input, 106 Btu/hr 2,326.7 2,472.7 2,705.8

Coal Type Eastern
Bituminous

Midwestern
Bituminous

Wyoming PRB

Mercury Input, lb/MWh 8.3 x 10-5 9.0 x 10-5 9.4 x 10-5

Mercury Input, lb/1012 Btu 8.9 6.5 5.6

Average Measured Hg Stack Emissions, lb/hr 0.0121 0.0108 0.0046

Hg Emission Factor, lb/MWh 4.8 x 10-5 6.1 x 10-5 2.9 x 10-5

Hg Emission Factor, lb/1012 Btu 5.2 4.4 1.7
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This table highlights the conclusion drawn in the last section that the LGTI plant captures
considerably more mercury than the other two plants. Mercury input (lb/MWh) is relatively
similar for all three plants. LGTI input mercury is 13 percent higher than the Polk plant and 5
percent higher than the Wabash River plant. However, on the same basis, the LGTI plant emits
39% less mercury to the atmosphere than the Polk plant and 52% less than Wabash River. This
inconsistent behavior may be the result of more limited testing capability in 1995 versus the
1999 to 2000 time period, and the different coal types may also be a factor.

2.2.3.3.3 Comparison of IGCC Mercury Emissions With Those of Competing Fossil-Based
Power Generation Technologies

To assess the future outlook for add-on mercury control at IGCC plants, it is appropriate to
compare expected emissions with those of currently operating PC plants. TABLE 2-15
compares the Polk IGCC plant test results with similar ICR results for the following power
plants:

• Widow’s Creek Unit 6 – 140 MWe Wall-fired, dry bottom boiler that burns eastern
bituminous coal; emission control devices include a hot-side ESP for particulate control
and low-NOx burners for NOx control.

• Bailly Generating Station Units 7 & 8 (Northern Indiana Public Service Company) –
Cyclone-fired, wet bottom, balanced draft boilers with net capacities of 160 and 320
MWe, respectively. They burn a mix of Southern Illinois Bituminous and Wyoming
subbituminous coals, utilize cold-side ESPs for particulate control, and share a common
wet, limestone FGD unit for SO2 control.

• Big Bend Unit 3 (Tampa Electric Company) – 445 MWe Opposed wall-fired, dry
bottom, boiler that burns Illinois bituminous coal; emission control devices include a
cold-side ESP for particulate control, low-NOx burners for NOx control, and a wet
limestone FGD system for SO2 control.

• Lawrence Energy Center Unit 4 (Western Resources) – 115 MWe Tangential-fired,
dry bottom boiler that burns western subbituminous coal; emission control devices
include a wet venturi scrubber for particulate control and wet limestone FGD for SO2

control.

• R.M. Haskett Station Unit B2 (Montana-Dakota Utilities) – 78 MWe fluidized bed
system that uses lignite coal; emission control devices include a cold-side ESP for
particulate control and in-bed limestone injection for SO2 control.

• AES Hawaii (AES) – 90 MWe fluidized bed system that uses Indonesia bituminous
coal; emission control devices include a baghouse for particulate control, SNCR for NOx
control, and in-bed limestone injection for SO2 control.

While limited, these results show that Hg emissions vary considerably from plant to plant.
However, the results do indicate that IGCC mercury emissions are probably no worse than PC
plants that have a full compliment of emission control technologies. Results also indicate that
the concentration of mercury in the flue gas from IGCC plants may be no more of a control
problem than for the other types of plants, and control of mercury in the syngas prior to
combustion may be a significant advantage (see Section 2.4.7).
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TABLE 2-15. COMPARISON OF MERCURY EMISSION RATES AND EMISSION FACTORS BETWEEN IGCC PLANT
AND COAL-FIRED POWER PLANTS36

Polk Plant
Wabash

River
Plant

Widows
Creek 6

Bailly
7 & 8

Big Bend
3 Lawrence 4

R.M.
Haskett

AES
Hawaii

TECHNOLOGY
TYPE IGCC IGCC PC PC PC PC FBC FBC

Plant Net Capacity,
MWe 250 262 140 160 & 320 445 115 68-85 90

Average Load During
Tests, MWe 250 177.7 120 460 435 100 78 90

Average Heat Input,
106 Btu/hr 2,326 2,472.7 1,187 4,982 4,045 1,019.2 919 923

Coal Type Bituminous Midwestern
Bituminous

Eastern
Bituminous

Bituminous.
& Sub-

bituminous

Illinois
Bituminous

Western
Subbituminous Lignite Bituminous

(Indonesia)

Mercury Input,
lb/1012 Btu 8.9 6.5 2.1 5.47 10.1 4.9 7.6 1.29

Average Measured Hg
Stack Emissions, lb/hr 0.0121 0.0108 0.00078 0.0111 0.0071 0.005 0.00412 0.00054

Hg Emission Factor,
lb/1012 Btu 5.2 4.4 0.69 2.23 1.75 4.9 4.48 0.58

Hg Emission Factor,
lb/MWh 4.8 x 10-5 6.1 x 10-5 6.5 x 10-6 2.4 x 10-5 1.6 x 10-5 5 x 10-5 5.7 x 10-5 5.8 x 10-6
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2.2.4 Identification and Characterization of Trace Organic Compounds (HAPs)

Some of the trace air pollutants that may be associated with coal combustion and gasification are
organic compounds that either originate from incomplete oxidation of the fuel or result from the
chemical transformation of organic constituents in the fuel.37 All coal conversion processes -
combustion, gasification, and liquefaction - include thermal degradation of the coal as their initial
step. The organic products are normally oxidized in these conversion processes to oxides of
carbon, but insufficient mixing or non-uniform temperatures may prevent complete oxidation of
devolatilization products. Trace organic compounds, therefore, can be released via complex, non-
oxidizing, pyrolytic processes that govern the formation and transformation of these organics in
high temperature environments.

Because some organic compounds may have deleterious effects on the environment or human
health, the purpose of this section is to identify their chemical forms and determine the extent of
their possible release from IGCC technology. TABLE 2-16 lists the classes of organic species that
may be found in the stack gases of coal-fueled power plants. The 1990 Clean Air Act
Amendments identify eight volatile and semi-volatile organic compounds that have been found in
the stack gases of conventional fossil fuel power plants. These are benzene, toluene, phenol,
naphthalene, biphenyl, benzo[a]pyrene, formaldehyde, and acetylaldehyde.

TABLE 2-16. CLASSES OF ORGANIC COMPOUNDS THAT MAY BE PRESENT IN
COAL-FIRED POWER PLANT STACK GASES37

ORGANIC COMPOUND CLASS EXAMPLES

n-Paraffins n-alkanes of carbon number C15 – C34

Aldehydes and Ketones
Acetylaldehyde, Benzaldehyde,

Formaldehyde

Aromatics (Volatile Organic Compounds) Benzene, Toluene, Carbon Disulfide

Polycyclic Aromatic Hydrocarbons (PAHs)
Benzo[a]anthracene, Benzo[e]pyrene,

Napthalene

Polychlorinated Furans, Dibenzo-p-dioxins
2,3,7,8-tetrachlorodibenzodioxin,
2,3,7,8-tetrachlorodibenzofuran

Phenols Tert-butyl phenol

Sulfur Heterocycles 2-ethyl-5-isoamylthiophene

Nitrogen Heterocycles Dibenzo[c,g]carbazole

This section also compares IGCC’s trace organic emissions with those produced by conventional
coal-fired power plants, as well as natural gas-fired combustion turbines. The latter comparison
is made here because IGCC technology incorporates a combustion turbine (CT) in the power
cycle, which accounts for most of the air emissions, and its environmental performance is
inevitably compared with that of a natural gas-fired combustion turbine, either a simple cycle or
a natural gas combined cycle (NGCC) plant.
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2.2.4.1 IGCC Plant Operating Data

While little corroborating data is available on individual trace organic releases to the air from
gasification systems, detailed test results from the LGTI IGCC plant provide perspective on the
types and levels likely to be seen.18 LGTI’s incinerator and turbine stack gases were measured for
about 114 different organic species. TABLE 2-17 presents calculated emissions factors for some
of the key species measured at LGTI. These are compared with median emission factors derived
from test data from 52 coal-fired units subjected to extensive emission tests by EPRI, DOE, the
Northern States Power Company, and EPA.38 In general, the results indicate extremely low levels
of trace organic emissions, in-line with emissions expected from conventional coal-fired plants.
Data from the Wabash River IGCC plant, while higher than measured LGTI emissions, also
supports relatively low levels of emissions; total average VOCs (for 1997 and 1998) are reported
to be 0.00205 lb/106 Btu or 0.01635 lb/MWh.39 These emissions represent about one-half the
emissions of the original coal-fired plant that was replaced.

The LGTI test results did not identify any significant dioxin or furan emissions in the stack gas.
This is in agreement with the belief that dioxins and furans are not likely to be formed in
gasification systems. The high temperatures in the gasifier should destroy any dioxin/furan
compounds or precursors, and the lack of oxygen in the reducing environment should limit the
formation of free chlorine. Without free chlorine, the formation of polychlorinated species
downstream of the gasifier is unlikely. Measurements taken at Shell Coal Gasification Plant-1
(see Sections 1.1.2.3 and 2.2.3.2.2) also corroborate these expectations. Dioxins and furans were
not present at the detection limit of 1 part per billion by volume in the synthesis gas, nor were
there any precursors at the same detection level.40 Shell estimates that, due to the effects of
dilution and combustion, the concentration of dioxins and furans in the HRSG stack gas should
be less than one part per trillion by volume.

It is important to note that the above results are based on IGCC systems that use single-stage,
entrained-flow gasification processes, such as ChevronTexaco and E-Gas. IGCC power systems
that utilize other types of gasification processes may yield different HAPs emissions.

2.2.4.2 Comparison of Organic HAPs Emissions from IGCC and Gas Turbines Firing
Natural Gas

While the primary pollutant from a natural gas-fired turbine is NOx, as discussed in Section
2.2.1.3.1, some concern has been raised about the aggregate impact of trace organic emissions
resulting from the increased use of gas-fired CTs to meet rising electricity demand. Such
concern makes it worthwhile to compare IGCC turbine HAPs emissions with those from natural
gas-fired CTs. Emissions data indicate that formaldehyde is the most significant organic
compound emitted from combustion turbines, albeit at very low concentrations. For natural gas-
fired turbines, formaldehyde accounts for about two-thirds of the total HAPs, while polycyclic
aromatic hydrocarbons (PAHs), benzene, toluene, xylenes, and other organics account for the
remaining one-third.41 TABLE 2-18 identifies HAPs emission factors for compounds contained
in EPA’s Emission Inventory for combustion turbines. In its Utility Air Toxics Report to
Congress,42 EPA concluded that emissions of HAPs from gas-fired electric utilities are of no
significant public health concern. In its Executive Summary, EPA states that, “The impacts due
to HAP emissions from gas-fired utilities are negligible based on the results of this study;
therefore, the EPA feels that there is no need for further evaluation of the risks of HAP emissions
from natural gas-fired utilities.”
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TABLE 2-17. COMPARISON OF ORGANIC HAPs MEASURED AT THE LGTI IGCC
PLANT WITH MEDIAN EMISSIONS FROM DIFFERENT TYPES OF COAL-FIRED

PLANTS

COMBINED INCINERATOR AND
TURBINE STACK EMISSION FACTORS

FROM LGTIORGANIC
POLLUTANT

Average,
lb/1012 Btu

95% Confidence
Level,* lb/1012 Btu

MEDIAN EMISSION
FACTORS

PROJECTED FOR
ORGANIC HAPS

FROM COAL-FIRED
UNITS,38 lb/1012 Btu

ALDEHYDES

Acetaldehyde 1.8 1.5 6.8

Benzaldehyde 2.9 2.6 Not available

Formaldehyde 17 7.5 4.0

Benzene 4.4 1.7 2.5

Carbon Disulfide 46 14 4.3

Toluene 0.033 0.02 3.6

PAHs/SVOCs

2-Methylnapthalene 0.36 0.55 0.024

Acenaphthylene 0.026 0.0075 0.0042

Benzo[a]anthracene 0.0023 0.0002 0.0021

Benzo[e]pyrene 0.0056 0.0007 0.0012

Benzo[g,h,i]perylene 0.0096 0.0005 0.0032

Napthalene 0.4 0.12 0.77

Benzoic Acid 140 65 Not available

* The confidence interval represents the range around the average where the true mean lies with a probability of
95%



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-36

TABLE 2-18. RANGE OF HAP EMISSION FACTORS [AVERAGE, (MIN-MAX)] FOR
NATURAL GAS-FIRED COMBUSTION TURBINES IN EPA’s SECTION AP-42

HAP # TESTS
AVERAGE EMISSION

FACTOR
(lb/106 Btu)

RANGE MIN - MAX
(lb/106 Btu)

Acetaldeh yd e 7 9.12E-05 (1.10E-05 – 3.50E-04 )

Acrolein 2 5.49E-06 (4.90E-06 – 6.08E-06 )

Benz ene 11 1.03E-05 (1.34E-06 – 3.91E-05 )

Ethyl Benzene 1 4.10E-05 ---

Formaldeh yd e 22 7.13E-04 (2.21E-06 – 5.61E-03)

Naphthalene 3 1.46E-06 (5.11E-07 – 3.31E-06)

PAH 4 2.23E-06 (1.44E-07 – 7.32E-06)

Toluene 7 1.42E-04 (1.05E-05 – 7.60E-04)

Xylene 5 4.59E-05 (1.19E-05 – 1.20E-04)

As discussed previously, limited data from IGCC power plants has shown their organic
emissions to be extremely low (see TABLE 2-17 in Section 2.2.4.1). Detailed HAPs
measurements taken at the LGTI IGCC plant are compared in TABLE 2-19 with the average
emission factors presented in TABLE 2-18. This limited comparison indicates that IGCC, based
on entrained-flow gasification, generally performs better than a natural gas-fired turbine from the
standpoint of HAPs emissions. The LGTI emissions are typically an order-of-magnitude lower
than the average AP-42 HAP emission factors.

2.2.5 Characterization of Carbon Dioxide Generation

The carbon contained in the coal fed to an IGCC power plant is initially converted into a
combination of CO and CO2 in the syngas that exists the gasifier. Figure 1-3 (located in Section
1.1.2) shows that the CO typically ranges from 30 to 60% (by volume), while the CO2 typically
ranges between 5 to 15% (by volume). TABLE 2-20 presents the syngas analysis for the
Wabash River and Polk IGCC plants. Upon combustion in the gas turbine, the CO is oxidized to
CO2. The total CO2 content of the flue gas that exits the HRSG is approximately 6 to 8% by
volume).
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TABLE 2-19. COMPARISON OF LGTI HAPS EMISSIONS WITH AP-42 GAS
TURBINE EMISSION FACTORS41

HAP

AVERAGE EMISSION
FA CTOR FOR GAS TU RBINE

FIRING NATURAL GAS
(lb/106 Btu)

AVERAGE EMISSION
FA CTOR FOR GAS TU RBINE

FIRING SYNGAS
(lb/106 Btu)

Acetaldehyde 9.12E-05 1.8E-06

Acrolein 5.49E-06 -

Benzene 1.03E-05 4.4E-06

Ethylbenzene 4.10E-05 < 2.0E-06

Formaldehyde 7.13E-04 1.7E-05

Naphthalene 1.46E-06 0.4E-06

PAH 2.23E-06 -

Toluene 1.42E-04 3.3E-06

Xylene 4.59E-05 < 2.0E-06

TABLE 2-20. PRODUCT SYNGAS ANALYSIS FOR POLK AND WABASH RIVER
PLANTS

SYNGAS CONSTITUENT WABASH RIVER
ANALYSIS, VOLUME %

POLK ANALYSIS,
VOLUME %

Nitrogen 1.9 3.3

Argon 0.6 0.9

Carbon Dioxide 15.8 14.4

Carbon Monoxide 45.3 42.7

Hydrogen 34.4 38.3

Methane 1.9 0.1

Water - 0.3

Other 0.1 -

TOTAL 100 100
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In TABLE 2-21, CO2 emissions from the Polk and Wabash River IGCC plants are put into
perspective by comparing them (on an energy output basis) with other coal-based technologies.
While still substantially higher than gas-fired plants, IGCC’s improved energy efficiency reduces
CO2 emissions relative to other coal-based plants. Repowering the Wabash River plant reduced
CO2 emissions by approximately 20% on a per kWh basis.11 IGCC emissions can be further
reduced by improving plant thermal efficiency (e.g., reducing plant heat rate). Possible ways
(among others) to accomplish this are:

• Development of an effective high-temperature syngas cleaning system in which all
contaminants are removed without significant gas cooling;

• Development of advanced gas turbines with higher inlet temperatures and higher pressure
ratios.

TABLE 2-21. COMPARISON OF UNCONTROLLED CO2 EMISSIONS FROM
GASIFICATION-BASED AND COMBUSTION-BASED POWER GENERATION

TECHNOLOGIES

POWER GENERATION
TECHNOLOGY

HEAT RATE,a Btu/kWh CO2 EMISSIONS,b lb/kWh

Conventional Pulverized Coal
Plant with FGD 9,800 2.00

Polk IGCC Plant 9,350 1.87

Pressurized Fluidized Bed
Combustion Plant 8,700 1.81

Wabash River IGCC Plant 8,900 1.78

Natural Gas Combustion
Turbine Plant 11,000 1.27

Advanced Gasification Fuel
Cell Plant 6,000 1.20

Natural Gas Combined Cycle 7,500 0.86
a Net heat rate of plant based on higher heating value (HHV) of fuel. Includes all ancillary power requirements.
b Accounts for CO2 emissions produced via fuel conversion within the power plant and emitted at the plant site.
Generation rate depends on t h e fuel t yp e ( e.g., coal, p etroleum coke) and t he t ype of fue l conversio n s yste m.

2.2.6 Assessment of Emission Control Technologies for NOx, Mercury and CO2

2.2.6.1 NOx Emissions Control

Although NOx emissions from operating IGCC power plants are quite low, stricter regulations
may require control to levels as low as 3 ppm in the HRSG stack gas. The purpose of this
section is to review both combustion-based and post-combustion NOx control methods.



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-39

2.2.6.1.1 Turbine NOx Control

Available combustion-based NOx control options for syngas-fired turbines are more limited than
those available for natural gas-fired turbines. The so-called Lean-Premix Technology,i which
permits the latter to achieve emissions as low as 9 ppm (at 15% O2), is not applicable to IGCC
gas turbines. Differences between syngas and natural gas composition and combustion
characteristics are the source of the problem.43 Gasification-derived syngas differs from natural
gas in terms of calorific value, gas composition, flammability characteristics, and contaminants.
An oxygen-blown, entrained-flow IGCC plant will typically produce syngas with a heating value
ranging from 250 to 400 Btu/ft3 (HHV basis), which is considerably lower than the 1000 Btu/ft3

for natural gas. This yields a significant flow rate increase compared with natural gas (~14%
more), resulting from the need to maintain a specified heat input to the combustor. Furthermore,
whereas the combustible composition of natural gas is primarily methane (CH4), the syngas
combustible components are carbon monoxide (CO) and hydrogen (H2), with an H2/CO ratio
generally ranging from 0.6 to 0.8.9 When compared to natural gas, the H2 component of syngas
exhibits a higher flame speed and broader flammability limits. The latter means that the syngas
should have a stable flame at leaner conditions than natural gas, while the former indicates that
the kinetics (chemical reaction speed) of H2 combustion are much quicker than that of natural
gas. This very fast flame speed of the hydrogen component of the syngas prevents the use of the
lean-premix technology. Finally, coal gasification-derived syngas will likely contain higher
concentrations of H2S than natural gas, which may impact post-combustion NOx control
technologies.

The use of a diluent to lower flame temperature, such as nitrogen or steam, is currently the
preferred method for minimizing NOx generation from a syngas-fired turbine. Nitrogen is
usually available from the cryogenic air separation unit, so it can conveniently be employed in
the IGCC process. This control method can reduce NOx emissions levels from syngas-fired
turbines to approximately 15 ppm (at 15% O2). GE is currently targeting development of
combustors to reliably achieve below 10 ppm NOx with syngas, which would be comparable to
the NOx emission levels achieved through use of the lean-premix technology on gas turbines
firing natural gas.

2.2.6.1.2 Post-Combustion NOx Control

The only methods currently available to achieve single-digit NOx concentrations in the stack gas
require treatment of the flue gas to reduce the NOx to nitrogen. Selective catalytic reduction
(SCR) is a fully commercial technology that has been applied to natural gas-fired turbines to
minimize NOx, while the SCONOX process is a newer technology that is being developed to
compete with SCR.

i The lean-premix combustion process goes by a variety of names, including the Dry Low-NOx (DLN) process of
General Electric, the Dry-Low Emissions (DLE) process of Rolls-Royce/Allison, and the SoLoNOx process of
CATERPILLAR/Solar Turbines. Most of the commercially available systems are guaranteed to reduce NOx
emissions to the 9 to 25 ppm range, depending on the manufacturer, the particular turbine model, and the
application. A few manufacturers have guaranteed NOx emissions in the range of 9 ppm (e.g., GE). As the NOx
emission level is lowered, some manufacturers have experienced problems with combustion vibration (dynamic
pressure oscillations) and premature combustor deterioration. These technologies may result in an increase in CO
and UHC by as much as 50 ppm.
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Selective Catalytic Reduction (SCR)

SCR technology is generally considered the best available add-on NOx control for stationary
combustion turbines that fire natural gas or fuel oil and, therefore, it is the most likely candidate
for use in IGCC.   SCR selectively reduces NOx emissions by injecting ammonia (NH3) into the
exhaust gas upstream of a catalyst.  The NOx reacts with NH3 and O2 to form N2 and H2O,
primarily according to the following equations:

4NH3 + 4NO + O2 � 4N2 + 6H2O
4NH3 + 2NO2 + O2 � 3N2 + 6H2O

The catalyst’s active surface is usually a noble metal, base metal (titanium or vanadium) oxide,
or a zeolite-based material.  Metal-based catalysts are typically applied as a coating over a metal
or ceramic substrate, while zeolite catalysts are typically a homogeneous material that forms both
the active surface and the substrate.  The geometric configuration of the catalyst body is designed
for maximum surface area and minimum obstruction of the flue gas flow path to maximize
conversion efficiency and minimize back-pressure on the turbine. The most common
configuration is a monolith, "honeycomb" design.  An important factor that affects the
performance of SCR is the operating temperature. Base-metal catalysts have an operating
temperature window for clean fuel applications of approximately 400° to 800° F.  The upper
range of this temperature window can be increased using a zeolite catalyst to a maximum of
1,100° F.  Due to the required operating temperature range for conventional SCR catalyst (600-
750oF), integration into the HRSG normally requires splitting of the HP evaporator (or boiler)
section to accommodate the SCR catalyst bed and ammonia injection equipment.

An ammonia injection grid, designed to disperse the ammonia uniformly throughout the exhaust
flow, is located upstream of the catalyst body.  In a typical ammonia injection system, anhydrous
ammonia is drawn from a storage tank and evaporated using a steam- or electric-heated
vaporizer.  The vapor is mixed with a pressurized carrier gas to provide both sufficient
momentum through the injection nozzles and effective mixing of the ammonia with the flue
gases. The carrier gas is usually compressed air or steam, and the ammonia concentration in the
carrier gas is about 5 percent. An alternative to using anhydrous ammonia is to use aqueous
ammonia. The reduced ammonia concentration in an aqueous solution reduces safety concerns
associated with anhydrous ammonia.

The ammonia-to-NOx (NH3:NOx) ratio can be varied to achieve the desired level of NOx

reduction.  It takes one mole of ammonia to reduce one mole of NO, and two moles of ammonia
to reduce one mole of NO2. Higher NH3:NOx ratios achieve higher NOx emission reductions, but
can result in increased unreacted ammonia being emitted into the atmosphere. This unreacted
ammonia is known as ammonia slip.  SCR catalysts degrade over time, which changes the
quantity of NH3 slip.  Catalyst life will typically range from 3 to 10 years depending on the
specific application.  IGCC applications, with exhaust gas that is relatively free of contaminants,
should yield a significantly longer catalyst lifetime than for a conventional coal-fired application.

Installation of SCR in an ICCC’s HRSG, for what amounts to NOx polishing, requires
consideration of the environmental impacts of ammonia slip.  Ammonia slip is typically limited
to less than 5 ppm in most SCR applications, but may be higher when the NOx level entering the
catalyst bed is so very low.  Such operation may require more excess ammonia than is typically
used.  While the tradeoffs between NOx and ammonia are not simple, from a qualitative



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-41

perspective they are both acutely toxic; both contribute to the formation of fine particles of
ammonium sulfate ((NH4)2SO4) and ammonium nitrate (NH4NO3), acid deposition,
eutrophication, and nitrogen enrichment of terrestrial soils; and both may ultimately be converted
to nitrous oxide (N2O), a powerful greenhouse gas. In addition, NOx (as NO2) is a chronic toxin
and an essential precursor to the formation of tropospheric ozone. The contribution of NOx or
ammonia emissions from a single facility to any of these environmental problems is primarily
determined by existing levels of NOx and ammonia in the area and the concentration of other
pollutants in the atmosphere that react with the NOx or NH3. In terms of the range of influence
or potential for long-range transport, nitric acid or organic nitrate (peroxyacetylnitrate, PAN)
derived from NOx emissions, and ammonia have similar lifetimes in the atmosphere and, thus,
similar potential for long-range transport. PAN and ammonium sulfate, however, are longer-
lived and can spread the influence of both NOx and ammonia over a wide area.

Disposal of salt deposits and spent catalyst are also potential environmental issues. SCR
catalysts typically contain heavy metal oxides, such as vanadium and/or titanium, thus creating a
potential human health and environmental risk related to the handling and disposal of spent
catalyst. Vanadium pentoxide, the most commonly used SCR catalyst, is on the EPA list of
Extremely Hazardous Materials. The quantity of waste associated with SCR is quite large,
although the actual amount of active material in the catalyst bed is relatively small. This requires
the use of licensed transport and disposal facilities and compliance with RCRA. It is conceivable
that facilities in some states may face added costs by having to dispose of these materials out of
state due to a lack of licensed disposal facilities that will handle these materials. This
responsibility may not be born by the plant since catalyst suppliers often collect and recycle
spent catalyst as part of their contract.

An additional environmental issue related to SCR is that of occupational safety. Permit
applicants need to be aware of ammonia safety concerns as an issue, which in itself may mitigate
the benefit of using SCR to control NOx. The EPA characterizes ammonia as an extremely
hazardous substance. It is toxic if swallowed or inhaled and can irritate or burn the skin, eyes,
nose or throat. Vapors may form an explosive mixture with air. Nonetheless, ammonia is a
commonly used material. OSHA regulations require that employees of facilities where ammonia
is used be trained in safe use of ammonia (under 29 CRF 1910.120). Facilities that handle over
10,000 pounds of anhydrous ammonia or more than 20,000 pounds of ammonia in an aqueous
solution of 20 percent ammonia or greater must prepare a Risk Management Plan (RMP) and
implement a Risk Management Program to prevent accidental releases. The costs for training,
meeting appropriate Federal, State and local safety codes, and the preparation and approval of
the RMP and Emergency Preparedness Plan must be taken into consideration when assessing the
technology. All this said, ammonia is a broadly used in a variety of applications, especially
agriculture, and with appropriate preparation can be handled and used safely.

There are two major operational impacts resulting from the installation of an SCR system in the
HRSG of an IGCC plant. First, the pressure loss across the SCR catalyst bed increases the
turbine back-pressure, thereby decreasing gas turbine output by approximately one-half percent.
The ammonia storage and transfer equipment consumes some additional power. Second,
unwanted chemical reactions may negatively impact and interfere with the operation of the plant.
Although IGCC fuel gas cleanup equipment efficiently removes more than 95% of the sulfur
constituent (as H2S), the residual sulfur in the syngas passes to the combustion turbine where it is
oxidized to both SO2 and SO3. Ammonia slip from the SCR process can react with the SO3 to
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form ammonia salts, such as ammonium sulfate or ammonia bisulfate.  Ammonium bisulfate is a
very corrosive and sticky material that can plug downstream heat transfer equipment, reducing
performance or even causing plant shutdown. The additional back-pressure caused by the fouling
will also reduce the gas turbine output.  The ammonium sulfate, if not deposited with any
bisulfate formed, is discharged to the atmosphere as fine particulate matter (PM2.5), since no
particulate control is typically installed downstream of the HRSG.  This problematic behavior
represents another important difference between a natural gas-fired plant and the IGCC power
plant.

In order to prevent ammonia salt formation, either the ammonia slip or the SO3 must be greatly
minimized.  Since some ammonia slip is inevitable, IGCC suppliers recommend that a maximum
sulfur oxide level of 2 ppm be allowed to enter the HRSG with the fuel gas.  Installation of a zinc
oxide or activated carbon polishing reactor, upstream of the gas turbine, is one method to control
the residual SO2 (with the added benefit of some added mercury control).  Unfortunately, this
further increases parasitic power consumption and significantly raises the cost of the SCR
installation.

SCONOxTM Oxidation/Absorption Cycle44

This post-combustion catalytic system removes both NOx and CO from the gas turbine exhaust
through the use of a platinum catalyst.  Unlike SCR, it does not require the use of ammonia
injection, and the active NOx removal reagent is potassium carbonate.  The exhaust gases from a
gas turbine flow into the reactor and react with potassium carbonate that is impregnated onto the
platinum catalyst surface. The CO is oxidized to CO2 by the platinum catalyst.  NO is oxidized to
NO2 and then reacts with the potassium carbonate coating on the catalyst to form potassium
nitrites and nitrates at the surface of the catalyst.  These chemical reactions, shown below, are
referred to as the "Oxidation/Absorption Cycle."

CO + 1/2 O2 � CO2

NO + 1/2 O2  � NO2

CH2O + O2 �  CO2 + H2O
2NO2 + K2CO3 � CO2 + KNO2 + KNO3

When the carbonate becomes saturated with NOx, it must be regenerated. The effective
operating temperature range is 280o to 750o F, with 500o to 700o F being the optimum range for
NOx removal.  The optimum temperature range is approximately the same as that of SCR.

The regeneration of the catalyst is accomplished by passing a dilute hydrogen reducing gas
across the surface of the catalyst in the absence of oxygen.  The hydrogen reacts with nitrites and
nitrates to form water and elemental nitrogen.  CO2 in the regeneration gas reacts with potassium
nitrites and nitrates to reform potassium carbonate. This cycle is referred to as the "regeneration
cycle," as shown below.

KNO2 + KNO3 + 4H2 + CO2 � K2CO3 + 4H2O + N2

Water vapor and elemental nitrogen are exhausted up the stack instead of NOx, and potassium
carbonate is once again present on the surface of the catalyst, allowing the oxidation/absorption
cycle to begin again.
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Because the regeneration cycle must take place in an oxygen-free environment, the catalyst
undergoing regeneration must be isolated from exhaust gases. This is accomplished using a set of
louvers, one upstream of the section being regenerated and one downstream. During the
regeneration cycle, these louvers close and a valve opens allowing regeneration gas into the
section. A typical SCONOxTM system has five to fifteen sections of catalyst. At any given time
eighty percent of these sections are in the oxidation/absorption cycle, and twenty percent are in
the regeneration cycle. Because the same numbers of sections are always in the regeneration
cycle, the production of regeneration gas proceeds at a constant rate. A regeneration cycle
typically is set to last for three to five minutes, so each section is in the oxidation/absorption
cycle for nine to fifteen minutes.

Several critical issues associated with the use of this technology are:

• Catalyst is very sensitive to sulfur, including trace quantities that are typically found in
IGCC exhaust gas;

• Reliability of moving parts over time is an operational and maintenance concern;
• Use of hydrogen for regeneration could be a serious safety concern, since it is hard to

contain;
• Scale-up issues for large gas turbines;
• SCONOx™ has about twice the pressure drop of SCR; and
• The initial capital cost is about three times the cost of SCR, although this may come

down once there are more systems in operation.

In 1997, the EPA monitored the application of SCONOx™ on a natural gas-fired turbine at the
Federal Cogeneration facility in Los Angeles, where it established a 3.5 ppm (at 15% oxygen on
a 3-hour rolling average) standard for NOx. The SCONOxTM control system has typically
achieved average NOx emissions of approximately 2 ppmv. This resulted in being designated as
having achieved a LAER (lowest achievable emission rate) at 3.5 ppmv, which set the standard
for future control technology for similar facilities per Section 173(a)(2) of the Clean Air Act.
The South Coast Air Quality Management District designated SCONOxTM as the Best Available
Control Technology (BACT) for natural gas-fired turbine engines. A further improvement in
reductions was certified in 1998, when the EPA found that SCONOxTM had achieved a LAER of
2.5 ppmv.

2.2.6.2 Mercury Emissions Control

This report’s review of the environmental performance of coal-fired IGCC technology indicates
that vapor-phase mercury emissions may need to be further reduced to comply with future EPA
mercury regulations. The purpose of this section is to examine both commercial and near-
commercial methods for integrating such control into a typical IGCC system.

Two basic approaches for control are: 1) turbine exhaust gas treatment and 2) syngas treatment.
While vapor-phase mercury can potentially be removed from the flue gas exiting the gas
turbine/heat recovery steam generator (HRSG), it is more effective in IGCC systems to remove
Hg from the syngas prior to combustion. This may already occur, to some extent, via the acid
gas scrubbing system, but more data are required to verify this. Syngas removal has the
advantage of elevated mercury concentration (although still very low), lower mass flow rates,
and higher pressure than the stack gas. Disadvantages include operation in a reducing
environment (more corrosive environment), possible operation at a high temperature if part of a
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hot gas cleanup system, possible presence of other contaminants, and greater safety issues related
to premature combustion. A review of syngas control options revealed that several commercially
available technologies, using sorbents such as activated carbon, have already been successfully
applied to gasification applications, as well as other gaseous hydrocarbon streams. These are
discussed below.

UOP Corporation has a commercial product that is in wide use in natural gas/NGL and LNG
(liquified natural gas) plants called HgSIV. It is a molecular sieve (MS) that removes very low
levels of elemental mercury from natural gas or syngas via a regenerable adsorption process. It
uses a 2-bed thermal-swing MS adsorption system. The gas flows through one adsorbent bed to
adsorb Hg, while the temperature of the other bed rises to desorb Hg. After regeneration, the
beds are reversed. Hg removal is needed in NGL or LNG plants to protect the braised
aluminum heat exchangers in the cryogenic section from mercury attack. HgSIV has been
successfully operated in about 30 plants for almost 10 years.45

Eastman Chemical Company has developed and successfully applied activated carbon-based
mercury control technology at their Chemicals from Coal Facility located in Kingsport,
Tennessee.46 Eastman has been operating ChevronTexaco gasifiers at this facility since 1983 to
provide syngas for the production of acetyl chemicals. They utilize Calgon’s HGR-P sulfur-
impregnated, pelleted activated carbon beds with the following performance characteristics:

• Operating conditions: Approximately 30o C (86o F) and 900 psi
• Gas contact time in bed: Approximately 20 seconds (based on total packed volume)
• Removal efficiency: Ranges from 90 to 95%
• Carbon lifetime: 12 to 18 months based on a buildup in pressure drop, a buildup in water

in the bed, or a buildup of other contaminants.

Eastman Chemical operates their carbon beds ahead of the sulfur recovery unit. The use of dual
beds, (i.e., two beds in series) should be capable of achieving carbon removal levels of greater
than 99%.

Sorbents for Mercury Capture

A number of companies produce activated carbons that have been used commercially for
mercury removal from combustion flue gas, with most of the applications being for incinerator
stack gas. Norit’s DARCO FGD is a lignite-derived activated carbon manufactured specifically
for the removal of heavy metals and other contaminants typically found in incinerator flue gas.47

It has been proven in numerous full-scale facilities to be highly effective for the removal of
gaseous mercury, dioxins (PCDD) and furans (PCDF). Its open pore structure and fine particle
size permit rapid adsorption, which is critical for high performance in gas streams where contact
times are short. It is a free flowing powdered carbon with minimal caking tendencies that makes
it appropriate for automatic wet or dry injection systems. It has a very high ignition temperature,
which permits safe operation at the elevated temperatures inherent in incinerator flue gas. This
material has also been successfully used in a number of R&D programs focused on evaluation of
mercury removal from coal-fired power plant stack gas.

UOP has developed a new line of HgSIV zeolite-based desiccants, with enhanced mercury
removal capability. Zeolites are crystalline structures not unlike sponges on a molecular scale.
They have a solid framework defining large internal cavities where molecules can be adsorbed.
These cavities are interconnected by pore openings through which molecules can pass. Because



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-45

of their crystalline nature, the pores and cavities are all precisely the same size, and depending on
the size of the openings, they can adsorb molecules readily, slowly, or not at all, thus functioning
as molecular sieves -- adsorbing molecules of certain sizes while rejecting larger ones. UOP
indicates that their HgSIV products have proven to be reliable in removing mercury from natural
gas, natural gas liquids, and other process streams such as ethylene. They can be used to dry and
remove mercury to less than 0.01 micrograms per normal cubic meter.48

Calgon Carbon’s family of FluePacTM powdered activated carbons is specially manufactured for
use in flue gas treatment.49 Their high effective surface area and large pore volume make them
extremely effective in removing common contaminants, including mercury, dioxins, furans, and
VOC’s. Typical applications include municipal waste combustors, hazardous waste combustors,
hospital waste incinerators, coal-fired power plants, cement kilns, and industrial boilers. These
coal-derived powdered activated carbons have a high minimum Iodine Number (measurement of
available surface area) with up to twice the amount of high-energy adsorption sites compared to
other adsorbent carbons. With proper dosing levels, Calgon claims that over 95 percent reduction
in mercury/dioxin is achievable. This sorbent has been used by Eastman Chemical Company in
their gasification facility to control mercury.

Use of these sorbents for mercury control may also provide the added side benefit of residual
H2S removal, which could improve IGCC integration with add-on NOx control technologies
such as SCR. However, their effectiveness for this purpose has to be verified.

Cost of Mercury Control Based on Activated Carbon Adsorption

Parsons Corporation, in a project sponsored by NETL, recently estimated costs for applying a
packed-bed carbon adsorption system to an IGCC plant.50 The cost format was based on the
methodology used in the EPA Mercury Study Report to Congress,51 while the cost estimate
(capital and O&M) was based on Parsons in-house data and experience. This study assumes
treatment of approximately 400,000 lb/hr of syngas, an eighteen-month carbon replacement
cycle and 90% reduction of mercury emissions.

The purchased equipment costs were scaled from Parson’s in-house data for pressure vessels
used in a syngas application. The installation cost, which includes foundations and piping, was
estimated to be 50% of the purchased equipment costs. The total capital cost came to $834,350
or $3.34 per kilowatt.

O&M costs were based on factors for labor, material and overhead. Carbon costs were based on
Calgon Carbon Corporation’s list price for sulfur-impregnated carbon of $6.43/lb. Carbon costs
were by far the largest O&M cost factor amounting to over 67% of the O&M costs. Disposal
costs of $500/ton were estimated assuming hazardous waste disposal. The total O&M came to
$320,683. Based on a 15% capital recovery factor, the total cost per year would be $445,836 or
0.254 $/MWh (or mills/kWh). Therefore, this study estimates the cost of mercury reduction to
be approximately $3,412 per pound of mercury removed.

2.2.6.3 Carbon Dioxide Control Methods

IGCC has two major operating advantages that can be exploited to capture CO2 more efficiently
than is possible with combustion technology. First, the syngas, as previously shown in TABLE
2-20, has a very high CO2 concentration, which can be made much higher by further converting
the CO to CO2 prior to combustion. Second, IGCC gasifiers typically operate under relatively
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high pressure (~400 psig in the Wabash plant).  Both of these conditions make recovery of the
CO2 from the syngas much easier than capture from the flue gas.

Recovery of CO2 from the syngas requires that shift reactors be added the treatment train.  In
these commercially available reactors, the following exothermic reaction occurs:

CO(g)  + H2O(g)  �  CO2(g) + H2(g) + Heat

The concentration of CO2 in the shifted gas should be about 40%.  This high concentration,
combined with the high pressure of the syngas, yields a high CO2 partial pressure that permits
use of physical absorption rather than the more energy-intensive chemical absorption required at
lower partial pressures.  FIGURE 2-6 shows a simplified schematic of oxygen-blown IGCC with
the added equipment. 52  This configuration also includes an optional pressure-swing absorber to
remove some of the hydrogen as a valuable by-product.

FIGURE 2-6.  SCHEMATIC OF OXYGEN-BLOWN IGCC WITH CO2 RECOVERY

 

Maximum conversion of CO to CO2 can be achieved by utilizing both high (~350o C) and low
(~200o C) temperature shift reactor in series.53  Since the high temperature reactor is upstream of
the acid gas removal system, a sufur-resistant catalyst is utilized (e.g., Co/MoO4/Al2O3 catalyst).
This shift catalyst also promotes COS hydrolysis, thereby eliminating the need for a separate
COS converter.  After the first reactor, the syngas is cooled and fed to the second shift reactor,
after which it is further cooled and sent to a physical absorption process, such as Rectisol™,
Purisol™ or Selexol™, to remove both H2S and CO2.  The CO2 stream from the regenerator is
dried and compressed to approximately 1,600 psi, which results in liquid CO2 for transport to a
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utilization site (e.g., enhanced oil recovery) or a sequestration site (e.g., abandoned oil well).
The fuel to the combustion turbine consists largely of hydrogen and water vapor, the carbon
having been removed.

A DOE/NETL-EPRI engineering assessment examined the effect of CO2 removal on the
performance and cost-of-electricity (COE) for pulverized coal, natural gas-fired combined cycle,
and IGCC plants. This study showed a decided advantage for the IGCC plants.54 FIGURE 2-7
confirms data previously presented in TABLE 2-21, which shows that coal technologies produce
substantially more uncontrolled CO2 (about twice as much) than natural gas technologies. CO2

scrubbing captures about 90% of the uncontrolled CO2 for all technologies, but scrubbing coal-
fired plants results in capturing about twice as much CO2 as from natural gas fired power plants.
While IGCC CO2 emissions to the atmosphere are drastically cut, they are still about twice that
of a gas-fired combined cycle plant.

FIGURE 2-8 shows that IGCC CO2 capture results in the lowest parasitic energy consumption,
almost one fourth that of NGCC, because IGCC produces a more concentrated CO2 stream at
higher pressure. The lower energy consumption for CO2 capture means that less additional
generation capacity is needed to make up for the parasitic loss. Since additional CO2 will likely
be generated by any added fossil-based capacity, IGCC minimizes this effect.

The capital cost associated with applying CO2 capture is shown in FIGURE 2-9. IGCC
technology was found to incur the smallest increase in capital cost, primarily due to more
effective CO2 scrubbing. As shown, CO2 capture increases capital cost of NGCC by 90%, while
IGCC and PC increase by only 30% and 73%, respectively. While the advantage of cost-
effective syngas CO2 removal helps minimize the impact on the IGCC’s capital cost expenditure,
the NGCC technology still maintains a substantially lower capital cost than IGCC.

Finally, the study looked at the cost of electricity of all technologies with CO2 capture. Since
coal prices are projected to remain stable for the next 20 years, coal cost was assumed fixed, but
natural gas price was assumed to be variable. With volatile gas prices, IGCC is the most stable
and cost-effective CO2 capture option, based on gas prices above $4/106 Btu. This is shown in
FIGURE 2-10.

Another recent engineering study, performed for ChevronTexaco by Jacob’s Engineering in
cooperation with General Electric, evaluated the design concept of incorporating CO2 capture
capability into a new IGCC facility without requiring it to be used.55 They developed a process
flow scheme that can operate without CO2 removal, but that could be readily upgraded through
some minor modifications that they estimated would cost between $5 and $10 million. The
evaluation is based on the logic that IGCC units built today may not have a commercial need to
capture CO2, unless there was the potential for using enhanced oil recovery (EOR) through CO2

injection or a future regulatory requirement for sequestration in an in a suitable repository (e.g.,
an aquifer).
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FIGURE 2-7. COMPARISON OF POWER PLANT CO2 GENERATION, CAPTURE
AND EMISSIONS
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FIGURE 2-9. COMPARISON OF THE CAPITAL COST IMPACT OF CO2 CAPTURE
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The plant design uses ChevronTexaco Quench gasifiers followed by syngas shift reactors, physical
absorption acid gas removal (e.g., Selexol), a sulfur recovery system, and a combined cycle unit
consisting of two GE 9FA gas turbines, a HRSG, and a single steam turbine. A quench gasifier
utilizes the heat of the gasification reaction to provide a very high level of water saturation that is
ideal preparation for a shift reactor. Another important design feature, different from that shown
in Figure 2-6, is the use of a Selexol™ system capable of removing either H2S selectively, or both
H2S and CO2. Jacob’s estimated the capital cost for a 900 MWe IGCC system (excluding the
add-on equipment needed for CO2 recovery) to be $974/kW (mid-2001 $U.S.). After
modification, such a unit would be capable of capturing 75% of the feed carbon as CO2. The
relatively low cost of this design appears to be, in part, due to economies of scale.

Some of the important results of this study are:

• The capture of 75% of the carbon in the coal results in a loss of efficiency of only two
percent (41% to 39%) and a decrease in net output of only 3%, which is one-half the
energy penalty in the NETL-EPRI study

• The cost for the equipment to capture CO2 is estimated to be between $5 and $11/kW.
There would also be additional costs associated with CO2 compression, which largely
depends on the specific sequestration/utilization application.

• The IGCC design demonstrates that the economic impact of CO2 capture can be a lot less
than previously thought. The flexibility to build and operate a conventional IGCC plant
that can be converted later to CO2 capture enhances the likelihood that power developers
will seriously consider such plants.

• The plant design makes use of commercially proven equipment.

2.2.7 Comparison of the Environmental Performance of IGCC with Pulverized Coal and
Fluidized Bed Power Plants

This section compares the environmental performance of an IGCC plant with a modern,
conventional PC plant, an atmospheric, circulating fluidized bed power plant (AFBC), and a
pressurized fluidized bed plant (PFBC). The modern PC plant incorporates advanced emission
control technology in the form of wet, limetone flue gas desulfurization (FGD) for SO2 control
(95%+ removal), low-NOx burners and selective catalytic reduction (SCR) for high-efficiency
NOx control, and an electrostatic precipitator (ESP) for particulate control. The AFBC
technology utilizes in-bed SO2 capture with a limestone sorbent (up to 95% removal), relatively
low bed temperature (1400o - 1700o F) to minimize NOx formation, ammonia injection for
further NOx reduction, and a fabric filter to control particulate to very low levels. The PFBC
technology utilizes in-bed SO2 capture with a limestone sorbent (up to 95% removal), relatively
low bed temperature (1400o - 1700o F) to minimize NOx formation, and a fabric filter to control
particulate to very low levels. Section 1.4 compares the design characteristics and expected
performance of these technologies.

TABLE 2-22 and FIGURE 2-11 compare the major air emissions from the PC, AFBC and PFBC
plants with that of the IGCC plant. Stringent emission requirements favor IGCC over PC and
fluidized-bed combustion steam power plants.
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TABLE 2-22. COMPARISON OF AIR EMISSIONS FROM GASIFICATION-BASED
AND COMBUSTION-BASED POWER GENERATION TECHNOLOGIES

CRITERIA
POLLUTANTS,

IONIC
SP E C I E S AND

CARBON
DIOXIDE

CONVENTIONAL
PC-FIRED PLANT

WITH
ADVANCED
POLLUTION
CONTROLSa

AFBCb

(WITH
SNCR)

PFBCc

( W ITHOUT
SNCR)

IGCC
PLANTd

( WITHOUT
SCR)

COMBUSTION-
BASED

REGULATORY
LIMIT

SO2, lb/106 Btu
(lb/MWh)

0.2
(2.0)

0.4
(3.9)

0.2
(1.8)

0.08
(0.7)

1.2
(N/A)

NOx, lb/106 Btu
(lb/MWh)

< 0.15
(< 1.6)

0.09
(1.0)

0.2 – 0.3
(1.7 – 2.6)

0.09
(0.8)

0.5 (N/A) (after 1978)
0.15 (1.6) (after 1997)

PM10, lb/106 Btu
(lb/MWh)

< 0.03
(< 0.3)

0.011
(0.12)

0.015 – 0.03
(0.13 – 0.26)

0.011
(0.10)

0.03
(N/A)

Chloride as HCl
(lb/MWh) 0.01 0.71 0.65 0.007 None

Fluoride as HF
(lb/MWh)

0.003 0.05 0.05 0.0004 None

Cyanide as HCN
(lb/MWh)

0.0003 0.005 0.005 0.00005 None

Ammonia
(lb/MWh) 0 0.001 0.001 0.004 None

CO2, lb/kWh 2.0 1.92 1.76 1.76 None

a PC with SCR, ESP, FGD. Heat rate equals 9,750 Btu/kWh (35% efficiency). SO2 emissions based on 2.5% sulfur,
12,000 Btu/lb coal, and 95% reduction via wet limestone FGD. NOx emissions are based on control with SCR and
uncontrolled emissions of 0.45 lb/106Btu. PM10 emissions are based on actual ESP experience. Ionic species
emissions based on average of DOE-sponsored toxic emissions tests at three power plants: Bailly (NIPSCO), Coal
Creek (Cooperative Power), and Yates (Georgia Power). CO2 emissions are based on coal with 67% total carbon
content.

b AFBC plant. Heat rate equals 9,400 Btu/kWh (36% efficiency). Performance source is Final Environmental Impact
Statement for The JEA Circulating Fluidized Bed Combustor Project, DOE/EIS-0289, June 2000. SO2 emissions are
based on 2.5% sulfur, 12,000 Btu/lb coal, and 90% reduction via in-bed limestone. NOx emissions are based on
low-NOx combustion and control with SNCR. PM10 emissions are based on Nucla demonstration plant experience.
Ionic species emissions are not presented since they weren’t measured in Nucla demo plant. CO2 emissions are
based on coal with 67% total carbon content.

c PFBC plant. Heat rate equals 8,600 Btu/kWh (40% efficiency). Performance source is Tidd PFBC Demonstration
Project - A DOE Assessment, DOE/NETL-2001/1159, August 2001. SO2 emissions are based on 2.5% sulfur,
12,000 Btu/lb coal, and 95% reduction via in-bed limestone. NOx emissions are based on low-NOx combustion.
PM10 emissions are based on Tidd demonstration plant experience. Ionic species emissions based on DOE-
sponsored toxic emissions tests at the Tidd PFBC demonstration plant. CO2 emissions are based on coal with 67%
total carbon content.

d IGCC plant. Heat rate equals 8,600 Btu/kWh (40% efficiency). SO2 emissions based on 2.5% sulfur, 12,000 Btu/lb
coal, and 98% reduction via acid gas removal system. NOx emissions are based on turbine combustor that achieves
15 ppm NOx (15% O2, dry). CO2 emissions are based on coal with 67% total carbon content. PM10 emissions
based on 1998 Wabash River plant experience. All other emissions based on measured performance of LGTI plant.18
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FIGURE 2-11. COMPARISON OF EMISSIONS FROM GASIFICATION-BASED AND
COMBUSTION-BASED POWER GENERATION TECHNOLOGIES
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2.2.7.1 Acid Gas and Halogen Emissions

The emissions of sulfur dioxide and nitrogen oxides, gases linked to acid rain, are a small
fraction of allowable limits. SO2 originates from the sulfur in the fuel, so utilizing a coal that is
low in sulfur content will minimize overall emissions without added control. However, this is
not always possible and almost always involves an increase in fuel cost and does little to make
efficient use of existing coal resources, some of which are high in sulfur. Sulfur emissions from
a PC plant can only be reduced by treatment of either the fuel prior to combustion or the flue gas.
Flue gas desulfurization (FGD) applied to a PC plant reduces the overall SO2 emissions by up to
98%. This technique is especially useful for retrofitting an existing plant, but it is expensive and
reduces the overall plant efficiency. AFBC’s and PFBC’s operate at a much lower temperature
than PC systems, and this permits a more integrated approach to sulfur control by using in-bed
desulfurization with a calcium-based sorbent. This is a practical option only at temperatures
ranging between 1400o to 1700º F. In-bed desulfurization produces about the same reduction in
SO2 emissions as FGD, but the capital cost is much lower.

The approach to sulfur control in an IGCC plant is fundamentally different than that used with
other power plants. Emission control strategy usually is focused on the fuel gas, which is
pressurized (typically 300 to 500 psi) and has a substantially lower volumetric flow rate than
combustion flue gas, which flows near atmospheric pressure. Furthermore, the sulfur in the fuel
gas is in a reduced form (mostly H2S) which can be removed by a variety of commercial
processes such as the Selexol® process previously mentioned. H2S and COS are removed and
the concentrated acid gas is then processed for elemental sulfur recovery. Up to 99% of the
sulfur can be removed.



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-53

As discussed in Section 2.2.1.3, NOx emissions originate mainly from two sources, thermal NOx

and fuel NOx. PC technology gives the highest level of uncontrolled NOx emissions because of
the very high temperatures involved. However, SCR technology can be used to reduce NOx
emissions by up to 90%. With fluidized bed combustion, the quantity of NOx is significantly
reduced because of the much lower operating temperature. However, care is required in the
design of the fluid bed system to minimize the N2O content of the NOx, which is a much more
potent greenhouse gas. In IGCC, the fuel gas produced is virtually free of fuel-bound nitrogen.
NOx formation is primarily the result of thermal NOx. Diluting the syngas in an IGCC to
achieve lower combustion temperatures should be able to achieve emissions as low as 15 ppm
(0.09 lb/106  Bt u or 0.8 lb/MWh) in gas turbines firi ng low-Btu s yn gas.

2.2.7.2 Particulate Emissions

All of the technologies make use of highly efficient particulate control equipment to limit PM10

emissions. Conventional particulate control devices also effectively control non-volatile trace
elements. Since almost all of the fly ash is removed from the flue gas, trace organic and
inorganic species that selectively condense on fine particles are also removed to become
constituents of the sold waste. However, some of the semi-volatile and volatile species may not
be removed in the particulate collection equipment.

2.2.7.3 Trace Metal Emissions

Section 2.2.3 identifies, characterizes, and discusses the partitioning of the trace metal
constituents of coal. FIGURE 2-12, FIGURE 2-13, and FIGURE 2-14 compare the emissions
for 15 key trace metals. The following data sources were used:

• IGCC Plant – Based on field measurements of toxic emissions at LGTI’s 160 MWe
gasification-combined cycle plant in Plaquemine, Louisiana. Quality assurance and
quality control for all of the exit emissions data is considered very good, since the
sampling and analytical protocols were employed at previous EPRI and DOE test sites.
However, sampling and analytical protocols for internal streams are not considered
adequate. A key limitation is that detailed data was only available for this plant. Similar
information was not available for the Polk and Wabash River plants.

• PC Plant -- Based on average of DOE-sponsored toxic emissions tests56 at three power
plants: Northern Public Service of Indiana’s Bailly plant, Cooperative Power Associates’
Coal Creek plant, and Georgia Power’s Yates plant. Bailly units 7 & 8 (480 MWe) are
wet-bottom, cyclone furnace designs that feed a common advanced wet FGD system, and
use ESPs for particulate control. Coal Creek (506 MWe) is a dry-bottom, tangential-fired
furnace design that uses an ESP for particulate control and a wet, lime-based FGD to treat
60% of the flue gas. Plant Yates (105 MWe) is a wet-bottom, tangential-fired furnace
design that uses an ESP for particulate control and an advanced bubbling reactor-type
FGD system. QA/QC for these tests was extensive. However, these tests, which showed
quite a lot of data variability resulting from fuel variability and sampling/analytical
precision limitations, demonstrated the difficulty involved in quantifying trace element
emissions from coal-fired systems. The calculated emission factors ranged from one
order-of-magnitude (Mn) to nearly four orders-of-magnitude (Se).

• AFBC Plant – no data w ere av ailable, so the fi gu r es do not include AFBC data.
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• PFBC Plant -- Based on DOE-sponsored toxic emissions tests at the Tidd PFBC
demonstration plant.57 The boiler at Plant Tidd is a bubbling bed, PFBC rated at 70
MWe. A slurry of Pittsburgh No. 8 bituminous coal (3.4% sulfur) is fed to the PFBC unit
along with dolomite sorbent to control SO2 emissions. Particulate matter is controlled by
primary and secondary cyclones in series with an ESP. Overall, QA/QC data associated
with this program indicated that measurement data were acceptable and could be used
with confidence. The QA/QC results indicated that the quality control mechanisms were
effective in ensuring measurement data reliability within the expected limits of sampling
and analytical error. However, sampling and analytical protocols have improved since
the early 1990’s, when these tests were performed. Some metals proved difficult relative
to data accuracy, namely antimony, calcium, nickel, potassium, selenium, sodium, and
selenium. A key limitation is that detailed data was only available for this one plant.

This is a difficult comparison to make based on the limited data available, the inherent
limitations of the sampling and analytical protocols, and the different testing organizations
involved. However, generally, the results of this comparison indicate that trace metal emissions
are quite low for all technologies, and that IGCC emissions appear to be comparable to other
well-controlled coal-fueled power plants.

FIGURE 2-12. TRACE METAL EMISSIONS COMPARISON
FOR Sb, As, Ba, Be, and Cd
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FIGURE 2-13. TRACE METAL EMISSIONS COMPARISON
FOR Co, Pb, Mo, and V
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FIGURE 2-14. TRACE METAL EMISSIONS COMPARISON
FOR Cr, Cu, Mn, Hg, Ni, and Se
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2.2.7.4 Trace Organic Emissions

In general, available data indicates that emissions of organic pollutants attributable to all coal-
fueled power plants (aldehydes and ketones, VOCs, SVOCs, and PAHs, and chlorinated dioxins
and furans) are very low. The low concentrations of most of the organic compounds found in the
stacks are typically within an order of magnitude of the concentrations reported by the EPA for
ambient air. TABLE 2-17, in Section 2.2.4, compares calculated emissions factors for some of
the key species measured at LGTI with median emission factors derived from test data from 52
coal-fired units subjected to extensive emission tests by EPRI, DOE, the Northern States Power
Company, and EPA.

2.3 Aqueous Effluents -- Identification, Characterization, and Control

This section presents detailed information covering aqueous effluents generated by IGCC plants.
The physical and chemical characterization of these large-volume wastes, compared with the
wastes generated by conventional, and more familiar, coal-fueled power plants, is an important
issue in determining their relative safety and environmental impacts.

2.3.1 IGCC Water Consumption

Water is primarily required for the plant’s steam cycle as boiler feedwater (BFW) and cooling
water (CW), as well as for process operations, such as syngas emissions control. While the
steam cycle in an IGCC plant typically produces less than 50% of the power plant’s total power
output, its water consumption is not proportionately lower (compared with a similarly sized
conventional steam plant), since the gasification process itself can consume considerable
quantities of BFW.58 BFW consumers in IGCC systems, depending upon gasification technology
and design, are:

• Instrument tap purges, pump seals, and intermittent flushes

• Direct steam injection to serve as a reactant and/or temperature moderator

• Saturator for NOx abatement (if steam is used as a diluent)

• Losses.

Because of these BFW needs, an IGCC plant may consume as much, or more, BFW than a
conventional steam plant of comparable output, even if it is well designed, operated, and
maintained.58 On the other hand, the steam cycle CW requirement will be proportionately lower
than the conventional steam plant due to its reduced share of the total plant power output. Also
helping to reduce water consumption, coal gasification processes recover most of the water
associated with the raw feed coal via condensation during syngas cleanup. This is not practical
for combustion-based plants due to their low-pressure operation.

The other large water requirement, process water, is used to cool and clean the syngas to remove
fly ash, halogens and trace organic and inorganic components. The concentration level of
specific contaminants depends upon the fuel characteristics and the type of gasifier employed in
the design. The quantity of water required depends on the capacity of syngas treated, the degree
of gas cooling required, and the contaminants to be removed.
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Coal-fueled plants also often use wastewater to control the dust and bulk density of the solid
waste. The net process water bleed stream is usually of higher quality than the cooling-water
blowdown. In fact, some plants use process water effluent as part of the cooling-water makeup.59

IGCC plants normally consume between 6 to 9 gpm of water per MW of electricity generated,
depending upon the specific design.4 In contrast, a PC plant, utilizing a wet limestone
desulfurization process for SO2 control, consumes about 10 to 11 gpm of water per MW of
electricity generation.4

2.3.2 Aqueous Effluents

Based on the water requirements described above, coal gasification plants have two principal
water effluent streams that are similar to those in direct-fired power plants. The first is
wastewater from the steam cycle, including blowdowns from the boiler feedwater purification
system and the cooling tower (if direct cooling is not used). The amount of this wastewater
effluent depends on the hardness of the raw water and the power generated by the steam cycle.
These effluents contain salts and minerals that have been concentrated from the raw feedwater.
Gasification processes, with the exception of moving-bed gasifiers, such as Lurgi and British
Gas/Lurgi, purify and recycle raw process streams, and the net discharge process water is
normally only a blowdown.

The second aqueous effluent is process water blowdown. These streams are typically high in
dissolved solids and gases including trace metals, trace organics, and the following commonly
found ionic species: chloride, fluoride, sulfide, formate, nitrogen species, cyanide, thiocyanate,
and bicarbonate.60 As discussed in Section 2.2.2, almost half of the chlorides and all of the
fluorides in the syngas should end up in the blowdown. Under the reducing conditions that exist
in a gasifier, ammonium (NH4

+) and ammonia (NH3
0) are likely to dominate the nitrogen-

containing aqueous species found in both untreated and treated process water, which differs from
a direct-fired power plant whose oxidizing environment virtually ensures that the dominant
species is the NO3

- ion.

Blowdown streams are typically recycled to the coal feed preparation area, to the scrubber after
entrained solids have been removed, to a zero discharge water system, or to a wastewater
treatment system. However, recycling of water has its limitations, as dissolved salts accumulate
to levels incompatible with the process or its metallurgy. Make-up water is added as process
water is blown down to wastewater treatment. Zero-discharge process water systems have no
wastewater discharges, however, these systems must address disposal of salts resulting from
brine evaporation. Purification removes most of the organic compounds, before the water is
recycled.

Finally, as with all coal-fueled plants, a secondary effluent stream is run-off from the coal and
slag storage areas and the process area. TECO Energy, the owner/operator of the Polk plant
indicates that control of this effluent can involve significant effort and cost.58

2.3.3 Wastewater Treatment

While IGCC wastewater control technology varies significantly,61,62 essentially all the necessary
control technologies are commercially available and have found wide use in various industries,
such as chemical, pulp and paper, oil, and steel. The more complex the gasification process, the
more complex is the wastewater-processing scheme. On this basis, the moving-bed technologies
(Lurgi and British Gas/Lurgi) typically require the most complex wastewater-processing scheme,
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while the entrained-flow gasifiers (Dow, Shell, and ChevronTexaco) require a relatively simple
processing scheme. In either case, wastewater-processing facilities have been developed and are
currently in operation. Extensive data have demonstrated the satisfactory performance of these
systems at the South Africa Coal, Oil and Gas Corporation (SASOL),59 the Cool Water IGCC,
the LGTI project,11 and the Polk and Wabash River plants. Some of these facilities utilize a zero
water effluent design, as opposed to the blowdown approach mentioned above. For example, the
Cool Water IGCC system utilized a simple evaporation pond to accomplish zero discharge.

One method of treatment for process water offers an additional opportunity to recover sulfur.
Process water taken directly from high temperature and pressure systems can be “flashed” in a
vessel at low or negative pressure to release dissolved gases. The flash gas is routed to the sulfur
removal unit with the raw synthesis gas, and the water is either recycled to the system or it is
blown down to a conventional wastewater treatment unit before discharge. Gas condensate, also
known as sour water, may also be steam-stripped to remove ammonia, carbon dioxide, and
hydrogen sulfide. The stripper overhead can be routed to the sulfur recovery unit or incinerated,
subject to permit limitations for NOx and SO2 emissions. The sour water stripper recovers water
suitable for recycling to the process as make-up. A portion of the recovered water from the sour
water stripper may be discharged to a conventional wastewater treatment system.

At the Wabash River plant, process wastewater is steam stripped to remove dissolved gases
before recycling to slurry preparation or being discharged. An ammonia stripper is used to
remove ammonia and remaining trace components. Water leaving the treatment system is
purified sufficiently to allow reuse or discharge within permit limits. Holding tanks were also
constructed for discharges that are not within acceptable limits.

Polk’s zero-discharge water treatment system reflects the current state-of-the-art. The process
water blowdown stream goes to a vapor compression concentrator followed by crystallization of
the brine into a salt consisting mostly of ammonium chloride. The clean condensate from this
system is recycled to the process. The size of the blowdown stream which must be treated in
this manner is determined by one of two factors: 1) process water balance and distribution – is
the water consumed by the process (the gasifier) more or less than the water coming in with the
coal, purges, etc., and 2) salt (chloride) build-up in the process water loop. This buildup, which
also sets the blowdown rate for wet scrubbing systems in conventional direct-fired plants, is
almost entirely a function of the chloride in the coal. The plant also operates an ammonia
stripper to purge the system of cyanides and ammonia that are produced in the gasifier. So,
although the plant has no process water discharge, this comes at a price of operating several
treatment systems.58

2.3.4 IGCC Operating Experience and Plant Data

Detailed analyses have been conducted on process wastewater discharged at the Wabash River
IGCC power plant. Results were reported for metals, cyanide, ammonia, and water quality (e.g.,
pH), but excluded sulfides, other anions, and organic compounds. Streams included were
cooling tower blowdown; gasification plant process waste water; regeneration waste water from
the demineralizer in the power block; rainwater collected in both the gasification and the power
blocks; equipment purges (blowdowns) and water wash-downs during maintenance preparation
procedures; and un-recycled condensed water from the process cooling water was not tested.
Results are presented in TABLE 2-23.
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TABLE 2-23. WABASH RIVER PROCESS WASTE WATER DISCHARGE63

PARAMETER/
CONSTITUENT

UNIT

PERMIT
LEVEL

MONTHLY
AVERAGE

PERMIT
LEVEL
DAILY

MAXIMUM

1997
MONTHLY
AVERAGE

1998
MONTHLY
AVERAGE

1999
MONTHLY
AVERAGE

Ammonia (as
Nitrogen) mg/l 27.14 54.29 3.93 6.56 8.8

Arsenic mg/l 0.018 0.043 0.0077 0.0199a <0.01

Cadmium mg/l 0.010 0.025 <0.0038 <0.008 <0.01

Chromium mg/l 3.47 8.07 <0.006 <0.0108 <0.0167

Hexavalent
Chromium mg/l 0.014 0.032 <0.01 <0.0120 <0.01

Copper mg/l 0.040 0.093 <0.01 <0.0145 0.0185

Cyanide mg/l 0.019 0.044 0.107a 0.2798a 0.1438a

Lead mg/l 0.260 0.606 <0.08 <0.08 <0.08

Mercury mg/l 0.0005 0.001 <0.005 <0.0005 <0.0006

Nickel mg/l 2.91 6.78 <0.02 <0.0236 <0.1140

Selenium mg/l 0.017 0.040 0.0714a 0.230a 0.1380a

Zinc mg/l 0.241 0.560 0.05 0.0414 0.1363

pH mg/l 6.0 to 9.0 6.0 to 9.0 7.99 8.4 7.5
a Originally out of permit compliance, but later corrected

Process water from the Wabash facility originally demonstrated out of compliance levels for
arsenic, cyanide and selenium. While not included in the table, daily maximums routinely
exceeded permit levels for cyanide and selenium and occasionally for arsenic. However,
installation of a wastewater mechanical vapor recompression (MVR) system in 2001, like the
system described earlier for the Polk plant, has apparently solved this problem. This treatment
method strips and dehydrates (to a salt) the majority of the contaminants in a selected process
wastewater stream with beneficial water re-use of the condensed vapor.39

Similar tests were conducted on the treated wastewater from the LGTI IGCC plant. Results are
presented in TABLE 2-24 for many of the same analytes listed in TABLE 2-23. The major
differences between LGTI results and those at Wabash deal with lead and cyanide. Both are an
order of magnitude higher at LGTI. The Wabash facility, however, is more representative of
current state-of-the-art performance of wastewater treatment equipment. The LGTI plant also
has experienced elevated cyanide levels in their wastewater discharge. Total average cyanide
levels were measured to be 1.5 mg/l, with a 95% confidence interval of 0.3 to 2.7 mg/l. Average
ammonia content (as nitrogen) was measured to be 7.3 mg/l in the treated process wastewater,
which corroborates the levels measured at the Wabash River plant.



Detailed Evaluation of the Environmental Performance of Gasification-Based Power System

DECEMBER 2002 U.S. DOE/NETL2-60

TABLE 2-24. LGTI RIVER PROCESS WASTE WATER DISCHARGE ANALYTES –
AMMONIA, CYANIDE, METALS, WATER QUALITY63

ANALYTE UNITS AVERAGE
95%

CONFIDENCE
LEVEL

Ammonia (as
Nitrogen) mg/l 7.3 3.6

Arsenic mg/l 0.0038 0.0024

Berylium mg/l 0.0006 0.0013

Cadmium mg/l 0.005 0.0024

Chloride mg/l 0.88 0.15

Chromium mg/l 0.0087 0.003

Hexavalent Chromium mg/l - -

Copper mg/l 0.015 0.0044

Cyanide mg/l 1.5 1.2

Lead mg/l 0.33 0.25

Manganese mg/l 0.0024 0.0034

Mercury mg/l <0.00003 -

Nickel mg/l 0.022 0.042

Selenium mg/l 0.032 0.02

Zinc mg/l - -

pH mg/l 8.75 -

Chemical Oxygen
Demand mg/l 53 3.9

Organic analytes were also measured in the treated wastewater discharge with results indicating
very low concentrations of aldehydes, volatile organic compounds, and semi-volatile
compounds.18 TABLE 2-25 provides a partial listing of the reported results. Note that these
results will differ depending on the gasifier type, fuel, and water treatment methods employed in
an IGCC plant.
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TABLE 2-25. LGTI RIVER PROCESS WASTE WATER DISCHARGE ANALYTES –
ORGANIC COMPOUNDS63

ANALYTE UNITS AVERAGE
95%

CONFIDENCE
LEVEL

ALDEHYDES

Acetaldehyde mg/l <0.01 Not Calculated

Acrolein mg/l <0.01 Not Calculated

Benzaldehyde mg/l <0.01 Not Calculated

Formaldehyde mg/l <0.01 Not Calculated

VOLATILE ORGANIC COMPOUNDS

1,1,1-Trichloroethane µg/l <0.87 Not Calculated

1,1-Dichloroethane µg/l <0.59 Not Calculated

Benzene µg/l <0.46 Not Calculated

Carbon disulfide µg/l <0.49 Not Calculated

Chlorobenzene µg/l <0.32 Not Calculated

Vinyl acetate µg/l <0.64 Not Calculated

SEMI-VOLATILE COMPOUNDS

1,2,4 -Trichlorobenzene µg/l <0.53 Not Calculated

1,2-Dichlorobenzene µg/l <0.64 Not Calculated

2-Fluorobiphenyl µg/l 61.2 15

Anthracene µg/l <0.70 Not Calculated

Benz(a)pyrene µg/l <0.70 Not Calculated

Benz(a)anthracene µg/l <0.77 Not Calculated

Pyrene µg/l 11 5.6

2.3.5 Comparison of the Environmental Performance of IGCC with Pulverized Coal and
Fluidized Bed Power Plants

The water required to operate an IGCC plant is approximately one-half to two-thirds that needed
to operate a PC plant with FGD or an FBC plant. Approximate estimates are shown in TABLE
2-26. An IGCC plant generally produces fewer water effluents than the PC and FBC plants. The
amount of process water blowdown is about the same for these plants. However, the steam cycle
in IGCC power plants yields much lower amounts of wastewater blowdown since less than 50%
of the total power generated comes from the steam cycle.
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TABLE 2-26. WATER CONSUMPTION ESTIMATE –IGCC VERSUS PC AND FBC
PLANTS1

CONVENTIONAL PC-FIRED
PLANT WITH ADVANCED
POLLUTION CONTROLS

FBC PLANT IGCC PLANT

Water Consumption,
gallons/MWh 600 – 660 570 - 625 360 – 540

2.4 Solid Wastes and By-products -- Identification, Characterization, and Control

Power plants that combust or gasify solid fossil fuels generate large quantities of solid residues,
principally ash, slag and desulfurization/sulfur byproducts. The quantities generated depend
upon the ash and sulfur content of the solid fuel consumed. Plant operators commonly add or
leave 20–30% water in the solid waste for dust control and optimum bulk density. If this water
is part of the plant water effluents it may contain dissolved salts and minerals. Some plants,
practicing zero water discharge, may add a small amount of solid salts and minerals (from water
effluent evaporation) to the solid residues.

Coal-consuming electric utilities now produce over 100 million tons of coal utilization
byproducts (CUBs) annually in the United States. Since 1966, the American Coal Ash
Association (ACAA) has prepared annual surveys of CUB production and consumption by its
members, which consist primarily of coal-burning electric utilities. These surveys generally
cover the highest-volume CUBs: fly ash, bottom ash, boiler slag, and flue gas desulfurization
(FGD) by-products. The data reported in the ACAA survey comes primarily from plants that use
conventional PC boilers or cyclone boilers. TABLE 2-27 shows the production and use figures
for the period between 1988 and 1999:

TABLE 2-27. CUB PRODUCTION AND USE, 1988-1999 (Million Short Tons)64

Year 1988 1989 1990 1991 1992 1993 1994 1995 1996 1997 1998 1999

Production 83.7 87.5 86.8 88.8 82.0 88.5 89.0 92.2 101.8 105.1 107.7 107.1

Total Use 20.4 17.6 21.2 22.2 20.3 19.3 22.1 22.8 25.2 29.2 31.2 33.0

% Used 24.6 20.2 24.5 24.9 24.8 21.8 24.8 24.7 24.7 27.8 29.0 30.8

Review of the ACAA data shows that fly ash and bottom ash have consistently accounted for
about 58% and 16%, respectively, of all CUBs produced since 1988. Boiler slag production has
dropped consistently from about 6-7% in 1988-93 to about 2.5% in 1996-99. Conversely,
desulfurization by-products have increased from about 16% in 1988 to about 22% in 1996-99.
The total percent of CUBs utilized hovered below 25% prior to 1996, then increased steadily to
over 30% in 1999. However, the remaining 70% are disposed of in ponds and landfills.
Because constituents can subsequently leach from disposed wastes, there is potential for
components to migrate to surface and ground waters. Groundwater contamination can occur
when rainwater percolates through waste, separates (or leaches) hazardous constituents from
wastes, and carries the hazardous constituents into the groundwater supply. Regulating land
disposal is one of the most important strategies used by the EPA to protect groundwater.
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A recent review of 46 power plant disposal sites from 12 states in the USA and abroad (offshore
marine and India) demonstrated that a number of different waste disposal sites had one to several
constituents exceed the EPA MCL, SMCL or WQCj limits by an order of magnitude or more in
downgradient wells, ash pond effluents, aquatic receiving systems, etc.65 U.S. sites with the
greatest number (three or more) of excessive contaminants included two in Indiana; one in
Arizona, Illinois, Massachusetts, South Carolina and Virginia; two in North Dakota and
Tennessee, and four in Wisconsin.

Given the types of problems cited above, in the Spring of 2000, EPA reached its final decision
on whether federal regulations should be established to set the minimum safeguards required at
all power plant waste disposal sites (see Section 3.2.3). EPA initially decided that federal
regulations were needed due to some evidence of contamination from power plant wastes, the
significant inconsistencies in disposal standards between states, and different disposal methods
being used (storage in landfills vs. strip mines), and strong public support for such standards.
Instead of federal regulations, however, EPA determined that voluntary Subtitle D (non-
hazardous) national standards would need to be developed for CUBs disposed in landfills or
surface impoundments and used in filling surface or underground mines. They also determined
that no additional regulations were warranted for CUBs that are used beneficially (other than for
minefilling). In the regulatory determination, EPA supported increases in beneficial uses of
CUBs, such as additives to cement and concrete, waste stabilization, and use in construction
products.k Thus, the current state of regulations and the need to better protect the environment,
as well as public sentiment, clearly favors power generation technologies that can demonstrate
safe disposal or beneficial use of solid by-products.

2.4.1 Identification of Major IGCC Solid Byproducts

The largest solid waste/by-product streams produced by IGCC systems are coal ash (in various
forms) and sulfur. The quantity of each is a direct function of the ash and sulfur contents of the
feed fuel. Coal gasification processes can produce three types of ash: fly ash (including char or
unreacted fuel), bottom ash, and slag. Most prominent coal gasification processes incorporated
into IGCC, such as ChevronTexaco, E-Gas and BGL, are slagging systems that operate at high
pressure. Therefore, most ash is in the form of slag, which can be likened to wet-bottom
pulverized coal boiler slag. Non-slagging gasification produces a coarse bottom ash and fine fly
ash. While the amount of fly ash varies according to the type of gasification process, it is often
recycled to consume the char and minimize the quantity of fly ash produced. Therefore, the ratio
of slag or bottom ash to fly ash is usually much higher in IGCC plants than it is in combustion-
based plants. As an example, dry-bottom PC boilers produce about 20% bottom ash and 80% fly
ash, whereas almost all of the ash is recovered as an inert vitreous slag in the Wabash River
IGCC plant. This large difference in fly ash quantities is an advantage for coal gasification
because fly ash is more difficult to handle, use, and dispose of than bottom ash or slag.

j Maximum Contaminant Levels (MCL) and Secondary Maximum Contaminate Levels (SMCL) from the Safe
Drinking Water Act, US EPA health advisories for children and adults, and the US EPA Water Quality Criteria
(WQC). The WQC are used as water quality standards under the Clean Water Act for protection of aquatic life from
acute and chronic levels of toxicity.
k More detailed background information and updated documents on USEPA’s determination can be obtained from
http://www.epa.gov/epaoswer/other/fossil/index.htm.

http://www.epa.gov/epaoswer/other/fossil/index.htm
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Slag is an inert glass-like material, and is a potentially marketable solid by-product. The
physical form of slag is the result of gasifier operation at temperatures above the fusion, or
melting temperature of the mineral matter. Under these conditions, non-volatile metals are
bound together in molten form until the slag is cooled in a water bath at the bottom of the
gasifier, or by natural heat loss at the bottom of an entrained bed gasifier. Volatile metals, such
as mercury, are typically not recovered in the slag, but may be removed from the raw syngas
during cleanup. Slag production is a function of ash content, so coal produces much more slag
than petroleum coke. Regardless of the feed, as long as the operating temperature is above the
fusion temperature of the ash, slag will be produced. Its physical structure is sensitive to changes
in operating temperature and pressure, and physical examination of the slag’s appearance can
often be a good indicator of carbon conversion in the gasifier.

A second potential large-volume solid stream is sulfur (or sulfuric acid). It is typically produced
as a high-purity liquid that is a highly marketable by-product. The volume of sulfur from a
gasifier is significantly less than that of the gypsum produced by wet limestone-based FGD
processes.

2.4.2 Chemical and Leachate Characterization

As mentioned above, the primary concern associated with disposal or utilization of CUBs,
according to the EPA, is the potential for ground water contamination. Noteworthy toxic trace
elements include arsenic, barium, cadmium, chromium, lead, mercury and selenium, the semi-
volatile and volatile trace elements that preferentially deposit on fly ash (see Section 2.2.3).
Without proper handling of CUBs (see Section 2.4.5), the potential hazard of ground water
contamination has a multi-dimensional impact upon human and recreational health, croplands
and aquatic life.65 The public may consume contaminated water from wells, creating a human
health hazard. Groundwater used to irrigate croplands may adversely affect sensitive crops and
bioaccumulate through animal and plant products bought by the consumer. Runoff from
irrigated fields can infiltrate into aquatic systems to become a threat to aquatic life and
eventually again to human health.

The chemical characterization of fossil fuel CUBs is based on the total concentration of primary
constituents of concern. Leachate characterization focuses on the results of leaching analyses of
CUB materials. The primary analyses used are the Toxicity Characteristic Leaching Procedure
(TCLP) and extraction procedure (EP) analysis. These were the analyses used to characterize
waste leachate for use in the risk assessment portion of EPA’s 1999 Report to Congress.66 TCLP
and EP toxicity are determined from laboratory procedures that simulate leaching from a
disposal site under actual disposal conditions. These results can then be compared with
regulatory standards to ascertain if a waste is hazardous or non-hazardous. Table 3-24, in
Chapter 3, lists selected TCLP regulatory levels for various metals.

The TCLP is designed to simulate the leaching a waste will undergo if disposed of in a sanitary
landfill. The extraction fluid employed is a function of the alkalinity of the solid phase of the
waste. A sub-sample of a waste is extracted with the appropriate buffered acetic acid solution
for a specified time period. The extract obtained from the TCLP (the "TCLP extract") is then
analyzed to determine if any of the thresholds established for the 40 Toxicity Characteristic (TC)
constituents (listed in Table 3-24) have been exceeded or if the treatment standards established
for the constituents listed in 40 CFR §268.41 have been met for the Land Disposal Restrictions
(LDR) program. If the TCLP extract contains any one of the TC constituents in an amount equal
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to or exceeding the concentrations specified in 40 CFR §261.24, the waste possesses the
characteristic of toxicity and is deemed a hazardous waste. If the TCLP extract contains LDR
constituents in an amount exceeding the concentrations specified in 40 CFR §268.41, the
treatment standard for that waste has not been met, and further treatment is necessary prior to
land disposal. However, as discussed in detail in Section 3.4, coal combustion wastes have
generally been found to be non-hazardous. Applicable TCLP limits are RCRA standards or the
Universal Treatment Standards (UTS) if the waste is classified as a “decharacterized” hazardous
waste (see report Section 3.4.1.2).

TABLE 2-28 includes a comparison of IGCC solid waste material with boiler slag from PC
plants, and TABLE 2-29 presents Wabash River gasifier slag63 analysis, which includes analytes
not presented in TABLE 2-28. The data obtained represents a variety of feedstock from lignite
through petroleum coke. As indicated in the table, this material has been determined to be a non-
leachable, non-hazardous material. As noted in the endnote to TABLE 2-28, barium was the
only constituent that demonstrated leachable characteristics. The TCLP measurement for the
total gasification slag is less than that measured for direct-combustion slag.

TABLE 2-30 presents detailed Wabash River IGCC coal slag analysis for specific metal
constituents and organics, and compares the TCLP results with the RCRA and UTS standards
identified in Section 3.4.1. The data indicates that the Wabash River slag has superior
leachability characteristics. Data obtained from EPRI’s Cool Water Project tend to support the
results obtained at the Wabash River Facility. These results are presented in TABLE 2-31.

In summary, the data presented in TABLE 2-29 and TABLE 2-30 (Wabash River Gasifier Slag)
essentially agrees with the Cool Water results (TABLE 2-31) in the sense that both demonstrate
that the gasifier slag is highly non-leachable. This behavior demonstrates that gasifier slag need
not be treated any differently than coal combustion waste material that is classified as non-
hazardous. Note, however, that the information presented in this section is limited to slagging-
type gasifiers that consume coal or petroleum coke, and does not necessarily apply to plants that
use other feedstocks, such as MSW, or non-slagging gasification processes. Also it needs to be
pointed out that even if slag is classified as non-hazardous, local regulations may require
disposal in a different class of landfill.

2.4.3 IGCC By-product Handling and Storage Stability

Laboratory analysis of slag from the Wabash River gasifier, as discussed previously, has been
determined to be non-leachable, non-hazardous material with regard to inorganic species; since
gasifier slag is in a vitrified state, it rarely fails the TCLP protocols for metals. Various
feedstocks (lignite, subbituminous coal, bituminous coal, and petroleum coke) processed through
the E-Gas™ gasification process have consistently demonstrated a non-hazardous classification
based on TCLP (total) test results. Since slag is not a good substrate for binding organic
compounds, it is usually found to be non-hazardous, exhibiting none of the characteristics of a
hazardous waste. Consequently, it may be disposed of in a non-hazardous landfill, or sold as an
ore for metals recovery. Slag’s hardness also makes it suitable as an abrasive or roadbed
material, as well as an aggregate in concrete formulations. Further evidence of the long-term
stability of this material is supported in an EPRI publication entitled Long-Term Leaching Tests
with Coal Gasification Slag.67
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TABLE 2-28. COMPARISON OF IGCC SLAG WITH SLAG FROM PC PLANTS

CONSTITUENTS PC UTILITY BOILER SLAG

Units Mean Range
GASIFICATION SLAG

Carbon wt % -- -- 0.21-15.6711

Moisture wt % -- -- 0.11-30.1711

MAJOR COMPOSITION, CARBON FREE BASIS74

SiO2 wt % -- 45.9-70.0 42.5

Al2O3 wt % -- 15.9-28.3 29.0

Fe2O3 wt % -- 2.0-14.3 21.2

CaO wt % -- 0.4-15.3 4.6

MgO wt % -- 1.9-5.2 1.1

Na2O wt % -- 0.6-1.0 0.5

K2O wt % -- 0.1-0.3 1.8

TRACE ELEMENTS68,72

Antimony wt ppm 0.7 0.25 - 1.0 4.8 - <10
Arsenic wt ppm 23 0.01- 254.0 6.39 - <10
Barium wt ppm 698.7 6.19 - 1720 37.9 - 80
Beryllium wt ppm 7 7.0 - 7.0 2.03 - 10.9
Boron wt ppm 31.7 0.1 - 55.0 128 - 283
Cadmium wt ppm 22.4 0.01 - 40.5 <50 - 0.76
Chromium wt ppm 592.1 1.43 – 5981b 29.6 - 120c

Copper wt ppm 52 1.37 - 156 12 - 54.1
Lead wt ppm 34.6 0.40 - 120.0 8.19 - 97
Mercury wt ppm 5.1 0.016 - 9.5 <0.08
Nickel wt ppm 81.4 3.3 - 177 22.9 - 146.7
Selenium wt ppm 4.8 0.010 - 14.0 <10.0
Silver wt ppm 22.2 0.01 - 74.0 <1.0 - 3
Thallium wt ppm 37.3 33.5 - 40.0 <0.4 - 16
Vanadium wt ppm 146.1 75.0 - 320.0 25.1 - 156
Zinc wt ppm 79.2 4.43 - 530 32.97 - 213
TCLP-Total mg/L 1.28d -- <0.682e

a Represents range of 1997, 1998, and 2001 average analysis.
b Identified as Cr+6

c Chromium species not identified
d Sum of calculated average of all reported TCLP data.
e Values represent total leachate present in the analyzed sample. Barium was the only constituent that demonstrated

leachable characteristics.
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TABLE 2-29. WABASH RIVER GASIFIER SLAG CHEMICAL ANALYSIS

CONSTITUENT UNITS 1997 AVERAGE
ANALYSIS11

1998 AVERAGE
ANALYSIS11

2001 AVERAGE
ANALYSIS39

Carbon Content
Moisture Content

wt%
wt%

15.67
30.17

7.91
28.04

0.21
0.11

Group I Metals
Antimony
Arsenic
Cadmium
Chromium1

Cobalt
Manganese
Mercury
Nickel
Selenium

mg/kg
mg/kg
mg/kg
mg/kg
g/kg

mg/kg
mg/kg
mg/kg
mg/kg

<10.0
<10.0
<0.50
29.6
5.35
33.3

<0.08
22.9

<10.0

4.8
6.39
0.76
120

1.017
67

<0.01
146.7
3.02

<4
<4
<2
290

17 mg/kg
1140
0.03
45
-

Group II Metals
Aluminum
Barium
Beryllium
Boron
Calcium
Copper
Iron
Lead
Magnesium
Molybdenum
Phosphorus
Potassium
Silicon
Silver
Sodium
Thallium
Vanadium
Zinc

mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/LP
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg
mg/kg

8,527
37.9
2.03
128

9253
12

17,267
8.19
1383
3.30
<39
1687
1207
<1.0
743
<0.4
25.10
32.97

49,600
80

10.9
283

3246
54.1

105,333
97

2783
8.63
2.0

7623
2000
3.0

1037
16

156
213

129,200

40
1230

187,100
50

20,000
34

33,000
<20

5900
162,300

<2
25,200

<4
530

3

TCLP (Total) mg/l <0.6823 <0.123 -
Notes:
Chromium species not identified
mg/LP = milligrams/L as Phosphate
Values represent total leachate present in the analyzed sample. Barium was the only constituent that demonstrated
leachable characteristics.
Based on 100% Coal feed (i.e. no waste or biomass in feed at this point). Independent lab report.
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TABLE 2-30. WABASH RIVER COAL SLAG ANALYSIS LEACHABILITY RESULTS
FOR TRACE METALS AND SELECT ORGANICS39,69

COMPONENT RCRA LIMIT
(mg/l)

UTS LIMIT
(mg/l)

WABASH TCLP
RESULTS

Antimony -- 2.1 < UTS
Arsenic 5.0 5.0 < UTS
Barium 100.0 7.6 < UTS

Beryllium -- 0.014 < UTS
Cadmium 1.0 0.19 < UTS

Chromium (Total) 5.0 0.86 < UTS
Cyanides (Total) -- 590 mg/g3 < UTS

Mercury (non WW) 0.2 0.2 < UTS
Mercury (all other) 0.02 0.025 < RCRA

Nickel -- 5.0 < UTS*

Selenium 1.0 0.16 ND
Silver 5.0 0.3 < UTS

Thallium -- 0.078 ND
Vanadium -- 0.23 < UTS*

Zinc -- 5.3 < UTS
1,1,1,2-Tetrachloroethane 6.0 ND
1,1,2,2-Tetrachloroethane 6.0 ND

Tetrachloroethylene 6.0 ND
2,3,4,6-Tetrachlorophenol 7.4 ND

Acenaphthylene 3.4 ND
Acenaphthene 3.4 ND

Acetone 160 ND
Acetonitrile 38 ND

Acetophenone 9.7 ND
2-Acetylaminofluorene 140 ND

Acrolein NA ND
Aniline 14 ND

Anthracene 3.4 ND
Benzene 10 ND

Benz(a)anthracene 3.4 ND
Carbon Disulfide 4.8 mg/lTCLP < UTS
Diethyl phthalate 28 < UTS

Fluoranthene 3.4 < UTS
Toluene 10.0 ND

Vinyl chloride 6.0 ND
1,1,1-Trichloroethane 6.0 ND
1,1,2-Trichloroethane 6.0 ND

Trichloroethylene 6.0 ND
Single pass and recycle (* single pass only)
WW – Wastewater
ND –Not Detected
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TABLE 2-31. RCRA GASIFIER SLAG TEST RESULTS FOR COOL WATER
GASIFICATION PLANT

RCRA
EXTRACTION
PROCEDURE
COMPONENT

LEACHATE
CONCENTRATION

(mg/l)

RCRA LIMIT
(mg/l)

DETECTION
LIMIT
(mg/l)

Arsenic ND 5.0 (<0.06)

Barium 0.32 100.0

Cadmium ND 1.0 (<0.002)

Chromiuma ND 5.0 (<0.005)

Lead ND 5.0 (<0.08)

Mercury ND 0.2 (<0.0004)

Selenium ND 1.0 (<0.08)

Silver ND 5.0 (<0.002)
ND = Not Detected
a Chromium species not identified

In contrast with IGCC, the amount of solid waste discharged from direct coal combustion can
increase by a factor of 2 to 3 with the use of throw-away desulfurization systems and high-sulfur
coals. Coal gasification avoids this problem totally by recovering the fuel’s sulfur as a pure, by-
product that is readily marketable or as marketable sulfuric acid. Most direct coal combustion
processes recover the sulfur as wet scrubber sludge or a dry or semi-dry spent sorbent, or
gypsum. These forms of sulfur have significantly larger mass and volume than pure sulfur.
Furthermore, they are more difficult to handle, market, and dispose of. If the gypsum is pure
enough, it can be marketed for a variety of applications.

2.4.4 IGCC By-Product Handling Experience

2.4.4.1 Wabash River IGCC Pl ant 63

Solid byproducts from the gasification process at the Wabash facility primarily consist of gasifier
slag, entrained particulate in the syngas exiting the gasifier, and elemental sulfur. The slag from
the gasifier is removed in a slag/water slurry and directed to a dewatering system. The
dewatered slag is loaded into a truck or railcar for transport to market or a storage site. Clear
water from the settled slurry is returned to the gasifier quench section and the slurry of fine
particulates from the bottom of the settler is recycled to the slurry preparation area. The
entrained particulates are collected from the cooled syngas and recycled to the gasifier. The slag
produced is a black, glassy sand-like material, which is inert (e.g., passes TCLP). It generally
contains 3-10% unconverted carbon and is marketed for asphalt, construction backfill, and
landfill cover applications. Slag production is proportional to ash & flux content in feed.

The plant also produces 99.99% pure elemental sulfur that leaves plant in railcars. It is sold to a
broker for agricultural applications, with over 40,000 tons to sold to-date.
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2.4.4.2 Polk IGCC Plant70

Similar to the Wabash facility, solid wastes from the Polk facility consist primarily of gasifier
slag and entrained particulates in the syngas. In the gasification system, coarse solids and some
fine solids are flushed from the radiant cooler into a concrete slag-dewatering bin. Dewatered
slag is then loaded into trucks for offsite use or temporary onsite storage. Water removed is
pumped to the gasification process black water handling and processing system. The temporary
storage units are designed to provide for up to five years of waste from the IGCC unit operating
at 100-percent capacity. The slag storage area includes a storm water runoff collection basin and
surrounding berm to prevent runoff from entering the area. Both the slag storage area and runoff
collection basin are lined with a synthetic material or other materials with similar low
permeability characteristics. The runoff basin is designed to contain runoff water volumes
equivalent to 1.5 times the 25-year, 24-hour storm event. Water collected in the runoff basin is
routed to the industrial wastewater treatment facility.

Particulate removal from the syngas occurs in both the conventional cold gas cleanup unit
(CGCU) and a demonstration hot gas cleanup unit (HGCU). The solids from both gas cleanup
units are collected as slurry. The slurry is collected and processed in the blackwater handling
system. The solids from the slurry are stored at an onsite brine storage area, a lined landfill with
a leachate collection system. In the HGCU, sodium bicarbonate is used as a sorbent for halogen
removal. A secondary cyclone captures the injected sodium bicarbonate, which is also sent to
the onsite brine storage area. A small amount of non-hazardous sorbent fines are collected in a
high efficiency barrier filter and are sent offsite for disposal. Larger fines are sieved on screens,
and fugitive fines are collected in filter bags and recycled to the catalyst supplier.

All blackwater from the gasification and syngas cleanup process is collected, processed, recycled
to the extent possible, and contained within the process. The separated water is recycled for
slurrying the coal feed.

A by-product handling issue reported at the Polk plant is related to the ash/char recycle stream.
Polk’s ChevronTexaco gasifier generates char that is mixed with a very fine glassy frit, which
requires separation prior to re-injection. The separated frit must be washed with clean water
before it can be disposed of economically or used commercially. However, this process water
must then be treated to remove contaminants, which increases water consumption and treating
costs.58

Another byproduct issue at the Polk plant deals with slag disposal. Although the slag is
classified as non-hazardous, local regulations require disposal in a different class of landfill.
Polk must use a Class I landfill that is double-lined with leachate extraction/control versus a
much less expensive and more available Class III landfill. The difference in disposal cost
between the two is about $20/ton.

2.4.5 Assessment of Disposal Options for IGCC Solid By-Products

Solid material disposal requirements for IGCC are expected to be similar to those for direct
combustion of coal. An extensive study was conducted in preparation for the 1999 EPA Report
to Congress on Wastes from the Combustion of Fossil Fuels (EPA 530-R-99-010, March,
1999).71 Recommendations resulting from the study concluded that disposal of CUBs should
remain exempt from RCRA Subtitle C hazardous waste management practices. Additionally,
EPA has determined that national Subtitle D regulations are warranted and are to be handled
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through the Land Disposal Restrictions (LDR) revised in August 2001. The LDR program
identifies treatment standards for hazardous wastes and specifies requirements that generators,
transporters, and owners or operators of treatment, storage, and disposal facilities (TSDFs) that
mana ge r estricted w astes destined for land disposa l must meet (see Section 3.4.1).

2.4.5.1 Types of Waste Management and Control Measures71

Current management practices for solids typically consist of onsite surface impoundments and
landfills. Because of the economic value of IGCC slag, the use of temporary surface
impoundments is the more likely storage practice.

Surface impoundments are natural depressions, excavated ponds, or diked basins. UCCWs
managed in surface impoundments typically are sluiced with water from the point of generation
to the impoundment. The solid UCCWs gradually settle out and accumulate at the bottom of the
impoundment. This process leaves a standing layer of relatively clear water at the surface, which
is commonly termed “head.” The distance between the surface and the top edge of the
impoundment is known as “freeboard” and indicates the remaining capacity of the impoundment.
The amount of freeboard in an impoundment may fluctuate as wastes are added, rainfall
accumulates, and liquids are removed for discharge to surface water or recirculated to sluicing
operations. Solids that accumulate at the bottom of a surface impoundment may be left in place
as a method of disposal. The impoundment also may be periodically dewatered and the solids
removed for disposal in another unit, such as a landfill.

Landfills are facilities in which wastes are placed for disposal on land. Landfills usually are
constructed in sections called “cells.” Wastes are placed in the active cell and compacted until
the predetermined cell area is filled. Completed cells are sometimes covered with soil or other
material, and then the next cell is opened. Cells may be constructed on top of a layer of
previously completed cells, called a “lift.” Landfills are usually natural depressions or
excavations that are gradually filled with waste, although construction of lifts may continue to a
level well above the natural grade. UCCWs managed in landfills may be transported dry from
the point of generation, or they may be placed after dredging from a surface impoundment.
Some residual liquids may be placed along with the dredged solids. Also, liquids may be added
during the construction of the landfill for dust control.

Specific storage and environmental control requirements are currently the responsibility of the
states. Typical control measures include liners, covers, leachate collection systems and
groundwater monitoring systems.

A Liner is a barrier placed underneath a landfill or on the bottom and/or sides of a surface
impoundment. Depending on their construction, liners can slow or prevent the release of
leachate from a landfill or liquids from a surface impoundment to underlying soils and ground
water. Liners can consist of compacted soil, compacted clay, a synthetic material or membrane,
or a combination of barrier types.

A cover, or cap, is a barrier placed over the top of a waste management unit. Covers can prevent
precipitation runoff from becoming contaminated by contact with waste, prevent or slow
percolation of precipitation into the unit, and prevent windblown transport of waste. Like liners,
covers can consist of compacted clay, synthetic materials or membranes, or a combination of
materials. Covers also may be a layer of soil or sand. Final covers are those placed upon closure
of a unit. Intermediate covers also may be placed on closed or inactive portions of a unit,
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particularly completed cells of a landfill. Daily covers are sometimes placed at landfills at the
end of a day’s operation.

A leachate collection system is a series of drains placed beneath a unit, typically a landfill.
These systems collect leachate for treatment or disposal, thus preventing it from reaching soils,
ground water, or surface water.

Ground-water monitoring systems consist of one or several wells drilled in the vicinity of a
unit. Samples from these wells are periodically collected and analyzed. Groundwater
monitoring is not strictly an environment control but rather a warning system. Groundwater
samples that display contamination may trigger regulatory requirements to mitigate or eliminate
the source of contamination.

TABLE 2-32 provides a summary of the prevalence of regulatory requirements in the United
States. These controls are applicable to newer landfills and surface impoundments. Recent
trends suggest that states are increasingly applying their regulatory authority as new units are
introduced.

TABLE 2-32. CURRENT STATE REGULATORY CONTROLS72

CCW LANDFILLS CCW SURFACE
IMPOUNDMENTS

Number of
Statesb

Percent of
Statesc

Percent of
Capacityd

Number of
Statesb

Percent of
Statesc

Percent of
Capacityd

Hazardous Waste
Exemptiona 44 88% 96% 44 88% 96%

Permit Onsite 41 82% 77% 45 92% 87%

Permit Offsite 48 96% 95% 45 94% 88%

Siting Controls 46 96% 92% 41 87% 81%

Liner 43 86% 87% 45 92% 91%

Leachate Collection 42 84% 79% 33 73% 68%

Ground-Water
Monitoring 46 92% 89% 44 96%

94%

Closure 45 90% 91% 43 91% 88%

Cover and Dust
Controls 49 98% 96% No Data

a Exempt from state hazardous waste regulations for CCWs.
b Number of states with authority to impose requirement, either by regulation or on a case-by-case basis.
c Percent of surveyed states with authority.
d Percent of surveyed utility generating capacity represented by states with authority.

2.4.6 Assessment of IGCC By-Product Utilization

A 300-MWe IGCC power plant using 2,500 tons of 10% ash coal per day may generate 250
tons/day of slag or bottom ash, the disposal of which represents a significant operating cost.
Commercial application of coal gasification technologies can be greatly enhanced if the solid by-
product can be utilized, rather than disposed of in a landfill. Data presented in Sections 2.4.2,
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2.4.3, and 2.4.4 show that gasification slag is similar to the material produced in wet-bottom PC
plants and has as good or better leachability characteristics. It also has low bulk density, high
shear stren gth, good drainage and filtering ch aracteristics. Unfortunatel y, due to the relativel y
small quantities of boiler slag p roduced in the U .S., relative to fl y ash a nd FGD material, l the
markets for this type of material are not yet fully developed. There is also relatively little
experience using coal gasification slag.

This section reviews the potential markets for utilizing slag material generated by IGCC power
plants, examines the utilization experience for slag produced by wet-bottom PC plants, and
discusses some of the limited utilization experience associated with currently operating IGCC
plants.

2.4.6.1 Potential Markets for IGCC Slag

Current large-volume markets for slag can mainly be found in those states that make use of wet
bottom boilers, such as Ohio, New York, Illinois and Indiana. In the areas where slag is
produced, it is utilized to a high extent. U.S. utilization of slag from coal-fired boilers is
estimated to be about 94%, according to the American Coal Ash Association (ACAA), and over
89% in ACAA Region 3, which includes Illinois, Indiana, Kentucky, Michigan, Ohio, and
Wisconsin.

Identified markets for IGCC slag include:

• Construction structural backfill
• Asphalt paving aggregate - hot mix and seal coat aggregate
• Portland cement aggregate
• Asphalt shingle roofing granules
• Pipe bedding material
• Blasting grit
• Snow and ice control
• Mineral filler
• Road drainage media
• Water filtering medium
• Water-jet cutting - a new application for boiler slag
• Slag lightweight aggregate (SLA) and ultra-lightweight aggregate (ULWA)

In the State of Ohio, while only 3.8% of the CUBs produced in 1997 were boiler slag, slag
represented approximately 13.4% of the CUB utilized. TABLE 2-33 identifies the primary
markets for boiler slag in Ohio in 1997.73 While utilization of boiler slag amounted to almost
75%, use of fly ash/bottom ash was estimated at just over 23% and use of FGD material at 21%.
Of course, the much larger quantities of ash and FGD material produced helps account for its
more limited utilization.

l Coal-burning electric utilities now produce over 100 million tons of CUBs annually in the United States. However,
boiler slag production, as a percentage of total CUB production, has dropped consistently from about 6-7% in 1988-
93 to about 2.5% in 1996-99.
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TABLE 2-33. ESTIMATED BOILER SLAG UTILIZATION IN OHIO BY TYPE OF
USE –1997

TYPE OF USE QUANTITY USED,
Short Tons

PERCENT OF TOTAL
USED

Cement/Concrete/Grout 4,700 1.8
Structural Fills 18,400 7.1
Road Base/Subbase 300 0.1
Snow and Ice Control 11,800 4.5
Blasting Grit/Roofing Granules 223,200 85.9
Misc./Other 1,500 0.6

TOTAL 260,000 100

Production of lightweight aggregates from slag, used to make roof tile, lightweight block, and
structural concrete, appears to represent an excellent opportunity to develop a high-value market
for IGCC slag. A project funded by the DOE, the Electric Power Research Institute (EPRI), and
the Illinois Clean Coal Institute (ICCI), along with considerable industry involvement, has
demonstrated the technical and economic feasibility of commercial production and utilization of
slag lightweight aggregates (SLA) and ultra-lightweight aggregates (ULWAs).74 A sample from
an Illinois basin coal slag generated at the Wabash River IGCC plant was included in the project.

The economic incentive for developing this technology depends on the market prices of target
applications: conventional LWAs made from expansible clays sell for $40/ton, and ULWAs
made from expanded perlite sell for $150/ton. The results indicate that SLA is an excellent
substitute for conventional LWA in roof tile, block, and structural concrete production. In
addition, slag-based near-ultra-lightweight material may also be used as a partial substitute for
expanded perlite in agricultural and horticultural applications. The preliminary economics
indicate that SLA costs would be considerably lower than those of conventional materials due to
the absence of mining costs and significantly lower temperature of expansion (1400-1600oF vs.
1800-2000oF for conventional clays). Production costs were calculated at $24.40 and $21.87 per
ton of product (1998 dollar basis), respectively. These costs compare very favorably with current
LWA production costs of about $30/ton. When these numbers are modified to reflect a possible
$15/ton avoided costs of slag disposal, the economics of SLA production become even more
attractive. The technology demonstrated under this project indicates a good opportunity for
developing value-added products from IGCC slag.

2.4.6.2 Benefits of Slag Utilization

Some of the perceived advantages of using the slag by-product, instead of the current practice of
landfilling are:

• Decreased need for expensive landfill space
• Conserves natural resources
• Uses a better by-product with significant technical benefits (such as uniformity)
• Reduces the cost of energy production
• Provides substantial cost savings for end-users
• Helps the economic competitiveness of coal, in general, and IGCC in particular.
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The interest in using slag is largely driven by the avoided landfill cost.73 Avoided landfill costs
can be significantly different for utilities with and without captive landfills. For slag producers
with captive landfill, use of any by-product results in 100% savings of operating costs but only
partial savings of the capital of the landfill. On the other hand, utilities without captive landfills
have zero capital cost but high operational costs. Thus, any material not sent to the landfill
results in much higher cost savings for IGCC plants without captive landfills, than those with
captive landfills. CUB landfilling costs (capital and operating) in the State of Ohio, for example,
can range from about $3 to $35 per ton for plants with and without captive landfills. CUB
producers with captive landfills have low landfill costs (approximately $3 to $15 per ton).
However, CUB generators without captive landfills generally have much higher landfilling costs
(about $10 to $35 per ton) due to high tipping fees and longer haulage distance.

Another benefit associated with CUB utilization can be quantified as the intrinsic value of land
not needed for disposal purposes. It is presumed that almost any tract of land will have a lesser
environmental quality if it is used as a disposal site rather than left in its natural state. The mere
operation of a large disposal site over a long period of time increases the potential for accidental
environmental damage due to loss of vegetation, surface runoff, airborne dust from trucks, etc. It
is, therefore, assumed that the environmental benefit of diverting CUBs from disposal sites takes
the form of a value assigned to each acre of landfill space “avoided.” This benefit accrues to any
use of CUB, assuming that there is no additional environmental disturbance at the utilization site
merely to accommodate the CUBs.75

2.4.6.3 Barriers to Slag Utilization

The principal barriers to IGCC slag utilization can be classified into three main categories: 1)
institutional, 2) regulatory, and 3) legal. The institutional barriers include restrictions on use of
CUBs through requirements, standards, specifications, policies, procedures, or attitudes of
organizations and agencies involved in CUB use or disposal. This can also include economic,
marketing, environmental, public perception, and technical barriers. Some examples are local
material transport requirements, opposition from established raw material marketers, unknown
long-term effects on products made from slag, and product durability concerns.

Regulatory barriers include federal, state, and local legislation and permitting requirements.
Regulatory and permitting factors are discussed in Section 3.4 and 3.5. Most states currently do
not have specific regulations addressing the use of CUBs, and requests for specific uses are
handled on a case-by-case basis or under generic state recycling laws or regulations.

Legal barriers include contract, patent, liability and some regulatory issues. Critical to
overcoming the barriers and creating successful IGCC slag uses will be demonstrating that such
practices are technically safe, environmentally sound, socially beneficial, and commercially
competitive. Improved specifications, fact sheets, design manuals, and testing procedures need
to be developed and widely distributed in collaboration with government and university
researchers and standard-setting organizations.

Efforts to educate regulators, policy-makers, engineering consultants, potential end-users, and
the general public are very important. The educational efforts should focus on neutralizing the
association of the term “waste” with IGCC by-products, and should emphasize their
environmental safety (non-toxicity) and their potential uses, benefits and drawbacks. The public
in particular should be made aware of the environmental costs of landfilling and the
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environmental and social benefits resulting from reclamation and other efforts using IGCC by-
products.

2.4.6.4 Current IGCC Experience with Slag Utilization

In addition to the successful assessment of Wabash slag to produce lightweight aggregate, as
discussed in Section 2.4.6.1, the Polk plant has successfully processed slag for use in cement
production. In order to meet the required slag specification, the size of the fines handling system
was doubled, and additional slag handling equipment was installed to deal with unconverted carbon
in the fines. As a result, Polk produced 2000 tons of slag in the summer of 2001 that was used by the
cement industry at lower cost than Class I landfill disposal. Some further process modifications,
during an outage in the fall of 2001, have enabled the plant to better separate unconverted carbon and
produce slag that is more consistently suitable for the cement industry.76 Not only does the slag meet
specifications, but also the unconverted carbon can be recycled back to the plant or used
elsewhere. However, a negative impact of the improved slag generation capability is that the
plant must operate at reduced load. Load reduction is necessary, because more oxygen is needed
to gasify the fines, but the oxygen plant, specifically the main air compressor, cannot supply the
required capacity. In order to eliminate the load restrictions and ensure Polk’s long-term
viability, another source of air for the oxygen plant is needed. This problem is specific to the
Polk plant and not inherent in IGCC technology. A new design would not have this problem.

Note that this particular problem with complete carbon conversion does not generally apply to all
gasifiers. For example, the BGL gasifier has not demonstrated this problem due to the nature of
its slag removal system.58

2.4.7 Comparison of the Environmental Performance of IGCC with PC and Fluidized
Bed Power Plants

TABLE 2-34 compares the quantity of solid waste and byproducts produced by IGCC, FBC, and
PC plants. The basis for this comparison is a 300 MWe size plant using an Illinois bituminous
coal with 4% sulfur content. The IGCC plant is shown to generate significantly less total solids
than the other plants, roughly one-half that of the PC plant and one-third that of the FBC plant.
Selection of lower coal sulfur content for this analysis will provide a more favorable comparison
for the PC and FBC plants relative to the IGCC plant.

TABLE 2-34. SOLID WASTE AND BYPRODUCTCOMPARISON FOR 300 MWe
PLANTS –IGCC VERSUS PC AND FBC PLANTS

PLANT DATA
PC PLANT WITH

ADVANCED WET FGD FBC PLANT IGCC PLANT

PLANT OPERATING DATA

Plant Size, MWe 300 300 300

Annual Capacity Factor, % 65 65 65

Heat Rate, Btu/kWh 9,750 9,400 9,000

Carbon Conversion, % 99 98 99

Feed Fuel, tons/day 3,480 3,360 3,216

Feed Limestone, tons/day 466 1,104 -
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PLANT DATA
PC PLANT WITH

ADVANCED WET FGD
FBC PLANT IGCC PLANT

FUEL PROPERTIES

HHV, Btu/lb 10,100 10,100 10,100

Sulfur, Weight % 4 4 4

Ash, Weight % 16 16 16

Carbon, weight % 57.6 57.6 57.6

SULFUR REMOVAL

Removal Efficiency, % 95 95 98

Sorbent Limestone Limestone MDEA

Limestone Purity, % 95 95 -

Ca/S Molar Ratio 1.02 2.5 -

Water on Dry Waste, % 25 25 25

SOLIDS GENERATED, tons/day

Ash (Dry) 557 538 0

Slag (Dry) 0 0 515

Carbon in Ash (Dry) 20 19 19

Elemental Sulfur 0 0 126

CaSO4 (Anhydrite) 562 542 0

Water in CaSO4•2H20 149 144 0

CaO (Dry) 10 363 0

Water in Ca(OH)2 3 117 0

Inerts from Limestone 23 55 0

TOTALS

TOTAL BY-PRODUCTS,
tons/day

747 0 126

TOTAL SOLID WASTE,
tons/day (Dry)

577 1,778 534

TOTAL SOLIDS
GENERATED, tons/day 1,324 1,778 660

TOTAL SOLIDS
GENERATED, lb/MWh 367 494 183

TOTAL SOLID WASTE
GENERATED, lb/MWh

172 494 148
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3. EXISTING AND FUTURE ENVIRONMENTAL REGULATIONS AFFECTING THE
SITING AND OPERATION OF GASIFICATION-BASED POWER SYSTEMS

3.1 Introduction and Summary of Information Presented

The assurance of a healthy environment for the American public is one of the greatest drivers for
the regulation of emissions and byproducts generated by electric power producing facilities.
Substantial regulation already exists for the assessment and control of pollutants by means of air,
water, and solid discharges generated from fossil-fueled utility and industrial plants. The
regulations fall into three general categories: 1) environmental quality standards that establish
acceptable levels or concentrations of pollutants in the environment, 2) performance standards
that limit discharges of specific pollutants to the environment (air, water and land), and 3)
control standards that prescribe particular control methods that should be utilized to achieve the
required performance.1 Environmental quality standards usually serve as the basis for the
enforceable performance and design standards specified in environmental permits, and they also
usually necessitate pollutant monitoring and reporting to a regulatory organization.

Since these regulations apply to the IGCC technology, this chapter examines existing and future
environmental regulations that may impact the siting, environmental permitting, and operation of
gasification-based power plants. These federal, state, and local regulations deal with criteria air
pollutants, organic and inorganic hazardous air and water pollutants, and solid wastes/byproducts
in all media – air, water and land. Increasingly restrictive regulatory requirements for coal-based
power generation are a critical factor impacting selection, acceptability, and operability of
competing technologies.

3.1.1 Chapter Organization

This chapter is divided into three major sections (in addition to this introductory section) that
exclusively cover air in Section 3.2, water in Section 3.3, and solid wastes/byproducts in Section
3.4, respectively. Each provides the following information:

• Description of Federal Regulations

• Federally-Mandated Operating Permits for Commercial IGCC Plants

• Recent Permitting Experience with Planned IGCC Plants

• Review of Existing State Regulations and Permitting Applicable to IGCC Plants

• Overview of Future Pollution Regulations Potentially Applicable to IGCC Plants

Section 3.5 is also included to provide summary information on miscellaneous regulatory and
industrial permitting issues that may be applicable to greenfield construction of IGCC facilities,
but can’t be distinctly categorized. The chapter concludes by listing cited references in Section
3.6. The rest of this introductory section summarizes the information presented in Sections 3.2
to 3.4. The summary begins with a brief overview of the methodology used to regulate and
permit large-scale fossil-based power generation systems like IGCC.

3.1.2 Overview of the Regulatory and Permitting Process

TABLE 3-1 provides an overview of key elements of current regulatory policy impacting all
fossil-based power plants in the U.S. The table identifies those media-specific regulations that
have been developed to comply with federal and state laws, as well as the pollutants regulated.
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TABLE 3-1. SUMMARY OF KEY REGULATORY ELEMENTS IMPACTING ALL
COAL-FUELED POWER PLANTS IN THE U.S.

ENVIRONMENTAL MEDIA AND APPLICABLE
REGULATIONS

POLLUTANTS
REGULATED

REGULATORY
BASIS

Air Pollution

• National Ambient Air Quality Standards (NAAQS)

• Federal New Source Performance Standards (NSPS)

• Federal New Source Review (NSR)

• Title IV, 1990 CAAA – Acid Deposition Control

• Title III, 1990 CAAA – Hazardous Air Pollutants

• Title I, 1990 CAAA – Attainment Maintenance of
NAAQS, Regional Programs – NOx SIP Call

• State Implementation Plans (SIPs)

• Local Standards (air quality, emission limits, control
methods)

SO2, NOx,
PM10, Pb, O3,

CO, HAPs

Clean Air Act,
Clean Air Act
Amendments,
State and local
laws

Water Pollution

• Federal Safe Drinking Water Standards (SDWS)

• National Pollutant Discharge Elimination System
Limits (NPDES)

• State Pollutant Discharge Elimination System
(SPDES)

• Toxic and Hazardous Waste Regulations (Federal
and State)

• State and Local Standards (stream quality, effluent
limits, treatment methods)

Priority
Pollutants:

arsenic,
benzene,
cyanide,
mercury,

naphthalene,
selenium, other
organics, and
trace metals

Clean Water
Act, Safe

Drinking Water
Act, Resource
Conservation
and Recovery
Act (RCRA)

State and local
laws

Solid Waste Discharge

• RCRA Subtitle C Toxic and Hazardous Waste
Regulations

• RCRA Subtitle D Non-Hazardous Waste
Regulations

• State and Local Standards (Classification, Disposal
Methods)

Fly Ash,
Bottom Ash,

Slag, Pollution
Control Waste,

By-products

Solid Waste
Disposal Act as
amended by the

Resource
Conservation
and Recovery
Act (RCRA)
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Since inception, the environmental regulatory structure has been largely media-specific, with
separate regulations covering air and water pollutants and solid waste/byproduct discharges.
Regulations are based on health-related impacts to humans and wildlife, sustaining the national
landscape, and the preservation of waterways to provide for both commercial and recreational
use. Laws exist to provide public access to information on potentially hazardous substances that
are produced or utilized at regulated facilities. The regulations also necessitate that proper siting
procedures are carried out and that appropriate permits be obtained before any environmental
compromise is likely to occur. Additionally, the major environmental laws call for investments
and operating incentives to enhance current technology, develop new and innovative technology,
and ensure that progress is made in improving the nation’s air, water, and other natural resources.

The legal instrument used in the U.S. to ensure compliance with these environmental regulations
is the environmental permit. A permit may specify in considerable detail how a facility may be
constructed or operated and, therefore, must be obtained prior to commencement of any activity,
including construction. Industrial and municipal facilities are required to obtain these permits to
control their pollutant emissions to the air, land, and water. Various federal permitting programs
have been established by EPA under the Clean Air Act, such as the New Source Review and
Titles V of the 1990 Clean Air Act Amendments for air emissions, the National Pollutant
Discharge Elimination System (NPDES) for discharges of pollutants into surface water, and the
Resource Conservation and Recovery Act (RCRA) for waste management. In general, permit
programs are defined in the regulations to ensure that the requirements of the original statute are
properly implemented. Rather than issuing most permits itself, EPA generally has established
programs to authorize state, tribal, and local permitting authorities to perform most permitting
activities. Once EPA has delegated its authority for a permitting program to a state or tribe, they
can then implement their own version of the permit program as long as it meets the minimum
requirements stated in the governing statutes and regulations. EPA has delegated authority to
most states for implementing part or all of the major permit programs. Some states have enacted
provisions that are more stringent than federal requirements, while other states have adopted the
federal requirements without revision.

The permitting process for the siting of a gasification-based power system is a complex and
lengthy process, especially due to the increasing number of applicable regulations and associated
permits required. A large-scale IGCC facility for utility power generation will almost certainly
qualify as a major emissions source within the permitting process. The actual paper process of
obtaining the necessary environmental permits is very similar to the siting of a traditional utility
electric generation facility. Permit applications may take several months to prepare and can take
an additional twelve months for approval, as for a PSD permit. The permit process usually
includes air, water and solid waste impact assessments, assessment of need for additional
generating capacity, and other impact analysis. In addition to the various state permitting
agencies that are involved, there is also a public participation component that can significantly
effect the time required to obtain the permit. Furthermore, NEPA analysis is required for
facilities that have some degree of federal agency involvement, as has often been the case
throughout the Department of Energy’s clean coal technology demonstrations of IGCC. Many
states are developing outlines for the siting process for power plants, including but not limited to
the Florida Power Plant Siting Act, the Article X process of New York State, and the Ohio
process overseen by the Ohio Power Siting Board.
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3.1.3 Summary of Air-Related Regulations and Permitting

Section 3.2 describes air pollution regulations and environmental permitting requirements
relevant to IGCC systems. Air emissions from a coal-fueled plant are effectively required to
comply with two major regulatory programs required by the Clean Air Act, New Source
Performance Standards (NSPS) and New Source Review (NSR), to achieve national ambient air
quality standards (NAAQS). NSPS specifies maximum emission limits on criteria air pollutants,
but can be superseded by provisions of NSR that impose emission limits on individual sources,
such as a coal-fired power plant. Other regulatory limits are based on Titles I, III and IV of the
1990 Clean Air Act Amendments (CAAA) covering ozone and PM10 nonattainment, hazardous
air pollutant emissions and aggregate emissions of acid rain precursors, respectively. Theses
CAAA titles result in a national cap on SO2 emissions and regional caps on NOx emissions, as
well as maximum source limits on specific hazardous air pollutants. These regulations are all
described in detail in Sections 3.2.1 (criteria pollutants) and 3.2.2 (air toxics).

The current requirements of the NSPS and NSR programs are summarized below in TABLE 3-2,
along with the recent limits imposed on IGCC technology. As the table indicates, actual
permitted emissions levels may be significantly less than required by NSPS based on a
requirement to use Best Available Control Technology (BACT) in attainment areas and Lowest
Achievable Emissions Reduction (LAER) technology in nonattainment areas. BACT/LAER
requirements are determined by a permitting agency on a case-by-case basis, considering the
most stringent emission limits imposed on similar facilities and certain project-specific factors.
Therefore, it is not possible to forecast precisely what BACT/LAER would require for any
particular plant installation, but recent BACT/LAER determinations provide an indication of
likely requirements. The air emission regulations that will likely have the biggest impact on the
introduction of IGCC technology are those that limit NOx and mercury emissions. EPA’s “top-
down-approach” for determining BACT has resulted in the lowering of allowable natural gas-
fired turbine NOx emission levels to values significantly less than NSPS. BACT levels as low as
9 ppm (equivalent to 0.04 lb/106 Btu) can be achieved using combustion controls, and flue gas
treatment equipment, such as selective catalytic reduction (SCR), can further lower NOx levels.

LAER may require emission levels as low as 2 or 3 ppm (equivalent to 0.01 lb/106 Btu) for
natural gas-fired turbines in some states. Therefore, if combustion turbine technology is used as
the basis for a new source review of an IGCC plant, it is very important for regulators to
distinguish between the different performance capabilities of a combustion turbine that fires
syngas versus one that fires natural gas. Syngas-fired turbines, as part of an IGCC system, have
not been proven capable of matching the NOx emissions levels achieved with natural gas-fired
turbines, either with combustion control or flue gas control technologies. NOx regulations are
presented in detail in Section 3.2.1.1.2.

Future mercury emission limits, to be finalized by EPA by December 2004 as a result of their
affirmative mercury determination for coal-fueled power plants, will definitely impact future
IGCC implementation. As discussed in Section 3.2.2, the EPA determination concluded that
there was a “plausible link” between emissions of mercury from coal-fired electric utility steam
generating units and the bioaccumulation of methyl-mercury in fish and other animals that eat
fish. Since human exposure to mercury occurs primarily through consumption of contaminated
saltwater or freshwater fish, further control of coal- and oil-fired power plants was deemed
necessary. Compliance will be required within three years after the regulations go into effect.
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TABLE 3-2. NSPS AND NSR REQUIREMENTS FOR AIR POLLUTANTS FROM
COAL-FUELED POWER PLANTS

POLLUTANT

NEW SOURCE
PERFORMANCE

STANDARD
(NSPS)

RECENT NSR
BACT/LAER
EMISSION

LIMIT

RECENT
BACT/LAER
CONTROL

TECHNOLOGY

RECENT
BACT/LAER
CONTROL

EFFICIENCY

RECENT
LIMITS FOR

IGCC

Sulfur Dioxide,
SO2

0.6 to 1.2 lb/106 Btu
and 70% to

90% Re mo val

0.12 to 0.2
lb/106 Btu

Low to Medium
Sulfur Coal, FGD 90 to 95%

< 0.2 lb/106

Btu or < 360
ppmvd, 0.01
lb/106 Btu
H2SO4 mist

Nitrogen
Oxides, NOx as

NO2

1.6 lb/Megawatt-hour
and 0.15 lb/106 Btu

0.05 to 0.1
lb/106 Btu

Selective
Catalytic

Technology with
Low-NOx
Burners

50 to 90%
0.02 - 0.15

lb/106 Btu, 5
to 25 ppmvd

Particulates,
TSP or PM10

0.03 lb/106 Btu and
99% Removal

0.01 to 0.015
lb/106 Btu ESP, Fabric Filter >99.5% <0.015 lb/106

Btu

Opacity 20% Opacity (6
minute average)a 10% opacity ESP, Fabric Filter 99.9% TSP 20%

Carbon
Monoxide None 0.1 to 0.15

lb/106 Btu
Combustion

Control -- 15 ppm based
on 15% O2

Volatile
Organic

Compounds,
VOCs

None 0.005 to 0.03
lb/106 Btu

Combustion
Control -- --

Hazardous Air
Pollutants
(HAPs)

To be set for
Mercury in 12/2004 None None None None

a May emit 27% opacity for one 6-minute period per hour

The Clean Air Act requires that mercury regulations reflect Maximum Achievable Control
Technology (MACT). In addition, for existing sources, the Act also requires that these MACT
regulations be no less stringent than the average emission level achieved by the best performing
12% of similar, existing sources. For new sources, the Act requires that these MACT regulations
be no less stringent than the emissions level achieved by the best similar source. Data, presented
in Chapter 2 of this report, shows that uncontrolled mercury emissions emitted by operating
IGCC plants are apparently similar to that of coal-fired boilers, but that control technology is
already commercially available to effectively limit mercury emissions from IGCC plants.

IGCC environmental permitting requirements and experience, as discussed in Sections 3.2.3 and
3.2.4, indicates that air permitting is by far the most time-consuming and complex aspect of
developing an IGCC project. New plants have to go through NSR and BACT or LAER
determinations. If a proposed plant site is a designated nonattainment area, requiring LAER
treatment, cost or cost-effectiveness cannot be used by a project developer as a criterion for
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control technology selection. For attainment areas, most of the emissions sources and BACT
determinations for a new IGCC plant are not expected to be problematic, since most of the
balance-of-plant equipment and emissions (e.g., cooling towers, flares, material handling) are
well defined and understood. However, since the IGCC process fundamentally differs from
combustion-based fossil power generation technology, its unique, innovative technology may
raise some questions concerning gas turbine pollutant emissions of NOx, SO2, and CO and will
require the most detailed analysis to avoid permitting difficulties. Further complicating this
process is the possibility that state and local governments will be more restrictive than the federal
requirements. Section 3.2.6 presents a review of states with a large base of existing coal-fueled
electric power generation that indicates, in general, that the states follow federal regulations with
respect to criteria and hazardous air pollutants.

Section 3.2.7 discusses potential emission regulations that may impact future IGCC installations.
Currently, future regulations are being prepared to deal with revised NAAQS for ozone and fine
particulate matter (PM2.5). The primary pollutants from coal-fueled power plants that are
believed to contribute to ambient PM2.5 are sulfates due to sulfur dioxide emissions, nitrates due
to NOx emissions, and fine fly ash particulates that escape particulate matter collection devices.
Only a further reduction in the NOx limit would be expected to impact IGCC technology, since
SO2 and particulate matter emissions are already at extremely low levels. Since NOx emission
levels ranging from 0.06 to 0.1 lb/106 Btu are being considered, this could necessitate
development of advanced, combustion-based NOx reduction technologies specific to turbines
that fire syngas or further modifications to IGCC systems to potentially accommodate flue gas
cleaning technologies, such as SCR. Additional future legislation appears to favor technologies
that can simultaneously minimize SOx, NOx, and mercury emissions, while also limiting carbon
dioxide (CO2) production. Proposed legislation, unrelated to the EPA mercury determination,
calls for as much as a 90% reduction of emissions from individual sources, while other
legislation is geared toward reducing aggregate mercury emissions from about 48 tons per year
to much lower levels. The extent to which this may affect IGCC versus other coal-fueled
technologies is more completely discussed in Chapter 2 of the report.

CO2 control may also be required further into the future, and proposed legislation calls for
reduction of emissions to 1990 levels. While significant CO2 emission limitations would impact
the cost-competitiveness of all coal-based technologies, two key factors make IGCC less
vulnerable than combustion-based systems. First, the lower heat rates achieved by IGCC yield
lower CO2 emissions per unit of electricity production. Second, high-pressure, oxygen-blown
gasifiers yield syngas with a relatively high concentration of CO2 that can be readily removed in
the acid gas removal system. Of course, any CO2 removed must be either utilized in some
fashion or transported to a sequestration site, such as an aquifer or depleted oil wells.

3.1.4 Summary of Water- and Solid Waste/Byproduct Related Regulations

Applicable water and solid waste/byproduct discharge regulations and permitting requirements
are discussed in Sections 3.3 and 3.4, respectively. None of these regulations would appear to
limit the introduction of IGCC technology any more than coal combustion-based technology.
Wastewater discharges normally are permitted under the National Pollutant Discharge
Elimination System (NPDES) program and State Pollutant Discharge Elimination System
(SPDES) programs, which may be more stringent than NPDES. The design of cooling systems
and wastewater treatment facilities must ensure that their discharges are permittable under the
applicable program.
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A particularly critical water issue that impacts all fossil-fueled plants deals with the construction
of surface water intake and discharge structures. Issues such as the disturbance of shoreline and
bottom habitats and the protection of fish and aquatic wildlife are often raised during the
permitting process. Therefore, the location and design of proposed intake/discharge structures is
an important consideration in the permitting process. As discussed in Section 3.3.4, EPA is
currently developing regulations required by the Clean Water Act (CWA) for fish protection at
cooling water intake structures (CWA 316(b)). New facilities that will be required to comply are
those that require a NPDES permit and withdraw two million gallons or more per day (MGD)
from waters in the U.S. Facilities that require a NPDES permit, but withdraw less than 2 MGD,
will be evaluated on a case-by-case basis.

With regard to solid byproducts, 45 states, representing 96% of coal-fueled utility generating
capacity, duplicate the federal exemption of coal combustion byproducts from being categorized
as a hazardous waste. Therefore, as long as IGCC’s solid byproduct material is shown to have
similar (or better) toxicity characteristics compared to wastes/byproducts from combustion-based
plants, then IGCC will be no more impacted than any other coal-based technology. Results of
data presented in Chapter 2 show that IGCC slag is, indeed, comparable to that produced in wet-
bottom, PC-fired power plants, and should fall under the classification of non-hazardous waste.
This has important implications for both landfill disposal and waste utilization.

A landfill must comply with specific requirements for lining, leachate collection, ground water
monitoring, and other environmental protection measures, to prevent groundwater
contamination. Waste disposal landfills typically are regulated by state agencies, and in some
states obtaining approval for the location and design of a landfill can be a very difficult and time-
consuming process, but is certainly easier with non-hazardous waste material. Even better, is to
select or design a new power generation system that produces solid wastes suitable for
commercial use. As discussed in Chapter 2, IGCC’s solid byproduct material has been tested as
non-leachable and non-hazardous, and may be quite useful for a variety of industrial
applications.

3.2 Air Pollution Regulations and Environmental Permitting

3.2.1 Description of Pollution Regulations for Criteria Air Pollutants

The Clean Air Act (CAA, 42 U.S.C.A. §§ 7401 to 7671q) designates six pollutant species as
“criteria pollutants” and EPA has established specific ambient air concentration levels of these
pollutants as (primary and secondary) national ambient air quality standards (NAAQS). These
pollutants are carbon monoxide (CO), lead (Pb), nitrogen dioxide (NO2), ozonea (O3), particulate
matter (PM10), and sulfur dioxide (SO2). The NAAQS are achieved by each state through the
implementation of a State Implementation Plan (SIP) that imposes emission limits on individual
sources, such as a coal-fueled IGCC power plant. Although developed initially by state and local
air pollution control officials, SIPs must be adopted by municipal and state governments and
then approved by EPA. Once a SIP is fully approved, it is legally binding under both state and

a Ozone itself is not emitted directly into the air, but rather is formed through a series of complex physical and
chemical reactions in the atmosphere. Effectively, volatile organic compounds (VOCs) react with NOx in the
presence of sunlight to form so-called ground-level ozone.
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federal law, and may be enforced by either government. A geographic area that meets or does
better than the NAAQS primary standard for a criteria pollutant is called an attainment area;
areas that don’t meet the primary standard are called nonattainment areas.

New Source Performance Standards (NSPS, 40 CFR 60) outline performance requirements for
new or modified source units,2 but other regulations may ultimately establish the actual
performance level required. Although it does not apply to IGCC, Subpart Da addresses
requirements for fossil-fuel-fired electric utility steam generators greater than 73 MW (>250
million Btu/hr) for which construction commenced after September 18, 1978 (or an alternative
date as modified). In addition, NSPS requirements for stationary gas turbines are outlined by 40
CFR 60 Subpart GG. These requirements apply to all stationary gas turbines with a heat input
(at peak load) equal to or greater than 10.7 gigajoules or 10 million Btu per hour. The language
of the regulation includes combined cycle gas turbines defined as “any stationary gas turbine,
which recovers heat from the gas turbine exhaust gases to heat water or steam” (40 CFR 60.331).
Together, these regulations outline specific compliance requirements for SO2, NOx, PM, and
opacity.

Since IGCC plants may employ either a sulfuric acid plant or a Claus sulfur recovery plant to
convert captured hydrogen sulfide (H2S) into sulfuric acid (H2SO4) or elemental sulfur,
respectively, NSPS for these facilities may also be applicable. Standards of Performance for
Sulfuric Acid Plants (40 CFR 60.82, Subpart H) limits sulfur dioxide emissions in discharge
gases. The existing NSPS limit(s) on sulfur emissions from Claus sulfur recovery plants of
greater than 20.32 Mg (22.40 ton) per day capacity is stated in 40 CFR 60, Subpart J - Standards
of Performance for Petroleum Refineries.

New source review (NSR) requirements are outlined by 40 CFR 52.21(b)(1)(I)(a)-(b) and apply
to all new major emission sources and may apply to expansions or modifications of existing
facilities. Triggers for NSR compliance typically vary depending on the designated status of the
location where the source will be located (i.e., whether the location is attainment or
nonattainment). Areas classified as attainment or unclassifiable must comply with regulations
outlined under the Prevention of Significant Deterioration (PSD) program. Because NOx is a
precursor for ozone formation, area status of NAAQS for both NOx and VOC pollutants must be
considered. On June 13, 2002, the EPA Administrator submitted a Report to the President
detailing New Source Review Recommendations that summarize actions to improve and
streamline the NSR program. However, the key provisions of the recommendations are
primarily targeted at existing plants that will undergo major modifications, maintenance, repair
and replacement, and will not greatly affect new plants.

For areas that are designated as attainment or unclassifiable, the major source threshold for most
sources is 250 tons per year of the applicable pollutant. For fossil-fueled steam electric plants,
the trigger is 100 tons per year of the applicable pollutant. For areas designated as
nonattainment, the compliance threshold ranges from 100 tons per year of the designated
pollutant down to 10 tons per year, depending on the severity of the air quality compromise
where the source is located. For companies that own or operate multiple sources within a single
operating area, most often within a single plant site, the compliance thresholds can be interpreted
with respect to total emission from all sources within the area or plant site. This allows the
company to reduce emissions at another source and have a “net” emission increase within the
operating area, including the new or modified source, of less than the NSR trigger. This process
is known as “netting out.” 3

http://www.epa.gov/air/nsr-review/nsr_report_to_president.pdf
http://www.epa.gov/air/nsr-review/nsr_recommendations.pdf
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The NSR process is typically conducted on the state level in accordance with their SIP.
Compliance plans for PSD include technological requirements such as Best Available Control
Technology (BACT) and may include air quality dispersion modeling, using models such as
EPA’s CALPUFF non-steady-state modeling system.4 Pre-startup air quality monitoring is
required for new sources. BACT is an emissions limit based on the maximum degree of
emissions reduction for a pollutant based on application of the best available control technology,
and allows the consideration of energy, environmental, and economic impacts (42 U.S.C.A. §§
7475, 7479(3)). Because BACT is a case-by-case decision, specific requirements may vary from
one location to another. Sources subject to PSD are not typically required to offset emission
increases.

In nonattainment areas, environmental permits may be issued requiring new sources to meet
lowest achievable emission rate (LAER) standards (42 U.S.C.A. § 7503 (a)(2)) based on a
numerical emission standard or a specific equipment design or operational requirement. These
standards are based on technological factors and cannot consider energy or economic issues.
Significant progress in the U.S. Department of Energy’s (DOE) Advance Turbine System (ATS)
program, along with technological development of post combustion NOx control technology, has
allowed lowest achievable NOx emission levels in the single digit ppm range for stationary
combustion turbines firing natural gas. However, syngas-fired turbines cannot yet achieve this
emissions level, requiring higher NOx LAER requirements for the turbine section of an IGCC
facility. In addition to LAER requirements, operators of facilities must obtain “emission offsets”
of the same pollutant from other sources within the nonattainment area to ensure equivalent or
lower total emissions in that area. These offsets typically are an equivalent 1:1 offset, but may
require greater reductions depending on the severity of the air quality compromise.5 Thus,
source control required under NSR can be significantly more stringent than required by the PSD
rules.

Prior to commencing new construction or major modification, major stationary sources are
required to obtain a permit from the authorized state air pollution agencies (CAA Title V, 42
U.S.C.A. § 7661a(a)). Subsequent permitting requirements for NAAQS compliance are outlined
by individual state generated SIPs as required under Title I of the CAA. The permits outline all
relevant CAA requirements for an applicable facility.

Title IV acid rain provisions of the 1990 Clean Air Act Amendments (CAAA Title IV – Acid
Deposition Control, 42 U.S.C.A. § 7651) further regulate SO2 and NOx emissions from electric
utility plants and outline specific reduction targets for existing plants. The program includes
traditional regulatory mechanisms along with an allowance trading system and a cap on future
annual emissions of SO2 of 8.9 million tons. In addition to SO2 and NOx emission compliance,
Title IV requires continuous emission monitoring (CEM) that includes measurement and
recording of SO2, NOx and CO2 emissions, as well as volumetric flow, opacity and diluent gas
levels.6

Title I NAAQS attainment provisions of the 1990 Clean Air Act Amendments (CAAA Title I –
Provisions for Attainment Maintenance of NAAQS, 42 U.S.C.A. § 7407d) requires reductions in
ground-level ozone and its precursors, including NOx. Ground-level ozone is a major ingredient
of smog. Since NOx is a major ozone precursor, it is necessary to control NOx to comply with
ambient ozone standards. Effective July 16, 1997, the NAAQS for ozone is 0.08 ppm (8-hour
average). At this level, many large- and medium-sized urban areas are classified as being in
nonattainment, and many power plants are situated within these nonattainment areas.
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Nonattainment of ozone standards result not only from NOx emissions in a given locality, but
also from significant amounts of NOx transported by winds over a wide geographical area. To
account for the regional transport issue, the CAAA also provided for the establishment of ozone
transport regions.

The Ozone Transport Assessment Group (OTAG), established in 1995 to undertake an
assessment of regional pollutant transport problems in the eastern half of the United States,
concluded that regional reductions in NOx emissions are needed to reduce the production and
transport of ozone and its precursors. OTAG recommended that major sources of NOx
emissions (utility and other stationary sources) be controlled. Based on OTAG’s analysis,
findings, and recommendations, EPA ultimately issued a rule under Title I on September 24,
1998, to establish a cap for NOx emissions. It is applicable to electric power generating units
within an area covering 22 states east of the Mississippi Riverb plus the District of Columbia
(EPA, 1998), although this area was later reduced to 19 states plus DC. These jurisdictions are
required to submit SIPs to meet target emissions levels under the EPA NOx SIP Call. The cap
applies to the five-month ozone season from May 1 through September 30. Both existing and
new plants within the SIP Call region will be required to meet reduced NOx emissions levels that
may be even more stringent than required by Title IV, NSPS or NSR.

A key dilemma facing IGCC, as well as other gasification-based power generation systems, is
the applicable performance standards that must be met. IGCC represents a coal/solid fuel-based
technology, but produces a gaseous intermediate fuel that is combusted in a stationary gas
turbine. As in a gas-fired combined cycle plant, the hot exhaust gas from the turbine is fed to a
HRSG to produce steam for a steam turbine. Therefore, should emissions be governed by the
coal-fired standard, the natural gas-fired standard, or a new gasification or syngas standard? The
specific applicability of gas turbine NSPS to IGCC facilities will likely depend upon how the
facility configuration is interpreted relative to fossil-fuel-fired steam electric generation and
stationary gas turbine regulations, as well as plant siting in attainment or nonattainment
locations. It is also important to keep in mind that state and even local air quality regulations
and requirements can be more stringent and must be more comprehensive than federal
requirements. It is, in fact, the responsibility of individual states to identify state-specific air
quality issues and develop appropriate regulations to deal with them.

3.2.1.1 Criteria Pollutant Ambient and Source Emission Standards

This section identifies specific criteria pollutant control levels required by the Federal regulations
discussed above in order to meet the NAAQS. TABLE 3-3 lists the NAAQS for the six criteria
pollutants, expressed as both micrograms per cubic meter (µg/m3) and parts per million (ppm).

b The SIP Call area consists of Alabama, Connecticut, Delaware, District of Columbia, Georgia, Illinois, Indiana,
Kentucky, Maryland, Massachusetts, Michigan, Missouri, New Jersey, New York, North Carolina, Ohio,
Pennsylvania, Rhode Island, South Carolina, Tennessee, Virginia, West Virginia, and Wisconsin.
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TABLE 3-3. NATIONAL AMBIENT AIR QUAILITY STANDARDS

POLLUTANT MEASURING
CRITERIA

STANDARD VALUE STANDARD
TYPE

8-hour Average 9 ppm (10,000 µg/m3) Primary
Carbon Monoxide (CO)

1-hour Average 35 ppm (40,000 µg/m3) Primary

Lead (Pb) Quarterly Average 1.5 µg/m3 Primary &
Secondary

Nitrogen Dioxide (NO2)
Annual Arithmetic

Mean 0.053 ppm (100 µg/m3)
Primary &
Secondary

1-hour Average 0.12 ppm (235 µg/m3)
Primary &
Secondary

Ozone (O3)
8-hour Average* 0.08 ppm Primary &

Secondary

Annual Arithmetic
Mean 50 µg/m3 Primary &

SecondaryParticulate (PM10)
Particles with diameters

of 10 µm or less 24-hour Average 150 µg/m3 Primary &
Secondary

Annual Arithmetic
Mean 15 µg/m3 Primary &

Secondary
Particulate (PM2.5)*

Particles with diameters
of 2.5 µm or less 24-hour Average 65 µg/m3 Primary &

Secondary

Annual Arithmetic
Mean 0.030 ppm (80 µg/m3) Primary

24-hour Average 0.14 ppm (365 µg/m3) PrimarySulfur Dioxide (SO2)

3-hour Average 0.5 ppm (1,300 µg/m3) Secondary
* Proposed standards for ozone 8-hour average and PM2.5 included for information only.

The current regulation for particulate matter is the PM10 standard that applies to emitted
particles with diameters of 10 µm or less (small enough to be inhaled). EPA has proposed more
stringent NAAQS for ozone and particulate matter applicable to emitted particles of 2.5 µm or
less (PM2.5). A 1999 federal court ruling blocked the implementation of these NAAQS. In May
1999 EPA asked the U.S. Supreme Court to reconsider the ruling, and in June 1999 a petition for
rehearing was filed with the U.S. Court of Appeals D.C. Circuit.7 In 2000, the U.S. Supreme
Court unanimously affirmed EPA's ability to set national ambient air quality standards.
Currently, EPA is determining the appropriate approach for implementing the ozone standard,
and is also in the process of collecting the required three years of fine particulate monitoring data
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prior to determining attainment area status. Area attainment and nonattainment status
designations are expected to begin in 2004.

3.2.1.1.1 SOx

While not directly applicable to IGCC, Federal NSPS for SO2 compliance of fossil fuel-fired
steam generators are based on the type of fuel burned and the potential combustion
concentrationc in the flue gas. For solid fuel or solid-derived fuel, sulfur dioxide limits are 520
nanograms per joule (ng/J) (1.20 lb/106 Btu) heat input and 10 percent of the potential
combustion concentration (90 percent SO2 reduction), or 30 percent of the potential combustion
concentration (70 percent SO2 reduction) when emissions are less than 260 ng/J (0.60 lb/106 Btu)
heat input (40 CFR, Part 60 § 60.43a – standard for sulfur dioxide – 39 FR 20792, June 14, 1974,
as amended at 41 FR 51398, Nov. 22, 1976; 52 FR 28954, Aug. 4, 1987). For combustion of
combined fuels, the requirements are based on percentage contribution of solid, liquid and
gaseous fuels. NSPS for stationary gas turbine SO2 compliance (40 CFR, Part 60 § 60.333 -
standard for sulfur dioxide), which (as currently written) is applicable to the gas turbine in an
IGCC, requires no discharge into the atmosphere from any stationary gas turbine gases that
contain sulfur dioxide in excess of 0.015 percent by volume (15 percent oxygen on a dry basis)
or prohibit the burning of any fuel that contains sulfur in excess of 0.8 percent by weight.

While not directly applicable to IGCC, Standards of Performance for Sulfuric Acid Plants (40
CFR 60.82, Subpart H) limits sulfur diox ide emissions in di scharge gases to no more than 2 kg
per metric ton of acid produced (4 lb per ton), the production being expressed as 100 percent
H2SO4. The limit on sulfuric acid mist is 0.15 lb per ton of sulfuric acid produced (40 CFR
60.83 Subpart H). Th e ex isting NSPS limit(s) on sulfur emissions from Claus sulfur recover y
plants of greater than 20.32 Mg (22.40 ton) per day capacity is stated in 40 CFR 60.104 (Part J -
Standards of Performance for Petroleum Refineries):

• Any Claus sulfur recovery plant using an oxidation control system or a reduction control
system followed by incineration may not emit any gases greater than 250 ppm by volume
(dry basis) of sulfur dioxide (SO2) at zero percent excess air. This is comparable to the
99.8 to 99.9 percent control level for reduced sulfur.

• Any Claus sulfur recovery plant using a reduction control system not followed by
incineration may not emit any gases greater than 300 ppm by volume of reduced sulfur
compounds and 10 ppm by volume of hydrogen sulfide (H2S), each calculated as ppm
SO2 by volume (dry basis) at zero percent excess air.

CAAA Title IV acid rain compliance plans require that an affected unit hold enough allowances
to cover annual SO2 emissions and that it will comply with applicable Title IV SO2 limits. Each
sulfur dioxide allowance permits a unit to emit 1 ton annually. For each ton of SO2 emitted in a
given year, one allowance is permanently retired. The number of allowances an affected facility
receives is based on past fuel consumption and relevant emission rate.

c Potential combustion concentration is defined in the NSPS as the theoretical emissions that would result from the
combustion of a fuel in an uncleaned state without emission control systems.
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Additional allowances are allocated annually to units in high growth states (42 U.S.C.A.
§7651d(i)) and certain municipally owned power plants. Also, for states with 1985 SO2 emission
rates below 0.8 lb/106 Btu, emission allowances are available upon the discretion of that State’s
Governor. Most important to plants that will be installed in coming years, any new fossil-fired
plant will have to fall under the overall SO2 cap of 8.9 million tons of SO2 per year. A utility
will have to have either banked or purchased SO2 allowances for the plant to operate. It is this
cap on SO2 emissions that most impacts construction of new plants and will likely require strict
SO2 emissions limits.

The CAAA provided special incentives for the “repowering” of a facility using specific clean
coal technologies, including integrated gasification. The deadline for demonstrated intent was
December 31, 1997. Utilities that underwent repowering were granted an extension of the
deadline for emission limitation compliance and issued non-transferable SO2 allowances
specifically for the operation of the repowered unit.

3.2.1.1.2 NOx

Federal NSPS for fossil-fuel-fired steam generator NOx compliance were revised in September
1998. The change only applies to units for which construction, modification, or reconstruction
began after July 9, 1997. The pollutant standard for newly constructed sources built after this
date is quantified on a basis of energy output rather than the former heat input basis. The
standard is 200 nanograms NOx (as NO2) per joule (ng/J) or 1.6 lb/megawatt-hour (MWh) gross
ener g y output on a 30 -d a y rolling average, r egar dless of fuel t ype (40 CFR, Part 60 § 60.44a –
standard for nitrogen oxides – 44 FR 33613, June 11, 1979, as amended at 54 FR 6664, Feb. 14,
1989; 63 FR 49453, Sept. 16, 1998; 66 FR 18551, Apr. 10, 2001). For existing sources that
undergo a modification or reconstruction after the prescribed date, the standard remains on a heat
input basis, but is lowered to 65 ng/J or 0.15 lb/106 Btu as NO2.

NSPS standards for stationary gas turbine NOx compliance requirements are determined by
calculations based on fuel characteristics and turbine heat rate (kilojoules per watt-hour) at
manufacturer’s rated load, or actual measured heat rate based on the lower heating value (LHV)
of fuel as measured at actual peak load for the facility (40 CFR, §60.332 – standard for nitrogen
oxides). Certain exemptions, on a case-by-case basis, are available for NOx emissions for
several specific situations including turbine research and development, the potential for NOx
control measures, such as water or steam injection, to cause localized impairment of visibility
that impacts local traffic patterns, and periodic drought conditions. The lowest NOx emissions
level required by NSPS for electric utility stationary gas turbines, with a heat input at peak load
greater than 107.2 gigajoules per hour (100 million Btu/hour) based on the lower heating value
of the fuel fired, is 75 ppm by volume (15 percent oxygen and on a dry basis).

In December 1987, EPA’s “top-down-approach” for determining BACT became a new PSD
requirement. The first step in this approach is to determine, for the power generation unit in
question, the most stringent control available for a similar or identical unit or emission unit
category. If it is shown that this level of control is technically or economically unfeasible for the
unit in question, then the next most stringent level of control is determined and similarly
evaluated. This process continues until the BACT level under consideration cannot be
eliminated by any substantial or unique technical, environmental, or economic objections. This
methodology has resulted in the lowering of allowable gas turbine NOx emission levels to values
significantly less than NSPS.5
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Currently, this top-down BACT typically requires a new natural gas-fired turbine to achieve a
NOx output level in the range of 3 - 4 ppm NOx, and often requires the use of both combustion
controls and flue gas treatment equipment, such as SCR. However, new units in ozone
nonattainment areas are required to install LAER technology, without cost consideration, to
reach emission levels as low as 2.5 ppm NOx. In addition, under the NSR program, increases in
emissions from new or modified sources in nonattainment areas must be offset by greater than
1:1 emission reductions at other sources.

The Title IV Acid Rain provisions for NOx reductions, like those for SO2, required a two-phase
program, but most importantly did not cap overall emission limits. Phase I began in 1996
and Phase II in 2000. Affected units have four compliance options.8

• Standard Emission Limitations: Specific units covered by Phase I include dry bottom-
wall fired boilers and tangentially fired boilers with emission limits of 0.50 lb/106 Btu
and 0.46 lb/106 Btu respectively, on a heat input basis. Phase II includes further
restrictions on dry bottom-wall fired boilers (0.46 lb/106 Btu) and tangentially fired
boilers (0.40 lb/106 Btu) while adding limits to cell burner boilers (0.68 lb/106 Btu),
cyclone boilers (0.86 lb/106 Btu), vertically fired boilers (0.80 lb/106 Btu), and wet
bottom boilers (0.84 lb/106 Btu).

• NOx Emissions Averaging: The owner or operator of two or more units subject to one or
more of the applicable emission limitations may petition the permitting authority for
alternate contemporaneous annual emission limits for such units that ensure that the
actual annual emission rate in lb/106 Btu averaged over the units in question is less than
or equal to the Btu-weighted average annual emission rate for the same units if they had
been operated for the same time period in compliance with applicable emission
limitations (42 U.S.C.A. § 7651f(e)).

• Alternative Emission Limitations: If a boiler is unable to meet it’s standard limits after
proper installation and operation of appropriate NOx control technology, the owner and
operator may petition EPA and the permitting authority for a less stringent NOx emission
limit.

• Early Election: A Phase II affected unit with a dry bottom wall-fired or tangentially fired
boiler that complied with Phase I emission limits by January 1, 1997, is exempt from
Phase II limits until 2008.

Ultimately, the NOx emission limit imposed on a specific gasification-based power system
depends upon its location and treatment by regulatory authorities. It is possible that regulatory
authorities could view a coal gasification-based power system as similar to a coal/solid fuel-
based facility, a natural gas-fired unit (if a combustion turbine is part of the power cycle), or
possibly as some unique gasification or syngas-fired unit. The location determines whether
ozone attainment or nonattainment regulations apply, as well as conditions that could be imposed
by the NOx SIP Call or other local requirements. Clearly, emission limits imposed on coal-
fueled plants by Title IV are far less restrictive than the BACT or LAER regulations that are
applied to natural gas-fired combustion turbines.

Recent Determinations By EPA And States:

TABLE 3-4 presents information on some recent determinations by states for combined cycle
stationary gas turbine projects that are permitted to burn synthesis gas produced from coal or pet-
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coke. Most important, a recent NOx BACT determination in Florida applies to Tampa Electric’s
Polk IGCC plant. In mid 2001, based on its original PSD air permit, the Polk plant was required
to submit a NOx BACT analysis to the Florida Department of Environmental Protection (FDEP)
as if it were a new source. The basis was to be actual operating data, data from other similar
facilities and the manufacturer's research.

TABLE 3-4. RECENT LIMITS FOR NITROGEN OXIDES FOR LARGE STATIONARY
GAS TURBINE COMBINED CYCLE PROJECTS THAT COMBUST SYNGAS9

PROJECT
LOCATION

POWER
OUTPUT,

MWe

NOx EMISSION
RATE*

GASIFICATION
TECHNOLOGY

APPLICATION
& MATERIAL

GASIFIED

Polk; Polk County,
FL 260

25 ppmvd - original
(0.126 lb/106 Btu)

15 ppmvd –revised
(0.076 lb/106 Btu)

ChevronTexaco
pressurized oxygen-

blown entrained-
flow

Power generation,
Coal

Wabash River;
Terra Haute, IN 262 25 ppmvd

(0.096 lb/106 Btu)

Destec two-stage
pressurized oxygen-

blown entrained
flow

Power generation,
Coal

Kentucky Pioneer
(Clark County, KY

and Lima, OH)
580 20 ppmvd

(0.07 lb/106 Btu)
British Gas / Lurgi
slagging fixed bed

Power generation,
Coal & MSW

(Proposed project)

Motiva; Delaware
City, DE 240 16 ppmvd

(0.1lb/106 Btu)

ChevronTexaco
pressurized oxygen-

blown entrained-
flow

Refinery,
Petroleum Coke

* Some of the plant’s permitted rates may change due to pending BACT determinations (i.e., Polk and Kentucky Pioneer)

Based on a final BACT determination by FDEP, a new PSD permit was issued in February 2002
(# 1050233-007-AC for the Polk Power Station IGCC unit, emission unit 001).10 The permit
significantly lowers the syngas-fired turbine NOx emission limit from 25 ppm to 15 ppm (15%
O2 basis and ISO conditions) on a 30-day rolling average (via CEMS) effective July 1, 2003.
The control basis is application of an N2 diluent. The determination’s rationale for reaching its
final decision were given as:

• Polk IGCC is not a green field unit, and additional controls effectivel y result in a r etrofit,

• Other (similar) domestic IGCC units are able to comply with an emission limit of 15
ppmvd, and

• The process of gasification is likely to expand to renewable fuels, possibly complicating
the application of more stringent controls.

3.2.1.1.3 Particulates

Federal NSPS standards for PM10 for a fossil-fuel-fired steam generator are based on heat input
and potential combustion concentration of the solid fuel. The particulate levels for fossil fuel
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fired steam generating units are 13 ng/J (0.03 lb/106 Btu) on a heat input basis and 1% of the
potential combustion concentration. Opacity requirements are set at 20% for a six-minute
average and an allowance of one 6-minute period per hour of no more than 27% opacity.

3.2.1.1.4 CO

Carbon monoxide emissions result due to the incomplete combustion of carbon-based fuels. The
primary contributor to national carbon monoxide pollution is highway and off-highway
transportation sources. Carbon monoxide emissions are a potential issue from any combustion
source, including the gasifier and combustion turbine used in the combined cycle of IGCC.
TABLE 3-3 lists the NAAQS for CO. NSPS does not regulate emissions of carbon monoxide
from utility boilers or gas turbines.

3.2.1.1.5 Ozone

Ground level ozone results when emitted ozone precursors react under the influence of sunlight.
Two ozone precursors of particular concern in the fossil-fuel-based electric generation industry
are NOx and volatile organic compounds (VOCs). While ozone levels are regulated explicitly,
in practice, regulating NOx and VOCs controls ozone pollution. Volatile organics emissions are
primarily an issue with automobiles, but are present in detectable levels from coal-fired burners
and combustion turbine exhaust gas. TABLE 3-3 lists the NAAQS for ozone.

3.2.2 Description of Pollution Regulations for Air Toxics

Title III hazardous air pollutants provisions (HAPs) of the 1990 Clean Air Act Amendments
(CAAA Title III – Hazardous Air Pollutants, 42 U.S.C.A. § 7412) identified 189 pollutants as
potentially hazardous or toxic and required EPA to evaluate their emissions by source, health and
environmental implications, and the need to control these emissions. These pollutants are
collectively referred to as air toxics or hazardous air pollutants (HAPs). Control requirements
are technology-based and established by the top performing existing sources. Triggers for
compliance are dependent on yearly emission quantities for one or more HAPs (10 tons/year for
an y on e HAP or 25 tons/year fo r an y combination of HAPs).

The provisions in Title III specific to electric power generation units were comprehensively
addressed by DOE’s National Energy Technology Laboratory (NETL) and the Electric Power
Research Institute (EPRI) in collaborative air toxic characterization programs conducted between
1990 and 1997. This work provided most of the data supporting the conclusions found in EPA’s
Congressionally mandated reports regarding air toxic emissions from coal-fueled utility boilers:
the Mercury Study Report to Congress11 (1997) and the Study of Hazardous Air Pollutant
Emissions from Electric Utility Steam Generating Units – Final Report to Congress12 (1998).
The first report identified coal-fired power plants as the largest source of man-made or
anthropogenic mercury emissions in the U.S., and the second concluded that mercury from coal-
fired utilities was the HAP of “greatest potential concern” to the environment and human health
that merited additional research and monitoring.

Subsequent to these findings, data were gathered during EPA’s 1999/2000 Information
Collection Request (ICR), in cooperation with NETL, to refine the total mercury emission
inventory from coal-fueled plants and ascertain the mercury control capabilities of existing and
potential emission control technologies. Results of this work, plus an independent evaluation of
mercury health impacts by the NAS, culminated in EPA’s regulatory determination, in December
2000, to regulate mercury emissions from coal-fueled power plants. In their regulatory
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determination, EPA concluded that there was a “plausible link” between emissions of mercury
from coal-fired electric utility steam generating units and the bioaccumulation of methyl-
mercury in fish and other animals that eat fish. Since human exposure to mercury occurs
primarily through consumption of contaminated saltwater or freshwater fish, further control of
coal- and oil-fired power plants was deemed necessary.

EPA is now required to propose regulations by December 15, 2003, and issue final regulations by
December 15, 2004. Compliance will be required within three years after the regulations go into
effect. The Clean Air Act requires that the regulations reflect Maximum Achievable Control
Technology (MACT). For existing sources, the Act also requires that these regulations be no
less stringent than the average emission level achieved by the best performing 12% of similar,
existing sources. For new sources, the Act requires that these regulations be no less stringent
than the emission level achieved by the best similar source. Future installations of coal
gasification-based power systems will thus have to deal with the EPA regulations for mercury
emissions, and potentially other HAP emissions.

Currently, EPA has established National Emission Standards for Hazardous Air Pollutants
(NESHAPs) for four mercury source categories: mercury ore processing facilities, mercury cell
chlor-alkali plants, sewage sludge driers, and hazardous solid waste incinerators and kilns. In
addition, EPA has now established MACT standards, under Section 129 of the CAA, for
municipal waste combustors and hospital, medical and infectious solid waste incinerators.

3.2.3 Federally-Mandated Air Operating Permits for Commercial IGCC Plants

The permitting process for the siting of a gasification-based power system is a complex and
lengthy process, especially due to the increasing number of air permits required. A large-scale
IGCC facility for utility power generation will almost certainly qualify as a major source within
the permitting process. TABLE 3-5 identifies many of the critical government air permit
approvals that are likely to be required by such a power generation facility. The actual paper
process of obtaining the necessary environmental permits is expected to be very similar to the
siting of a traditional utility electric generation facility.

TABLE 3-5. PROBABLE AIR PERMIT APPROVALS REQUIRED FOR IGCC13

PERMIT TYPE
PERMIT APPROVAL

AUTHORITY
PERMIT APPROVAL

REQUIREMENT

RELATED
REPORT
SECTION

PSD Air Permit State Environmental Agency Prior to Construction/
Mobilization 3.2.3

Title IV Acid Rain State Environmental Agency 24 Months Before Operation 3.2.3

Title V Operating Permit State Environmental Agency 12 Months Before Operation 3.2.3

NOx SIP Call Budget
Permit State Environmental Agency Prior to Construction/

Mobilization 3.2.3

While each state’s permitting program is unique in its specific requirements, most follow a
similar process for permit application submittal, agency review, and final decision. In general,
there are four major milestones in the permitting process:
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• The permitting authority receives and reviews the permit application (pre-application
activities are included in this milestone);

• A draft permit or notice of intent to deny the permit is issued by the permitting authority;

• A public comment period of at least 30 days is provided to allow the public to comment
on the draft permit; and

• The permitting authority makes a final determination on the permit application.

Methods of implementing federal regulations in state programs vary among the state agencies.
Generally, environmental standards are adopted by reference to federal standards, while
procedures for permit application and review are detailed in state regulations. Agencies typically
control fees, review times and application processes. In some cases, federal law requires public
hearings; in other cases, hearings are at the discretion of the agency boards, which set guidelines
regarding their direct involvement in individual permits or classes of permits.

Major sources of air pollution are required to obtain an air operating permit. Major sources are
defined as those that emit greater than 100 tons/year of any single criteria air pollutant, 10
tons/year of a hazardous air pollutant, and/or 25 tons/year of a combination of hazardous air
pollutants. The CAA established two different types of permits for air pollution sources - pre-
construction permits for new and modified sources and operating permits for existing sources.
The purpose of the CAA’s New Source Review (NSR) permit programs for new or modified
sources is to ensure that a new or modified source installs the appropriate control technologies,
that they do not interfere with or violate the control strategy for meeting the NAAQSs, and that
they do not contribute to new or existing air pollution problems, such as violations of the
NAAQSs.14 There are four different permit programs for new and modified air pollution
sources:

• The NSR program for major sources located in areas that are attaining the NAAQS for
the particular pollutant being discharged is commonly referred to as the Prevention of
Significant Deterioration (PSD) program (see Section 3.2.1). PSD air permit applications
are reviewed by the Federal Land Manager to assess potential impacts on National Parks
and Monuments, especially regional haze;

• The NSR program for major sources locating in areas designated as nonattainment for the
particular pollutant (see Section 3.2.1);

• Minor source NSR programs for non-major sources; and

• Review of new and reconstructed sources of air toxics.

Title V of the 1990 Clean Air Act Amendments developed minimum national air permitting
standards (see Section 3.2.1). It requires permitting authorities to adopt permit programs (often
called Part 70 programs) for all major sources of air pollution and many smaller sources of
hazardous air pollutants in order to improve compliance with and enforcement of CAA
requirements. All stationary sources are required by federal law to get operating permits that
incorporate the rules that apply to the day-to-day operations at a facility. A detailed set of
federal regulations, which sets standards for permitting programs, is found at 40 CFR Part 70.

The Title V program provides for the compliance and enforcement of CAA goals in several
ways. The program enhances compliance and enforcement by including all of the CAA’s
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requirements that apply to a facility in one document — the operating permit. For example,
terms from the facility’s pre-construction permit and requirements from the SIP that apply to the
facility are included in the permit, along with all federal standards that apply. Additionally,
although the operating permit generally does not create emissions limits, where necessary, the
permit will add monitoring, record-keeping, and reporting requirements. The permit will require
the facility to regularly provide the permitting agency with information that establishes whether
or not the facility is in compliance with all of its applicable requirements. In other words, the
facility must submit reports that contain the results of the facility’s monitoring (e.g., monitoring
the levels of pollutants emitted) or other required record-keeping at least semiannually. Some
states have, and other states are moving toward combining their new source air pollution permit
programs with the operating permit program under Title V of the Clean Air Act. Thus, a notice
of a permit action might not specifically state that the permit is being issued under one of the
new source programs, but that the source must meet all applicable new source requirements.

Title V permits undergo stringent review and public comment. It is likely that enforcement of air
quality rules will be more stringent for facilities with Title V Operating Permits. Most power
plants likely exceed at least one major applicability threshold and are subject to the program.
Facilities must meet the terms of the Title V Operating Permit, including all emission and
operating limitations. Because it is difficult for a facility to plan for future activities during
application preparation, in most states the Title V application contains the opportunity to define
Alternate Operating Scenarios (AOS) to anticipate future growth or changes to operation. If
emission rates listed in a proposed AOS (due to new equipment, a change in fuel, etc.) comply
with all applicable air quality regulations, then a facility can switch to that AOS without pre-
approval from the agency. AOSs may be interpreted differently, however, by different states.

Title IV of the Clean Air Act Amendments helps govern permitted release of Acid Rain
constituents, SO2 and NOx (see Section 3.2.1.1). An acid rain permit is required by large-scale
fossil fuel-fired power plants. A Designated Representative (DR), whose responsibilities are
considerable and absolute, must administer each permit. As discussed in Section 3.2.1.1, one-
for-one offsets of SO2 and NOx emissions must be purchased, or otherwise obtained, each
operating year. For SO2, the offsets are obtained by a deadline following the calendar year totals
of emissions. The offsets for NOx must be obtained and deposited with U.S. EPA by November
of each year following the May to September ozone season.

In addition to acid rain permitting for NOx, power plants in 19 states east of the Mississippi, plus
DC, are also subject to the NOx SIP Call (see Section 3.2.1). NOx is monitored during the ozone
season (May to September) and emission offsets must be acquired from others or purchased on
the commodities market, by the following November, to meet the required NOx budget. A
continuous emission monitoring system (CEMs) is mandatory at each plant to constantly monitor
emissions, and it is connected directly to EPA’s data collection system. CEMs are required on
turbine stacks for NOx, CO, SOx, oxygen, and PM (as opacity). Their maintenance and
certification is critical to permitted compliance.

Based on detailed pollution modeling, EPA has allocated a budget (CAP) for the total NOx
emissions from affected large plants within each state. States have typically been assigning 95%
of this budget to existing sources and 5% to new projects in the first 3-year cycle (sources
operating by May 1, 2004). This will change to 98% and 2% in subsequent control cycles. The
implications of this are clear – many future projects will only receive a small fraction their
budget allocations.
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3.2.4 Recent Air Permitting Experience with Operating and Planned IGCC Plants13

As discussed in Chapter 1, there are currently two operating IGCC plants in the U.S. that were
designed and constructed solely for power generation, both of which use coal and petroleum
coke feedstocks. Tampa Electric’s Polk power plant is a 250 MWe unit, located in Polk, County,
Florida, that initiated operation in 1996, and the PSI Energy/Global Energy Wabash River Plant
is a 262 MWe unit, located in West Terre Haute, Indiana, that began operating in 1995. Their
operating air permit limits for criteria pollutants is presented in TABLE 3-6. The Polk NOx limit
accounts for the recent BACT determination that reduced their turbine NOx emissions from 25
ppm to 15 ppm (see Section 3.2.1.1.2).

Recent environmental permitting of several IGCC projects by Global Energy Inc. is also
reviewed in this section to provide insight into the IGCC permitting process. Global Energy Inc.
is an Independent Power Producer (IPP) that owns and operates the Wabash River IGCC power
plant and is currently developing IGCC projects in Kentucky and Ohio (EPA Regions 4 and 5,
respectively). The two projects are mostly identical 520 MWe (net) IGCC plants based on the
fixed-bed British Gas/Lurgi (BGL) gasification technology and use of two GE 7FA gas turbines.

Kentucky Pioneer will be located in Clark County, Kentucky on 300 acres leased from East
Kentucky Power Cooperative (EKPC). The site is essentially a greenfield location, but EKPC
has completed some infrastructure development at the site. The companion Lima Energy project
is to be located in Lima, Ohio on a 63-acre brownfield site that dates to the late 1800s.
Remediation of this site was undertaken by the City of Lima in anticipation of its development.
Both Ohio EPA and USEPA have approved the remediation. Since both coal and refuse-derived
fuel (RDF) will be fired at these plants, their permitting must also account for possible MSW
regulations. While not covered here, the important issue of co-consumption of waste materials
with coal in utility power plants is discussed in detail in Section 3.2.5.1.

TABLE 3-6. OPERATING IGCC AIR PERMIT LIMITS

CRITERIA
POLLUTANT

POLK IGCC OPERATING
PERMIT LIMITa

WABASH RIVER IGCC
OPERATING PERMIT LIMITb

SO2
1.43 lb/MWh

(357 lb/hr)
1.25 lb/MWhd

(315 lb/hr)

NOx 0.53 lb/MWh
(15 ppm or 132 lb/hr)

1.35 lb/MWh
(25 ppmvd or 0.15 lb/106Btu)

PM10, Particulate and
H2SO4 Mist

0.288 lb/MWhc

(72 lb/hr)
0.25 lb/MWhe

(64 lb/hr)

CO 0.392 lb/MWh
(98 lb/hr)

2.2 lb/MWh
(1,660 tons/yr)f

a Values provided b y T ECO Energy.
b Basis: permit limits specified in final technical report for Wabash River Coal Gasification

Repowering Project.
c Basis: 0.068 lb/MWh for particulate-only (17 lb/hr, excluding H2SO4 mist) and 0.22 lb/MWh (55

lb/hr H2SO 4).
d Basis: 252 MWe @ 6000 hrs/year, 1,512,000 MWh/ year.
e Basis: limits specified for combustion turbine (20% max opacity, 0.01 lb/106Btu H2SO4) and tail gas

inci ne r a to r ( 6 . 8 to ns/ yr ).
f Based on limits specified for flare, combustion turbine, and tail gas incinerator.
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Due to the scale and complexity of the IGCC plants, as well as their uniqueness, Global Energy
has indicated that the air permitting process was the most time consuming of the various permits.
The Kentucky permit application took about eight months to prepare and file, and 20 months
until final approval. It received its PSD permit from the state of Kentucky on June 7, 2001. The
Ohio process, even though it benefited from the prior Kentucky effort, had taken 20 months
through December 2001. The permit schedules were reported to be slowed by various factors,
such as:

• An evolving design basis;

• Significant environmental agency staff turnover (4 to 6 months lost);

• Global Energy’s “efforts to lobby against many agency ‘default’ assumptions and
regulatory applicability determinations”; and

• Additional regulatory requirements were required as a result of incorporating co-
processing of MSW/RDF and other renewable wastes, like biomass.

The Kentucky Pioneer plant will be constructed in an EPA-designated attainment area and is,
therefore, subject to the PSD/BACT process. This process requires a plant to install the best
available control technology that is in use elsewhere on the same or similar application, or can be
reasonably determined to be applicable and technologically feasible (see Section 3.2.1). TABLE
3-7 identifies the PSD air permit emission limits required for the Kentucky and Ohio facilities.13

TABLE 3-7. PSD AIR PERMIT EMISSION LIMITS AT PROPOSED GLOBAL
ENERGY IGCC PLANTS FOR SYNGAS FUEL13

POLLUTANT lb/ 106 Btu lb/MWh COMMENT

NOx 0.0735 0.45

15 ppm – Syngas Primary Fuel
25 ppm – Natural Gas Backup Fuel
No SCR
Natural Gas Fuel – Annual Use Limit

CO 0.032 0.19
15 ppm – Syngas
25 ppm – Natural Gas
Limit on Natural gas – Slightly Higher

SOx 0.032 0.19 Basis is 40 ppm H2S in Syngas

PM 0.011 0.067 KPE Stacks of Two CTs are Within One
Internal Diameter – Due to Terrain

VOC 0.0044 0.0267

Beryllium 6.0 x 10-7 3.6 x 10-6 Kentucky only

Formaldehyde 3.55 x 10-4 0.0022 Ohio only

Notes:
BACT anal ysi s fo r Kent uc k y P io neer must be redone as a ne w p lant after 18-24 months of operatio n
Nitrogen and H2O diluent results in ~ 10 ppm H2S as-fired
Transient (i.e., start-up, shut-down, and upset) NOx emissions are included in Annual Limit
PM was most challenging pollutant to resolve in modeling
Formaldehyde is a concern with natural gas, but is less so with syngas
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An important aspect of the BACT determination has focused on NOx emissions and the use of
SCR technology to minimize those emissions. Global Energy has argued against the use of SCR
for reasons of “expected performance and costs in this unique application.” Their arguments
have currently resulted in a PSD permit that does not require use of SCR, but the permit contains
the requirement to re-evaluate BACT after two years of operation. Section 2.2.6 of this report
discusses the feasibility and cost of using SCR in IGCC systems. Note also that the January
2002 NOx BACT determination for the Polk IGCC plant did not require the use of SCR.

Global Energy’s experience also indicates that SO2 stack emissions is another permitting issue
that must deal with uncertainty as to the stringency of BACT. They point out that an existing
plant, which has been effectively retrofitted with IGCC technology (e.g., Wabash River), can
avoid the PSD process by reducing emissions from the original boiler by shutting it down
(“netting-out”). However, a new plant cannot use this approach to avoid PSD. Their experience
indicates that a likely range for BACT for IGCC SO2 emissions would be:

• Least stringent – +99% removal of sulfur from IGCC synthesis gas (< 160 ppm H2 S).

• Most Stringent – Approximately 40 ppm total sulfur (expressed as H2S) in the synthesis
gas. This is approximately equivalent to 8 ppm SO2 emissions in the turbine exhaust gas.

The minimum limit is based on the NSPS level that refineries have to achieve (40 CFR 60
Subpart J) for their internally generated fuel. The most stringent level is based on the current
practical capability of commercially available solvent-based acid gas control systems and
catalytic conversion systems (to convert COS to H2S), along with sulfur conversion processes
(e.g., sulfur or sulfuric acid plants). From a broader perspective, TABLE 3-8 provides Global
Energy’s list of likely BACT determinations for most of the key air emissions and sources
typically found at an IGCC facility.

TABLE 3-8. POSSIBLE BACT DETERMINATIONS - IGCC AIR EMISSION SOURCES

EMISSION
SOURCE

AIR
POLLUTANT POTENTIAL BACT

NOx Steam/diluent injection to 15 ppm @ 15% O2 or SCR to 3-6 ppm
(see Section 2.2.6.1.1)

SO2
Acid gas removal (>99%) with sulfur recovery, 40-160 ppm H2S
(equivalent) in Syngas (see Section 2.2.1.1)

CO Good combustion techniques or possibly use of oxidation catalyst
(see Section 2.2.1.4)

PM10 Good engineering design and proper operation (see Section 2.2.1.2)

VOCs Good engineering design and proper operation (see Section 2.2.4)

GE 7FA Gas
Turbines, Primary
Fuel – Clean syngas
from coal gasification

Trace Metals Not mentioned by Global Energy, but add-on controls for
mercury may be a future need

Flare NOx, SO2, CO,
PM10, VOCs

Good flare design, consistent with NSPS Subpart A, and
treatment of flared syngas in acid gas removal system

Material Handling
Operations PM10 Conve yor hood covers, chutes, covered trucks, pave roads, water

spra y, maintain moisture, and bag houses

Cooling Tower PM10 High efficiency drift eliminators
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3.2.5 Gasification of Alternative Feedstocks –Pertinent Air Regulations and Permitting

This report focuses on coal as the primary fuel for IGCC power plants. However, other
feedstocks may be co-gasified with coal (or gasified as the primary feedstock) due to the
flexibility offered by various gasifier designs, and the need to improve economics through use of
alternative low-cost feedstocks. Of course, in order to capitalize on feedstock versatility, the
plant would need to be designed to handle the feedstock variability. Potential non-hazardous
feedstocks include renewable fuels, such as municipal solid waste (MSW), biomass, and organic
agricultural waste, as well as non-renewable fuels like petroleum coke, tires and plastics.
Besides the technical complications that may result from a multi-fuel capability, a project
developer must also address potential regulatory and permitting requirements that can differ from
coal-only gasification. Existing laws and regulations deal with “co-fired combustion” of non-
hazardous MSW materials. Applicability to gasification and IGCC is subject to interpretation of
EPA rules.

Federal and state laws and regulations may establish either incentives or barriers for
implementing co-gasification projects, depending on how they relate to current environmental
constraints on coal combustion. In general, key environmental statutory constraints on any
combustion/gasification process, including co-gasification, relate to both present implementation
and plant design/operation. The former refers to project siting and environmental permit
approval procedures and requirements, which are usually complex and may not be well
coordinated in many states. Additionally, these permit requirements and procedures may vary
depending upon the type and mix of fuels consumed at a facility, particularly when wastes
constitute a portion of the fuel supply. Constraints on plant design and operation deal with the
following:

• Flue gas emissions - control of criteria pollutants and HAPs

• Waste and byproduct disposal/utilization - control of soil and groundwater
contamination

• Fuel handling and storage - provide for facility safety and prevent site contamination

Electric utilities (municipal- and investor-owned) and Independent Power Producers (IPPs) are
almost always affected by these constraints, while so-called Qualifying Facilities (e.g., small
power producers or cogenerators) may be impacted somewhat differently.

3.2.5.1 Co-Gasification of Coal and Waste Materials

Currently, few Federal or state regulations specifically govern co-consumption of waste
materials in fossil-based utility power plants, be they gasifiers or combustors. However, two
regulations that may apply are EPA’s Municipal Waste Combustor (MWC) New Source
Performance Standard rules for large units that consume more than 250 tons/day [40 CFR,
Chapter I, Subchapter C, Part 60, Subpart Eb] and for small units that consume between 35 to
250 tons/day [40 CFR, Chapter I, Subchapter C, Part 60, Subpart AAAA]. Both define
applications in which MSW or refuse-derived fuel (RDF) is “co-fired” with non-municipal solid
waste fuel (e.g., coal). Depending upon the percentage (by weight) of MSW utilized, co-
consuming installations could be regulated as either “coal burning facilities” or as “municipal
waste combustors.”
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EPA defines a municipal waste combustor unit as “equipment that combusts solid, liquid, or
gasified municipal solid waste including, but not limited to, field-erected incinerators (with or
without heat recovery), modular incinerators (starved-air or excess-air), boilers (i.e., steam
generating units), furnaces (whether suspension-fired, grate-fired, mass-fired, air curtain
incinerators, or fluidized bed-fired), and pyrolysis/combustion units.” A pyrolysis/combustion
unit is defined as a “unit that produces gases, liquids, or solids through the heating of municipal
solid waste, and the gases, liquids, or solids produced are combusted and emissions vented to the
atmosphere. While this rule does not specifically define gasification technology as subject to its
requirements, the current EPA interpretation is that gasification technology “gasifies the waste”
and the gas turbine is effectively the combustor.13

The Clean Air Act of 1990 (Section 129g - definitions) stipulates that “utility combustors” that
burn a fuel stream comprised, in aggregate, of equal to or less than 30% MSW or RDF, by
weight on a 24-hour basis, are not considered to be municipal solid waste combustors. Such
combustors are required to only submit reports quantifying the amount of MSW and other fuels
burned. This implies that coal gasification facilities such as IGCC, that consume less than 30%
MSW, are likely to be treated the same as units that consume only coal. In this case, all of the
coal-related regulations and permitting issues discussed in this section are applicable. However,
if the MSW (or RDF) content exceeds 30% capacity, and capacity is greater than 250 tons per
day of MSW, then the EPA Municipal Waste Combustor New Source Performance Standard rule
[40 CFR 60, Subpart Eb] may be triggered. If the MSW content exceeds 30% capacity, and
capacity is between 35 to 250 tons/day of MSW or RDF, then EPA’s MWC New Source
Performance Standard rule for small MWC units [40 CFR 60, Subpart AAAA] may be triggered.
This brings into play different NSPS, materials handling requirements, and operator
certification/training requirements associated with these rules.

Other key features of the Clean Air Act that can impact co-consumption of fuels in new and
retrofit IGCC plants appear to be:

• Significant reconstruction at an existing coal-fired plant for the purposes of adding co-
firing capability could trigger the reconstruction rule that would require the facility to
meet the NSPS for criteria pollutants. Furthermore, BACT and LAER apply to certain
"modified" generation sources. A source is considered modified if its air pollutant
emissions are increased by a physical or operational change, including the use of a new
fuel. Additionally, a source can be considered reconstructed irrespective of any change
in emission rate, if the fixed capital cost of new equipment exceeds 50% of the cost of
replacing the unit, and if it is technologically and economically feasible to meet the
NSPS.15

• The NSPS for Industrial-Commercial-Institutional steam generating units [40 CFR 60
Part Subpart Db] effectively provides an incentive for consuming waste fuels by
imposing less stringent emission limits for boilers that restrict the amount of coal that
they consume. For example, a unit that limits the combustion of coal to 30% or less of its
annual rated capacity is exempt from the 90% SO2 reduction requirement, although it still
must meet the coal-fired emission limit of 1.2 lb/106 Btu. The particulate emission
standards are also relaxed for sources co-firing other fuels with coal; the 0.05 lb/106 Btu
limit is relaxed to 0.10 lb/106 Btu for units that burn more than 10% of fuels other than
coal.
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• BACT determinations often require more stringent pollution control than NSPS, since the
EPA has held that a permitting agency must not only consider the environmental impact
of regulated pollutants, but also the environmental impact of unregulated pollutants (e.g.,
air toxics) that might be affected by the choice of control technology. Co-firing may
represent such a case.

3.2.5.2 Siting and Permitting of Co-Gasification Facilities Based on Experience with Co-
Combustion Facilities

Investigation of siting and permitting issues related to existing co-fired combustion facilities (not
co-gasification facilities) revealed that many of these facilities were originally sited and
permitted as coal-fired power plants. When these facilities were converted to co-firing, new
permits were obtained. In general, the new permits were awarded based on the modified plant's
ability to meet the emissions specifications for which they were originally permitted. These
existing facilities did not face any siting requirements.

Following the 30% MSW rule discussed earlier, new greenfield utility plants that are designed
for co-consumption of less than 30% waste material and coal will probably face the siting and
permitting issues involved in constructing a coal-fueled facility, since coal is the primary fuel.
However, differences that may come into play will surely involve waste transportation, storage,
fugitive emissions, and odor, which will depend upon the quantities of waste being transported,
the distances involved, mode of transportation, and transportation across state boundaries.

However, if characterized as a “waste combustor,” the unit is subject to specific siting
requirements (§60.57b and §60.1125) that require a detailed siting analysis of the affected
facility’s impact on ambient air quality, visibility, soils, and vegetation. It must also consider air
pollution control alternatives that “minimize, on a site-specific basis, to the maximum extent
practicable, potential risks to the public health or the environment.” Specified pollutant emission
limits are listed in TABLE 3-9.

TABLE 3-9. STANDARDS FOR MUNICIPAL WASTE COMBUSTOR METALS, ACID
GASES, ORGANICS, AND NITROGEN OXIDES (40 CFR §60.52B, 40 CFR §60.1465)

POLLUTANT SMALL & LARGE MWC LIMITS (@ 7 %  O 2 )

Carbon Monoxide (CO) 150 ppm

Sulfur Oxides (SOx) 30 ppm or 80% sulfur removal, whichever is less stringent

Nitrogen oxides (NOx) 180 ppm – 1st year
150 ppm after 1st year

Particulate Matter 24 mg/Nm3 (dry) and < 10% opacity (6-minute average)

Dioxin and Furan 30 ng/Nm3 (dry)

Hydrogen Chloride (HCl) 25 ppm or 95% reduction, whichever is less stringent

Mercury (Hg) 0.08 mg/Nm3 (dry) or 85% reduction by weight, whichever is less
stringent

Cadmium (Cd) 0.02 mg/Nm3 (dry)

Lead (Pb) 0.2 mg/Nm3 (dry)
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Unlike the NSPS for coal-fired units, NSPS for MWC plants sets limits for trace organics and
metals air emissions. The capability to meet these limits will depend upon the particular fuels
chosen, their constituent make-up, and the proportions fired. Mercury emission control may be
required, but control technologies are available (see Chapter 2, Section 2.2.6).

3.2.5.3 State Regulations, Laws, and Policies

No information has been found to indicate that any state has formal regulations, laws, or policies
that specifically govern co-consumption of coal and waste fuels. Discussions with different
states indicate the following requirements for co-firing coal and waste materials (assuming that
the plants do not exceed the 30% MSW rule):16

• Siting and permitting are likely to be handled on a case-by-case basis

• Air permitting is likely to be based on coal-only operation

• Solid waste permitting and regulation is likely to be based on coal-only operation, but
toxicity testing of the ash or slag may be required

• Preparation of environmental impact statements (EIS) for certain types of projects are
required by the environmental policy acts of some states

• Health risk assessments are required by some states for some combustion facilities,
especially those combusting wastes

• Specific site characteristics can subject facilities to additional permitting requirements.
Co-combustion projects on sites with wetlands, in flood plains, or in coastal areas may be
subjected to additional regulations.

State and local regulation of fuel storage facilities tends to be less uniform than air pollution and
hazardous waste regulation. State and local agencies are usually concerned with fugitive air
emissions and water quality impacts from storm water runoff or leachate. The environmental
impacts of waste fuel storage and handling will differ from that of coal piles; therefore, state and
local regulation can be expected to be customized to mitigate specific concerns related to
combustible waste materials. Such concerns may involve 1) odor from waste decomposition, 2)
fire risks from spontaneous combustion, and 3) organic contamination from leachate and runoff.

Co-consumption of solid wastes in utility power plants that have only burned coal may add
additional permitting requirements, as imposed by state solid waste laws. In addition to air and
water pollution, state regulation of solid waste facilities typically focuses on fire and explosion
hazards, public health concerns involving disease, rodents and insects, objectionable odors, and
issues concerning disposal capacity. Solid waste disposal issues may dominate any other issues
for plants seeking permission to co-combust or co-gasify refuse with coal.

3.2.5.4 Recent IGCC Experience with Waste Co-Gasification

Global Energy intends to utilize renewable fuels, in addition to coal, at its planned IGCC projects
in Kentucky and Ohio (see Section 3.2.4).13 RDF pellets will initially be the alternate fuel of
choice. Based on the plant’s size and MSW content, EPA has imposed the NSPS Subpart Eb
requirement, as discussed previously. While Global Energy has stated publicly that they do not
agree with this action, because they “oppose the association of gasification with conventional
waste combustion,” they have included the requirements of the subpart into their Kentucky
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permit application. TABLE 3-10 compares the expected maximum performance levels of the
IGCC air pollutants with the Subpart Eb emission standards. As shown, the expected
environmental performance is projected to be significantly better than required by the MWC
regulation.

TABLE 3-10. COMPARISON OF PROJECTED IGCC PERFORMANCE WITH MWC
NSPS13

Modeled PSD & HAP LimitPOLLUTANT
mg/Nm3 ng/Nm3 ppmv

MWC LIMIT
(@ 7 % O2)

Carbon Monoxide (CO) 39 150 ppm

Sulfur Oxides (SOx) 15 30 ppm or 80% sulfur removal,
whichever is less stringent

Nitrogen oxides (NOx)

Not
provided -

Likely to be
much lower
than limit

180 ppm – 1st year
150 ppm after 1st year

Particulate Matter 8.2 24 mg/Nm3 (dry) and < 10%
opacity (6-minute average)

Dioxin and Furan 0.01 30 ng/Nm3 (dry)

Hydrogen Chloride
(HCl) < 1 25 ppm or 95% reduction,

whichever is less stringent

Mercury (Hg) 0.0006
0.08 mg/Nm3 (dry) or 85%

reduction by weight,
whichever is less stringent

Lead (Pb) 0.008 0.2 mg/Nm3 (dry)

Cadmium (Cd) 0.004 0.02 mg/Nm3 (dry)

3.2.6 Review of Existing State Air Regulations and Permitting Applicable to Gasification-
Based Power Systems

The CAAA requires the submission of SIPs by each state to provide for the regulation of air
pollutants. As stated previously, individual states have the option to outline standards and
regulations that are at least as stringent as federal standards, and may be more stringent. While
complete analysis of state and county regulatory plans is beyond the scope of this report,
information is included to provide summary state level regulatory information as it may apply to
gasification-based power systems. Primary attention is focused on the major aspects of key
regulatory issues, including emission and performance standards for criteria pollutants and
HAPs, new source review (including PSD and nonattainment issues), and acid rain provisions of
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the CAAA. Particular focus is directed at states that currently have IGCC facilities. An attempt
is also made to indicate where state standards differ from federal standards.

No attempt is made to analyze the permitting process or enforcement provisions in individual
state summaries. While every attempt is made to include the most recent regulatory status,
interested parties should contact the appropriate state regulatory agency for more information.

3.2.6.1 Florida

Tampa Electric Company (TEC) is responsible for the operation of the Polk Power Station,
which includes a 250 MWe IGCC plant firing syngas or No. 2 fuel oil. This facility is located in
Polk County, Florida. Appendix 1B, Section 1B.3 provides a description of the Polk plant.

Currently, SIP approval has not been given to Florida for power plants that are subject to the
Power Plant Siting Act (PPSA).17 The PPSA provides for certification of steam-electric or solar
power plants 75 MW or larger in size and is intended to consolidate and streamline the
permitting process. Because the SIP is not approved, Florida Department of Environmental
Protection (FDEP) is acting on behalf of the EPA. Information on existing Florida SIP air
quality regulations is provided as a guideline to possible future applicability to those sources in
which the SIP is not currently applicable.

3.2.6.1.1 Criteria Pollutants

NAAQS – 62-204.240 Florida Administrative Code (F.A.C.) adopts all of the Federal NAAQS,
except for 24-hour and annual arithmetic mean standards for SO2. Florida requires more
stringent ambient air quality standards, setting the levels as follows:

• Max imum 24-hour Concentration – 0.1 ppm (260 µg/ m 3 )

• Annual Arithmetic Mean – 0.02 ppm (60µg/m3)

NSPS – 62-204.800 F.A.C. adopts Federal 40 CFR 60 Subparts Da and GG, which is applicable
to Electric Utility Steam Generators and Stationary Gas Turbines.

Pre-Construction Review (NSR)

As of August 2 2001, Florida had no areas of nonattainment.

Prevention of Significant Deterioration (PSD) – Specifically applicable to IGCC, under certain
circumstances the installation or operation of a permanent Clean Coal Technology
Demonstration Project that constitutes repowering shall not be subject to the NSR review
process. For facilities that undergo NSR, BACT is required for subject pollutants. Additionally,
Florida has several National Parks and Wilderness areas that are designated Federal Class I areas
requiring additional restrictions for sources located outside the Class I area but have a potential
for significant impact on that Class I area. Therefore, sources located within 100 kilometers of a
Class I area must also consider impairment of area visibility. 62-212.500(2)(f) F.A.C. provides
for sources located in PSD areas which influence nonattainment areas (areas of influence on
nonattainment areas) to comply with requirements applicable to sources located in nonattainment
areas. Specific provisions are included for exemption of nonattainment compliance requirements
of VOC and NOx emissions from sources located within areas of influence of nonattainment
source regulations (62-212.500(2)(f)2.a).

Nonattainment Areas (if applicable) – In addition to LAER, pollutant specific offsets are
required. For all criteria pollutants, except for NOx and VOCs, offsets of greater than a 1:1 ratio
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are required and must be from the nonattainment area that the source is located. NOx and VOC
offsets may be obtained from another nonattainment area of equal or higher classification or
another area that contributes to the nonattainment area in which the source is located. Emission
offsets for NOx and VOCs in areas that are nonattainment for ozone are as follows:

• Marginal 1.1:1

• Moderate 1.15:1

Areas that are transitional for ozone must be at least 1:1 for VOCs and emission offsets are not
required for NOx. Federal Class I visibility considerations also apply.

Pre-Construction Review provisions also exist for sulfur storage and handling facilities with an
annual throughput of 5,000 or more tons of elemental sulfur. Depending on sulfur production at
IGCC facilities, compliance may be required. Specific emission and deposition analysis may be
required.

Acid Rain Provisions

Florida Code (62-214.100 F.A.C. and 62-204.800 F.A.C.) adopts Federal Acid Rain regulations
outlined by 40 CFR 72, 73, 75 and 76. 62-214 F.A.C. includes certain additional administrative
and exemption requirements, including provisions for submission of the Acid Rain Part of an
operation permit application of formerly exempt sources.

3.2.6.1.2 Hazardous Air Pollutants (HAPs)

Florida Code (62-204.800 F.A.C.) adopts by reference multiple provisions and standards of 40
CFR 61 and 63 regarding HAP emission requirements.

3.2.6.2 Indiana

The Wabash River Coal Gasification Repowering Project, sited at PSI Energy’s Wabash River
Generating station in West Terra Haute, Indiana, successfully demonstrated commercial
application of Global Energy’s E-GASTM coal gasification technology with a 262 MWe IGCC
system. The gas turbine fires syngas for operations, and No. 2 fuel oil for startup, but the turbine
is currently being converted to replace the fuel oil with natural gas. Appendix 1B, Section 1B.4
provides a description of the Wabash River plant.

The project is a joint venture of Global Energy Inc. (Global acquired Destec Energy’s
gasification assets from Dynegy in 1999) and PSI Energy, part of Cinergy Corporation.18 While
an administrative distinction is made between the two operations, Indiana Department of
Environmental Management (IDEM) and Vigo County Air Pollution Control (VCAPC) refer to
the gasifier and combustion turbine as a single source. IDEM and VCAPC had issued separate
Part 70 Title V permits to both facilities. The coal gasification stationary source emission
components are identified as Manufacturing, Chemical and Allied Products, Industrial Organic
Chemicals, Not Elsewhere Classified (SIC 2869) and include the following: an acid gas recovery
unit, a sour water treatment system, a tank venting system, a tail gas incinerator, a flare, and
fugitive equipment leak emissions. The primary electricity generating components are identified
as Electric Services (SIC 4911) and include a boiler, fuel preheater, and the combustion turbine.
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3.2.6.2.1 Criteria Pollutants

NAAQS – 326 Indiana Administrative Code (IAC) 1-3-4 adopts all Federal primary and
secondary NAAQS outlined by 40 CFR 50. Additionally, Indiana is also included in the SIP
Call area for NOx review.

NSPS – 326 IAC 12-1-1 incorporates by reference all portions of federal NSPS regulations
outlined by 40 CFR 60.

Pre-Construction Review (NSR)

As of Au gust 2, 2001, In diana had four counties t hat ar e nonattainment for oz one. Of those fou r,
a portion of one county is nonattainment for PM10 and SO2.

Prevention of Significant Deterioration (PSD) – For facilities that undergo NSR, BACT is
required for subject pollutants. Currently Indiana has no Federal Class I or Class III areas.
Indiana also requires that any air quality analysis demonstrate that increased emissions by the
proposed major stationary source or source modification will not exceed 80% of maximum
allowable increases over baseline SO2, NOx and PM10 concentrations (326 IAC 2-2-6). Sources
located in attainment areas but significantly influence air quality of a nonattainment area must
comply with LAER requirements and participate in the emission offset program for
nonattainment areas for the specific pollutant (326 IAC 2-3-2(e)).

Nonattainment Areas – Sources located in nonattainment areas must comply with LAER
requirements for the specific pollutant (326 IAC 2-3-2). Additionally, emission offsets are
required such that a ratio greater than 1:1 is achieved. Both VOCs and NOx compounds are
considered for areas designated nonattainment for ozone. For those areas, the minimum offsets
are as follows:

• Marginal 1.1:1

• Moderate 1.15:1

• Serious 1.2:1

• Severe 1.3:1

Emission offsets may be obtained from the same area or other nonattainment areas of equal or
higher nonattainment status that directly contribute to the air quality of the nonattainment area
where the new or modified source is located (326 IAC 2-3-5).

Acid Rain Provisions

Indiana adopts Federal requirements of CAA Title IV, incorporating by reference 40 CFR 72
through 40 CFR 78, along with various sections of the Federal Register. Indiana is identified as
the permitting authority (326 IAC 21-1-1).

3.2.6.2.2 Hazardous Air Pollutants (HAPs)

326 IAC 2-4.1-1 outlines new source toxic control requirements CAA § 112(g)(2)(B),
implementing provisions of 40 CFR 63 along with 61 FR 68384, December 27, 1997, Hazardous
Air Pollutants; Regulations Governing Constructed or Reconstructed Major Sources. Indiana
specifically exempts electric utility steam generating units until they are added to the source
category list under CAA § 112(c)(5). Indiana does not adopt 40 CFR 63.43(c), (f), or (h) but sets
forth its own administrative and public notice procedures in 326 IAC 2-1.1 and 326 IAC 2-5.1.
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Indiana Code 326 IAC 14-1 specifically addressed HAP regulations and has several additional
provisions for the regulation of the following HAPs: asbestos, beryllium, mercury, vinyl
chloride, fugitive equipment leaks of volatile HAPs, fugitive benzene leaks, and benzene
emissions from coke oven by-product recovery plants. Indiana adopts all 40 CFR 61 emission
standards applicable to individual HAPs except for several provisions for fugitive volatile HAPs,
benzene from coke oven byproduct recovery plants and asbestos from demolition and recovery
operations.

3.2.6.3 Louisiana

Louisiana Gasification Technology Incorporated (LGTI) operated a Clean Coal Technology
demonstration plant at the Dow Louisiana Division chemical complex in Plaquemine, Louisiana.
The plant produced 160 MWe, co-firing syngas with natural gas at a ratio of approximately 63%
syngas to 37% natural gas. The success of the LGTI plant led to the Wabash Repowering
demonstration project. Both plants utilized the same E-GASTM coal gasification technology.
This plant is described in Appendix 1B, Section 1B.2.

3.2.6.3.1 Criteria Pollutants

NAAQS – Louisiana Administrative Code (LAC) 33:III.Chapter 7§ 705 adopts all Federal
primary and secondary NAAQS outlined by 40 CFR 50.

NSPS – LAC 33:III.Chapter 30 incorporates, by reference, all portions of federal NSPS
regulations outlined by 40 CFR 60, with modifications addressing administrative and reporting
issues.

Pre-Construction Review (NSR)

As of Au gust 20, 2001, Louisiana has seven pa rishes that are non attainment for oz one onl y. All
parishes are designated as attainment for all other pollutants.

Prevention of Significant Deterioration (PSD) – LAC 33:III.Chapter 5§509 outlines specific
Louisiana PSD permitting requirements. For facilities that undergo NSR, BACT is required for
subject pollutants. Currently, Breton National Wildlife Refuge, located in Louisiana, is
designated a Federal Class I area requiring additional restrictions for sources located outside the
area that have a potential for significant impact on that Class I area. Therefore, sources located
within 100 kilometers of a Class I area must also consider impairment of area visibility. LAC
33:III.Chapter 6 provides for the participation of emission sources located in ozone attainment
areas in an Emission Reduction Credits Banking Program.

Nonattainment Areas – Sources located in nonattainment areas must comply with LAER
requirements for the regulated pollutant (LAC 33:III.Chapter 5§504.D.2). For ozone areas
designated as incomplete data, transitional nonattainment, marginal, moderate, serious or severe
nonattainment for ozone, VOCs are the regulated pollutant. Emission offsets of a ratio greater
than 1:1 are required in addition to LAER. Emission offsets for ozone nonattainment areas are
as follows (LAC 33:III.Chapter 5§504.D.5):

• Marginal 1.1:1
• Moderate 1.15:1
• Serious 1.2:1 w/ LAER
• Severe 1.3:1
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Louisiana also includes emission offset requirements for areas of transitional ozone status and
areas that are designated incomplete data for ozone. These areas require a 1.1:1 emission offset.
Additionally, for areas designated as serious for nonattainment for ozone, LAER requirements
can be avoided for major sources emitting greater than 100 tons per year of VOCs by obtaining
internal offsets of 1.3:1 or greater (LAC 33:III.Chapter 5§504.D.3).

Emission offsets may be obtained from the same area or other nonattainment areas of equal or
higher nonattainment status that directly contribute to the air quality of the nonattainment area
where the new or modified source is located (LAC 33:III.Chapter 5§504.D.9). Additionally,
emission impacts on Federal Class I areas must be considered.

Acid Rain Provisions

Louisiana provides Acid Rain Program requirements in LAC 33:III.Chapter 5§505.
Additionally, Louisiana specifies that Federal requirements of CAA Title IV supersede Louisiana
regulations in any situation in which federal regulations are inconsistent with Louisiana code
(LAC 33:III.Chapter 5§505.A.4).

3.2.6.3.2 Hazardous Air Pollutants (HAPs)

In the 1987 Toxic Release Inventory Report, Louisiana was ranked among the top five states in
totals of toxic air emissions. In response, the state legislature enacted Louisiana Revised Statute
30:2060 in 1989. Among other mandates, the law called for: 1) the establishment of a “toxic air
pollutant emission control program,” 2) the development of a 1987 toxic air pollutant (TAP)
emission baseline, and 3) the reduction of statewide TAP emissions by 50 % from 1987 levels by
December 31, 1996. The program aggressively achieved a 60% reduction by 1998. The
Comprehensive Toxic Air Pollutant Emission Control Program (LAC 33:III.Chapter 51) became
one of the most stringent state air toxics rule in the nation. In addition to incorporating Federal
MACT standards, the law includes emission-reporting requirements for all major sources of
toxic air pollutants and sets an ambient air standard for each pollutant. Furthermore, in addition
to the toxic air pollutants identified in the CAAA, Louisiana regulates several additional
compounds, bringing the list to over 200 pollutants.19

TAPs regulated by Louisiana, but not on the Federal HAP list are:20

• Ammonia Hydrogen sulfide
• Barium and barium compounds Nitric acid
• N-Butyl alcohol Pyridine
• Chlorine dioxide (chlorine peroxide) Sulfuric acid
• Copper and copper compounds Toluene-2,6-Diisocyanate
• Diaminotoluene Zinc and zinc compounds
• 2,6-Dinitrotoluene

3.2.6.4 Other States With a Large Base of Existing Coal-Fueled Electric Power Generation

TABLE 3-11 presents summary information of state level environmental regulations for selected
states that currently have a significant number of coal-fueled electric generating units. These
states are Alabama, Georgia, Illinois, Kentucky, New York, Ohio, Pennsylvania, Tennessee,
Texas, and West Virginia. Qualitative generalizations are provided for the major air pollution
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regulations (including hazardous air pollutants). More detailed information is provided in
Appendix 3A.

3.2.7 Overview of Future Air Pollution Regulations Potentially Applicable to
Gasification-Based Power Systems

3.2.7.1 Multiple Pollutant Control

In the past several years, lawmakers have introduced legislation for multiple pollutant control
that would limit emissions of criteria pollutants SO2 and NOx, as well as CO2 and mercury from
electric power plants. While the current Administration has made it clear that the United States
would neither participate in the Kyoto Protocol nor require mandatory CO2 source emission
reductions, the current interest in multi-pollutant legislation indicates foreseeable regulatory
changes for fossil-based utility power producers.

TABLE 3-11. AIR REGULATIONS FOR SELECTED STATES

STATE CRITERIA POLLUTANTS HAPS
Alabama Generally follows federal regulations. Incorporates by reference.

Georgia Generally follows federal regulations. Incorporates by reference.

Illinois Generally follows federal regulations.

Generally follows federal regulations
Additional requirements include Organic
Materials Emissions Standards and an
emission banking and trading program for
volatile organic material sources located
in the Chicago nonattainment area.

Kentucky Generally follows federal regulations.

Generally follows federal regulations.
Kentucky has set state air quality
standards for hydrogen fluoride and
hydrogen sulfide.

New
York

New York has developed numerous state specific air
quality regulations. Additionally, several counties
have developed their own unique requirements.

Incorporates by reference.

Ohio Generally follows federal regulations. Generally follows federal regulations.

Pennsyl-
vania

Generally follows federal regulations. A NOx budget
and allowance trading system has also been
established.

Generally follows federal regulations.
Pennsylvania has set state air quality
standards for beryllium, hydrogen
fluoride, and hydrogen sulfide.

Tennessee Generally follows federal regulations. Generally follows federal regulations.

Texas

Texas air pollution regulations have a number of
significant variations from federal standards. Texas
also imposes an emission fee based on annual tonnage
emissions of regulated pollutants.

Generally follows federal regulations.

West
Virginia

Generally follows federal regulations. LAER required
for new major sources located in attainment areas that
will impact a nonattainment area.

Incorporates by reference.
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Four multi-pollutant control legislative proposals were introduced in the 107th Congress:

• Clean Smokestacks Act of 2001 (H.R. 1256 – R e p. Henr y W ax man, et al.)

• The Clean Power Act of 2001 (S.556 – Jeffords, et.al.)

• The Clear Skies Act of 2002 (S.2815 – Bush Admin/Smith and H.R. 5266 – Barton &
Tauzin)

• The Clean Air Planning Act of 2002 (S.3135 – Carper, Breaux, Baucus, & Chafee)

Only the last three proposed Acts are currently under serious deliberation, and they significantly
differ on matters such as compliance methods, emissions targets, deadlines, compliance regions,
and inclusion of mandatory CO2 reductions. This proposed legislation is discussed below.

3.2.7.1.1 Legislation proposed in the 107th Congress

S. 556 - Clean Power Act of 2001 (Sen. Jim Jeffords, I-VT)

This proposed legislation amends the Clean Air Act to reduce emissions from electric power
plants and for other purposes (see TABLE 3-12 and associated baselines in TABLE 3-13).

TABLE 3-12. S. 556 CLEAN POWER ACT OF 2001 –EMISSION GOALS

Pollutant Reduction Target
Yearly Cap

for All Power
Plants

Yearly Cap for
Coal Plants Schedule

SO2

Aggregate reduction of 75%
beyond Phase II require-
ments under title IV

2.24 million
tons 2.13 million tons January 1,

2007

NOx Aggregate reduction of 75%
from 1997 emissions levels

1.55 million
tons 1.4 million tons January 1,

2007

CO2 Stabilize at 1990 levels

476.7 mmtC
(525.47

million tons
C)

408.8 mmtC
(450.62 million

tons C)

January 1,
2007

Mercury Aggregate reduction of 90%
from 1999 levels 4.8 tons 4.8 tons January 1,

2007
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TABLE 3-13. S. 556 CLEAN POWER ACT OF 2001 -- BASELINES

Pollutant
Standard for
Measurement

Baseline
Emissions All

Baseline
Emissions

Coal
Source

SO2 Phase 2 Title 4 8.95 million
tons

8.5 million
tons

EPA
http://www.epa.gov/airmarkets

/arp/overview.html#phases

NOx 1997 6191
thousand tons

5.6 million
tons

EPA
(www.epa.gov/oar/aqtrnd98/ta

bles/tablea-4.prn)

CO2 1990
476.7 mmtC =

525.47
million tons C

408.8 mmtC =
450.62 million

tons C

EIA: Emissions of
Greenhouse Gases in the
United States, 1985-1990

Mercury 1999 48 tons 48 tons
EPA: National emission

inventory of electric utility
mercury (NATEMIS)

S.2815 and H.R. 5266 - The Clear Skies Act of 2002 (Bush Admin/Smith and Barton & Tauzin)

The legislation proposes nationwide caps for SO2 and mercury and regional caps (east-west) for
NOx. It differs from other proposed legislation primarily in targeted emission reductions and
proposed compliance dates, as shown in TABLE 3-14. While the final NOx and SO2 targets are
close to those proposed in S.556 and H. R. 1256, mercury reductions are not as stringent. The
proposed legislation provides for market-based cap and trade emission programs for NOx and
SO2, although it also provides for mercury emission trading. Absent are any mandatory CO2

emission regulations.

TABLE 3-14. CLEAR SKIES ACT - ANNUAL POWER PLANT EMISSION TARGETS

Pollutant Current Mid-Term
2008-2010

2018

SO2 11 million tons 4.5 million tons 3 million tons

NOx 5.4 million tons 2.1 million tons 1.7 million tons

Mercury 48 tons 26 tons 15 tons

S.3135 - The Clean Air Planning Act of 2002 (Carper, Breaux, Baucus, & Chafee)

Introduced late in 2002, the legislation sets national caps on SO2, NOx, CO2, and mercury
emissions from electric power plants. It is to be implemented in phases as detailed in TABLE 3.15.

http://www.epa.gov/airmarkets/arp/overview.html#phases
http://www.epa.gov/oar/aqtrnd98/tables/tablea-4.prn
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EPA would revisit the emissions targets for all four emissions 15 years after the date of
enactment and could ch ange the t ar gets startin g 20 yea rs after the dat e of enactment. NOX,
mercur y and CO2 allowances would be allocated based on electricit y gen e r ated durin g a rolling
3- ye ar p eriod. SO2 allow ances are allocat ed using the methodology of the ex isting Title IV A cid
Rain program, but with provisions for allowances for new sources.

TABLE 3-15. CLEAN AIR PLANNING ACT - ANNUAL POWER PLANT EMISSION
TARGETS

Pollutant Current Baseline 2008 2012 2015

SO2 11 million tons 4.5 million tons 3.5 million tons 2.25 million tons

NOx 5.4 million tons 1.87 million tons 1.7 million tons -

Mercury 48 tons 24 tons 5-16 tons (EPA to
set cap)

5-16 tons (EPA to
set cap)

CO2 2.4 Billion Tons ~2.6 Billion Tons ~2.3 Billion Tons -

Caps would be implemented using a market-based cap-and-trade program so that reductions may
occur where they may be most efficiently achieved. Facilities that achieve early reductions or
reduce emissions below the norm would benefit from being able to sell their excess allowances.
To avoid toxic hot spots, mercury trading would be limited by requiring each plant to either
reduce mercury by 50% by 2008 (70% by 2012) or limit emissions to 4 lb per TBtu (EPA to set
2012 rate). EPA would be required to impose additional controls in 8 years if these limits do not
adequately protect public health, and to report to Congress on the adequacy of controls on
recaptured mercury.

The CO2 cap ma y b e achieved throu gh reduci ng carbon emitted b y power plants o r with
allowances earned through carbon sequestration and off-sector efficiency projects. An
Independent Review Board would be created to certify projects as eligible for allowances.

3.2.7.1.2 Comparison of Legislation Proposed in the 107th Congress

TABLE 3-16 presents a comparison of emission targets and reduction schedules for the three
Acts described in the previous section. The Clean Power Act of 2001 is the most stringent and
least flexible from an implementation perspective, while the Clear Skies Act of 2002 is the least
restrictive and most flexible in that it does not require full compliance until 2018. The former
requires CO2 stabilization at 1990 l evels, while th e l atter does not include CO2 emissions targets
at all. The Clean Air Planning Act of 2002 appears to represent a compromise between the other
Acts in terms of emissions targets, compliance scheduling, and CO2 emissions.
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TABLE 3-16. SUMMARY OF NATIONWIDE ANNUAL U.S. EMISSION CAPS UNDER
PROPOSED MULTI-POLLUTANT LEGISLATION OF THE 107TH CONGRESS

Pollutanta 2007 2008 2010 2012 2015 2018

NOx
2.1 million

tons
1.7 million

tons

SO2

4.5
million

tons

3 million
tons

Mercury 26 tons 15 tons

Clear Skies
Act of 2002

CO2 No mandatory CO2 provisions

NOx
1.87 million

tons
1.7 million

tons

SO2
4.5 million

tons
3.5 million

tons

2.25
million

tons

Mercury 24 tons ~5 to 15 tonsb

Clean Air
Planning Act

of 2002

CO2
c

~ 616.9
million

metric tons C

~ 611.6
million metric

tons C

NOxd 1.55 million
tons

SO2
d 2.24 million

tons

Mercuryd 4.8 tons
Clean Power
Act of 2001

CO2
c

~ 476.7
million

metric tons
C

Notes:
a 2000 EIA Baseline power plant emission rates: NOx – 5.1 million tons, SO2 – 11.2 million tons, mercury – 47.8

tons, CO2, 621.1 million metric tons of carbon.
b Emission rate based on yet to be determined reduction (79% - 91%) from 1999 baseline mercury content of

delivered coal.
c CO2 emission rates are based on EIA CO2 emission rates for reference year. S. 3135 – 2005, 2001; S. 556 – 1999.
d S.556 emission targets are based on % reduction from reference years. NOx – 1997, SO2 – full implementation of

Title IV acid rain provisions, mercury – 1999.

Each of the proposed acts provides for emission trading programs, but only the Clear Skies Act
(S.2815/H.R.5266) allows for full trading of mercury emissions to meet targets. While the Clear
Air Planning Act (S.3135) includes a trading program for mercury, it also requires mandatory
reductions at individual affected units. Furthermore, each proposed act also includes various
degrees of NSR reform, ranging from more stringent compliance with the existing program
(S.556 has 40 year “birthday provision”) to potential exemption from both existing NSR and the
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Regional Haze best available retrofit technology (BART) requirements (S.2815/H.R.5266 –
affected units either in compliance with regional/national caps or meets specific technology and
performance requirements).d

3.2.7.2 Revised NAAQS for Ozone and Particulate Matter

EPA finalized revisions to the national ambient air quality standards for ozone and particulate
matter in 1997. The revisions made the existing standard for ozone more stringent and
established a new standard for very fine particulate matter designated as PM2.5. Implementation
of these revised standards was delayed by a series of court cases, but the Supreme Court largely
upheld them in February 2001, with implementation now proceeding. However, a number of
uncertainties currently exist about how the standards will be implemented. Nonattainment areas
for the revised standards have not yet been designated, and state plans for bringing those areas
into attainment have not yet been developed.

Currently, it appears that non-attainment areas will be designated some time between 2003 and
2005, and SIPs will have to be submitted to the EPA 2 to 3 years beyond that date. Emission
sources identified in a SIP probably will not be required to reduce emissions until after the SIP is
approved by the EPA. Therefore, it appears that emission reductions will likely not be required
until some time between 2007 and 2010. The revised ozone standard probably will be
implemented toward the earlier portion of this timeline, while the PM2.5 standard could be
implemented later on. Since NOx and VOCs are considered ozone precursors, power plants in
ozone nonattainment areas may be required to reduce their emissions of these pollutants.
However, it is unlikely that a new plant would be required to meet any requirements more
stringent than the BACT/LAER limits discussed previously. The primary pollutants from coal-
fueled power plants that are believed to contribute to ambient PM2.5 are sulfates due to sulfur
dioxide emissions, nitrates due to NOx emissions, and fine fly ash particulates that escape
particulate matter collection devices. For IGCC, no additional measures, other than increased
NOx control, are anticipated to be required due to the very high levels of control already attained
for SO2 and particulates.

3.2.7.2.1 SO2/Sulfate Emissions

EPA has suggested that it may consider a call for further control of SO2 emissions as a possible
response to its proposed revisions to the NAAQS for PM2.5, as well as its on-going regional
haze program. Such actions would address the potential link between power plant sulfate
emissions and ambient PM2.5 nonattainment. Using Title IV of the 1990 CAAA as a baseline for
SO2 control compliance, it is anticipated that the electric utility industry would again have to
consider similar options to those used to meet Title IV – Phase I and II requirements. EPA could
call for an incremental 50% reduction in SO2 emissions beyond that required by Phase II of Title
IV.

3.2.7.2.2 NOx/Nitrates

The need to limit ambient air nitrates may result in further regulation of NOx (below CAAA
Title IV acid rain program or the Title I ozone nonattainment SIP program levels). The Title IV

d Source: Energy & Environment Daily Special Report: “Clean Air Overhaul”
(http://www.eenews.net/sr_cleanair.htm). Last accessed 12/17/02.

http://www.eenews.net/sr_cleanair.htm
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NOx limitations may b e further redu ced to 0.06 to 0.1 lb/10 6 Btu, which would  i n m an y cas es
require the addition of SCR technology to existing plants, including IGCC (if possible).
However, if new coal-fueled plants are designed with SCR units sized to limit NOx emissions to
0.05 lb/106 Bt u, future re gulation of PM2.5 pre cursors will not require  additional NOx control
because these SCRs will already be operating below the expected PM2.5-related NOx limit.21

3.2.7.2.3 Fine Particulates

Future regulations for control of fine particulates may result in regulations that require further
reduction of overall particulate emissions. Future limits for particulate emissions may be in the
ran ge of  0.015 to  0.03 lb/106 Bt u. However, a new plant permitted fo r 0.015 lb/10 6 Bt u ( o r
less) as PM10 will probably not be subjected to further increased regulation, because the plant
will already be operating below the expected PM2.5-related particulate limit. Since IGCC’s fine
particulate emissions are so low, it should not be impacted by any new requirements.

3.2.7.3 Air Toxic Emissions

EPA is currently conducting a National-Scale Air Toxics Assessment. The completed project
will include a subset of HAPs identified by the CAAA. Sixteen of these 33 Urban Air Toxics
(UAT) are emitted by electric utilities, as shown in TABLE 3-17. The assessment is based on
1996 emission data and consists of a national emission inventory of air toxic emissions from
outdoor sources, estimates of ambient concentrations of air toxic across the contiguous U.S.,
estimating population exposure and characterization of the potential public health risk due to
inhalation of air toxics. As of June 28, 2001, reports of the individual steps were either in draft
form or under peer review. The expected result of this assessment is that priorities will be set
concerning those toxics that present the greatest potential concern. Additional monitoring of
emissions and ambient data of priority toxics will follow.22 It is likely that subsequent
regulations directly applicable to the electric generation industry will result from this study.

TABLE 3-17. CAAA LISTED HAPS AND URBAN AIR TOXICS FOUND IN UTILITY
FLUE GAS EMISSIONS 23

COMPOUND UAT COMPOUND UAT
Acetaldehyde
Antimony Compounds
Arsenic Compounds
Benzene
Beryllium Compounds
Biphenyl
Bis(2-ethylhexyl)phthalate (DEHP)
Cadmium Compounds
Carbon disulfide
Carbon tetrachloride
Carbonyl sulfide
Chlorine
Chlorobenzene
Chloroform
Chromium Compounds
Cobalt Compounds
Dibenzofurans
1,4-Dichlorobenzene

x

x
x
x

x

x

x
x

Formaldehyde
Hexachlorobenzene
Hydrochloric acid
Hydrogen fluoride (Hydrofluoric acid)
Lead Compounds
Manganese Compounds
Mercury Compounds
Naphthalene
Nickel Compounds
Pentachlorophenol
Phenol
Phosphorous
Selenium Compounds
2,3,7,8-Tetrachlorodibenzo-p-dioxin
Tetrachloroethylene
Toluene
Trichloroethylene
2,4,5-Trichlorophenol

x
x

x
x
x

x

x

x
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3.3 Water Pollution Regulations and Environmental Permitting

3.3.1 Description of Federal Water Pollution Regulations

3.3.1.1 The Clean Water Act

The Clean Water Act (FWPCA, 33 U.S.C.A. §§1251 to 1387) outlines the regulation of
discharges into U.S. waters. The National Pollutant Discharge Elimination System (NPDES)
program is called out by 33 U.S.C.A. § 1342 and limits the concentration of various pollutants in
water discharges. States may submit State Pollutant Discharge Elimination System (SPDES)
plans to the Administrator of the EPA for approval. SPDES may outline more stringent
regulations but must be at least as stringent as the NPDES. NPDES plans differentiate between
process wastewater and storm water runoff and regulate the two independently.24

Process wastewater requirements for steam electric point sources are outlined by 40 CFR Part
423 (facilities “primarily engaged in the generation of electricity for distribution and sale”).
Each discharge requires a separate NPDES permit with limitations based on industry specific
control technologies, such as Best Practicable Control Technology Currently Available (BCT),
Best Technology Economically Achievable (BAT), or New Source Performance Standards
(NSPS). Facilities that discharge to publicly owned treatment works (POTWs) must comply
with Pretreatment Standards for Existing Sources (PSES) or Pretreatment Standards for New
Sources (PSNS). Permits may also include water quality based limitations and pollution
monitoring requirements. While the technology-based standards take into account economic
impact of the implementation, water quality based standards typically do not.

Although water effluent standards vary significantly by application, industry, and location, the
EPA Water Quality Standard 25,26 presented in TABLE 3-18 is the most common standard.
Pollutants are grouped into three categories and designated as a conventional, non-conventional,
or priority pollutants.27

3.3.1.1.1 Conventional Pollutants

Conventional pollutants include but are not limited to five-day biochemical oxygen demand
(BOD5), total suspended solids (TSS), pH, fecal coliform, oil and grease.

3.3.1.1.2 Priority Pollutants

Section 307(a)(1) of the CWA required the establishment of a published list of priority pollutants
considered to be toxic chemicals or compounds. These are listed in Appendix 3-A of 40 CFR
423. Included in this list are several elemental, organic and inorganic species that are present in
wastes produced by steam electric generating plants. Among these are arsenic, benzene,
cyanide, mercury, naphthalene and selenium.

3.3.1.1.3 Non-Conventional Pollutants

Pollutants considered neither conventional pollutants, nor toxics identified as priority pollutants,
are considered “non-conventional.” These include, but are not limited to, ammonia, nitrogen,
trace metals, chemical oxygen demand (COD) and whole effluent toxicity (WET). Chemical
oxygen demand is a measure of the oxygen required to oxidize all compounds, both organic and
inorganic, in water.

Whole Effluent Toxicity is a term used to quantify the impact a discharge has on the water
quality of the receiving body of water. WET is based on the aggregate toxic effect of an aqueous
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sample (e.g., whole effluent wastewater discharge or ambient receiving water) as measured
according to an organism’s response upon exposure to the sample (e.g., lethality and impairment
to growth or reproduction).

TABLE 3-18. EPA WATER QUALITY STANDARDS

CONSTITUENT DISCHARGE STANDARD
(mg/l, Average Monthly Limit)

Biochemical Oxygen Demand (BOD) 15

Chemical Oxygen Demand (COD) 50 to 200

Total Suspended Solids (TSS) 10

Ammonia 10

Cyanide 1.0

Phenols (4AAP) 0.025

Sulfide 0.1

Nitrate 100

Fluoride 100

Arsenic 5.0

Barium 100

Boron 50

Cadmium 1.0

Chromium 5.0

Lead 5.0

Mercury 0.2

Selenium 1.0

Silver 5.0

Zinc 20

Particular water discharge criteria are outlined in NPDES permits generated by the state
permitting authority. For existing sources, conventional pollutants are controlled using BCT
standards, while priority and non-conventional pollutants are controlled by BAT standards.
Federally mandated NSPS outline the baseline for minimum control requirements for new
sources. Additionally, NSPS requires zero discharge for fly ash handling water. Thermal
properties of the discharged water are also called out on NPDES permits. Furthermore, EPA has
reserved NPDES limitations for non-chemical metal cleaning wastes and FGD waters for future
rulemaking.24
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3.3.1.1.4 Storm Water Discharges

Storm water discharge requirements exist for steam electric power generating facilities, and are
called out under 40 CFR 122.26(b)(14)(vii). Compliance with storm water requirements can be
included within an individual NPDES permit or a Multi-Sector General Permit (MSGP) in areas
where the EPA is the NPDES permitting authority.28 Requirements under individual NPDES
permits require the facility to fulfill control and monitoring requirements subject to the judgment
of the permit writer. Coverage under a general stormwater permit requires the implementation of
a stormwater pollution prevention plan, “reasonable and appropriate” control measures, and 1 or
2 years of monitoring and reporting. General permit requirements include recommended best
practices for stormwater at steam electric facilities, landfills, treatment works, and construction
areas greater than five acres. Requirements are additive across industrial sectors, requiring a
facility with operations that fall under more than one category (i.e. a utility with onsite ash
landfill) to comply with all requirements for each appropriate industry sector.24

3.3.1.2 Safe Drinking Water Act

The Safe Drinking Water Act (SDWA) requires that EPA establish health-based regulations to
protect humans from contaminants in national drinking water. The act requires EPA to set
national drinking water standards and create a joint Federal-State system to ensure compliance.
EPA is also required to protect underground drinking water sources by regulating and controlling
the underground injection of liquid waste. The provisions of the SDWA apply directly to public
water systems in each state.

Drinking water standards are included here because electric power generation results in waste
streams that contain detectable levels of elements or compounds that have established drinking
water standards. Regulations under the Resource Conservation and Recovery Act (RCRA) for
ground water contamination resulting from the disposal of solid wastes are tied to the
contaminant levels established under the SDWA. Furthermore, deposition of emissions from the
atmosphere may result in increased ambient contaminant levels in surface waters. Together,
these conditions may hinder the ability of a public water system to meet the Federal or State
standards and may result in additional effluent regulations at point sources.

EPA has set primary and secondary drinking water standards. Primary drinking water standards
are contaminant specific and consist of maximum contaminant level goals (MCLGs), which are
non-enforceable health based goals, and maximum contaminant levels (MCLs), which are
enforceable limits set as close to MCLGs as economically and feasibly possible. These are
presented in TABLE 3-19.

Additionally, even properly operated cooling towers have the potential to breed microorganisms,
therefore routinely requiring the addition of disinfectants. Measures to address water quality
issues resulting from recycled cooling water include MCLs for common chlorinated water
treatment chemicals, along with treatment requirements for Legionella and heterotrophic plate
count (HPC), a quantitative measure of the amount of bacteria present in the water.

National Secondary Drinking Water Regulations (NSDWRs or secondary standards) are non-
enforceable guidelines regulating contaminants that may cause cosmetic effects (such as skin or
tooth discoloration) or aesthetic effects (such as taste, odor, or color) in drinking water. EPA
recommends secondary standards to water systems but does not require systems to comply.
However, states may choose to adopt them as enforceable standards.29
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TABLE 3-19. SELECTED NATIONAL PRIMARY DRINKING WATER STANDARDS

CONTAMINANT MCLG
(mg/l)

MCL
(mg/l)

Inorganic Chemicals
Antimony 0.006 0.006
Arsenic None 0.01
Barium 2 2
Beryllium 0.004 0.004
Cadmium 0.005 0.005
Chromium (total) 0.1 0.1
Cyanide 0.2 0.2
Fluoride 4.0 4.0

Leada (treatment requirement) Zero
0.015

(action level)
Mercury 0.002 0.002
Selenium 0.05 0.05
Organic Chemicals
Benzene Zero 0.005

a Lead is regulated by a treatment technique that requires systems to control the corrosiveness of the water. If
more than 10% of tap water samples exceed the action level, water systems must take additional steps.

3.3.2 Water Permitting Requirements for Commercial IGCC Plants

3.3.2.1 Federally-Mandated Water Permitting Requirements 14

The permitting process for the siting of a gasification-based power system is a complex and
lengthy process, especially due to the increasing number of permits required. A large-scale
IGCC facility for utility power generation will almost certainly qualify as a major source within
the permitting process. TABLE 3-20 identifies many of the critical government water permit
approvals that could be required by such a power generation facility. The actual paper process of
obtaining the necessary environmental permits is expected to be very similar to the siting of a
traditional utility electric generation facility.

EPA implements two permit programs under the Clean Water Act (CWA), the objective of
which is to restore and maintain the chemical, physical, and biological integrity of the Nation’s
waters: Section 404 permits, and National Pollution Discharge Elimination System (NPDES)
permits. Section 404 of the Clean Water Act establishes a program to regulate the discharge of
dredged (or fill) materials into waters of the United States, including wetlands. Section 404
permits prohibit the discharge of dredged or fill material if there is a practicable alternative that
is less damaging to the aquatic environment or if the discharge would result in significant
degradation of waters of the United States.
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TABLE 3-20. PROBABLE ENVIRONMENTAL PERMIT APPROVALS REQUIRED
FOR IGCC 13

PERMIT TYPE
PERMIT APPROVAL

AUTHORITY
PERMIT APPROVAL

REQUIREMENT

RELATED
REPORT
SECTION

NPDES Wastewater Discharge
Permit

State Environmental
Agency

180 Days Prior to
Discharge 3.3.2.1, 3.3.3

Clean Water Act – Section 404
Wetlands Permit

U.S. Army Corps of
Engineers

Prior to Construction/
Mobilization 3.3.1.1

NPDES – Storm Water Notice of
Intent (NOI) for Construction
General Permit

State Environmental
Agency

Prior to Construction/
Mobilization 3.3.2.1, 3.3.3

NPDES – Multi-Sector General
Storm Water Notice of Intent Permit
for Operations

State Environmental
Agency Prior to Operation 3.3.2.1, 3.3.3

Storm Water Pollution Prevention
Plan (SWPPP) for Construction
Activities

State Environmental
Agency

Prior to Construction/
Mobilization

No Information
Provided

Storm Water Pollution Prevention
Plan (SWPPP) for Operations

State Environmental
Agency Prior to Operation No Information

Provided

Beneficial Use Permits to Divert or
Withdraw Groundwater

Permit Board/ State
Environmental Agency

Prior to Installation of
Wells

No Information
Provided

NPDES permits regulate wastewater discharges with the goals of (1) protecting public health and
aquatic life, and (2) assuring that every regulated point source complies with applicable
technology based effluent limits and at a minimum treats wastewater. To achieve these ends,
permits may include the following terms and conditions: site-specific discharge (or effluent)
limits; standard and site-specific compliance monitoring and reporting requirements; and
enforcement provisions in cases where the regulated facilities fail to comply with the provisions
of their permits. Under the NPDES program, all facilities that discharge pollutants from any
point source into waters of the United States are required to obtain a NPDES permit. The term
“pollutant” is defined very broadly by the NPDES regulations and includes industrial, municipal,
or agricultural waste discharged into water. Where such pollutants are discharged from a point
source, that discharge is subject to NPDES regulation.

The Safe Drinking Water Act (SDWA) provides for control of contaminants in public water
systems and also provides authority to regulate underground injection wells. The SDWA uses
Underground Injection Control (UIC) permits to regulate construction, operation, and closure
of wells in order to protect public sources of drinking water. The UIC permit program regulates
the underground injection of wastes or other fluids with the goal of protecting underground
sources of drinking water (USDW) from endangerment. A USDW is defined as an aquifer
capable of supplying a public water system now or in the future and containing water with a
concentration of 10,000 mg/l of total dissolved solids or less.

The UIC program defines five classes of wells. For Class I-IV wells, all injection activities,
including construction of an injection well, are prohibited until the owners or operators of these
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injection wells receive a permit. Most Class V wells are currently authorized by rule as long as
they do not endanger underground sources of drinking water and the well owners submit basic
inventory and assessment information (40 CFR 144.24). Existing Class II enhanced recovery
wells and hydrocarbon storage wells are authorized by rule for the life of the field project or until
a permit is issued (40 CFR 144.22). Class IV wells, those that inject hazardous waste into or
above USDWs, are prohibited unless they are part of an aquifer cleanup operation (40 CFR
144.13).

3.3.2.2 Recent Water Permitting Experience with Planned IGCC Plants

Recent environmental permitting of several IGCC projects by Global Energy Inc. is reviewed in
this section to provide insight into the process. These projects have been described earlier in the
report in Section 3.2.4. Global Energy has not yet applied for their water permits at the
Kentucky and Ohio plants, but rather has investigated their requirements. In Kentucky, the
IGCC plant will use the Kentucky River for water supply and discharge. An advantage for this
facility will be that EKPC, which already withdraws water for its need as a public utility, plans to
withdraw additional water under its existing permit and sell it to the Kentucky Pioneer plant.
While the IGCC plant wastewater discharge will be mixed with EKPC’s existing discharge, their
effluent will be independently monitored upstream of the tie-in to the existing discharge line.
However, based on new discharge conditions, the Kentucky River Authority and Kentucky
Water Resources has told Global Energy that thermal and mixing zone limits may necessitate the
addition of a diffuser to the existing wastewater discharge line.

The Ohio project has explored water supply and treating requirements with the City of Lima.
Wastewater discharge will be by permit under the Industrial Pretreatment Program of Ohio EPA,
with City of Lima approval, and flow into the city’s POTW.

3.3.3 Review of Existing State Water Regulations and Permitting Applicable to
Gasification-Based Power Systems

Individual states have the option to outline standards and regulations that are at least as stringent
as federal standards, and may be more stringent. Water discharge permits may be issued under
SPDES approved by the Administrator. States will sometimes permit individual counties to
outline specific standards that are more stringent than both state and federal levels.

Complete analysis of state and county regulatory plans is beyond the scope of this report. This
information is included to provide summary state level regulatory information as it may apply to
gasification-based power systems. Primary attention is focused on the major aspects of water
discharge issues. Particular focus is directed at states that currently have IGCC facilities. An
attempt is made to indicate where state standards differ from federal standards. However, no
effort is made to analyze the permitting process or enforcement provisions in individual state
summaries. While every attempt is made to include the most recent regulatory status, interested
parties should contact the appropriate state regulatory agency for more information.

3.3.3.1 Florida 30

The Florida Department of Environmental Protection is authorized by EPA to administer the
NPDES permitting program. The Department assumes permitting and enforcement authority for
NPDES permits issued by EPA. While the federal program covers discharges to surface waters,
the state wastewater program issues permits to facilities that discharge to either surface or
groundwater. Water quality standards for Florida vary for usage category and compare closely
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to EPA published national recommended water quality criteria. In 1996, approximately 75% of
rivers and almost all lakes greater than ten acres in area and estuaries are classified as fishable
and swimmable.31 Resulting water quality based effluent limits (WQBELs) for point sources
discharging to these waters require the maintenance of water quality standards intent on
providing high levels of control. In addition to FDEP standards, several counties in Florida
impose specific wastewater management, permitting and monitoring requirements of their own.
Florida’s pretreatment program follows the federal program with one additional requirement.
For a business that uses reclaimed wastewater in its processes, with no potential for public access
to the reclaimed water, state pretreatment regulations are not applicable.

3.3.3.2 Indiana 30

The Indiana Department of Environmental Management’s Office of Water Management (OWM)
is authorized by EPA to implement and enforce NPDES programs. Effluent limits can be based
upon the more stringent of water quality or technology based standards. Models used to
calculate water quality-based limits include parameters such as discharge flow rate, along with
receiving water body properties such as background pollutant concentration, average minimum
seven consecutive day low flow which occurs once in ten years, and hydrologic characteristics.
Indiana has 45 EPA approved pretreatment cities that run local pretreatment programs, each
program doing its own permitting, inspecting, sampling and enforcement for all discharges
within its area. All categorical dischargers not located in a pretreatment city must apply to IDEM
for an Industrial Wastewater Pretreatment (IWP) permit and must meet the specific requirements
in an issued permit.

3.3.3.3 Louisiana30

Louisiana is authorized by EPA to administer the NPDES permit program. Louisiana storm
water regulations require that industrial facilities meet numerical limitations for discharges of
total organic carbon and oil and grease. Louisiana industrial pretreatment regulations reflect the
federal pretreatment requirements with several modifications, including the definition of major
POTW.

3.3.3.4 Other States With a Large Base of Existing Coal-Fueled Electric Power Generation

TABLE 3-21 presents summary information of state level environmental regulations for selected
states that currently have a significant number of coal-fueled electric generating units. These
states are Alabama, Georgia, Illinois, Kentucky, New York, Ohio, Pennsylvania, Tennessee,
Texas, and West Virginia. Qualitative generalizations are provided for the major water pollution
regulations. More detailed information is provided in Appendix 3A.

3.3.4 Overview of Future Water Pollution Regulations Potentially Applicable to
Gasification-Based Power Systems

3.3.4.1 Cooling Water Intake Structures (CWA §   316(b ))

Clean Water Act § 316 outlines requirements for the protection of fish and aquatic wildlife.
Specific regulations are required under CWA § 316(b) for fish protection measures at cooling
water intake structures (CWIS). 316(b) requires that the best technology available (BTA) be
used to minimize adverse environmental impact. BTA allows for economic considerations in the
determination of appropriate implementation. Additional environmental impact studies may be
required by and under the funding of the facility seeking compliance.
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TABLE 3-21. WATER REGULATIONS FOR SELECTED STATES

STATE WATER REGULATIONS
Alabama Generally follows federal regulations.

Georgia
Generally follows federal regulations. State water quality standards are
typically more stringent than federal effluent limits.

Illinois
Generally follows federal regulations. State water quality standards are
typically more stringent than federal effluent limits. Illinois has imposed
more stringent mercury and cyanide concentration based standards.

Kentucky
Generally follows federal regulations. State requires more stringent water
quality based standards when federal effluent limits are considered not
sufficiently protective.

New York Generally adopts federal regulations by reference.

Ohio Generally follows federal regulations.

Pennsylvania
Generally follows federal regulations. Industrial wastewater requirements
include limitations for oil content, acidity, and heat content.

Tennessee
Generally follows federal regulations. Additional requirements authorizing
more stringent water quality standards based on water body’s intended use.

Texas
Generally follows federal regulations. Texas also has several more stringent
provisions and limitations for discharges. Additionally, Texas also imposes a
waste treatment fee for all permit holder or authorized discharger.

West Virginia
Generally follows federal regulations. West Virginia includes ground water
in the definition of “waters of the state.”

EPA is in the process of developing specific 316(b) regulations. An Amended Consent Decree
submitted on November 21, 2000 by EPA and plaintiffs in Riverkeeper, Inc. v. Whitman and
signed by the U.S. District Court, Southern District of New York, revised an existing court order
that set EPA final action and regulation deadlines. The Amended Consent Decree divides the
rulemaking into three phases. Phase I applies directly to new electric generating plants and
manufacturing facilities that employ a CWIS. Phases II applies to existing utility and non-utility
power producers and Phase III applies to other industrial facilities that utilize a CWIS. Phase II
requirements a re to be p r oposed b y Feb ruar y 28, 2 002, with final action b y August 28, 2003.

In December 2001, EPA issued Phase I CWIS standards that establish location, construction and
design aspects of intake structures. Phase I regulations are applicable only to new “greenfield”
or “stand-alone” facilities as defined in 40 CFR 122.2 and 122.29(b)(1), (2), and (4) and
commence construction after January 17, 2002. Phase I regulations are only applicable to a
newly constructed CWIS or one modified to increase intake capacity, and may not be required
for a “repowering” or modification to an electric generating facility that has an existing CWIS,
so long as no modifications are required to increase capacity at the CWIS. For sources that meet
the new source definition, the regulations are directly applicable to facilities that withdraw more
than 2 MGD from waters of the U.S. and use more than 25% of the intake for cooling purposes.
Facilities that withdraw less than 2 MGD are to be regulated on a case-by-case basis.

The final ruling presents two options to new facilities. For certainty and fast permitting, a new
facility can accept set standards that limit intake capacity and velocity. Facilities that locate



Existing and Future Environmental Regulations Affecting the Siting and Operation of Gasification-Based Power
Systems

DECEMBER 2002 U.S. DOE/NETL3-48

near fisheries are required to use additional fish protection measures including screens, nets, or
other similar devices. No reductions of intake capacity are required for facilities that withdraw
less than 10 MGD but must employ fish protection measures. Facilities also have the option of
conducting site-specific studies that may allow for alternative fish protection measures so long as
they provide comparable protection. All facilities must limit intake relative to a defined
proportion of the source water body.32

Because of the large water intake associated by the steam cycle portion of utility scale IGCC
applications, 316(b) requirements for installations that meet the new source definition essentially
require closed circuit cooling systems of some kind and prohibit the practice of once-through
cooling.33 During the rulemaking process, EPA has also considered a “zero intake” flow
requirement as for BTA. The baseline is derived from dry cooling technology, which uses air for
cooling rather than water. Fundamental physical property differences associated with wet and
dr y coolin g s ys tems ( e. g., h eat tr ansfe r prop ert ies and w et bulb temp eratur e vs. dr y bulb
temperature), along with parasitic power losses due to recirculating pumping and ancillary
equipment, results in decreased net power output and therefore increased air emissions for the
affected plant. As part of the determination, EPA considered these energy penalties and
increased air emissions resulting from the application of the new CWIS regulations.

TABLE 3-22 presents comparative estimates of national annual energy penalties for three
possible cooling system configurations (once-through, wet cooling tower, and dry cooling
tower). The national energy penalty was determined as an average of annual energy penalties for
facilities modeled for power plants located in four metropolitan areas (Boston, Chicago,
Jacksonville, and Seattle) to represent a range of climate differences. As would be expected, the
ener g y p enalt y was great est i n J acksonville.34 S ubsequentl y, air emissions would rise as a result
of increased generation capacity needed to compensate for parasitic power losses.

TABLE 3-22. NATIONAL AVERAGE ANNUAL ENERGY PENALTY SUMMARY
TABLE

67% MAXIMUM LOAD 100% MAXIMUM LOAD

COOLING
TYPE

COMBINED-
CYCLE

PERCENT OF
PLANT

OUTPUTa

FOSSIL-FUEL
PERCENT OF

PLANT
OUTPUTb

COMBINED-
CYCLE

PERCENT OF
PLANT

OUTPUTa

FOSSIL-FUEL
PERCENT OF

PLANT
OUTPUTb

Wet Tower vs.
Once-Through 0.4 1.7 0.4 1.7

Dry Tower vs.
Once-Through 2.1 8.6 2.8 10.0

Dry Tower vs.
Wet Tower 1.7 6.9 2.4 8.4
a Energy penalty is applicable only to the energy output of the steam plant component
b Represents coal-fueled plants

3.3.4.2 Total Maximum Daily Load

The Clean Water Act also requires that states identify pollution impaired water bodies and
develop total maximum daily loads (TMDLs) that set the maximum amount of pollution from all
sources that a particular body may take on and not violate water quality standards. For States
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that fail to identify impaired water bodies, EPA is required to develop the list and make it’s own
TMDL determination.

For several reasons, implementation of TMDL requirements has not been carried out. Since the
late 1980s, citizen groups have filed more than 40 lawsuits in 38 states against EPA and various
states for failure to comply with TMDL requirements of the CWA.35 As a result of court orders
requiring prompt development of TMDL standards, EPA proposed regulatory changes in 1999
and issued a final rule in July 2000 (65 FR 43586).

EPA’s ruling requires the identification of impaired waters along with the development of a
cleanup schedule and implementation plan. TMDLs will include key elements such as water
body name; location and pollutant water quality standard; amount of pollutant allowable to meet
standards; load reductions required to meet standards; and several measures for the addition of
new TMDLs and public comment periods. States will maintain flexibility to determine which
sources of pollution to clean up and in what manner the clean up should be carried out.36 The
new TMDL requirements will also include greater focus on “non-point” sources of pollutants.
The “non-point” source category includes surface water pollution resulting from the suspected
contribution due to deposition from the atmosphere of emitted pollutants. It is quite possible that
under the revised TMDL program, plans to restore the water quality of polluted lakes or streams
may include requirements for further controls on emissions from electric utility generators.37

3.3.4.3 Clean Water Act Reauthorization

Authorizations for most current program funding expired September 30, 1990, but Congress has
continued to appropriate funds to carry out the act. Several attempts to formally complete the
reauthorization process, and several bills introduced to Congress as part of that process may
change the current regulations governing water discharges.35 Specific proposed changes include
a ban and/or discharge tax on all mercury discharges.

3.4 Solids-Related Regulations for Coal Combustion Wastes

3.4.1 Description of Federal Solid Waste Pollution Regulations

Solid waste regulations are outlined in the Solid Waste Disposal Act, as amended by the
Resource Conservation and Recovery Act (RCRA, 42 U.S.C.A. §§ 6901 to 6992k). The term
solid does not specifically limit regulations solely to wastes that are not liquid and gaseous, but
includes waste in any physical state that meets the statutory definition as any material that is
discarded by being either abandoned (disposed of, burned, or incinerated), inherently waste-like,
certain military munitions, or recycled. Regulated wastes are characterized as either hazardous
or non-hazardous wastes with regulations specific to the pertinent waste type. The facility owner
or operator must determine if a waste is hazardous in all cases in which a waste is not
specifically excluded from the definition of hazardous or solid waste or is exempt from Subtitle
C hazardous waste regulations.

A significant policy issue affecting electric utilities that use coal has been the question of
whether or not coal utilization by-products (CUBs) should be regulated at the Federal level as
hazardous wastes under RCRA Subtitle C. Specifically, Subtitle C of RCRA imposes
requirements on the generation, transportation, storage, treatment and disposal of “hazardous”
wastes. Wastes that are not considered hazardous under Subtitle C fall under Subtitle D of
RCRA, and are subject to regulation by the states as solid waste. As originally drafted in 1976,
RCRA did not specifically address whether CUBs fell under Subtitle C as a hazardous waste or
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Subtitle D as a solid waste. In 1980, Congress enacted the Solid Waste Disposal Act
Amendments to RCRA. Under the amendments, certain wastes, including CUBs, were
temporarily excluded from Subtitle C regulation. This regulatory exemption, introduced by
Congressman Bevill of Alabama, is commonly referred to as the “Bevill Exemption.” As a
result, CUBs fell under Subtitle D and became subject to regulation under state law as solid
waste.

The RCRA amendments directed that the EPA collect information and produce a report that
recommended appropriate regulations regarding CUBs. Extensive data on CUB leaching
characteristics and information on potential environmental damage cases involving CUBs were
collected and analyzed by EPA. The subsequent report to Congress, issued by EPA in 1988,
concluded that CUBs generally do not exhibit hazardous characteristics, damage to the
environment from existing CUB disposal sites was minimal, and that regulation of CUBs should
remain under state Subtitle D authority. A final regulatory determination, effective September 2,
1993, stated that regulation of CUBs generated by coal-fueled electric utilities and independent
power producers as hazardous waste was unwarranted, and that EPA will continue to exempt
these materials from regulation as a hazardous waste under RCRA.

EPA narrowly interpreted the scope of the 1993 rulemaking; the exemption applied only to fly
ash, bottom ash, boiler slag and flue gas desulfurization (FGD) by-products that were produced
by coal fired electric utilities and independent power producers, and were managed
independently of any other wastes. The exemption did not apply to CUBs that were placed in the
same waste stream as low volume utility wastes (boiler blowdown, coal pile runoff, cooling
tower blowdown, demineralizer regenerant rinses, metal and boiler cleaning wastes, and pyrites).
This narrow interpretation was important to the electric utility industry because these low-
volume wastes were mixed with the high-volume CUBs in the vast majority of utility waste
management scenarios. Fluidized bed combustion (FBC) wastes and CUBs that were generated
at any industrial activity other than electric utilities and independent power producers were also
outside the rule.

On March 31, 1999, EPA issued another report to Congress to establish a factual basis for EPA
decision-making regarding the appropriate regulatory status of the “remaining wastes” under
RCRA. In this report, EPA found that: (1) FBC wastes and co-managed CUBs generally do not
exhibit hazardous characteristics; (2) no damage to human health had ever been associated with
CUB disposal or use; (3) damage to the environment from existing CUB disposal sites was
minimal; (4) no damage to the environment had occurred from any CUB beneficial use activity;
and (5) existing State CUB regulatory programs had been significantly strengthened over the last
decade. As a result, EPA recommended in the March 1999 report that disposal and most
beneficial uses of CUBs should not be regulated under RCRA Subtitle C. However, EPA was
still considering the possibility of establishing some form of Subtitle C regulation for agricultural
application of CUBs because of a concern over the potential of long-term human exposure to
arsenic. Mine filling was also being considered for some form of Subtitle C regulation because
of EPA’s lack of data on the environmental effects of mine-filling scenarios and the uncertainty
in their ability to accurately model such scenarios. In response to the March 1999 report, EPA
received a great deal of comment from the utility industry, State and Federal government
agencies, and the general public.

On April 25, 2000, EPA issued a Regulatory Determination that concluded that FBC wastes and
CUBs that are co-managed with other wastes do not warrant regulation as hazardous wastes
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under Subtitle C of RCRA. EPA also concluded that, except for mine filling, no additional
regulations are warranted for coal combustion wastes that are used beneficially. The initial
concern expressed by EPA over agricultural applications of CUBs was alleviated upon
reconsidering its modeling assumptions in view of comments and information received after its
March  1999  r eport,  pa rticularl y   the   informati on   receiv ed   from   the   U.S .  Department   of
Agriculture. However, EPA also determined that national regulations under Subtitle D of RCRA
are warranted for coal combustion wastes when they are disposed in landfills or surface
impoundments, and that regulations under Subtitle D of RCRA, and/or possibly modifications to
existing regulations established under authority of the Surface Mining Control and Reclamation
Act (SMCRA), are warranted when these wastes are used to fill surface or underground mines.
So that coal combustion wastes are consistently regulated across all waste management
scenarios, EPA also intends to make these Subtitle D regulations applicable to large volume coal
combustion wastes that had previously been exempted under the 1993 regulatory determination.
The process of developing these specific Subtitle D regulations for disposal and minefilling of
CUBs has just begun.

The April 2000 regulatory determination is important in that it marks the first time EPA had
stated its intent to develop nationwide regulations for disposal of CUBs; prior to this, all
regulations governing CUB disposal and use had come from individual states. Even though the
regulations are being developed under RCRA Subtitle D (rather than the more rigorous Subtitle
C), the uncertainty caused by the possibility of having to comply with National regulations,
which may not coincide with current disposal practices, is causing a great deal of concern within
the utility industry. The possibility of a separate set of nationwide regulations regarding
placement of CUBs in mines is also causing a great deal of uncertainty. Finally, the April 2000
regulatory determination also states “there are several factors that might cause us (EPA) to
rethink our current determination.” One of those factors is that “the agency will consider the
results of a report of the National Academy of Sciences regarding the adverse human health
effects of mercury, one of the constituents in fossil fuel combustion wastes.” This consideration
raises the possibility that all CUBs may yet be considered for regulation under RCRA Subtitle C
because of concerns over mercury.

3.4.1.1 Hazardous Waste

Hazardous waste status is determined by either a listing of a particular waste as hazardous or if a
waste exhibits one of the four characteristics of hazardous wastes: ignitability, corrosivity,
reactivity or toxicity. Facilities must also determine if a waste demonstrates a hazard
characteristic for listed hazardous wastes.

Four lists of hazardous wastes exist. The lists are designated as F, K, P, and U and each list is
process-sp ecific, industr y- sp ecific, o r ch emical  c ompound-specific. To b e placed on a list, a
substance must demonstrate harmful biological or environmental effects, exhibit one or more of
the four characteristics of hazardous wastes, or cause EPA to believe that the waste fits within
the statutory definition of hazardous waste. These are defined in TABLE 3-23.
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TABLE 3-23. DEFINITION OF HAZARDOUS WASTE CATEGORIES

LIST
DESIGNATION

CHARACTERISTIC GENERAL DESCRIPTION

F
Wastes from non-specific sources. Wastes generated in common

industrial and manufacturing
processes.

K Wastes from specific sources Wastes generated by specific
industries.

P

Acutely toxic chemicals – lethal
chemicals that are fatal to humans
in small doses or that cause serious
irreversible or incapacitating
illness.

Pure or commercial grades of certain
chemicals being disposed of.

U
Toxic chemicals and those specific
chemicals that demonstrate charac-
teristics of hazardous wastes.

Pure or commercial grades of certain
chemicals being disposed of.

Characteristic wastes are wastes that demonstrate measurable properties of any of the four
hazardous waste categories that, when present in the waste, can cause death or illness in humans
or lead to ecological damage. Listed wastes that also demonstrate one or more hazardous waste
characteristic may be subject to additional regulatory requirements. Ignitability differs for each
physical form (solid, liquid, or gas). The general characteristic identifies wastes that can readily
catch fire and sustain combustion. The corrosivity characteristic identifies wastes that are acidic
or alkaline (pH<2 or pH>12.5) and will readily dissolve or corrode flesh, metal, or other
materials. The reactivity characteristic identifies wastes that readily explode or undergo violent
or toxic reactions. Because no reliable test method exists to determine a wastes reactive
behavior, EPA uses narrative criteria and often requires the best judgment of the waste handler to
determine if a substance should be identified as hazardous.

Toxicity characteristics are determined by a waste’s tendency to leach toxic chemicals into the
ground water. The reference test for determining a substance’s tendency to leach is the Toxicity
Characteristic Leaching Proceduree (TCLP). The testing procedure requires a facility to create a
liquid leachate on waste samples. The leachate produced is assumed similar to the leachate
generated by a landfill of the waste being tested. The TCLP requires the facility to conduct tests
on waste samples to create a liquid leachate and test for any of 40 regulated toxic chemicals.
Various leachate concentration levels exist for the listed toxics presented in TABLE 3-24.

e Toxicity Characteristic Leaching Procedure (TCLP): Introduced in the November 7, 1986 Solvents and Dioxins
rule, this testing procedure was specifically initiated for evaluation of the solvent- and dioxin-containing wastes.
When a waste extract is tested, EPA requires that the TCLP be used to determine whether a waste requires
treatment. Additionally, the TCLP is used to determine whether a waste is hazardous and serves as a monitoring
technique to determine whether a treated waste meets the applicable waste extract treatment standard.
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TABLE 3-24. SELECTED TCLP REGULATORY LEVELS (40 CFR §261.24)

WASTE CODE CONTAMINANT REGULATORY
LEVEL (mg/l)

D004 Arsenic 5.0

D005 Barium 100.0

D018 Benzene 0.5

D006 Cadmium 1.0

D021 Chlorobenzene 100.0

D007 Chromium 5.0

D027 1,4–Dichlorobenzene 7.5

D027 1,4 – Dichlorobenzene 7.5

D032 Hexachlorobenzene 0.1

D008 Lead 5.0

D009 Mercury 0.2

D037 Pentachlorophenol 100.0

D010 Selenium 1.0

D011 Silver 5.0

D039 Tetrachloroethylene 0.7

D040 Trichloroethylene 0.5

D041 2,4,5–Trichlorophenol 400.0

D041 2,4,5 – Trichlorophenol 400.0

Handling and disposal requirements for material designated as hazardous wastes is a cradle-to-
grave process, with the generating facility responsible for ensuring appropriate procedures are
carried out as outlined in 40 CFR § 262. Specific regulations include hazardous waste
identification, site-specific EPA identification numbers, shipping preparation and manifest
generation, on-site management and storing limits, and biennial reporting requirements.
Additionally, record-keeping, waste disposal tracking requirements, and import/export
regulations exist. For disposal, wastes must meet certain pretreatment standards as outlined in 40
CFR § 268.38

More pertinent to the topic of IGCC wastes are the requirements for treating characteristic waste
that is “decharacterized.” When a characteristic waste is “decharacterized” it no longer exhibits
a hazardous waste characteristic. However, these decharacterized wastes may still contain
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underlying hazardous constituents.f Therefore, EPA promulgated standards for characteristic
wastes to ensure that the concentrations of all underlying hazardous constituents in characteristic
wastes have been minimized. These Universal Treatment Standards (UTS) list over 200
constituents for which LDR (Land Disposal Restrictions) treatment standards have been
developed. UTS standards apply to underlying hazardous constituents in decharacterized wastes
and to constituents for which treatment standards are applicable in listed hazardous wastes.
Characteristic wastes cannot be land-disposed until they meet the applicable treatment standards
for the waste characteristic and underlying hazardous constituents that apply to the waste. Even
if a characteristic waste no longer exhibits a characteristic, it cannot be land disposed until the
waste is in compliance with the treatment standards. Importantly, in most cases, characteristic
waste cannot be merely diluted to meet specified treatment standards. TABLE 3-25 lists UTS
limits for potentially hazardous slag and ash constituents, and compares the standards with the
TCLP limits. Note that the UTS limits are generally more restrictive for the trace metals.

3.4.1.2 Non-Hazardous Waste

Non-hazardous wastes are handled under applicable regulations outlined in RCRA Subtitle D
and are called out in 40 CFR § 257. Federal regulations address siting requirements based on
floodplain characteristics, disposal adjacent to food chain agricultural lands, and impact on
endangered species. The regulations also prohibit discharge into surface waters that is in
violation of NPDES requirements and addresses contaminant leaching into underground drinking
water with regulatory contaminant levels that are tied to the MCLs, as promulgated under the
Safe Drinking Water Act. Furthermore, measures are required to minimize disease vectors such
as rodents, flies and mosquitoes. Additional regulations exist for the disposal of conditionally
exempt small quantity generator wastes (CESQG) as defined by 40 CFR § 261.5. These include
additional siting requirements, ground water sampling and analysis, record keeping, and
corrective measures for the detection of statistically significant levels exceeding ground-water
protection standards.

Specific handling requirements for Subtitle D wastes are typically the responsibility of individual
states. For landfills and surface impoundments, state permit requirements and siting control
measures usually include groundwater monitoring, leachate collection systems, liners, and
covering requirements, along with closure and fugitive dust controls. Waste management
alternatives are permissible, subject to demonstration that they are at least as effective as
currently accepted control measures. Certain units may obtain exemption to specific control
requirements provided it can be demonstrated that there is no danger to human health or
environment.24

f Underlying Hazardous Constituents are any constituents listed in the universal treatment standards (UTS) table
(40 CFR 268.48), except fluoride, selenium, sulfides, vanadium, and zinc, which can reasonably be expected to be
present at the point of generation of the hazardous waste, at a concentration above the constituent-specific UTS
treatment standards.
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TABLE 3-25. SELECTED UNIVERSAL TREATMENT STANDARDS (40 CFR §268.40)

WASTE
CODE

CONTAMINANT RCRA TCLP
LIMIT (mg/l)

UTS LIMIT
(mg/l)

Antimony -- 2.1

D004 Arsenic 5.0 5.0

D005 Barium 100.0 7.6

Beryllium 0.82 --

D006 Cadmium 1.0 0.19

D007 Chromium (Total) 5.0 0.86

Cyanides (Total) -- 590 mg/kg

D008 Lead 5.0 0.37

D009 Mercury 0.2 0.025

D010 Selenium 1.0 0.16

D011 Silver 5.0 0.3

Thallium -- 0.078

Vanadium -- 0.23

Zinc -- 5.3

D018 Benzene 0.5 10

D021 Chlorobenzene 100.0 6.0

D027 1,4 – Dichlorobenzene 7.5 6.0

D032 Hexachlorobenzene 0.1 10

D037 Pentachlorophenol 100.0 7.4

D039 Tetrachloroethylene 0.7 6.0

D040 Trichloroethylene 0.5 6.0

D041 2,4,5 – Trichlorophenol 400.0 7.4

When subjected to hazardous waste testing criteria, fossil fuel combustion (FFC) wastes rarely
are characterized as hazardous. To facilitate and expedite the beneficial use and large volume
disposal of FFC wastes, EPA has conducted several studies of the physical properties of electric
utility solid wastes. EPA has subsequently determined (65 FR 32214) that all FFC wastes,
including large volume utility coal combustion wastes (fly ash, bottom ash, boiler slag and flue
gas emission control wastes) and low volume process-related wastes co-managed with these
large volume wastes ( i .e., boiler b lowdown, cleani n g w aste, ai r he ater and pr ecipitator
washwater, and other equipment and facility wastes), are exempted from federal hazardous waste
categorization. EPA is conducting further analysis and characterization of certain co-managed
wastes, including pyrite coal pile runoff, which may result in future determinations altering
current storage and/or disposal practices.
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3.4.2 Federally-Mandated Solid Waste Permits14

As mentioned previously, the permitting process for the siting of a gasification-based power
system is a complex and lengthy process, especially due to the increasing number of permits
required. A large-scale IGCC facility for utility power generation will almost certainly qualify
as a major source within the permitting process. TABLE 3-26 identifies the critical government
solid waste permit approvals that could be required by such a power generation facility, as well
as some of the other permits not previously identified. The actual paper process of obtaining
these permits is expected to be very similar to the siting of a traditional utility electric generation
facility.

TABLE 3-26. PROBABLE SOLID WASTE (AND OTHER) PERMIT APPROVALS
REQUIRED FOR IGCC13

PERMIT TYPE
PERMIT APPROVAL

AUTHORITY
PERMIT APPROVAL

REQUIREMENT

RELATED
REPORT
SECTION

SOLID WASTE PERMITS

Waste Disposal Facility Permit State Environmental
Agency

Prior to Construction/
Mobilization 3.2.3

Notice of Intent to Construct a
Sanitary Septic System Local Health Department Prior to Installation No Information

Provided

OTHER PERMITS

Endangered Species Clearance
Letter & Permit U.S. Fish and Wildlife Prior to Construction/

Mobilization 3.5

National Historical Preservation
Act Clearance Letter

State Historic Preservation
Office (SHPO)

Prior to Construction/
Mobilization

3.5

The Resource Conservation and Recovery Act (RCRA) was enacted to ensure safe disposal of
the huge volumes of solid waste generated nationwide. The broad goals of RCRA are to protect
human health and the environment, to conserve energy and natural resources and to reduce or
eliminate the amount of waste generated, including hazardous waste. Several categories of
permits are issued and regulatory standards for each category define operating requirements and
various provisions specific to the permitting need. Categories include: operating permits,
research, development, and demonstration permits; post-closure permits; emergency permits;
permit-by-rule permits; combustion permits, land treatment demonstration permits, and remedial
action plans. As discussed previously, IGCC wastes are generally expected to be permitted
under Subtitle D, as non-hazardous waste.

3.4.3 Review of Existing State Coal Combustion Byproducts Regulations and Permitting
Applicable to Gasification-Based Power Systems

As stated previously, individual states have the option to outline standards and regulations that
are at least as stringent as federal standards, and may be more stringent, and they will sometimes
permit individual counties to outline specific standards that are more stringent than both state and
federal levels. Solid waste handling for Subtitle D non-hazardous waste materials is typically
handled at the state level.
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Currently 45 states duplicate the federal exemption of FFC wastes from hazardous wastes. Five
states (California, Kentucky, Maine, Tennessee, and Washington) do not categorically exempt
FFC wastes from hazardous waste requirements and either regulate as “special” waste or subject
those wastes to hazardous waste characteristic tests and appropriate state handling and disposal
procedures. For the handling of hazardous wastes, states may determine their own permitting
and siting requirements but must be at least as stringent as those outlined by Subtitle C (42
U.S.C.A. § 6929).

Most states currently do not have specific regulations addressing the use of CUBs and requests
for CUB uses are handled on a case-by-case basis or under generic state recycling laws or
regulations. Many states have “generic” laws and regulations that authorize limited reuse and
recycling of hazardous and/or solid wastes. These generic laws do not apply specifically to
CUBs or any other materials. Classification of combustion wastes as CUBs and the allowable
beneficial uses can vary widely from state to state. Some states include the same fossil fuel
wastes as in the federal definition of CUBs while other states exclude a particular component or
include co-burned wastes including tire derived fuels and/or wood. Often, regulation may fall
under one or several state regulatory agencies, depending on the specific use or application of
CUBs.

Complete analysis of state and county regulatory plans is beyond the scope of this report. This
information is included to provide summary state level regulatory information as it may apply to
gasification-based power systems. Primary attention is focused on the classification and
utilization of CUBs, and particular focus is directed at states that currently have IGCC facilities.
An attempt is made to indicate where state standards differ from federal standards. However, no
attempt is made to analyze the permitting process or enforcement provisions in individual state
summaries. While every effort is made to include the most recent regulatory status, interested
parties should contact the appropriate state regulatory agency for more information.

3.4.3.1 Florida39

The primary solid wastes of concern for coal-based gasification power systems are large volume
CUBs and the co-management of small volume wastes with CUBs. Florida regulations adopt the
federal regulations which exempt fly ash, bottom ash, slag and flue gas emission control waste
generated primarily from the combustion of coal or other fossil fuels from regulation as
hazardous waste (40 CFR 261.49(b)(4), 62-730.030 F.A.C.). CUBs are regulated as solid waste
if disposed of and may be regulated as industrial byproducts if the CUBs are utilized within one
year, if there is no release or threat of release into the environment, and if the facility is
registered with the Department of Environmental Protection to allow for such recovery of CUBs
(FAC 62-701.220(2)(c) F.A.C.). Reuse of all CUBs is not specifically authorized under Florida
law. However, ash residue from CUBs is specifically authorized for use in concrete under
Florida statute 336.044(2)(b). Until national regulations are promulgated, Florida will continue
to be responsible for implementation of Subtitle D disposal of CUBs.

3.4.3.2 Indiana39

Indiana Code IC 13-11-2-109.5 defines industrial wastes as a solid waste that is not 1) a
hazardous waste, 2) a municipal waste, 3) a construction/demolition waste or 4) an infectious
waste as defined elsewhere in Indiana Code. The disposal of such wastes is subject to Federal
Subtitle D regulations specified in 40 CFR §228, with certain provisions for small quantities and
specially permitted disposal sites (IC 13-20-7.5-1). Any waste determination required for non-
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exempt wastes are the responsibility of the generator, and specific guidelines are outlined in 326
IAC 10.

Indiana Code (IC 13-19-3-3) specifically exempts coal combustion wastes from solid or
hazardous waste regulations, if the waste is not included in the definition of hazardous wastes
and meets the Federal exemption under 42 U.S.C.A. § 6921. In order to maintain the categorical
exemption the waste must also be disposed of at a facility regulated as a surface coal mining
facility. Additional exemptions from solid waste regulations are also provided for specific
beneficial uses of coal combustion fly or bottom ash alone or in mixture with flue gas
desulfurization byproducts generated by coal combustion units, or the use of boiler slag. The
allowable uses include:

• Use of bottom ash as anti-skid material

• Use of the waste as a raw material for manufacturing another product

• Use in mine subsidence, mine fire control, and mine sealing

• Use as structural fill when combined with cement, sand, or water to produce a controlled
strength fill material

• Use as a roadbase in construction

• Extraction or recovery of materials and compounds from the coal ash.

3.4.3.3 Louisiana39

Under Louisiana regulations, fly ash, bottom ash, slag and flue gas emission control waste
generated solely from the combustion of coal or other fossil fuels are exempt from regulation as
hazardous waste (LAC 33:V.105(D)(2)(d)). Additionally, Louisiana specifically exempts from
regulation as hazardous waste gasifier ash and process waste water resulting from coal
gasification, categorizing this ash as solid waste resulting from the processing of ores and
minerals (LAC 33:V.105(D)(2)(h)(ii)). These materials are, however, regulated as industrial
solid wastes (LAC 33:VII.115). Louisiana does not specifically address the reuse of coal
combustion by-products, but does require beneficial-use permits for land application of any solid
waste (LAC 33:VII.1103(A)). Additional site analysis, disposal and record keeping
requirements also exist. Louisiana code outlines recycling regulations (LAC 33:VII.Subpart 2)
that may be applicable to the reuse of CUBs as raw material or product.

3.4.3.4 States With a Large Base of Existing Coal-Fueled Electric Power Generation

TABLE 3-27 presents summary information of state level solid waste regulations for selected
states that currently have a significant number of coal-fueled electric generating units. These
states are Alabama, Georgia, Illinois, Kentucky, New York, Ohio, Pennsylvania, Tennessee,
Texas, and West Virginia. Qualitative generalizations are provided for the classification and
disposal of CUBs. More detailed information is provided in Appendix 3A.

3.4.4 Overview of Future Solid Waste Pollution Regulations Potentially Applicable to
Gasification-Based Power Systems

Continued interest in trace level hazards and toxics, including mercury, may impact the reuse and
disposal of fossil fuel combustion waste. EPA has continued to support the Bevill exemption for
large volume fossil-fuel wastes and the recent ruling of exemption for associated fossil-fuel
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process wastes has demonstrated support for the beneficial reuse of these wastes. National level
RCRA Subtitle D requirements for the disposal of fossil fuel combustion wastes are expected to
be proposed in the near future and will have a direct effect on the onsite storage and subsequent
disposal of these wastes.

TABLE 3-27. CUB REGULATIONS FOR SELECTED STATES

STATE COAL COMBUSTION BYPRODUCT REGULATIONS

Alabama
Exempt from regulation as hazardous waste. Also provisions for
exemption from designation as industrial solid waste. No specific
provisions for reuse.

Georgia Incorporate by reference federal exemption of CUBs from
hazardous designation. No specific provisions for reuse.

Illinois

Exempt from regulation as hazardous waste. Also provisions for
exemption from designation as industrial solid waste. Illinois law
specifically authorizes reuse. Provides a distinction between coal
combustion waste and coal combustion by-product with separate
regulations for reuse.

Kentucky

Exempt from regulation as hazardous waste. Fly ash, bottom ash,
and scrubber sludge from coal-fueled electric generating units are
classified as special waste. Kentucky specifically authorizes reuse
with certain provisions.

New York Exempt from regulation as hazardous waste. New York regulations
specifically include provisions for CUB reuse.

Ohio

Exempt from regulation as hazardous waste. Additionally, non-
toxic fly ash, bottom ash and slag are regulated as exempt waste.
The reuse of CUBs that are regulated as solid waste is not
specifically authorized. The reuse of non-toxic exempt waste is
however authorized.

Pennsylvania Adopts federal hazardous waste exemption by reference. Beneficial
reuse is authorized with certain provisions outlined.

Tennessee Exempt from regulation as hazardous waste. Fly ash, bottom ash,
and boiler slag may be reused under “permit by rule” regulation.

Texas

Adopts federal hazardous waste exemptions by reference. Texas has
issued a CUB reuse guidance that provides that under certain
circumstances, CUBs are not subject to designation as waste and
are designated as “co-products”.

West Virginia Exempt from regulation as hazardous waste. West Virginia includes
specific provisions for the reuse and disposal of CUBs.
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3.5 Additional Regulatory and Permitting Requirements

There are a variety of regulatory and permitting requirements that aren’t media-specific or apply
across media categories. Permits are typically required for construction and operation of
industrial facilities, and states frequently have statutes unique to each state. Many permit
requirements are included in an Environmental Impact Statement (EIS) if NEPA requirements
are applicable. In order to stay within the scope of this report, significant categories of permits
and regulations are only mentioned here in the context that they may be required.

3.5.1 Miscellaneous Industrial Permitting Requirements

The placement and use of industrial structures in navigable waters may require permitting under
the River and Harbor Act of 1899, along with certain provisions of the Clean Water Act. Land
use permits may be required under federal and state level statutes. Wetland and floodplain
regulations may also require permitting. Compliance with Federal and local air navigation
statutes and regulations are likely required due to the presence of high structures. Noise
ordinances may also require consideration and possibly permitting. Additionally, likely
biological impacts, including the impact on endangered and indigenous species, may require
permit compliance. Further, cultural resource impact considerations are required under federal
and state historic preservation statutes.

Local permits and approvals are also required for an IGCC project. These requirements typically
pertain to local zoning and building codes, comprehensive land use and shoreline plans, and local
development policies. Requirements will vary by jurisdiction. Operation of a solid waste
facility (landfill, transfer station, recycling facility, etc.) requires a Solid Waste Permit. These
permits are issued by local health departments, and are conditioned to ensure that these facilities
meet state and local laws governing solid waste. Requirements will vary by jurisdiction.

Development on tribal-reservation land may be subject to tribal laws. The appropriate tribal
planning office needs to be contacted prior to conducting activities on tribal land. When a
project is on non-tribal lands, but may affect treaty-reserved resources or areas of tribal
significance, agencies have an obligation and responsibility to consult with tribal governments
during the project review process. Mitigation may be required to protect treaty rights.
Prevention of damage to Indian graves or artifacts is required. Unlawful removal or mutilation
of artifacts or burial sites is typically punishable as a felony under state law.

3.5.2 Reporting and Emergency Planning Regulations

In addition to control and handling measures outlined in the specific pollution control acts,
several regulations outline reporting requirements. Electric utilities that “burn” coal and/or oil
are required (62 FR 23834) to report under the Emergency Planning and Community Right-to-
Know Act (EPCRA, 42 U.S.C.A. §§ 11001 to 11050). Under 42 U.S.C.A. §11023, subject
industries are required to complete a toxic chemical release form for each toxic chemical listed
on the Toxic Release Inventory (TRI) and was manufactured, processed or otherwise used in
quantities beyond a threshold amount in the previous calendar year. Certain compounds,
including mercury, are categorized as a reportable persistent bioaccumulative toxic (PBT)(64 FR
58666) and require compliance regardless of the amount emitted. Industries required to report
under 42 U.S.C.A. §11023 are also required to comply with the Pollution Prevention Act (PPA,
42 U.S.C.A. §§ 13101 to 13109). The PPA focuses attention on source reduction of pollution
through cost effective changes in the product production, facility operation and raw material use.
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Additionally, EPCRA requires the generation of emergency response plans and requires
emergency notifications for releases of hazardous and highly hazardous substances outside the
perimeter of the facility (42 U.S.C.A. §§ 11003 and 11004). These regulations are linked closely
to the Comprehensive Environmental Response, Compensation, and Liability Act (CERCLA, 42
U.S.C.A. §§ 9601 to 9675). 42 U.S.C.A. §§ 9601 and 9602 outline what compounds constitute a
highly hazardous substance. Compounds of known emitted hazardous elements (compounds of
mercury for example) may require compliance with these statutes. Additionally, facilities
subject to OSHA required MSDS preparation for hazardous chemicals are also required to
comply with reporting requirements outlined by EPCRA Subchapter II.

3.5.3 NEPA Requirements for Federally Funded Facilities

The National Environmental Policy Act of 1969 (NEPA) applies to all Federal Agencies and to
Federal Actions that may significantly effect the environment. The types of Federal activities
that subject NEPA requirements to fossil fuel electric power generating facilities include siting,
construction, and operations of federally owned facilities, federally issued NPDES, RCRA, and
air permits, and federally issued operating licenses. NEPA requires that each Federal activity
follow certain environmental review procedures. Depending on the information available, either
an environmental impact statement (EIS) or an environmental assessment (EA) must be
prepared. The outcome of the detailed statements determines whether there is no significant
impact, or whether alternative actions are required. For outcomes of no significant impact, the
preparation of a finding of no significant impact (FONSI) is required.



Existing and Future Environmental Regulations Affecting the Siting and Operation of Gasification-Based Power
Systems

DECEMBER 2002 U.S. DOE/NETL3-62

3.6 Section 3 References
1 Rubin, E., “Implications of Future Environmental Regulation of Coal-Based Electric Power,” Annual Rev. Energy,
14:19-45, 1989.
2 Pahl, D., “EPA’s Program for Establishing Standards of Performance for New Stationary Sources of Air Pollution,
U.S. EPA, Journal of the Air Pollution Control Association, Volume 33, No. 5, May 1983.
3 NSR 90 Day Review Background Paper June 22, 2001, Docket A-2001-19, Document II-A-01.
4 Earth-Tech Web site, http://www.calgrid.net/calpuff/calpuff1.htm.
5 “Analysis of Potential Impact of Reduction of NOx Limits From 9ppm to 2.5ppm of the Advanced Turbine
Systems Program,” Report prepared by K&M Engineering and consulting Corporation for DOE’s National Energy
Technology Laboratory, January 2001.
6 “EPA Acid Rain Program Manual,” U.S. Environmental Protection Agency Clean Air Markets Division,
Washington, D.C., February 14, 2001.
7 Petition for Rehearing and Petition for Rehearing En Banc for the United States Environmental Protection Agency
Nos. 97-1440 and 97-1441 and consolidated cases.
8 EPA Acid Rain Permitting Fact Sheet (http://www.epa.gov/airmarkets/arp/permits/factsheet. html), Last Accessed
October 2001.
9 Tampa Electric Company, Polk Power Station Permit Application Appendix BD-2001, Best Available Control
Technology Determination (BACT) For NOx, PSD-FL-194 and PA92-32, Table 1, revised January 31, 2002.
10 State of Florida, Department of Environmental Protection, Notice of Final Permit, Facility ID No. 0500233 – DEP
Permit No. PSD-FL-194F, Polk Power Station, Polk County, January 31, 2002. See
http://www.dep.state.fl.us/air/permitting/construct.htm.
11 U.S. Environmental Protection Agency, “Mercury Study Report to Congress, Office of Air Planning and
Standards and Office of Research and Development,” U.S. Environmental Protection Agency, EPA-452/R-97-010,
December 1997.
12 U.S. Environmental Protection Agency, “Study of Hazardous Air Pollutant Emissions from Electric Utility Steam
Generating Units -- Final Report to Congress,” Office of Air Quality Planning and Standards, U.S. Environmental
Protection Agency, EPA-453/R-98-004a, February 1998.
13 Lockwood, D and T. Royer, “Permitting and Regulatory Issues Associated with Development of an IGCC
Project,” Proceedings of Gasification Technologies Conference 2001, San Francisco, CA., October 7-10, 2001.
14 U.S. Environmental Protection Agency, “Public Involvement in Environmental Permits,” EPA-500-R-00-007
August 2000, http://www.epa.gov/permits.
15 Bradshaw, D.T., and Miller, W.T., "Benefits and Risks of Utilities Co-firing Refuse Derived Fuel with Coal in
Existing Coal-Fired Boilers," Proceedings American Power Conference, 50, 111, 1988.
16 Ratafia-Brown, J., et al., “Waste Fuel Co-Firing With Coal In Utility Boilers: Background Document For Program
Development,” Report prepared for DOE Pittsburgh Energy Technology Center, May 1995.
17 “Best Available Control Technology Determination (BACT) for NOx” - Prepared by Michael P. Halpin, P.E.
Review Engineer, Bureau of Air Regulation, State of Florida, 2001.
18 Staff of Wabash River Energy Ltd., “Wabash River Coal Gasification Repowering Project-Final Technical
Report,” Prepared under Cooperative Agreement with DOE: DE-FC21-92M29310, August 2000.
19 Louisiana Department of Environmental Quality web page (http://www.deq.state.la.us/ permits/air/ atoxfact.htm .)
20 Louisiana Department of Environmental Quality web page (http://www.deq.state.la.us/ permits/air/la_taps.htm).

http://www.calgrid.net/calpuff/calpuff1.htm
http://www.epa.gov/airmarkets/arp/permits/factsheet.html
http://www.dep.state.fl.us/air/permitting/construct.htm
http://www.epa.gov/permits
http://www.deq.state.la.us/permits/air/atoxfact.htm
http://www.deq.state.la.us/permits/air/la_taps.htm


Existing and Future Environmental Regulations Affecting the Siting and Operation of Gasification-Based Power
Systems

DECEMBER 2002 U.S. DOE/NETL3-63

21 Krause, T. and William Rosenquist, “Environmental Control Technologies for our Next Generation of Coal
Plants,” Technical paper by Sargent & Lundy presented at the Air and Waste Management’s Mega Symposium,
August 2001.
22 EPA Technology Transfer Network (http://www.epa.gov/ttn/atw/nata/).
23 Simbeck, D.R., Korens, N., Biasca, F.E., Vejtesa, S, and Dickenson, R.L., “Coal gasification Guidebook: Status,
Applications, and Technologies,” SFA Pacific, INC. Mountain View, CA., Report Number: EPRI-TR-102034.
24 “EPA Report to Congress: Wastes from Combustion of Fossil Fuels, Volume 2-Methods, Findings and
Recommendations,” Office of Solid Waste and Emergency Response, U.S. Environmental Protection Agency, EPA-
530-R-010, March 1999.
25 U.S. Environmental Protection Agency, “Quality Criteria for Water (the “Red” Book),” Office of Water and
Hazardous Materials, Washington, D.C., GPO #055-001-01049-4, 1976.
26 U.S. Environmental Protection Agency, “Water Quality Standards Handbook-Second Edition,” Office of Water
(4305), Washington, D.C., EPA-823-8-94-005a, 1994.
27 Sacher, J., Currey, G., “EPA Water Permitting 101” (accessed from EPA Office of Wastewater Management
website http://www/epa.gov/owm/101pape.htm October 2001).
28 EPA Office of Wastewater Management Web Page,
(http://www.epa.gov/npdes/stormwater/swphase1.cfm?program_id=6) Last accessed October 2001.
29 EPA Office of Water Website (http://www.epa.gov/safewater/mcl.html). Last accessed October 2001.
30 Specialty Technical Publishers “Environmental State Differences - Regulatory Differences Summary” [CD-ROM]
Version 2001-3.
31 Paulic, M., Hand, J., Lord, L., “1996 Water-Quality Assessment for the State of Florida, Section 305(b) Main
Report,” Florida Department of Environmental Protection, December 1996.
32 “Cooling Water Intake Structures at New Facilities – Final Rule,” EPA Fact Sheet, EPA-821-F-01-017,
November 2001
33 Federal Register Vol. 65, No. 155
34 “Technical Development Documentation for the Final Regulations Addressing Cooling Water Intake Structures
for New Facilities,” Office of Science and Technology, Engineering and Analysis Division, U.S. Environmental
Protection Agency, EPA-821-R-01-036, November 9, 2001
35 Copeland, C. “Clean Water Issues in the 107th Congress: An Overview,” Congressional Research Service Report
for Congress. January 5, 2001.
36 EPA Fact Sheet Final TMDL Rule: Fulfilling the Goals of the Clean Water Act, July 2000, EPA Document ID
841-F-00-008.
37 National Energy Technology Laboratory Environmental & Water Resources Website,
(http://www.netl.doe.gov/coalpower/environment/water/index.html).
38 “RCRA Orientation Manual” Office of Solid Waste and Emergency Response, U.S. Environmental Protection
Agency, EPA 530-R-98-004, May 1998.
39 American Coal Ash Association, “State and Federal Environmental Framework Governing the Use of Coal
Combustion Products (CCPs),” American Coal Ash Association (ACAA), 2000.

http://www.epa.gov/ttn/atw/nata
http://www.epa.gov/owm
http://cfpub.epa.gov/npdes/home.cfm?program_id=6
http://www.epa.gov/safewater/index.html
http://www.netl.doe.gov/coalpower/environment/water/index.html


APPENDIX 1A

DESCRIPTION OF COMMERCIAL GASIFICATION SYSTEMS



Appendix 1A - Description Of Commercial Gasification Systems

DECEMBER 2002 U.S. DOE/NETL1A-1

1A DESCRIPTION OF COMMERCIAL GASIFICATION SYSTEMS

Gasification-based power generation systems can incorporate any one of a number of different 
gasifier designs.  This appendix reviews those gasification technologies that are predominantly 
used in commercial applications for power generation and have been extensively evaluated and 
tested.  These are listed below in TABLE 1A-1, and are identified by vendor, type, form of fuel 
feed and oxidant, along with some major installations that use coal, petcoke, RDF, and heavy oil 
feedstocks.  The sections that follow provide a detailed description of these gasifiers.

TABLE 1A-1.  GASIFIER TECHNOLOGY SUPPLIERS

TECHNOLOGY
SUPPLIER

GASIFIER
TYPE

SOLID FUEL 
FEED TYPE

OXIDANT POWER
INSTALLATIONS

ChevronTexaco, USA Entrained Flow Water Slurry O2

Tampa Electric IGCC Plant, 
Cool Water IGCC Plant, 
ChevronTexaco-Eldorado
IGCC Plant, Eastman
Chemical, Ube Industries, 
Motiva Enterprises, Deer 
Park

Global Energy E-GAS,
USA Entrained Flow Water Slurry O2

Wabash River IGCC Plant 
and Louisiana Gasification 
Technology IGCC Project 

Shell, USA/The 
Netherlands Entrained Flow N2 Carrier/Dry O2

Demkolec IGCC plant, 
(Buggenum, Netherlands), 
Shell-Pernis IGCC Plant 
(Netherlands), Harburg

Lurgi, Germany Moving Bed Dry Air Sasol Chemical Industries 
and Great Plains Plants

British Gas/Lurgi, 
Germany/U.K. Moving Bed Dry O2

Global Energy 
Power/Methanol Plant 
(Germany)

Prenflo/Uhde,
Germany Entrained Flow Dry O2

Elcogas, Puertollano IGCC 
Plant (Spain), Fürstenhausen 
in Saarland

Noell/GSP, Germany Entrained Flow Dry O2 Schwarze Pumpe, Germany

HT Winkler (HTW), 
RWE Rheinbraun/ 

Uhde, Germany
Fluidized Bed Dry Air or O2 None

KRW, USA Fluidized Bed Dry Air or O2
Sierra Pacific (Nevada,
U.S.A.)

1A.1 ChevronTexaco Entrained-Flow Gasifier1

ChevronTexaco gasification technology uses a single-stage, downward-feed, entrained-flow
gasifier (see FIGURE 1A-1) in which fuel/water slurry (e.g., 60-70% coal) and 95% pure oxygen 
(from an air separation unit) are fed to a hot, pressurized gasifier.  Slurried feedstock is pumped 
to a specially designed injector mounted at the top of the refractory- lined gasifier. The fuel and 
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oxygen react exothermally at a temperature ranging from 2200o to 2700°F (1204o to 1482o C), 
and a pressure greater than 20 atmospheres, to produce raw fuel gas (syngas) and molten ash 
(slag).  Operation at the elevated temperatures eliminates the production of hydrocarbon gases 
and liquids in the syngas.  In the syngas cooler design-type, the hot gas flows downward into a 
radiant syngas cooler where high-pressure steam is produced.  The syngas cooler is specifically
designed to meet the conditions of high thermal gradients and the ability to handle soot.  The 
syngas passes over the surface of a pool of water at the bottom of the radiant syngas cooler and 
exits the vessel.  The slag drops into the water pool and is fed from the radiant syngas cooler 
sump to a lock hopper. The black water flowing out with the slag is separated and recycled after 
processing in a dewatering system.  The slag is eventually removed through a lockhopper.  This 
design configuration maximizes heat recovery for steam production, as well as CO production, 
which is appropriate for an IGCC application. 

Upon exiting the gasifier, a water scrubber further cools and cleans the syngas, and the fine 
particulate matter and char may be recycled to the gasifier.  A sulfur recovery system may also 
be added.  After the gasifier converts organic materials into syngas, the cooled, water-scrubbed
syngas, consisting mainly of hydrogen and carbon monoxide, essentially contains no
hydrocarbons heavier than methane. Metals and other ash constituents become part of the glassy 
slag.

FIGURE 1A-1.  ChevronTexaco GASIFIER

An alternate design to the use of a radiant syngas cooler is the use of an exit gas quench.  In this 
design mode, the hot gas exiting the reaction chamber is contacted with water via a quench ring 
followed by immersion into the water in the lower portion of the gasifier vessel.  The syngas is 
cooled by direct contact, exits the gasifier saturated with water, and enters a scrubber for 
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particulate and soot removal.  This design provides an effective mechanism to add water to the 
syngas to promote the water-gas shift reaction and maximize hydrogen production.  The quench 
design mode is often used to accommodate heavy hydrocarbon feedstock.
The ChevronTexaco technology has operated commercially for over 40 years with feedstocks 
such as natural gas, heavy oil, coal, and petroleum coke.  There are currently 60 commercial 
plants in operation: 12 using coke and coal, 28 using oil, and 20 using a gas feedstock.  This 
technology was used in the groundbreaking Cool Water IGCC project, the first large-scale IGCC 
power plant, and it is incorporated into Tampa Electric’s Polk IGCC power plant. 
1A.2 E-GAS Entrained-Flow Gasifier2

The E-GAS (formerly Destec) coal gasifier, depicted in FIGURE 1A-2, is a slurry-feed,
pressurized, upflow, entrained slagging gasifier whose two-stage operation makes it unique.  Wet 
crushers produce slurries with the raw feed coal.  Dry coal slurry concentrations range from 50 to 
70% by weight, depending on the inherent moisture and quality of the feed coal.  About 75% of 
the total slurry feed is fed to the first (or bottom) stage of the gasifier. This slurry is combined 
with 95% pure oxygen (from an air separation unit) in mixer nozzles and injected into the first 
stage of the gasifier, which operates at 2600°F and 400 psig. This stage is best described as a 
horizontal cylinder with two horizontally opposed injectors. The highly exothermic
gasification/oxidation reactions take place rapidly at temperatures of 2400o to 2600o F (1315o to 
1427o C).  Operation at the elevated temperatures eliminates the production of hydrocarbon gases 
and liquids in the product gas.

FIGURE 1A-2.  E-GAS GASIFIER
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The hot raw gas from the first stage enters the second (top) stage, which is a vertical cylinder 
perpendicular to the first stage.  The remaining 25% of the coal slurry is injected into the hot raw 
gas.  The endothermic gasification/devolatilization reactions in this stage reduce the final gas 
temperature to about 1900°F and add some hydrocarbons to the product gas.  Char is produced in 
the second stage.  However, the yield of this char is relatively small because only about 25% of 
the coal is fed to the second stage.  Char yield is dependent on the reactivity of the feed coal and 
decreases with increasing reactivity.  The char is recycled to the hotter first stage, where it is 
readily gasified.
The 1900° F (1038o C) hot gas leaving the gasifier is cooled in a fire-tube product gas cooler 
(high temperature heat recovery unit or HTHRU) to 1100° F, generating saturated steam, which 
is sent to the steam turbine. After cooling in the HTHRU, particulates and chlorides in the 
syngas are removed in a wet scrubber and the char is recycled to the gasifier where the carbon in 
the char is converted to syngas.  The syngas is then treated to remove carbonyl sulfide and 
hydrogen sulfide prior to being sent to an energy conversion device, such as a gas turbine.

The E-Gas technology was originally demonstrated at the LGTI IGCC plant, sometimes called 
the Dow Syngas Project, but is no longer operated.  It is currently incorporated into the Wabash 
River IGCC plant, which began operation in 1995 and has gasified over two million tons of 
bituminous coal (up to 5.9% sulfur) and petroleum coke (up to 7% sulfur) during its nearly seven 
years of operation.

1A.3 Shell Entrained Flow Gasifier 1

The Shell Gasification Process, as shown in FIGURE 1A-3, is a dry-feed, pressurized, entrained 
slagging gasifier that can operate on a wide variety of feedstocks.3  Feed coal is pulverized and 
dried with the same type of equipment used for conventional pulverized coal boilers.  The coal is 
then pressurized in lock hoppers and fed into the gasifier with a transport gas by dense-phase
conveying.  The transport gas is usually nitrogen; however, product gas can be used for synthesis 
gas chemical applications, where nitrogen in the product gas is undesirable.  The oxidant, 95% 
pure oxygen from an air separation unit, is preheated to minimize oxygen consumption and 
mixed with steam as moderator prior to feeding to the fuel injector.  The coal reacts with oxygen 
at temperatures ranging from 2700o to 2,900°F (1500o to 1600o C), and pressures ranging from 
350 to 650 psi, to produce a syngas principally composed of hydrogen and carbon monoxide, 
with little carbon dioxide.  Operation at the elevated temperatures eliminates the production of 
hydrocarbon gases and liquids in the product gas. 

The high-temperature gasification process converts the ash into molten slag, which runs down 
the refractory-lined water wall of the gasifier into a water bath, where it solidifies and is removed 
through a lock hopper as slurry in water.  Some of the molten slag collects on the cooled walls of 
the gasifier to form a solidified protective coating.  The crude raw gas leaving the gasifier at 
2,500-3,000°F contains a small quantity of char and about half of the molten ash.  To make the 
ash non-sticky, the hot gas leaving the reactor is partially cooled by quenching with cooled 
recycle product gas (not shown in figure).  Further cooling takes place in the waste heat recovery 
(syngas cooler) unit, which consists of radiant, superheating, convection, and economizing 
sections, where high-pressure superheated steam is generated.  The syngas is further cooled 
before particle removal in a wet scrubber.  The syngas is then treated to remove carbonyl sulfide 
and hydrogen sulfide prior to being sent to an energy conversion device, such as a gas turbine.
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FIGURE 1A-3.  SHELL GASIFICATION PROCESS 3

Shell’s experience with gasification dates back to the 1950s, when the first Shell Gasification 
Process (SGP) units were commissioned.4 In 1972, Shell started development work on a
gasification process for coal (SCGP). Following experience with a 6 ton/day pilot plant in
Amsterdam, in 1978, Shell started operation of a 150-ton/day demonstration plant operated by 
Deutsche Shell at Harburg near Hamburg, Germany.  Shell used the experience gained to 
construct a plant at its existing petrochemicals complex at Deer Park in Houston, USA.  This 
plant was sized to gasify 250 tons/day of bituminous coal or 400 tons/day of high-moisture, high-
ash lignite.

The Deer Park gasifier went into operation in 1987, and proved the ability of the SCGP to gasify 
a wide range of coals.  In 1989 the SCGP was chosen for a 250 MWe IGCC plant at Buggenum, 
The Netherlands, and has been in operation since 1993.  The Shell-Pernis IGCC plant, using 
heavy oil as a feedstock, started operation in 1997.  It produces 127 MWe of power, as well as 
hydrogen.

1A.4 Lurgi Dry Ash Gasifier

The Lurgi dry-ash gasifier, shown in FIGURE 1A-4, is a pressurized, dry ash, moving-bed
gasifier.  Its major features are that it is a moving bed process that uses steam and (normally) O2
as the oxidants.  Like the BG/L gasifier (see Section 1A.5), it runs on lump coal rather than 
pulverized fuel and, like the BG/L system, it produces tars.  The major difference between the 
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Lurgi dry-ash gasifier and the BG/L slagging gasifier is that the former uses a much greater ratio 
of steam to O2 as oxidant (perhaps 4-5:1 for the former compared with ~0.5:1 for the latter).  The 
result of this is that the temperature in the dry-ash system is kept sufficiently low at all points 
that the ash does not melt but is removed as a dry ash. The lower temperature of the dry-ash
system means that it is suited more to reactive coals, such as lignites, than to bituminous coals.4

FIGURE 1A-4.  LURGI DRY-ASH GASIFIER4

Sized coal enters the top of the gasifier through a lock hopper and moves down through the bed.
A rotating coal distributor ensures even distribution of coal around the reactor. Steam and 
oxygen enter at the bottom and react with the coal as the gases move up the bed.  Ash is removed 
at the bottom of the gasifier by a rotating grate and lock hopper.  The coal moves slowly down 
the gasifier.  As its does so, it is warmed by the syngas flowing upwards through the bed; thus 
the coal is sequentially dried and devolatilized (the devolatilisation forms tars and phenols), then 
gasified.  The countercurrent operation results in a temperature drop in the reactor. Gas
temperatures in the drying and devolatization zone near the top are approximately 500° to 1000° 
F (260° - 538° C).   The very bottom of the bed, immediately above the grate, is the hottest part 
of the gasifier (~1000° C or 1832o F) and there any remaining coal is oxidized. The CO2
produced there reacts with carbon higher in the bed to form CO.
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The raw syngas produced exits the gasifier at a temperature of 570° to 932° F (300 to 500° C) 
and is cooled and quenched using recycle water quench to condense tar/oil.  A water jacket cools 
the gasifier vessel and generates part of the steam to the gasifier.  Sufficient steam is injected into 
the bottom of the gasifier to keep the temperature below the melting temperature of ash.1 Ash is 
removed by a revolving grate and depressurized in a lockhopper.
Lurgi GmbH developed the technology in the early 1930s as a means of producing so-called
town gas. The first commercial plant was built in 1936. Until 1950, the process was mostly 
restricted to lignites, but in the 1950s Lurgi and Ruhrgas collaborated to develop a process 
suitable for bituminous coals as well. Since then the Lurgi gasification process has been widely
used worldwide for producing Town Gas and syngas for a variety of purposes (e.g., NH3,
methanol, liquid fuel production).  Significant installations using this technology are the Great 
Plains SNG plant in North Dakota, USA, and the SASOL synfuels plant in South Africa.

1A.5  British Gas/Lurgi Moving-Bed Gasifier

The British Gas/Lurgi (BG/L) coal gasifier, shown in FIGURE 1A-5, is a dry-feed, pressurized, 
moving bed, slagging gasifier. The BG/L technology offers the following features:

• High gasification efficiency (carbon conversion), typically over 92%
• Use of run-of-the-mine coal or other carbon-based feedstock
• High thermal efficiency and simple heat exchanger for convenient heat recovery
• High gasifier throughputs, and
• A closed- loop system with no primary stack and no ash residue.

FIGURE 1A-5.  BRITISH GAS/LURGI MOVING BED GASIFIER5
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The reactor vessel is water-cooled and refractory- lined.  The gasifier is provided with a motor-
driven coal distributor/mixer to stir and evenly distribute the incoming coal mixture.  Oxygen 
and steam are introduced into the gasifier vessel through sidewall-mounted tuyeres (lances) at 
the elevation where oxidation and slag formation occur.

The coal mixture (coarse coal, fines, briquettes, and flux), which is introduced at the top of the 
gasifier via a lock hopper system, gradually descends through several process zones.  Coal at the 
top of the bed is dried and devolatilized. The descending coal is transformed into char, and then 
passes into the gasification (reaction) zone. Below this zone, any remaining carbon is oxidized, 
and the ash content of the coal is liquified, forming slag.  Slag is withdrawn from the slag pool 
by means of an opening in the hearth plate at the bottom of the gasifier vessel. The slag flows 
downward into a quench chamber and lock hopper in series. The pressure differential between 
the quench chamber and gasifier regulates the flow of slag between the two vessels.

Syngas exits the gasifier at approximately 1050°F through an opening near the top of the gasifier 
vessel and passes into a water quench vessel and a boiler feed water (BFW) preheater designed 
to lower the temperature to approximately 300°F.  Entrained solids and soluble compounds
mixed with the exiting liquid are sent to a gas- liquor separation unit.  Soluble hydrocarbons, such 
as tars, oils, and naphtha are recovered from the aqueous liquor and recycled to the top of the 
gasifier and/or reinjected at the tuyeres.
The BG/L gasifier was originally developed in the 1970s to provide a syngas with high methane 
content in order to provide an efficient means of manufacturing SNG from coal. It was
developed over about 15 years at British Gas’ Westfield Development Centre in Fife, Scotland,
initially to test the process for applicability to SNG manufacture and later for IGCC.  BG/L-
based IGCC plants include two at Fife Power in Scotland, one plant that generates 120 MWe 
from coal and sewage sludge, and a second, larger 400 MWe plant that gasifies coal and refuse 
derived fuel (RDF).  Global Energy intends to use BG/L gasifiers in two IGCC projects it is 
currently developing in Kentucky and Ohio.  The BG/L gasifiers were selected based on their 
capability to fire a combination of coal and refuse-derived fuel (RDF).

1A.6 Prenflo Entrained Bed Gasifier

The Prenflo gasification process, developed by Uhde (formerly Krupp Uhde) of Germany, is a 
pressurized, dry feed, entrained-flow slagging process.  The gasifier is shown in FIGURE 1A-6.
Coal is ground to approximately100µm and pneumatically conveyed by nitrogen to the gasifier. 
The gasifier structure is unusual in that it incorporates both the gasifier itself and the syngas 
cooler, with the internal surface of the wall being lined with refractory to protect the metal vessel 
from the hot syngas.  The coal is fed through injectors located in the lower part of the gasifier, 
together with O2 and steam.  Syngas is produced at a temperature of up to 2900o F (1600° C).
However, it is quenched at the gasifier outlet with recycled cleaned syngas to reduce its
temperature to about 1470o F (800° C). The syngas then flows up a central distributor pipe and 
down through evaporator stages before exiting the gasifier at about 716o F (380° C).  The slag 
formed during the gasification process flows down the gasifier walls to be quenched in a water 
bath and granulated before removal through a lockhopper system.  The slag provides a critical 
protective layer, which prevents diffusion of the gas through the refractory coating.
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FIGURE 1A-6.  PRENFLO ENTRAINED FLOW GASIFIER

Uhde built a 48 metric ton/day unit at Fürstenhausen in Saarland, Germany. Following this work, 
the Prenflo process was selected for the 318 MWe Puertollano IGCC plant in Spain, which uses 
coal and coke feedstocks.

1A.7 Noell Entrained Flow Gasifier

The Noell gasification process, originally developed by Deutsches Brennstoffinstitut Freiberg for 
the gasification of pulverized brown coal, is a pressurized, dry feed, entrained-flow slagging 
process.  The gasifier is shown in FIGURE 1A-7.  As shown, the reactants are fed in at the top of 
the gasifier. The oxygen-to-fuel ratio is trimmed to keep the gasification temperature at a level at 
which the inorganic matter melts, flows vertically downward in parallel with the gasification gas 
and leaves the gasifier through a special discharge unit.  The gasification chamber is enclosed by 
a cooling screen, which consists of a gas-tight membrane wall structure that is studded and 
refractory- lined with a thin layer of a special silicon carbide (SiC) ramming mass for protection. 
The liquid slag, which is thrown from the gasification chamber onto this cooling screen, cools
down and solidifies, thus, forming a compact slag layer. This solidified slag layer continues to 
grow in thickness until the ash fusion temperatures are exceeded. Then, slag hitting the wall 
remains in liquid condition, flows down the wall, and discharges at the bottom together with the 
syngas.

A reactor design that makes use of the above-described cooling screen requires gasification feeds 
with ash content of more than 1% by weight, thus allowing the solidified slag layer to regenerate 
continually. The cooling screen is not incorporated if the ash content is lower than 1%.  In such a 
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case, a cooled-wall reactor design is used, whereby a refractory lining replaces the missing slag 
layer.  A water-cooling jacket is substituted for the tube screen inside the pressure vessel.  The 
syngas outlet zone, where small quantities of ash may concentrate, is designed as a discharge 
unit of the cooling-screen type.  Low ash quantities enable partial quenching to temperatures of 
1470o F (800 ° C), with heat recovery steam generation.

FIGURE 1A-7.  NOELL ENTRAINED FLOW GASIFIER 6

Carbon conversion rates of more than 99 % have been achieved in the gasifier.  Depending on 
the intended use of the syngas produced, a direct-contact water spray quench system or an 
indirect-cooling heat recovery steam generator system may be installed downstream of the 
gasifier (not shown in figure).  This type of gasifier has been successfully operating at SVZ 
Schwarze Pumpe since 1984, first on brown coal and then on sludge, ash-containing oils and 
slurries.  A 40 MWe IGCC unit, fueled with coal and oil, has been operating at Schwarze/Pumpe
(Germany) since 1996. 
1A.8 High Temperature Winkler Gasifier

The High Temperature Winkler (HTW) gasifier, developed by Rheinbraun and shown in
FIGURE 1A-8, is a dry-feed, pressurized, fluidized-bed, dry ash gasifier.  A key advantage of the 
technology is the capability to gasify a variety of different feedstocks, including all grades of 
more reactive low-rank coals with a higher ash softening temperature (i.e., brown coal, more 
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reactive grades of black coal, both caking and non-caking types), and also various forms of 
biomass. Also, due to the high outlet temperature, the syngas does not contain any higher 
hydrocarbons, such as tars, phenols and other heavy and substituted aromatics.4

FIGURE 1A-8.  HT WINKLER FLUIDIZED BED GASIFIER4

Fuel (e.g., fine-grained coal) is pressurized in a lockhopper and then stored in a day- or charge-
bin before being fed continuously by screw-type feeder into the gasifier.  The bottom part of the 
gasifier comprises a fluidized-bed, the fluidizing medium being air or O2 and steam.  The bed is 
formed by particles of ash, semi-coke and coal, and is maintained in the fluidized state via 
upward flow of the gasification agent (e.g., air).  Gas plus elutriated solids flow up the reactor, 
with further air/O2 and steam being added in this region to complete the gasification reactions. 
Fine ash particulate and char, entrained in the crude syngas, is removed in a cyclone and cooled.
The solids removed in the cyclone are returned to the gasifier base to maximize carbon
conversion.  Ash is removed from the base of the gasifier by means of an ash screw.
The temperature in the base of the gasifier is kept at about 1470o to 1650o F (800o to 900° C); 
this is controlled to ensure that the temperature does not exceed the ash softening point.  The 
temperature in the freeboard above the bed itself can be significantly higher (1650o to 2000o F or 
900o to 1100° C).  The operating pressure can vary between 145 psi (10 bar) for syngas 
manufacture and 360 to 435 psi (25-30 bar) for an IGCC application.
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The HTW process was developed by Rheinbraun, which owns and operates several lignite mines 
in Germany’s Ruhr region.  Rheinbraun is still responsible for the development of the HTW 
process, but Uhde (formerly Krupp Uhde) is undertaking the marketing and supply.  The HTW 
gasifier has been applied commercially at 145 psi (10 bar) pressure for the gasification of
Rhenish lignite to syngas for methanol synthesis and for peat gasification in Finland for
ammonia synthesis.  An IGCC project is planned with the HT Winkler technology in Vresova, 
Czech Republic, utilizing the local lignite.4

1A.9 KRW Fluidized Bed Gasifier

The KRW gasification process, originally developed by M.W. Kellogg Company, is a
pressurized, dry feed, fluidized bed slagging process.  The gasifier design is shown in FIGURE
1A-9.  The KRW IGCC technology is capable of gasifying all types of coals, including high-
sulfur, high-ash, low rank, and high-swelling coals, as well as bio- or refuse-derived waste, The 
only solid waste from the plant is identified as a mixture of ash and calcium sulfate, a non-
hazardous waste.1

FIGURE 1A-9.  KRW FLUIDIZED BED GASIFIER1

Coal and limestone, crushed to below 1/4", are transferred from feed storage to the KRW 
fluidized-bed gasifier (Figure 1-7) via a lock hopper system.  Gasification takes place by mixing 
steam and air (or oxygen) with the coal at a high temperature.  The fuel and oxidant enter the 
bottom of the gasifier through concentric high velocity jets, which assure thorough mixing of the 
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fuel and oxidant and of the bed of char and limestone that collects in the gasifier.  Upon entering 
the gasifier, the coal immediately releases its volatile matter, which oxidizes rapidly, supplying 
the endothermic heat of reaction for gasification.  The oxidized volatiles form a series of large 
bubbles that rise up the center of the gasifier, causing the char and sorbent in the bed to move 
down the sides of the reactor and back into the central jet.  The recycling of solids cools the jet 
and efficiently transfers heat to the bed material. Steam, which enters with the oxidant and 
through a multiplicity of jets in the conical section of the reactor, reacts with the char in the bed, 
converting it to syngas.  At the same time, the limestone sorbent, which has been calcined to 
CaO, reacts with H2S released from the coal during gasification, forming CaS.

As the char reacts, the particles become enriched in ash.  Repeated recycling of the ash-rich
particles through the hot gas of the jet melts the low-melting components of the ash causing the 
ash particles to stick together.  These particles cool when they return to the bed, and this 
agglomeration permits the efficient conversion of even small particles of coal in the feed.  The 
velocity of gases in the reactor is selected to maintain most of the particles within the bed. The 
smaller particles that are carried out of the gasifier are recaptured in a high efficiency cyclone 
and returned to the conical section of the gasifier, where they again pass through the hot gas jet.
Eventually, most of the smaller particles agglomerate as they become richer in ash and gravitate 
to the bottom of the gasifier.  Since the ash and spent sorbent particles are substantially denser 
than the coal feed, they settle to the bottom of the gasifier, where they are cooled by a counter-
flowing stream of recycled gas, which both cools and classifies the material, sending lighter 
particles containing char back up into the gasifier jet. 
The char, ash, and spent sorbent from the bottom of the gasifier flow to the fluid-bed sulfator, 
where both char and calcium sulfide are oxidized.  The CaS forms CaSO4, which is chemically 
inert and can be disposed of in a landfill.  Most of the spent sorbent from the gasifier contains 
unreacted CaO.  Sulfur released from burning residual char in the sulfator is also converted to 
CaSO4.
Sierra Pacific Power Company installed a 99 MWe (net) IGCC demonstration at its Tracy
Station near Reno, Nevada that incorporated KRW’s air-blown pressurized fluidized-bed gasifier 
and hot-gas cleanup to produce low-Btu syngas.  Construction on the Pinon Pine project was 
completed in early 1995 and start-up occurred in mid-1996. However the scale-up of the air-
blown KRW gasifier to the 100 MW size has not been operationally successful. Problems have 
been attributed to the high degree of new technology, high scale-up factors on auxiliary
components, and some design and engineering deficiencies.7  However, the ability of the KRW 
coal gasification process to produce syngas of the quality predicted by design was successfully 
demonstrated.
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1B DESCRIPTION OF COMMERCIAL-SCALE IGCC POWER PLANTS

This appendix to Section 1 provides a description of the IGCC power plants identified in Section
1.3. These plants are listed below in TABLE 1B-1, which is the same as Table 1-4.

TABLE 1B-1. COMMERCIAL-SCALE IGCC POWER PLANTS

PLANT NAME
PLANT

LOCATION
OUTPUT

(MWe)
FEEDSTOCK

GASIFIER
TYPE

POWER
ISLAND

OPERATION
STATUS

U.S. IGCC PLANTS

Texaco Cool
Water

Daggett, CA
USA 120

Bituminous
Coal

(1,000 tpd)
Texaco CCG T – G E

7FE 1984 - 1988

Dow
Chemical/Destec

LGTI Project

Plaquemine,
LA USA 160 Subbituminous

Coal (2200 tpd)

E-Gas®

(formerly
Destec)

CCG T –
Westinghouse

501
1987 – 1995

Tampa Electric
Polk Plant

Polk County,
FL USA 250 Bituminous

Coal (2200 tpd) ChevronTexaco CCG T – G E
7FA 1996 - Present

PSI
Energy/Global
Energy Wabash

River Plant

West Terre
Haute, IN

USA
262

Bituminous
Coal and

Petroleum Coke
(2544 tpd)

E-Gas®

(formerly
Destec)

CCG T – G E
7FA 1995 - Present

FOREIGN IGCC PLANTS

NUON/Demcolec/
Willem-

Alexander

Buggenum,
The

Netherlands
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Coal and
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(2500 tpd)
Prenflo®

CCG T –
Siemens
V94.3

1998 - Present

CCGT – Combined Cycle Gas Turbine, tpd – short tons per day

1B.1 Description of the Cool Water IGCC Project

The Cool Water IGCC project, operated at Southern California Edison’s Cool Water generation
station, successfully demonstrated the use of the Texaco coal gasification process for IGCC
applications while achieving a high level of operability, availability, and environmental
performance. The plant was the first of its type to be operated by conventional electric utility
staff, and was the first commercial-sized Texaco gasifier used with a syngas cooler. The
successful performance of this first-generation IGCC plant was a highly significant factor in
moving the technology towards commercialization. The major sponsors of this project were
EPRI, Southern California Edison, Texaco, General Electric, Bechtel and a Japanese Consortium
(Toshiba, CRIEPI, IHI and Tokyo Electric).1 Appendix 1A, Section 1A.1 provides a description
of the ChevronTexaco (formerly Texaco) gasification process.

The gross combined cycle power generation capacity of the plant was 120 MWe, with a net
production capacity of 96 MWe based on auxiliary power demand of 7 MW and oxygen plant
power of 17 MW. The net heat rate of the plant was 11,300 Btu/kWh. The relatively high heat
rate primarily resulted from use of a combustion turbine that had a low firing temperature (1,985o
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F or 1,085o C), and a steam cycle that operated at a high condenser temperature with no reheat.
FIGURE 1B-1 presents a process flow diagram for the Cool Water plant. ChevronTexaco
gasification technology uses a single-stage, downward-feed, entrained-flow gasifier. The plant’s
two gasifiers were similar in design, but differed in the way they recovered sensible heat from
the hot raw synfuel. The operating gasifier included syngas heat exchange cooling, while the
spare gasifier utilized a direct water quench to cool the syngas. Appendix 1A.1 describes the
operation of both types of ChevronTexaco gasifiers. A description of the plant’s operation is
provided below.

1,000 tons per day of bituminous feed coal was initially crushed to 100% minus ¾ inch by cage
mills, followed by final crushing in wet rod/ball mills. Coal-water slurry was prepared with a
maximum concentration of about 60-65 weight percent solids in a wet grinding process. The
slurry was introduced with oxygen into the Texaco gasifier (FIGURE 1B-1), where partial
oxidation of the coal took place at about 600 psig and 2500°F (1371o C). The gasifier yielded a
mixture of mainly carbon dioxide, carbon monoxide, and hydrogen gases, with sulfur primarily
in the form of hydrogen sulfide. A relatively inert slag containing most of the mineral matter of
the coal passed from the gasifier into a pool of water in the bottom of the radiant cooler. The
slag was taken out periodically through a lockhopper system. The seal at the bottom of the
radiant cooler was maintained by water, which was recycled. The syngas, after cooling in the
radiant and convective coolers, passed through a carbon scrubber, where a water spray removed
most of the particulates and further cooled the gas. After additional cooling to ambient
temperature, the gas flowed to a sulfur-removal unit, where a solvent removed the hydrogen
sulfide and, therefore, most of the sulfur from the stream. The relatively particle-free and sulfur-
free syngas, at 265 Btu/scf (dry), was saturated with hot water for NOx control purposes,
preheated, and then fired in a GE frame 7E combustion turbine at 1,985o F. The water-
quenching process suppressed NOx formation by reducing the gas combustion temperature, and it
also increased the turbine power output by adding to the mass flow in the gas turbine combustor.
The combustion turbine generated about 65 MW of electricity (54% of gross generation). Hot
combustion gases from the gas turbine then passed through the heat recovery steam generator
(HRSG), where they produced additional steam as they dropped in temperature to about 400°F
(227o C). The steam turbine generated about 55 MW of electricity.

The Cool Water system was unique in that it was designed to accommodate the gasification and
processing of both low-sulfur and high-sulfur coals. When operating with a high-sulfur coal,
acid gas removal was accomplished via the Selexol process, with a hydrolysis unit used to
convert COS to H2S. A Claus unit, equipped with a SCOT tailgas process, converted the H2S
leaving the Selexol unit to elemental sulfur. When operated with low-sulfur coal, which yielded
an acid gas with only about 4% H2S, a second, low-pressure amine removal process was also
used, thereby requiring an extra absorber and a large stripper. Overall recovery of sulfur was
97% for low-sulfur coal and 99% for high-sulfur coal. The Cool Water plant was operated
successfully with Utah run-of-mine coal with 0.4% sulfur, Illinois #6 coal with 3.1% sulfur, and
Pittsburgh #8 coal with 2.9% sulfur. The sulfur removal process in the plant yielded about 99.6%
pure elemental sulfur. Average HRSG stack emissions are presented in TABLE 1B-2 for the
different coal-types tested at the plant.2
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FIGURE 1B-1. COOL WATER IGCC PLANT PROCESS FLOW DIAGRAM 3
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TABLE 1B-2. EMISSIONS FROM THE COOL WATER PLANT HRSG2 (lb/106 Btu)

High Sulfur
Coal SO2

Low Sulfur
Coal SO2

NOx CO Particulate
Matter

Permit and
Regulatory Limit 0.16 0.033 0.13 0.07 0.01

Utah coal - 0.018 0.07 0.004 0.001

Illinois #6 0.068 – 0.094 0.004 0.009

Pittsburgh #8 0.122 – 0.066 <0.002 0.009

Federal NSPS 0.6 0.24 0.6 – 0.03

1B.1.1 Cool Water Plant Status

Southern California Edison (SCE) operated the Cool Water plant between May 1984 and
December 1988. Low natural gas prices and over-capacity made it uneconomical for them to
continue to operate commercially. In 1990, the plant was sold to Texaco.4

1B.2 Description of the Louisiana Gasification Technology Plant

The Louisiana Gasification Technology Incorporated (LGTI) plant, located within the Dow
Chemical complex in Plaquemine, Louisiana, was selected by the U.S. Synthetic Fuels
Corporation in 1987 to demonstrate the E-GASTM (formerly Destec) coal gasification process.
At full capacity, the plant produced 30,000 MMBtu of equivalent syngas per day, producing 161
MWe of net power at a net heat rate of 10,500 kWh (HHV basis). The successful construction
and operation of the LGTI plant led to the DOE-sponsored Wabash River Repowering
demonstration project. Both plants utilized the same E-GAS system. Appendix 1A, Section
1A.2 describes the E-Gas entrained flow gasifier.

The LGTI plant coal feed was about 2,200 tons/day of Wyoming Powder River Basin
subbituminous coal,a which was sent to wet crushers to prepare a coal/water slurry. The water
used to prepare the coal slurry was recycled water from raw gas cooling, along with makeup
water. The gasifier was a two-stage, high-temperature, oxygen-blown, upflow, entrained
slagging gasifier. The process flow diagram is shown in FIGURE 1B-2.

a The project also tested low-sulfur Sufco coal from southern Utah, as well as high-sulfur Illinois #6 bituminous
coal.
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FIGURE 1B-2. LGTI PLANT PROCESS FLOW DIAGRAM4
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Coal slurry is mixed with oxygen in the gasifier burner nozzles. About 75% of the coal slurry is
sent to the first stage of the gasifier, where exothermic gasification/oxidation reactions take place
at 2,400–2,700 °F. The coal ash converts to a molten slag, which flows through a taphole to a
water-quench removal system, which uses a novel continuous-pressure letdown/dewatering
system. The hot raw gas from the first stage enters the second stage of the gasifier where the
remaining 25% of the coal slurry is added. Endothermic gasification/devolatilization reactions in
this stage reduce the hot raw gas temperature to 1,900 °F. A relatively small amount of char is
produced in the second stage, which is then recycled to the first stage for gasification.

Hot raw syngas leaves the gasifier and passes through several gas cooling and cleaning systems.
A convection-type cooler cools the gas through heat exchange with water to produce steam.
After cooling, entrained particulate matter is removed in a venturi scrubber system. Particulate
matter removed from the scrubber water is recycled to the gasifier with the second stage slurry
feed. The syngas is further cooled to condense moisture, and then sent to the acid gas removal
process. More than 97% of the sulfur from the sour syngas is removed using methyl
diethanolamine (MDEA) absorber/stripper columns and sent for sulfur recovery. The Selectox
process (a modified Claus plant) converts the H2S into elemental sulfur byproduct. The sour off-
gas and the sulfur recovery tail gas are incinerated. Overall sulfur recovery was about 87%,
leaving less than 100 ppm (by volume) of sulfur in the clean, medium-Btu syngas.

The sweet syngas is then piped to the gas turbine. The cleaned syngas is co-fired with natural
gas in two Westinghouse WD501-D5 gas turbines at a ratio of about 63% syngas to 37% natural
gas.4 Heat recovery steam generators produce 1,250 psig and 950o F superheated steam from the
combustion turbine flue gas. Dow Chemical used the steam for process applications, as well as
power generation in a steam turbine. Average plant emissions are presented in TABLE 1B-3.

TABLE 1B-3. EMISSIONS FROM THE LGTI PLANT5

SO2

(lb/106 Btu)
NOx

(lb/106 Btu)
Hg

(lb/hr)

Particulate
Matter

(lb/106 Btu)

Wyoming Powder River
Basin Subbituminous Coal <0.15 0.26 0.004823 <0.01

1B.2.1 LGTI Plant Status

The LGTI plant was operated very successfully on the design subbituminous coal, as well as
other coal types, from 1987 to 1995 and accumulated about 34,000 hours of operating
experience. In 1995, the plant participated in a DOE and EPRI-sponsored project to fully
characterize trace substance emissions from power systems.5 Results of this comprehensive
study are presented in Chapter 2 of the report. The plant has since been shut down.

1B.3 Description of Polk Power Plant

In December 1989, DOE’s Clean Coal Technology (CCT) Demonstration Program selected the
Tampa Electric Integrated Gasification Combined-Cycle Project at the Polk Power Station as a
project under Program Round III. Construction was started in October 1994 and operation began
in September 1996. This plant has successfully demonstrated advanced IGCC technology using
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an entrained-flow gasifier, integrated with a combined-cycle turbine system for power
generation. Net power production meets the target goal of 250 MWe at a high stream factor and
plant availability. Carbon conversion exceeds 95%, and emissions of SO2, NOx, and particulates
are below the original regulatory limits set for the Polk plant site.6

This IGCC system utilizes commercially available, oxygen-blown, entrained-flow coal
gasification technology licensed by ChevronTexaco Development Corporation
(ChevronTexaco). Coal is ground with water to the desired concentration (60-70% solids) in rod
mills. The gasifier is designed to utilize about 2200 tons per day of coal (dry basis). Appendix
1A, Section 1A.1 describes the ChevronTexaco gasification process. FIGURE 1B-3 provides a
process flow diagram for the Polk Plant.

An ASU separates ambient air into 95% pure oxygen for use in the gasification system and
sulfuric acid plant; nitrogen is sent to the advanced GE MS 7001F combustion turbine (CT). The
addition of nitrogen in the CT combustion chamber has dual benefits. First, this additional mass
flow has the advantage of producing higher CT power output. Second, the nitrogen acts to
control potential NOx emissions by reducing the combustor flame temperature, which, in turn,
reduces the formation of thermal NOx in the fuel combustion process.

The coal/water slurry and the oxygen are mixed in the gasifier process feed injector. The
subsequent gasification reactions produce syngas with a heat content of about 250 Btu/scf
(LHV). The gasifier is designed to achieve greater than 95% carbon conversion in a single pass.
The gasifier is a single vessel feeding into a radiant syngas cooler (RSC) which is designed to
reduce the gas temperature to 1400°F while producing 1650 psig saturated steam. The gas
stream from the RSC is split in two and sent to parallel convective syngas cooler boilers (CSC),
where the temperature is further reduced to less than 800°F and additional high pressure steam is
produced. The syngas is then further cooled in gas-to-gas exchangers, where the heat in the raw
ash-laden syngas is exchanged with either clean, particulate free syngas or nitrogen.

Next, particulates and hydrogen chloride are removed from the syngas in water scrubbers. Most
of the remaining sensible heat is recovered in low temperature gas coolers by preheating clean
syngas and heating steam turbine condensate. A final trim cooler reduces the syngas temperature
to about 100°F for the cold gas clean-up (CGCU) system. The CGCU system is a traditional
amine scrubber type that removes most of the sulfur from the syngas. Sulfur is recovered in the
form of sulfuric acid that has a ready market in the phosphate industry in the central Florida area.

Most of the material not gasified in the coal exits the bottom of the RSC into the slag lock
hopper where it is mixed with water. These solids generally consist of slag and char. These non-
leachable products are saleable for blasting grit, roofing tiles, and construction building products.
All of the water from the gasification process is cleaned and recycled, thereby creating no
requirement for discharging process water from the gasification system. To prevent build-up of
chlorides in the process water system, a brine concentration unit removes them in the form of
marketable salts.

1B.3.1 Polk Power Plant Status

The Polk Power Plant will complete six years of operation in September 2002. Over 25,700
hours of operation have been accumulated. In year 5, ending in September 2001, the plant
generated 1,826,644 kWh of electricity from its coal feed. Gasifier availability was 84.2%, the
ASU availability was 90.5%, and the power block’s availability was 94.4%.
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FIGURE 1B-3. POLK POWER PLANT PROCESS FLOW DIAGRAM
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The ChevronTexaco gasifier at Polk has generally shown a lower than design carbon conversion;
there is approximately twice as much unconverted carbon from Polk’s gasifier as initially
expected. This unconverted carbon makes Polk’s slag unsuitable for all current applications
unless it is further processed. In response, the Teco Energy has doubled the size of the fines
handling system and installed additional slag handling equipment to deal with the unconverted
carbon, which is contained in the smaller slag particles (the fines). By reducing plant load and
modifying the slag handling equipment, the plant has produced slag that is consistently suitable
for the cement industry with lower cost than Class I landfill disposal. Load reduction is
necessary because more oxygen is needed to gasify the fines, and the oxygen plant (specifically
the main air compressor), cannot supply it. The plant is seeking a source of more air for the
oxygen plant to eliminate the load restrictions.

1B.4 Description of Wabash River IGCC Power Plant

In December 1991, DOE’s Clean Coal Technology (CCT) Demonstration Program selected the
Wabash River Coal Gasification Repowering Project at the Wabash River Generating Station as
a project under Program Round IV. Construction was started in July 1993 and operation began
in November 1995. This plant has successfully demonstrated advanced IGCC technology using
an entrained-flow gasifier, integrated with a combined-cycle turbine system for power
generation. Repowering for this project involved refurbishing the steam turbine to both extend
its life and withstand the increased steam flows and pressures associated with combined-cycle
operation. The repowered steam turbine produces 104 MWe, which combined with the
combustion turbine generator’s 192 MWe and the systems auxiliary load of approximately 34
MWe, adds 262 MWe (net) to the Cinergy grid. Gasifier carbon burnout exceeds 95%, and
emissions of SO2, NOx, and particulates are below the original regulatory limits set for the
Wabash River plant site.

The Wabash IGCC E-GASTM gasification process features an oxygen-blown, continuous-
slagging, two-stage, entrained-flow gasifier, which uses natural gas for startup. Coal is milled
with water in a rod mill to form a slurry. The slurry is combined with oxygen in mixer nozzles
and injected into the first stage of the gasifier, which operates at 2600°F and 400 psig. Oxygen of
95% purity is supplied by a turnkey 2,060-ton/day low-pressure cryogenic distillation facility.
The process flow diagram is shown in FIGURE 1B-4. Appendix 1A, Section 1A.2 provides a
description of the E-Gas gasification process.

In the first gasifier stage, slurry undergoes partial oxidation at temperatures above the melting
point of the ash. The fluid ash flows through a taphole at the bottom of the first stage into a
water quench, forming an inert vitreous slag. The syngas flows to the second stage, where
additional coal slurry is injected. This coal is pyrolyzed in an endothermic reaction with the hot
syngas to enhance syngas heating value and to improve overall efficiency. The syngas then
flows to the high-temperature heat recovery unit (HTHRU), essentially a firetube steam
generator, to produce high-pressure saturated steam. After cooling in the HTHRU, particulates in
the syngas are removed in a hot/dry filter and recycled to the gasifier where the carbon in the
char is converted into syngas. The syngas is further cooled in a series of heat exchangers, water
scrubbed for chlorides removal, and passed over a catalyst that hydrolyzes carbonyl sulfide into
hydrogen sulfide. Hydrogen sulfide is removed using MDEA-based absorber/stripper columns.
The "sweet" syngas is then moisturized, preheated, and piped to the power block.
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FIGURE 1B-4. WABASH RIVER PLANT PROCESS FLOW DIAGRAM
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The key elements of the power block are the General Electric MS 7001 FA high-temperature
combustion turbine/generator, the HRSG, and the repowered steam turbine. The GE 7FA is a
dual-fuel turbine (syngas for operations and No. 2 fuel oil for startup) capable of a nominal 192
MWe, when firing syngas, attributed to the increased mass flows associated with syngas. Steam
injection is used for NOx control, but the steam flow requirement is minimal compared to that of
conventional systems because the syngas is moisturized at the gasification facility, making use of
low-level heat in the process. The HRSG for this project is a single-drum design capable of
superheating 754,000 lb/hr of high-pressure steam at 1010°F, and 600,820 lb/hr of reheat steam
at 1010°F when operating on design-basis syngas.

1B.4.1 Wabash River IGCC Plant Status

The Wabash River IGCC Power Plant will complete seven years of operation in November 2002.
In 2001, average product syngas availability was 83% and the power block’s availability was
89.9%. Reliability data for each of the gasification system’s key sub-systems is presented in
TABLE 1B-4.

TABLE 1B-4. WABASH RIVER IGCC RELIABILITY BY GASIFICATION
SUBSYSTEM – 2001 OPERATION

IGCC SUB-SYSTEM RELIABILITY IGCC SUB-SYSTEM RELIABILITY

1st Stage Gasifier 99.5% Acid Gas Removal 100%

2nd Stage Gasifier 100% Sulfur Recovery 96.6%

Raw Syngas Conditioning 100% Sour Water Treatment 100%

Syngas Cooling 94.2% Fuel Hopper System 100%

Particulate Removal 99.9% Rod Mill System 100%

Chloride Scrubbing 100% Slurry Storage System 99.9%

COS Hydrolysis 100% Slurry Feed System 99.4%

Low Temp Heat Recovery 100% Slag Removal System 100%

Syngas Moisturization 100% Cooling Tower System 100%

Reported environmental control performance for 2001 was:

SO2: 1.08 lb/MWh (0.08 lb/106 Btu)
NOx: 1.09 lb/MWh (0.15 lb/106 Btu)
CO: 0.37 lb/MWh (0.05 lb/106 Btu)
Particulates: Zero particulates
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1B.5 Description of NUON/Demkolec/Willem Alexander IGCC Plant

The Demkolec plant at Buggenum was one of the first successful IGCC plants in the world. The
project was ordered in 1990 by SEP (Samenwerkende Elektriciteits-Produktie-Bedrijven), the
former collective body for Dutch power producers, with capital & operating cost sharing from
The Netherlands government. Construction was completed at the end of 1993, and the plant was
commissioned in 1994.7 The project, built and operated by Demkolec BV, is located in
Buggenum, The Netherlands. Plant ownership has been transferred from SEP to NUON.8

The 253 MWe Buggenum IGCC is built around a Shell SCGP gasifier and a CCGT supplied by
Siemens (V94.2 gas turbine). The Shell gasifier, an oxygen-blown, continuous-slagging,
entrained-flow process, is described in detail in Appendix 1A, Section 1A.3. The plant, which is
designed to accept a wide range of imported coals, contains a number of advanced design
features that differ from the U.S. plants. The most significant differentiating feature is that the
air separation unit (ASU) and the gas turbine are very closely coupled together, with the gas
turbine compressor supplying all the air to the ASU. This increases efficiency at the cost of
making the plant more complex and less easy to start. Plant design efficiency is 43% (LHV
basis).

1B.5.1 Demkolec/Buggenum IGCC Plant Status

This plant has been operating on a coal feed since 1994. More than 23,000 operating hours on
coal-based syngas have been accumulated through 2000. This includes continuous operation of
nearly 3,000 hours between June and October 1998. The plant changed from demonstration into
commercial operation in January 1998. The Shell gasifier has generally performed well and has
achieved its design cold gas efficiency.

Since the plant has been put into operation it has suffered from two major types of problems:
operability problems connected with the high level of integration between the gas turbine and
ASU, and gas turbine problems associated with burning the low-Btu syngas in the gas turbine.
Both of these have now been solved, but required significant time to fully rectify. The
integration problem has led SEP to recommend only partial integration for future installations.
The main problem encountered in the early years of operation at the Buggenum plant (also later
encountered at Puertollano) has been combustion-induced vibrations and overheating in the gas
turbine combustors. Design changes made in early 1997 have markedly improved the vibration
problem, with significantly improved availability (often over 80 percent).

Sulfur removal efficiency has been reported to be greater than 99% in 2001. Emissions of SO2,
NOx, and particulate matter have been reported to be:9

SO2: 0.44 lb/MWh (0.2 g/kWh)
NOx: 0.7 lb/MWh (0.318 g/kWh)
Particulates: 0.01 lb/MWh (0.0045 g/kWh)

1B.6 Description of the Elcogas/Puertollano IGCC Plant

The Puertollano plant, located in south-central Spain, is a 318MWe IGCC owned and operated
by Elcogas, a consortium of eight major European utilities and three technology suppliers. This
project was the first targeted project funded under the European Commission’s Thermie-
programme, in 1992. Puertollano features a Prenflo gasifier and a Siemens V94.3 gas turbine.
The plant is very similar in design to Demkolec/Buggenum and, like Buggenum, has full
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integration of the gas turbine and ASU. It is designed to use 50/50 mix of local hard coal and
petroleum coke. Desi gn efficienc y (n et) is 45%  (LHV basis). This facilit y i s currentl y the
world’s largest solid feedstock-based IGCC plant. FIGURE 1B-5 shows a process flow diagram
of the plant.

FIGURE 1B-5. ELCOGAS/PUERTOLLANO IGCC POWER PLANT PROCESS FLOW
DIAGRAM10

The Gasification Unit was supplied by Uhde and is based on their Prenflo system, an entrained-
flow system with dry feeding. A detailed description of the Prenflo gasification process is
provided in Appendix 1A, Section 1A.6. The syngas is produced by reaction of coal with
oxygen at high temperatures up to 2912o F (1600o C). The Prenflo process is capable of gasifying
a wide variety of fuel types, and qualities of coal, for the production of synthetic gas. The
‘design’ fuel of Puertollano power plant is a 50% mixture, by weight, of local high ash coal and
high sulfur petroleum coke. The hot syngas exits the top of the gasifier, where it is quenched to
approximately 1472o F (800o C) with cooled recirculated gas. The quenched gas then enters the
high-pressure steam heat exchanger, located in the same pressure vessel as the gasifier and the
quenching zone, and then to an intermediate pressure exchanger located in a separate vessel.
The gas cleaning unit (GCU) treats the gas at the outlet of the intermediate pressure boiler
removing the solid particles (using candle filters), and incorporates a water wash step (Venturi
scrubber) for ammonia, HCl, HCN and trace component removal. The sulfur removal unit
consists of a fixed bed catalyst (99.9% efficiency). The cleaned gas is then passed through a
conditioning phase (saturation with water), before delivery to the gas turbine.10
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The power block is designed around a Siemans V94.3 gas turbine, a triple-pressure heat recovery
boiler supplied by Babcocks Wilcox Espanola and a Siemans reheat generator. This equipment
produces steam that is used to generate additional electric power in a conventional steam turbine
with condensation cycle. The gas turbine is able to operate with both syngas and natural gas
allowing greater plant flexibility. The ASU supplied by Air Liquide, uses air extracted as a bleed
from the gas turbine air compressor to generate oxygen of high purity (85%) to feed to the
gasifier and nitrogen for pneumatic transportation of the fuel. Nitrogen is also used as a safety
purge system. The gross power output of the gas turbine generator is 182.3 MWe and that of the
steam turbine generator is 135.4 MWe, for a total gross output of 317.7 MWe.

1B.6.1 Elcogas/Puertollano IGCC Plant Status

The initial gasifier firing on design feedstock took place in December 1997. Between February
and March 2000, ELCOGAS proved the flexibility of the gasification process by carrying out
four tests using different coal/coke mixtures in over 525 hours of operation. Through March
2001, 6,752 hours of gasifier operation have been accumulated, and 5,005 hours with the gas
turbine firing syngas. The commensurate net electricity production with coal gasification is
1,210,796 MWe, and the gas turbine maximum achieved load for syngas operation was 197.6
MWe. The longest gasifier run was 689 hours. Planned outages were 8% and unplanned
outages were 7%. Annual syngas production as a percentage of design output was about 60%.8

Sulfur removal efficiency has been reported to be 99.9%. Emissions of SO2, NOx, and
particulate matter have been reported to be:11

SO2: 0.145 lb/MWh (0.066 g/kWh)
NOx: 0.88 lb/MWh (0.397 g/kWh)
Particulates: 0.044 lb/MWh (0.02 g/kWh)
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2A ASSESSMENT OF TRACE POLLUTANT MEASUREMENT/MONITORING AND
DATA UNCERTAINTY

2A.1 Trace Pollutant Analytical Measurement Techniques

Determining the amount and chemical form of trace constituents of the gaseous, solid and liquid
effluents and residues of a gasification-based power generation system requires proper sampling,
sample recovery, awareness of potential contamination errors, choice of appropriate reference
materials, and appropriate analytical techniques.1 The type of sampling performed depends on
the physical state of the target species. For example, since trace elements in flue gas may be
present in both solid and vapor phases, both must be sampled. The volatile Class III elements
must either be measured directly in the gas phase or trapped in liquid or solid form. Class II
elements are present in a semi-volatile form, and, therefore, the sampling conditions (especially
temperature) will determine the physical state of each element. It is, therefore, necessary to
define the sampling conditions and maintain them identical to actual conditions.2 More in-depth
information regarding sampling techniques can be found in reference [2].

The selection of the analytical method is dependent upon the specific trace species to be
analyzed, the medium, and the concentration. Other factors to consider are the sample type, size
of sample, equipment operator’s expertise, cost-effectiveness and timeliness. TABLE 2A-1
identifies the analytical methods that have been used to quantify critical ananlytes. Several
reports are excellent sources for describing appropriate analytical methods and instrumentation.3,1

A report by Radian Corporation (now called URS), which details trace substance emissions from
the LGTI IGCC plant, provides the most detailed information with respect to the monitoring
locations and the analytical procedures that have been used for quantitative analyses in an IGCC.
(A detailed description of the LGTI plant is provided in Appendix 1B.2 of this report.) Also, the
Energy and Environmental Research Center (EERC) performed a long-term project for DOE to
evaluate trace element transformations in entrained gasification systems. Their report reviews a
variety of analytical techniques for trace metals in solids and gases. EERC also prepared a report
for EPRI and DOE/NETL that evaluated flue gas mercury measurement methods,4 and another
report that more generally evaluated toxic emissions from coal-fired power plants.5

The LGTI IGCC project represents a good example of the particular sampling techniques used to
quantify and characterize trace species. FIGURE 2A-1 is a simplified block diagram of the
LGTI plant showing sampling locations. TABLE 2A-2 lists the sampling location (the numbers
refer to the location on FIGURE 2A-1), the stream, and the analytes that were measured.
Analytical techniques used to determine constituents are presented in TABLE 2A-3, TABLE
2A-4, and TABLE 2A-5. The reader should refer to the cited references and the ASTM web site
(http://www.astm.org/cgi-bin/SoftCart.exe/index.shtml?E+mystore) to obtain more specific
information on the analytical methods listed here.

http://www.astm.org/cgi-bin/SoftCart.exe/index.shtml?E+mystore
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TABLE 2A-1. ANALYTICAL TECHNIQUES USED TO DETECT AND QUANTIFY
CRITICAL ANALYTES4,5

ANALYTE TYPE ANALYTICAL TECHNIQUE

Major Elements
Al, Ca, Fe, Mg, K,

Na, Si, Sr, Ti

Trace Elements
As, B, Ba, Be, Cd,

Cr, Co, Cu, Hg, Mn,
Mo, Ni, Pb, Sb, Se,

V

Inductively Coupled Plasma – Atomic Emission Spectroscopy, ICP-AES
Graphite Furnace – Atomic Emission Spectroscopy, IGF-AAS
Cold Vapor – Atomic Emission Spectroscopy, CV-AAS
Inductively Coupled Plasma -- Mass Spectroscopy (ICP-MS)
Instrumental Neutron Activation Analysis (INAA)
Gold Amalgam – Cold-Vapor Atomic Absorption (GA-CVAA)
Double Gold Amalgam – Cold-Vapor Atomic Absorption (DGA-CVAA)
Cold-Vapor—Atomic Fluorescence (CV-AF)
X-Ray Fluorescence (XRF)

Be, Pb, P ASTM D3683
As, Cd, Se ASTM D3684
F ASTM D3761
Hg speciation
in flue gas EPA Method 29, Ontario Hydro, EPA Draft Method 101B

Moisture ASTM D3173
Ash ASTM D3174
C, H, N, O ASTM D3176/D5373
S ASTM D4239
Volatile Matter ASTM D3175

Radionuclides
Gamma Emission Spectroscopy

Alpha-Ray Counting
Beta-Ray Counting

Anions
Phosphates, HCl,
HF, Sulfates

Ion Chromatography
Specific Ion Electrode

Colorimetry

Reduced Species
Ammonia
Cyanide

EPA 350.2, Colorimetry
EPA 9012, Colorimetry

Organics
Benzene, Dioxins,
Formaldehyde,
Furans, Toluene,
POCs

High-Performance Liquid Chromatography (HPLC)
Gas Chromatography—Mass Spectroscopy (GC-MS)

Selective Ion Monitoring Spectroscopy (SIMS)
Method 23
APA 8270



Appendix 2A - Assessment of Trace Pollutant Measurement/Monitoring and Data Uncertainty

DECEMBER 2002 U.S. DOE/NETL2A-3

FIGURE 2A-1. BLOCK FLOW DIAGRAM IDENTIFYING STREAM SAMPLING LOCATIONS AT LGTI
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TABLE 2A-2. LGTI SAMPLING LOCATIONS AND ANALYTES

LOCATION STREAM ANALYTES

1 Coal slurry Metals, ultimate, proximate, anions

1a Coal pile Metals, ultimate, proximate, anions
Radionuclides

4 Slag Metals, ultimate, proximate, anions
Radionuclides

5 Raw gas, 1,000°F Vapor: metals, Cl, F, NH3, HCN
Particulate: metals

5a Raw gas, 500°F Metals, C1-C10, Cl, F, NH3, HCN
Particulate: metals

5b Raw gas, scrubbed Metals, C1-C10, Cl, F, NH3, HCN

5c Scrubber blowdown (char) Metals, ultimate, proximate, anions,

(filtrate) Metals, ultimate, proximate, anions, ammonia,
cyanide, suspended solids

5d Scrubber water Metals, ultimate, proximate, anions, ammonia, cyanide

7 Sour condensate Metals, cyanide, volatile/semivolatile organics, aldehydes, anions,
ammonia, phenol, sulfide, water quality

8 Sweet water Metals, cyanide, volatile/semivolatile organics, aldehydes, anions,
ammonia, phenol, sulfide, water quality

11 Sour syngas Particulates, metals, C1-C10, volatile organics, major gases, sulfur
species, semivolatile organics, aldehydes, Cl, F, NH3, HCN

12 Sweet syngas Particulates, metals, C1-C10, volatile organics, major gases, sulfur
species, semivolatile organics, aldehydes, Cl, F, NH3, HCN

13 Turbine exhaust Particulates, PM-10, metals, VOST, semivolatile organics, aldehydes,
Cl, F, NH3, HCN, H2SO4, CEM gases

14 Acid gas Metals, C1-C10, major gases, sulfur species, semivolatile organics, Cl,
F, NH3, HCN

15 Tail gas Metals, C1-C10, major gases, sulfur species, semivolatile organics,
NH3, HCN, CEM gases

16 Incinerator stack Particulates, PM-10, metals, VOST, sulfur species, semivolatile
organics, aldehydes, Cl, F, NH3, HCN, H2SO4, CEM gases

22 Sour gas C1-C10, major gases, NH3, HCN

24 Sulfur Metals, ultimate, proximate

97 Combustion air C1-C10, major gases, sulfur species, NH3, HCN

98 Selectamine™ solvent Metals, ash, volatile organics, heat stable salts

99 Natural gas Metals, C1-C10, sulfur species
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TABLE 2A-3. ANALYTICAL METHODS SUMMARY - GASEOUS STREAMS

SAMPLE
MATRIX

SAMPLE
METHOD

ANALYTE SAMPLE PREPARATION
AND ANALYTICAL

METHOD

Filter and probe
rinse solidsa

EPA Method
29 (draft)

Al, Sb, Ba, Be, Ca, Cr, Co, Cu, Fe, Mg, Mn,
Mo, Ni, P, K, Si, Na, Ti, V, & Zn.

Mixed-acid microwave
digestion/ICP-AES (SW6010)

As, Cd, Pb, & Se. Mixed-acid microwave
digestion/GFAAS (SW7060,
7131,7421,7740)

Hg Mixed-acid microwave
digestion/VAAS (SW7470)

HNO3/H2O2

impinger solutions
EPA Method
29 (draft)

Al, Sb, Ba, Be, B, Ca, Cr, Co, Cu, Fe, Mg,
Mn, Mo, Ni, P, K, Si, Na, Ti, V, & Zn.

Digestion (SW3005)/ICP-AES
(SW6010)

As, Cd, Pb, & Se. Digestion (SW3020)/GFAAS
(SW7060,7131,7421,7740)

Hg Peroxide reduction/CVAA
(SW7470)

Sb, As, Ba, Be, Cd, Cr, Co, Cu, Pb, Mn,
Mo, Ni, Se, & V.

ICP/MS (SW6020)

4% KmnO4/10%
H2SO4 impinger
solution1

EPA Method
29 (draft)

Hg CVAA (SW7470)

1N KCl-
HNO3/H2O2-10%
H2SO4/4% KmnO4

impinger solutions

Ontario
Hydro

Hg CVAAS with SnCl2 as reducing
agent

Charcoal Sorbentb Radian Al, Sb, Ba, Be, Ca, Cr, Co, Cu, Fe, Mg, Mn,
Mo, Ni, P, K, Si, Na, Ti, V, & Zn.

Nitric acid microwave
digestion/ICP-AES (SW6010)

As, Cd, Pb, & Se. Nitric acid digestion/GFAAS
(SW7060, 7131,7421,7740)

Hg Nitric acid digestion/CVAA
(SW7470)

H2SO4 impinger
solutions

EPA Method
26
(modified)

Ammonia Colorimetric (EPA Method 350.2,
350.1)

Chloride Ion Chromatography (EPA Method
26)

Fluoride Specific Ion Electrode (EPA
Method 340.2)

2% Zn(C2H3O2)2

impinger solution
Texas Air
Control
Board

Total Cyanide Colorimetric (EPA Method 335.2)

Filter and FH
rinsea

EPA Method
0010

SVOCs/PAH s   GC/MS (SW8270)a HRGC/M S
(CARB 429)1
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SAMPLE
MATRIX

SAMPLE
METHOD

ANALYTE SAMPLE PREPARATION
AND ANALYTICAL

METHOD

XAD, condensate,
and BH rinse

SVOCs/PAH s   GC/MS (SW8270) HRGC/MS
(CARB 429)a

2,4 – DNPH
impinger solution

EPA Method
0011

Aldehydes HPLC (EPA Method 0011)

VOSTa EPA Method
0030

Volatile organic compounds GC/MS (SW8240)

4% KmnO4/10%
NaOH impinger
solutiona

EPA Method
7D

NOx Ion Chromatography

a Turbine stack and incinerator flue gas samples only.
b Internal process streams only.
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TABLE 2A-4. ANALYTICAL METHODS SUMMARY - SOLID STREAMS

MATRIX SAMPLE
HANDLING

ANALYTE SAMPLE PREPARATION &
ANALYTICAL METHOD

Coal/Char/
Slag

Composite samples
are air-dried and
ground to pass a
60-mesh sieve.

Carbon, Hydrogen, Nitrogen ASTM D5373

Sulfur ASTM D4239

Ash ASTM D3174

Volatile Matter a ASTM D3175

Fixed Carbona ASTM D3172

HHV a ASTM D2015

Chlorine (as Cl-) ASTM D4208 (adapted for IC analysis)a

HNO3 acid leach/potentiometry2

Fluorine (as F-)
ASTM D3761/SIEa

NaOH fusion/SIEb

ASTM D4208 (adapted for IC analysis)a

Major ash minerals: Al, Ca, Fe,
Mg, P, K, Si, Na, Ti  AST M D4 3 26 ( XRF)

Ba, Ni, Zn  AST M D3683/ICP-AES

Sb, As, Be, Cd, Cr, Co, Cu, Pb,
Mn, Mo, Se, V

ASTM D3683, mixed-acid microwave
digestion (HF, HCI, HNO3), and EPA

SW3020. Analysis by ICP/MS.

Boron Na2CO3, fusion/ICP-AES

Mercury Double gold amalgamation/CVAAS

Sulfur Grab samples were
ground and mixed Sulfur ASTM D4239

Ash ASTM D3174

Sb, Ba, Be, Cr, Co, Cu, Mn, Mo,
Ni, V

ASTM D3683/ICP-AES

As, Cd, Pb, Se ASTM D3683/GFAAS

Boron Na2CO3, fusion/ICP-AES

Mercury Double gold amalgamation/CVAAS

Notes:
a Coal and char samples only.
b Slag samples only.
c IC – Ion chromatography, XRF – x-ray flourescence, ICP-AES – inductively coupled plasma absorption

spectroscopy, ICP/MS – Inductively coupled plasma/mass spectroscopy, CVAAS – cold vapor atomic
absorption spectroscopy, GFAAS – graphite furnace atomic absorption spectrophotometry.
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TABLE 2A-5. ANALYTICAL METHODS SUMMARY - LIQUID STREAMS

PROCESS
STREAM

SAMPLE
HANDLING

ANALYTE SAMPLE PREPARATION
& ANALYTIC METHOD

Sour Condensate,
Sweet Water, Scrubber

Inlet Water, and
Recycle Char Filtrate

On-site analysis. pH EPA 150.1

Specific Conductance EPA 120.1
Total Suspended Solids

(TSS) EPA 160.2

Sulfide Orion SIE
Composite samples cooled

to 4°C. Filtered prior to
analysis.

Fluoride EPA 340.2

Chloride, Sulfate EPA 300.0
Formate EPA 300.0 (modified)

Phosphate EPA 365.1
Grab samples treated with
PbCO3, filtered, and pH
adj usted >12 wit h Ca O.

Total Cyanide EPA 335.2

Free Cyanide EPA 335.1

Thiocyanate SM 412K
Composite samples treated

with H2SO4 to pH < 2. Ammonia EPA 350.2, 350.1

COD EPA 410.1
Phenol EPA 420.1

Composite samples treated
with HNO3 to pH < 2.

Al, Sb, Ba, Be, B, Ca,
Cr, Co, Cu, Fe, Mg,

Mn, Mo, Ni, P, K, Si,
Na, T i, V, Zn

SW3005/SW6010

As, Cd, Pb, Se SW3020/SE7060, 7131,7421,7740
Mercury SW7470

Grab samples cooled to
4°C.

Semivolatile Organic
Compounds SW8270

Aldehydes SW8315 (proposed)
Volatile Organic

Compounds SW8240

Selectamine™ Solvent
Grab samples stored in

amber glass bottles at room
temperature.

Heat Stable Salts Union Carbide-Titration with
NaOH

Ash ASTM D3174
Total Suspended Solids

(TSS) EPA 160.2
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2A.2 Data Uncertainty

There are a number of problems that lead to data uncertainty and inadequate mass balances for
trace inorganic and organic species produced by the gasifier. These problems can be been
categorized as follows.2

• Low concentrations of species being measured
• Inaccurate identification of all input and output streams and deposition locations, solid

and liquid
• Inaccurate plant operating assumptions
• Inaccuracies in the measurement methods.

Most trace inorganic and organic species are quite low, and often below the detectable limits;
however, this can make it very difficult to obtain accurate measurements. This is compounded
by the fact that losses can occur through condensation and/or absorption in parts of the gas train.
For example, arsenic tends to deposit on heating surfaces, which can lead to significant material
imbalances. As discussed earlier, poor mercury balances may also be the result of deposition
within the process equipment. This can be further exacerbated by loss (or contamination) within
sampling equipment. Heated Teflon sampling tubing, for example, has been reported to absorb
HgCl2, and stainless steel sampling tubes may add to the concentrations of Cr, Ni and Zn.2

Significant variation in the coal, and other feeds, is an inherent problem. Partial remediation
involves consistent operation, understanding that operations, such as soot blowing, can affect
sampling, and maintaining fuel (and other inputs) composition for a specified period of time
prior to sampling. Nevertheless, intrinsic coal variations must be considered when evaluating
results. This variability is demonstrated by a 1997 USGS analysis of eight Premium Coal
samples to determine the concentration of 68 elements.6 A multi-technique approach for major
and trace element analysis was taken to provide a high degree of reliability.a Each sample was
analyzed in triplicate for the 68 elements, and 51 elements were determined by more than one
technique. TABLE 2A-6 presents the results for 8 trace elements in the Illinois #6 coal sample.
The deviation in the results not only reflects coal property heterogeneity, but also the variability
of the different measurement techniques.

Inaccuracies in the measurement methods may be the most important problem. Some sampling
and analysis methods are known to be prone to error. This coupled with coal variability, and the
very low concentrations of trace species in effluents and residues, can lead to significant
measurement uncertainties. Under these circumstances, mass balances between 70 and 130%
have been deemed acceptable.

a The analyses were performed by energy- and wavelength-dispersive X-ray fluorescence spectrometry,
instrumental neutron activation analysis, inductively coupled argon plasma-atomic emission spectroscopy, atomic
absorption spectrometry, inductively coupled argon plasma-mass spectrometry, and direct-current arc spectrographic
analysis.
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TABLE 2A-6. USGS TEST RESULTS FOR TRACE ELEMENT CONCENTRATIONS
IN AN ILLINOIS #6 COAL SAMPLE

Element Be B Cr Ni As Se Cd Sn Sb Pb U Zn

Mean
Concentration

(ppm)
0.8 140 38 24 4.2 4.2 0.7 2 0.84 9 5 190

Standard
Deviation

(ppm)
0.16 23 7.7 6.7 0.53 0.45 0.14 1.1 0.062 3 1.2 60

Relative
Standard

Deviation (%)
19.6 16.5 19.9 28.2 12.6 10.7 19.4 67.7 7.45 32.6 23.1 32.3

Unfortunately, balances on IGCC systems for possibly the most important trace element,
mercury, have not even been this good, as discussed in Section 2.2.3.3. Measurement problems
appear to be a combination of process variability and lack of precision associated with
measurement methods. Imprecision can only be reduced by taking more samples. For example,
EERC recommends that manual wet chemistry methods, such as Ontario Hydro and Method 29,
be performed in triplicate and, preferably be backed up with real-time measurements (CEM
analyses) where possible.1

Measurement capabilities for gasifier internal syngas streams require significant improvement.
The poor experience at the LGTI plant is evidence that current sampling and analysis protocols
can only be considered as semi-quantitative.7 The most accepted sampling and analytical
methods available, Ontario hydro and EPA Method 29, were developed for oxidizing gas
environments (flue gases) and are not full functional in reducing environments. It is important to
consider the effects of components, typically in a reduced and reactive form, on the sampling
technique commonly used for flue gas sample collection. Apparently, the mercury oxidizing
capacity of the potassium permanganate impingers is rapidly depleted by H2S in syngas. A more
direct mercury measurement technique is therefore required.

The overall impact of data uncertainty is that it seriously hampers efforts to fully understand
trace pollutant behavior in coal-fired power generation systems, including IGCC. This is
extremely important for mercury due to the future emission standards expected to be imposed by
EPA on coal-fired plants (see Section 3.2.2). Assessing of mercury control will require
improved measurement capabilities.
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3A DETAILED INFORMATION ON AIR, WATER AND SOLIDS REGULATIONS
FOR SELECTED STATES WITH A LARGE BASE OF EXISTING COAL-FIRED
ELECTRIC POWER GENERATION

3A.1 Alabama

3A.1.1 Air Regulations1

Alabama has received SIP approval for implementation of CAA by U.S. EPA. Additionally, the
City of Huntsville and Jefferson County have been authorized by the state of Alabama to regulate
air regulations within their areas of jurisdiction.

Alabama air regulations generally follow the federal structure with several administrative
differences. NSR for nonattainment areas and PSD are similar to the federal guidelines.
Currently most of Alabama is classified as attainment for all NAAQS with the exception of two
counties that are classified as marginal nonattainment for ozone. For these counties, in addition
to LAER, VOC emission offsets of 1.1:1 are required, unless certain conditions are met.
Alabama also has one Federal Class I designated area. Furthermore, the neighboring states of
Florida, Georgia, and Louisiana have Class I designated areas that, due to their proximity, may
require PSD permitting consideration for sources located in Alabama.

Alabama has incorporated by reference EPA hazardous air pollution regulations. Alabama NSPS
requirements parallel federal requirements.

3A.1.2 Water Regulations1

Alabama is an NPDES delegated state with NPDES permits administered by the Alabama
Department of Environmental Management (ADEM). ADEM’s wastewater program is
essentially the same as the federal EPA program under the CWA and the Underground Injection
Control (UIC) component of the SDWA. Certain requirements beyond federal regulations
include pollutant load allocation studies for the determination of discharge effluent limits and
Discharge Information Zone (DIZ) studies for major sources that discharge to estuarine or marine
waters. The Alabama pretreatment program reflects the federal regulations. Local limits on
industrial dischargers are developed on a case-by-case basis as needed to protect POTWs from
pass through or interference, as well as to protect receiving water bodies.

3A.1.3 Solid Waste Regulations2

Fly ash, bottom ash, boiler slag, and flue gas emission control waste generated primarily from the
combustion of coal or other fossil fuels are exempt from regulation as industrial solid waste
(335-13-1-.03(12)). Additionally, fly ash, bottom ash, boiler slag, and flue gas emission control
waste generated primarily from the combustion of coal or other fossil fuels, along with gasifier
ash resulting from gasification of coal and process waste water resulting from coal gasification
are specifically exempt from regulation as hazardous waste (335-14-2-.01(4)(b)). Fly ash and
bottom ash may be considered special wastes that require specific handling (335-13-1-.03(12)).
Reuse of CCBs is not specifically authorized under AL state law, but may be authorized pursuant
to the reported Alabama Department of Environmental Management interpretation of CCBs as
non-regulated solid wastes (ALA.ADMIN.CODE R.335-13-1-.03).
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3A.2 Georgia

3A.2.1 Air Regulations1

The Georgia Department of Natural Resources, Environmental Protection Division (EPD), Air
Protection Group, manages Georgia’s air quality programs.

A 13-county region in the greater Atlanta area has been designated as serious nonattainment for
ozone. In addition to LAER, offsets are required for new and modified major sources of NOx
and VOCs. Sources located in nonattainment areas, as well as sources with the potential to emit
greater than 100 tons per year of VOCs, are required to comply with specific VOC control rules,
including Reasonably Available Control Technology (RACT) requirements. Georgia PSD
program requirements are identical to the federal program. Georgia has three areas designated as
Class I Federal areas requiring visibility consideration for permitting requirements.

Georgia has incorporated by reference EPA hazardous air pollution regulations and federal NSPS
requirements.

3A.2.2 Water Regulations1

The Georgia Department of Natural Resources, Environmental Protection Division (EPD), Water
Quality Management Program, manages Georgia's water quality and wastewater management
issues.

The authority to administer and enforce the NPDES program is established in the Georgia Water
Quality Control Act. The state’s wastewater regulations generally mirror the federal CWA, with
a few additional wastewater requirements. Typically the state's water quality standards are more
stringent than federal effluent limits. Georgia stormwater regulations generally follow the federal
storm water regulations, with several differences; including administrative, monitoring and
pollution prevention plan requirements. Georgia’s industrial pretreatment regulations reflect the
National Pretreatment Program with several differences, including certain discharge prohibitions
for radioactive and warfare agent wastes, public notice requirements, and the approval for the use
of mass based limits where federal regulations do not specifically require concentration-based
numbers.

3A.2.3 Solid Waste Regulations2

Georgia regulations adopt by reference the federal regulation that exempts CCBs (including fly
ash, bottom ash, slag, and flue gas emission control waste generated primarily from the
combustion of coal) from classification as hazardous waste (GA.COMP.R. & REGS. r. 391-3-
11-.07(1)). CCBs are classified under Georgia law as industrial solid waste (Georgia Code 12-8-
22(12.1)). Reuse of CCBs is not specifically authorized under Georgia law. Informal ash reuse
applications appear to primarily involve concrete and gypsum wallboard applications. The
Department of Transportation has reportedly been conducting experimental asphalt projects
including the use of ash.
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3A.3 Illinois

3A.3.1 Air Regulations1

Illinois’ air pollution control programs are managed through the Illinois Environmental
Protection Agency (IEPA), Bureau of Air, Division of Air Pollution Control.

Illinois’ air regulations primarily adopt the federal structure and requirements with additional
significant requirements. Illinois has a number of nonattainment areas for criteria pollutants,
including the Chicago area, covering eight counties, classified as severe nonattainment for ozone,
three counties designated as moderate nonattainment for ozone, and one county designated as
moderate nonattainment for PM10. Specific additional requirements for sources located in these
areas include Organic Materials Emissions Standards and an emission banking and trading
program for sources located in the Chicago nonattainment area that emits greater than 10 tons of
volatile organic material (VOM) during the ozone season. Illinois has adopted the federal PSD
program. Currently there are no federal Class I areas in the state.

Illinois’ HAP requirements primarily adopt the federal structure and requirements, with an
additional reporting requirement for large manufactures  (>25, 000 pounds/year)  and  users
(>10,000 lbs/year) of certain HAPs. Illinois also adopts the federal structure and performance
requirements of the federal NSPS.

3A.3.2 Water Regulations1

The Illinois Environmental Protection Agency (IEPA), Bureau of Water, addresses water quality
and wastewater management issues in Illinois.

Illinois has been delegated authority to administer the NPDES program. Illinois follows federal
regulations related to wastewater discharges with a few additional provisions. Typically the
states water quality criteria are more stringent than EPA’s technology based effluent limitations.
For discharges into the Lake Michigan Basin, Illinois regulations conform to federal guidance for
the Great Lakes System. Illinois industrial pretreatment regulations adopt by reference the
National Pretreatment Standards while imposing more stringent prohibitions and concentration-
based standards. Illinois also prohibits the discharge of pollutants that would cause safety
hazards to personnel operating the treatment works, pollutants that would cause damage to
POTWs, sewers or other structures, and pollutants that would cause effluents from treatment
works to violate applicable effluent standards. Illinois has also imposed more stringent
concentration-based standards for mercury and cyanide.

3A.3.3 Solid Waste Regulations2

Under Illinois regulations, fly ash, bottom ash, slag, and flue gas emission control waste
generated primarily from the combustion of coal or other fossil fuels, along with gasifier ash and
process waste water from coal gasification, are exempt from regulation as hazardous waste (35
ILL. ADMIN. CODE §721.104(b)). Illinois law specifically authorizes the reuse of CCBs,
classified into two different groups: coal combustion waste (CCW) and coal combustion
byproduct (CCB). CCW reuse is regulated more stringently than CCB. CCW can be classified
as CCB under certain conditions and reused based on the classification. Allowable CCB uses are
1) for the extraction and recovery of materials and compounds within the ash; 2) as a raw
material in the manufacture of cement and concrete products; 3) for roofing shingles; 4) in plastic
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products, paints, and metal alloys; 5) in conformance with the specifications and with approval
from the Illinois Department of Transportation (IDOT); 6) as anti-skid material, athletic tracks or
foot paths (bottom ash); 7) as a lime substitute for soils so long as the CCBs meet the IDOT
specifications for agricultural lime as a soil conditioner; 8) in non-IDOT pavement base, pipe
bedding, or foundation backfill (bottom ash); 9) as structural fill when used in an engineered
application or combined with cement, sand, or water to produce a controlled-strength material;
and 10) for mine subsidence, mine fire control, mine sealing, and mine reclamation (must meet
requirements of both the Illinois Environmental Protection Agency and Department of Mines and
Minerals). Other CCB applications may be authorized by IEPA (415 ILCS 5/3.94).

3A.4 Kentucky

3A.4.1 Air Regulations1

Kentucky’s air pollution control programs are managed through the Kentucky Department for
Environmental Protection, Division of Air Quality (DAQ). For the Louisville area, regulations
are implemented directly by the Air Pollution Control District of Jefferson County (APCDJC).
The state’s air pollution control regulations generally follow federal requirements with some state
specific differences.

Currently, portions of Kentucky are classified as nonattainment for ozone. Additionally, part of
Boyd County is nonattainment for SO2. APCDJC imposes certain additional requirements due to
the nonattainment status for ozone. Jefferson County has adopted all relevant state and federal
requirements and has instituted specific regulations to restrict major source VOC emissions.
Specific operations associated with major sources have VOC standards included in Kentucky
regulations. Additionally, RACT may be required for major source VOC emissions, evaluated
on a case-by-case basis. The Kentucky PSD program parallels the federal program and the
Jefferson County PSD program is essentially the same as the federal PSD program also.
Kentucky has one Federal Class I designated area.

The Kentucky and Jefferson County HAP program closely follows the federal requirements. In
addition, Kentucky has set State Ambient Air Quality Standards for hydrogen fluoride and
hydrogen sulfide. The Kentucky NSPS program follows the federal standards.

3A.4.2 Water Regulations1

Wastewater is regulated by the Kentucky Department for Environmental Protection (KDEP),
Division of Water Quality. The Kentucky Pollutant Discharge Elimination System (KPDES)
Branch is authorized by U.S. EPA to administer and enforce the NPDES program and the
National Pretreatment program for industrial wastewater discharged to POTWs.

In addition to federal NPDES regulations, Kentucky adds several requirements. These
requirements include the requirement of more stringent water quality based effluent guidelines
when EPA effluent guidelines are considered not sufficiently protective. Also, Kentucky
incorporates mixing zones into water quality based effluent guideline calculations. The
Kentucky stormwater program is similar to the federal program. Sampling requirements for
certain industries are different than those outlined in the federal requirements.
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3A.4.3 Solid Waste Regulations2

Under Kentucky regulations, fly ash, bottom ash, slag, and flue gas emission control waste
generated primarily from the combustion of coal or other fossil fuels, along with gasifier ash and
process waste water from coal gasification, are exempt from regulation as hazardous waste (401
KAR 31:010§4(2)). CCBs (including fly ash, bottom ash, and scrubber sludge produced by coal-
fired electrical generating units) are classified as special waste (KRS § 224.50-760; 401 KAR
45:010§(4)). Excluded from the definition of CCBs are boiler slag and residues of refuse-derived
fuels such as municipal waste, tires, and solvents (KRS 350.010 (24)). Under Kentucky law,
CCBs (as defined above) may be reused under permit by rule regulation 1) as an ingredient in
manufacturing a product; 2) as an ingredient in cement, concrete, paint, and plastics; 3) as an
anti-skid material; 4) as highway base course; 5) as structural fill; 6) as blasting grit; and 7) as
roofing granules. Specific conditions for reuse of CCBs include: 1) the CCB reuse may not
create a nuisance; 2) erosion and sediment controls must be undertaken; 3) the CCB reuse must
be at least 100 feet from a stream and 300 feet from potable wells, wetlands, or flood plains; 4)
the ash must be "non-hazardous;" and 5) the generator must submit an annual report (401 KAR
45:060). Also allowable is the disposal in an active mining operation if the mine owner/operator
has a mining permit, issued by the Department for Surface Mining, Reclamation and
Enforcement authorizing disposal of special waste (KRS 350.270). Specific disposal and
analysis requirements apply.

3A.5 New York

3A.5.1 Air Regulations1

The New York State Department of Environmental Conservation (NYSDEC), Division of Air
Resources, regulates air quality in New York. Several counties have their own unique
requirements administered in addition to those of New York State.

NYSDEC has developed numerous state-specific air quality regulations. Those that are most
notably distinct from federal requirements are permit and registration conditions and the
NYSDEC’s General Process Emission Sources - Part 212. The General Process Emission
Sources (6 NYCRR Part 212) has traditionally been used by NYSDEC to regulate all air
contaminant sources that are not addressed by categorical standards. Under these regulations,
each air contaminant is addressed individually, classified into an environmental toxicity category,
and controlled based on category and source emission potential.

New York has a number of counties designated as nonattainment for criteria pollutants. Twenty-
two counties are nonattainment for ozone, seven counties are nonattainment for carbon
monoxide, and one county designated as nonattainment for PM10. When a proposed source
project or a proposed major facility is subject to NSR for any nonattainment contaminant, LAER
is required for any emission source included in that project or facility that emits that
nonattainment contaminant. New York implements and parallels the federal PSD program. For
its PSD program, New York has developed a four-category air quality classification system based
on population density and land use. New York currently has no Federal Class I designated areas.

New York has incorporated federal HAP and NSPS regulations by reference.
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3A.5.2 Water Regulations1

The New York State Department of Environmental Conservation (NYSDEC), Division of Water,
regulates wastewater in New York and handles the states SPDES permit program.

New York has been delegated authority to administer the NPDES program. For wastewater
discharges, New York does not allow state rules to be more stringent than the corresponding
federal regulations. In most cases federal rules are adopted by reference or the federal text is
used verbatim. New York includes ground water in its definition of state waters. New York’s
storm water regulations are similar to federal storm water regulations, with additional
requirements for general storm water discharge permits for construction sites and industrial
facilities. New York is not authorized by the U.S. EPA to implement the National Pretreatment
Program, with EPA Region II regulating the pretreatment program for industrial water discharges
to POTWs. While New York is not authorized to administer its own state pretreatment program,
it does regulate industrial sources that discharge to POTWs without EPA-approved pretreatment
programs, incorporating the permitting into the SPDES program. The permit program reflects
federal requirements with federal industrial pretreatment regulations adopted by reference, while
imposing less stringent reporting requirements.

3A.5.3 Solid Waste Regulations2

Under New York regulations, fly ash, bottom ash, slag, and flue gas emission control waste
generated primarily from the combustion of coal or other fossil fuels, along with gasifier ash and
process waste water from coal gasification, are exempt from regulation as hazardous waste (6
NYCRR Chapter IV, Subchapter B, § 371.1(e)(20)). Bottom ash may be used as a component in
the manufacture of roofing shingles or asphalt products, or as a traction agent on roadways,
parking lots, or other driving surfaces. Fly ash or "gas scrubbing products" may be used as an
ingredient in producing lightweight block, lightweight aggregate, low strength backfill material,
manufactured gypsum, or manufactured calcium chloride. Fly ash or bottom ash may be used as
a cement or aggregate substitute in concrete or concrete products, as raw feed in the
manufacturing of cement, or as structural fill within building foundations when placed above the
seasonal high groundwater table. Certain reporting requirements also exist. Other proposed
beneficial reuses may be approved by the State on a case-by-case basic (6 NYCRR Chapter IV,
Subchapter B, § 360-1.15).

3A.6 Ohio

3A.6.1 Air Regulations1

Ohio’s air quality programs are managed through the Ohio Environmental Protection Agency
(OEPA), Division of Air Pollution Control.

Ohio’s air pollution control regulations generally follow the federal requirements, although the
state has developed specific regulations covering other areas of air quality management and air
emissions control. Ohio currently has two counties that are nonattainment for sulfur dioxide.
Ohio regulations for nonattainment area NSR and PSD programs are very similar to federal rules.
Ohio currently has no Federal Class I designated areas.
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Ohio has been delegated authority from EPA to implement the federal program for HAPs and
NSPS. The regulations closely follow the federal requirements.

3A.6.2 Water Regulations1

Ohio’s water quality and wastewater management programs are overseen by the OEPA, Division
of Drinking and Groundwater or the Division of Surface Water.

Ohio has been delegated authority to administer the NPDES program and the National
Pretreatment Program for industrial wastewater discharges to POTWs. Permits are issued by the
OEPA Division of Surface Water. Ohio has adopted the federal wastewater regulations and has
included a few additional provisions, including categories for the issuance of general wastewater
permits and the inclusion of groundwater in the definition of the waters of the state. Ohio storm
water regulations parallel federal EPA construction and multi-sector general permits with several
additional provisions, also including categories for the issuance of general storm water permits,
administrative provisions, and additional stabilization requirements included in construction
general permits. State industrial pretreatment regulations adopt federal regulations by reference.

3A.6.3 Solid Waste Regulations3

Under Ohio regulations, fly ash, bottom ash, boiler slag, and flue gas emission control by-
products (FGD material) generated primarily from the combustion of coal or other fossil fuels,
along with gasifier ash and process waste water from coal gasification, are exempt from
regulation as hazardous wastes (Ohio Administrative Code, §3745-51-04-B). Fly ash, bottom
ash, boiler slag, and FGD are regulated as solid wastes. Non-toxic fly ash, bottom ash, and slag
are regulated as exempt wastes, i.e.; they are excluded from the statutory definition of solid
waste. FGD material is considered to be an air pollution control waste and is regulated as a
residual solid waste (Ohio Administrative Code, §3745-30-01-B-1).

The reuse of CCBs is not specifically authorized under Ohio law or regulations, but the reuse of
non-toxic fly ash and bottom ash is authorized under a policy document (Ohio Environmental
Protection Agency (OEPA) Policy DSW 0400.007). Non-toxic CCBs may be reused 1) as a raw
material in manufacturing a final product; 2) as a stabilization/solidification agent for other
wastes that will be disposed; 3) as a part of a composting process; 4) in uses subject to USEPA
procurement guidelines; 5) for extraction or recovery of materials and compounds in CCBs; 6) as
an anti-skid material or road preparation material; 7) for use in mine subsidence stabilization,
mine fire control, and mine sealing; 8) as an additive in commercial soil blending operations,
where the product will be used for growth of ornamentals (no food crops or grazed land); 9) as
daily cover at a landfill; 10) as structural fill, defined as an engineered use of waste material as a
building or equipment supportive base or foundation and does not include valley fills or filling of
open pits from coal or industrial mineral mining; 11) as pipe bedding, for uses other than
transport of potable water; 12) as a construction material for roads or parking lots (sub-base or
final cover); and 13) other single beneficial uses of less than 200 tons. Certain reporting and
analysis guidelines may apply to the above uses.
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3A.7 Pennsylvania

3A.7.1 Air Regulations1

Pennsylvania’s air quality programs are managed through the Pennsylvania Department of
Environmental Protection (DEP), Bureau of Air Quality.

Pennsylvania has adopted and is implementing federal air quality requirements and has
introduced a number of important additions. In addition to the NAAQS for criteria pollutants,
Pennsylvania has set ambient air standards for beryllium, hydrogen fluoride, and hydrogen
sulfide. Pennsylvania has many counties that are nonattainment for regulated pollutants. Thirty-
two counties or portions thereof are nonattainment for ozone, three are nonattainment for SO2,
and one is nonattainment for PM10. Portions of one county are designated as nonattainment
(unclassified) for CO. Pennsylvania also requires new or modified sources that impact a
nonattainment area, are located within an ozone transport region and meeting certain emission
criteria, or facilities located in an unclassifiable area or within a marginal nonattainment area
located within an ozone transport region be subject to NSR requirements. Pennsylvania has
adopted the federal PSD program, although local authorities may adopt requirements that are
more stringent. Pennsylvania has no areas of federal Class I designation.

Pennsylvania has adopted the federal HAP, MACT and NSPS standards, with the addition of the
ambient air standards mentioned for beryllium, hydrogen fluoride, and hydrogen sulfide.

Pennsylvania has also established a NOx budget and allowance trading system, which includes
monitoring, reporting, and record keeping requirements.

3A.7.2 Water Regulations1

The Pennsylvania Department of Environmental Protection (DEP), Bureau of Water Quality
Protection, Office of Wastewater Management has the responsibility for water quality and
wastewater management issues in the state.

Pennsylvania has been authorized by the U.S. EPA to administer the NPDES program.
Pennsylvania has not, however, been authorized to implement the National Pretreatment
Program. Therefore, EPA Region III regulates the pretreatment program for wastewater
discharges to POTWs. Pennsylvania follows the federal requirements for wastewater NPDES
permitting while adding a few rules of its own. Effluent guidelines may be more stringent based
on state water quality standards or local wastewater requirements. Also, industrial wastewater
discharges are subject to standards and limitations for oil content, acidity, and heat content. The
state storm water permits add a few additional provisions beyond the federal requirements,
including administrative and erosion and sediment control plan requirements.

3A.7.3 Solid Waste Regulations2

Pennsylvania adopts the federal hazardous waste exemptions by reference (25 Pa. Code
§261.A.1.4). Therefore, fly ash, bottom ash, slag, and flue gas emission control waste generated
primarily from the combustion of coal or other fossil fuels, along with gasifier ash and process
waste water from coal gasification, are exempt from regulation as hazardous waste. The
beneficial use of coal ash, defined as fly ash, bottom ash, and boiler slag resulting from the
combustion of coal (25 Pa. Code § 287.1), is regulated under the Solid Waste Management Act
and the residual waste management regulations (25 Pa. Code § 287.661-287.666), which
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authorize the use of coal ash 1) as a structural fill; 2) as a soil substitute or additive; 3) for
reclamation at an active surface coal mine site, a coal refuse reprocessing site, or a coal refuse
disposal site; 4) for reclamation at an abandoned coal or an abandoned non-coal (industrial
mineral) mine site; 5) in the manufacture of concrete; 6) for the extraction or recovery of one or
more materials and compounds contained within the coal ash; 7) as an anti-skid material or road
surface preparation material (bottom ash or boiler slag only); 8) as a raw material for a product
with commercial value; 9) for mine subsidence control, mine fire control, and mine sealing; 10)
as a drainage material or pipe bedding; and 11) the use of fly ash as a stabilized product where
the physical or chemical characteristics are altered prior to use or during placement so that the
potential of the coal ash to leach constituents into the environment is reduced. Some uses must
comply with specific state regulations.

3A.8 Tennessee

3A.8.1 Air Regulations1

The Tennessee Department of Environment and Conservation (TDEC), Division of Air Pollution
Control, manages air quality programs in Tennessee.

The Tennessee state air pollution program generally follows the federal requirements although it
includes a number of state specific provisions. Tennessee currently has part of one county
designated as nonattainment for lead. While there are no areas that are currently designated
nonattainment for ozone, Tennessee regulations include emission offset requirements for NOx
and VOCs, should any area be designated nonattainment in the future. The offsets are as follows:

• Marginal 1.1:1

• Moderate 1.15:1

• Serious 1.2:1

• Severe 1.3:1

• Extreme 1.5:1

Tennessee has adopted the federal PSD program, with state requirements that parallel federal
regulations. The owner or operator of a proposed major source or major modification may
request approval from the permitting agency for the use of innovative control technology in lieu
of BACT. Tennessee has three areas that are Class I designation.

Tennessee has been delegated authority for the implementation of HAP, MACT and NSPS
regulations, with standards that generally follow the federal requirements.

3A.8.2 Water Regulations1

The Tennessee Department of Environment and Conservation (TDEC), Division of Water
Pollution Control, manages water quality and wastewater issues in Tennessee.

TDEC has been delegated authority to administer the NPDES permit program, including
stormwater discharges. TDEC has also been authorized by U.S. EPA to implement and enforce
the National Pretreatment Program for wastewater discharges to POTWs in the state. The state
wastewater regulations generally follow the federal regulations, with additional requirements
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outlining the authorization of more stringent numerical limits based on state water quality
standards, derived from the water body’s intended use, along with narrative and numeric criteria
for dissolved oxygen, pH, hardness, total dissolved solids, solids, turbidity, temperature, and
fecal coliform. The state storm water regulations include construction and multi-sector general
permits that follow federal storm water permit conditions. Tennessee has incorporated the
federal industrial pretreatment standards for industrial discharges to POTWs.

3A.8.3 Solid Waste Regulations2

Under Tennessee law, fly ash, bottom ash, slag, and flue gas emission control waste generated
primarily from the combustion of coal or other fossil fuels, along with gasifier ash and process
waste water from coal gasification, are not considered hazardous waste (TENN.COMP. R. &
REGS. 1200-1-11-.02(1)(d)(2)(xiii) and (xv)). Fly ash, bottom ash, and boiler slag may be
reused under permit by rule regulation: 1) in engineered structures for a highway overpass, levee,
runway, or foundation backfill; and 2) in other proposed beneficial uses approved on a case-by-
case basis (TENN.COMP. R. & REGS. 1200-1-7-.02(1)(c)(1)(ii)). Certain restrictions and
requirements apply to "permit by rule" uses and proper written notification of the beneficial use
must be submitted to the Tennessee Department of Environmental Conservation and approved.

3A.9 Texas

3A.9.1 Air Regulations1

The Texas Natural Resource Conservation Commission (TNRCC), Office of Air Quality is
responsible for implementing air quality programs in Texas.

Texas air pollution regulations have a number of significant variations from federal standards. In
Texas, all sources of emissions constructed or modified after September 1, 1971 must have a
state NSR permit, unless they meet all requirements of codified standard exemptions. Texas
currently has sixteen counties designated as nonattainment for ozone and one county that is also
nonattainment for CO and PM. TNRCC has imposed additional requirements for sources located
in nonattainment areas. New sources located in nonattainment areas that result in an increase in
VOC emissions of 5 TPY or more may trigger new source review. The major source threshold
for VOC and NOx emissions from new sources located in moderate nonattainment areas is 100
TPY and for major modifications is 40 TPY. The major source threshold for VOC and NOx
emissions from new sources located in serious nonattainment areas is 50 TPY and for major
modifications is 25 TPY. The major source threshold for VOC and NOx emissions from new
sources and modification of existing sources located in severe nonattainment areas is 25 TPY. In
addition to permit record keeping and reporting requirements, TNRCC requires facilities to
submit an annual inspection fee along with an emission fee based on annual tonnage emissions of
each regulated pollutant, with a maximum of 4,000 tons for each pollutant.

TNRCC also imposes flow rate and effective stack requirements for facilities that emit PM
greater than 3.5 pounds / hour. TNRCC also provides for specific sulfur emissions for solid
fossil fuel fired steam generators, which includes continuous emission monitoring systems for
facilities equipped with SO2 emission control equipment. Additionally, TNRCC has imposed
NOx emission control and monitoring requirements applicable to existing facilities located in the
Houston/Galveston and Beaumont/Port Arthur areas, specifically applicable to commercial,
institutional, or industrial boilers with a maximum rated capacity of 40 106 Btu/hour or greater,
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stationary combustion turbines with a 1 MW or greater rating, or stationary internal combustion
engines (in the Houston/Galveston area only) with a 150 horsepower rating or greater.
Furthermore, TNRCC defines a pollution episode as "a widespread condition of air pollution as
specified in the Texas Water Code, §5.514, that requires immediate action to protect human
health or safety. An episode may be declared for one or more air contaminants and will apply to
any geographical area affected by the generalized condition of air pollution." TNRCC requires
that major stationary sources of 100 TPY or more of any criteria pollutant and located in El Paso,
Galveston, Harris, Jefferson, and Orange Counties prepare and maintain an emission reduction
plan which includes action plans and impact analysis of operational curtailment. TNRCC also
outlines specific monitoring requirements, including reporting requirements of upset conditions,
including control equipment malfunctions.

Texas has adopted by reference the federal PSD program. Texas has also been delegated
authority and implements federal HAP and MACT standards, along with federal NSPS standards.

Texas also imposes a fuel oil surcharge of $0.20/106 Btu that must be paid for fuel oil burned
between April 15 and October 15 in boilers with a heat input capacity of at least 10 million
Btu/hour capable of burning natural gas by facilities located in a consolidated metropolitan
statistical area or in a nonattainment area.

3A.9.2 Water Regulations1

The TNRCC Office of Water Resources Management helps manage the state’s water resources.
Texas has been delegated authority by U.S. EPA to administer the NPDES program, including
storm water discharges. TNRCC has also been authorized authority to administer the National
Pretreatment Program for industrial discharges to POTWs in the state.

Texas issues TPDES permits, which include several additional requirements beyond federal
requirements. TNRCC uses the more stringent 7-day, 2-year flow rate for the mixing zone in the
determination of water quality-based effluent limits. An annual waste treatment fee is required
for each person holding a permit or other authorization issued under Chapter 26 of the Water
Code, not to exceed $25,000 for TPDES permit holders. Facilities that operate waste water land
applications or discharge to surface waters in the Edwards Aquifer recharge zone must comply
with additional requirements which include the preparation of a water pollution abatement plan,
the prohibition of treatment facility bypass, the prohibition of discharge of untreated or partially
treated wastewater, and the application of additional standards for carbonaceous biochemical
oxygen demand, total suspended solids, ammonia nitrogen, and phosphorous. Texas assumed
administration of the federal multi-sector industrial stormwater permits. TNRCC issued a draft
stormwater general permit that contains provisions similar to the federal multi-sector storm water
permit and is expected to become final in the summer of 2001. Industrial pretreatment
regulations adopt by reference the federal pretreatment requirements except that the Upset
Provision (40 CFR 403.16) has not been adopted by the state.

3A.9.3 Solid Waste Regulations2

Texas adopts the federal hazardous waste exemptions by reference (30 TAC §335.1). Therefore,
fly ash, bottom ash, slag, and flue gas emission control waste generated primarily from the
combustion of coal or other fossil fuels, along with gasifier ash and process waste water from
coal gasification, are exempt from regulation as hazardous waste. Under Texas regulations,
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CCBs may be classified as industrial solid wastes. The Texas Natural Resource Conservation
Commission issued CCB reuse guidance, under which CCBs are not subject to classification as a
waste and are designated as "co-products" when used in: 1) concrete, concrete products,
cement/fly ash blends, pre-cast concrete products, lightweight and concrete aggregate, roller
compacted concrete, soil cement, flowable fill, roofing material, insulation material, artificial
reefs, and as mineral filler (fly and bottom ash); 2) as a raw feed for concrete manufacture and in
masonry (fly ash, bottom ash, and FGD material); 3) in oil well cementing and waste
stabilization and solidification (fly ash); 4) as roadbase when covered by a wear surface; 5) as an
unsurfaced road construction material, road surface traction material, and blasting grit (bottom
ash); and 6) in wall board and sheetrock (FGD material).

3A.10 West Virginia

3A.10.1 Air Regulations1

West Virginia’s air quality programs are managed through the West Virginia Department of
Environmental Protection (DEP)

West Virginia’s air quality regulations generally follow federal requirements. Currently, portions
of two counties are designated nonattainment for PM10 and a portion of one county is designated
nonattainment for SO2. West Virginia nonattainment requirements impose LAER for new major
sources and major source modifications for sources located within the nonattainment areas along
with sources located in attainment areas that will have an impact on a nonattainment area. West
Virginia’s PSD parallels the federal PSD program. Additionally, West Virginia has two areas
designated as Class I requiring visibility impact considerations.

West Virginia adopts by reference 40 CFR Parts 61 and 63 for regulation of HAPs and 40 CFR
Part 60 for New Source Performance Standards.

3A.10.2 Water Regulations1

The West Virginia Department of Environmental Protection (DEP), Office of Water Resources
has been delegated authority by U.S. EPA to administer the NPDES program, including storm
water management, and the National Pretreatment Program for industrial discharges to POTWs.

West Virginia wastewater regulations follow applicable federal regulations with several
additional requirements. West Virginia regulations include groundwater in its definition of
"waters of the state." Other additions include the preparation of a fact sheet for every draft
NPDES permit for a major facility or activity, for every general permit, and certain other permit
submissions, along with the certification of laboratories that analyze samples of waste or waste
water, and notification requirements for spills and non-permitted discharges into navigable
waters. West Virginia storm water regulations mirror the federal multi-sector and construction
general permits, also adding several additional requirements. Included in these additional
requirements are submission deadlines prior to onset of activities, monitoring and analysis of an
initial storm water event, and the preparation of both a Storm Water Pollution Prevention Plan
and a Groundwater Pollution Prevention Plan. West Virginia’s industrial pretreatment
regulations mirror federal pretreatment requirements with an additional application provision for
certain POTWs prior to acceptance of increased industrial flows.
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3A.10.3 Solid Waste Regulations2

West Virginia regulations adopt by reference the federal regulation that exempts CCBs
(including fly ash, bottom ash, slag, and flue gas emission control waste generated primarily from
the combustion of coal) from classification as hazardous waste. West Virginia provides specific
regulations for the use and disposal of CCBs, including closure and analysis requirements (33
CSR 1-5.5.b). Under West Virginia regulations, CCBs may be reused: 1) as a material in
manufacturing another product or as a substitute for a product or natural resource; 2) for the
extraction or recovery of materials and compounds contained within the CCBs; 3) as a
stabilization/solidification agent for other wastes if used singly or in combination with other
additives or agents to stabilize or solidify another waste product; 4) under the authority of the
West Virginia Abandoned Mine Lands and Reclamation Act and the Surface Coal Mining and
Reclamation Act; 5) as pipe bedding or as a composite liner drainage layer; 6) as an anti-skid
material (bottom ash, boiler slag); 7) as a daily or intermediate cover for certain solid waste
facilities; 8) as a construction base for roads or parking lots that have asphalt or concrete wearing
surfaces.

3A.11 Appendix 3-A References
1 Specialty Technical Publishers “Environmental State Differences - Regulatory Differences Summary” [CD-ROM]
Version 2001-3.
2 “State and Federal Environmental Framework Governing the Use of Coal Combustion Products (CCPs),”
American Coal Ash Association (ACAA), 2000.
3 Butalia, T., Wolfe, W., “Market Opportunities For Utilization Of Ohio Flue Gas Desulfurization (FGD) And Other
Coal Combustion Products (CCPs) Volume 2 – Findings, Recommendations, and Conclusions,” Department of Civil
and Environmental Engineering and Geodetic Science, Ohio State University, May 2000.
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UNITED STATES ENVIRONMENTAL PROTECTION AGENCY

RESEARCH TRIANGLE PARK, NC 27711

DEC 13 2005

OFFICE OF
AIR QUALITY PLANNING

AND STANDARDS

Mr. Paul Plath
Senior Partner
E3 Consulting, LLC
3333 South Bannock Street, Suite 740
Englewood, Colorado 80110

Subject: Best Available Control Technology Requirements for Proposed Coal-Fired
Power Plant Projects

Dear Mr. Plath:

Your firm's letter to me dated February 28,2005, from D. Edward Settle, asks for
the U.S. Environmental Protection Agency's (EPA) position regarding whether an
analysis of Best Available Control Technology (BACT) for proposed coal-fired power
plants must specifically include evaluation of alternative designs of coal-fueled processes
such as integrated gasification combined cycle (IGCC). Generally, the Clean Air Act
(CAA) requires an applicant to apply BACT as a condition for issuance of a prevention
of significant deterioration (PSD) construction permit in an attainment area. This
response provides EPA's view of how the CAA should be interpreted and EPA
regulations applied under the particular circumstances presented based on prior EPA
policy statements and adjudicatory decisions.

There are two different parts of the PSD permitting process where consideration
of alternative designs or production processes may occur. One part is under Section
165(a)(2) where it is required that the permitting authority allow an "opportunity for
interested persons ... to appear and submit written or oral presentations on the air quality
impact of such source, alternatives thereto, control technology requirements, and other
appropriate considerations" (emphasis added). The other part is section 165(a)(4), which
requires that a proposed facility subject to PSD apply BACT. In Section 169(3) of the
CAA, BACT is defined as "an emission limitation based on the maximum degree of
reduction ... which the permitting authority ... determines is achievable for such facility
through application of production processes and available methods, systems, and
techniques, including fuel cleaning, clean fuels, or treatment or innovative fuel
combustion techniques for control of each such pollutant."

RecycledIRecyclable • Printed wnh Vegetable Oil Based Inks on 100% Recycled Paper (40% Postconsumer)
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EPA's view is that, through this language, Congress distinguished "production
processes and available methods, systems and techniques" that are potentially applicable
to a particular type of facility and should be considered in the analysis of BACT from
"alternatives" to the proposed source that would wholly replace the proposed facility with
a different type of facility. Although we read this language to draw such a distinction, in
practice, it is often not clear when another production process should be considered to fit
within the BACT definition and when it should be considered an alternative to the
proposed source. This distinction is especially difficult to make for coal gasification
because the definition of BACT includes "innovative fuel combustion techniques" in a
list of examples of production processes or available methods, systems, or techniques to
be considered in the BACT analysis. However, even assuming that coal gasification
were in all respects an innovative fuel combustion technique for producing electricity
from coal, we do not believe Congress intended for an "innovative fuel combustion
technique" to be considered in the BACT review when application of such a technique
would redesign the proposed source to the point that it becomes an alternative type of
facility, which, as discussed below, we believe would be the case if IGCC were applied to
a proposed SCPC unit.

As noted in prior EPA decisions and guidance, EPA does not consider the BACT
requirement as a means to redefine the basic design of the source or change the
fundamental scope of the project when considering available control alternatives. For
example, we do not require applicants proposing to construct a coal-fired steam electric
generator to consider building a natural gas-fired combustion turbine as part of a BACT
analysis, even though the turbine may be inherently less polluting per unit product (in this
case electricity). In re SEI Birchwood Inc, 5 E.A.D. 25 (1994); In re Old Dominion
Electric Cooperative, 3 E.A.D. 779 (1992).

Therefore, the question in this instance is whether IGCC results in a redefinition
of the basic design of the source if the permittee is proposing to build a supercritical
pulverized coal (SCPC) unit. In this situation, EPA's view is that applying the IGCC
technology would fundamentally change the scope of the project and redefine the basic
design of the proposed source. Portions of an IGCC process are very similar to existing
power generation designs that we have previously identified as a redefinition of the basic
design of source when an applicant proposed to construct a pulverized coal-fired boiler.
The combined cycle generation power block of an IGCC employs the same turbine and
heat recovery technology that is used to generate electricity with natural gas at other
electrical generation facilities. As noted above, we do not require applicants proposing to
construct a coal-fired steam electric generator to consider building a gas-fired combustion
turbine as part of a BACT analysis. Furthermore, the core process of gasification at an
IGCC facility is more akin to technology employed in the refinery and chemical
manufacturing industries than technologies generally in use in power generation (i.e.,
controlled chemical reaction versus a true combustion process). This technology would
necessitate different types of expertise on the part of the company and its employees to
produce the desired product (electricity) than the typical SCPC unit. Therefore, where an
applicant proposes to construct a SCPC unit, we believe the IGCC process would
redefine the basic design ofthe source being proposed.
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Accordingly, consistent with our established BACT policy, we would not require
an applicant to consider IGCC in a BACT analysis for a SCPC unit. Thus, for such a
facility, we would not include IGCC in the list of potentially applicable control options
that is compiled in the first step of a top-down BACT analysis. Instead, we believe that
an IGCC facility is an alternative to an SCPC facility and therefore it is most
appropriately considered under Section 165(a)(2) of the CAA rather than section
165(a)(4).

Your letter did not specifically request guidance on whether IGCC should be
considered in a LAER analysis for a SCPC, but I am taking this opportunity to address
the issue. As with BACT, an applicant must generally comply with LAER as a condition
for issuance of a nonattainment new source review (NSR) permitin a nonattainment area.
Section 173(a)(5) of the CAA requires an applicant to conduct, "an analysis of
alternative sites, sizes, production processes and environmental control techniques for
such proposed source." (emphasis added). Because we believe IGCC results in a
redefinition of the source in this situation, it should not be considered in a LAER analysis
for a SCPC unit. Nonetheless, we believe that the technology should be considered under
Section 173(a)(5) when an SCPC unit is proposed in nonattainment areas.

I trust that this response addresses the issues raised in your letter.

Sincerely,

tep en D. Page
Director

Office of Air Quality, Planning
and Standards
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Statement of James Childress
Executive Director

Gasification Technologies Council

To the Clean Air, Wetlands and
Climate Change Subcommittee

Of the Committee on Environment and Public Works
Of the U.S. Senate

January 29, 2002

Introduction

The Gasification Technologies Council wishes to submit this statement regarding the

opportunities that Integrated Gasification Combined Cycle (IGCC) power plants offer

coal based electric power generators to meet more stringent SO2 and NOx  emissions

standards as well as possible new limitations on carbon and mercury emissions.

The Council's member companies own, operate or provide technologies, equipment or

services to plants that account for more than 95% of the world's gasification capacity.

This summary statement is based upon technical papers, studies and data available on the

Council's web site - http://www.gasification.org.

Gasification is a Commercially Proven Technology

Gasification is a widely used, commercially proven technology.  Today there are

approximately 130 gasification plants in operation around the world with some 35

additional facilities in various stages of development, design and construction.  When all

of these plants are operating they will have the capacity produce the energy equivalent of

750,000 barrels per day of clean gas for use in power generation as well as for the

production of fuels and chemicals.  In the U.S. there are 20 gasification plants in

operation producing a variety of products including electricity; at least one-half again that

many are in the pipeline.
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The commercial value of gasification is based on its strong environmental performance

and its ability to convert a variety of low-, or negative-value feedstocks such as coal,

petroleum coke and other petroleum residues, and waste materials into commercial

products.  The greatest level of interest in the U.S. today, and the focus of this statement,

is in the use of modern, high temperature gasification technologies in IGCC power plants

to produce clean gas for generation of electricity.  This application accounts for more

than 90% of planned new U.S. gasification capacity.

The Gasification Process is Inherently Clean

Gasification is a process technology that reacts coal and other carbon-containing

materials at high temperature and pressure under controlled conditions that convert the

coal into a "synthesis gas" (syngas).  The syngas is composed primarily of carbon

monoxide, hydrogen and carbon dioxide and can be burned to recover its energy value or,

using other commercial processes, converted into a variety of chemicals and fuels.

An IGCC plant is generally configured with a gasifier, oxygen plant, gas cleanup

system(s) and a high efficiency combined cycle power island.  Most commercially

available systems can range in size from 250-300 megawatts of capacity to more than

1,000 megawatts, using multiple gasifiers.

During the gasification process, the syngas is cleaned of particulates, sulfur and other

potential pollutants using proven, commercially-available processes.  The sulfur is

recovered in its elemental state or as sulfuric acid, both widely traded commodities.  The

temperature of the gasification process turns ash and other inert material in the feedstock

into a molten liquid that, when cooled, is an inert, non-leaching, sand-like material --

called frit or slag -- that has construction uses.  If the frit is landfilled, it exhibits none of

the leaching characteristics of scrubber wastes from conventional pulverized coal (PC)

plants that can cause water pollution problems.
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At the end of the process, a modern, high temperature slagging gasifier provides a clean

gas that can be sent to a highly efficient combined-cycle power block without the need

for post-combustion emissions controls.  This obviates the need for baghouses, scrubbers

and other "end of the pipe" cleanup methods used on PC plants that generate large

volumes of wastes and reduce plant efficiency.  It also reduces significantly the size of

equipment needed for removal of sulfur, particulates, and other potential pollutants.

IGCC Criteria Pollutant Emissions Are Well Below Even Newest PC Plants

Because the syngas is cleaned prior to combustion, criteria pollutant emissions for a coal-

based IGCC plant are well below those of even the most modern pulverized coal plants

with post combustion cleanup.

Figure 1.  Air Emissions for Coal-Based Power Plants

(Pounds per Million Btu's of Coal Input)

The chart above compares air emissions from three coal-based power plants.  It illustrates

the actual 1998 emissions for an IGCC plant that began operating in 1995 (IGCC 1998).

Its emissions of SOx and NOx are below those of a new, "state of the art" PC plant

(described as the "cleanest coal plant of its size east of the Mississippi")  being proposed

to start up in 2006 (PC 2006).
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The next generation of IGCC employing the same technology (IGCC 2006), but

reflecting improvements made through actual operating experience, will have SOx

emissions that are only 13% of those of the PC plant and NOx emissions that are 50%

lower.

IGCC Provides Cost-Effective Mercury Emissions Reductions

An IGCC plant will also have a significant economic advantage over a PC plant if

limitations on mercury emissions are placed on coal-based power generation.  Because

the gasifier operates under high pressure, the syngas stream is compressed to a volume

that is approximately 1-2% that of the post-combustion flue gas from a similar-sized

pulverized coal plant.  This concentrates the mercury in the syngas, making its removal

less costly and more efficient than doing so from the much larger volume of flue gas of a

PC plant.

Figure 2.  Cost of Mercury Removal from Coal-Based Power Generation

(Dollars per pound removed)

A recently completed economic analysis by the Department of Energy found that, to

achieve 90% removal of mercury from the syngas, the cost to remove a pound of mercury

in a coal-based IGCC plant using an activated carbon bed is less than one-tenth the cost
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of removing the same amount from the flue gas of a PC plant.

Mercury removal from coal-based syngas is being practiced commercially today.

Removal of mercury from the flue gas of a PC plant is still in the R&D phase and may

not be commercially available for years.

IGCC Can Reduce Carbon Dioxide Emissions from Coal-Based Power Generation

Carbon dioxide emissions from an IGCC plant are typically 15-20% below those of a

comparably sized PC plant because of the IGCC's greater efficiency.  If additional CO2

emissions reductions are required, an IGCC plant can be configured to convert most of

the carbon in the syngas into CO2.  The fuel for the combustion turbine then becomes

mostly hydrogen and water.  The concentrated CO2 in the pre-combustion gas stream can

be captured.  In a PC plant CO2 capture is post-combustion, more costly and inefficient.

Conclusion

Gasification is a proven technology, being widely practiced commercially in the U.S. and

around the world.  Integrated Gasification Combined Cycle Power Generation is the

cleanest, most efficient means of generating electricity from coal.  Because gasification

technologies are inherently clean, an IGCC reduces criteria pollutants to levels not

economically achievable in pulverized coal plants.  Mercury and carbon emissions

reductions are also available if limitations on these emissions are required.
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The Honorable Spencer Abraham

Secretary of Energy

United Sates Department of Energy

Room 7A-219

1000 Independence Avenue, S.W.

Washington, D.C.    20585  

Dear Mr. Secretary:    

On behalf of the National Coal Council I am pleased to submit the enclosed report entitled “Increasing Coal-
Fired Generation Through 2010:  Challenges and Opportunities.”  This report was authorized by your letter of 
September 21, 2001. It was prepared, deliberated and recommended by the Coal Policy Committee at its meeting 
on April 25, 2002, and formally approved by The National Coal Council at its meeting on May 7, 2002.  
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You requested that the Council conduct a study to determine what “advanced technologies” might be available 
for the generation of electricity from coal in the next five to seven years, and that the Council “quantify 
additional power that could be produced over this time frame at lower cost and with lower emissions” than the 
current commercial offerings.  This study was to be a follow-up to the previous study prepared  by the Council in 
May, 2001 entitled “Increasing Electricity Availability From Coal-Fired Generation in the Near Term.”  

The Council accepted this request and formed a study group of experts to conduct the work,  at the direction of 
the Coal Policy Committee of the Council, which is chaired by Malcolm Thomas, Vice President of Kennecott 
Energy and a member of the Council.  The study group was co-chaired by Richard Eimer, Senior Vice President 
of Dynegy Midwest Generation, and Georgia Nelson, President of Midwest Generation Company, respectively.  
Both co-chairs are members of the Council as well.  

The original study produced in May, 2001, estimated that up to 40,000 MW of additional generation capacity 
could be added from coal-fired generation in the next three years.  However, that estimate included the caveat 
that this new capacity would only be possible if the New Source Review (NSR) process and regulations were 
streamlined and reformed.  The Council continues to support the May, 2001 report’s findings and 
recommendations and urges your continued efforts in adopting them.  

The enclosed report extends this three-year time horizon out to 2010.  In the past 24 months, more than 22,000 
MW of new coal-fired generation has been announced, planned or begun the permitting and licensing processes.  
Almost all of this capacity will use existing technology in its production.  

In order to promote deployment of more advanced technologies and continue to reduce air emissions, the Council 
recommends that the Department of Energy:  

●     establish a program to facilitate the development of technologies for the use of coal along two pathways:  
combustion and gasification; 

  

●     promote and support the need for a broad portfolio of technology development to allow maximum fuel 
flexibility in the energy production sector of the country’s economy; 

  
  

  

The Honorable Spencer Abraham

Page 2

May 7, 2002  
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●     work together with other appropriate agencies of the Federal Government to establish a well-crafted, 
streamlined approach to emissions control from coal-fired electricity generation plants, within the 
structure of the Clean Air Act, which will improve regulatory stability over the next decade and facilitate 
increased investment in these advanced coal technologies; 

  

●     in addition to supporting and conducting research and development programs, establish incentives and/or 
government support to accelerate the development of advanced generation designs (and the materials 
needed to construct them) and to bring them to commercial viability; and 

  

●     support the application (by tax incentives or other means) of advanced mature coal utilization 
technologies that enhance the efficiency and reduce the emissions of electricity generation plants. 

  

In addition, the Council is very interested in the long-term future of coal and the technologies which will 
continue to allow its use.  In particular, the idea of coal refining into a variety of liquid and solid fuels for not 
only power generation, but for transportation, appears to be a promising approach to affordable, efficient energy 
security.  We support the continued development of technologies such as this.  

While the study group was preparing this report, on February 14, 2002, President Bush announced two major 
environmental initiatives:  the “Clear Skies Initiative” (CSI) and the “Global Climate Change Initiative” (GCCI).  
This study does not address either of these initiatives in detail, and the Council is not in a position, nor do we 
have the expertise, to support or recommend specific emissions levels or targets.  

However, the Council continues to support flexible, market-based mechanisms such as emissions trading, 
banking and averaging in order to reduce compliance costs.  The Council also supports appropriate and 
reasonable compliance time schedules and credit for any early actions taken toward compliance.  These tools are 
embodied in the CSI.  The Council has historically supported voluntary approaches to controlling greenhouse gas 
emissions while increasing the efficiency of the electricity generation fleet, similar to those that are contained in 
the GCCI.  

Mr. Secretary, the Council appreciates being asked to conduct this study and provide you with this report. We 
stand prepared to answer any questions you may have about it or to provide you with additional information.  
  

Sincerely,  
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PREFACE

  
  

The National Coal Council is a private, nonprofit advisory body, chartered under the Federal Advisory 
Committee Act.  

The mission of the Council is purely advisory:  to provide guidance and recommendations as requested 
by the United States Secretary of Energy on general policy matters relating to coal.  The Council is 
forbidden by law from engaging in lobbying or other such activities.  The National Coal Council 
receives no funds or financial assistance from the Federal Government.  It relies solely on the voluntary 
contributions of members to support its activities.  

The members of the National Coal Council are appointed by the Secretary of Energy for their 
knowledge, expertise and stature in their respective fields of endeavor.  They reflect a wide geographic 
area of the United States (representing more than 30 states) and a broad spectrum of diverse interests 
from business, industry and other groups, such as:  

●     Large and small coal producers; 
●     Coal users such as electric utilities and industrial users; 
●     Rail, waterways, and trucking industries as well as port authorities; 
●     Academia; 
●     Research organizations; 
●     Industrial equipment manufacturers; 
●     State government, including governors, lieutenant governors, legislators, and public utility 

commissioners; 
●     Consumer groups, including special women’s organizations; 
●     Consultants from scientific, technical, general business, and financial specialty areas; 
●     Attorneys; 
●     State and regional special interest groups; and 
●     Native American tribes. 
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The National Coal Council provides advice to the Secretary of Energy in the form of reports on subjects 
requested by the Secretary and at no cost to the Federal Government.

  

ABBREVIATIONS  

AEO  Annual Energy Outlook

AQRVs Air quality related values

B&W Babcock & Wilcox

BACT Best available control technology

Btu British thermal units

Btu/kWh British thermal units per kilowatt-hour

CAA Clean Air Act

CAAA Clean Air Act Amendments of 1990

CFB Circulating fluidized bed

CO2 Carbon dioxide

DOE Department of Energy

ECAR East Central Area Reliability Council 

EEI Edison Electric Institute 

EIA Energy Information Administration

EIO Energy Industries of Ohio

EPA Environmental Protection Agency

EPRI Electric Power Research Institute
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FGD Flue gas desulfurization

FLAG Federal Land Managers’ Air Quality Related Values Work Group

FLMs Federal land managers

GW Gigawatts 

HHV Higher heating value

HRSG Heating recovery steam generator

IGCC Integrated gasification combined cycle

kW Kilowatt

kWh Kilowatt-hour

lb/MBtu Pounds of emissions per million Btu of heat input

LAER Lowest achievable emission rates

LHV Lower heating value

LNB Low NOx burners

MACT Maximum achievable central technology

MBtu Million Btu

MDGC Maximum demonstrated generating capacity

MW Megawatts 

MWh Megawatt-hour

NAAQS National Ambient Air Quality Standards

NCC National Coal Council
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NERC North American Electric Reliability Council

NGCC Natural gas combined cycle

NOVs Notices of violation

NOx Nitrogen oxides

NSPS New Source Performance Standards

NSR New Source Review

O&M Operating and maintenance

OEM Original equipment manufacturer

OCDO Ohio Coal Development Office

OFA Over fire air

PAC Powdered activated carbon

  

PPM Parts per million

PSI Pounds per square inch

PSD Prevention of significant deterioration

SCR Selective catalytic reduction

SNCR Selective non-catalytic reduction 

SO2 Sulfur dioxide

SO3 Sulfite radical

USC Ultrasupercritical cycle
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tpy Tons per year

  

Executive Summary  

Purpose  

By letter dated September 21, 2001, Secretary of Energy Spencer Abraham requested that the National 
Coal Council conduct a study to determine what “advanced technologies” might be available for the 
generation of electricity from coal in the next five to seven years.  He requested that the Council 
“quantify additional power that could be produced over this time frame at lower cost and with lower 
emissions” than the current commercial offerings.  

The Council accepted the Secretary’s request and formed a study group of experts to conduct the work 
and draft a report.  This study group extended the time frame of the investigation of available 
technologies out to the year 2010.  Also, the group decided to include some discussion of environmental 
regulations and their effect on the implementation and deployment of these technologies.  This 
environmental regulatory discussion is intertwined with the discussion of the various technologies.  

The full text of the Secretary’s letter of request can be found in Appendix E of this report.  The list of 
participants of this study group can be found in Appendix D of this report.

Findings

  

The study group found the following:  

●     Various data sources that track generation capacity differ on the amount of coal-fired generation 
that is being planned, sited or permitted.  However, in the past 24 months, these various sources 
indicate that between 22,000 MW and 65,000 MW of new coal-fired capacity has been 
announced. It is uncertain how much of this capacity will be built.  The specific amount of 
additional capacity is dependent on site-specific, market-driven economic factors (natural gas 
price/availability, demand, siting and permitting costs, access to transmission, cost of capital, 
etc.).  

  

●     Coal-based power is strategically critical to the U.S. because it is a low-cost, domestic resource – 
providing economic stability and energy security to the overall economy.  Today over 50% of the 
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country’s electricity is provided by coal and no energy source is currently available that can 
provide a significant alternative to this vast energy source.  The continued use of coal, in a clean 
and environmentally acceptable manner, supports the stated national energy strategy of 
maintaining fuel diversity to secure economic and security objectives. 

  

●     Development and deployment of advanced technologies (ultra supercritical steam power plants, 
integrated gasification combined cycle power plants, gasification/combustion hybrids, etc.) 
requires incentives and/or special government support to accelerate their development and 
deployment during the next 10 years. 

  

●     Coal-based generators are subject to multiple, sometimes conflicting emissions regulations.  New 
or revised emissions standards with varying implementation timetables add considerable 
uncertainty in coal-fired power plant investment by generation companies. 

  

●     Mercury control is the subject of considerable research and development and demonstration 
initiatives today and lessons learned should be factored into regulatory policies. 

  

●     Injection of powdered activated carbon (PAC) represents the most mature retrofit technology for 
reducing mercury emissions from coal-fired boilers.  Full-scale testing at two plants has 
demonstrated that PAC injection may be capable of reducing mercury by 50-70% on units with 
electrostatic precipitators (90% of the existing fleet of coal-fired boilers) and up to 90% for units 
with fabric filters (10% of the existing fleet).  These reductions vary depending on fuel type and 
plant configuration.  To further mature this technology to a commercial stage, additional short-
term field tests and long-term demonstrations must be conducted at a number of plants 
representing a range of plant designs, operating characteristics and fuel types. 

  

●     Effective application of a combination of technologies can control emissions of oxides of 
nitrogen (NOx) up to 90%.  Deployment of these technologies has achieved significant national 

reductions.  To continue this downward trend, advanced economically feasible control 
technologies must be further developed. 
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●     Technologies for controlling sulfur dioxide (SO2) are relatively mature and commercially 

proven.  Control of SO2 emissions as high as 99% has been achieved at some plants, with 90-

95% routine.  Opportunities exist for further developments to reduce the cost of retrofit controls 
and to enhance the use of by-products. 

  

●     The topic of carbon dioxide (CO2) capture and sequestration is now seeing a significant 

acceleration in research and development and innovative ideas.  Continued support for research, 
development and demonstration is needed to develop a portfolio of potential solutions.  In a May, 
2000 report by the Council entitled “Research and Development Needs for the Sequestration of 
Carbon Dioxide as Part of a Carbon Management Strategy” specific recommendations regarding 
sequestration were provided.  DOE is currently implementing most of these recommendations.  
The best near-term option is to deploy plants with greater efficiency and (in parallel) aggressively 
continue research and development to develop future solutions.  This dual-track approach to 
carbon management is embodied in the Bush Administration’s recently announced Global 
Climate Change Initiative and is the correct approach to the issue. 

  

●     Strategies like the Administration’s recently announced Clear Skies Initiative which promote the 
combination of flexible, market-based mechanisms (such as emissions trading and banking) with 
reasonable reduction targets and time schedules, will facilitate the addition of the maximum 
amount of new coal-fired generation capacity mentioned above.  

Recommendations

  

The National Coal Council recommends that the Secretary of Energy:  

●     Establish a program to facilitate the development of technologies for the use of coal along two 
pathways:  combustion and gasification. 

●     On the combustion pathway, development of advanced technologies for ultra supercritical 
boilers and controlling emissions of NOx and mercury should be accelerated and 

expedited. 
●     On the gasification pathway, technologies such as integrated gasification combined cycle 

(IGCC), CO2 separation, etc., should be given increased support and funding. 
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●     Promote and support the need for a broad portfolio of technology development to allow 
maximum fuel flexibility in the energy production sector of the country’s economy. 

●     This development would include continued improvement of current technologies, 
development of the next generation of combustion technologies, and accelerated 
development of technologies required for coal gasification. 

●     National energy security would be enhanced through this portfolio approach because coal 
is domestic, economic and in abundant supply. 

  

●     Work together with the other appropriate agencies of the Federal government to establish a well-
crafted, streamlined approach to emissions control from coal-fired electricity generation plants, 
within the structure of the Clean Air Act, which will improve regulatory stability over the next 
decade and facilitate increased investment in these types of generating plants.  This approach 
should include, but not be limited to, the following: 

●     Simplify the multiple and sometime-conflicting regulations currently in place. 
●     Improve the diagnostic tools, such as air quality models, to better reflect actual operating 

conditions, meteorological and atmospheric conditions, and to eliminate overlapping 
conservativism inherent in these tools. 

●     Stress the importance of the use of market-based mechanisms, such as emissions trading, 
banking and averaging, as ways to reduce regulatory compliance costs. 

  

●     In addition to supporting and conducting research and development programs, establish 
incentives and/or government support to accelerate the development of advanced generation 
designs (and the materials needed to operate them) and to bring them to commercial viability. 

  

●     Support the application (by tax incentives or other means) of advanced mature coal utilization 
technologies that enhance the efficiency of electricity generation plants. 

  

Section 2:

TECHNOLOGIES AVAILABLE FOR INCREASING
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COAL-FIRED GENERATION BY 2010  

I.  Introduction  

Over the past year, energy markets have been extremely volatile and unpredictable due to high prices of 
oil and natural gas, partial deregulation (or re-regulation), as well as concerns for energy shortages in 
certain regions.  Although recent slowdown in economic growth has decreased the demand for oil, 
natural gas, and electricity, total energy consumption and electricity demand are still projected to 
increase at a rate of 1.8% per year during next 7 to 10 years (EIA AEO 2002).  

Although coal’s share of total electricity generation is expected to drop from the current 54% to 51% by 
2010, generation from coal is projected to grow from 1,970 billion kWh in 2000 to over 2,260 billion 
kWh in 2010 (EIA AEO 2002, Table A8) with an average growth of 1.2% per year.  This is roughly 
equivalent to 40 new 1,000 MW power plants and corresponds to coal consumption growing from 
approximately 965 million tons in 2000 to over 1,140 million tons in 2010.     

Power plant operators may face new requirements to reduce emissions of SO2 and NOx beyond the 

levels called for by current regulations.  They could also face additional requirements to reduce CO2 and 

Hg emissions.  Neither the magnitude of reductions, nor the timing for compliance, has been defined for 
these emissions.  Because of these uncertainties, compliance planning is extremely difficult for power 
plant owners, as it takes four to six years to license, design and construct a new electric power plant. In 
comparison, retrofitting an existing plant with emission control equipment may take two to three years.  
Retrofitting may also affect reliability and availability of an existing plant.    

New or revised emission standards with varying implementation timetables add considerable uncertainty 
to investment planning.  An option that may look attractive today to meet one set of SO2 and NOx 

standards may not be as attractive if further reductions are required a few years later.  Changes in 
emission limits may also inhibit fuel switching and emissions trading options, which have historically 
proven to be the preferred options. Depending on the eventual level of control required under proposed 
future regulations, there may be little flexibility to use market mechanisms with very low “caps” under a 
cap and trade policy.  The optimal choice may also change if Hg and CO2 emissions reductions are 

required in the future.   

Thus, power plant owners are reluctant to make large capital investments that may prove unwise later.  
Understanding all of this, Congress and the President have proposed legislation that would require 
simultaneous reductions of multiple emissions, but would provide an element of regulatory stability 
following the implementation of the new limits.  The Administration’s position is described in the Clear 
Skies Initiative.  

Through continued development of technologies, the U.S. will be able to continue utilization of its vast 
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coal resources for electric power generation in an environmentally acceptable manner, while maintaining 
fuel diversity and promoting energy security.  Coal thus becomes an important element of a portfolio of 
power generating options, that also includes gas, nuclear power, and renewable energy.   It is important 
that we not only continue developing new technologies for coal utilization, but also develop legislation 
that will encourage the application of these technologies.  

Coal also is a strong contributor to the overall security of the U.S. energy supply.  Electricity is very 
difficult to store in significant quantities and so our system depends on generation being on call to meet 
the demand.  Coal is normally stored at power plants and provides an inherent “buffer” in case of supply 
interruption.  In recent years, most new generation has been natural gas-fueled, and while gas can be 
stored, it is typically not at the power plant, and so can be interrupted more easily by infrastructure 
problems or via terrorist acts.  Increasingly, our natural gas use is based on imports to the U.S., while 
almost all coal is domestic.  Therefore, continued use of coal supports the goal of reducing our nation’s 
dependence on imported energy.  

II.  Role of Technology

A.  Increased Efficiency of Existing Plants 

Increasing the overall efficiency of existing coal-fired plants is the most cost-effective means for 
reducing the quantity of criteria pollutants (SO2, NOx and Hg), solid waste generation, and CO2 

emissions.  The NCC’s May, 2001 report, “Increasing Electricity Availability from Coal-Fired 
Generation in the Near Term,” summarized the opportunity for increasing the availability and output of 
the current fleet while increasing efficiency.  This report concluded that cost-effective modifications of 
existing plants could add 20,000 MW of new capacity and regain 10,000 MW of lost capacity. For 
example, one 600-MW coal-fired plant was able to add 25 MW of capacity through steam turbine 
upgrades alone. However, retrofitting emission control equipment generally requires additional auxiliary 
power, typically reducing output and lowering efficiency.

B.  Environmental Drivers 

Although the Clean Air Act Amendments (CAAA) of 1990 are well into Phase II reduction for SO2 and 

NOx, increasing pressures for continued emissions reductions have been coming from regulatory 

agencies, environmental organizations and the Congress.  The EPA’s Coal-Fired Power Plants 
Enforcement Initiative targets coal-fired units across the eastern and southeastern portion of the U.S., 
citing utilities for making modifications to their coal-fired plants without going through the New Source 
Review (NSR) program and installing the requisite emission controls.  A few utilities have settled these 
actions with EPA, agreeing to install SO2 and NOx control equipment at significant cost.  Others have 

chosen to defend their legal position in court, even after a recent ruling by the Department of Justice 
stating that the EPA had an adequate basis under existing NSR regulations to pursue these alleged 
violations.  Broad applicability of NSR requirements could mean retrofitting existing plants with flue 
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gas desulfurization (FGD) systems for SO2 control and selective catalytic reduction (SCR) or other 

control technology for NOx emissions.  Furthermore, in some plants, even upgrades to the electrostatic 

precipitators (ESPs) may be necessary for increased particulate control.    

While this initiative has targeted a specific group of plants/units, the NOx SIP (State Implementation 

Plan) Call could result in thousands of megawatts of coal-fired plants being retrofitted with expensive 
SCR systems and/or may have to be retired if additional investment cannot be justified.  In that case, 
they have to be replaced with new generating facilities.  

Furthermore, with EPA’s recent determination to regulate mercury emissions from coal-fired generation 
plants, the owners of these plants may have to make additional investment for retrofitting these plants 
with emission control equipment.  Also, the solution to the climate change issue may require 
technologies that are CO2-sequestration capable.  

  

Another environmental issue which is now emerging with the planned development of new coal-fired 
power plants is the potential impact of these new units on Air Quality Related Values such as visibility 
and acid deposition in federally-protected Class I areas, including national parks and wilderness areas. 
The CAAA established these areas and gave federal land managers (FLMs) the opportunity for 
commenting in the permitting process on the potential for a proposed power plant to impact the air 
quality in their respective Class I areas. To guide the assessment of such potential impacts, the FLMs 
have established the Federal Land Managers’ Air Quality Related Values Work Group (FLAG) process 
that must be followed in assessing the potential of new power plants on Class I areas up to 300 
kilometers (186 miles) away.  

The FLAG process is a very conservative air quality assessment approach that effectively limits the 
siting of new coal- and gas-fired units to some distance from the Class I area. In the western U.S., for 
example, given the clean air quality that generally prevails, the minimum siting distance determined by 
the FLAG process for new coal-fired power plants is approximately 160 kilometers (100 miles). This 
minimum siting distance limits the available sites for new coal-fired units to locations well away from 
Class I areas, even though many candidate sites may otherwise be well-suited for them. In the eleven 
western states, the available candidate siting areas for new coal-fired units are reduced to central 
Nevada, north central Utah, east central Wyoming, and extreme eastern Colorado. All other lands in the 
western U.S. are closed to consideration, since they are located too close to the Class I areas.  

Numerous existing coal-fired power plants using older emission controls are currently operating in the U.
S. without being identified as impacting air quality in Class I areas. Many of these plants are located 
within 100 miles of Class I areas. They would not likely pass the FLAG test, even though they are not 
currently causing an air pollution concern in a Class I area. While Class I areas need to be protected, the 
FLAG process is so conservative that it effectively prohibits plants where they would otherwise be 
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acceptable. Hence, the process needs to be amended to provide a more realistic assessment of the true air 
quality impacts of the new plants on the Class I areas.    

C)  SO2 Control – Status and Technology Opportunities.

New requirements being proposed may reduce SO2 emissions beyond the levels called for in current 

regulations (CAAA).  Phase II of the SO2 reduction program – lowering allowable SO2 emissions to an 

annual national cap of 8.95 million tpy – became effective January 1, 2000.  Because SO2 and NOx 

emissions from electric power plants are alleged to contribute to the formation of regional haze, states 
could require that these emissions be reduced even further to improve visibility in some areas.  New 
national ambient air quality standards for ground-level ozone and fine particulates (in the form of acid 
aerosols) may necessitate additional reductions of SO2 and NOx as early as 2007.  

It should be noted, however, that technologies for controlling SO2 emissions are relatively mature and 

commercially proven.  By retrofitting FGD systems, modern plants can upgrade to >90% SO2 removal 

at a marginal cost typically less than $250/ton.  For new plants, the total cost of SO2 removal, including 

the capital, fixed and variable O&M costs is approximately $500 to $700 per ton.   

D)  Nitrogen Oxides – Status and Technology Opportunities.

NOx (a combination of NO and NO2) emissions deserve special attention, because of their wide-ranging 

effects on the environment, including contribution to acid rain, reduction in visual range and production 
of tropospheric ozone.  Fortunately, several existing and emerging technologies are available to reduce 
NOx emissions.  

Title IV of the CAAA requires NOx control technology to be applied to all existing boilers in two 

phases, the first in 1995 and the second in 2000.  Phase I called for NOx emission standards from 

tangentially-fired and wall-fired boilers to be reduced to below 0.45 and 0.5 lb/MBTU, respectively.  
During the last decade, as a result of combustion process modification, NOx emissions from coal-fired 

power plants fell from 6.7 million tons in 1990 to 6.1 million tons in 1995, and to about 4.6 million tons 
in 2000.  Coal used in electricity generation increased by over 75% during the same time period.  
Combustion process modifications represent the first line of action in the reduction of NOx emissions.  

Their application may also be cost-effective in combination with post-combustion flue gas treating 
technologies if deeper cuts in NOx emissions are necessary.    

●     Combustion NOx Control: 
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In coal combustion, NOx is primarily formed by the oxidation of nitrogen compounds in the coal.  To 

minimize oxidation of these nitrogen compounds, combustion-based NOx control technologies deploy 

the following general techniques:  

●     sequential fuel-rich and fuel-lean combustion zones achieved by staged air and/or fuel supply to 
the combustion process; 

●     maintenance of high temperatures in fuel-rich flame zones; and 
●     reduced peak flame temperatures in fuel-lean flame regions. 

  

Technologies capable of satisfying these requirements are:

●     over fire air (OFA); 
●     low NOx burners (LNBs); and 

●     gas (and/or coal) reburning. 

  

Pulverized coal combustion conveniently lends itself to the staging of combustion air because only a 
fraction of the combustion air is normally used to inject the pulverized coal through the burner. The rest 
– highly preheated air – is injected as a separate air stream into the flame.  Low NOx combustion, 

however, requires more spatial separation between the fuel-rich and fuel-lean combustion zones to 
permit extended residence time in the fuel-rich flame for the NOx reducing chemical reactions to occur.  

This can be achieved by OFA injected above the zone of fuel injection into the furnace.   To date, 
approximately 39 GW of a total of 325 GW of coal-fired capacity in the U.S. have been fitted with OFA.  

Application of LNBs can also significantly reduce emissions.   There are a number of engineering 
designs that offer retrofits with no changes to boiler pressure parts and minimal or no changes to wind 
boxes of the boilers.  LNBs, along with OFA, represent the most cost-effective NOx reduction 

technology.  Their application is rapidly increasing in the U.S.  To date, over 35 GWe have been 
retrofitted with LNBs in the U.S.   

In the NOx reburning process, NOx emissions are reduced by injecting a fuel (natural gas or coal) into 

the combustion products of the fully burned coal.  The injected fuel represents 15% to 20% of the total 
heat input to the boiler.  NOx can be substantially reduced, depending on the boiler design.  The 
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reburning technology has been successfully applied on a few cyclone boilers, and also on wall- and 
tangentially-fired boilers.  However, it is not a commercially successful process because it increases the 
marginal cost of electricity (due to the price of natural gas), and could be at a disadvantage when 
deployed in a deregulated business environment.  

By effectively combining these combustion options, NOx emission reductions are possible as follows:     

  

●     LNBs    30% to 50% 
●     LNB + OFA    35% to 60% 
●     Reburning (w/natural gas)       60% maximum 

  

Some areas of concern in application of these technologies are:  

●     increased boiler metal wastage in regions of high temperature, fuel-rich combustion 
●     increased unburned carbon in fly ash 
●     slagging and fouling of boiler components 

  

The reduction of NOx emissions by combustion process modification has been applied to more than 188 

GW of coal-fired generating capacity worldwide.  It has been the primary compliance technology for 
Phase I of the CAAA.  In the U.S., 39 GW capacity equipped with OFA and 35 GW with LNB have 
been operating for the last seven years.  

●     Post-Combustion NOx Control: 

  

Selective Catalytic Reduction (SCR)  

In SCR, ammonia vapor is injected into the flue gas over a catalyst bed situated at the economizer outlet, 
where the flue gas temperature ranges from 600•F to 700•F.  In the presence of the catalyst, ammonia 
chemically reacts with NOx to form water vapor and molecular nitrogen. SCR can achieve up to 90% 

NOx  reduction, depending on the type of coal burned.  The presence of ammonia in the fly ash can 

cause problems with its sale and/or disposal.  
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Catalyst performance is key to the performance of an SCR system.  Recent improvements of catalysts 
resulted in increased NOx emission reduction, lower SO3 formation by the catalyst and increased 

resistance to catalyst degradation.  It is estimated that the present day catalysts may be able to operate in 
some applications for more than four to five years before individual catalyst layers have to be replaced.  

Currently more than 53 GW (IEA CR89) of coal-fired capacity worldwide is fitted with SCR.  However, 
most of the experience with SCR systems is limited to low-sulfur (less than 1.5%) coal.  Experience with 
high-sulfur coal is limited.  Actual plant data shows that with high-sulfur (over 2%) coal, SO3 formation 

can be a problem, with the attendant production of a “blue plume”.  

Selective-Non Catalytic Reduction (SNCR)  

SNCR has been successful in achieving NOx emissions reduction in the range of 30% to 40%.  In an 

SNCR application, ammonia (or urea) is injected into the flue gas stream in a temperature window of 
approximately 1,600• F – 2,000• F. The reagents react with NOx to form N2 and water.  Since there is 

no need for a catalyst, capital cost ($/KW) is low but the reagent utilization quite high (requiring an NH3 

to NOx stoichrometric ratio of 1 to 2 compared to less than 1.05 in the SCR process).  The performance 

of SNCR also heavily depends on the uniformity of reagent distribution over the furnace and/or 
convective duct cross sections, where the reagent is mixed with the flue gas.  

To date, over 1,000 MW of coal-fired capacity in the U.S. have been retrofitted with a combination of 
combustion NOx emissions reduction technology and post-combustion SNCR technology.  

The costs of these technologies are as follows:   

LNBs and OFA (maximum NOx reduction:  60%)

●     Capital cost: $15/kW to $30/kW 
●     Incremental cost-of-electricity: < 1 mill/kWh 
●     $150 - $330/ton NOx removed    

  

Natural Gas Reburning with Flue Gas Recirculation (maximum NOx reduction:  60%)  

●     Capital cost:  $20/kW to $30/kW 
●     Incremental cost-of-electricity: 2 -3 mills/kWh (at $3.00/MBtu natural gas) 
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●     $375 - $560/ton NOx removed 

  

Selective Catalytic Reduction (maximum NOx reduction:  >90%)

●     Capital Cost:  $60/kW to $140/kW 
●     Incremental cost-of-electricity:  2-5 mills/kWh 
●     $570 - $2,500/ton NOx removed 

  

Selective Non Catalytic Reduction (maximum NOx reduction:  40%)

●     Capital cost:  $10/kW to $20/kW 
●     Incremental cost-of-electricity:  1-2 mills/kWh 
●     $1,000 - $2,500/ton NOx removed 

  

●     Conclusion 

  

Progress in NOx control technologies has resulted in significant reductions of NOx emissions from coal-

fired plants.  For NOx emissions to continue this dramatic reduction trend, advanced control 

technologies must be developed to be effective and economical in the new electricity marketplace.   

Combustion process modifications including combustion optimization, use of OFA, LNBs and other fuel/
air staging techniques appear to be the most cost-effective reduction technologies for most types of 
boiler designs. SCR, when combined with combustion process modifications, can bring new, pulverized 
coal plant NOx emissions to a level below that of any current emission reduction proposals.  It should be 

noted, however, that when an existing coal-fired boiler is retrofitted with SCR combined with 
combustion process modifications, similar low-NOx emissions may not be achieved due to various 

constraints such as a coal type, boiler and equipment configurations and condition of the plant and the 
site.   

Since SNCR technology may increase the electricity dispatch cost by 10-15%, SNCR technology will 
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only have limited penetration in the power industry.    

  

E)   Mercury Emission Control.  

●     Background 

  

In 2000, the total mercury content of the coal received at power plants was approximately 75 tons.  
Because of fuel processing and other environmental control equipment, total mercury emissions were 45 
tons -- approximately a 40% reduction relative to “as received” coal.  (Approximately 30% of the 
mercury in eastern bituminous coal is typically removed by coal washing before shipping to the plant.)  

Flue gas from bituminous coal generally contains 40% to 70% ionic mercury with the balance elemental 
mercury, whereas sub-bituminous coal (western coal, Powder River Basin coal) generally contains less 
than 25% ionic mercury and correspondingly, over 75% elemental mercury.  

Chlorine in coal is often detrimental to boiler performance because of its corrosive nature. However, 
chlorine content in plays an important role in the reduction of mercury, because ionic mercury is 
oxidized during the operation of SCR and FGD. In general, the higher the chlorine content, the higher 
the mercury reduction, but it has not yet been confirmed for many different types of coal. This effect 
essentially disappears in less than 2,000 hours at plants burning Power River Basin (PRB) coal. Limited 
tests suggest that the use of FGD in combination with SCR may be able to capture 80% to 90% mercury 
from some high-chlorine bituminous coals, which tend to have a high percentage of ionic mercury. 
However, elemental mercury is not removed by FGD. Deactivation of the SCR’s mercury oxidation 
effect with time remains to be determined for bituminous coals.   

In the case of sub-bituminous coals, a maximum mercury capture of 35% has been reported for units 
with ESPs.  However, plants that burn sub-bituminous coals and have fabric filters report relatively high 
mercury removal levels of 60% to 99% (Grover, et al., 1999; Butz et al. 2000).  Although the highest 
mercury removal levels are associated with high-unburned carbon levels, 60% mercury removal was 
achieved with an ash with less than 0.5% carbon.  This is due to the excellent contact between the gas 
phase mercury and the carbon and reactive ash that is provided in a fabric filter.

In contrast to bituminous coals where a synergism or co-benefit between FGD and mercury control has 
been found, the opposite is true for sub-bituminous coals.  This was first discovered in an analysis of 
data from the EPA’s 1999 mercury Information Collection Request (ICR). The data showed that 
mercury removal dropped when a spray dryer absorber was part of the air pollution control train 
(Kilgroe and Srivastava, 2001).  The average mercury removal for ICR plants burning sub-bituminous 
coal with a fabric filter was 72%.  However, for units burning sub-bituminous coal that had both a spray 

http://cc.msnscache.com/cache.aspx?q=72752304706176&mkt=en-US&lang=en-US&w=6ef00b2d&FORM=CVRE (24 of 40)1/20/2008 12:47:44 PM



The National Coal Council Report Increasing Electricity Available from Coal-Fired Generation During Next 7 to 10 Years

dryer absorber for SO2 control and a fabric filter, the average mercury removal dropped to 25%.  Further 

testing by the Electric Power Research Institute (EPRI) not only verified the drop in mercury removal 
downstream of the spray dryer absorber, but also showed that the injection of standard powdered 
activated carbon (PAC) was rendered ineffective.  For these applications, iodated carbon was required, 
costing 10 to 20 times the standard cost for PAC.

Mercury control is the subject of considerable R&D and demonstration initiatives today.  The U.S. 
government should support these initiatives and allow for lessons learned to be factored into regulatory 
policy.  

  

●     Legislative Actions to Limit Mercury Emissions 

  

Currently, coal-based power plants are subject to multiple, often-conflicting air quality regulations under 
the CAAA.  More than a dozen separate regulatory programs are being proposed leading to a “Multiple 
Emissions” approach to regulate power plant emissions.  

Two major “Multiple Emissions Proposals” and their emissions levels are expressed in:  

●     Senator Jeffords’ bill, S. 556; and 
●     the Bush Administration’s Clear Skies Initiative. 

  

While S. 556 includes CO2 emissions reductions along with SO2, NOx and mercury emission reductions, 

the Clear Skies Initiative does not.   

Mercury Emissions, tpy
Actual 

1999 Level

S. 556 

(Level by 2007)

Clear Skies Initiative

2010 2018

45 4.5 26 15
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●     Current Technology Status 

  

Based on very limited information on actual operating data, the EPA assumes much higher mercury co-
benefits from FGD and SCR (or SNCR) than appears possible for a sustained period. EPA assumes that 
an FGD system plus SCR could achieve 95% mercury emissions reduction for all coal, with varying 
types of mercury content, irrespective of its chlorine content.  Furthermore, EPA assumes that PAC 
injection is sufficient to meet stringent mercury emissions reduction requirements without a fabric filter. 
However, a fabric filter would be required to achieve 90% removal of mercury. In addition, EPA has 
assumed the application and benefits of water injection (spray cooling) to enhance capture by carbon 
(via the ash or injected) or through condensation of ionic mercury onto fly ash. As a result of these 
assumptions, EPA’s costs of mercury control are underestimated.    

Because mercury emission control technologies are relatively new and untested on a commercial scale, it 
will be extremely difficult to achieve the mercury emission levels required by S. 556 for 2007.  

Complicating mercury emission controls is the need to dispose of mercury-containing wastes generated 
from the removal of mercury from flue gases. In addition, the activated carbon impacts the ability to sell 
coal combustion by-products. The use and presence of activated carbon may also complicate SCR 
operation and generate concerns that depleted catalyst be handled as special wastes. It may also 
complicate FGD system operation, with large quantities of FGD by-products requiring disposal in a 
landfill.     

Any acceptable technology must be able to resolve these issues.  With the current status of mercury 
removal technologies, it is unlikely that these issues will be able to be resolved by 2010.  

  

●     Cost/Economics 

  

Sponsors of the various legislative proposals (e.g., S. 556) believe that the reductions are “cost-effective 
with currently available technologies.”  However, S. 556 could adversely impact reliability of electric 
power generation.  Many plants may be forced to apply advanced but unproven technologies over a very 
short time period or shut down.  
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The Edison Electric Institute (EEI) estimates that 65% of coal-based capacity will have to add PAC 
injection – a technology yet to be fully tested in full-scale applications.  It is also estimated that 58% of 
the coal-based capacity will have to add fabric filters to achieve the necessary mercury emission limit – 
a very expensive back-end technology.  

Mercury control methods will be highly dependent on power plant design and operating characteristics 
and type of coal used.  Since potential mercury emission reductions are unique to each unit, cost factors 
may vary considerably based on site-specific considerations.  

●     Conclusion 

Based on several decades of power plant construction schedules, it appears that S. 556 would not allow 
sufficient time for the major construction activities associated with installing mercury emission control 
technologies, many of which are still in the early stages of development and/or deployment.  Experience 
has proven that construction, operation and maintenance of new technologies will require more “down 
time” for existing plants, impacting the availability, reliability and cost of electric power. Due to 
regional electric transmission system constraints, it may be difficult – and in some areas impossible – to 
import the amount of electricity necessary to meet demand while coal-based power plants are retrofitted 
with new emission control equipment and/or replaced with natural gas-based generation   

The short time allowed for compliance mandated under these proposals could result in human resource 
and material shortages, thus increasing compliance costs.  

Many small, older units would likely be shut down due to the cost of or lack of space for emission 
control technology retrofits, though these units are currently critical to a reliable and diverse U.S. 
electricity supply and represent capacity that could otherwise contribute to the U.S. electric supply.    

The U.S. economy relies on an affordable and reliable electricity supply that is built on a diverse fuel 
mix.  Currently, coal-fired plants supply more electricity than all other sources combined.  Analyses 
conducted by the electric utility industry and EIA show that if S. 556 reductions are enacted, many coal-
fired power plants will be forced to shut down, resulting in substantial economic impacts.  These 
analyses also show that neither the increased generation nor the necessary transmission infrastructure 
exists to meet the increased demand for natural gas-based generation that would result.  

Electric utilities have made and will continue to make significant reductions in emissions. There are both 
environmental and energy policy benefits to taking a more integrated approach to regulation of power 
plant emissions with reasonable emission reduction targets and realistic time tables. A well-crafted, 
market-based, multi-emissions approach can improve regulatory certainty, thereby increasing investment 
in new, more efficient generation technologies.   

  

http://cc.msnscache.com/cache.aspx?q=72752304706176&mkt=en-US&lang=en-US&w=6ef00b2d&FORM=CVRE (27 of 40)1/20/2008 12:47:44 PM



The National Coal Council Report Increasing Electricity Available from Coal-Fired Generation During Next 7 to 10 Years

III.  New Generation Options  

For new coal-based generation, the key drivers are increasing efficiency and reducing emissions, while 
simultaneously reducing capital and operating costs.  Clean coal technologies, such as integrated 
gasification combined cycle (IGCC) and ultra-supercritical (USC) steam power plant designs, have the 
potential to achieve conversion efficiencies of >50% based on higher heating value (HHV), with a cost 
of electricity equivalent to comparable natural gas combined cycle generation.  

Achieving this level of performance will require development of advanced technologies for power plant 
components, including air separation units, heat exchangers, filtration systems, alloys and ceramics for 
high temperature service, and new boiler and turbine designs.  Technologies will also be needed to 
integrate these components into operating power plant systems.  

A)  Ultrasupercritical Steam Power Plants.  

The DOE, U.S. boiler manufacturers, the Ohio Coal Development Office, the Energy Industries of Ohio 
(EIO), and EPRI are involved in research on advanced boiler materials.  More attention is needed, 
however, to develop materials for the ultrasupercritical (USC) cycle design, including research on steam 
turbine materials.  Although a limited number of USC plants have been operating in Europe, Japan and 
Russia, they have not accumulated sufficient operating experience to predict their long-term 
performance, and further advancement in steam conditions is also feasible.    

The capital investment required for a USC plant is higher than that for a conventional subcritical or 
supercritical plant.  This suggests that USC designs may initially be more attractive in scenarios 
characterized by high fuel prices and low cost of capital , which allows an economic return on high 
efficiency.  Today, these conditions exist in Europe, Japan, Korea, and even China.  In the U.S., low coal 
costs provide less economic incentive for high efficiency, but at a later date, higher efficiencies may 
become more important for domestic applications if CO2 emission reductions are required.  If avoided 

CO2 has an economic value as a result of taxes or incentives, this would have the same impact as a 

higher fuel cost and therefore improved efficiency is economically attractive.  

Power producers in the U.S. are driven by their ability to be the first to market with the most profitable 
product.  They are also driven by low capital cost and high reliability, as the ability to deliver power to 
the grid is paramount to maximizing returns. In the near term (prior to 2007), supercritical and advanced 
supercritical cycles with steam conditions of up to 4,500 psi and temperatures up to 1,100ºF can play a 
major role in new power generation. Since USC steam conditions of >5,000 psi and temperatures 
approaching 1,400ºF require new materials for the boiler, steam turbine and associated piping which 
have yet to be developed, this technology will likely become commercialized after the period addressed 
in this report.    

Several boiler OEMs have stated that commercial-guaranteed boilers operating at steam conditions up to 
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1,200ºF are available today. Increasing the temperature range to 1,300ºF to 1,400ºF will most likely 
yield commercial applications after 2010.  

Various estimates for the amount of new coal-based capacity being planned for the U.S. over the next 
five to eight years are as follows:  

  

●     Energy Information Administration (EIA AEO 2002):  1,000 MW by 2005 and an additional 
5,200 MW between 2005 and 2010; 

●     Babcock-Borsig (Boiler Manufacturer):  15,000 MW by 2008-2010; and 
●     Hitachi (Boiler Manufacturer):  2,500 MW under construction, 4,000 MW nearing construction 

approval, and an additional 18,000 MW in various stages of development. 

  

During 2000-2001 when natural gas prices skyrocketed to $7.50 - $10.00/MBTU, more than 37,000 
MW of new coal-fired plants were announced.  With the recent decline in natural gas prices to below 
$3.00/MBTU, it is not certain how many of those coal plants will actually proceed with permitting and 
licensing.  

Business conditions in the U.S. favor the construction of plants with less financial exposure and risk, and 
with well-proven technology to ensure financial and reliability goals.  Therefore, these new plants will 
likely utilize conventional subcritical and supercritical technology. None of them plan to operate at 
steam conditions beyond 3750 psi/1,000•F/1,100•F. However, new European plants are being installed 
at higher conditions. Examples are the Niederausen plant – 1,012 MW, 4205 psi, 1,075•F/1,112•F and 
the Westfalen plant (under construction) with steam conditions of 4205 psi, 1,112•F/ 1,148•F, with 45% 
efficiency on a HHV basis.  

Deployment of USC technology with steam conditions 4500 psi/1,200•F/1,200•F will require incentives 
and/or special federal government support or subsidies to accelerate the development of advanced 
designs and materials during the next seven to 10 years. 

B)  Limitation of Combustion-Based Coal Generation.

Combustion-based technologies may be ultimately limited by their viability to separate and remove CO2 

from the stack gases; however, many promising technology concepts are just emerging in response to 
recent attention to global climate change.  These include oxy-fuel combustion with CO2 recycle, 

chemical looping processes, and regenerative carbonate cycles.    
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With conventional combustion systems, the stack gases will have a maximum concentration of CO2 in 

the range of 12% to 15%, and it is very expensive to separate CO2 for sequestration at those 

concentration levels. Current commercial CO2 amine-based CO2 separation processes from the chemical 

processing industry applied to fossil power plants are very expensive mainly because of the amount of 
energy required to separate CO2 from stack gases.  It is estimated that the separation of CO2 from a 500-

MW coal-fired plant can require as much as one-third of the plant’s output.  Therefore, the cost-of-
electricity would increase by over 50% -- clearly unacceptable to consumers. Therefore, if CO2 capture 

and sequestration becomes essential, technology advances for combustion, such as oxy-fuel combustion 
with low-cost air separation or low-cost capture processes will be required.  

Advanced materials for high steam temperatures will be required for use in the bottoming steam 
cycle of an Integrated Gasification Combined Cycle (IGCC) plant to achieve DOE’s Vision 21 goal 
of 60% (HHV) efficiency for coal-based plants by 2015.  

  

C)  Integrated Gasification Combined Cycle (IGCC).

  

At present, there are over 130 gasification facilities in operation around the world using coal, oil, 
petroleum coke and other solid carbon-containing feed stocks.  Of these, only four gasification plants are 
for electric power generation.  The gasification of coal for producing “town gas” or for conversion to 
industrial chemicals has been commercially used since World War II.  The concept of using coal 
gasification as an option for generating electric power was introduced in the 1980’s with the successful 
demonstration of the 100-MW Cool Water Gasification Project in California.  

Following the Cool Water Project, the DOE-sponsored Clean Coal Technology Program demonstrated 
commercial scale (250-MW +) IGCC technology, integrating the production of syngas from coal with 
the high efficiency combined cycle electric power generation for both re-powering and greenfield 
applications.  Based on the technical success of these demonstration plants, IGCC technology seems to 
be a viable option for commercial deployment for electric power generation.  The technology, however, 
has yet to become commercially (economically) attractive when compared to other power generation 
options such as Natural Gas Combined Cycle (NGCC) and other advanced coal combustion 
technologies, including advanced supercritical steam power plant technology.

D)  Environmental Drivers.
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IGCC technology may have an environmental edge in the area of mercury removal.  Since coal 
gasification systems operate at a high pressure under reducing conditions (less oxygen than that required 
for complete combustion), the mercury in the gas stream is concentrated, making mercury removal 
comparatively less expensive than from a conventional coal-fired boiler.  Recent data from reports 
prepared for DOE show that the cost per ton of mercury removal from an IGCC plant is about 10% of 
that from a conventional coal-fired plant.  While considerable research and development is still needed 
to commercialize mercury removal technology for existing coal-fired plants, it is already in place for 
IGCC plants.  It is reported that without any additional equipment installed, the Wabash River 
Gasification plant has over a 50% mercury removal rate.  The coal gasification plant at Tennessee 
Eastman has been achieving greater than 90% mercury removal for the last 20 years with an additional 
carbon bed.  

Due to the higher overall efficiency and more concentrated stream of CO2 generated in an IGCC plant 

(where the reaction is normally carried out with oxygen rather than air); CO2 separation in gasification 

plants is estimated to be less costly than in conventional, combustion-based plants.  However, CO2 

capture and disposal for all fossil fuel-fired  power plants remains a vexing technical and economic 
challenge for which no options today appear to be particularly attractive or proven.  

IGCC also reduces SO2 and NOx emissions substantially and minimizes solid waste production when 

retrofitted to an existing coal-fired power plant. 

E)  Brownfield Applications of IGCC.

  

Repowering (or brownfield application) with IGCC may allow a utility to maintain and/or increase 
capacity while significantly improving environmental performance and producing low-cost electricity 
with low-price coal.  Since IGCC technology takes advantage of the high efficiency of the combined 
cycle process, overall efficiency of a retrofitted plant may improve by 5% to 10%.  The sulfur in coal 
can be recovered as elemental sulfur and/or sulfuric acid, both of which have some market value. 
Repowering with IGCC may also eliminate the solid waste issues that will otherwise face if plants are 
retrofitted with FGD and SCR.  

Near-term repowering with IGCC can allow the operator to gain the operating experience and 
knowledge necessary to introduce a new technology for the next generation of greenfield coal-based 
plants, while helping to address environmental issues. Anticipated technology advances, including 
advanced gas turbines, will reduce the capital costs of second generation IGCC. Repowering an existing 
coal-fired plant with IGCC will typically provide considerable opportunities for reducing costs by 
optimizing the reuse of existing steam cycle equipment, cooling tower and other infrastructure (i.e., 
buildings, coal handling systems, plant water systems, existing substation and transmission system 
components).  It is estimated that repowering may reduce the overall capital cost by about 20%.  In that 

http://cc.msnscache.com/cache.aspx?q=72752304706176&mkt=en-US&lang=en-US&w=6ef00b2d&FORM=CVRE (31 of 40)1/20/2008 12:47:44 PM



The National Coal Council Report Increasing Electricity Available from Coal-Fired Generation During Next 7 to 10 Years

case, IGCC may become competitive with NGCC if the ratio of natural gas to coal price is more than 
3.0.  However, initial capital investment requirements for the IGCC retrofitting is considerably higher 
than that for a NGCC plant.  

With the majority of new and repowered units utilizing NGCC technology, environmental permitting 
agencies have become very familiar with the emissions characteristics and environmental performance 
of the technology. This is setting up an apparent regulatory barrier for repowered and/or new coal-based 
plants, including IGCC.  Although no coal-fired facility can yet compete with NGCC with respect to 
SO2, NOx and particulate emissions, the benefits of repowering an existing coal plant with IGCC are 

significant.  The Wabash River IGCC repowering project reduced emission rates are as follows:  

Emissions in lb/MWh

 SO2 NOx CO2 VOCs

Original Pulverized Coal Power 
Plant 

38.2 9.3 0.64 0.85

IGCC – Repowered Plant 1.07 0.75 0.55 0.09

  

Of particular interest is that repowering with IGCC has reduced SO2 emissions by 5,500 tons per year 

and NOx emissions by more than 1,200 tons/year compared to the original coal-fired power plant.  

In a recent BACT determination for Tampa Electric’s Polk Power Station, the Florida Department of 
Environmental Protection set NOx BACT at 15 ppm through the use of combustion technology only.  It 

may not be possible to use SCR technology for further NOx reduction with IGCC because of the 

potential for catalyst poisoning (though sulfur removal rate is very high, even a small amount of H2S 

may poison the catalyst).  

F)  Potential for New Generation (Greenfield Application) Using IGCC.  

As mentioned earlier in this report, advanced supercritical and USC cycles will have increased 
efficiency of >40%.  With the current status of IGCC technology, efficiency is 40%.  From an efficiency 
comparison, first-generation IGCC technology may have no advantage over an advanced pulverized coal 
and Circulating Fluidized Bed (CFB) plant.  These technologies will be enhanced by advances in steam 
cycle efficiency and steam turbine performance.  IGCC technology will be able to take advantage of the 
ongoing increases in combustion turbine performance.   
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To overcome reliability and availability issues inherent in any new technology, the designer frequently 
uses a very conservative design for the first-generation plants.  Therefore, the capital cost of the first-
generation IGCC plants has likely been about 10% to 25% higher than what would be expected for 
second-generation plants. According to studies by GE, Texaco and EIA, a fully mature IGCC plant has 
the potential to have a capital cost that is competitive with an advanced supercritical pulverized coal 
plant.  

GE notes that with the lessons learned from Tampa Electric’s Polk Power Station and Wabash River  
Gasification Plant, considerable increases in performance and decreases in emissions can be achieved.  
The process and equipment enhancements will result in lower installed cost for subsequent future 
plants.  GE estimates the next-generation installed cost of IGCC plant will be in the range of $1,050-
$1,250/kW (EPC cost). Based on these projected costs and environmental performance, GE predicts 
45,000-55,000 MW of IGCC penetration by 2015. This is likely to occur only with natural gas prices 
greater than $4.00/MBtu for a sustained period.  

Global Energy Inc., which owns and operates the Wabash River Gasification Plant, is developing two 
new IGCC projects to be located in Kentucky and Ohio, near sources of coal and other opportunity 
fuels.  At one of these plants, Global Energy plans to use the British Gas/Lurgi process, blending low-
cost, pelletized coal and municipal solid waste as the feedstock. This project will be co-funded under the 
Clean Coal Technology Program.  Also, Nordic Energy Corp. plans to install an IGCC unit in 
Ashtabula, Ohio.  

In a recent study prepared for DOE, Mitretek Systems and Consol Energy investigated the potential for 
IGCC market penetration in the East Central Region of the North American Reliability Council 
(ECAR).  The region includes Indiana, Kentucky, Ohio, West Virginia and parts of Michigan, 
Pennsylvania and Virginia.  The region has the highest concentration of coal-fired plants and has 
considerable coal reserves.  Mine-mouth IGCC plants could be developed in this region that will provide 
additional economic benefits due to low fuel cost.  The study concluded that the first generation IGCC 
capital costs are not yet competitive with advanced supercritical technology.  However, plants that 
would be developed over the next seven to 12 years would probably be able to take advantage of 
expected reductions in capital costs.  For comparison purposes, the study looked at where these 
technologies are expected to be in the short term (within next 10 years).    

Following are the EPC costs from this study for installation of these technologies in 2010:

●     NGCC with “H” model gas turbine $ 460/kW 
●     Advanced Supercritical Pulverized Coal $1,025/kW 
●     Advanced Pressurized Fluidized Bed $1,000/kW 
●     Advanced Air-Blown IGCC $ 960/kW 
●     Oxygen-Blown IGCC $1,035/kW 

  

http://cc.msnscache.com/cache.aspx?q=72752304706176&mkt=en-US&lang=en-US&w=6ef00b2d&FORM=CVRE (33 of 40)1/20/2008 12:47:44 PM



The National Coal Council Report Increasing Electricity Available from Coal-Fired Generation During Next 7 to 10 Years

If emission reductions are required for mercury, pulverized coal units will require additional capital 
costs. While mercury emission control system capitals may be low, operating costs can be substantial. 
Depending on the level of required emission reductions, there may be some co-benefit from SO2 and 

particulate controls.

  

Compared to other coal-based power generation technologies, IGCC’s comparable capital cost but 
superior environmental performance could result in 8-15% lower cost.  One study concluded that 
IGCC’s overall superiority may result in between 35 and 40 new IGCC plants (equivalent to 17,500-
20,000 MW) during the next 10 to 15 years.  

If a transmission system is available within five miles of mine mouth, new IGCC plants should be sited 
as close as possible to coal sources to minimize fuel costs.  If mine-mouth coal price is $0.50/MBTU or 
less and natural gas price stays even at its current price of $3.00/MBTU, IGCC plant technology will be 
the economic choice.   

Recent siting studies by utilities and IPPs in the western states have already concluded that mine-mouth 
IGCC is a viable option for the Powder River Basin coal in Wyoming and North Dakota (where lignite 
would be the feedstock).  

G)  Recommendation.   

The next 10 years will be a transition period during which a variety of coal-based generation systems 
will compete against NGCC in the generation market.  Recent capacity additions have focused on 
circulating fluidized bed (CFB) and pulverized coal (PC) technology, with some of the latter operating at 
supercritical steam conditions.  The NCC expects this trend to continue for at least the next five years, 
but it’s likely that IGCC and ultrasupercritical combustion plants will begin to gain market share.  
Looking beyond the next 10 years, the NCC sees an expanding role for IGCC in a market that will be 
shaped by a growing need to reduce carbon emissions.  

At the end of 2001, there were approximately 325 GW of coal-fired generation facilities in the U.S., and 
80% of this existing coal-based capacity will be 30 years old by 2007.  The EPA’s Coal-Fired Power 
Plants Enforcement Initiative Program targets coal-fired units that have not gone through the New 
Source Review Program and did not install emission control equipment.  EPA has also recently 
determined to regulate mercury emissions from coal-fired plants.  

Prior to these initiatives, a power generator’s major goal was to increase efficiency of the existing coal 
fired plants and thereby reduce emissions of SO2 and NOx.  This new initiative may force many plant 

owners to apply advanced, risky technologies over a very short time period that will create more 
uncertainties.  
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It is recommended that a well-crafted, multi-emissions approach be developed to improve regulatory 
certainty, foster increased investment in new generation, increase operational flexibility to reduce 
compliance costs, maintain fuel diversity to avoid price spikes, and sustain reliable generation.  

With adequate time and flexibility, the electric power industry will continue to reduce emissions, 
provide affordable and reliable electricity, and meet the goals of balanced energy and environmental 
policies.  

Both repowering (or brownfield application) and greenfield supercritical steam plant and IGCC plant 
options should be aggressively pursued.  However, as discussed in the next section, the public sector 
should assume part of the responsibility for helping to mitigate the risk of first-of-a-kind technology  

  

Section 3:

Transitioning to an Advanced

Coal Generation Future  

Implementing the technologies described in Section 2 of the report will require transitions both in the 
technology itself and in the policies and regulations that will govern the generation business of the 
future.  The need for orderly transitions derives from the desire to minimize technical and financial risk 
on the parts of the generating companies and the financial institutions that will invest in new power 
plants.  

That it is possible to think in terms of new coal-based generation within the next seven to 10 years 
reflects a remarkable turnaround that has occurred in the U.S. over the last few years.  Coal-fired power 
plants, once thought to be facing a rapid demise, are now broadly perceived as one element of a strategy 
to use indigenous resources for the future energy security of the country.  

Transitioning to this future will require concerted efforts in four inter-dependent areas:  

●     developing public/private partnerships to fund technology development and demonstrations; 
●     creating tax and other incentives to encourage investment in technology development and 

implementation; 
●     designing a technology rollout strategy to implement new technologies, while reducing the 

associated technology and financial risks; and 
●     managing an institutional transition to address public policy, regulatory, and environmental/

ecological issues. 
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Funding Technology Development Through Public/Private Partnerships.

  

To assure the future of coal-based generation, it will be necessary to increase efficiency and reduce 
emissions while decreasing capital and operating costs.  Clean coal technologies, such as USC and 
IGCC power plants, have the potential for conversion efficiencies of >50% (HHV).  Deployment of 
these technologies will depend on lower fuel costs to help offset the higher capital cost of these options.  
Current estimates suggest that these technology advances have the potential to make new clean coal 
generation competitive with equivalent NGCC plants on a cost of electricity basis in the 2010 to 2020 
time frame. In certain niche areas or cases, IGCC may be able to take advantage of low-cost and 
opportunity fuels, as well as its superior environmental performance, to compete in the next seven to 10 
years.    

As another example, the technologies under development in the DOE’s Vision 21 have the potential for 
far more efficient and complete utilization of coal’s total resource value, but not until 2020, well after 
the 10-year time horizon of this report.  

However, timely advances in coal technology cannot be achieved without a significant increase in 
research, development and deployment funding that will permit commercial viability within the next 10 
years.  This is problematic in the current economic and regulatory environment because power plant 
operators are under extreme pressure to reduce costs and are unwilling to invest in new technologies. 
Moreover, investing now in an advanced power plant technology requires patience, because the 
investment will not earn a return until some time after successful commercialization.    

All of these issues suggest that traditional forms of private-sector funding for new technologies are not 
viable in today’s electricity generation business environment.  Public/private consortia are emerging as a 
mechanism to provide the needed resources.  They allow for front-loading the R&D processes, as well 
as the early stages of pilot and full-scale tests.  DOE funding of research for the advanced coal program 
follows this precept, in that the DOE cost share is higher for high-risk technology development and 
lower for commercialization activities.  This approach has been a success in prior programs, such as the 
Clean Coal Technology Program, and is working well to sustain interest in the current Vision 21 
program.  

Although these programs encourage private sector participation in the technology development process, 
the current funding levels are not adequate to develop and commercialize the technologies that the U.S. 
will need to deploy a new fleet of advanced coal-based generation systems.  

Additional R&D is necessary for the following specific technologies and high priority issues:  

●     high-pressure solid feed systems; 
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●     fuel cell development and testing; 
●     slip stream testing of fuel cells; 
●     high-temperature metallic heat exchangers (for service at 1,800°F); 
●     gasifiers for high-ash, high-moisture coals; 
●     enhanced trace element monitoring; and 
●     char combustion and gasification. 

  

The FY2003 Federal Budget Request for gasification is approximately $40 million, barely enough to 
fund portions of the Vision 21 component development effort. The combustion program, which now 
focuses on pressurized fluidized bed systems, should be broadened to include all advanced combustion 
systems, and the program scope should be increased to include hot gas filtration, combustion/
gasification hybrids, and component testing under anticipated operating conditions.  It is expected that 
scope expansion could be accomplished through an industry consortium organized around a research 
program emphasizing precompetitive research topics.  This approach has recently been employed by a 
public/private consortium of boiler manufacturers, the DOE, OCDO, EIO and EPRI, which is pursuing 
development of advanced alloys for service in USC boilers. 

Investment Incentives.

  

Cost sharing can be an effective means for reducing the costs associated with bringing a new technology 
to the market.  However, government action should not be limited to research funding.  There is a clear 
role for government in supporting the deployment of new technologies. Government should help 
industry speed the deployment of clean coal technology to improve fuel diversity and reduce emissions.  
Without a strong advanced coal program, there will be dramatic reductions in the use of coal over the 
next 30 years and a huge increase in natural gas consumption for electricity generation. This prospect 
threatens the energy security and perhaps the economic well being of the U.S. One answer is a national 
strategy that encourages the balanced use of all our energy resources -- coal, gas, nuclear and renewable 
energy sources.  

With respect to coal-based technologies, incentives are needed to address the issues associated with 
building new plants due to uncertainties about future emission control requirements.    

It is possible to define a tax and incentive package aimed at boosting the maximum generation efficiency 
of coal-fired power plants from the 37% achievable today to 50% or higher. Achieving these goals 
would produce significant environmental benefits  

Three types of incentive package have been proposed to encourage early commercialization of advanced 
coal technologies.  These are:  
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●     an investment tax credit tied to the project owner’s equity; 
●     a variable production tax credit tied to energy production and energy efficiency over the first 10 

years of operation, with higher benefits to early implementation of high efficiency technologies; 
and 

●     a “risk pool” to cover repairs or modifications necessary to achieve the required performance 
during startup and the first three years of operation. 

  

A legislative package incorporating these features was proposed as part of the energy bill recently 
debated in Congress.  It is estimated that over a 23-year period from 1999 to 2021, the package would 
cost the government $1.5 billion. Of that amount, the investment tax credit would be $203 million while 
the production tax credit would account for $1.02 billion. The risk pool would be $276 million. By 
comparison, the entire Clean Coal Technology program is $7 billion.

Technology Rollout Strategy.

  

Investors and operators are reluctant to be the owners of  “Serial No. 1.”  This suggests the need for a 
strategy of rolling out technologies in a series.  The first units in a series would have modest 
improvements in performance, with minimal additional financial risk.  In addition, the initial technology 
advances would be familiar to the operators, minimizing re-training. This suggests that pulverized coal 
plants with improvements in steam conditions might be preferred for near-term investments in advanced 
technologies.  In comparison, a plant to make hydrogen from synthesis gas produced by a slagging 
gasifier might be a better choice for an organization with prior experience in some or all of the unit 
processes implied in a sophisticated hydrogen production operation.  
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ChevronTexaco

•• 53,000 employees; 180 countries 53,000 employees; 180 countries 

•• > $100 billion in annual revenues> $100 billion in annual revenues

•• 3rd in global reserves of oil3rd in global reserves of oil

•• 4th in global oil and gas production4th in global oil and gas production

•• Sasol Chevron Joint Venture on FischerSasol Chevron Joint Venture on Fischer--
Tropsch liquids from natural gasTropsch liquids from natural gas

•• Global Market Leader in GasificationGlobal Market Leader in Gasification

•• Montebello Technology Center (MTC)Montebello Technology Center (MTC)

•• Pittsburgh & Midway Coal Mining Co.Pittsburgh & Midway Coal Mining Co.
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ChevronTexaco Worldwide ChevronTexaco Worldwide 
Power & GasificationPower & Gasification

•• A wholly owned subsidiary of ChevronTexacoA wholly owned subsidiary of ChevronTexaco

•• Global Market leader in gasification since 1948,Global Market leader in gasification since 1948,

over 130 plants licensed in last 52 yearsover 130 plants licensed in last 52 years

•• Both a process licensor and project ownerBoth a process licensor and project owner

•• First oil gasification plant in 1956 First oil gasification plant in 1956 

•• First coal gasification plant in 1978First coal gasification plant in 1978

•• 72 commercial gasification plants now operating 72 commercial gasification plants now operating 

or under construction / in advanced developmentor under construction / in advanced development

•• Nominal Syngas capacity: 5.1 billion standard Nominal Syngas capacity: 5.1 billion standard 
cubic feet/daycubic feet/day
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ChevronTexaco Power Generation PortfolioChevronTexaco Power Generation Portfolio

NameName LocationLocation Facility SizeFacility Size TypeType Online DateOnline Date
Sunrise Power CompanySunrise Power Company CaliforniaCalifornia 585 MW585 MW Combined CycleCombined Cycle 2001/032001/03
TriTri--Energy CompanyEnergy Company ThailandThailand 700 MW700 MW Combined CycleCombined Cycle 20002000
North Duri CogenNorth Duri Cogen IndonesiaIndonesia 300 MW300 MW Cogen (EOR)Cogen (EOR) 20002000
LG Power CompanyLG Power Company KoreaKorea 950 MW950 MW Comb. Cycle/HeatComb. Cycle/Heat 20002000
Darajat IIDarajat II IndonesiaIndonesia 70 MW70 MW GeothermalGeothermal 20002000
Black Mountain Black Mountain NevadaNevada 85 MW85 MW Cogen (Thermal)Cogen (Thermal) 19921992
Garnet ValleyGarnet Valley NevadaNevada 85 MW85 MW Cogen (Thermal)Cogen (Thermal) 19921992
March PointMarch Point WashingtonWashington 140 MW140 MW Cogen (Refinery)Cogen (Refinery) 1991, 19931991, 1993
Sargent CanyonSargent Canyon CaliforniaCalifornia 36 MW36 MW Cogen (EOR)Cogen (EOR) 19911991
Salinas RiverSalinas River CaliforniaCalifornia 36 MW36 MW Cogen (EOR)Cogen (EOR) 19911991
CoalingaCoalinga CaliforniaCalifornia 36 MW36 MW Cogen (EOR)Cogen (EOR) 19911991
MidMid--SetSet CaliforniaCalifornia 36 MW36 MW Cogen (EOR)Cogen (EOR) 19891989
SycamoreSycamore CaliforniaCalifornia 300 MW300 MW Cogen (EOR)Cogen (EOR) 19881988
Kern River Kern River CaliforniaCalifornia 300 MW300 MW Cogen (EOR)Cogen (EOR) 19851985
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Clean Coal LandscapeClean Coal Landscape
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Clean Coal Landscape - USA

• Coal as a fuel for new power capacity in the USA is again on the
table after the 1990s domination of natural gas

• All new USA coal-to-power capacity will use clean coal 
technology - environmental drivers will increasingly affect 
technology decisions

• Government incentives are increasing for clean coal technologies
• Some clean coal technology is cleaner than others 
• Development of new coal plant projects must start now to be 

operating when the USA power capacity glut ends after mid-
decade (2008 -2012)

• Recent IGCC experience has provided the foundation for the 
commercial reality of coal IGCC

• IGCC is a current viable choice for clean coal power capacity
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Clean Coal Technology
US Government Current Initiatives

Clean Coal Power Initiative 2002Clean Coal Power Initiative 2002:  $330 Million :  $330 Million 
Between A Number of Technology Demonstration Between A Number of Technology Demonstration 
Projects, selection by 1Q 2003.  Expected to be a Projects, selection by 1Q 2003.  Expected to be a 
$ 2 billion program over 10 years.$ 2 billion program over 10 years.
US CongressUS Congress:  Federal Legislation in conference :  Federal Legislation in conference 
between Senate and House (HR 4), offering up to   between Senate and House (HR 4), offering up to   
$ 2 billion in tax incentives for commercial projects, $ 2 billion in tax incentives for commercial projects, 
up to 4,000 MW IGCC. Gasification seen as sole up to 4,000 MW IGCC. Gasification seen as sole 
technology now available to help with mercury and technology now available to help with mercury and 
other metals (e.g., cadmium, lead) longother metals (e.g., cadmium, lead) long--term.term.
StatesStates:  Some states offering funding for clean coal :  Some states offering funding for clean coal 
projects using inprojects using in--state coal.state coal...
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Business Environment –
The Marketplace for Gasification

• Market Forces Impacting Competitiveness
• Increasingly Stringent Emission Requirements
• NOx, SOx, Particulates, Mercury, and emerging CO2 Issue
• Less Pricing Volatility With IGCC vs. Natural Gas
• Increasing Hydrogen Demands of Oil Refining 
• Polygeneration (Power, Hydrogen, Steam, F-T liquids)   

Over Steam Methane Reforming 
• Sulfur Reduction Mandates for Cleaner Transport Fuels
• This Will Create the Potential for Hydrogen and Fischer-

Tropsch (zero sulfur diesel) applications
• Increased Use of Lower-Quality Fuels 
• Higher Levels of Sulfur, Nitrogen, and Heavy Metals
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Gasification: Gasification: 
Current Status of TechnologyCurrent Status of Technology
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Americas - 23

72 Facilities: Operating (66), Construction / Engineering (6)72 Facilities: Operating (66), Construction / Engineering (6)
125 Gasifiers: Operating (113), Construction/Engineering (12)125 Gasifiers: Operating (113), Construction/Engineering (12)
5.1 billion standard cubic feet/day Syngas (H2/CO) Nominal Capac5.1 billion standard cubic feet/day Syngas (H2/CO) Nominal Capacityity

Asia - 26

Europe - 23
Germany Germany -- 88
France France -- 55
Italy Italy -- 55
U.K. U.K. -- 22
Spain Spain -- 22
Sweden Sweden -- 11

Oldest Plant: 1958Oldest Plant: 1958

China China -- 1414
Japan Japan -- 66
Singapore Singapore -- 22
India India -- 11
South Korea South Korea -- 11
Taiwan  Taiwan  -- 11
Australia Australia -- 11

Oldest Plant: 1961Oldest Plant: 1961

USA USA -- 2323

Oldest Plant: 1979Oldest Plant: 1979

ChevronTexaco Gasification ProcessChevronTexaco Gasification Process
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Current Licensed Syngas Capacity

Billion 
SCFD

Additions
by

Decade

0

1

2

3

4

5

6

1951-60 1961-70 1971-80 1981-90 1991-00

Power Fertilizer Chemicals Hydrogen

Status of the ChevronTexaco Status of the ChevronTexaco 
Gasification TechnologyGasification Technology
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•• Coal projects now being considered at 500 Coal projects now being considered at 500 -- 1,500  MW in USA1,500  MW in USA

20062006Visbreaker TarVisbreaker Tar800800PIEMSA (Spain)PIEMSA (Spain)

20022002Fluid CokeFluid Coke160160Motiva LLC (USA)Motiva LLC (USA)

19841984--19891989CoalCoal100100Cool Water (USA)Cool Water (USA)

20012001Cracked TarCracked Tar160160ESSO SingaporeESSO Singapore
20012001Visbreaker TarVisbreaker Tar280280api Energia (Italy)api Energia (Italy)
20012001AsphaltAsphalt510510ISAB (Italy)ISAB (Italy)

20032003AsphaltAsphalt350350NMPRC (Japan)NMPRC (Japan)

20012001Visbreaker TarVisbreaker Tar550550SARLUX (Italy)SARLUX (Italy)
19961996Petroleum CokePetroleum Coke4242El Dorado (USA)El Dorado (USA)

20062006Petroleum CokePetroleum Coke680680Citgo (USA) Citgo (USA) 

20062006Visbreaker TarVisbreaker Tar360360Normandie (France)Normandie (France)

19961996Coal/Petroleum CokeCoal/Petroleum Coke260260Tampa Electric USA)Tampa Electric USA)

Size (MW)Size (MW) FeedstockFeedstock
CommercialCommercial
OperationOperation

ChevronTexaco IGCC Experience

CompanyCompany
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•• Sarroch (Cagliari), ItalySarroch (Cagliari), Italy

•• 3771 sTPD heavy oil,3771 sTPD heavy oil,
550MW + hydrogen + steam550MW + hydrogen + steam

•• Three trains, quench typeThree trains, quench type

•• Initial startup 4/24/00Initial startup 4/24/00

•• In full commercial operation in 2001In full commercial operation in 2001

•• One of three IGCC’s in Italy now One of three IGCC’s in Italy now 
commercial, generating more than commercial, generating more than 
1,300 MW power from clean syngas1,300 MW power from clean syngas

Sarlux, Italy
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FEEDS GASIFICATION GAS CLEANUP END PRODUCTS

Alternatives:
• Asphalt
• Coal
• Heavy Oil
• Petroleum Coke
• Orimulsion
• Natural Gas
• Wastes

Alternatives:
• Hydrogen
• Ammonia
• Chemicals
• Methanol
• Fischer-Tropsch

Liquids (zero 
sulfur diesel)

Marketable
Byproducts:

Sulfur

Gas & Steam
TurbinesSulfur

Removal

Syngas

Electricity
Steam

Combined Cycle
Power Block

Marketable
Byproducts:

Solids (ash)

Gasifier

Oxygen

Texaco Gasification ProcessTexaco Gasification Process
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1980 19901970

25sTPD plant at
Montebello USA
research lab

2000

165sTPD (W. German) Coal to Oxo-chemicals

550sTPD (China) Coal to Ammonia

190sTPD (USA) Coal to Ammonia

1100sTPD (USA) Coal to Methanol / Acetic Anhydride

1000sTPD / 120MW (USA) Coal to Power

1650sTPD (Japan) Coal and Petroleum Coke to Ammonia

800sTPD (W. German) Coal to Oxo-chem/H2

2000sTPD / 250MW (USA) Coal to Power

PilotPilot DemoDemo CommercialCommercial

1800sTPD (China) Coal to Town Gas / Methanol

1650sTPD (China) Coal to Ammonia / Urea

900sTPD (China) Coal to Ammonia / Urea

TVA

RAG/RCH

SAR

Cool Water

UBE

Lunan

Shanghai

Weihe

Huainan

Evolution of Coal IGCC/Coal Gasification
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ChevronTexacoChevronTexaco
Standards Project Initiative (SPI) Standards Project Initiative (SPI) 
Reference PlantReference Plant
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IGCC Product Concept

•• A “product” development process that provides a focused A “product” development process that provides a focused 
forum for facilitating technology deployment, and design forum for facilitating technology deployment, and design 
and cost optimizationand cost optimization

•• Improves “time to market” with shorter project Improves “time to market” with shorter project 
development schedule and lower costsdevelopment schedule and lower costs

•• Establishes the groundwork for potential supplier alliancesEstablishes the groundwork for potential supplier alliances
•• Establishing the product as a Establishing the product as a Reference PlantReference Plant: : 

•• Provides a baseline on which to assess and incorporate Provides a baseline on which to assess and incorporate 
technology advancestechnology advances

•• Allows for a menu of plant configuration and operation Allows for a menu of plant configuration and operation 
optionsoptions

•• Provides a dataProvides a data--point for comparison with Pulverized Coal point for comparison with Pulverized Coal 
generation optionsgeneration options
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ChevronTexaco
SPI - IGCC Reference Plant “Product”

•• Why: Why: Market need for standardized IGCC plant, Market need for standardized IGCC plant, 
initially targeted for coalinitially targeted for coal

•• When:When: Begun in 1999 and continues to work on Begun in 1999 and continues to work on 
improving the Reference Plantimproving the Reference Plant

•• Who:Who: ChevronTexaco supported by Bechtel, ChevronTexaco supported by Bechtel, 
General Electric, and Air LiquideGeneral Electric, and Air Liquide

•• What: What: Development of a standard IGCC design and Development of a standard IGCC design and 
project execution conceptproject execution concept

•• Status:Status: Selected a preliminary configuration (9/02 Selected a preliminary configuration (9/02 
case) case) -- enhancement is in processenhancement is in process
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SPI Reference Plant 
Frame for Current Case

• 100% coal-to-power (no 
petroleum coke)

• no poly-generation in this study
• USA market
• Capacity > 500 MW
• GE turbines
• Back-up fuel available – nat gas
• Equity and license projects
• Bituminous coal (Eastern USA)
• Proven technology
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IGCC Standards Project Initiative
Enhancing Commercial Performance

Commercial 
IGCC

Efficiency

Capex Environmental

Schedule

O&MAvailability
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IGCC Standards Project Initiative
Design concept selection - major focus areas

1. Radiant syngas cooler vs. quench gasifier design
2. Gasification pressure
3. Air integration between CTG and ASU
4. Moisturization and/or diluent of syngas feed to 

CTGs
5. ASU optimization 
6. Spare gasification train
7. Number and size of component trains
8. Coal selection and slurry concentration
9. Acid Gas Removal (AGR) technology selection
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SPI Reference Plant 
Configuration (current status)

Gasif Train #1

Gasif Train #2

Gasif Train #3

Spare Gasif 
Train

ASU #1

ASU #1

SRU 
#1

SRU
#2

Steam 
Turbine 

850 MW

ASU
2 x 50%

Gasification
3 x 33%
+ Spare

Low Temp
Gas Cooling & 

Acid Gas 
Removal

3 x 33%

SRU
2 x 50%

LTGC 
#1

AGR 
#1

TGTU
#1

LTGC 
#1

AGR 
#1

LTGC 
#1

AGR 
#1

TGTU
1 x 100%

CTG
3  GE 7FAs

HRSG #1

HRSG #2

HRSG #3

HRSG/
Steam Turbine

3 HRSGs
1 Steam Turbine

CTG #1

CTG #2

CTG #3

6,600 STPD
Coal (1)

(1) Dry basis
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SPI Reference Plant – Current Case
Overall Plant Performance

64436594STPD Coal Feed

799849MWeNet Power Output

41684168klb/hrWater Consumed

11231149STPDSlag and Fines (wet basis)

123126LTPDSulfur Byproduct

1063 1063 klb/hrTreated Water Discharge

%

BTU/kWh

STPD

9190 8849  Plant Heat Rate (HHV)

62136358Oxygen Feed

37.138.6  Thermal Efficiency (HHV)

@ 90oF@ 59oF 
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Comparing CoalComparing Coal--toto--Power Technologies: Power Technologies: 
IGCC (Integrated Gasification Combined IGCC (Integrated Gasification Combined 
Cycle) vs. Supercritical Pulverized Coal Cycle) vs. Supercritical Pulverized Coal 
(PC) Boiler Plants(PC) Boiler Plants
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Fruit-basket of variables - The “Apples and 
Oranges” challenge of comparing coal-to-power 
technologies

$/kw
• location?

• Financed?

• Opex vs. capex

• Etc.

Efficiency

HHV LHV
C.O.D.

Emissions
Measure
Lb/hr
Lb/MWh
% removed
ppmLDs

Guarantees

In or Out?Solids disposalCoal pileScrubbers, FGDEtc.

Availability Capacity Factor

Union Non-union

Marketsegment

Varying
Regulations

Trade-offs
O&M Capex

Type

DifferentRegulations,Different Countries

‘99,‘00, 
‘01,‘02 ?

Hg
Removed?
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Comparison categories – IGCC vs. 
State-of-art Supercritical PC Boiler plant

• Capex
• Plant availability
• O&M costs
• Plant performance - efficiency
• Implementation schedule
• Environmental
• Positioning for future - CO2 recovery
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IGCC vs. PC Boiler Plants
Relative Comparison Summary

PC

IGCC >90%, PC undeterminedMercury emissions

IGCC capable of multi feeds, poly-genProduct/Fuel flexibility

PCs are becoming more complexO&M costs

IGCC pre-combustion, PC postCO2 capture positioning

Both technologies are improvingEfficiency

IGCC front end will improve with 
repeated projects

Schedule

Both in 90%+ rangePlant availability

Clear advantage with IGCCRegulated emissions

Both in $1,000 - $1,400 rangeCapital ($/kW installed)
NotesIGCC

= Category leader through = Standing relative to category leader 
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IGCC vs. PC Boiler Plants

9480 - 9100

36.0 - 37.5

3.00 – 5.00

> 90%

1,100 – 1,300
PC

38.5 - 40.5Efficiency (%)

Excludes solids disposal7.00 – 9.00O&M costs ($/MWh)

8860 - 8420Heat rate (HHV)

IGCC includes spare 
gasification train

> 90%Plant Availability (%)

Location and fuel 
dependent, IGCC Capex 
includes mercury system

1,300 – 1,400 Capex ($/kW)
- Power only case

NotesIGCC

More work (Value Improvement Processes, etc.) planned 
to further reduce Capital, Heat Rate and O&M costs for IGCC
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SPI IGCC Reference Plant 
Spare Gasification Train Included

Availability of one gasification train

Pr
oj

ec
t R

at
e 

of
 R

et
ur

n

3 gasification trains 
(no spare)

4 gasification trains 
(3 + spare)

Note:  The spare gasification 
train cost for the SPI 
reference plant is 
approximately $60 MM

Adding  a spare 
train increase 
project returns.

The breakeven point is typically 
higher than the 90% per train point.

SPI Reference Plant
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SPI IGCC Reference Plant 
Plant Availability vs. PC

• The overall IGCC plant availability can match 
that of the PC boiler plants (>90%)

• An overall IGCC availability of >90% is 
reached with proven availability levels per 
gasification train by including a spare 
gasification train

• Further improvements in availability of 
individual gasification trains will provide 
additional opportunities to reduce capital 
costs



NTP – Reliable Operation
Current IGCC        ~ 54 mo. 
Product IGCC       ~ 38 mo.

CPDEP
Phase 2

12
Phase 3

$3-5 MM $25-30 MM

Phase 2 Phase 3
$1 MM $10-15 MM

As much as $15 MM less 
development costs through Phase 3.  
Still higher than PC costs and most 
owners’ expectations. Work 
continues to reduce costs.

Planning
12+ Permitting

PDP 18

6-8
Feed EPC

6 1236

IGCC Today

S/U

Budget Price

Planning
12 Permitting

PDP <18?

2
Feed

3 EPC

3 332

S/U

IGCC Product

Fixed PriceOrder Long Lead Items

3

Why a Standard IGCC Product
IGCC Delivery: Today  vs. The Product Vision 

CPDEP = ChevronTexaco
Project Development and
Execution Process
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Environmental Performance
IGCC’s Proven Pre-Combustion Clean-up of
Syngas Fuel to the Gas Turbine

• NOx: current level of 15 ppm (@15% ONOx: current level of 15 ppm (@15% O22)) NOx suppression in gas turbine by             NOx suppression in gas turbine by             
use of a diluent such as nitrogen or use of a diluent such as nitrogen or 
steam. No SCR required. steam. No SCR required. 

•• SOx: Removal of 98 SOx: Removal of 98 -- 99+% S in feed99+% S in feed Conventional HConventional H22S removal from S removal from 
SOx < 0.5 lb/MWhSOx < 0.5 lb/MWh syngas,  technology practiced in syngas,  technology practiced in 

chemical and refinery industrieschemical and refinery industries

•• Particulates Particulates Both water and amine washing of Both water and amine washing of 
syngas prior to gas turbine, up to syngas prior to gas turbine, up to 
1515--20 stages. 20 stages. 

•• Mercury (Hg) **Mercury (Hg) ** Chemical removal from syngas Chemical removal from syngas 
through use of sulfided activated through use of sulfided activated 
carbon bed(s).  90+% achieved.carbon bed(s).  90+% achieved.

•• Carbon dioxide (COCarbon dioxide (CO22)) Separation from syngas through Separation from syngas through 
deep sulfur removal technology; deep sulfur removal technology; 
creates a high purity COcreates a high purity CO22 stream, stream, 
proven in existing ammonia plantsproven in existing ammonia plants
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Environmental Performance – Air
Comparison with Supercritical PC Plants

1. Comparison assumes Eastern Bituminous Coal with  2.2 wt% sulfur 
2. For IGCC, NOx is corrected to 15% O2; For PC, NOx is corrected to 6 % O2
3. PC Plant requires SCR and wet FGD to accomplish above emissions for NOx and SOx.

0.001

0.007

0.036

0.057

0.053

IGCC 

lb/MMBtu

0.004

0.018

0.11

0.08

0.132

PC

1.4

n/a

25

15

13

IGCC 

ppmv

n/a

n/a

n/a

48

57

PC

0.040.01VOC

0.160.06PM

0.990.32CO

0.72 30.50NOx 2

1.19 30.47SOx 1

PCIGCC 

lb/MWh
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Environmental Performance – Air (continued) 1
Comparison with Supercritical PC Plants

PCIGCC 

~ 30 - 50%> 90 + %Mercury Removal

1. Reference:  The Cost of Mercury Removal in an IGCC Plant,   9/2002  
prepared for  DOE by Parsons Infrastructure & Technology Group, Inc. 

Proven mercury removal, at Eastman Chemical’s Kingsport, Tennessee 
gasification facility, from the compressed syngas upstream of the gas 
turbine.  This allows mercury removal to be less expensive, less complex 
and with higher reliability. Testing reproducibility still an issue.   
The cost of mercury removal for PC plants can be an order of magnitude 
higher than the IGCC plant, due to the much higher volume of gas to 
treat in a PC.  
The cost increment to add 90% removal to an IGCC plant is estimated to 
be less than 0.3% and the increase the cost of electricity is less than 1%.  

Mercury Removal
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Environmental Performance – Air (continued) 
Comparison with Supercritical PC Plants

~ + 2 %Base
CO2 Production due to 
Relative Efficiency

PCIGCC 

> 3 ¢/kWh1.5 – 2 ¢/kWh
CO2 Removal
Incremental cost of 
electricity 1

1. Reference:  “The Cost of Carbon Capture”, by J. David & H. Herzog (MIT)

IGCC CO2 removal by absorption scrubber of compressed syngas.  PC CO2removal by MEA scrubbing of flue gas.

CO2 Removal
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Environmental Performance - Solids 
Comparison with Supercritical PC Plants

130114 20FGD Sludge

1.5

13

0

IGCC 

lb/MMBtu

0

0

83

PC

lb/MWh

014 3Sulfur Recovered

PCIGCC 

0113Slag

90Ash

1. Comparison assumes Eastern Bituminous Coal with 10 wt% ash & 2.2 wt% sulfur &
based on the latest CVX Reference Plant Data 

2. For IGCC, 98+% of sulfur in coal recovered as elemental sulfur while for PC, sulfur 
In the coal ends up in the sludge

3. IGCC recovered sulfur is a saleable product, as solid sulfur or sulfuric acid.
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Next Generation: Next Generation: 
CO2 Capture with IGCCCO2 Capture with IGCC
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COCO22SS

HH22

HH22OO

Water Gas Shift ReactionWater Gas Shift Reaction
CO + HCO + H22O            COO            CO22 + H+ H22

GasificationGasification

Sour ShiftSour Shift

AGR / SRUAGR / SRU

PowerPower

IGCC as a Pre-Combustion 
CO2 Capture Technology – Near Future

MercuryMercury

Coal, Petroleum Coke, Heavy OilCoal, Petroleum Coke, Heavy Oil

Note: Nine ammonia projects using CVX gasificationNote: Nine ammonia projects using CVX gasification
in China currently remove CO2, and recombine within China currently remove CO2, and recombine with
Ammonia to produce Urea. Urea capacity is more Ammonia to produce Urea. Urea capacity is more 
than 4 million tons/year (Urea is a solid fertilizer).than 4 million tons/year (Urea is a solid fertilizer).
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ConclusionsConclusions
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Benefits of ChevronTexaco IGCC

•• IGCC compares well with PC plants, with further cost reductionsIGCC compares well with PC plants, with further cost reductions
expected, and “is in the ballpark” on categories led by PC plantexpected, and “is in the ballpark” on categories led by PC plants.  s.  

•• Compared to alternative coal fossil technologies, IGCC provideCompared to alternative coal fossil technologies, IGCC provides:s:
-- Lowest NOx, SOx, Particulates and solid waste streamsLowest NOx, SOx, Particulates and solid waste streams
-- Lower HAPS (Hazardous Air Pollutants)Lower HAPS (Hazardous Air Pollutants)
-- Higher mercury removal (more than 95% expected)Higher mercury removal (more than 95% expected)
-- Higher Efficiency through polygeneration Higher Efficiency through polygeneration 

•• Ready now for CO2 control scenarios: sequestration/injection Ready now for CO2 control scenarios: sequestration/injection 
for enhanced oil recoveryfor enhanced oil recovery

•• Unique technology to utilize domestic energy sources (coal, petUnique technology to utilize domestic energy sources (coal, pet
coke) for cleaner energy, and provide future flexibility   coke) for cleaner energy, and provide future flexibility   

•• Provides strategic longProvides strategic long--term options for local, regional and national term options for local, regional and national 
energy security concernsenergy security concerns
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We're Carboholics. Make Us Stop. 

By David Crane 
Sunday, October 14, 2007; Page B07 

I am a carboholic. As Americans, we are all carboholics, but I am more so than most. The 
company I run, NRG Energy, emits more than 64 million tons of carbon dioxide (CO2) into 
the atmosphere each year -- more than the total man-made greenhouse gas emissions of 
Norway.  

And we are only the 10th-largest American power generation company. Imagine the 
CO2emissions of Nos. 1 through 9.  

Why do we do it? Why does America's power industry 
emit such a stunning amount of greenhouse gases into 
the atmosphere in this age of climate change?  

We do so because CO2emissions are free. And in a 
world where CO2has no price, removing CO2before or 
after the combustion process is vastly more expensive 
and problematic than just venting it into the atmosphere.  

Congress needs to act now to change our ways. 
Lawmakers should regulate CO2and other greenhouse 
gas emissions by introducing a federal cap-and-trade 
system, which would put a cap and a market price on 
CO2emissions.  

If Congress acts now, the power industry will respond. 
We will do what America does best; we will react to 
CO2price signals by innovating and commercializing 
technologies that avoid, prevent and remove CO2from 
the atmosphere.  

I emphasize the word "now." We are not running out of 
time; we have run out of time. Decisions we make today 
in the U.S. power industry will have a significant impact on the size of the problem we 
bequeath to our children.  

Without a price on CO2, our industry will build a veritable tidal wave of traditional coal-fired 
power-generation facilities. Traditional coal plants are, and will be for some time to come, 
the least expensive and most reliable way to generate electricity on a large scale in the United 
States, China, India and much of the rest of the world -- that is, so long as the CO2emissions 
associated with burning coal in these countries remain free.  

We absolutely need to use coal for power-generation purposes. We probably even need to 
build a few more traditional coal plants in fast-growing parts of the country where there is no 
practical alternative. But we need to move as quickly as possible toward implementing the 
low-emissions ways of combusting coal that are under development or, in the case of "coal 
gasification" technology, are ready for commercial deployment.  

A federal cap-and-trade system would push the power and coal industries toward deployment 
of CO2capture and sequestration technology, which is essential to reducing our domestic 
emissions and, ultimately, to weaning China and the rest of the fast-growing (and emitting) 
developing world off traditional coal technology. Effective incentives for these new 
technologies could easily and readily be included in a cap-and-trade regimen. Lawmakers 
need to provide both the carrot and the stick to get the CO2out of coal.  

Energy legislation under consideration in Congress focuses almost exclusively on renewables 
and conservation; both are worthy initiatives that deserve our support. But in a world where a 

 

A coal-fired power plant churns out electricity in 
Holcomb, Kan. (By Charlie Riedel -- Associated 
Press)  
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CO2-emitting traditional coal plant is built every week, renewables and conservation are a 
sideshow at best.  

The vast amount of CO2being emitted worldwide by coal-fired power plants is the heart of 
the global warming issue. Progress against those emissions depends on three critical 
initiatives: replacing traditional coal with "clean coal" plants, displacing additional traditional 
coal plants with new zero-carbon-emissions nuclear plants and implementing a federal cap-
and-trade system on greenhouse gases.  

Global warming should be at the top of Congress's agenda -- because action by this Congress 
will turn the tide of climate change around the world. Never before have we faced the 
prospect of fundamentally damaging our global ecosystem by the day-to-day activities of 
each and every one of us. A cap-and-trade system is the place to start. America must act now 
to protect our future.  

David Crane is chief executive of Princeton, N.J.-based NRG Energy Inc., a wholesale power 
generator. NRG, which owns power plants capable of serving 19 million households, recently 
filed for a license to build two nuclear reactors in South Texas.  
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Pre-1999
Gasification – Worldwide 
Acceptance and Use
Worldwide gasification 
capacity more than 
42,000 MWth.

Actual  2000-2004
Worldwide Growth 

Continues
Gasification growth 

limited by uncertain 
economic conditions and 

readily available low-
cost natural gas. Syngas 
capacity growth continues 
to over 45,000 MWth.

Planned  2005-2010
A Robust Industry 
Rebounds
Gasification growth 
encouraged by projected 
economic improvements and 
oil/gas price increases. Syngas 
capacity growth expected to increase 
by 25,000 MWth based on announced 
construction plans.

Post-2010 and Beyond
Environmental drivers such as 

carbon capture and constraints 
on availability/cost of oil and gas 

resources should create opportunities 
for more gasification-based projects.

A Current Perspective
On the Gasification Industry

Gasification Plants Around the World
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Gasification continues its expansion and upward growth trend.

Planned Growth During 
2005 to 2010

An additional 38 plants with 66 gasifiers have 

been announced and are forecast to become op-

erational between 2005 and 2010, according to the 

2004 survey. The additional capacity from these 

new plants is 25,282 MWth, an expected increase 

of 56%. Worldwide capacity by 2010 is projected 

at 70,283 MWth of syngas output from 155 plants 

and 451 gasifiers.

•   Regional distribution: The Africa/Middle East 

region will lead the world’s regional growth 

with 43% of planned capacity growth from 

2005 to 2010, all from a single gas-to-liquids 

(GTL) project in Qatar that will produce liq-

uid fuels from natural gas. The Asia/Australia 

region has planned projects that comprise 37% 

of the total planned growth, with China lead-

ing in this region. By contrast, plans for new 

gasification plants slowed in North America 

due to factors such as the economy and natural 

gas prices.

•   Feedstock distribution: Coal is the feedstock 

of choice for new gasification projects, iden-

tified for 29 of the 38 new plants (largely on 

the strength of the 24 chemical plants to be 

built in China). However, natural gas will be 

used in the largest single project from 2005 to 

2010 at the nearly 11,000 MWth gas-to-liquids 

gasification plant in Qatar. 

•   Product distribution: Chemicals will be the 

leading gasification product, generated at 24 

of the 38 plants, with the GTL plant in Qatar 

producing 140,000 barrels per day of distillate 

liquids. Power will be produced at seven of the 

remaining plants. 

•   Technology distribution: Survey results predict 

that Shell gasification technology will be used 

at 24 of the 38 plants built between 2005 and 

2010. On this basis, Shell will then account 

for 43% of the market syngas capacity by 

The United States Department of Energy (DOE) 

sponsored the 2004 World Gasification Survey in 

order to accurately describe the world gasification 

industry as it exists today, to identify planned capac-

ity additions, and to keep the gasification community 

apprised of current data and trends. This 2004 survey 

was completed by Childress Associates in collabora-

tion with members of the Gasification Technologies 

Council (GTC) and follows the initial 1999 worldwide 

survey and 2001 update.

World Gasification in 2004
The 2004 World Gasification Survey shows that 

existing world gasification capacity has grown to 

45,001 megawatts thermal (MWth) of syngas output 

at 117 operating plants with a total of 385 gasifiers. 

Major aspects of the global syngas capacity are cat-

egorized below: 

•   Regional distribution: The existing gasification 

plants are operating in 24 countries, which the da-

tabase groups into five regions. The Africa/Middle 

East region, with 34% of the total capacity, is now 

the leading region in the world for syngas produc-

tion.

•   Feedstock distribution: Coal remains the predomi-

nant feedstock, accounting for 49% of syngas ca-

pacity generated from all feedstocks. Petroleum 

provides 37%, with the remaining 14% of gasifier 

feedstocks coming from natural gas, petcoke, and 

biomass/wastes.

•   Product distribution: The primary product of operat-

ing gasification plants is synthesis gas (or syngas) 

from which other marketable products are generated, 

including chemicals (37%), Fischer Tropsch liquids 

(36%), power (19%), and gaseous fuels (8%). 

•   Technology distribution: Three commercially-

proven technologies currently command 94% of 

the 2004 world market: Sasol Lurgi technology 

represents 41% of the gasification operating pro-

duction capacity, GE Energy (formerly Texaco) 

represents 34% of reported capacity, and Shell 

technology represents 19%. 
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2010 (largely on the basis of the natural 

gas conversion facility to be built in Qatar), 

compared to its 19% market share in 2004. 

By contrast, Sasol Lurgi (dry ash) technol-

ogy is projected to slip from a 41% market 

share in 2004 to 27% in 2010.  GE Energy 

gasifiers are planned at six new plants and 

ConocoPhillips E-Gas technologies at an-

other six plants.

Changes and Drivers
The 2004 survey results show a 5% increase 

in syngas output since 1999, mostly due to in-

creased growth in China, where plants were 

primarily built to convert coal or petroleum 

waste to chemicals and fertilizers. This trend 

is expected to continue. In contrast, growth 

in North America over the past five years was 

initially hampered by a sluggish economy and 

low natural gas prices. Since natural gas prices 

are rising and costs are expected to grow, gas-

ification plant construction announcements 

are increasing. Moreover, future growth may 

be spurred by environmental waste gasification 

to avoid more costly disposal and by increasing 

public demand for clean energy.

Afterword
Since the completion of the 2004 survey 

and the subsequent evaluation of the data, ad-

ditional information regarding future gasifica-

tion plants has become available and is provided 

in the “Afterword” section. Such information 

is particularly applicable to U.S. interests in 

gasification. A list of 27 potential coal gasifi-

cation projects in early planning stages in the 

U.S. is provided along with some discussion 

of legislative policies and incentives that have 

recently been enacted and are likely to make 

the construction of more gasification plants 

increasingly attractive.
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The 2004 World Gasification Survey was designed to gather accurate 
information on the world gasification industry as it exists today and to 
also identify planned capacity additions. 

Prior to 1999, no organized database or central-

ized source of information existed to provide quick 

access to information on the global gasification 

industry. In 1999, the U.S. DOE—in conjunction 

with SFA Pacific and with the cooperation of the 

Gasification Technologies Council and its mem-

bers—conducted the first survey. The information 

was collected from contacts with leading industry 

and government officials and reference materials 

such as gasification conferences; installation lists 

from licensors of gasification technology; lists 

from contractors and technology suppliers as-

sociated with the engineering and construction of 

gasification facilities; and a number of gasification 

guidebooks, studies, and feature articles. Once col-

lected, the survey information was assembled into 

a database for public use. The 1999 survey results 

were also summarized and published in 2000 in 

a brochure entitled “Gasification: Worldwide Use 

and Acceptance.”  

The gasification database was updated in 2001 

but, while the database was again made available 

for public use, no brochure was published. 

This 2004 World Gasification Survey—the 

second update of the initial 1999 survey—was 

completed by Childress Associates in collabora-

tion with members of the Gasification Technolo-

gies Council. It involved all major gasification 

technology vendors, suppliers of supporting 

technologies, and owners/operators of gasifica-

tion-based power and manufacturing plants. The 

survey was generally restricted to commercial 

operating plants with a capacity exceeding 100 

megawatts electric equivalent (MWe) to avoid the 

inclusion of pilot test and temporary facilities as 

valid contributors to the commercial experience 

database. All feedstocks were included—coal, 

petroleum residues, secondary materials, biomass, 

and other carbonaceous materials—to the extent 

that the facility in question met the minimum 

capacity requirement.

The 2004 database presents the survey infor-

mation a little differently than in the past. Past 

databases included non-operating plants and plants 

under construction in the syngas capacity figures. 

However, the 2004 database includes only operat-

ing plants. That is one reason why the number of 

plants decreased since the last update, even though 

the syngas capacity increased. In addition, adjust-

ments were made to the database as appropriate 

to account for the closing and re-categorization of 

gasification plants.

Furthermore, a direct comparison of the facili-

ties included in the 2004 survey is difficult because 

the gasification plants use a variety of feedstocks 

and generate several different types of products. 

However, this issue has been addressed by using 

a measure of the production capacity of synthesis 

gas—namely megawatts thermal (MWth) of syn-

gas output—as the common basis of reporting, 

accumulating totals, and comparisons. The MWth 

unit is used consistently throughout this document 

(except in the Afterword). For purposes of com-

parison, the reported 2004 world syngas capacity 

of approximately 45,000 MWth is the equivalent 

of more than 25,000 MWe. In general, determin-

ing an equivalent product capacity depends upon 

differing assumptions for the variety of processing 

technologies used downstream of the gasifier.

Finally, the results of the survey for planned 

growth from 2005 to 2010 are affected somewhat 

by the unreported capacity data for several large 

coal-based power plants projected for construction 

in the U.S. For these projects, capacity figures were 

not supplied by the vendor/sponsor contacts in the 

2004 survey and, therefore, were not included in 

world capacity totals. These projects were includ-

ed, however, in the numbers of plants. Indicators 

of size for some of these plants have been made 

available since the 2004 survey and are now pro-

vided in the Afterword section.
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“Given the high price of oil and the limited supplies of natural 
gas available, coal is the most practical alternative. Our 
challenge is to find ways to use an abundant resource in an 
economic and environmentally clean way. Coal gasification has 
proven to be efficient, and there is no cleaner coal technology.”

“We are very pleased to be participating in the beginning stages 
of this important project. The Cinergy proposal is clear evidence 
of the growing interest in this technology among utilities and 
power developers across the U.S. power sector today.”

“We look forward to working with GE and Cinergy to make this 
IGCC project a reality for reliable, affordable, clean electricity. 
The current environmental benefits of this technology, coupled 
with the potential to meet future environmental regulations 
at a lower cost to the customer, can lead to the successful 
commercialization of an advantaged clean coal power plant 
for Cinergy.”
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South Africa and China are the dominant syngas-producing countries 
in the world. The three Sasol plants in South Africa account for 
one-third of world gasification capacity. China has 22 operating 
gasification plants with a total syngas output of about 30% of the 
worldwide capacity.

The survey results are presented below 

showing the state of the industry in 2004 by 

geographical region, feedstock, product, and 

technology.

Syngas Capacity by Region
The 2004 World Gasification Survey reported 

that existing world gasification capacity has 

grown to 45,001 MWth of syngas output from 

117 operating plants and 385 gasifiers. Based on 

operating plants, Africa/Middle East is now the 

leading region in the world for gasification ca-

pacity.  The European region—including West-

ern Europe, Eastern Europe, and Russia—is the 

second largest, followed by Asia/Australia and 

then North America. Central/South America has 

very limited existing capacity.

North America

As shown in the “Region” chart, North 

America currently has a syngas capacity of 

6,697 MWth, a 15% share of the world total. 

All of this activity resides in the United 

States, where 20 gasification-based plants 

are operating: 

•   Seven plants are in operation, fed by coal 

and/or petroleum coke. Three produce 

power, three produce chemicals and 

fertilizers, and one produces substitute 

natural gas. Among these are two Inte-

grated Gasification Combined-Cycle 

(IGCC) power plants—Wabash River 

and Polk—built during the 1990s, the 

Eastman Chemical coal-to-chemicals 

plant, and the Basin Electric Great Plains 

plant, the only plant in the world produc-

ing pipeline quality gas. This last plant 

has also begun a program to capture and 

ship CO2 via pipeline to Canada for se-

questration and enhanced oil recovery.

•   Four petroleum-based liquids plants pro-

duce chemicals or syngas for resale.

•   Nine natural gas facilities primarily 

produce chemicals.

Africa/Middle East

Three Sasol plants in South Africa, 

which produce clean fuels and chemicals 

from coal, account for one-third of world 

gasification capacity. These plants employ 

107 gasifiers, 28% of the world total. The 

first Sasol plant was built in South Africa 

in 1955, with additional facilities coming 

on line in 1977 and 1982. Those plants 

have been continually upgraded and today 
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process nearly 90,000 tons of coal per day. 

A much smaller gasification plant, which 

began operation in Egypt in 1966, produces 

fertilizers today from refinery residues and 

off-gases. The Africa/Middle East region 

has a syngas capacity of 15,173 MWth, a 

34% share of the present world gasification 

capacity.

Europe

With 48 operating gasification plants, 

the European region is the most diverse 

in terms of feedstocks, technologies, and 

products. The most recently built European 

gasification facilities primarily use petro-

leum-based feedstocks, with the exception 

of two biomass-based plants in Finland, the 

Nuon Buggenum coal-based IGCC facil-

ity in the Netherlands, and the Puertollano 

coal/petcoke-based IGCC plant in Spain. 

A number of older coal/lignite gasification 

plants, primarily in Eastern Europe, are also 

still operating. European capacity distribu-

tion in 2004 is as follows:

•   Czech Republic—one petroleum-based 

plant produces chemicals and one coal-

based plant produces power.

•   Former Yugoslavia—two plants are in 

operation (one coal-based and one using 

natural gas) and produce chemicals.

•   Finland—five plants that began opera-

tion between 1965 and 2001 produce 

gaseous fuels and power and use 

biomass/wastes as their primary feed-

stock. One plant gasifies petroleum 

(bunker fuel) to produce chemicals.

•   France—two natural gas plants produce 

chemicals.

•   Germany—twenty plants are in opera-

tion (one coal-based, four using wastes, 

14 petroleum-based, and one using natu-

ral gas), with 14 producing chemicals, 

one producing gaseous fuels, and five 

primarily producing power.

•   Italy—five plants are operating, with 

three using refinery residues as feedstock 

to generate electricity in combined-cycle 

plants and to produce some hydrogen for 

refinery use. Two older plants use natural 

gas to produce chemicals. 

•   Netherlands—three plants are operating, 

with two of worldwide significance. The 

Nuon Buggenum IGCC plant is one of 

three constructed during the 1990s that 

provide the operating experience nec-

essary to construct the next generation 

of solid feedstock-based IGCC plants. 

(The other two—Polk and Wabash Riv-

er—are in the U.S.) The third plant is a 

petroleum residue facility at the Pernis 

refinery which produces power, steam, 

and hydrogen for use in the refinery. Be-

cause of the energy efficient utilization 

of environmentally detrimental wastes, 

the Pernis plant could act as a template 

for other “green” refineries in Europe 

and around the world.

•   Portugal—one petroleum-based plant 

produces chemicals and one biomass 

plant produces gaseous fuels.

•   Spain—one coal-based plant produces 

power and one natural gas plant pro-

duces chemicals.

•   Sweden—two biomass plants produce 

power and gaseous fuels and one petro-

leum-based plant produces chemicals.

•   United Kingdom—two natural gas 

plants produce chemicals.

The European region has a syngas ca-

pacity of 12,382 MWth, a 28% share of the 

world gasification capacity.

Asia/Australia

China began constructing gasification 

plants in the mid-1980s and now has 22 

operating plants that convert coal and pe-

troleum residues into a variety of chemi-

cals, fertilizers, and gaseous fuels. Twelve 
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of these plants use liquid feedstocks, nine use 

coal, and one uses natural gas. However, no 

gasification-based power plants are currently 

operating or have been announced in China 

despite the abundance of gasification facilities. 

Other countries with gasification-based capacity 

in the Asia/Australia region include: 

•   Australia—one natural gas plant produces 

chemicals and CO2.

•   Singapore—two petroleum residue plants 

produce chemicals and power.

•   Malaysia—one natural gas plant produces 

Fischer Tropsch liquids. This plant is a fore-

runner to the very large facility planned in 

Qatar that will use natural gas and produce 

Fischer-Tropsch distillate liquids.

•   South Korea—three naphtha and petroleum 

residue plants produce chemicals and fertil-

izers.

•   Taiwan—two naphtha and petroleum residue 

plants produce chemicals.

•   Japan—five petroleum coke and coal plants 

produce chemicals and one petroleum resi-

due plant produces power. The Nippon 

Petroleum Refining Company built the 

power-producing plant at their Negishi 

refinery and started operations in 2003 

as the first IGCC in Japan. The Negishi 

plant may provide a working template 

for the Japanese refining industry since 

the Basic Energy Plan completed by the 

Japanese government in 2003 places 

increased emphasis on gasification of 

petroleum residues. 

•   India—five petroleum-based feedstock 

plants produce chemicals and fertilizers 

and one solid feedstock (lignite/petcoke) 

plant produces electricity. The lignite/

petcoke plant is still operating on naph-

tha as the initial phase of operation, but 

the gasification unit capable of using 

lignite/petcoke will be installed during 

a future phase.

The Asia/Australia region has a 22% 

share of the present world gasification 

capacity, with a syngas capacity of 10,101 

MWth.

Central/South America

The survey results show that the Central/

South American region significantly lags 

other world regions with a syngas capacity 

of just 648 MWth, a 1% share of the world 

gasification capacity. Two petroleum-fed 

plants are currently operational in Brazil 

and the Dominican Republic, producing 

chemicals and gaseous fuels.

Syngas Capacity 
by Feedstock

Gasification facilities consume a vari-

ety of carbon-based feedstocks, including 

natural gas, coal, petroleum, petcoke, 

biomass, and industrial wastes. From the 

2004 survey, the “Feedstock” chart shows 

that coal now dominates as the feedstock in 

more than 49% or 22,143 MWth of syngas 

capacity, representing 22 plants. Petro-

leum (including fuel oil, refinery residue, 

and naphtha) is the second leading feed-
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stock, with 16,391 MWth or 37% of total 

gasification capacity covering 57 plants. 

Natural gas provides 9%, with petcoke 

and biomass/waste offering 3% and 2%, 

respectively. As a diverse feedstock, coal 

continues to be used for power generation 

as well as to produce chemicals, Fischer 

Tropsch liquids, and gaseous fuels.

Syngas Capacity by Product
The versatility and flexibility of gas-

ification plants enable them to offer a 

wide range of products including Fischer 

Tropsch liquids, chemicals, fertilizers, 

power, steam, gaseous fuels, and various 

other products (e.g., ammonia and hydro-

gen). The “Product” chart shows that, for 

operating plants identified in the 2004 sur-

vey, chemicals and Fischer Tropsch liquids 

represent the leading products with 37% 

and 36%, respectively, of the world gasifi-

cation capacity. Chemicals are generated 

at 81 plants and Fischer Tropsch liquids 

at four plants. Other products are power 

(19%) and gaseous fuels (8%). Power gen-

eration occurs presently at 21 gasification 

plants worldwide.

Syngas Capacity 
by Technology

The 2004 survey revealed that more than 

one dozen different gasification technolo-

gies are now in operation in plants around 

the world. However, three commercial 

technologies are currently dominant and 

hold 94% of the 2004 world market. As 

illustrated in the “Technology” chart, Sasol 

Lurgi (dry ash) gasifiers lead the way with 

eight plants, accounting for 41% of world 

gasification capacity or 18,637 MWth of 

syngas output. GE Energy gasifiers are 

used at 64 plants, representing 34% (15,109 

MWth) of the total, and Shell gasifiers are 

used at 26 plants, representing 19% (8,516 

MWth) of total syngas output. The remain-

ing 6% is spread among a dozen other 

gasification technologies.
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Twenty-four new plants are planned in China, which will result 
in a 93% syngas capacity increase for the Asia/Australia region. 
In terms of product, Fischer Tropsch liquids will have the largest 
share of planned growth, most of which is from a single gas-to-
liquids project in Qatar.

World syngas capacity is projected to 

grow 25,282 MWth, an increase of 56%, 

from 2005 to 2010. The survey results show 

planned growth in gasification capacity 

from 2005 to 2010 by region, feedstock, 

product, and technology.

Syngas Capacity Growth 
by Region

The “Region” chart in the previous sec-

tion shows planned growth in gasification 

capacity for each major region of the world 

from 2005 to 2010. The chart also shows 

the percentage distribution or relative share 

of the total worldwide growth by region. 

North America

Growth in the North American region 

is expected to exceed 31% from 2005 to 

2010 and will come from six announced 

projects in the U.S. and one in Canada. The 

six U.S. projects will use solid feedstocks 

(coal and/or petroleum coke) to generate 

electricity and other co-products—hydro-

gen, ammonia, chemicals, fertilizer, and/or 

Fischer Tropsch liquids. Preliminary plans 

have also been announced for additional 

coal-based IGCC projects in the U.S. pri-

marily for power generation (see Afterword 

section), but there was insufficient detail to 

include them in these survey results. Two 

of these projects—announced by major 

utilities American Electric Power (AEP) 

and Cinergy Corporation—are advancing 

in early planning or feasibility stages.

In Canada, the country’s first gasifica-

tion-based facility—the Long Lake Plant, 

associated with oil sands production—is 

under construction. The goal is to gasify 

low/negative value feedstocks (asphalt and/

or petroleum coke) now being produced as 

a byproduct of extraction and upgrading of 

the oil sands. Hydrogen, steam, and power 

produced by the gasification plant will be 

used to produce and upgrade the synthetic 

crude oil extracted from the tar sands. Other 

oil sands-related gasification projects are in 

preliminary analysis and planning stages. 

The primary driver is high natural gas 

prices in Canada as well as in the rest of 

North America. Given the expected strong 

growth in demand for synthetic crude from 

oil sands in Canada, this is expected to be a 

strong future market for gasification.
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Africa/Middle East

Capacity in the Africa/Middle East 

region is expected to grow by 72% from 

2005 to 2010 based on the Shell gas-to-

liquids project in Qatar which will produce 

140,000 barrels per day of distillate fuel. 

Planned for operation by 2009, this project 

will use gasification technology to convert 

natural gas to synthesis gas and then use 

Fischer Tropsch conversion technology to 

produce clean diesel fuel. As a result of this 

very large plant in Qatar, this region will 

likely continue to dominate gasification-

based capacity in the near future. 

Europe

European capacity is expected to grow 

by 23% from 2005 to 2010 with the addi-

tion of more than 2,800 MWth from four 

plants producing primarily power. Two of 

the four plants (in Poland and Italy) will 

use refinery residues for polygeneration of 

power and hydrogen. One planned IGCC 

facility in Italy will use coal to generate 

electricity and one lignite IGCC plant is 

planned in the Czech Republic as an addi-

tion to the current power plant (Vresova) 

for greater power generation. No new plants 

are planned during 2005 to 2010 for any 

other European countries.
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Asia/Australia

Syngas capacity growth in Asia/Australia 

will be the strongest of all world regions, 

with new plant capacity plans for 2005 to 

2010 totaling 9,367 MWth—a growth rate 

for that region of 93% from its 2004 level of 

10,101 MWth. This growth will be comprised 

of 25 plants that will gasify coal or petro-

leum coke. Twenty-four of the plants will 

be in China, all processing coal to produce 

chemicals, methanol, and fertilizers. The 

Chinese government is said to be currently 

considering a commitment to 10% IGCC-

based power in future coal-based plants. One 

additional plant in the Asia/Australia region 

will be in India at the Orissa refinery where 

petroleum coke will be gasified starting in 

2006 to produce power and hydrogen—a 

configuration similar to the Shell Pernis 

refinery in the Netherlands. 

Central/South America

Capacity growth in the Central/South 

American region of 10% from its 2004 level 

of 648 MWth is projected to come from one 

new biomass plant in Brazil that will gener-

ate electricity beginning in 2006.

Syngas Capacity Growth by 
Feedstock

The “Feedstock” chart in the previous 

section illustrates expected growth in world 

gasification capacity based on feedstock dis-

tributions. Natural gas leads all feedstocks 

with 43% of the total planned growth from 

2005 to 2010, based on the natural gas to 

Fischer Tropsch fuels plant in Qatar. Coal 

is second with 41%. Major new coal-based 

power plants are being projected for 2008 to 

2010 at greenfield locations in the U.S. and 

can be expected to set the pace for more of 

these facilities beyond 2010. Beyond the new 

plants announced in the 2004 survey, addi-

tional new coal-based IGCC power plants are 

anticipated at both greenfield and brownfield 

sites as indicated in the Afterword section.

Petroleum residues and petcoke will pro-

vide about one-sixth of new capacity planned 

by 2010, although prospects are strong for 

additional significant growth from the Cana-

dian oil sands industry and petroleum refin-

ing in the U.S. Planned petcoke capacity will 

grow in the U.S., with petroleum residues 

originating in the Canadian oil sands industry. 

Growth in natural gas feedstocks will primar-

ily be from remote gas in the Middle East.

Syngas Capacity Growth by 
Product

For planned growth between 2005 and 

2010, Fischer Tropsch liquids continue to 

account for the largest share of worldwide 

growth in gasification capacity, with 43% of 

the total. The “Product” chart in the previous 

section shows that production of chemicals 

is expected to account for 34% of planned 

worldwide growth in capacity. Power genera-

tion remains third at 13%, with various other 

products accounting for 10%.

Syngas Capacity Growth by 
Technology

As evident from the “Technology” chart 

in the previous section, Shell may achieve 

more than 86% of the planned growth in total 

syngas capacity during the period 2005 to 

2010 on the basis of the large Fischer Tropsch 

distillate liquids plant in Qatar and the large 

number of coal-based chemicals plants in 

China. If this occurs, Shell gasifiers will ac-

count for 43% of the total world market by 

2010, Sasol Lurgi will slip to a market share 

of 27%, and GE Energy gasifiers will decline 

to 24% of the world market. The survey in-

dicates that many of the planned gasification 

plants will select high-temperature, oxygen-

blown, slagging entrained gasifiers—such as 

those supplied by Shell, GE Energy, Cono-

coPhillips, GSP, and others—as the technol-

ogy of choice from 2005 to 2010.
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The 2004 survey projects that 38 new gasification plants will start 
operations from 2005 through 2010. However, actual construction 
of some of these plants, particularly the coal-based power plants 
in the United States, may be linked to the cost of natural gas.

This section explains how the gasifica-

tion industry has changed during the last 

five years based on 2004 survey results, 

compares current industry plans for new 

gasification facilities with 1999 and 2001 

growth projections, and describes recent 

developments or trends in the gasification 

industry.

Recent Changes in World 
Syngas Capacity

The 2004 World Gasification Survey 

indicates that existing world gasification 

capacity has grown to 45,001 MWth of 

syngas output from 117 operating plants 

and 385 gasifiers. Compared to the prior 

1999 survey level of 42,726 MWth re-

ported, this represents a 5% increase in 

syngas output. 

Focusing on the 2000 to 2004 period, 18 

new gasification plants began operating and 

now provide 6,410 MWth syngas capacity. 

They are about evenly distributed in capac-

ity between six power plants (56%) and 12 

chemical production plants (44%). Of these 

18 plants shown in the “Gasification Plants 

Started During 2000 to 2004” table, 16 use 

high-temperature entrained-flow slagging 

gasifiers. These new plants primarily 

use petroleum residuals and petcoke as 

feed. The gasifiers selected are primarily 

Texaco designed and developed versions 

of high-temperature entrained-flow slag-

ging gasifiers. In 2004, the ownership of 

the technology changed and is now held 

by GE Energy. 

Syngas Capacity Changes 
by Region

The top two regions of the world in syn-

gas output capacity have switched places 

in the last five years. Africa/Middle East 

(34%) is now the leading region in the 

world for gasification based on operating 

plants, replacing the combined region of 

Western Europe and Eastern Europe (in-

cluding the former Soviet Union), which 

led the world in total syngas output in the 

1999 survey. The European region (28%) 

is now the second largest region, followed 

by Asia/Australia (22%), North America 

(15%), and Central/South America (1%). 

In the 1999 survey, the Africa/Middle East 

and Asia/Australia regions were in a vir-

tual tie for second place, followed by North 

America and Central/South America.

Syngas Capacity Changes 
by Feedstock

During the last five years, coal increased 

its lead as the dominant feedstock for gas-

ification plants from 42% to 49% of total 

world capacity. As shown in the “Gasifica-

tion Plants Planned for 2005 to 2010” table, 

most new plants—29 of the 38 planned for 
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the period 2005 to 2010—intend to use coal 

as the feedstock. Petroleum (including fuel 

oil, refinery residue, naphtha, etc.) is still 

the second leading feedstock with 37% of 

total gasification capacity from 57 plants, 

but its share has declined from five years 

ago when it was at 42% based on 56 plants. 

Natural gas remains the third-ranking feed-

stock at the same 9% level of total capacity 

as in 1999. Petcoke and biomass/waste also 

retained their fourth and fifth-place rank-

ings with 3% and 2%, respectively.
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Syngas Capacity Changes 
by Product

The 2004 survey shows that chemicals 

remain the top product generated by gasifi-

cation plants. However, its relative ranking 

declined from 43% to 37% since 1999. On 

the other hand, Fischer Tropsch liquids in-

creased its relative position to 36% from a 

level of 25% five years ago. Much of this 

growth in Fischer Tropsch liquids is due 

to the gasification of natural gas at remote 

locations like the Shell Bintulu facility in 

Malaysia. Power or electricity generation is 

now at 19% of total world syngas capacity 

compared to a previous level of 25%. Gas-

eous fuels also declined slightly from 9% 

to the current 8% level. Most new projects 

planned for 2005 to 2010 intend to produce 

chemicals or generate power.

Syngas Capacity Changes by 
Technology

In 1999, Texaco (now GE Energy) 

gasifiers provided 39% of world syngas 

capacity, Sasol Lurgi gasifiers provided 

28% and Shell gasifiers provided 21%. 

The 2004 survey showed that three com-

mercial technologies—Sasol Lurgi, GE 

Energy, and Shell—currently provide 94% 

of the world syngas capacity. Sasol gasifiers 

provide 41% of the gasification capacity, 

GE Energy gasifiers provide 34%, and Shell 

gasifiers provide 19%. The remaining 6% 

of capacity in 2004 is spread among a dozen 

additional gasification technologies. This 

shift in technology use may continue: about 

63% of the new plants planned for the next 

five years (including the Qatar GTL plant) 

are projected to use Shell gasifiers, and 16% 

are projected to use GE Energy gasifiers.

Comparison of Growth 
Projections

The “World Syngas Capacity” chart 

on the following page shows a predicted 

growth pattern from the 2001 survey 

against the actual growth that was reported 

in the 2004 survey. Obviously, the growth 

prediction of 2001 was not attained.
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While the net syngas growth was less 

than expected, one region stands out as 

having made unexpected gains: in 1999 

the Africa/Middle East region showed no 

expected growth for the next five years; 

however, the reported capacity of the 

South African Sasol gasifiers in 2004 had 

increased by over 40%.

Another local improvement was in 

the Asia/Australia region. The expanding 

economy in China has resulted in as-

sociated energy and chemical feedstock 

demand increases, where three coal-based 

gasification plants making ammonia and 

two petroleum-waste fed ammonia plants 

began operations during the last five years. 

In addition, a new IGCC plant operating 

in Japan is likely to serve as a template 

for more refinery-based gasification plants 

in Asia.

However, many 2001 plans to build new 

gasification plants in Western Europe and 

North America were abandoned or post-

poned. This can be primarily attributed to 

an economic decline from 2000 to 2001, 

which resulted in:

•   Reduced demand for electricity, chemi-

cals, and fuels below expected levels 

which, in turn, resulted in the delay 

or cancellation of several gasification 

projects as well as other energy-related 

projects.

•   Increased unwillingness or hesitancy in 

the investment community to commit 

large amounts of funding to capital-in-

tensive, long-term energy projects such 

as gasification-based plants.

•   Reduced demand for and the price of 

natural gas in the U.S. and around the 

world, especially affecting coal-based 

gasification projects in the U.S. that 

could not compete with lower priced 

natural gas-based generation. Although 

natural gas costs began increasing in 

2002, they did not reach sustained 

levels that would support gasification 

investments until late 2003.

Globally, the results of the 2004 survey 

show a gasification capacity growth rate 

similar to that predicted in 2001, as a 

result of improved economic conditions. 

In essence, the growth expected in 2001 

has shifted about three to five years into 

the future.

Trends and Drivers in the 
Gasification Industry

Some recent trends in the gasification 

industry are important to recognize since 

they will likely have a continuing impact 

on the future direction and growth of the 

industry.

Influence of Natural Gas Prices on 
Gasification-Based Power Plant 
Plans

The cost of natural gas has been shown 

to have a major impact on plans to build 

gasification power plants in the U.S. Be-

tween 1999 and 2004, natural gas was 

readily available at a relatively low cost for 

new power capacity in the U.S. However, 

due to transportation limitations for natural 

gas, it is not generally a global commod-

ity. Thus, sensitivity to natural gas prices 

is largely dependent upon the geographical 

location and the availability of natural gas 

in that country. For example, an excess of 

available natural gas has led to plans for 
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the large natural gas plant in Qatar. On the 

other hand, in North America natural gas 

is a swing fuel with marginal availability 

and price sensitivities.

Between 1990 and 2000, natural gas 

prices in the U.S. generally hovered around 

$2.00 per thousand cubic feet (mcf) as indi-

cated in the “U.S. Wellhead Price of Natural 

Gas” chart, which put coal at a significant 

economic disadvantage in the power gen-

eration market. This, coupled with energy 

policies favoring gas use, led to a rapid in-

crease in the use of gas to produce power, 

as illustrated in the “Annual U.S. New 

Capacity Additions by Fuel” chart. Natural 

gas demand outstripped production growth, 

resulting in a sharp increase in gas prices in 

2002 and in expanded plans for gasification 

power generation. When prices dropped in 

early 2002, those plans were scaled back. 

Since 2002, however, the increase in gas 

price levels—currently in excess of $11.00 

per mcf—and the expectation of continued 

high prices favor gasification expansion. As 

a result, numerous coal or petroleum coke-

based gasification combined-cycle power 

plants are planned in the U.S.  The expand-

ed interest in gasifying solid feedstocks to 

produce synthesis gas rather than using 

more-expensive natural gas is readily evi-

dent in the chemicals and hydrogen supply 

plants that have been built recently. 
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Increased Demand in Asia

The expanded economy in Asia, par-

ticularly in China and India, has generated 

increased interest in gasification as a vi-

able energy option. This can be seen by the 

large number of new operating gasification 

plants as well as by plants in the planning 

stages. Coal is readily available in those 

countries where oil and gas are not plenti-

ful. The 2004 survey identifies more than 

40 plants built between the mid-1980s and 

the time of the survey, most of which are 

producing chemicals. While this is already 

a large portion of the existing worldwide 

syngas capacity, the capacity is being ex-

panded to a greater extent by 24 plants in 

the planning stage. Most of the new capac-

ity in gasification plants in Asian countries, 

such as China and India, will be used for 

producing chemicals, fertilizers, and power. 

Accelerating demand for these products is 

expected to continue to be an important 

driver for the gasification industry, par-

ticularly as these countries pursue energy 

technology options that are well-suited for 

future environmental protection and for 

carbon control requirements.

Power (Electricity, Steam, and 
Hydrogen) from Environmental 
Wastes

During the last 20 years, industries such 

as petroleum refineries have attempted to 

more completely use the wastes from refin-

ing in order to avoid environmental issues 

associated with outdoor storage, runoff, and 

discharges as well as the costs of disposal. 

At the same time, gasification can use 

these wastes to produce power, synthesis 

gas, and hydrogen for use in the refinery 

or for export from the plant. These are the 

primary reasons for increased interest in 

these plants, particularly in Europe (Italy, 

Poland, and the Netherlands) and the U.S. 

(Delaware). The 2004 survey has identified 

10 plants producing power (with a capacity 

greater than 7,000 MWth syngas) from pet-

coke, asphalt, and oil process residuals that 

started operation between 1992 and 2003, 

plus two smaller plants (about 500 MWth) 

started in 1968 and 1985. In addition, there 

are as many as seven power plants in the 

planning stage for startup from 2005 to 

2010 that are expected to add identified 

capacity of about 4,000 MWth syngas.
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Since completion of the 2004 survey, 

there have been additional noteworthy 

market and public policy developments that 

will likely result in a significant increase 

in future coal and petroleum coke-based 

gasification capacity in the United States 

above the level suggested by the survey.

First, continued high petroleum and 

natural gas prices have resulted in a num-

ber of new gasification-based projects pro-

posed in the U.S. since completion of the 

survey. Twenty-seven projects have been 

identified through a review of industry 

developments.

While it is unlikely that all of these proj-

ects will proceed to construction, the energy 

market—with petroleum prices peaking at 

more than $70 per barrel and natural gas 

exceeding $11.00 per mcf by September 

2005—is providing a favorable climate 

for gasification-based power generation 

and polygeneration projects in the U.S.

Second, the passage of the Energy 

Policy Act of 2005 provides significant 

federal financial incentives for a wide 

variety of gasification-based projects in 

the U.S. The new law authorizes direct 

federal outlays of as much as $5.4 billion 

in grants, investment tax credits, loans, 

and cost sharing that could help fund an 

estimated 16 gasification-based plants. Ad-

ditional authority was created for 80% loan 

guarantees for an estimated 17 additional 

gasification projects. 

Third, the transportation bill—also 

passed and signed into law in August 

2005—provides a 50-cent per gallon credit 

for coal-based Fischer Tropsch fuels pro-

duced and used in the U.S.

Finally, the expectations of more strin-

gent environmental constraints and the 

potential requirements for carbon capture 

and sequestration have become more likely 

and more relevant to decision makers. The 

strategic choices for generation capacity for 

many decision makers are now influenced 

by the potential to adapt to these environ-

mental and carbon policies. Gasification 

provides a versatile option to satisfy envi-

ronmental and carbon policy requirements 

and is increasingly becoming the technol-

ogy of choice.

This combination of favorable energy 

market conditions and strong public policy 

support establishes a foundation for signifi-

cant additions to gasification capacity in the 

U.S. in the coming years for the production 

of clean power, fuels, and chemicals.
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The survey that is the basis for this brochure was conducted 
by Childress Associates and involved all major gasification 
technology vendors, suppliers of supporting technologies, and 
owners/operators of gasification-based power and manufactur-
ing plants. The associated database derived from the survey is 
available at the DOE NETL website: 

www.netl.doe.gov/coal/gasification/index.html

The database is available in several formats:

•  A Microsoft Excel® spreadsheet containing all data fields 
for all records contained in the original Microsoft Access 
database.

•  An Adobe® PDF file that is bookmarked for sections 
sorted by technology vendor, feedstock, country, region, 
and product.

•  A Microsoft Access® database file that allows searches for 
records by the following criteria: plant ID number, region, 
country, year of startup, gasification technology, main feed(s), 
plant capacity, and main products.

This searchable database is also available on the website of the 
Gasification Technologies Council.

Stewart Clayton

IGCC Portfolio Manager

19901 Germantown Road

Germantown, MD 20874-1290

301-903-9429

stewart.clayton@hq.doe.gov

Visit the DOE FE website at:

www.fe.doe.gov

James Childress

Executive Director

1110 N. Glebe Road, Suite 610

Arlington, VA 22201

703-276-0110

Visit the Gasification website at:

www.gasification.org
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P.O. Box 10940
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Morgantown, WV  26507-0880

One West Third Street, Suite 1400
Tulsa, OK 74103-3519

539 Duckering Bldg./UAF Campus
P.O. Box 750172
Fairbanks, AK 99775-0172

Gary J. Stiegel
Gasification Technology Manager
Office of Coal and Power R&D
412-386-4499
gary.stiegel@netl.doe.gov

Visit the NETL website at: 
www.netl.doe.gov

Customer Service:
1-800-553-7681
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Operations 

Wabash 

BTU CONVERSION AT WABASH  

Wabash River Energy, Ltd., is a wholly owned subsidiary of Global Energy. Wabash represents 
the culmination of a two-decade effort including $1 billion in research and development by Dow 
Chemical, to produce next generation entrained flow gasification technology.  

Global Energy purchased Wabash in 1999 and optimized operations of the technology. Under 
the ownership of Global Energy the technology was trademarked as the EGAS™ Technology.  

The Wabash site is one of only two Integrated Gasification Combined Cycle (IGCC) facilities in 
the United States. The U.S. Department of Energy named the Wabash facility as the world's 
cleanest coal-based power plant.  

In 2005 Wabash Valley Power Association (WVPA) joined Wabash River Energy, Ltd., in the 
formation of SG Solutions LLC to own and operate the Wabash facility. Our utility partner, 
WVPA, is an electric cooperative headquartered in Indiana. Wabash River Energy retained the 
rights to the second gasification unit at the site for use in the SNG Export Project. When 
completed, SNG Export will double the capacity of Wabash.  

Page 1 of 1Global Energy :: The Environmental Technology Company :: Operations

1/20/2008http://www.globalenergyinc.com/wabash







































































































































January 14, 2004  
 
CERTIFIED MAIL 
RETURN RECEIPT REQUESTED IN REPLY REFER TO:  4530-1 
 
 
Mr. Scott A. Patulski  
Vice President, Fossil Operations 
231 W. Michigan 
Milwaukee, WI 53201 
 
Dear Mr. Patulski: 
 
Your application for an air pollution control construction permit has been processed in accordance with sec. 
285.61, Wis. Stats. 
 
The enclosed construction permit is issued to provide authorization for your source to construct and initially 
operate an Electric Generating Facility referred as Elm Road Generating Station – North Site With 
Accommodations at 4801 E. Elm Road, Oak Creek, Wisconsin in accordance with the requirements and 
conditions set forth within Parts I and II of the permit.  Please read it carefully.  This permit expires 90 months 
after the day this permit is issued.  This source may not operate after this construction permit expires unless you 
have been issued an operation permit. 
 
Enclosed with the permit there are two copies of a bill for the cost of reviewing and acting upon your air 
pollution control permit.  This bill is due and payable within 30 days of the date of the issuance of the permit.  
Your check should be made payable to Wisconsin Department of Natural Resources and returned to the address 
on the bill.  Please include one copy of the bill with your payment. 
 
A copy of this permit should be available at the source for inspection by any authorized representative of the 
Department.  Questions about this permit should be directed to the Wisconsin Department of Natural Resources, 
Wisconsin Department of Natural Resources, Southeast Region, 2300 North Dr. Martin Luther King Jr. Drive, 
Milwaukee, WI 53212, Phone (414) 263-8500 
 
 NOTICE OF APPEAL RIGHTS 
 
If you believe that you have a right to challenge this decision, you should know that Wisconsin statutes establish 
time periods within which requests to review Department decisions must be filed. 
 
To request a contested case hearing pursuant to s. 285.81, Stats., you have 30 days after the decision is mailed, or 
otherwise served by the Department, to serve a petition for a contested case hearing on the Secretary of the 
Department of Natural Resources.  Any such petition for hearing shall set forth specifically the issues sought to 
be reviewed, the interest of the petitioner, the reasons why a hearing is warranted and the relief desired. 



 
 

 
 
For judicial review of a decision pursuant to ss. 227.52 and 227.53, Stats., you have 30 days after the decision is 
mailed, or otherwise served by the Department, to file your petition with the appropriate circuit court and serve 
the petition on the Department.  Such a petition for judicial review shall name the Department of Natural 
Resources as the respondent. 
 
This notice is provided pursuant to s. 227.48(2), Stats. 
 
STATE OF WISCONSIN 
DEPARTMENT OF NATURAL RESOURCES 
 
 
 
 
 
Raj Vakharia, Review Engineer 
Permits & Stationary Source Modeling Section 
Bureau of Air Management 
 
cc:   SER Air Program Air Program 
       SER, Sturtevant Service Center Air Program 
       US EPA Region V  
        Kathy Zuelsdorff, PSC, 610 N. Whitney Way, P.O. Box 7854, Madison, WI 53707-7854 
      
Enclosure 
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 BEFORE THE DEPARTMENT OF NATURAL RESOURCES 
 AIR MANAGEMENT PROGRAM 
 FINDINGS OF FACT 
 CONCLUSIONS OF LAW 
 AND DECISION 
 
 
 Findings of Fact 
 
The Department of Natural Resources (DNR) finds that: 
 
1) Elm Road Generating Station  (Referred as North Site with Accommodations), 4801 E. Elm Road, Oak 

Creek, Wisconsin, Wisconsin has applied for an air pollution control construction permit.  The authorized 
representative of the facility is Scott A. Patulski – Vice President, Fossil Operations. 

 
2) Elm Road Generating Station  (Referred as North Site with Accommodations), submitted an air pollution 

control permit application and plans and specifications and any additional information describing the air 
contaminant source between June 18, 2002 and January 9, 2004. 

 
3) DNR has reviewed  Elm Road Generating Station  (Referred as North Site with Accommodations)'s air 

permit application and the plans and specifications submitted to DNR. 
 
4) This permit is for an air contaminant source. 
 
5) DNR has complied with the procedures set forth in s. 285.61, Stats. 
 
6) The proposed air contaminant source meets all of the applicable criteria in s. 285.63, Stats. 
 
7) DNR has complied with the requirements of s. 1.11, Stats., and ch. NR 150, Wis. Adm. Code. 
 
 
 Conclusions of Law 
 
 DNR concludes that: 
 
1) DNR has authority under s. 285.11(a), Stats., to promulgate rules contained in chs. NR 400-499, Wis. 

Adm. Code, including, but not limited to, rules containing emission limits, compliance schedules and 
compliance determination methods. 

 
2) DNR has the authority under ss. 285.11(a), (e), and (f), 285.27 and 285.65, Stats., and chs. NR 400-499, 

Wis. Adm. Code, to establish emission limits for sources of air pollution. 
 
3) DNR has the authority to issue air pollution control permits and to include conditions in such permits 

under ss. 285.60, 285.61, 285.63 and 285.65, Stats. 
 
4) The emission limits included in this permit are authorized by ss. 285.65, Stats., and NR 400-499, Wis. 

Adm. Code. 
 
5) DNR is required to comply with s. 1.11, Stats., and ch. NR 150, Wis. Adm. Code, in conjunction with 

issuing an air pollution control permit. 
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 Decision 
 
Elm Road Generating Station  (Referred as North Site with Accommodations), is authorized to construct and 
initially operate an Electric Generating Facility referred at 4801 E. Elm Road, Oak Creek, Wisconsin, as 
described in the plans and specifications dated between June 18, 2002 and January 9, 2004 in conformity with 
the emission limits, monitoring, recordkeeping and reporting requirements and specific and general conditions 
set forth in this permit. 
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                                      AIR POLLUTION CONTROL CONSTRUCTION PERMIT 
  
                                EI FACILITY NO.   PERMIT NO. 03-RV-166  
 

STACK NO.(S). S18 –S174 SOURCE NO.(S). B18, B19, B20,P62, P63, P64, P175, P76P,     
P41, P42, P43, B44, T16, T188, T121, T122,   
T123, T119, T120 

 
 

THIS CONSTRUCTION PERMIT EXPIRES NINETY (90) MONTHS FROM THE DATE OF 
ISSUANCE OR WHEN THE OPERATION PERMIT IS ISSUED FOR THE EMISSION UNITS 
INCLUDED IN THIS PERMIT, WHICHEVER COMES FIRST.  
  

 
In compliance with the provisions of Chapter 285, Wis. Stats., and Chapters NR 400 to NR 499, Wis. Adm. 
Code, 
 

Name of Source:  Elm Road Generating Station (Referred as North Site with Accommodations)  
 

Street Address: 4801 E. Elm Road 
 Oak Creek, Milwaukee County, Wisconsin 

 
 

Responsible Official & Title: Scott A. Patulski – Vice President, Fossil Operations 
 

is authorized to construct and initially operate an Electric Generating Facility described in the plans and 
specifications submitted between June 18, 2002 and January 9, 2004 in conformity with the conditions 
herein. 
 
This authorization requires compliance by the permit holder with the emission limitations, monitoring 
requirements and other terms and conditions set forth in Parts I and II hereof. 
 
Dated at  Madison, Wisconsin this     14th         day of   Januray 2004                                     . 
 
STATE OF WISCONSIN 
DEPARTMENT OF NATURAL RESOURCES 
For the Secretary 
 
 
 
By        signed by Lloyd L. Eagan                                                                                              

Lloyd L. Eagan, Director 
Bureau of Air Management 
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 PART I: APPLICABLE LIMITATIONS 
 

 
A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: 0.018 pound per million Btu heat input averaged over any consecutive 3–hour period. (Best  Available Control Technology, 
BACT) [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. Code, s. NR 440.20(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.1   [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 550 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 27 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system in combination with a flue gas 
desulfurization and a wet electrostatic precipitator to meet the 
BACT emission limit.  [ s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a).1, Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.1.b.(5). [s.  NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.1.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 5 
or 5B including backhalf (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code; s. NR 
440.20(8)(b)2., Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall continuously monitor the operating pressure 
drop across the fabric filter system and shall sound an audible alarm, 
whenever the operating pressure drop is below minimum pressure 
drop identified in I.A.1.b.(5) is exceeded. [s. NR 439.055(1)(b)1., Wis. 
Adm. Code] 
 
(6) The permittee shall respond to every “out of range” pressure drop 
alarm in accordance with the provisions of 40 CFR 64.7(d)(1).  [s. 
285.65(3), Wis. Stats.] 
 
(7) The permittee shall install, calibrate, maintain, and continuously 
operate a fabric filter bag leak detection system and be equipped with 
an audible alarm. [s. 285.65(3), Wis. Stats.] 
 
(8) The alarm set point and alarm delay time for each bag leak 
detection system shall be established during the initial testing period. 
[s. 285.65(3), Wis. Stats.] 
 

 
 
 
Note 1:The boiler is subject to New Source Performance Standards (NSPS) requirements for particulate matter under 
s. NR 440.20(3), Wis. Adm. Code and is 0.03 pound per million Btu and 99% reduction when combusting solid fuel.  
The BACT limit for particulate matter is more restrictive then the particulate matter emission limits under NSPS, thus 
the boiler is expected to meet the particulate matter emission limits under NSPS.   
 
 
 

                                                 
1If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder 

may request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 
 
 

 
(9) The permittee shall record the output of the fabric filter bag leak 
detection system. [s. 285.65(3), Wis. Stats.] 
 
(10)The permittee shall respond to every bag leak detection alarm in 
accordance with the provisions of 40 CFR 64.7(d)(1). [s. 285.65(3), 
Wis. Stats.] 
 
(11) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: 0.018 pound per million Btu heat input averaged over any consecutive 3–hour period. (BACT) [s. NR 405.08(2), Wis. Adm. 
Code and s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.1 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 550 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 27 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT emission limit.  [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a).1, Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.2.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.2.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.] 

  
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 5 
or 5B including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code; s. NR 
440.20(8)(b)2., Wis. Adm. Code ] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall continuously monitor the pressure drop across 
the fabric filter system and shall sound an audible alarm, whenever the 
operating pressure drop is below the minimum pressure drop identified 
in I.A.2.b.(5) is exceeded. [s. NR 439.055(1)(b)1., Wis. Adm. Code] 
 
(6) The permittee shall respond to every “out of range” pressure drop 
alarm in accordance with the provisions of 40 CFR 64.7(d)(1).  [s. 
285.65(3), Wis. Stats.] 
 
(7) The permittee shall install, calibrate, maintain, and continuously 
operate a fabric filter bag leak detection system and be equipped with 
an audible alarm. [s. 285.65(3), Wis. Stats.] 
 
(8) The alarm set point and alarm delay time for each bag leak 
detection system shall be established during the initial testing period. 
[s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall record the output of the fabric filter bag leak 
detection system. [s. 285.65(3), Wis. Stats.] 
 
(10)The permittee shall respond to every bag leak detection alarm in 
accordance with the provisions of 40 CFR 64.7(d)(1). [s. 285.65(3), 
Wis. Stats.] 

 
 

                                                 
1 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 5 

 
A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 1. Particulate Matter Emissions less than 10 microns (PM10) [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 
 
 

 
(11) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) 0.15 pound per million Btu heat input for all periods, including startup and shut down, averaged over any consecutive 
30-day period.  (BACT) (2) Uncontrolled sulfur dioxide emission rate in the coal shall be limited to 4.0 pound per million Btu, averaged over 
any consecutive 30-day period. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.20(4), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  
See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation. [s. NR 439.07, Wis. Adm. Code] 
 
(2) Sulfur Dioxide Emissions shall be controlled by the use of wet 
flue gas desulfurization (FGDS) System to meet the BACT 
emission limits. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The absorber recirculation (AR) slurry flow rate to the wet flue 
gas desulfurization (FGD) system shall be periodically monitored 
and maintained within the range specified under condition 
I.A.3.c.(4). [s. 285.65(3), Wis. Stats.] 
 
(4) (a) The boiler may be fired on coal and/or coal/ash fuel blend, 
except during periods of start-up and load stabilization when 
natural gas and/or low sulfur fuel oil may also be utilized as a fuel. 
(b) The amount of ash fired in the boiler may not exceed 5% by 
weight averaged over any consecutive 30 day period.  [s. NR 
405.08(2), Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(5) (a) The permittee shall demonstrate compliance with the coal 
sulfur limit in I.A.3.a,(2)] by utilizing coal  sampling and analysis of 
the coal as it is shipped from the mine. (b) The permittee shall 
provide the sampling and analysis protocol at least four months 
prior to the initial operation of the boiler to the Department for 
approval.  (c) In the event that mine sampling and analysis is 
unavailable, the permittee shall use as received fuel sampling and 
analysis procedures in accordance with s. NR 439.08, Wis. Adm. 
Code to demonstrate compliance with this limit.  (d) In lieu of fuel 
sampling and analysis, the permittee may demonstrate compliance 
with the coal sulfur limit in I.A.3.a.(2) by using emissions data 
measured by a continuous emission monitoring system at the inlet 
to the FGD system. [s. 285.65(3), Wis. Stats., s. NR 439.08, Wis. 
Adm. Code]  
 
 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.   
[s. NR 439.06(2), Wis. Adm. Code] 
 
(2) (a) The permittee shall install, calibrate, maintain and operate a 
continuous emission monitoring system, and record the output of the 
system, for measuring the sulfur dioxide and oxygen or carbon dioxide 
content of the flue gases at each location where sulfur dioxide 
emissions are monitored.  (b) Continuous emissions monitoring 
systems shall be installed and operated in accordance with 40 CFR 
Part 75, s. NR 440.20(7)(b), Wis. Adm. Code and s. NR 439.06(4), 
Wis. Adm. Code. [s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall use continuous emission monitoring methods 
and procedures under s. NR 440.20(7)(b), Wis. Adm. Code and s. NR 
439.09, Wis. Adm. Code to comply with the NSPS monitoring 
requirements. [s. NR 439.09, Wis. Adm. Code] 
 
(4) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational absorber recirculation (AR) slurry flow rate to the FGD 
system to be used for monitoring the absorber recirculation (AR) slurry 
flow rate to the FGD system, as required under condition I.A.3.b.(2), 
and shall incorporate this information into the Malfunction Prevention 
and Abatement Plan. (MPAP) [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall submit quarterly reports to the Department on 
the information required under condition I.A.3.b.(5) for each train of 
coal received during the calendar quarter. [s. 285.65(3), Wis. Stats., s. 
285.65(10), Wis. Stats.] 

 
Note 1: The proposed boiler is subject to NSPS requirement for sulfur dioxide under s. NR 440.20(4), Wis. Adm. 
Code. The NSPS limit for sulfur dioxide varies depending upon fuel sulfur content, with either a 90% reduction and 
1.2 pound per million Btu limitations or a 70% reduction when emissions are below 0.60 pound per million Btu.  The 
NSPS limits apply at all times except during periods of startup, shut down or when emergency conditions exist and 
the procedures under s. NR 440.20(6)(d), Wis. Adm. Code is implemented.  The BACT limits for sulfur dioxide is 
more restrictive then the sulfur dioxide emission limits under NSPS, thus the boiler is expected to meet the sulfur 
dioxide emission limits under NSPS.   
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. [CONTINUED] 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(6) The permittee shall demonstrate compliance with the sulfur 
dioxide emission limits contained in I.A.3.a. (1) Using emissions 
data measured by the continuous emission monitoring system 
required by I.A.3.c. (2) as follows: 
(a) Daily average concentration shall be calculated each calendar 
day by combining the sulfur dioxide concentration and diluent 
concentration (in % O2 or % CO2) measurement consistent with 
the procedures specified in 40 CFR Part 75 Appendix F. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(7) The permittee shall perform the compliance emission tests 
required under condition I.A.3.b.(1) every 24 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 
(8) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code and s. NR 440.20(8), Wis. Adm. Code.  A copy of the 
requirements attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(9) (a) Sulfur dioxide emissions shall be limited to 1,150 pounds 
per hour averaged over any consecutive 3-hour period and sulfur 
dioxide emissions shall be limited to 1,050 pounds per hour 
averaged over any consecutive 24-hour period.  These conditions 
are established to ensure compliance with PSD increments and 
NAAQS.  At these emission rates the air quality standards are 
expected to be protected. [s. 285.65(3), Wis. Stats., s. 285.65(7), 
Wis. Stats.] 
(b) The permittee shall use the CEMs data to demonstrate 
compliance with permit condition I.A.3.b. (9)(a). [s. 285.65(3), Wis. 
Stats.]   
 

 
 (6) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall keep appropriate records to comply with permit 
condition I.A.3.b. (9). [s. 285.65(3), Wis. Stats.] 
 
(8) The permittee shall keep appropriate records to ensure compliance 
with permit condition I.A.3.b.(4)(b). [s. 285.65(3), Wis. Stats.] 
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A.  S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler  
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) 0.07 pound per million Btu heat input during normal operation not including periods of startup and shut down, averaged 
over any consecutive 30-day period. (BACT)  [s. NR 405.08(2), Wis. Adm. Code,  s. 285.65(3), Wis. Stats.]; (2) 0.07 pound per million Btu 
heat input for all periods including startup and shut down, averaged over any consecutive 12-month period. (BACT) [s. NR 405.08(2), Wis. 
Adm. Code, s. NR 440.20(5)a.1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Notes 1,  2, 3 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.2 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Nitrogen Oxide Emissions shall be controlled using low NOx 
burners, good combustion practices and a Selective Catalytic 
Reduction (SCR) System to meet the BACT emission limits. [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall demonstrate compliance with the NOx 
emission limit as follows:  
 
(a) NOx emissions shall be calculated based on each 24-hour 
calendar period.  
 
(b) 24 hour  emissions shall be calculated by combining the NOx 
concentration and diluent concentration (in % O2 or % CO2) 
measurement consistent with the procedures specified in 40 CFR 
Part 75 Appendix F.  
 
(c) 12 consecutive months concentrations shall be calculated 
based on the calculations of the daily concentrations. 
[s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.4.c.(5)a.-d., to meet good combustion 
practices and/or maintain proper operation of the SCR. [s. 
285.65(3), Wis. Stats.] 
 
(5) The permittee shall perform the compliance emission tests 
required under condition I.A.4.b.(1) every 60 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 7 or an 
alternate method approved in writing by the Department shall be used 
to demonstrate compliance or an alternate method approved in writing 
by the Department, shall be used.  [s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall install and operate continuous emissions 
monitoring systems (CEMs) for NOx and carbon dioxide or oxygen 
within 60 days after initial start up of the boiler.  The CEMs shall be 
calibrated within 90 days after initial start up of the boiler. Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 75, s. NR 440.20(7)(d), Wis. Adm. Code 
and s. NR 439.06(6)(b), Wis. Adm. Code requirements.[s. 285.65(3), 
Wis. Stats.; s. NR 439.06, Wis. Adm. Code] 
 
(3) The permittee shall certify the CEMs in accordance with 40 CFR 
Part 75 Appendix A. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep appropriate records of the strip chart, 
round chart or data acquisition (DAS) system/electronic data storage 
continuously. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  
 
(5) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, including SCR inlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(6) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.4.c.(5) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats] 
 
(7) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.4.c.(5)a. - d. [s. 285.65(3) and (10), Wis. Stats.] 

 
 
 
 
 

                                                 
2 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.  S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler  
The following emission limits apply to each SCPC boiler. [CONTINUED] 
 
Pollutant: 4. Oxides of Nitrogen [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(6) The permittee shall comply with the NSPS compliance 
determination procedures and methods per s. NR 440.20(6), Wis. 
Adm. Code.  A copy of the requirements attached with the permit. 
[s. 285.65(3), Wis. Stats.] 
 

 
(8) The permittee shall comply with the NSPS reporting requirements 
per s. NR 440.20(9), Wis. Adm. Code.  A copy of the requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall comply with all the recordkeeping and 
reporting requirements under s. NR 428.04(4), Wis. Adm. Code. A 
copy of these requirements attached with the permit. [s. NR 428.04(4), 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(11) The permittee shall comply with all the requirements for 
monitoring, installation, certification, data accounting, compliance 
dates and reporting data prior to initial certification as required under 
s. NR 428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. 
Code, s. NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(12) The permittee shall monitor NOx and heat input  per s. NR 
428.08(1)(a), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(13) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) AND (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(14) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
 

 
Note 1: Startup period begins with the firing of fuel and end when the temperature of the flu gas entering selective 
catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the temperature of the 
flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the cessation of fuel firing. 
 Steady state operation is defined as any hour in which no mills are started or stopped or no stabilization fuel is used 
in the boiler. 
 
Note 2: The boiler is subject to NSPS requirements under s. NR 440.20(5)(a)1., Wis. Adm. Code for nitrogen oxides. 
The NSPS limit is 0.50 pound per million Btu. The NSPS emission limits for nitrogen oxides apply at all times except 
during periods of startup, shut down or malfunction.  The BACT limit for nitrogen oxides under I.A.4.a.(1), is more 
restrictive then the nitrogen oxides emission limits under NSPS, thus the boiler is expected to meet the emission limit 
for nitrogen oxides under NSPS. 
 
Note 3: The boiler is subject to emission limits for nitrogen oxides under s. NR 428.04(2)(a)1.a., Wis. Adm. Code and 
is 0.15 pounds per million Btu of heat input  on a 30-day rolling average basis.  The BACT limit for nitrogen oxides is 
more restrictive then the nitrogen oxides emissions limit established under s, NR 428,04, Wis. Adm. Code, thus the 
boiler is expected to meet the nitrogen oxides emission limits under s. NR 428.04, Wis. Adm. Code.   
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) 0.12 pound per million Btu heat input during steady state operation, excluding periods of startup, shut down and 
averaged over any consecutive 24-hour period. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. 
Stats.]  See Note 1;  (2) 742 pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. 
(BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. Stats.]; (3) 2,400 pounds per hour during any one 
hour period. [s. 285.65(3), Wis. Stats.] See Note 2; (4) 3,250 tons in any 12 consecutive months for all periods, including startup and shut 
down. (BACT) [s. NR 405.08(2), Wis. Adm. Code,  s. 285.65(3), Wis. Stats., s. 285.65 (7), Wis. Stats.]  See Note 3  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.3 [s. NR 439.07, Wis. Adm. Code] 
 
(2)Carbon Monoxide Emissions shall be controlled using low NOx 
burners and good combustion practices to meet BACT limits. [s. 
NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall demonstrate compliance with the carbon 
monoxide emission limits as follows: 
(a) Daily average shall be determined by calculating the arithmetic 
average of all applicable hourly emission rates for a calendar day.  
 (b) The hourly emission rate shall be calculated by combining the 
CO concentration and diluent concentration (in % O2 or % CO2) 
measurement consistent with the procedures specified in 40 CFR 
Part 75 Appendix F.  The conversion factor, (K), shall be 0.7266 x 
10E-7 lb CO/ft3 – ppm.  
 (c) The annual emission limit in I.A.5.a.(4) shall be calculated 
using and totaling the hourly calculated emission rate.  [s. 
285.65(3), Wis. Stats.]  
 
(4) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.5.c.(3)a.-d., to meet good combustion 
practices. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall perform the compliance emission tests 
required under condition I.A.5.b.(1) every 60 months within 60 days 
from the date of the last stack test as long as the permit remains 
valid.  [s. NR 439.075(3)(b) Wis. Adm. Code] 
 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the temperature of the flue gas entering the 
SCR. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, US EPA Method 
10, or an alternate method approved in writing by the Department shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(4), Wis. 
Adm. Code] 
 
(2) The permittee shall install and operate continuous emissions 
monitoring systems (CEMs) for CO and oxygen or CO2 within 60 days 
after initial start up of the boiler.  The CEMs shall be calibrated within 
90 days after initial start up of the boiler.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 60 Appendix B, and s. NR 439.06(4), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s.  NR 439.06, Wis. Adm. 
Code] 
 
(3) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(4) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.5.c.(3) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.5.c.(3)a.-d. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
 

 
 
 
 

                                                 
3 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 5. Carbon Monoxide [CONTIUNUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

   
(8) (a) The permittee shall keep records to show that they did not 
exceed the emission limit in I.A.5.a.(2), (3) and (4) and condition 
I.A.5.b.(3).   
(b) The permittee shall monitor the temperature of the flue gas 
entering the SCR and keep records of the flue gas temperature 
entering the SCR to show compliance with Note 1. [s. 285.65(3), Wis. 
Stats.]    

 
 
Note 1: Startup period begins with the firing of fuel and end when the temperature of the flu gas entering selective 
catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the temperature of the 
flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the cessation of fuel firing. 
 Steady state operation is defined as any hour in which no mills are started or stopped or no stabilization fuel is used 
in the boiler. 
 
Note 2: This hourly emission limit is established to protect the ambient air quality standards. 
 
Note 3: This limit is based on a BACT limit, 0.12 pound per million Btu heat input x heat input of the boiler, 6,180 
mmBtu/hr x 8,760 hours/year operation x ton/2000 lbs.
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
 (a) Limitations: (1) 0.0035 pound per million Btu heat input during steady state operation excluding periods of startup and shut down 
averaged over any consecutive 24-hour period. (LAER) [s. NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 1; (2) 21.6 
pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. (LAER) [s. NR 408.04, Wis. 
Adm. Code, s. 285.65(7), Wis. Stats.] ; (3) 95 tons in any 12 consecutive months for all periods, including startup and shut down. (LAER) [s. 
NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 2 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.4 [s. NR 439.07, Wis. Adm. Code] 
 
(2) VOC Emissions shall be controlled using low NOx burners and 
good combustion practices to meet LAER limits. [s. NR 419.03, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.6.c.(2)a.-d., to meet good combustion 
practices (LAER). [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall demonstrate compliance with the volatile 
organic compound emission limit contained in I.A.6.a. as follows: 
 (a) VOC emissions shall be calculated based on each 24-hour 
calendar period.  
(b) The permittee shall calculate an hourly average emission rate 
based on measured data using CO CEMs required in I.A.5.b. (4) 
by combining the CO concentration and diluent concentration (in 
%O2 or % CO2) measurement, consistent with the procedures 
specified in 40 CFR Part 75 Appendix F, in the following equation: 
VOC actual = VOC limit X (CO actual/CO limit) 
[s. 285.65(3), Wis. Stats.]  
 
(5) The permittee shall provide the following information to the 
Department for approval at least 4 months prior to the initial 
operation: 
(a) Compliance demonstration method that will be used and the 
records that will be kept to comply with the emission limit in 
I.A.6.a.(2), and (3).  The Department will use this information to 
write the operation permit. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the temperature of the flue gas entering the 
SCR. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, US EPA Method 25A and/or 18 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(3), Wis. Adm. 
Code] 
 
(2) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(3) During the initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.A.6.c.(2) to establish operational ranges for incorporation into the 
operation permit. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.6.c.(2)a.-d. [s. 285.65(3) and (10), Wis. Stats.] 
 
(5) The permittee shall keep appropriate records to show that the 
boiler is equipped with low NOx burners. [s. 285.65(3), Wis. Stats.] 
  
 (6) The permittee shall monitor the temperature of the flue gas 
entering the SCR and keep records of the flue gas temperature 
entering the SCR to show compliance with Note 1. [s. 285.65(3), Wis. 
Stats.]   

 
Note 1: The LAER limit of 0.0035 pound per million Btu heat input equates to 21.6 pounds in any hour at maximum 
output levels. Startup period begins with the firing of fuel and end when the temperature of the flu gas entering 
selective catalytic reduction (SCR) system exceeds 650 degrees F.  The shut down period begins when the 
temperature of the flue gas entering SCR system temperature drops below 650 degrees F, and shall end with the 
cessation of fuel firing.  Steady state operation is defined as any hour in which no mills are started or stopped or no 
stabilization fuel is used in the boiler. 
 
Note 2: This limit is based on a LAER limit, 0.0035 pound per million Btu heat input x heat input of the boiler, 6,180 
mmBtu/hr x 8,760 hours/year operation x ton/2000 lbs.

                                                 
4 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: 7.9 pound per trillion Btu Heat Input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7), 
Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.5 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Lead emissions shall be controlled using a fabric filter 
baghouse system to meet the BACT limit. [ s. 285.65(3), Wis. 
Stats.] 
 
(3) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10 and s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(4) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(5) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.A.7.b.(4). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(6) The permittee shall perform the compliance emission tests 
required under condition I.A.7.b.(1) every 60 months from the date 
of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats.,  s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 or Method 29 shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric filter 
baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

                                                 
5 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: 1.12 pound per trillion Btu Heat Input (BACT, MACT) [s. NR 408.04, Wis. Adm. Code, s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.6 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Mercury emissions shall be controlled using a fabric filter 
baghouse system coupled with the use of a FGDs flue gas 
desulfurization system and SCR to meet the BACT limit. [ s. 
285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
the baghouse system, section I.A.1, and the FGD flue gas 
desulfurization system, section I.A.3, and the SCR system, section 
I.A.4, shall be used as compliance demonstration techniques for 
mercury emissions as well. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall perform 4 stack tests within 18 months of 
the initial operation and then perform biannual stack test, the first 
of which shall be performed at the beginning of the initial operation 
period and every 6 months until the initial operation period has 
been completed. (b) The permittee shall perform the compliance 
emission tests required under condition I.A.8.b.(1) every 60 
months from the date of the last stack test as long as the permit 
remains valid.  [s. 285.65(10), Wis. Stats.,  s. 285.65(3), Wis. 
Stats.] 
 
(5) (a)The permittee shall determine mercury emission through 
coal sampling and analysis. The permittee shall monitor monthly 
average mercury content and higher heating value in the coal. (b) 
The data obtained from the monthly coal sampling and analysis 
shall be correlated with the results of the latest emission 
compliance test for the purpose of calculating mercury emission 
rate.  [s. NR  405.08, Wis. Adm. Code] 
 
(6) The permittee shall submit the results of the compliance testing 
to the Department and the Department will review the test results 
and adjust the emissions limit to more accurate reduction levels for 
mercury when the operation permit is issued. 
 [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]  

 
(1) Reference Test Method for Mercury Emissions: Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall record the pressure drop across the fabric 
filter baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The BACT emission limit for Mercury is based on uncontrolled mercury emissions of 11.2 pounds per trillion 
Btu and an control efficiency of 90%.  The permittee shall achieve process optimization during the initial operation and 
conduct stack testing for mercury emissions to determine the mercury reduction that is achieved through the use of 
fabric filter, Wet FGD and SCR system.  The Department will use the testing information to adjust the emissions limit 
to more accurate reduction levels for mercury when the operation permit is issued. 
 
 

                                                 
6 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: 0.00088 pound per million Btu heat input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7) 
Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.7 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Emissions of fluorides shall be controlled by a fabric filter 
baghouse system and a FGD system. [s. NR 406.10, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
fabric filter baghouse system and the FGD system, section I.A.3, 
I.A.1. shall be used as compliance demonstration techniques for 
fluoride emissions as well. [s. 285.65(3), Wis. Stats.] 
 

 
(1)  Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B  shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.20(3)(b), Wis. Adm. Code]  
See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Opacity shall be controlled using a fabric filter baghouse 
system. [s. 285.65(3), Wis. Stats.] 
 
(2) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 

 
(1)  Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall install, calibrate, maintain and operate a 
continuous monitoring system, and record the output of the system, 
for measuring the opacity of emissions discharged to the 
atmosphere. [s. NR 440.20(7)(a), Wis. Adm. Code, s. 285.65(10), 
Wis. Stats.] 
 
(3) Continuous opacity monitoring methods and procedures shall 
comply with the requirements of s. NR 440.20(7)(a), Wis. Adm. Code 
and s. NR 439.09, Wis. Adm. Code. [s. NR 439.09, Wis. Adm. Code; 
s. 285.65(3), Wis. Stats.] 
 
(4) The continuos opacity monitor (COM) may be located after the 
baghouse and before the WFGD where condensed water vapor is 
not present, because the SCPC boilers will utilize wet flue gas 
desulfurization systems which operate at conditions that will have 
condensed water vapor present in the flue gas in the stack.  [s. 
285.65(3), Wis. Stats.]   

 
Note 1: No owner or operator may cause to be discharged into the atmosphere any gases which exhibit greater than 
20% opacity (6-minute average), except for one 6-minute period per hour of not more than 27% opacity per s. NR 
440.20(3)(b), Wis. Adm. Code. 
 
 
 
 

                                                 
7 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A. S18, B18 – Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 11. Beryllium 
 
a.  Limitations: 0.35 pound per trillion Btu heat input. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65 (7) 
Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.8 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Emissions of beryllium shall be controlled by a fabric filter 
baghouse system and a FGD System to meet the BACT limit. [s. 
NR 406.10, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Compliance demonstration identified earlier in this permit for 
fabric filter baghouse system and the FGD system, section I.A.3, 
I.A.1. shall be used as compliance demonstration techniques for 
beryllium emissions as well.  [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.11.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats.,  s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall monitor beryllium emissions through coal 
sampling and analysis. The permittee shall monitor monthly 
average beryllium content and higher heating value in the coal. (b) 
The data obtained from the monthly coal sampling and analysis 
shall be correlated with the results of the latest emission 
compliance test for the purpose of calculating beryllium emission 
rate.  [s. NR  405.08, Wis. Adm. Code]. [s. NR 405.08, Wis. Adm. 
Code] 
 

 
(1) Reference Test Method for Emissions of Beryllium: Whenever 
compliance emission testing is required, US EPA Method 29 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall record the pressure drop across the fabric 
filter baghouse system at the beginning of each operating shift.  [s. NR 
439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric filter 
baghouse system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 
 

 
 
 
 

                                                 
8 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
Pollutant: 12. Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act.  
 
a.  Limitations: (1) The permittee shall use fabric filter baghouse and comply with the PM/PM10 limits in I.A.1.a to meet case by case 
MACT for inorganic solid HAPs;  (2) The permittee shall use a wet flue gas desulfurization system (FGD) and comply with the emission 
limitation of condition I.A.3.a.(1) to meet case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet 
the VOC emission limits to comply with case by case MACT for organic HAPs [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Inorganic HAPs emission shall be controlled using a fabric filter 
baghouse system. [s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration method identified in section 
I.A.1.b.(6), shall be used as compliance demonstration techniques 
for  inorganic HAPs emission limitations in I.A.12.a.(1). [s. 
285.65(3), Wis. Stats.] 
 
(3) Inorganic acid HAPs emission shall be controlled using a wet 
flue gas desulfurization system (FGD) [s. 285.65(3), Wis. Stats.] 
 
(4) The compliance demonstration method identified in section 
I.A.3.b.(5), shall be used as compliance demonstration techniques 
for  inorganic acid HAPs emission limitations in I.A.12.a. (2). [s. 
285.65(3), Wis. Stats.] 
 
 (5) Organic HAPs emission shall be controlled using good 
combustion practices. [s. 285.65(3), Wis. Stats.] 
 
(6) The compliance demonstration method identified in section 
I.A.6.b.(2), (3), and (4) shall be used as compliance demonstration 
techniques for organic HAPs emission limitations in I.A.12.a. (3). 
[s. 285.65(3), Wis. Stats.] 
 
(7) The amount of ash fired in the SCPC boilers may not exceed 
5% by weight averaged over any consecutive 30-day period. [s. 
285.65(3), Wis. Stats.] 
 
(8) The permittee shall analyze the ash fired as fuel at least once a 
year and any time a different coal is used to ensure the fly ash and 
bottom ash meet the definition of coal and thus the use of this ash 
is exempt from the requirements of ch. NR 445, Wis. Adm. Code. 
[s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance testing 
is required, a compliance test protocol approved in writing by the 
Department, shall be used.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2)  The permittee shall shall keep appropriate records to 
demonstrate compliance with permit conditions I.A.12.b.(7) and (8). 
[s. 285.65(3), Wis. Stats.] 
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A.S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
Pollutant: 13  Ammonia Emissions 
 
a.  Limitations: (1) 5 ppm and 20 pounds per hour9 [ s. NR 445.04(1), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall demonstrate compliance with applicable 
ammonia hourly emission limit by performing a stack test using 
USEPA conditional test Method 027, within 180 days after initial 
start up of the boiler10.  
 
(a) Compliance emission tests shall be conducted at 100%  load 
operation.  
 
(b)  If operation at the 100% load is not feasible, the source shall 
operate at a capacity level that is approved by the Department in 
writing.  [s. NR 439.075(3), Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.A.13.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
285.65(10), Wis. Stats., s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Ammonia: Whenever compliance 
testing for ammonia is required, USEPA Method 027, or an alternate 
method approved in writing by the Department, shall be used.  [s. NR 
439.06(8), Wis. Adm. Code] 
 

 
 

                                                 
9 These emissions do not result from combustion.  Aqueous ammonia is used as the reagent for the SCR.  Ammonia that does not 
react is exhausted out of the stack. 
10 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 19 

 
 
A.  S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 14. Sulfuric Acid Mist 
 
a.  Limitations: 0.010 pound per million Btu heat input, based upon a 24-hour average. (BACT) [s. NR 405.08(2), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 

days after the start of operation of the process to show 
compliance with the emission limitation.11 [s. NR 439.07, Wis. 
Adm. Code] 

 
(2) Sulfuric acid mist emissions shall be controlled by a FGD 

system and wet electrostatic precipitator system to meet the 
BACT limits.  [s. NR 405.08(2), Wis. Adm. Code] 

 
(3) The boiler may only be fired on coal and/or ash fuel blend, 
except for periods of start-up and load stabilization when natural 
gas or fuel oil may also be utilized as a fuel. [s. NR 405.08(2) , 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.14.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
NR 439.075(3)(b) Wis. Adm. Code] 
 
(5) The absorber recirculation (AR) slurry  flow rate of water to the 
FGD system shall be periodically monitored and maintained within 
the range specified under condition I.A.14.c.(2). [s. 285.65(3), Wis. 
Stats.] 
 
(6) The sulfur content of fuel oil to be used during periods of start-
up and load stabilization may not exceed 0.003% by weight. [s. 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) During the initial performance testing, the permittee shall 
perform simultaneous monitoring of the parameters identified in 
condition I.A.14.c.(5) to establish operational ranges for 
incorporation into the operation permit. [s. 285.65(10), Wis. Stats.] 
 
(8) The permittee shall maintain the ranges of the parameters 
identified in condition I.A.14.c.(5)a.-d., to meet good combustion 
practices. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(8), Wis. Adm. 
Code] 
 
 (2) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational water flow rate to the FGD system  to be used for 
monitoring the flow rate of water to the FGD system, as required under 
condition I.A.14.b.(7). [s. 285.65(10), Wis. Stats.] 
 
(3) Compliance with the fuel oil sulfur requirements of I.A.14.b.(6) shall 
be determined using periodic sampling and analysis using methods 
and procedures specified under condition I.A.13.c.(4). [s. NR 
439.06(2)(c), Wis. Adm. Code] 
 
(4) The sulfur content of a liquid fossil fuel sample shall be determined 
according to ASTM D129-95, Standard Test Method for Sulfur in 
Petroleum Products (General Bomb Method), ASTM D1552-95, 
Standard Test Method for Sulfur in Petroleum Products (High-
Temperature Method), or ASTM D4294-98, Standard Test Method for 
Sulfur in Petroleum Products by Energy-Dispersive X-ray 
Fluorescence Spectroscopy. [s. NR 439.08(2)(b), Wis. Adm. Code] 
 
(5) During operation, the facility will calculate or continuously monitor 
and record the unit heat input and the following operating parameters 
on an hourly basis. 
a. Furnace outlet temperature, oF 
b. Secondary Air Flow 
c. Primary Air Flow 
d. Fuel Flow Rate 
e. Residence Time (by calculation only) 
[s. 285.65(10), Wis. Stats.] 
 
(6) The permittee shall install, calibrate, maintain and operate 
instrumentation to monitor the parameters identified by condition 
I.A.14.c.(5)a.-d. [s. 285.65(3) and (10), Wis. Stats.]  

 
 
 
 
 
 
 
 
 
 
 
 
 

                                                 
11 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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A.  S18, B18– Super Critical Pulverized Coal (SCPC) Boiler 1; S19, B19 – Super Critical Pulverized Coal (SCPC) Boiler 2 
The following emission limits apply to each SCPC boiler. 
 
Pollutant: 15. Hydrogen Chloride 
 
a.  Limitations: 16.2 pounds per hour, based upon a 24-hour average (MACT), regulated under sec. 112 of the Clean Air Act.  [s. 

285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 

days after the start of operation of the process to show 
compliance with the emission limitation. [s. NR 439.07, Wis. 
Adm. Code] 

 
(3) Hydrogen Chloride emissions shall be controlled by the use of 

wet flue gas desulfurization (FGDS) Systems to meet the 
MACT limits.  [s. NR 405.08(2), Wis. Adm. Code] 

 
(3) The boiler may only be fired on coal and/or ash fuel blend, 
except for periods of start-up and load stabilization when natural 
gas or fuel oil may also be utilized as a fuel. [s. NR 405.08(2) , 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(4) The permittee shall perform the compliance emission tests 
required under condition I.A.15.b.(1) every 60 months from the 
date of the last stack test as long as the permit remains valid.  [s. 
NR 439.075(3)(b) Wis. Adm. Code] 
 
(5) The absorber recirculation (AR) slurry  flow rate of water to the 
FGD system shall be periodically monitored and maintained within 
the range specified under condition I.A.15.c.(2). [s. 285.65(3), Wis. 
Stats.] 
 
 

 
(1) Reference Test Method for Hydrogen Chloride Emissions: 
Whenever compliance emission testing is required, US EPA Method 
26A shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(8), Wis. Adm. Code] 
 
 (2) The permittee shall provide to the department, at least 4 months 
prior to the expiration of the construction permit, information on the 
operational absorber recirculation (AR) slurry flow rate to the FGD 
system to be used for monitoring the absorber recirculation (AR) slurry 
flow rate to the FGD system, as required under condition I.A.15.b.(3), 
and shall incorporate this information into the Malfunction Prevention 
and Abatement Plan. [s. 285.65(10), Wis. Stats.] 
 
(3)  Instrumentation to monitor the absorber recirulation (AR) slurry 
flow rate to the wet flue gas desulfurization (FGD) system shall be 
installed and operated properly.  [s. NR 439.055(1)(a), Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler  
 
Pollutant: 1. Particulate Matter Emissions 
 
a. Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas. (BACT); (2) The emissions may not 

exceed 0.05 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which no 
more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation when firing distillate fuel oil.12 [s. NR 
439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 280.0 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 5.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight .  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.1.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60, Appendix A, Reference Method 5, including backhalf  
(Method 202) shall be used to demonstrate compliance or an alternate 
method approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.B.1.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.B.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The boiler is subject to NSPS requirements under s. NR 440.205, Wis. Adm. Code for particulate matter.  The 
only New Source Performance Standards (NSPS) standard that will be applicable to the boiler for PM is in the form of 
an opacity standard when fuel oil is fired per 40 CFR Part 60.43b(f) and s. NR 440.205(4) (f), Wis. Adm. Code. 

                                                 
12 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT).; (2) The emissions may not 
exceed 0.05 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of good 
combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which no more 
than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.13 [s. NR 439.07, Wis. Adm. Code] 
 
(1) The permittee shall determine the hourly emissions using fuel 

consumption records and emissions factor determined by 
stack testing.  [s. 285.65(3), Wis. Stats.] 

  (3) Stack Parameters: These requirements are included because  
the source was reviewed with these stack parameters and it was     

determined that no increments or ambient air quality standards will   
be violated when constructed as proposed.   

 
  (a) The stack height shall be at least 280 feet above ground     

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 5.0 

  feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]                            
                                                                                                         
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.2.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.B.2.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications that 
indicate the process’s fuel design capabilities.  [s. NR 439.04(1)(d), Wis. 
Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.B.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 

 
 
 
 
 
 
 
 
 

 

                                                 
13 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide 
 

a.  Limitations: (1) The emissions may not exceed 0.0024 pound per million Btu when firing natural gas. (BACT); (2) The 
emissions may not exceed 0.0032 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. 
(BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 
consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  
[s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight .  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.3.b.(8). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The sulfur dioxide New Source Performance Standard  (NSPS) in Subpart Db and s. NR 440.205(3), Wis. 
Adm. Code will be applicable to the boiler only when fuel oil is fired.  Based on vendor specification for fuel oil and the 
proposed BACT limits, the sulfur percentage of the fuel will not exceed 0.05% by weight.  Thus it meets the definition 
for “very low sulfur fuel oil” given in 40 CFR 60.41 and s. NR 440.205(2)(zj), Wis. Adm. Code.  Affected sources 
combusting only very low sulfur fuel oil are not subject to percent reduction requirements required under 40 CFR 
60.42(a) per s. NR 440.205(3)(j), Wis. Adm. Code.  Also, facilities that combust very low sulfur fuel oil are not required 
to conduct performance testing or install and operate continuous monitors for sulfur dioxide and if fuel receipts are 
maintained.
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 
(8) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.3.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(5) The permittee shall keep records required under condition 
I.B.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(6) The permittee shall obtain and maintain fuel receipts from the fuel 
supplier  which certify that the fuel oil meets the definition of distillate 
oil as defined in s. NR 440.205(2)(h), Wis. Adm. Code, if the permittee 
combust very low sulfur fuel oil as defined under s. NR 440.205(2)(zj), 
Wis. Adm. Code.  A copy of the requirements attached with the permit. 
[s. NR 440.205(3)(j)2., Wis. Adm. Code,  s. 285.65(7), Wis. Stats.] 
 
(7) The permittee shall submit quarterly reports to the Department 
certifying that only very low sulfur fuel oil meeting the definition was 
combusted in the affected facility during the preceding quarter. [s. 
285.65(7), Wis. Stats., s. NR 440.205(10)(r), Wis. Adm. Code.] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen 
 
a.  Limitations: (1) The emissions may not exceed 0.036 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(BACT); (2) The emissions may not exceed 0.09 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight oil based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.[s. NR 405.08(2), Wis. Adm. Code,  s, NR 428.04(2)(a)2. and 3., s. NR 428.04(2)(a)2. and 3.,  s. 285.65(3), Wis. 
Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption record and vendors or AP-42 emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.4.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
(5) The permittee shall determine compliance with the emission 
limits in I.B.4.a.(2) by conducting performance test as required 
under s. NR 440.08, Wis. Adm. Code using one the continuous 
systems for monitoring nitrogen oxides under s. NR 440.205(9)(g), 
Wis. Adm. Code as follows: 
(a) Comply with the provisions of s. NR 440.205(9)(b), (c), (d), (e) 
2., (e) 3., and (f), or 
(b) Monitor steam generating unit operating conditions and predict 
nitrogen oxides emission rates as specified in a plan submitted 
pursuant to s. NR 440.205(10)(c), Wis. Adm. Code.  
(c) Submit a plan as required under s. NR 440.205(10)(c) to the 
Department for approval within 360 days of the initial startup of the 
facility.   [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.4.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall maintain records of the information required 
under s. NR 440.205(1)(g), Wis. Adm. Code.  A copy of the 
requirements attached with this permit. [s. 285.65(3), Wis. Stats.]   
 
(6) The permittee shall submit quarterly reports containing the 
information recorded in (5) above to the Department for every 
calendar quarter.  All quarterly reports shall be postmarked by the 30th 
day following the end of each calendar quarter. [s. 285.65(3), Wis. 
Stats., s. NR 440.205(10)(I), Wis. Adm. Code] 
 
 

 
Note 1: The boiler will have high heat release rate and therefore subject to New Source Performance Standards 
(NSPS) emission limit of 0.20 pound per million Btu on a 30 day rolling average per s. NR 440.205(5)(a)1.b., Wis. 
Adm. Code for NOx.  The proposed BACT emission limit for NOx is more restrictive then the NSPS limit for NOx. 
 
Note 2: The boiler is subject to s. NR 428.04(2)(a)2. and 3., Wis. Adm. Code and is 0.05 pounds per million Btu of 
heat  input  when firing natural gas and 0.09 pounds per million Btu of heat  input  when firing fuel oil for NOx.  The 
BACT limit for NOx is more restrictive or equal to the NOx limit established under s. NR 428,04, Wis. Adm. Code, 
thus the boiler is expected to meet the limits for NOx emission limits under s. NR 428.04, Wis. Adm. Code. 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 

 
(8) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(9) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permit  shall  comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.]         
(11) The permittee shall monitor NOx and heat  input  per s. NR 
428.08(1)(c), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(12) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 0.075 pound per million Btu when firing natural gas based on a 30-day rolling average.  
(BACT); (2) The emissions may not exceed 0.075 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 factor or vendor provided 
emissions factor  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and /or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.5.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, US EPA Method 10, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance. [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.5.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
a. Limitations: (1) The emissions may not exceed 0.0060 pound per million Btu when firing natural gas based on a 30-day rolling average. 

(LAER); (2) The emissions may not exceed 0.0050 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% 
by weight based on a 30-day rolling average. (LAER); (3) The use of good combustion practices. (LAER); (4) The total heat input may 
not exceed 498,000 mmBtu in any 12 consecutive months, of which no more than 122,500 mmBtu may be from the combustion of fuel 
oil in any 12 consecutive months.  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor or vendor 
provided emission factors. [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet LAER emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.6.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.B.6.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000000024 pound per million Btu when firing natural gas. (BACT); (2) The emissions 
may not exceed 0.000009 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which 
no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.7.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1)  Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, US EPA Method 12 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.   [s. NR 439.06(1), Wis. 
Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.7.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000026 pound per million Btu when firing natural gas. (BACT); (2) The emissions 
may not exceed 0.000003 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu in any 12 consecutive months, of which 
no more than 122,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.8.a. (4). [s. 285.65(3), 
Wis. Stats.] 
  
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.8.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.027 pound per million Btu when firing natural gas and/or fuel oil having a maximum 
sulfur content of 0.003% by weight. (BACT); (2) The use of good combustion practices. (BACT); (3) The total heat input may not exceed 
498,000 mmBtu on a 12-month rolling average, of  which no more than 122,500 mmBtu may be from the combustion of fuel oil on a 12-
month rolling average.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.9.a. (3). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Emissions of Fluorides: Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.B.9.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.205(4)(f), Wis. Adm. Code] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall conduct an initial test as required under s. 
NR 440.08, Wis. Adm. Code using the procedures and reference 
method in 40 CFR part 60, Appendix A, which is incorporated by 
reference in s. NR 440.17, Wis. Adm. Code. [s. NR 440.205(7)(d), 
Wis. Adm. Code]  

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 

 
Note 1: Any gases emitted from the stack when the unit is fired with fuel oil shall not have an opacity greater than 
20% (6 minutes average).  The exception is one 6-minute period per hour when the opacity not exceeding 27%.  The 
opacity standard does not apply during periods of start up and shut down or malfunction per s. NR 440.025(4)(f), Wis. 
Adm. Code. 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use natural gas and/or fuel oil having a maximum sulfur content of 0.003% by weight and comply 
with the PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us natural gas and/or fuel oil having 
a maximum sulfur content of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee 
shall comply with and meet the VOC LAER emission limits to comply with case by case MACT for organic HAPs and (4) The total heat input 
may not exceed 498,000 mmBtu on a 12-month rolling average, of  which no more than 122,500 mmBtu may be from the combustion of 
fuel oil on a 12-month rolling average. [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or 0.003% by weight 
low sulfur fuel oil.  This condition is established to meet MACT 
emission limit. [ s.  NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.11.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs:  Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance.   
[s. NR 439.06(1), Wis. Adm. Code] 
  
(2) The permittee shall keep records on the heat input  used as 
required in condition I.B.11.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.B.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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B. S20, B20 – SCPC Auxiliary Boiler 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a. Limitations: (1) The emissions may not exceed 0.00024 pound per million Btu when firing natural gas. (BACT); (2) The emissions may 

not exceed 0.00064 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 498,000 mmBtu on a 12-month rolling average, of 
which no more than 122,500 mmBtu may be from the combustion of fuel oil on a 12-month rolling average.  [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.B.12.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
2) The permittee shall keep records on the heat input used as required 
in condition I.B.12.b.(3). [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. 
Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall keep records required under condition 
I.B.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator.  
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 1.94 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of  0.003% by weight . (BACT); (4) The use of 
good combustion practices (BACT).; (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM.  This condition 
is established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation when firing natural gas and fuel oil.14 
[s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
(a) The stack height shall be at least 18 feet above ground 
 level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
  (b) The stack inside diameter at the outlet may not exceed       

2.12   feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 
Code] 

 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60, Appendix A and US EPA Method 5, including backhalf 
(Method 202) shall be used to demonstrate compliance or an alternate 
method approved in writing by the Department, shall be used.  [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code)] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.1.a.(2). [s. 285.65(10), Wis. 
Stats., 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.C.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.C.1.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
14 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 1.94 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM. This condition is 
established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.15 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 18 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 

2.12 feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
 (2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code]  
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.1.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.C.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.C.2.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
15 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0.05 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a sulfur content of  
0.003% by weight .  This condition is established to meet BACT 
emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.3.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 

 
(5) The permittee shall keep records required under condition 
I.C.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) The emissions may not exceed 6.9 g/bhp-hr and 33.4 pounds per hour. (BACT); (2) The hours of operation may not 
exceed 500 hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) 
The use of good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. NR 428.04(2)(h), Wis. Adm. Code,  s. 285.65(3), Wis. 
Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.4.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
 
(8) The permittee shall submit quarterly reports per s. NR 428.09(2), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 

 
Note 1: The diesel generator is subject to s. NR 428.04(2)(h), Wis. Adm. Code and is 6.9 grams per brake 
horsepower when firing natural gas and firing fuel oil for NOx.  The BACT limit for NOx is more restrictive then the 
NOx limit under s. NR 428,04, Wis. Adm. Code, thus the diesel generator is expected to meet the NOx limits under s. 
NR 428.04, Wis. Adm. Code. 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 41.19 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of  0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, US EPA Method 10, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance.  [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.5.a.(2). [s. 285.65(10), Wis. 
Stats.,  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, -Emergency  Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
b. Limitations: (1) The emissions may not exceed 4.8 pounds per hour.  (LAER); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (LAER); (4) The use of good 
combustion practices. (LAER)  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and certified emission test data as required 
by 40 CFR Part 60.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
LAER emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.6.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 



 
 

 
  Page 41 

C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000114  pound per hour . (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight.. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, US EPA Method 12 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(5), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.7.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000682 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance. [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.8.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  B62,  – Emergency Diesel Generator 1;  S63, B63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.00088 pound per million Btu Heat  Input .  (BACT); (2) The hours of operation may not 
exceed 500 hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) 
The use of good combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B  shall 
be used to demonstrate compliance or an alternate method approved 
in writing by the Department, shall be used. [s. NR 439.06(8), Wis. 
Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.9.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
 

 
(1)  Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use fuel oil having a maximum sulfur content of 0.003% by weight and comply with the PM/PM10 
limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall use fuel oil having a maximum sulfur content of 0.003% 
by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet the VOC 
emission limits to comply with case by case MACT for organic HAPs and (4) The hours of operation may not exceed 500 hours in any 12 
consecutive months.; (5) The use of good combustion practices. (BACT) [s. 285.65 (13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
MACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the engine generator; and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that engine 
generator is operating properly.  This information will be used by 
the Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required method approved in writing by the 
Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.C.11.a.(4). [s. 285.65(10),  
Wis. Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.C.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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C. S62,  P62,  – Emergency Diesel Generator 1;  S63, P63, - Emergency Diesel Generator 2 
The following emission limits apply to each Diesel Generator. 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.005 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight.  [s. NR 405.08(2), Wis. 
Adm. Code; s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
   
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep an operating log, which records the 
monthly hours of operation, to demonstrate compliance with condition 
I.C.12.a.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall retain on site, plans and specifications that 
indicate the process’s fuel design capabilities. [s. 285.65(3), Wis. 
Stats.] 
 
(4) The permittee shall keep records required under condition 
I.C.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump.  
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.21 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The use of 
good combustion practices. (BACT); (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 PM. This condition 
is established to protect the ambient air quality standards.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.16 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption and vendor provided emission factors.  [s. 285.65(3), 
Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The height of stack S64 shall be at least 32 feet above 

ground level and the height of the stack S175 shall be at least 32 
feet and the height of stack S176 shall be at least 12.0 feet. [s. 
285.65(3), Wis. Stats, s. NR 406.10, Wis. Adm. Code] 

 
  (b) The inside diameter at the outlet of the stack S64 may not 

exceed 0.7 feet and the inside diameter at the outlet of the stack 
S175 may not exceed 0.7 feet and the inside diameter at the outlet 
of the stack S176 may not exceed 0.7 feet.  [s. 285.65(3), Wis. 
Stats, s. NR 406.10, Wis. Adm. Code] 

 
(4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices : (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s.  285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60 and US EPA Method 5, including backhalf  (Method 202) 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.1.a.(2). [s. 285.65(10), Wis. 
Stats.,  s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.D.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition  
I.D.1.a.(5). [s. 285.65(3), Wis. Stats.]  
 

                                                 
16 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 0.21 pound per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT); (5) The emissions unit may be operated only during the hours from 9:00 am to 1:00 pm. This condition is 
established to protect the ambient air quality standards. [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.17 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using 
operating parameters and certified test data as required by 40 CFR 
Part 60.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The height of stack S64 shall be at least 32 feet above 

ground level and the height of the stack S175 shall be at least 32 
feet and the height of stack S176 shall be at least 12.0 feet. [s. 
285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
  (b) The inside diameter at the outlet of the stack S64 may not 

exceed 0.7 feet and the inside diameter at the outlet of the stack 
S175 may not exceed 0.7 feet and the inside diameter at the outlet 
of the stack S176 may not exceed 0.7 feet.  [s. 285.65(3), Wis. 
Stats., s. NR 406.10, Wis. Adm. Code] 

 
 (4) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.2.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.D.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(6) The permittee shall record the start and end times of the diesel 
generator operation to demonstrate compliance with condition 
I.D.2.a.(5). [s. 285.65(3), Wis. Stats.] 

                                                 
17 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0. 01 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions: Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.3.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. [CONTINUED] 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. [s. 285.65(3), Wis. Stats.]  
 

 
(5) The permittee shall keep records required under condition 
I.D.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 4. Oxides of Nitrogen 
 
a.  Limitations: (1) The emissions may not exceed 14.0 pounds per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT) [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.4.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 3.36 pounds per hour. (BACT); (2) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, US EPA Method 
10, or an alternate method approved in writing by the Department shall 
be used to demonstrate compliance. [s. NR 439.06(4), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.5.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
a. Limitations: (1) The emissions may not exceed 0.31 pounds per hour.  (LAER); (2) The hours of operation may not exceed 500 hours 

in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (LAER); (4) The use of 
good combustion practices. (LAER)  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and vendor provided emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight .  This condition is established to 
meet LAER emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, 
Appendix A, US EPA Method 25 or 18, or an alternate method 
approved in writing by the Department shall be used to demonstrate 
compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.6.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.0000274 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive month period.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight . (BACT); (4) The 
use of good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emission factors.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 shall be used to 
demonstrate compliance or an alternate method approved in writing by 
the Department, shall be used. [s. NR 439.06(5), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.7.a.(2). [s. 285.65(10), Wis. 
Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000164 pound per hour. (BACT); (2) The hours of operation may not exceed 500 
hours in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]     
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
  

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.8.a.(2). [s. 285.65(10), Wis. 
Stats., s.  285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 9. Emissions of Fluorides 
 
Limitations: (1) The emissions may not exceed 0.00000376 pound per hour. (BACT); (2) The hours of operation may not exceed 500 hours 
in any 12 consecutive months.; (3) The use of fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of good 
combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight. This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 

 
(1) Reference Test Method for Emissions of Fluorides:  Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.9.a.(2). [s. 285.65(10), Wis. 
Stats., 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code 
 

 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, 
P176 –  Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use fuel oil having a maximum sulfur content of 0.003% sulfur by weight and comply with the 
PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us fuel oil having a maximum sulfur content 
of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee shall comply with and meet 
the VOC emission limits to comply with case by case MACT for organic HAPs and (4) The hours of operation may not exceed 500 hours in 
any 12 consecutive months.; (5) The use of good combustion practices. (BACT) [s. NR 445.04(3)(a), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
MACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fire pump; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that fire pump is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The permittee shall record the monthly hours of operation, to 
demonstrate compliance with condition I.D.11.a.(4). [s. 285.65(10), 
Wis. Stats., s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.D.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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D. S64, P64 – Emergency Diesel Driven Fire Pump; S175, P175 – Emergency Boiler Building Driven Fire Booster Pump; S176, P176 
– Emergency Crusher Tower Diesel Driven Fire Booster Pump 
The following emission limits apply to each fire pump. 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.001pound per hour.  (BACT); (2) The hours of operation may not exceed 500 hours in 

any 12 consecutive months.; (3) The use of  fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (4) The use of 
good combustion practices. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire fuel oil having a maximum sulfur 
content of 0.003% by weight.  This condition is established to meet 
BACT emission limit. [s. NR 405.08(2), Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
   
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep an operating log, which records the 
monthly hours of operation, to demonstrate compliance with condition 
I.D.12.a.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) The permittee shall retain on site, plans and specifications that 
indicate the process’s fuel design capabilities. [s. 285.65(3), Wis. 
Stats.] 
 
(4) The permittee shall keep records required under condition 
I.D.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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E. S23, P23 – Crusher House Dust Collector No. 1; S24, P24 – Crusher House Dust Collector No. 2 
The following emission limits apply to each crusher house duct collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.307 pounds per hour. (BACT)  [s. NR 405.08, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

  
(1) Initial compliance emission tests for one of the crusher house 
dust collector 1 or 2 shall be conducted within 180 days after the 
start of operation of the process to show compliance with the 
emission limitation.18 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 160 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed  
3.73  Feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 

Code] 
 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.E.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.   [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
18 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 59 

 
 
E.  S23, P23 – Crusher House Dust Collector No. 1; S24, P24 – Crusher House Dust Collector No. 2 
The following emission limits apply to each crusher house duct collector.  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.E.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) for visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. 
Adm. Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying 
equipment, coal storage system, or coal transfer and loading system.  The BACT limit for opacity is more restrictive 
then NSPS limits for opacity thus the crusher house operation is expected to be in compliance with the NSPS 
emission limits for opacity. 
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F. S27, P27- Fly Ash Silo Filter Vent 1; S65, P65 – Fly Ash Silo Filter Vent 2 
The following emission limits apply to each of the fly ash silo filter vent.  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.02 grains per dry standard cubic foot of exhaust gas and 0.394 pound per hour.  (BACT)  [s. NR 405.08, Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine hourly emissions using operating 
parameters and OEM emission factors. [s. 285.65(3), Wis. Stats.] 
 
(2) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 120 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed  
3.4 Feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. 

Code] 
 
(3) Particulate matter emissions shall be controlled using a bin vent 
filter system to meet BACT limits. [ s. NR 405.08(2), Wis. Adm. 
Code] 
 
(4) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The permittee shall develop and follow a Malfunction 
Prevention and Abatement Plan for the bin vent filter system.  The 
plan shall identify the specific measures that will be taken, when 
needed and frequency needed to maintain emissions in 
compliance with emission limits.  For example, specific measures 
could include: filter inspection schedule, filter replacement criteria, 
etc.  The Department may request the permittee to review and 
amend the plan if necessary to maintain emissions in compliance 
with emission limits. [s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(6) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(7) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters and 
bin vent filter.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
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F. S27, P27- Fly Ash Silo Filter Vent 1; S65, P65 – Fly Ash Silo Filter Vent 2 
The following emission limits apply to each of the fly ash silo filter vent. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The compliance method in I.F.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
 [s. NR 439.04(1)(d), Wis. Adm. Code] 
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G.  S28, P28 - Existing Junction House 7/8 Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.01 grains per dry standard cubic foot of exhaust gas and 2.331 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.19 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 175 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 3.1 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.G.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
19 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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G.  S28, P28 - Existing Junction House 7/8 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity. [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.G.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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H.  S47, P47 – Limestone Prep Building Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.480 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.20 [s. NR 440.688(6)(b), Wis. Adm. 
Code,  s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 60 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 2.3 
feet.   [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.H.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 440.688(6)(b), Wis. Adm. Code, s. 
NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The limestone prep operation is subject to New Source Performance Standards (NSPS) for particulate matter 
under s. NR 440.688(3), Wis. Adm. Code and the limit is 0.022 gr/acf.  The BACT limit for particulate matter is more 
restrictive than NSPS limit for particulate matter thus the limestone prep operation is expected to meet the NSPS 
emission limit for particulate matter.

                                                 
20 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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H.  S47, P47 – Limestone Prep Building Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 7% opacity. [s. NR431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3)(a), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.H.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The permittee shall determine compliance with the visible 
emission limits using EPA Approved Method 9. [s. NR 
440.688(6)(b)2., Wis. Adm. Code. [s. 285.65(3), Wis. Stats.]  
 
(4) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(5) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 
(5) The permittee shall submit written reports of the results of all 
performance tests conducted to demonstrate compliance with the 
visible emission limits in I.H.2.a. Including reports of opacity 
observations made using Method 9. [s. 285.65(3), Wis. Stats.]  

 
Note 1: The limestone prep operation is subject to New Source Performance Standards (NSPS) to visible emissions 
limit under s. NR 440.688(3), Wis. Adm. Code and the limit is 7% opacity.   
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I  S48, P48 - XFr Tower No. 3  And Tripper Room Unit 1  Dust Collector 
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.759 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.21 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 280 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 

(b) The stack inside diameter at the outlet may not exceed 4.33 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.I.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
21 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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I  S48, P48 - XFr Tower No. 3  And Tripper Room Unit 1 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.I.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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J.  S49, P49 - Tripper Room Dust Collector Unit 2   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.182 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.22 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 240 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b)  The stack inside diameter at the outlet may not exceed 3.6 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.J.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
22 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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J.  S49, P49 – Tripper Room Dust Collector Unit 2   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.J.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.   [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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K.  S58, P58 - XFr Tower House #5 Dust Collector   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.567 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.23 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 196 feet above ground          

   level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 2.5 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.K.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
23 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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K.  S58, P58 – XFr Tower House #5 Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.K.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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L. S59A, P59A - IGCC Coal Silos Dust Collector a; S59B, P59B – IGCC Coal Silos Dust Collector b 
The following emission limits apply to each IGCC coal silos dust collector.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.371 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests on any one IGCC coal silos 
dust collector or b shall be conducted within 180 days after the 
start of operation of the process to show compliance with the 
emission limitation.24 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 130 feet above ground          

   level. [s. 285.65(3), Wis. Stats, s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 3.8 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determined during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.L.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
 

                                                 
24 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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L. S59A, P59A - IGCC Coal Silos Dust Collector a; S59B, P59B – IGCC Coal Silos Dust Collector b 
The following emission limits apply to each IGCC coal silos dust collector.  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.L.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. Adm. 
Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying equipment, 
coal storage system, or coal transfer and loading system.  The BACT limit for opacity is more restrictive then NSPS 
limits for opacity thus the coal handling/storage operations is expected to be in compliance with the NSPS visible 
emission limits. 
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M.  S66, P66 – XFr Tower No. 4  Dust Collector  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.944 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.25 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 25 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 3.2 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.M.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
25 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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M.  S66, P66 - Transfer Tower No. 4  Dust Collector  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.M.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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N.  S76, P76 - Coal Car Dumper Dust Collector No. 1   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 5.531 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.26 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 60 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 7.68 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10 and s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.B.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
26 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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N.  S76, P76 - Coal Car Dumper Dust Collector No. 1   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s, NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.N.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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O.  S93A – S93T, P93 – Active Coal Storage and handling Operations  Building Ventilators a-t  
The limits apply to each stack associated with the coal storage building ventilators.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.024 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
coal stackout, storage and reclaim operations, a stackout conveyor 
– with telescopic chute or travelling stacking conveyor with short 
drop, and coal reclaim system with short chute drop and loading 
table to minimize emissions and to meet the BACT limits. [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person 
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using the 
hourly throughput and AP-42 emission factors.  [s. 285.65(3), Wis. 
Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.O.1.b.(3) shall sign 
and date the records required in I.O.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.O.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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O.  S93A – S93T, P93 – Active Coal Storage and Handling Operations Building Ventilators a-t  
The limits apply to each stack associated with the coal storage building ventilators. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. 
Code, s. NR 440.42(3)(c), Wis. Adm. Code,  s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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P. S104, P104 – Gypsum Storage and Handling Operations Building Exhaust Fan No. 1; S105, P105 – Exhaust Fan No. 2; S106, 

P106 – Exhaust Fan No. 3 
The following emission limits apply to each gypsum building exhaust fan.    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.377 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
gypsum stackout, storage and reclaim operations,  and a reversible 
shuttle conveyor to distribute gypsum along the pile crest with short 
drop to minimize emissions and to minimize emissions and to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using 
hourly throughput and AP-42 emission factors.  [s. 285.65(3), Wis. 
Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.P.1.b.(3) shall sign 
and date the records required in I.P.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.P.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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P.  S104, P104 – Gypsum Storage and Handling Operations Building Exhaust Fan No. 1; S105, P105 – Exhaust Fan No. 2; S106, 

P106 – Building Exhaust Fan No. 3 
The following emission limits apply to each gypsum building exhaust fan. 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, 
s. NR 440.42(3)(c), Wis. Adm. Code,  s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(9)(a)1., Wis. Adm. Code] 
 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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Q.  S109, P109- Fuel Ash Building Exhaust Fan   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.240 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall utilize a building to control emissions from 
fuel ash stackout, storage, and reclaim operations, stackout drop 
from telescopic chute and reclaim fuel ash into hopper via front 
end loader to minimize emissions and to meet the BACT limits. [s. 
NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall determine the hourly emissions using 
throughput and AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 

 
 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 5 and Method 202 shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.Q.1.b.(3) shall sign 
and date the records required in I.Q.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Q.1.b.(4) training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
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Q.  S109, P109 – Ash Reburn Building Exhaust Fan   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  (Best Available Control Technology, BACT) [s. NR 431.05, Wis. Adm. Code, s. NR 405.08(2), Wis. Adm. 
Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  
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R.  S114, P31- OCPP Fly Ash Storage Building Dust Collector  
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.350 pound per hour. (BACT)  [s. NR 415.06(2), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 90 
after the start of operation of the process to show compliance with 
the emission limitation.27 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 40 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (b) The stack inside diameter at the outlet may not exceed 0.9 
feet.  [s. 285.65(3), Wis.  Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation to meet the 
BACT limits.  [s. NR 406.10, Wis. Adm. Code, s. NR 
407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determined during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.R.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) (a)The fly ash storage facility shall receive fly ash either by bulk 
tanker truck or fully enclosed pneumatically conveyors. (b) The 
bulk truck loading be done in a fully enclosed structure. [s. 
285.65(3), Wis. Stats.] This condition is established to ensure no 
fugitive dust is generated by the fly ash storage facility’s operation. 
  Also based on this condition no emissions are expected from the 
equipment used to transfer material to and from the fly ash storage 
facility. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 

                                                 
27 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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R.  S114, P31- Fly Ash Storage Building Exhaust Fan  Dust Collector 
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code,  s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.R.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the process is in 
operation.  [s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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S. S149, P149 - Gypsum XFr Tower No. 1 Dust Collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.005 grains per dry standard cubic foot of exhaust gas and 0.504 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.28 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 35 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 2.1 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse filter system to meet the BACT limit.  [s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.S.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 
 

                                                 
28 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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S. S149, P149- Gypsum XFr Tower No. 1 Dust Collector.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.S.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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T. S150, P150 – Gypsum XFr Tower No. 2 Dust Collector.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.005 grains per dry standard cubic foot of exhaust gas and 0.450 pound per hour.  (BACT) [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.29 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 35 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 1.96 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.T.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
29 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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T. S150, P150- Gypsum XFr Tower No. 2 Dust Collector.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.T.1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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U.  S169a, P169a - Fly Ash Silo No 1 Vacuum Exhauster a; S169b, P169b - Fly Ash Silo No 1 Vacuum Exhauster b; S170a, P170a - 
Fly Ash Silo No 2 Vacuum Exhauster a; S170 b, P170b - Fly Ash Silo No 2 Vacuum Exhauster b 
The following emission limits apply to each fly ash silo vacuum exhauster.   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.02 grains per dry standard cubic foot of exhaust gas and 0.369 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code; s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using 
operating parameters and OEM emission factors. [s. 285.65(3), 
Wis. Stats.] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 30 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b) The stack inside diameter at the outlet may not exceed 1.0 
feet.  [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a filter 
separator system to meet BACT limits. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The filter separator system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The permittee shall develop and follow a Malfunction, 
Prevention and Abatement Plan for the filter separator system.  
The plan shall identify the specific measures that will be taken, 
when needed and frequency needed to maintain emissions in 
compliance with emission limits.  For example, specific measures 
could include: filter inspection schedule, filter replacement criteria, 
etc.  The Department may request the permittee to review and 
amend the plan if necessary to maintain emissions in compliance 
with emission limits. [s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack and file 
separator system parameters. [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the filter separator system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
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U.  S169a, P169a - Fly Ash Silo No 1 Vacuum Exhauster a; S169b, P169b - Fly Ash Silo No 1 Vacuum Exhauster b; S170a, P170a - 
Fly Ash Silo No 2 Vacuum Exhauster a; S170 b, P170b - Fly Ash Silo No 2 Vacuum Exhauster b 
The following emission limits apply to each fly ash silo vacuum exhauster.   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity.  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The filter separator system shall be in line and shall be 
operated at all times when the process is in operation.  [s. NR 
406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The compliance method in I.U, 1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the filter separator system, 
containing the date of the action, initials of inspector, and the results. 
 [s. NR 439.04(1)(d), Wis. Adm. Code] 
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V. S171, P171 - Gypsum Hopper Dust Collector    
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 1.80 pounds per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code; s. 285.65(3), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.30 [s. NR 439.07, Wis. Adm. Code] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 75 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(b)  The stack inside diameter at the outlet may not exceed 4.4 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system to meet the BACT limits. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.V.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 

                                                 
30 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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V.  S171, P171- Gypsum Hopper Dust Collector   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. 
Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The compliance method in I.V, 1.b. shall be used to 
demonstrate compliance with the visible emission limits. [s. NR 
407.09(4)(a)1., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.    [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
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W. S172, P172 – Limestone Loading Table Insertable Bin Vent Filter   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 0.171 pound per hour. (BACT)  [s. NR 415.06(2)(c), Wis. Adm. 
Code, s. NR 405.08, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine hourly emissions using operating 
parameters and OEM emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 25 feet above ground           

  level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
 (Ib) The stack inside diameter at the outlet may not exceed 1.4 
feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 

 
(3) (a) Particulate matter emissions shall be controlled using a bin 
vent filter system to meet the BACT limits.  (b) The limestone 
loading table will be connected to the limestone unloader and will 
travel along the dock conveyor. [s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(5) The operating pressure drop range across the bin vent filter 
system shall be determined during the initial testing period. [s. 
285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the bin vent filter system shall be 
maintained within the range identified by condition I.W.1.b.(5). [s. 
NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation. [s. NR 440.688(6)(b), Wis. Adm. Code, 
s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 440.688(6)9b), Wis. Adm. Code, 
s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack and bin vent 
filter parameters.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the bin vent 
filter system every eight hours whenever the process is in operation.  
[s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
   [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the bin vent 
filter system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 

 
 
Note 1: The limestone loading table operation is subject to New Source Performance Standards (NSPS) for 
particulate matter under s. NR 440.688(3), Wis. Adm. Code and the limit is 0.022 gr/acf.  The BACT limit for 
particulate matter is more restrictive than particulate matter emission limit under NSPS, thus the limestone loading 
table operation is expected to meet the particulate matter emission limit under NSPS.
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W.  S172, P172 – Limestone Loading Table Insertable Bin Vent Filter   
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 7% opacity  [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3)(a), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The bin vent filter system shall be in line and shall be operated 
at all times when the process is in operation.  [s. NR 406.10, Wis. 
Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(2) The pressure drop across the bin vent filter system shall be 
maintained within the range identified by condition I.W.1.b.(5). [s. 
NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The permittee shall determine compliance with the visible 
emission limits using EPA approved Method 9. [s. NR 
440.688(6)(b)2., Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the bin vent 
filter system every eight hours whenever the process is in operation.  
[s. NR 439.055(2)(b)1., Wis. Adm. Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the bin vent filter system, 
containing the date of the action, initials of inspector, and the results. 
[s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the bin vent 
filter system shall be installed and operated properly.  [s. NR 
439.055(1)(a), Wis. Adm. Code] 
 
(5) The permittee shall submit written reports of the results of all 
performance test conducted to demonstrate compliance with the 
visible emission limits in I.W.2.a. including reports of opacity 
observations made using EPA Method 9. [s. 285.65(3), Wis. Stats.] 

 
Note 1: The proposed operation is subject to New Source Performance Standards (NSPS) under s. NR 440.688(3), 
Wis. Adm. Code and the limit is 7% opacity. 
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X. S178, P178 - Coal Transfer Tower No. 2a Dust Collector and S179, P179 – Coal Transfer Tower No. 2b 
The following emission limits apply to each Process   
 
Pollutant: 1.   Particulate Matter Emissions 
 
a.  Limitations: 0.004 grains per dry standard cubic foot of exhaust gas and 2.197 pounds per hour.  (BACT)  [s. NR 415.06(2)(c), Wis. 
Adm. Code, s. NR 405.08, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.31 [s. NR 439.07, Wis. Adm. Code] 
 
(2) Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
(a) The stack height for S178 shall be at least  80 feet above      

ground level and the stack height for S179 shall be at least  
60.0 feet above ground level. [s. 285.65(3), Wis. Stats., s. NR 
406.10, Wis. Adm. Code] 

 
 (b) The stack inside diameter at the outlet for S178 may not 
exceed 3.7 feet and the stack inside diameter at the outlet for 
S179 may not exceed 3.2 feet.  [s. 285.65(3), Wis. Stats., s. NR 
406.10, Wis. Adm. Code] 

 
(3) (a) The transfer tower #1 will be completely enclosed structure. 
(b) Particulate matter emissions shall be controlled using a fabric 
filter baghouse system. [s.  NR 405.08(2), Wis. Adm. Code] 
 
(4) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
 [s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(5) The operating pressure drop range across the fabric filter 
baghouse system shall be determine during the initial testing 
period. [s. 285.65(3), Wis. Stats.] 
 
(6) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.X.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(7) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(8) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method 
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(4) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(5) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

                                                 
31 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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XI. X. S178, P178 - Coal Transfer Tower No. 2a Dust Collector and S179, P179 – Coal Transfer Tower No. 2b 
The following emission limits apply to each Process  
 
Pollutant: 2.  Visible Emissions 
 
a.  Limitations: 10% opacity [s. NR 431.05, Wis. Adm. Code, s. NR 405.09, Wis. Adm. Code, s. NR 440.42(3)(c), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The fabric filter baghouse system shall be in line and shall be 
operated at all times that the dust collection system is in operation. 
[s. NR 406.10, Wis. Adm. Code, s. NR 407.09(4)(a)1., Wis. Adm. 
Code] 
 
(2) The pressure drop across the fabric filter baghouse system 
shall be maintained within the range identified by condition 
I.X.1.b.(5). [s. NR 407.09(4)(a)1., Wis. Adm. Code] 
 
(3) The process shall be monitored in accordance with a Fugitive 
Dust Control Plan.  The Department may request the permittee to 
review and amend the plan if necessary to maintain emissions in 
compliance with emission limits. [s. 285.65(3), Wis. Stats.] 
 
(4) Whenever fugitive dust emissions are observed form the 
process, the permittee shall take corrective actions to prevent 
fugitive dust from becoming airborne. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall record the pressure drop across the fabric 
filter baghouse system every eight hours whenever the dust 
collection system is in operation.  [s. NR 439.055(2)(b)1., Wis. Adm. 
Code] 
 
(3) The permittee shall keep records of all inspections, checks and 
any maintenance or repairs performed on the fabric filter baghouse 
system, containing the date of the action, initials of inspector, and the 
results.  [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(4) Instrumentation to monitor the pressure drop across the fabric 
filter baghouse system shall be installed and operated properly.  [s. 
NR 439.055(1)(a), Wis. Adm. Code] 
 

 
Note 1: The coal handling/storage operations are subject to s. NR 440.42(3)(c), Wis. Adm. Code (New Source 
Performance Standards, NSPS requirements) for visible emissions.  For these operation, s. NR 440.42(3)(c), Wis. 
Adm. Code prohibits visible emissions of 20 percent opacity or greater for any coal processes and conveying 
equipment, coal storage system, or coal transfer and loading system.  The limit for opacity established for this 
process is more restrictive then NSPS limits for opacity, thus the coal handling/storage operation is expected to be in 
compliance with the opacity emission limits under NSPS. 
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Y. F29, F29B, F31, S29, S29B, S31 – Inactive Coal Pile A Reclaim & Wind Erosion;  F32,  S32, - Inactive Coal Pile B Reclaim & 

Wind Erosion 
The following emission limits to each coal pile.    
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations:  No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.  
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (a) Coal loaded out to the inactive coal storage pile shall be 
compacted in accordance with standard coal pile maintenance 
procedures. (b) Once compacted, the bulk of the pile will be left 
undisturbed (inactive). [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) (a) A surfactant (wet suppression spray and/or surface 
stabilizing agent) or cover material(s), shall be applied to the pile.  
The surfactant (wet suppression spray and/or surface stabilizing 
agent) shall be applied to the active area of the pile at the 
beginning and end of each at stack out and reclaim activity. (b) In 
addition to the beginning and ending applications, surfactant (wet 
suppression spray and/or surface stabilizing agent) will also be 
applied to the active area during reclaim activities whenever any 
visible emissions are seen beyond the coal pile boundary or 
whenever, in the option of the rained person, additional surfactant 
(wet suppression spray and/or surface stabilizing agent) is needed. 
 [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, 
s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) (a)The permittee shall conduct weekly inspections of the 
inactive coal storage pile.  (b) Additional surfactant will be applied 
whenever any visible emissions are seen beyond the coal pile 
boundary or whenever, in the opinion of the trained person, 
additional surfactant is needed. (c) In addition to weekly 
inspections, daily inspections of the active coal pile area, to 
determine the continued effectiveness of the surfactant, will be 
conducted by a trained person whenever coal is reclaimed from the 
pile. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.Y.1.b.(5) shall sign 
and date the records required in I.Y.1.c.(4) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Y.1.b.(6)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the prosperity fence 
line of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include 
increased watering, increased application of dust suppressants, or increased street s sweeping depending upon the 
nature of the emissions.  
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Y.  F29, F29B, F31, S29, S29B, S31 – Inactive Coal Pile A Reclaim & Wind Erosion;  F32, S32, - Inactive Coal Pile B Reclaim & 

Wind Erosion 
The following emission limits to each coal pile.    
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 
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Z.  F33, S33, F33B, S33B – Limestone Storage Pile And Reclaim Activity & Wind Erosion 
 
Pollutant: 1.   Fugitive Dust (PM/PM10)  
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

  
1) (a) The limestone pile shall be wetted by means of a wet 
suppression system whenever visible emissions are seen beyond 
the limestone pile boundary or whenever in the opinion of the 
trained person, additional wet suppression is necessary. (b) 
Weekly inspections of the limestone storage pile will be conducted 
to insure the pile contains the proper moisture content to prevent 
fugitive dust emissions. (c) Daily inspections to determine the 
continued effectiveness of fugitive dust control measures shall be 
conducted whenever limestone is reclaimed to the limestone 
preparation building. (d) Limestone shall be transferred from the 
pile to the limestone preparation building in a covered conveyor. [s. 
NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I..Z.1.b.(3) shall sign 
and date the records required in I.Z.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.Z.1.b.(4)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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  F34, S34, – Inactive Coal Piles – Stackout Drop Point for Pile AA 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Fixed portions of coal load-out to outdoor storage system shall 
be conducted within a covered conveyor to meet the BACT limits. 
[s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. 
NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) Dust created during coal load-out shall be suppressed using a 
liquid spray to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Coal shall be transferred from the conveyor to the storage pile 
using a telescoping spout to meet the BACT limits. [s. NR 405.08, 
Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) (a)The permittee, for each day of operation of the plant, shall 
ensure that a person at the site keeps records of specific measures 
taken for that day in accordance with the Fugitive Dust Control Plan 
and signs and dates such records including the use of wet 
suppression system. (b) The records shall consist of the date, time, 
observations, and any actions taken including the start and end times 
the wet suppression system is used. [s. NR 415.04(1)(b), Wis. Adm. 
Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.AA.1.b.(5) shall 
sign and date the records required in I.AA.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by condition I.AA.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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BB.  F37, S37 – Limestone Barge Unloading; F38, S38 - Limestone StackOut 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 440.688(3), Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), 
Wis. Stats.]  See Note 1  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (a) Limestone shall be unloaded from the barge using either a 
screw auger  (or rotary screw) or an enclosed hydraulic clamshell 
to meet the BACT limits. (b) Limestone load-out to outdoor storage 
shall be conducted within a covered conveyor equipped with a 
telescopic chute. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) Dust shall be suppressed using a liquid spray to meet BACT 
limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(3) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.BB.1.b.(4) shall 
sign and date the records required inI.BB.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.BB.1.b.(5)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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CC.  F121,F121B, F123, S121, S121B, S123 – Gypsum Dock Side Storage Pile and Barge Loading Activity 
 
Pollutant: 1.   Fugitive Dust (PM/PM10)  
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.  [s. 
NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1). Gypsum loaded out to the dock side storage pile shall be 
covered with a tarp of sufficient size to cover the entire pile to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(2) A portion of the pile can be maintained in an “active” state to 
allow for appropriate barge loading activities to meet the BACT 
limits.  [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(3) Active portions of the pile shall be wetted by means of a 
supplemental wet suppression system to a moisture content 
consistent with proper fugitive dust control whenever visible 
emissions are seen beyond the gypsum pile boundary or 
whenever, in the opinion of the trained person, addition wet 
suppression is necessary. [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(4) Weekly inspections of the dock side gypsum storage pile will be 
conducted to insure that the pile is either covered or contains the 
proper moisture content to prevent fugitive dust emissions to meet 
the BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, 
Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(5) Daily inspections of the active area to determine the continued 
effectiveness of fugitive dust control measures, shall be conducted 
by the trained person whenever gypsum is loaded out to the barge 
to meet the BACT limits.  [s. NR 405.08, Wis. Adm. Code, s. NR 
406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 
285.65(3), Wis. Stats.] 
 
(6) The permittee shall transfer gypsum from the conveyor to the 
dock-side storage using a telescoping chute to meet the BACT 
limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. 
Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(7) The permittee shall use a covered conveyor equipped with a 
telescoping chute or enclosed clamshell when loading gypsum to 
the barge to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.CC.1.b.(9) shall 
sign and date the records required inI.CC.1.c.(8) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.CC.1.b.(10)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
 



 
 

 
  Page 104 

 
 
CC.  F121,F121B, F123, S121, S121B, S123 – Gypsum Dock Side Storage Pile and Barge Loading Activity 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(8) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits.[s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(9) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall ensure that the Trained Person 
designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.] 

 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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DD.  F122, F124, S122, S124 – Gypsum Drop Side Pile and Barge Loading Drop Points. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source.   
[s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Fixed portions of the gypsum load-out to outdoor storage 
system shall be conducted within a covered conveyor to meet the 
BACT limits. [s. NR 405.08, Wis. Adm. Code, s. NR 406.10, Wis. 
Adm. Code, s. NR 415.04(1)(b), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.] 
 
(2) Dust created during gypsum loadout shall be suppressed using 
a liquid spray to meet the BACT limits. [s. NR 405.08, Wis. Adm. 
Code, s. NR 406.10, Wis. Adm. Code, s. NR 415.04(1)(b), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) Gypsum shall be transferred from the conveyor to the storage 
pile using a telescoping spout to meet the BACT limits, [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall use a covered conveyor equipped with a 
telescopic chute or enclosed clamshell when loading Gypsum to 
the pile to meet the BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(6) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.DD.1.b.(6) shall 
sign and date the records required inI.DD.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.DD.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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EE.  F125, S125 – Fuel Ash Reclaim – Maintenance and Front End Loader Excavate Drop to Trucks  
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM.  The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) The fuel ash reclaim area shall be wetted by means of a wet 
suppression system whenever visible emissions are seen beyond 
the area’s boundary or whenever, in the opinion of the trained 
person, additional wet suppression is necessary to meet the BACT 
limits. [s. 285.65(3), Wis. Stats.] 
 
(2) Weekly inspections of the fuel ash reclaim area will be 
conducted by a trained person to insure that the material to be 
reclaimed contains adequate moisture content to prevent fugitive 
dust emissions to meet BACT limits.  [s. 285.65(3), Wis. Stats.] 
 
(3) In addition to weekly inspections, daily inspections, to 
determine the continued effectiveness of fugitive dust control 
measures, shall be conducted by the trained person, whenever fuel 
ash is reclaimed to meet BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.EE.1.b.(5) shall 
sign and date the records required inI.EE.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.EE.1.b.(6)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the 
operation to demonstrate compliance with condition I.EE.1.a.(2). [s. 
285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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FF.  F44, S141 – S148 – Activities associated at the Caledonia Landfill. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM. The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The landfill shall be wetted by means of a wet suppression 
system whenever visible emissions are seen beyond the landfill 
boundary or whenever, in the opinion of the trained person, 
additional wet suppression is necessary to meet the BACT limits. 
[s. 285.65(3), Wis. Stats.] 
 
(2) Weekly inspections of the materials storage landfill  will be 
conducted by a trained person to insure that the material to be 
restored and reclaimed contains adequate moisture content to 
prevent fugitive dust emissions to meet BACT limits.  [s. 285.65(3), 
Wis. Stats.] 
 
(3) In addition to weekly inspections, daily inspections, to 
determine the continued effectiveness of fugitive dust control 
measures, shall be conducted by the trained person, whenever fuel 
ash is reclaimed to meet BACT limits. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(5) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance.   
[s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.FF.1.b.(5) shall 
sign and date the records required inI.FF.1.c.(2) of specific measures 
taken in accordance with a Fugitive Dust Control Plan for each day of 
operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.FF.1.b.(6)'s training or Method 9 certification 
or other training or qualifications are available at the plant at all times 
of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the 
operation to demonstrate compliance with condition I.FF.1.a.(2). [s. 
285.65(3), Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
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GG.  F174, F173, S173, S174 – Front End Loader reclaim of bottom ash – SCPC units to trucks. 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: (1) No owner or operator may cause or allow emissions of density greater than 10% opacity from each fugitive dust source. 
(2) The process may be operated only during the hours from 7:00 am to 7:00 PM. The permittee has elected this restriction to ensure the 
PM10 ambient air quality standards are not exceeded. [s. NR 405.09, Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Dust created during bottom ash reclamation activities shall be 
suppressed using a water spray to meet BACT limits. [s. NR 
405.08, Wis. Adm. Code, s. NR 406.10, Wis. Adm. Code, s. NR 
415.04(1)(b), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall develop and follow a Fugitive Dust Control 
Plan for the subject site and operation. Any provisions of the plan 
that are applicable to the site are only applicable to the site while 
the plant is operated at the site. The Fugitive Dust Control Plan 
shall identify the specific measures to be taken, when needed and 
frequency needed to maintain emissions in compliance with 
emission limits.  For example, specific dust control measures could 
include: watering all roads hourly and amount of water used, use of 
spray bars including amount and rate of water applied, or use of 
other approved dust suppressants.  The department may request 
the permittee to review and amend the plan if necessary to 
maintain emissions in compliance with emission limits. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(3) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
 
(4) The permittee shall ensure that the Trained Person designated: 

(a) Has training to evaluate compliance with Wisconsin air 
quality regulations, or 
(b) Has obtained certification as a Method 9 opacity observer 
in the last 2 years , or 
(c) Has attended appropriate training in other states or has 
other reasonable qualifications for being a Trained Person and 
the permittee has received written approval from the 
Department that such a person qualifies as a Trained Person 
for the purpose of this permit. 

[s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee, for each day of operation of the plant, shall ensure 
that a person at the site keeps records of specific measures taken for 
that day in accordance with the Fugitive Dust Control Plan and signs 
and dates such records. [s. NR 415.04(1)(b), Wis. Adm. Code] 
 
 (3) These records shall be kept for a period of 5 years and be made 
available to Department personnel upon request. [s. NR 
415.04(1)(b), Wis. Adm. Code] 
 
(4) The Trained Person designated by condition I.GG.1.b.(3) shall 
sign and date the records required inI.GG.1.c.(2) of specific 
measures taken in accordance with a Fugitive Dust Control Plan for 
each day of operation of the plant. [s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall ensure that records of the Trained Person 
designated by conditionI.GG.1.b.(4)'s training or Method 9 
certification or other training or qualifications are available at the plant 
at all times of operation. [s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall record the start and end times of the process 
to demonstrate compliance with condition I.GG.1.a.(2). [s. 285.65(3), 
Wis. Stats.] 

 
Note 1: When trained staff observe visible emissions at the process itself of 10% or more, or at the property fence line 
of 5% or more, the trained staff will initiate actions to control fugitive emissions.  The actions could include increased 
watering, increased application of dust suppressants, or increased street s sweeping depending upon the nature of 
the emissions.  
 
 
 



 
 

 
  Page 109 

 
 
HH.  F134 – Facility Haul Roads 
 
Pollutant: 1.   Fugitive Dust (PM/PM10) 
 
a.  Limitations: The permittee shall apply Best Available Control Technology (BACT).  BACT shall be met by the use a) paving the haul 
roads.  b) Use of trucks washing stations and c) of a high efficiency vacuum street sweeper. [s. NR 405.08, Wis. Adm. Code, s. NR 431.05, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(3), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) All facility haul roads shall be paved to meet the BACT limits. 
[s. NR 405.08, Wis. Adm. Code] 
 
(2) All facility haul roads shall be vacuum swept, at minimum, twice 
daily (except when weather conditions exist such that precipitation 
and/or ambient temperature would control fugitive emissions or 
prevent vacuum sweeping’s effectiveness).  If, in the opinion of the 
trained person additional roadways vacuum sweeping is necessary 
to prevent inappropriate fugitive dust emissions it will be conducted 
as soon as practical. [s. NR 405.08, Wis. Adm. Code] 
 
(3) Truck washing stations shall be installed and used near four 
locations where removal of mud, dirt and dust must occur, the 
SCPC ash loading stations, the IGCC slag loading station, the fuel 
ash reclaim area, and the Caledonia landfill area. [s. NR 405.08, 
Wis. Adm. Code] 
 
(4) The permittee shall identify at least one Trained Person  
designated to monitor compliance, in accordance with this permit, 
with the Fugitive Dust Control Plan. [s. 285.65(3), Wis. Stats.] 
  

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, the appropriate 
US EPA Method 9 shall be used to demonstrate compliance or an 
alternate method approved in writing by the Department, shall be 
used. [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
 (2) The permittee shall ensure that the trained Person at the site 
keep(s) daily records consisting of the date and time roadway 
sweeping occurred or the date and reasons why it did not. [s. 
285.65(3), Wis. Stats., s. NR 415.04(1)(b), Wis. Adm. Code] 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 1. Particulate Matter Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.011 pound per million Btu including startup and shut down. (BACT); (2) The use of good 
combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.32 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.1.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3)  Stack Parameters  These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0 

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire only fire syngas as the primary fuel with 
fuel oil having a maximum sulfur content of 0.003% sulfur by 
weight for start up.  This condition is established to meet BACT 
emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall demonstrate good combustion practices by: 
 (a) monitoring appropriate combustion operating parameters. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method  5, including backhalf  (Method 202) or an alternative 
method approved in writing by the department, shall be used to 
demonstrate compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  (s. 
NR 439.04(1)(d), Wis. Adm. Code) 
 
(2) During operation, the facility will monitor and record the following 

operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal fuel flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(4) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.1.c.(3) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.1.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

                                                 
32 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
a.  Limitations: (1) The emissions may not exceed 0.011 pound per million Btu including startup and shut down. (BACT); (2) The use of good 
combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.33 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.2.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters: These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground       

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0    

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire only fire syngas as the primary fuel with 
fuel oil having a maximum sulfur content of 0.003% sulfur by 
weight for start up.  This condition is established to meet BACT 
emission limit. [ s. NR 405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall demonstrate good combustion practices by: 
 (a) monitoring appropriate combustion operating parameters. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method  5, including backhalf  (Method 202) or an alternative 
method approved in writing by the department, shall be used to 
demonstrate compliance.  [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters.  (s. 
NR 439.04(1)(d), Wis. Adm. Code) 
 
(3) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal fuel flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(4) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.2.c.(3) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.2.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 

 

                                                 
33 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) 1; S40, B40 – Integrated Gasification Combined Cycle (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 3. Sulfur Dioxide Emissions 
 
a.  Limitations: (1) (a) 0.015 percent by volume at 15% O2 on a dry basis. (NSPS) [s. NR 440.50(4)(a), Wis. Adm. Code]; or (b) fuel sulfur 
content less than or equal to 0.8% by weight. (NSPS) [s. NR 440.50(4)(b), Wis. Adm. Code]; (2) 0.03 pound per million Btu heat input, based 
on a 24-hour average including startup and shut down. (BACT) [s. NR 405.08(2), Wis. Adm. Code]; (3) 40 ppmvd sulfur in the gasified 
(syngas) fuel (expressed as hydrogen sulfide). (BACT) [s. NR 405.08(2), Wis. Adm. Code; (4) 278 tons in any 12 consecutive months for all 
periods, including startup and shut down, (BACT) [s. 405.08(2), Wis. Adm. Code]; (5) The sulfur content of fuel oil to be sued during periods 
of start-up and shut down may not exceed 0.003% by weight. (BACT) [s. NR 405.08(2), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.34 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.3.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0 

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) Each combustion turbine may only be fired on syngas, except 
for periods of startup and load stabilization when distillate fuel oil 
may also be utilized as a fuel. [s. NR 405.08(2), Wis. Adm. Code, 
s. 285.65(3), Wis. Stats.] 
 
(5) Sulfur Dioxide Emission shall be controlled by a syngas 
cleanup system. [s. NR 405.08(2), Wis. Adm. Code, s. NR 
440.20(4)(a)1., Wis. Adm. Code] 
 
(6) Compliance with the sulfur dioxide emission limit contained in 
I.II.3.a. (3) shall be demonstrated either through the use of (a) daily 
syngas sampling and analysis or (b) through the use of a sulfur 
dioxide continuous emission monitoring system (CEMs). [s. NR 
405.08(2), Wis. Adm. Code] 
 
(6) Compliance with the sulfur dioxide BACT emission limit 
contained in I.II3.a.(3) constitutes compliance with the emission 
limit contained in I.II.3.a.(1) and (2) as I.II.3.a.(3) is a more 
restrictive limit.  [s. 285.65(3), Wis. Stats.] 
 
(7) The sulfur content of fuel oil to be used during periods of start-
up and load stabilization may not exceed 0.003% by weight. [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 6, 6A or 6C or an alternative method approved in writing by 
the department, shall be used to demonstrate compliance.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The daily syngas sampling and analysis provisions of I.II.3.b.(5)(a) 
shall be determined according to ASTM D1072-90, “Standard Test 
Method for Total Sulfur in Fuel Gases”, ASTM D4468-85 “Standard 
test Method for Total Sulfur in Gaseous Fuels by Hydrogenolysis and 
Radiometric Colorimetry”, ASTM D5504-94 “Standard test Method for 
Determination of Sulfur Compound in Natural Gas and gaseous Fuels 
by Gas Chromatography and Chemiluminescence”, or ASTM 3246-81 
“Standard test Method for Sulfur in Petroleum Gas by Oxidative 
Microcoulometry”. [s. NR 439.08(2)(b), Wis. Adm. Code] 
 
(3) The provision of I.II.3.b.(5)(b) shall be satisfied through the 
installation and use of a continuous emissions monitoring system 
(CEMs) for sulfur dioxide and carbon dioxide or oxygen content of the 
flue gases at each location where sulfur dioxide emissions are 
monitored within 60 days after initial startup of the combustion turbine. 
 The CEMs shall be calibrated within 90 days after initial startup of the 
combustion turbine.  Continuous emissions monitoring systems shall 
be installed and operated in accordance with 40 CFR Part 75 and s. 
NR 439.06(6)(b), Wis. Adm. Code requirements. [s. 285.65(3), Wis. 
Stats., s. NR 439.06, Wis. Adm. Code] 
 
(4) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(5) The sulfur content provisions of I.II.3.b.(7) shall be determined 
according to ASTM D129-95, Standard Test Method for Sulfur in 
Petroleum Products, ASTM D1552-95, Standard test Method for 
Sulfur in Petroleum Products, or ASTM D4294-98 Standard test 
Method for Sulfur in Petroleum Products by Energy-Dispersive X-ray 
Fluorescence Spectroscopy, respectively. [s. NR 439.08(2)(b), Wis. 
Adm. Code] 
 
(6) The permittee shall comply with NSPS monitoring of operations 
requirements per s. NR 440.50(5), Wis. Adm. Code.  A copy of these 
requirements attached with the permit. [s. NR 440.50(5), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall use test methods and procedure per s. NR 
440.50(6), Wis. Adm. Code to comply with the NSPS emission limits. 
[s. NR 440.50(6), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 

 

                                                 
34 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 4. Nitrogen Oxides Emissions 
 
Limitations: (1) The emissions may not exceed 15 ppmdv, corrected to 15% oxygen on a 30 day rolling average basis, not including periods 
of startup and shut down, on a 30 day rolling basis.  (BACT); (2) The emissions may not exceed 15 ppmdv, corrected to 15% oxygen on a 30 
day rolling average basis, including periods of startup and shut down, averaged over any consecutive 12 month period. (BACT); (3) 75 ppm 
@ 15% Oxygen. (NSPS); (3) The use of a diluent injection system (DIS) (BACT).  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.50(3), Wis. 
Adm. Code, s. NR 428.04(2)(g)3., Wis. Adm. Code, s. 285.65(3), Wis. Stats., s.  285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.35 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.4.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 275.0 feet above ground       

level. [s. 285.65(3), Wis. Stats. ,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 20.0    

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) Nitrogen Oxides Emission shall be controlled by a diluent 
injection system to meet BACT limits. [s. NR 405.08(2), Wis. Adm. 
Code] 
 
(5) The permittee shall demonstrate compliance with the nitrogen 
oxides emission limit contained in I.II.4.a.(1) using emissions data 
measured by the continuous emission monitoring system required 
by I.II.4.c.(2) as follows: 
(a) Daily average concentration shall be calculated each calendar 

day by combining the nitrogen oxides concentration and 
diluent concentration (in % O2 or % CO2) measurement 
consistent with the procedures specified in 40 CFR 75 
Appendix F. [s. 285.65(10), Wis. Stats.] 

(b) Each monthly nitrogen oxide emissions average shall be 
calculated by dividing the sum of all daily averages calculated 
during the month by the number of daily average calculated 
during the month. [s. 285.65(3), Wis. Stats.] 

(c) Each 12-month nitrogen oxide emissions average shall be 
calculated as the average of the past 12 monthly emissions 
average. [s. 285.65(3), Wis. Stats.] 

 
(6) Compliance with the nitrogen oxides BACT emission limit 
contained in I.II.4.a.(1) constitutes compliance with the NSPS 
emission limit as the BACT emission limits is more restrictive then 
the NSPS emission limit. [s. 285.65(3), Wis. Stats.]  

 
(1) Reference Test Method for Nitrogen Oxides Emissions: Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 7or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(6), Wis. Adm. Code] 
 
 (2) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for NOx and carbon dioxide or oxygen 
within 60 days after initial start up of IGCC.  The CEMs shall be 
calibrated within 90 days after initial start up of the IGCC.  Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. 
Code requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. 
Adm. Code] 
 
(3) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(4) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(7) The permittee shall monitor NOx and heat input per s. NR 
428.08(1)(e), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(8) The permittee shall submit quarterly reports per s. NR 428.09(2), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
   
 

 

                                                 
35 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 – Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 4. Nitrogen Oxides Emissions [CONTINUED] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(7) The permittee shall keep track of the startup and shut down 
time by monitoring the fuel combusted in the turbine.   Startup 
periods begin with the firing of any fuel in the combustion turbine, 
and end with the introduction of syngas to the combustion turbine.  
Shut down period begin with the cessation of syngas flow to the 
combustion turbine, and end with the cessation of all fuel firing.[s. 
285.65(3), Wis. Stats.] 
  

 
 (9) The permittee shall comply with NSPS monitoring of operations 
requirements per s. NR 440.50(5), Wis. Adm. Code.  A copy of these 
requirements attached with the permit. [s. NR 440.50(5), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(10) The permittee shall use test methods and procedure per s. NR 
440.50(6), Wis. Adm. Code to comply with the NSPS emission limits.  
[s. NR 44.50(6), Wis. Adm. Code, s. 285.65(3), Wis. Stats.]   
 
(11) The permittee shall keep records required under condition 
I.II.4.b.(5)(b), (c) and I.II.4.b.(7). [s. 285.65(3), Wis. Stats.] 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) Combustion Turbine 1; S40, B40 – Integrated Gasification Combined 
Cycle (IGCC) Combustion Turbine 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 5. Carbon Monoxide Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.030 pound per million Btu on a 24-hour rolling average, excluding periods of startup and 
shut down. (BACT); (2) The use of good combustion practices. (BACT) ; (3) 624 pounds per hour during any one hour period, including 
startup and shut down. (4) 282 tons in any 12 consecutive months for all periods, including startup and shut down. (BACT) [s. NR 405.08(2), 
Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.36 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.5.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Carbon Monoxide Emissions shall be controlled using good 
combustion practices to meet BACT emission limit. [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The permittee shall demonstrate compliance with the BACT 
limit by:(a) monitoring appropriate combustion operating 
parameters or (b) through the use of a CO CEMs. [s. 285.65(3), 
Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall demonstrate compliance with the carbon 
monoxide emission limits using data from a continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen 
required under condition I.II.5.c.5 as follows: 
(a) Daily average shall be determined by calculating the arithmetic 

average of all applicable hourly emission rates for a calendar 
day. 

(b) The hourly emission rate shall be calculated by combining the 
CO concentration and diluent concentration (in % O2 or % 
CO2) measurement consistent with the procedures specified 
in 40 CFR Part 75 Appendix F.  The conversion factor, (k), 
shall be 0.7266 x 10-7 lb CO/ft3 - ppm. 

(c) The annual emission limit in I.II.a.(4) shall be calculated using 
and totally the hourly calculated emission rate. [s. 285.65(3), 
Wis. Stats.] 

 
(6) The permittee shall keep track of the startup and shut down 
time by monitoring the fuel combusted in the turbine. Startup 
periods begin with the firing of any fuel in the combustion turbine, 
and end with the introduction of syngas to the combustion turbine. 
Shutdown periods begin with the cessation of syngas flow to the 
combustion turbine, and end with the cessation of all fuel firing. [s. 
285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions:  
Whenever compliance emission testing is required, test procedures in 
US EPA Method 10 or an alternative method approved in writing by 
the department, shall be used to demonstrate compliance.  [s. NR 
439.06(4), Wis. Adm. Code] 
 
(2) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(3) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.5.c.(2) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.1.c.(3)a. – d. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen within 
60 days after initial start up of IGCC.  The CEMs shall be calibrated 
within 90 days after initial start up of the IGCC.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. Adm. 
Code] 
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep records required under condition 
I.II.5.b.(5)(b), (c) and I.II.5.b.(6). [s. 285.65(3), Wis. Stats.] 
 
 

 
 

                                                 
36 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle (IGCC) Combustion Turbine 1; S40, B40 – Integrated Gasification Combined 
Cycle (IGCC) Combustion Turbine 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 6. Volatile Organic Compound Emissions 
 
a.  Limitations: (1) 0.0017 pound per million Btu heat input excluding periods of startup and shut down averaged over any consecutive 24-
hour period. Startup periods begin with the firing of any fuel in the combustion turbine, and end with the introduction of syngas to the 
combustion turbine. Shutdown periods begin with the cessation of syngas flow to the combustion turbine, and end with the cessation of all 
fuel firing. (LAER); (2) 3.64 pounds per hour excluding periods of startup and shut down, averaged over any consecutive 24-hour period. 
(LAER); (3) 16.93 tons in any 12 consecutive months for all periods, including startup and shut down. (LAER); (4) The use of good 
combustion practices. (LAER)  [s. NR 408.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.37 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.6.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Volatile Organic Compound Emissions shall be controlled 
using good combustion practices to meet LAER emission limit. [ s. 
NR 408.08(2), Wis. Adm. Code] 
 
(4). The permittee shall demonstrate compliance with the LAER 
limit by:  (a) monitoring appropriate combustion operating 
parameters or (b) through the use of a CO CEMs. [s. 285.65(3), 
Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(5) CO emissions data measured by the CEM system shall be 
used to demonstrate compliance with the LAER emission limit by 
using the following equation to keep daily, monthly and annual 
VOC emissions records: 
 
VOC actual = VOC limit X (CO actual/CO limit) 
 [s. 285.65(3), Wis Stats., s. 285.65(10), Wis. Stats.] 
 
 
 
 
  
 
 
 

 
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in US EPA Method 25 or 
18 or an alternative method approved in writing by the department, 
shall be used to demonstrate compliance.  [s. NR 439.06(1), Wis. 
Adm. Code] 
 
(2) During operation, the facility will monitor and record the following 
operating parameters on an hourly basis: 
(a) Combustion turbine inlet temperature 
(b) Combustion turbine firing temperature 
(c) Combustion turbine exhaust temperature 
(d) Coal flow rate 
[s. 285.65(10), Wis. Stats.] 
 
(3) During initial performance testing, the permittee shall perform 
simultaneous monitoring of the parameters identified in condition 
I.II.5.c.(2) to establish normal operational ranges for use as a 
compliance demonstration. [s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall install, calibrate, and maintain instrumentation 
to monitor the parameters identified by condition I.II.5.c.(3)a. – b. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(5) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for CO and carbon dioxide or oxygen within 
60 days after initial start up of IGCC.  The CEMs shall be calibrated 
within 90 days after initial start up of the IGCC.  Continuous emissions 
monitoring systems shall be installed and operated in accordance with 
40 CFR Part 75 and s. NR 439.06(6)(b), Wis. Adm. Code 
requirements. [s. 285.65(3), Wis. Stats., s. NR 439.06, Wis. Adm. 
Code] 
 
(6) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
 
(7) The permittee shall keep records required under condition 
I.II.6.b.(5). [s. 285.65(3), Wis. Stats.] 

 

                                                 
37 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.0000257 pound per million Btu including startup and shut down.  (BACT); (2) The use of 
good combustion practices.  (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.38 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.7.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Lead Emissions shall be controlled using good combustion 
practices and firing syngas as the primary fuel with 0.003% low 
sulfur fuel for startup to meet BACT emission limit. [ s. NR 
405.08(2), Wis. Adm. Code] 
 
(4). The permittee shall demonstrate compliance with the BACT 
limit by complying with the conditions in I.II.1.b. [s. 285.65(3), Wis. 
Stats.; s, 285.65(10), Wis. Stats.] 
 
 
 
  
 
 
 

 
(1) Reference Test Method for Lead Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 12, or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(8), Wis. Adm. Code] 
 
 
 
 

 

                                                 
38 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 – Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0. 56lb/trillion Btu based on a 12-month rolling average including startup and shut down. 
(BACT); (2) The use of carbon bed or equivalent control technology capable of achieving 95% control of mercury emissions. (BACT) [s. NR 
405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.39 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.II.8.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) Mercury Emissions shall be controlled using Carbon bed or 
filter containing similar material in the synthetic gas specifically 
designed to control emissions of mercury contained in the fuel 
supply or such requirement for the effective control of mercury 
emissions as may be promulgated by USEPA as the MACT 
standard applicable to new stationary combustion turbines of an 
IGCC facility to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(4) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the carbon bed and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that the carbon bed 
system is operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(5) The permittee shall monitor uncontrolled mercury emissions 
through coal sampling and analysis.  Such testing occur on a 
monthly basis according to the relevant provisions of s. NR 439.08, 
Wis. Adm. Code as applied to mercury content in the coal.  The 
permittee shall also monitor monthly average coal higher heating 
value. [s. NR 405.08, Wis. Adm. Code] 
 
  
 
 
 

 
(1) Reference Test Method for Mercury Emissions:  Whenever 
compliance emission testing is required, test procedures in US EPA 
Method 29 or an alternative method approved in writing by the 
department, shall be used to demonstrate compliance.  [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.II.8.b.(4).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The data obtained form the mercury content from the coal 
sampling and analysis shall be kept at the facility for a period of five 
years. [s. 285.65(3), Wis. Stats.] 
 
 
 
 
 
 
 
 
 

 
Note 1: The BACT Limit for Mercury is based on uncontrolled mercury emissions of 11.2 pounds per trillion Btu and a 
control efficiency of 95%.

                                                 
39 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 9. Visible Emissions  
  
a.  Limitations: 20% opacity.   [s. NR 431.05, Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Opacity shall be controlled using good combustion practices.  
[ s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration methods identified in I.II.1.b. 
shall be used to demonstrate compliance with the visible emission 
limit. [s. 285.65(3), Wis. Stats.] 
 
 
 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9 or 
Reference Method 22 of Appendix A, 40 CFR Part 60 shall be used 
to demonstrate compliance or an alternative method approved in 
writing by the department, shall be used to demonstrate compliance. 
 [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 
(2) The permittee shall install, calibrate, maintain and operate a 
continuous monitoring system, and record the output to the system, 
for measuring the opacity of emissions discharged to the 
atmosphere.  [s. 285.65(10), Wis. Stats.] 
 
(3) Continuous opacity monitoring methods and procedures shall 
comply with the requirements of s. NR 439.09, Wis. Adm. Code. [s. 
NR 439.09, Wis. Adm. Code] 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 10. Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use syngas cleanup system and use good combustion practices to meet case by case MACT for 
inorganic solid HAPs;  (2) The permittee shall use syngas cleanup system and good combustion practices to comply with the case by case 
MACT limits for inorganic acid HAPs; (3) The permittee shall comply with good combustion practices and meet  the VOC emission limits to 
comply with case by case MACT for organic HAPs. [s. 285.65(13), Wis. Stats., s. 285.65(3), Wis. Stats., 40 CFR Part 63, Subpart B] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The inorganic solid HAPs, acid gas HAPs and organic HAPs 
shall be controlled using a syngas clean up system and good 
combustion practices. [s. 285.65(3), Wis. Stats.] 
 
(2) The compliance demonstration methods in I.II.1.b., I.II.3.b., 
I.II.6.b., shall be used as compliance demonstration techniques for 
inorganic solid HAPs, inorganic acid HAPs, and organic HAPs.  [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs:  Whenever compliance 
emission testing is required an alternate method approved in writing 
by the Department shall be used to demonstrate compliance. [s. NR 
439.06(8), Wis. Adm. Code] 
  
(2) The testing, recordkeeping and monitoring requirements 
contained in I.II.1.c., I.II.3.c. shall be used as compliance methods for 
I.II.10.b.(2). [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
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II. S39, B39 – Integrated Gasification Combined Cycle Combustion Turbine (IGCC) 1; S40, B40 - Integrated Gasification Combined 
Cycle Combustion Turbine (IGCC) 2. 
The following emission limits apply to each IGCC Combustion Turbine. 
 
Pollutant: 11. Sulfuric Acid Mist 
 
Limitations: (1) The emissions may not exceed 0.0005 pound per million Btu, based on a 3-hour average including startup and shut down.  
(BACT); (2) The use of gas clean up system. (BACT)  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats.,  s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) (1) Initial compliance emission tests shall be conducted within 
180 days after the start of operation of the process to show 
compliance with the emission limitation.40 [s. NR 439.07, Wis. 
Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I. II.11.b.(1) every 24 months from the 
date of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Sulfuric acid mist emissions shall be controlled by a gas clean 
up system. [s. NR 405.08(2), Wis. Adm. Code] 
 
(4) The compliance demonstration method identified in section 
I.II.3.b. shall be used as compliance demonstration techniques for 
sulfuric acid mist emission limitation. [s. 285.65(3), Wis. Stats.] 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternative method approved in 
writing by the department, shall be used to demonstrate compliance.  
[s. NR 439.06(8), Wis. Adm. Code] 
 
 

                                                 
40 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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 JJ. S41, P41 – Sulfuric Acid Plant #1; S42, P42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 1. Sulfur Dioxide Emissions 
 
a.  Limitations: (1) The emissions may not exceed 4.0 pounds per tons of 100% sulfuric acid produced. (BACT); (2) The use of a dual 
absorption plant and fiber mist eliminators to meet BACT limits.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.24(3), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.41 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.JJ.1.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 150.0 feet above ground 

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 3.5 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall control sulfur dioxide emissions through the 
use of a dual absorption plan and fiber mist eliminator. [s. NR 
405.08(2), Wis. Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fiber mist eliminator and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that the 
dual absorption plan and fiber mist eliminator is operating properly. 
 This information will be used by the Department to establish 
appropriate permit conditions in the operation permit. [s. 285.65(3), 
Wis. Stats., s. 285.65(10), Wis. Stats.] 
 

 
(1) Reference Test Method for  Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A, 6C     
or an alternative method approved in writing by the department shall 
be used to demonstrate compliance.  [s. NR 439.06(2), Wis. Adm. 
Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.JJ.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The permittee shall install and operate continuous emissions 
monitoring system (CEMs) for sulfur dioxide within 60 days after initial 
start up of the sulfuric acid plant.  The CEMs shall be calibrated within 
90 days after initial start up of the sulfuric acid plant.  Continuous 
emissions monitoring systems shall be installed and operated in 
accordance with 40 CFR Part 60 and s. NR 439.06(6)(b), Wis. Adm. 
Code requirements.  A copy of s. NR 440.24, Wis. Adm. Code 
requirements attached with the permit. [s. 285.65(3), Wis. Stats., s. 
NR 440.24(5), Wis. Adm. Code, s. NR 439.06, Wis. Adm. Code] 
 
(4) Continuous emission monitoring methods and procedures shall 
comply with the requirements of s. NR 440.24(5) and (6), Wis. Adm. 
Code and s. NR 439.09, Wis. Adm. Code.  A copy of s. NR 440.24, 
Wis. Adm. Code requirements attached with the permit. [s. NR 439.09, 
Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
 
 
 
 
 

 
Note 1: The sulfuric acid plant is subject to New Source Performance Standards (NSPS) for sulfur dioxide.  The sulfur 
dioxide emissions limit to not exceed 4.0 pounds per tons 100% sulfuric acid produced per s. NR 440.24(3), Wis. 
Adm. Code.  The sulfuric acid plant is expected to comply with the sulfur dioxide emission limits under NSPS. 

                                                 
41 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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 JJ. S41, P41 – Sulfuric Acid Plant #1; S42, P42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 2. Sulfur Acid Mist Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.128 pounds per tons.  (BACT).; (2) The use of a dual absorption plant and fiber mist 
eliminators to meet the BACT limits.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 440.24(4)(a), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 
285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.42 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall perform the compliance emission tests 
required under condition I.JJ.2.b.(1) every 24 months from the date 
of the last stack test as long as the permit remains valid. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
 (3) The permittee shall control sulfuric acid mist emissions through 
the use of a dual absorption plan and fiber mist eliminator. [s. NR 
405.08(2), Wis. Adm. Code] 
 
(4) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the fiber mist eliminator and (b) A list of items that will be 
checked and maintained and their frequency, to ensure that the 
dual absorption plan and fiber mist eliminator is operating properly. 
 This information will be used by the Department to establish 
appropriate permit conditions in the operation permit. [s. 285.65(3), 
Wis. Stats., s, 285.65(10), Wis. Stats.] 
 
(5) The permittee shall determine compliance with sulfuric acid 
emission limits per test methods and procedures identified in s. NR 
440.24(6)(b), Wis. Adm. Code.  A copy of these requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.]  
 

 
(1) Reference Test Method for  Sulfuric Acid Mist Emissions:  
Whenever compliance emission testing is required, US EPA Method  
8 or an alternative method approved in writing by the department shall 
be used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.JJ.2.b.(4).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The sulfuric acid plant is subject to New Source Performance Standards (NSPS) for sulfuric acid mist 
emissions.  The sulfuric acid mist emissions limit to not exceed 0.15 pounds per tons 100% sulfuric acid produced per 
s. NR 440.24(4)(a), Wis. Adm. Code.  The BACT limit for sulfuric acid mist is more restrictive then the NSPS limit for 
sulfuric acid mist.  The sulfuric acid plant is expected to meet the NSPS limit for sulfuric acid mist. 
 
 

                                                 
42 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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JJ. S41, P41 – Sulfuric Acid Plant #1; S42, B42, Sulfuric Acid Plant #2 
The following emissions limits apply to each sulfuric acid plant. 
 
Pollutant: 3. Visible Emissions  
  
a.  Limitations: 10% opacity  [s. NR 405.09, Wis. Adm. Code, s. NR 440.24(4)(a), Wis. Adm. Code, s. NR 431.05, Wis. Adm. Code, s. 
285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Compliance emission tests to demonstrate compliance with the 
visible emission limit shall be conducted within 60 days after the 
start of the initial operation.  [s. 285.65(3), Wis. Stats.]  
 
(2) The permittee shall determine compliance with visible emission 
limits per test methods and procedures identified in s. NR 
440.24(6)(b)4., Wis. Adm. Code.  A copy of these requirements 
attached with the permit. [s. 285.65(3), Wis. Stats.] 
 

 
(1) Reference Test Method for Visible Emissions:  Whenever 
compliance emission testing is required, US EPA Method 9  shall be 
used to demonstrate compliance or an alternative method approved 
in writing by the department shall be used to demonstrate 
compliance.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
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 KK.  S43, P43 – Gasifier Flare 
 
Pollutant: 1. Particulate Matter Emissions (PM/PM10) 
 
a.  Limitations: (1) The use of good flare design and limiting number of startup and shut down cycles to 35 per 12 contiguous month period 
to meet BACT.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Stack Parameters. These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 150.0 feet above ground       

level. [s. 285.65(3), Wis. Stats.,  s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 6.0      

feet.  [s. 285.65(3), Stats., s. NR 406.10, Wis. Adm. Code] 
 
(2) The flare shall be operated at all times when the IGCC unit is 
operating. [s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall limit the number of startup and shut down 
cycles to 35 per 12 contiguous month period. [s. NR 405.08(2), 
Wis. Adm. Code] 
 
(4) The permittee shall install and operate a temperature 
monitoring and continuous recording system to ensure that the 
flare is operating. [s. NR 405.08, Wis. Adm. Code, s. 285.65(3), 
Wis. Stats.]  
 

 
(1) The permittee shall retain on site technical drawings, blueprints or 
equivalent records of the physical stack parameters.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(2) The permittee shall record  the number of startup and shut downs 
to demonstrate compliance with condition I.KK.1.b.(3).  [s. NR 
439.06(1), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(3) The permittee shall record date and time the flare was inoperable 
for each event the flare was inoperable. [s. 285.65(3), Wis. Stats.]  
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KK.  S43, P43 – Gasifier Flare 
 
Pollutant: 2 Visible Emissions  
  
a.  Limitations: 0% opacity or number 1 on the Ringlemann chart.  See Note 1 [s. NR 431.05, Wis. Adm. Code, s. NR 405.08, Wis. Adm. 
Code, s. 285.65(13), Wis. Stats., s. NR 440.18(3)(a), Wis. Adm. Code] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Compliance emission tests to demonstrate compliance with the 
visible emission limit shall be conducted within 180 days after the 
start of the initial operation.  [s. 285.65(3), Wis. Stats.]  
 
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternative method approved 
in writing by the department shall be used to demonstrate 
compliance.  [s. NR 439.06(9)(a)1., Wis. Adm. Code] 
 

 
 
Note 1:   S. NR 440.18(3)(a), Wis. Adm. Code requires flares to be designed and operated with no visible emissions 
as determined by the methods specified in s. NR 440.18(6), Wis. Adm. Code except for periods not to exceed a total 
of five minutes during any 2 consecutive hours.
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  LL. B44, S44 – IGCC Auxiliary Boiler  
 
Pollutant: 1 Particulate Matter  
 
b. Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may not 

exceed 0.020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no 
more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
NR 440.207(4) (c), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.]  See Note 1 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.43 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 140.0 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 4.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.1.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Particulate Matter Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR 60 and US EPA Method 5, including backhalf  (Method 202) 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used. [s. NR 
439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.LL.1.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.LL.1.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 

 
Note 1: The IGCC auxiliary boiler is subject to NSPS requirements for particulate matter (PM) under s. NR 
440.207(4)(c), Wis. Adm. Code.  The only New Source Performance Standards (NSPS) standard that will be 
applicable to the boiler for PM is in the form of an opacity standard when fuel oil is fired per s. NR 440.207(4)(c), Wis. 
Adm. Code. 

                                                 
43 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 



 
 

 
  Page 128 

 
LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 2. Particulate Matter Emissions less than 10 microns (PM10) 
 
Limitations: (1) The emissions may not exceed 0.007 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may not 
exceed 0.020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of good 
combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no more 
than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), 
Wis. Stats., s. 285.65(7), Wis. Stats.]   
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
 (1) Initial compliance emission tests shall be conducted within 180 
days after the start of operation of the process to show compliance 
with the emission limitation.44 [s. NR 439.07, Wis. Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records and emissions factor determined by stack 
testing.  [s. 285.65(3), Wis. Stats.] 
 
(3) Stack Parameters These requirements are included because 
the source was reviewed with these stack parameters and it was 
determined that no increments or ambient air quality standards will 
be violated when constructed as proposed.   
 
  (a) The stack height shall be at least 140 feet above ground 

level. [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
  (b) The stack inside diameter at the outlet may not exceed 4.0 

feet.  [s. 285.65(3), Wis. Stats., s. NR 406.10, Wis. Adm. Code] 
 
(4) The permittee shall fire natural gas and/or fuel having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(5) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.]                            
                                                                                                         
(6) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.2.a. (4). [s. 285.65(3), 
Wis. Stats.] 

 
(1) Reference Test Method for Particulate Matter Emissions:  
Whenever compliance emission testing is required, US EPA Method  
5, including backhalf  (Method 202) shall be used to demonstrate 
compliance or an alternate method approved in writing by the 
Department, shall be used. [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep and maintain on site technical drawings, 
blueprints or equivalent records of the physical stack parameters. [s. 
NR 439.04(1)(d), Wis. Adm. Code] 
 
(3) The permittee shall keep records on the heat input used as 
required in condition I.LL.2.b.(6). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(4) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(5) The permittee shall record information on the maintenance 
required in condition I.LL.2.b.(5).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 

 

                                                 
44 If the compliance emission tests cannot be conducted within 180 days after the start of initial operation, the permit holder may 
request and the Department may approve, in writing, an extension of time to conduct the test(s). 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide 
 
a.  Limitations: (1) The emissions may not exceed 0.0012 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may 
not exceed 0.0032 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The use of 
good combustion practices.  (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which no 
more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 
440.207(3)(d), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

(1) The permittee shall determine the hourly emissions using fuel 
consumption records, fuel sulfur content and vendor provided or 
AP-42 emission factors.  [s. 285.65(3), Wis. Stats.] 
 
(2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) A representative sample shall be taken from each fuel lot of 
 fuel oil received.  The sample shall be analyzed by the permittee 
 for the sulfur content by weight using procedures outline in s. NR 
 439.08(2), Wis. Adm. Code and the analysis shall be retained by 
 the permittee for a period of at least five years. [s. 285.65(3), Wis. 
 Stats.] 
 
(5) The Department will accept, in lieu of an analysis on each fuel 
lot under (4) above, an analysis of a representative sample of the 
fuel lot of distillate fuel oil from which the fuel lot was taken. [s. 
285.65(3), Wis. Stats., s. NR 440.207(5)(h), Wis. Adm. Code] 

 
(1) Reference Test Method for Sulfur Dioxide Emissions:  Whenever 
compliance emission testing is required, US EPA Method 6, 6A or 6C 
shall be used to demonstrate compliance or an alternate method 
approved in writing by the Department, shall be used.  [s. NR 
439.06(2), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input  used as 
required in condition I.LL.3.b.(8). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.3.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall keep records required under condition 
I.LL.3.b.(4) – (7). [s. NR 439.04(1)(d), Wis. Adm. Code] 
 
(6) The permittee shall comply with the NSPS reporting and 
recordkeeping requirements per s. NR 440.207(9), Wis. Adm. Code.  
A copy of these requirements attached with the permit. [s. 285.65(3), 
Wis. Stats.] 
 
(7) The permittee shall keep records of the fuel supplier certification.  
The certification  shall include the following information:  
1. For distillate oil: 
a. The name of the oil supplier; and  
b. A statement from the oil supplier that the oil complies with the 

specification under the definition of distillate oil in s. NR 
440.207(2)(g), Wis. Adm. Code   

[s. 285.65(3), Wis. Stats., s. NR 440.207(9)(f), Wis. Adm. Code] 

 
Note 1: The New Source Performance Standard  (NSPS) for sulfur dioxide in s. NR 440.207(3) (d), Wis. Adm. Code 
will be applicable to the IGCC auxiliary boiler only when fuel oil is fired and is 0.50 pound per million Btu heat input or 
combust oil having a sulfur content of 0.5 percent by weight.  The BACT emission limit for sulfur dioxide is more 
restrictive then the NSPS limit for sulfur dioxide, thus the IGCC auxiliary boiler is expected to meet the NSPS limit for 
sulfur dioxide.
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LL.   S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 3. Sulfur Dioxide (continued) 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(6) The permittee shall retain copies of its distillate fuel oil 
supplier’s fuel sulfur and heat content analyses at the facility for 
each fuel lot of distillate fuel oil received pursuant to 40 CFR 
60.334 for a period of five years. [s. NR 439.04(2), Wis. Adm. 
Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall further obtain certification from the fuel 
supplier that the applicable methods in s. NR 439.08(2), Wis. Adm. 
Code, were followed, if applicable, by the supplier in the 
preparation of said sulfur and heat content analyses.  The fuel lot’s 
quantity of fuel oil shall be included with the copies of these 
analyses. The fuel supplier certification shall include the 
information identified in condition I.LL.3.c.(7). [s. 285.65(3), Wis. 
Stats.]  
 
(8) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.3.a. (4). [s. 285.65(3), 
Wis. Stats.] 
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LL.   S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 4. Oxides of Nitrogen (NOx) 
 
a.  Limitations: (1) The emissions may not exceed 0.050 pound per million Btu when firing natural gas based on a 30-day rolling average.  
(BACT); (2) The emissions may not exceed 0.090 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight oil based on a 30-day rolling average. (BACT); (3) The use of good combustion practices. (BACT); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. NR 428.04(2)(a)2., and 3., Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 
285.65(7), Wis. Stats.]  See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption record and vendors or AP-42 emission factors.  [s. 
285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.4.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Nitrogen Oxide Emissions: Whenever 
compliance emission testing is required, test procedures in 40 CFR 
60, US EPA Method 7 or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.   
[s. NR 439.06(6), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.4.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.4.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(5) The permittee shall comply with the general and specific 
monitoring requirements under s. NR 428.04(3)(a) and (b), Wis. Adm. 
Code.  A copy of these requirements attached with the permit. [s. NR 
428.04(3), Wis. Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(6) The permittee shall comply with all the recordkeeping and reporting 
requirements under s. NR 428.04(4), Wis. Adm. Code. A copy of 
these requirements attached with the permit. [s. NR 428.04(4), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats.] 
 
(7) The permittee shall comply with all the requirements for monitoring, 
installation, certification, data accounting, compliance dates and 
reporting data prior to initial certification as required under s. NR 
428.07(1)(b), Wis. Adm. Code, s. NR 428.07(2)(b)2,  Wis. Adm. Code, 
s, NR 428.07(3), Wis. Adm. Code. [s. 285.65(3), Wis. Stats.] 
         
(8) The pemittee shall monitor NOx and heat  input  per s. NR 
428.08(1)(a), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.08, Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
 
(9) The permittee shall submit quarterly reports per s. NR 428.09(1), 
(3) and (4), Wis. Adm. Code. A copy of these requirements attached 
with the permit. [s. NR 428.04(9), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 

 
Note 1: The IGCC auxiliary boiler is subject to NOx emission limits per s. NR 428.04(2)(a)2. and 3., Wis. Adm. Code 
and is 0.05 pounds per million Btu of heat input  when firing natural gas and 0.09 pounds per million Btu of heat  input 
 when firing fuel oil.  The BACT limit for NOx is more restrictive then the emission limit for NOx under s. NR 428,04, 
Wis. Adm. Code, thus the IGCC auxiliary boiler is expected to meet the emission limits for NOx under s. NR 428.04, 
Wis. Adm. Code.
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 5. Carbon Monoxide 
 
a.  Limitations: (1) The emissions may not exceed 0.045 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(BACT); (2) The emissions may not exceed 0.045 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (BACT); (3) The use of good combustion practices.  (BACT); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 factor or vendor provided 
emissions factor  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and /or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.5.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Carbon Monoxide Emissions: 
Whenever compliance emission testing is required, test procedures in 
40 CFR Part 60, Appendix A, US EPA Method 10, or an alternate 
method approved in writing by the Department shall be used to 
demonstrate compliance. [s. NR 439.06(4), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.5.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.5.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 6. Volatile Organic Compounds (VOC) 
 
(a) Limitations: (1) The emissions may not exceed 0.0060 pound per million Btu when firing natural gas based on a 30-day rolling average. 
(LAER); (2) The emissions may not exceed 0.0020 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by 
weight based on a 30-day rolling average. (LAER); (3) The use of good combustion practices. (LAER); (4) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 408.04, Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor or vendor 
provided emission factors. [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet LAER emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
 (3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.6.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 

  
(1) Reference Test Method for VOC Emissions: Whenever compliance 
emission testing is required, test procedures in 40 CFR Part 60, US 
EPA Method 25 or 18, or an alternate method approved in writing by 
the Department shall be used to demonstrate compliance.  [s. NR 
439.06(3), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.6.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.6.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 7. Lead Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.000000024 pound per million Btu when firing natural gas.  (BACT); (2) The emissions 
may not exceed 0.000009 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which 
no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.7.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for Lead Emissions: Whenever compliance 
emission testing is required, US EPA Method 12 shall be used to 
demonstrate compliance or an alternate method approved in writing by 
the Department, shall be used.   [s. NR 439.06(1), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.7.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.7.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 8. Mercury Emissions 
 
a.  Limitations: (1) The emissions may not exceed 0.00000026 pound per million Btu when firing natural gas.  (BACT); (2) The emissions 
may not exceed 0.000003 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices. (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of which 
no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 
285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s.  285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis.  The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.8.a. (4). [s. 285.65(3), 
Wis. Stats.] 
  
  

 
(1) Reference Test Method for Mercury Emissions: Whenever 
compliance emission testing is required, US EPA Method 29 or an 
alternative method approved in writing by the department shall be 
used to demonstrate compliance.  [s. NR 439.06(8), Wis. Adm. Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.8.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.8.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 9. Emissions of Fluorides 
 
a.  Limitations: (1) The emissions may not exceed 0.0000990 pound per million Btu when firing natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight. (BACT); (2) The use of good combustion practices. (BACT); (3) The total heat input may not 
exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 
12 consecutive months.  [s. NR 405.08(2), Wis. Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and AP-42 emissions factor.  [s. 285.65(3), 
Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that the boiler is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.9.a. (3). [s. 285.65(3), 
Wis. Stats.] 
 
 

 
(1) Reference Test Method for Emissions of Fluorides: Whenever 
compliance emission testing is required, US EPA Method 13B shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.9.b.(4). [s. 285.65(10), Wis. Stats., s.  
285.65(3), Wis. Stats.] 
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.LL.9.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
 

 
LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 10.  Visible Emissions 
 
a.  Limitations: 20% opacity or number 1 on the Ringlemann chart. [s. NR 431.05, Wis. Adm. Code, s. NR 440.207(4)(c), Wis. Adm. Code] 
 See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall conduct an initial test as required under s. 
NR 440.08, Wis. Adm. Code using the procedures and reference 
method in 40 CFR part 60, Appendix A, which is incorporated by 
reference in s. NR 440.17, Wis. Adm. Code. [s. NR 440.207(4)(c), 
Wis. Adm. Code]  
 
 

 
(1) Reference Test Method for Visible Emissions: Whenever 
compliance emission testing is required, US EPA Method 9 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used.  [s. NR 439.06(9)(a)1., Wis. 
Adm. Code] 
 
(2) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 

 
Note 1: Any gases emitted from the stack when the unit is fired with fuel oil shall not have an opacity greater than 
20% (6 minutes average).  The exception is one 6-minute period per hour when the opacity not exceeding 27%.  The 
opacity standard does not apply during periods of start up and shut down or malfunction. 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 11.   Hazardous air pollutants (inorganic solid HAPs, inorganic acid HAPs, Organic HAPs) regulated under sec. 112 of the Clean 
Air Act. 
 
a.  Limitations: (1) The permittee shall use natural gas and/or fuel oil having a maximum sulfur content of 0.003% by weight and comply 
with the PM/PM10 limits to meet case by case MACT for inorganic solid HAPs;  (2) The permittee shall us natural gas and/or fuel oil having 
a maximum sulfur content of 0.003% by weight to comply with the case by case MACT limits for inorganic acid HAPs; (3) The permittee 
shall comply with and meet the VOC LAER emission limits to comply with case by case MACT for organic HAPs and (4) The total heat input 
may not exceed 198,000 mmBtu in any 12 consecutive months, of which no more than 49,500 mmBtu may be from the combustion of fuel 
oil in any 12 consecutive months. [s. 285.65(13), Wis. Stats.] 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall determine the hourly emissions using fuel 
consumption records and EPRI provided or AP-42 emission 
factors.  [s. 285.65(3), Wis. Stats.] 
 
 (2) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet MACT emission limit. [ s. 285.65(13), Wis. 
Stats.] 
 
(3) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the boiler; and (b) A list of items that will be checked and 
maintained and their frequency, to ensure that boiler is operating 
properly.  This information will be used by the Department to 
establish appropriate permit conditions in the operation permit. [s. 
285.65(3), Wis. Stats., s. 285.65(10), Wis. Stats.] 
 
(4) The permittee shall keep daily records of the type and amount 
of fuel fired in the boiler and shall calculate heat input to the unit on 
a daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.11.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 

 
(1) Reference Test Method for organic HAPs Emissions; inorganic 
solid HAPs, and inorganic acid HAPs: Whenever compliance 
emission testing is required a method approved in writing by the 
Department shall be used to demonstrate compliance.   
[s. NR 439.06(1), Wis. Adm. Code] 
  
(2) The permittee shall keep records on the heat input used as 
required in condition I.LL.11.b.(4). [s. 285.65(10), Wis. Stats., s. 
285.65(3), Wis. Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall record information on the maintenance 
required in condition I.L.11.b.(3).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
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LL. S44, B44 – IGCC Auxiliary Boiler 
 
Pollutant: 12. Sulfuric Acid Mist 
 
a.  Limitations: (1) The emissions may not exceed 0.00024 pound per million Btu when firing natural gas.  (BACT); (2) The emissions may 

not exceed 0.00064 pound per million Btu when firing fuel oil having a maximum sulfur content of 0.003% by weight. (BACT); (3) The 
use of good combustion practices.  (BACT); (4) The total heat input may not exceed 198,000 mmBtu in any 12 consecutive months, of 
which no more than 49,500 mmBtu may be from the combustion of fuel oil in any 12 consecutive months.  [s. NR 405.08(2), Wis. 
Adm. Code, s. 285.65(3), Wis. Stats., s. 285.65(7), Wis. Stats.] 

 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall fire natural gas and/or fuel oil having a 
maximum sulfur content of 0.003% by weight.  This condition is 
established to meet BACT emission limit. [ s. NR 405.08(2), Wis. 
Adm. Code] 
 
(2) The permittee shall determine the hourly emissions using fuel 
consumption records, and vendor provided or AP-42 emission 
factors. [s. 285.65(3), Wis. Stats.] 
 
 
3) The permittee shall keep daily records of the type and amount of 
fuel fired in the boiler and shall calculate heat input to the unit on a 
daily basis. The heat input used records shall be compiled on an 
annual basis to show compliance with I.LL.12.a. (4). [s. 285.65(3), 
Wis. Stats.] 
 
 
 

 
(1) Reference Test Method for Sulfur Acid Mist Emissions: Whenever 
compliance emission testing is required, US EPA Method 8 shall be 
used to demonstrate compliance or an alternate method approved in 
writing by the Department, shall be used. [s. NR 439.06(8), Wis. Adm. 
Code] 
 
2) The permittee shall keep records on the heat input used as required 
in condition I.LL.12.b.(3). [s. 285.65(10), Wis. Stats., s. 285.65(3), Wis. 
Stats.]  
 
(3) The permittee shall keep retain on site, plans and specifications 
that indicate the process’s fuel design capabilities.  [s. NR 
439.04(1)(d), Wis. Adm. Code] 
 
(4) The permittee shall keep records required under condition 
I.LL.3.b.(4) – (7) to demonstrate compliance with the sulfur content in 
the fuel. [s. NR 439.04(1)(d), Wis. Adm. Code, s. 285.65(3), Wis. 
Stats.] 
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MM.  T16 – SCPC Boiler Fuel Oil Storage Tank (500,000 gallons),  T118 – IGCC Fuel Oil Storage Tank (300,000 gallons), T121 – 
Diesel Gen. #1 Fuel Oil Storage Tank (5,000 gallons), T122 – Diesel Gen. #2 Fuel Oil Storage Tank (5,000 gallons), T123  - Fire 
Pump Fuel oil Storage Tank (1,000 gallon), T119, T120 – Two IGCC Sulfuric Acid Storage Tanks 
The following emission limits apply to each storage tanks, T16, T118, T121, T122, T123. 
 
Pollutant: 1.   Volatile Organic Compounds (VOC) 
 
a.  Limitations:  (1) Use of a carbon bed absorption system or its equivalent on each fuel oil storage tanks to meet LAER control 
requirements. (LAER); (2) 90% reduction in VOC emissions. (LAER) [s. NR 408.02, Wis. Adm. Code, s. 285.65(3), Wis. Stats.] See Note 1 
 
b.  Compliance Demonstration: 

 
c.  Test Methods, Recordkeeping, and Monitoring: 

 
(1) The permittee shall provide the following information to the 
Department at least four months prior to the expiration of the 
construction permit to demonstrate compliance with good 
combustion practices: (a) A copy of the original equipment 
manufacturer (OEM) procedures that should be followed to 
maintain the carbon bed; and (b) A list of items that will be checked 
and maintained and their frequency, to ensure that carbon bed is 
operating properly.  This information will be used by the 
Department to establish appropriate permit conditions in the 
operation permit. [s. 285.65(3), Wis. Stats., s. 285.65(10), Wis. 
Stats.] 
 
(2) Compliance emission tests to demonstrate compliance with the 
90% reduction emission limit in I.MM.1.a.(2) shall be conducted 
within 60 days after the start of the initial operation of tanks T16 
and T118.  [s. 285.65(3), Wis. Stats.]  
 
(3) The maximum true vapor pressure of fuel oil shall be less than 
3.5 kPa.  The condition is established so the storage tanks are not 
subject to NSPS requirements. [s. 285.65(7), Wis. Stats.] 
 
(4) The permittee may use available data on the Reid pressure and 
the maximum expected storage temperature based on the highest 
expected calendar-month average temperature of the stored fuel 
oil to determine the maximum true vapor pressure from the 
nomographs contained in API Publications 2517. [s. 285.65(7), 
Wis. Stats.] 
 
 

 
(1) Reference test Method for Volatile Organic Compound Emissions: 
Whenever compliance emission testing is required, the appropriate 
US EPA Method 25 or 18 shall be used to demonstrate compliance 
or an alternate method approved in writing by the Department, shall 
be used. [s. NR 439.06(3)., Wis. Adm. Code] 
 
(2) The permittee shall record information on the maintenance 
required in condition I.MM.1.b.(1).  [s. NR 439.04(1)(a)6, Wis. Adm. 
Code] 
 
(3) The permittee shall retain records of the determined maximum 
true vapor pressure. [s, 285.65(7), Wis. Stats.] 
 
 
 
 

 
Note 1: The standards of performance for a new sources under s. NR 440.285, Wis. Adm. Code apply to al new 
petroleum storage tanks which are larger than 40 cubic meters (10,600 gallons).  Therefore, the new SCPC boiler and 
IGCC fuel oil storage tanks are subject to the requirements of s. NR 440.285.  However the performance standards 
under this section apply to tanks storing organic liquids with a maximum true vapor pressure greater than 5.2 kPa 
(0.74 psia).  The fuel oil has a maximum true vapor pressure of 0.035 kPa (0.005 psia).  As a result, although the 
SCPC boiler and IGCC fuel oil storage tanks are subject to the performance standards under s. NR 440.285, Wis. 
Adm. Code there are no applicable NSPS standards for these tanks.
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type:   1.  Construction Permit Requirements 
 
a.  Conditions:  
 
(1)  Construction Notification: The permittee shall inform the Wisconsin Department of Natural Resources, Southeast Region, 2300 North 
Dr. Martin Luther King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500,  in writing of the following for the emissions unit covered in 
this permit:  
 
(a) Notice of commencing construction shall be submitted within 15 days of the start of construction. 
 
(b) Notice of intent to initially operate the source(s) covered by this permit, 30 days prior to the anticipated date of initial operation. 
 
(c) Notice of the actual date of initial startutp shall be submitted within 15 days of the initial startup. 
 

[s. NR 439.03(1), Wis. Adm. Code] 
 
(2) (a) Construction Permit Expiration:   This construction permit expires 90 months after the date of issuance.  Construction or modification 
and an initial operation period for equipment shakedown, testing and Department evaluation of operation to assure conformity with the 
permit conditions is authorized for each emissions unit covered in this permit.  Please note that the sources covered by this permit are 
required to meet all emission limits and conditions contained in the permit at all times, including during the initial operation period.  
(b) Reevaluating BACT: The permittee shall submit information for reevaluating BACT to the Department at least 18 months prior to the 
commencement of construction of any permitted processes that may have not begun construction within eighteen months from the date of 
the issuance of the final permit.  [ss. 285.60(1)(a)2 and 285.66(1), Wis. Stats.;  s. NR 406.12, Wis. Adm. Code]   
 
(3)  Completion of Operation Permit Application : 
 
(a) Compliance information required to complete the operation permit application for the emission units included in this permit should be 

tted to the DNR at least 4 months prior to the expiration of the Construction Permit.     
 
(b) Operation of the source(s) covered by this permit after this permit expires is prohibited unless a complete operating permit application 

e source(s) has been submitted to the Department. 
 

[s. 285.60(1)(b)1., Wis. Stats.; s. NR 407.04(1)(b), Wis. Adm. Code] 
             
(3) This permit supersedes permit #02-RV-054. [s. 285.65(3), Wis. Stats.] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 2.  Malfunction Prevention and Abatement Plans 
 
a.  Conditions: 

 
b.  Compliance Demonstration: 

 
(1) A malfunction prevention and abatement plan shall be prepared 
and followed for the plant. [s. NR 439.11, Wis. Adm. Code] 
 
(2) A written copy of the plan shall be kept at the plant and shall be 
updated once every five years.  [s. NR 439.11(1), Wis. Adm. Code] 
 
(3)  All air pollution control equipment shall be operated and 
maintained in conformance with good engineering practices (i.e.  
operated and maintained according to manufacturer's 
specifications and directions ) to minimize the possibility for the 
exceedance of any emission limitations [s. NR 439.11(4), Wis. 
Adm. Code] 
  
 
 

 
(1)  The plan shall be developed to prevent, detect and correct 
malfunctions or equipment failures which may cause any applicable 
emissions limitation to be violated or which may cause air pollution.   
 [s. NR 439.11(1), Wis. Adm. Code]  
 
(2) This plan shall include installation, maintenance and routine 
calibration procedures for the control equipment instrumentation.  
This plan shall require an instrumentation calibration at the frequency 
specified by the manufacturer but not less than once per year plus an 
inspection and/or calibration whenever instrumentation anomalies are 
noted.  [ss. NR 407.09(1)(c)1.c., NR 439.055(4) and s. NR 439.11, 
Wis. Adm. Code]  
 
(3) The plan shall require a copy of the operation and maintenance 
manual for the control equipment be maintained on site.  The plan 
shall contain all of the elements in s. NR 439.11(1)(a) - (h), Wis. 
Adm. Code.   [s. NR 439.11, Wis. Adm. Code] 
 
(4)  The facility shall maintain an inventory of normal consumable 
items necessary to ensure operation of the control device(s) in 
conformance with the manufacturer's specifications and 
recommendations.  [s. NR 439.11, Wis. Adm. Code] 
 
(5)   The facility shall maintain records of the instrumentation 
calibrations.  [s. NR 439.04, Wis. Adm. Code] 

 
NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 3. Stack Testing Requirements 
 
a.  Conditions:  
 
 (1) All testing shall be performed with the emissions unit operating at capacity or as close to capacity as practicable and in accordance with 
approved procedures.  If operation at capacity is not feasible, the source shall operate at a capacity level, which is approved by the 
Department in writing.  [s. NR 439.07(1), Wis. Adm. Code] 
 
(2) If the testing for the sources is not completed in the time frame identified in this permit then the permittee shall request an extension 
upto 60 days to complete the testing. [s. 285.65(3), Wis. Stats.]  
 
 (2)  The Department shall be informed at least 20 working days prior to any stack testing so a Department representative can witness the 
testing.  At the time of notification a compliance emission test plan shall also be submitted to the Department for approval.  When approved 
in writing, an equivalent test method may be substituted for the reference test method.  [s. NR 439.07(2), Wis. Adm. Code] 
 
 (3)  Two copies of the report on the tests shall be submitted to the Department for evaluation within 60 days following the tests.  [s. NR 
439.07(9), Wis. Adm. Code]  
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 4. Acid Rain Requirements 
 
a.  Conditions:  
 
(1) The permittee shall obtain and secure allowances equal to the actual annual SO2 emissions.  (Allowances are available through the 
Chicago Board of Trade and other sources) [40 CFR Parts 72 and 75, s. NR 409.06(3), Wis. Adm. Code] 
 
(2) The permittee shall have a Designated Representative (DR) in accordance with 40 CFR Part 72.  The DR shall be responsible for 
submitting required permits, compliance plans and emission monitoring reports, allowance plans and compliance certifications; and will be 
the responsible official with regards to all matters under the acid rain program. [40 CFR Part 72 and 75, s. NR 409.07, Wis. Adm. Code] 
 
(3)  The permittee shall submit a Phase II acid rain permit to the Department at least 24 months before the date on which the unit 
commences operation. [s. 285.65(3), Wis. Stats., s. NR 409.08(1), Wis. Adm. Code]  
 
(4) The owner or operator of a Phase I and phase II acid rain units shall install, calibrate, operate and maintain all monitoring equipment 
necessary for continuously monitoring sulfur dioxide, nitrogen oxides, carbon dioxide, stack flow rate and opacity. The type of monitoring 
equipment used and the manner and location of its installation are subject to prior department approval. [ s. NR 439.095(1), Wis. Adm. 
Code] 
 
(5) The owner or operator of monitoring equipment installed to comply with condition I.NN.4.a.(4) shall install, calibrate, maintain and 
operate the continuous emission monitor in accordance with the performance specifications in 40 CFR part 60, Appendix B or, for affected 
units, the performance specifications in 40 CFR part 75, Appendices A to I, incorporated by reference in s. NR 484.04(21) and (27), and the 
requirements in s. NR 439.09. The owner or operator of the source shall submit a quality control and quality assurance plan for approval by 
the department.  The monitor shall follow the plan, as approved by the department. [s. NR 439.095(6), Wis. Adm. Code] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 5.  Compliance Reports / Records 
 
a.  Conditions: 

 
b.  Compliance Demonstration: 

 
(1) Upon issuance of the operation permit, the permittee shall 
submit periodic monitoring reports. [s. NR 407.09(1)(c)3., Wis. 
Adm. Code] 
 
(2) Upon issuance of the operation permit, the permittee shall 
submit periodic certification of compliance. [s. NR 407.09(4)(a)3., 
Wis. Adm. Code] 
 
(3) The records required under this permit shall be retained for at 
least five(5) years and shall be made available to department 
personnel upon request during normal business hours.  [s. NR 
439.04, s. NR 439.05, Wis. Adm. Code] 
 

 
(1) Submit a monitoring report, which contains the results of 

monitoring or a summary of monitoring results required by this 
permit to the Department every 6 months.  

    (a) The time periods to be addressed by the submittal are January 
1 to June 30 and July 1 to December 31.   
    (b) The report shall be submitted to the Wisconsin Department of 
Natural Resources, Southeast Region, 2300 North Dr. Martin Luther 
King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500 within 
30 days after the end of each reporting period.   
    (c) All deviations from and violations of applicable requirements 
shall be clearly identified in the submittal.   
    (d) Each submittal shall be certified by a responsible official as to 
the truth, accuracy and completeness of the report. 
(e)   The content of the submittal is described in item D. of Part II of 
the operation permit. [s. NR 439.03(1)(b), Wis. Adm. Code] 
[s. NR 439.03(1)(b), Wis. Adm. Code] 
 
(2) Submit an annual, certification of compliance with the 
requirements of this permit to the Wisconsin Department of Natural 
Resources, Southeast Region, 2300 North Dr. Martin Luther King Jr. 
Drive, Milwaukee, WI 53212, Phone (414) 263-8500 and to 
Compliance Data - Wisconsin, Air and Radiation Division, U.S. EPA, 
77 W. Jackson, Chicago, IL 60604]. 
    (a) The time period to be addressed by the report is the January 1 
to December 31  period which precedes the report.   
    (b) The report shall be submitted to the Wisconsin Department of 
Natural Resources, Southeast Region, 2300 North Dr. Martin Luther 
King Jr. Drive, Milwaukee, WI 53212, Phone (414) 263-8500 and 
U.S. EPA within 30 days after the end of each reporting period.   
    (c) The information included in the report shall comply with the 
requirements of Part II Section N of this permit.  
    (d) Each report shall be certified by a responsible official as to the 
truth, accuracy and completeness of the report. 
[s. NR 439.03(1)(c), Wis. Adm. Code] 
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NN.  OTHER CONDITIONS APPLICABLE TO THE ENTIRE FACILITY  
 
Condition Type: 6.  Acquisition of Emission offsets   
 
a.  Conditions:  
 
(1) The permittee shall obtain Volatile Organic Compound offsets at a minimum ration or 1.3 or a total of 294 credit. [s. NR 408.06(4)(d), 

Wis. Adm. Code] 
 
(2) The permittee will ensure that the actual transfer of credits has taken place prior to commencing operation of the power plant. [s. NR      
     405.06, Wis. Adm. Code] 
 
(2) The permittee shall provide information on whether actual transfer of credits has occurred prior to commencing operation of the 

ERGS’s project to the DNR, Bureau of Air Management, 101 S. Webster Street, P.O. Box 7921, Madison, WI 53707. [s. 285.65(3), 
Wis. Stats., s. NR 408.06, Wis. Adm. Code] 

 
 



PART II 
General Permit Conditions For Construction Permits 

Issued To Direct Stationary Sources  

A. 

B. 

C. 

1. 

2. 

3. 

4. 

5. 

Scope 

This permit is valid only for the structure, building, facility, equipment or operation specifically identified 
herein. All emissions authorized hereby shall be in compliance with the terms and conditions of Parts I 
and II of this permit. [s. 285.60(7), Wis. Stats.] 

Emissions Prohibited 

Unless the Department has approved an exception under s. NR 436.03(2), no person may cause, allow, or 
permit emissions of any air contaminant into the ambient air in excess of the limits set in chs. NR 400 to 
499, Wis. Adm. Code. [s. NR 436.03(1), Wis. Adm. Code] 

General Emission Limits 

No person may cause, allow, or permit particulate matter to be emitted into the ambient air which sub-
stantially contributes to exceeding of an air standard, or creates air pollution. [s. NR 415.03, Wis. Adm. 
Code] 

No person may cause, allow, or permit any materials to be handled, transported, or stored without taking 
precautions to prevent particulate matter from becoming airborne. Nor may a person allow a structure, a 
parking lot, or a road to be used, constructed, altered, repaired, sand blasted or demolished without taking 
such precautions. Such precautions shall include, but not be limited to the following [s. NR 415.04, Wis. 
Adm. Code]: 

a. Use, where possible, of water or chemicals for control of dust in the demolition of existing buildings 
or structures, or construction operations. 

b. Application of asphalt, oil, water, suitable chemicals, or plastic covering on dirt roads, material 
stockpiles, and other surfaces which can create airborne dust, provided such application does not 
create a hydrocarbon, odor, or water pollution problem. 

c. Installation and use of hoods, fans and air cleaning devices to enclose and vent the areas where dusty 
materials are handled. 

d. Covering or securing of materials likely to become airborne while being moved on public roads, 
railroads, or navigable waters. 

e. Conduct of agricultural practices such as tilling of land or application of fertilizers in such manner as 
not to create air pollution. 

f. The paving or maintenance of roadway areas so as not to create air pollution. 

No person may cause, allow or permit emission of sulfur or sulfur compounds into the ambient air which 
substantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 417.025, Wis. 
Adm. Code] 

No person may cause, allow or permit organic compound emissions into the ambient air which sub-
stantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 419.03(1), Wis. 
Adm. Code] 

No person may cause, allow or permit the disposal of more than 5.7 liters (1.5 gallons) of any liquid 
Volatile Organic Compound (VOC) waste, or of any liquid, semisolid or solid waste materials containing 
more than 5.7 liters (1.5 gallons) of any VOC, in any one day from a facility in a manner that would 
permit their evaporation into the ambient air during the ozone season. This includes, but is not limited to, 
the disposal of VOC which must be removed from VOC control devices so as to maintain the control 
devices at their required operating efficiency. Disposal during the ozone season shall be by methods 
approved by the Department, such as incineration, recovery for reuse, or transfer in closed containers to 
an acceptable disposal facility, such that the quantity of VOC which evaporates into the ambient air does 
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not exceed 15% (by weight) or 5.7 liters (1.5 gallons) in any one day, whichever is larger. [s. NR 419.04, 
Wis. Adm. Code] 

6. 

7. 

8. 

9. 

10. 

11. 

12. 

13. 

14. 

15. 

No person may cause, allow or permit emissions of carbon monoxide to the ambient air which sub-
stantially contribute to the exceeding of an air standard or cause air pollution. [s. NR 426.03, Wis. Adm. 
Code] 

No person may cause, allow or permit emissions into the ambient air of lead or lead compounds which 
substantially contribute to the exceeding of an air standard or air increment, or which create air pollution. 
[s. NR 427.025, Wis. Adm. Code] 

No person may cause, allow, or permit nitrogen oxides or nitrogen compounds to be emitted to the 
ambient air which substantially contribute to the exceeding of an air standard or cause air pollution. [s. 
NR 428.03, Wis. Adm. Code] 

No person may cause, allow or permit emission into the ambient air of any substance or combination of 
substances in such quantities that an objectionable odor is determined to result unless preventive 
measures satisfactory to the Department are taken to abate or control such emission. [s. NR 429.03(1), 
Wis. Adm. Code] 

Open burning is prohibited except as provided in s. NR 429.04, Wis. Adm. Code. [s. NR 429.04, Wis. 
Adm. Code] 

No person may cause, allow or permit emissions into the ambient air from any direct or portable source in 
excess of one of the limits specified in ch. NR 431, Wis. Adm. Code. Where the presence of uncombined 
water is the only reason for failure to meet the requirements of ch. NR 431, Wis. Adm. Code, such failure 
is not a violation of the chapter. [s. NR 431.03, Wis. Adm. Code] 

No person may cause, allow, or permit emissions into the ambient air of any hazardous substance in such 
quantity, concentration, or duration as to be injurious to human health, plant or animal life unless the 
purpose of that emission is for the control of plant or animal life. Hazardous substances include, but are 
not limited to, hazardous air contaminants listed in Tables 1 to 4 of s. NR 445.04, Wis. Adm. Code. [s. 
NR 445.03, Wis. Adm. Code] 

Chapter NR 447, Wis. Adm. Code, applies to all air contaminant sources which may emit asbestos, to 
their owners and operators and to any person whose action causes the emission of asbestos to the ambient 
air, including demolition and renovation activities. Chapter NR 447, Wis. Adm. Code, establishes 
emission limitations for asbestos air contaminant sources, establishes procedures to be followed when 
working with asbestos materials and contains additional reporting and record keeping requirements for 
owners or operators of asbestos air contaminant sources in order to protect air quality. [ch. NR 447, Wis. 
Adm. Code] 

When the department requires instrumentation to monitor the operation of air pollution control 
equipment, or to monitor source performance, the instrument shall measure operational variables with the 
following accuracy: [s. NR 439.055(3), Wis. Adm. Code] 

a. The temperature monitoring device shall have an accuracy of 0.5% of the temperature being 
measured in degrees Fahrenheit or ±5°F of the temperature being measured, or the equivalent in 
degrees Celsius (centigrade), whichever is greater. 

b. The pressure drop monitoring device shall be accurate to within 5% of the pressure drop being 
measured or within ±1 inch of water column, whichever is greater. 

c. The current, voltage, flow or pH monitoring device shall be accurate to within 5% of the specific 
variable being measured. 

All instruments used for measuring source or air pollution control equipment operational variables shall 
be calibrated yearly or at a frequency based on good engineering practice as established by operational 
history, whichever is more frequent. [s. NR 439.055(4), Wis. Adm. Code] 
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D. 

1. 
Reporting Requirements 

The Department shall be notified of the following events: 

Event Timing

a. Hazardous substance air spill Immediate call: 1-800-943-0003 

b. Malfunction or other unscheduled event 
which causes or may cause any emission 
limitation to be exceeded [except certain 
visible emission limit exceedances – see s. 
NR 439.03(4), Wis. Adm. Code]. 

Notification by next business day of any such 
event at the source which is not reported in ad-
vance to the Department. Report the cause and 
duration of the exceedance, the period of time 
considered necessary for correction, and meas-
ures taken to minimize emissions during the 
period 

c. Deviation from any other condition specified 
in this permit. 

Notification by next business day identifying the 
deviation, cause, duration and steps taken to 
prevent recurrence. 

[ss. 292.11(2) and 285.65(10), Wis. Stats., and ss. NR 439.03(4) and 445.08, Wis. Adm. Code] 

2. 

3. 

E. 

F. 

G. 

The permittee shall report to the Department, in advance, schedules for planned shutdown and startup of 
air pollution control equipment and the measures to be taken to minimize the down time of the control 
equipment while the source is operating. Scheduled maintenance or any other scheduled event, including 
startup, shutdown or sootblowing procedures which have been approved by the Department under s. NR 
436.03(2)(b), which causes an emission limit to be exceeded shall also be reported in advance to the 
Department. Advance reporting pursuant to this permit condition does not relieve any person from the 
duty to comply with any applicable emission limitations. [s. NR 439.03(6), Wis. Adm. Code] 

Except for information determined to be confidential under s. 285.70(2), Wis. Stats., any information or 
reports obtained by the Department in the administration of ss. 285.01 to 285.87 and 299.15, Wis. Stats., 
will be available for public inspection at the offices of the Department. [s. 285.70(1), Wis. Stats.] 

Right of Entry and Inspection 

The permittee shall allow authorized representatives of the Department to enter upon the permittee's 
premises at any reasonable time, to have access to and examine any record relating to emissions or re-
quired to be kept, and to make any inspection necessary to ascertain compliance with air pollution control 
laws and the terms of this permit. The Department may, for the purpose of determining a source's 
compliance with applicable requirements, sample or monitor at reasonable times production materials or 
other substances or operational parameters. [ss. 285.13(6) and 285.19, Wis. Stats., and s. NR 439.05, Wis. 
Adm. Code] 

Malfunction Prevention and Abatement Plans 

The owner or operator of any direct or portable source which may emit hazardous substances or emits 
more than 15 pounds in any day or 3 pounds in any hour of any air contaminant for which emission limits 
have been adopted shall prepare a written malfunction prevention and abatement plan to prevent, detect, 
and correct malfunctions or equipment failures which may cause any applicable emission limitation to be 
violated or which may cause air pollution. Any such plan shall be carried out by the owner or operator. 
The plan shall be updated at least every 5 years. The Department may require the plan to be submitted for 
review and approval. [s. NR 439.11, Wis. Adm. Code] 

Emission Control Action Plan 

For source(s) covered by this permit which emit 0.25 tons or more per day of any air contaminant for 
which air standards have been adopted, the permittee shall prepare an emission control action program, 
consistent with good industrial practice and safe operating procedures, for reducing the emission of air 
contaminants into the outdoor atmosphere during periods of an air pollution alert, air pollution warning or 
air pollution emergency declared under s. NR 493.03(2), Wis. Adm. Code. The emission control action 
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program shall be in writing, available on the premises and is subject to review and approval by the De-
partment on request. [s. NR 493.04, Wis. Adm. Code] 

H. 

1. 

2. 

3. 

I. 

J. 

K. 

1. 

2. 

L. 

M. 

N. 

1. 

Construction, Reconstruction, Replacement, Relocation or Modification 

Unless the replacement is authorized by a permit or is exempt under s. NR 406.04, Wis. Adm. Code, 
replacement of the source(s) covered by this permit is prohibited. [s. 285.60(1)(a), Wis. Stats.] 

No person may commence construction, reconstruction, replacement, relocation or modification of a 
stationary source unless the person has a construction permit for the source or unless the source is exempt 
from the requirement to obtain a permit under s. 285.60(5), Wis. Stats., or under ch. NR 406, Wis. Adm. 
Code. Applications for the construction permit shall be submitted on forms which are available from the 
Department at its Madison headquarters and district offices. [s. 285.60(1)(a), Wis. Stats.] 

Note: The address of the Madison headquarters is: Wisconsin Department of Natural Resources, Bureau 
of Air Management, PO Box 7921, Madison, WI 53707, Attention: Permit Application Forms 

For new or modified sources for which no construction permit is required, the application for an operation 
permit shall be filed before the source commences construction or modification. [s. NR 407.04, Wis. 
Adm. Code] 

Payment of Construction Permit Application Fees 

Any person who obtains a construction permit shall pay the application fee within thirty days of the date 
of the billing statement. [s. NR 410.03(4), Wis. Adm. Code] 

Construction Permit Revision, Suspension, and Revocation 

A construction permit may be suspended, revoked or revised, in whole or in part, for cause. [s. NR 
406.11, Wis. Adm. Code] 

Circumvention 

The installation or use of any article, machine, equipment, process, or method which conceals an emission 
which would otherwise constitute a violation of an applicable rule is prohibited unless written approval 
has been obtained from the Department. Such concealment includes, but is not limited to, the use of 
gaseous diluents to achieve compliance and the unnecessary separation of an operation into parts to avoid 
coverage by a rule that applies only to operations larger than a specified size. [s. NR 439.10, Wis. Adm. 
Code] 

No one may render inaccurate any monitoring device or method required under ch. NR 439, Wis. Adm. 
Code, or in this permit. [s. NR 439.03(12), Wis. Adm. Code] 

Violations 

Any owner or operator who fails to construct a stationary source in accordance with the application as 
approved by the department; any owner or operator who fails to construct and operate a stationary source 
in accordance with conditions imposed by the department under s. 285.65, Wis. Stats.; any owner or 
operator who modifies a stationary source in violation of conditions imposed by the department under s. 
285.65, Wis. Stats.; or any owner or operator who commences construction or modification of a 
stationary source without applying for and receiving a permit as required under this chapter or ch. NR 
408 shall be considered in violation of s. 285.60, Wis. Stats. [s. NR 406.10, Wis. Adm. Code] 

Duty to Comply 

Approval to construct or modify does not relieve any owner or operator of the responsibility to comply 
with the emission limits of chs. NR 400 to 499, the air quality standards of ch. NR 404 or the control 
strategies of all local, state and federal regulations which are part of the state implementation plan. [s. NR 
406.13, Wis. Adm. Code] 

Recordkeeping Requirements 

The permittee shall maintain the following records: 
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a. Records of all sampling, testing and monitoring conducted or required under chs. NR 400 to 499 or 
under this permit. Records of sampling, testing or monitoring shall include the following: 

1) The date, monitoring site and time and duration of sampling, testing, monitoring or measure-
ments. 

2) The dates the analyses were performed. 

3) The company or entity that performed the analysis. 

4) The analytical techniques or methods used, including supporting information such as calibration 
and maintenance records of all original recording charts for continuous monitoring 
instrumentation including emissions or equipment monitors. 

5) The results of the analyses. 

6) The relevant operating conditions that existed at the time of sampling, testing, monitoring or 
measurement. 

b. Records detailing all malfunctions which cause any applicable emission limitation to be exceeded, 
including logs to document the implementation of the plan required under s. NR 439.11, Wis. Adm. 
Code; 

c. Records detailing all activities specified in any compliance schedule approved by the Department 
under chs. NR 400 to 499, Wis. Adm. Code; and 

d. Any other records relating to the emission of air contaminants which may be requested in writing by 
the Department. 

[s. NR 439.04, Wis. Adm. Code] 

2. 

O. 

P. 

Copies of all records and reports required under this permit shall be retained by the permittee for a period 
of 5 years. [s. NR 439.04(2), Wis. Adm. Code] 

Required Air Emission Inventory Reports 

The permittee shall annually submit to the Department an emission inventory report of annual, actual 
emissions or throughput information in accordance with ch. NR 438, Wis. Adm. Code. [s. NR 438.03, 
Wis. Adm. Code] 

Annual Emission Fees 

The permittee shall pay an annual emissions fee to the Department at the rate specified in s. 285.69(2), 
Wis. Stats. [ss. NR 410.04 and NR 407.09(1)(e), Wis. Adm. Code] 
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1.0 INTRODUCTION 

Cash Creek Generation, LLC (“Applicant” or “CCG”) proposes to construct a nominal 677 

megawatt (“MW”) electric generating facility, the Cash Creek Generating Station (“CC”), in 

Henderson County, Kentucky.  CC will use General Electric’s (“GE”) proprietary Integrated 

Gasification Combined Cycle (“IGCC”) process to produce syngas from Western Kentucky coal. 

The syngas will be the primary fuel used to fire two, GE7FA series, combustion turbines in 

combination with heat recovery steam generating (“HRSG”) units and a steam turbine to produce 

electricity.   

The purpose of this document is to address the requirements of the PSD, Title IV, Title V, and 

other applicable federal and state air quality regulatory requirements, and request issuance of an 

appropriate construction and operating permit.  This air permit would allow the installation and 

operation of the gasifiers, combustion turbines, and supporting equipment.  Several of the key 

design parameters of the new facility are summarized in Table 1-1.   

TABLE 1-1:   EXPECTED DESIGN PARAMETERS 

Output 
(Nominal) 

557 
(677) 

MWe
MWe

Stack Exhaust Temperature 300 !F 
Maximum Operation 8,760 hr/year 

Typical Operation 7,884 hr/year 
Maximum Heat Input to CTs 3,443 MMBtu/ hr 

Primary Fuel  Coal derived syngas  
Fuel Rate to CTs 13.67 MMscf/hr 
Secondary Fuel 

(start-up/temporary) 
Natural Gas  

Fuel Rate to CTs 3.13 MMscf/hr 
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The facility location and contact information are listed in Table 1-2 

TABLE 1-2:   CC’S LOCATION AND CONTACT INFORMATION 

Plant Location 37:43:10 N Latitude 
Kentucky State Highway 1078  87:24:50 W Longitude 
Henderson County, Kentucky   

   
Cash Creek Generation, LLC   
Applicant 

  

 Project Technical Information 
and  

Development Contact 

Mr. Michael McInnis 
4350 Brownsboro Road 
Suite 120 
Louisville, Kentucky 40214 
Phone:  (502) 357-9901 
mmcinnis@erora.com 

 
  

KENTUCKIANA ENGINEERING 
COMPANY 

Air Permitting Consultant 

  

Air Permit Application Contact Mr. Bryan Handy 
311 Townepark Circle 
Suite 100 
Louisville, Kentucky 40243 
Phone: (502) 489-8074 
Fax: (502) 489-8078 
Email: bhandy@keo.net 

 
   

Dispersion Modeling Contact Mr. J. Dwain Kincaid 
311 Townepark Circle 
Suite 100 
Louisville, Kentucky 40243 
Phone: (502) 489-8074 
Fax: (502) 489-8078 
Email: dkincaid@keo.net  
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A major new electric generating station construction permit application is divided into the 

following general parts: 

1. A Best Available Control Technology (“BACT”) demonstration for each pollutant 

subject to PSD review. 

2. A Maximum Available Control Technology (“MACT”) demonstration if applicable. 

3. A Compliance Assurance Monitoring (“CAM”) plan if applicable. 

4. An ambient air quality impact assessment to demonstrate that the proposed facility will 

not exceed PSD increments and National Ambient Air Quality Standards (“NAAQS”). 

5. An analysis of how the proposed facility will impact commercial/residential growth, soil, 

vegetation, and visibility in the surrounding area. 

6. Appropriate application forms 

 

The more detailed analyses of these general parts, as they apply to the CC permit application, are 

found in the following sections of this report: 

• Section 2 presents a general description of the project site and IGCC process facility. 

• Section 3 summarizes federal and state air regulations applicable to the proposed facility, 

including the PSD permit regulations. 

• Section 4 contains the Case–by-Case BACT Determination. 

• Section 5 provides potential emission estimates of criteria pollutants subject to PSD 

review. 

• Section 6 addresses the air quality related impacts with respect to the Class II areas 

including the following: 

o Air Quality Monitoring Data 

o Meteorological Data 

o Model Selection 

o Land Use Characteristics 

o NAAQS and Increment Consumption Emissions Inventory 

o Class II Analysis 
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• Section 7 addresses the additional impact analysis and air toxics analysis including the 

following: 

o Review of Construction Impacts 

o Review of Vegetation Impacts 

o Review of Soil Impacts 

o Review of Secondary Growth 

o Cavity Analysis 

• Section 8 addresses predicted air toxic emission impacts 

o Comparison of Emission Impacts to EPA’s IRIS 

• Section 9 addresses the Class I area impacts including the following: 

o Class I increment Consumption 

o Visibility 

 

The construction permit application forms, required by the Kentucky Environmental and Public 

Protection Cabinet’s Division for Air Quality (“KYDAQ”) are included in Appendix A.  Phase II 

Acid Rain application forms are included in Appendix B.  Additional supporting documentation 

including electronic copies of the modeling data files are located in the remaining Appendices. 
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2.0 PROJECT SITE AND PROCESS OVERVIEW  

This Section discusses the proposed site location and the processes associated with producing 

syngas as the primary fuel for electric generation at CC. 

 

2.1 SITE LOCATION AND SURROUNDING AREA 

The Site proposed for CC is located to the west of Owensboro, Kentucky. This location was 

selected due to the close proximity of fuel (the Patriot Coal Company mine and wash plant are  

located adjacent to the site), the availability of water supplies, and the potential for multiple 

interconnections to the electric grid.  Figures 2-1 through 2-5 depict: 

! 2-1 – The region surrounding the site; 

! 2-2 – Site location with respect to Owensboro, Kentucky; 

! 2-3 – Plot plan of the facility;  

! 2-4 – Area within one quarter mile of CC; and 

! 2-5 – Proximity of CC to regional Class 1 areas. 
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FIGURE 2-1:  REGION SURROUNDING THE SITE 
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 FIGURE 2-3:  PLOT PLAN OF THE FACILITY  
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Figure 2-5:  Proximity OF CC to Regional Class I areas 
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2.2 PROCESS DESCRIPTION 

The design of the Facility is based on proven gasification and turbine technologies in conjunction 

with well established emission control and material handling technologies.  CC will utilize state 

of the art Integrated Gasification Combined Cycle (“IGCC”) technology to gasify coal and 

produce syngas.  The syngas will be used as fuel for two (2), GE7FA, combustion turbines which 

will operate in combined cycle mode to produce electricity. 

2.2.1 Overview 
 
In an IGCC power generation facility, an air separation plant, a coal gasification facility and a 

combined cycle power generation facility are integrated into a single highly-efficient electric 

generating station.  CC will employ IGCC technology premised on the GE Gasification process 

(formerly Chevron-Texaco).  A brief description of this process is set out below followed by a 

corresponding process flow diagram in Figure 2-6. 

 

The IGCC design for CC is premised on a nominal 677 MW (gross output) encompassing three 

(3) technology blocks: air separation, gasification and syngas scrubbing, and power generation.  

The design for the facility includes a spare gasifier that will significantly increase expected 

reliability for power generation.   

 

In the air separation block, air is cryogenically separated into oxygen and nitrogen.  The oxygen 

is mixed with a coal slurry as the fuel feed to the gasification block.  The nitrogen is used in the 

power block to lower gas turbine combustion temperature and reduce NOx emissions.   

 

The gasifier block uses the coal slurry/oxygen feedstock to produce synthetic gas (syngas, 

principally hydrogen and carbon monoxide) with a heating value of approximately 250 Btu/cf.  

This sour syngas is then scrubbed to remove entrained particulates.  Next the syngas is treated to 

remove mercury and other trace pollutants prior to entering the acid gas removal stage.  The acid 

gas removal stage recovers sulfur compounds from the syngas and produces elemental sulfur as a 

by-product.   
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The cleaned syngas is then supplied to the power block where it fuels two, GE7FA, combustion 

turbines to produce electric power.  Heat Recovery Steam Generators are then used to produce 

steam from the turbine exhaust gases.  This steam is combined with steam from the gasification 

and scrubbing processes, superheated, and expanded in a steam turbine to produce additional 

electric power. 
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The primary operations necessary to produce syngas as fuel to generate electricity include: 

 
1. Coal Supply and Storage  
2. Coal Grinding and Slurry Preparation 
3. Air Separation  
4. Gasification  
5. Syngas Cleaning and Sulfur Recovery 
6.  Power Block 

 

These operations are discussed in the following subsections as they apply to CC. 

2.2.2 Coal Supply and Storage  
 
Western Kentucky bituminous coal will be the primary fuel for the facility.  This primary coal 

supply for CC is expected to be provided by the Patriot Coal Company (“the Mine”), which 

operates an existing underground and surface mining and processing operation adjacent to the 

CC.  The coal will be delivered by a 42 inch conveyor from the Mine to an onsite receiving 

transfer-house.  The coal is next sent by a second 42 inch conveyor to a second transfer house.  

The second transfer house directs the coal to long-term storage or feeds it directly to the grinding 

and slurry preparation system.  Coal can also be supplied by barge from other coal sources.  Coal 

received by barge will be offloaded and transported by a 42 inch conveyor to the onsite receiving 

transfer-house where it will follow the same route as the coal received from the nearby mine. 

 

The long-term storage conveyor (42 inch) carries the coal to a 90,000 ton, outdoor storage pile.  

This capacity was designed to provide about a 15 day emergency supply of fuel to the plant in 

case of disruptions in fuel supply (e.g. overland belt breakage).  It is estimated that the pile will 

have a maximum turnover ratio of 3 (i.e. the total capacity of the pile would be used and replaced 

3 times per year).  The coal is transferred from the conveyor to the pile via a concrete stacker 

tube to minimize fugitive load-out emissions.  The storage pile will be maintained to minimize 

fugitive emissions as discussed in the BACT analysis. 

 

When needed, coal will be recovered from the pile by underground reclaim hoppers and 

conveyed to the grinding and slurry preparation system. 
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2.2.3 Grinding and Slurry Preparation 
The grinding and slurry preparation system (GSP) processes and provides fuel to the gasifiers.  

The GSP consists of two grinding trains rated at approximately 60% of the maximum feed rate 

for the gasifiers.  Each grinding train can process approximately 152 tons of coal per hour, and is 

capable of providing enough fuel to operate a single gasifier at 100% capacity.  The GSP process 

consists of several steps as illustrated in Figure 2-7.  These steps are discussed below for one of 

the two grinding trains.  The operation is the same for each train. 

 

FIGURE 2-7: GRINDING AND SLURRY PREPARATION SYSTEM  

 

 

Slurry Feed Oxygen 

Coal Water 

 

Coal is transferred from the supply belt to a weigh feeder that meters coal into the rod mill.  The 

rod mill contains steel rods that crush the coal as the mill rotates at a constant speed.  Rotation of 

the mill also facilitates blending of the water and coal to produce fuel slurry.  Process water is 

used in the mill with fresh make up water.  Using process water allows any remaining coal fines 

to be recycled into the fuel slurry.  The slurry exits the mill through a coarse trammel screen into 

an agitated discharge tank.  Slurry is then pumped to the top of the run tank.  Before entering the 

tank it is screened a final time to remove any oversize contaminants or coal that might damage 
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the gasifier slurry feed pump.  Slurry storage tanks are continuously agitated to prevent plugging 

and maintain the concentration of the slurry.  Slurry flows by gravity to the suction of the gasifier 

feed pump for transport to the gasifier feed injector. 

2.2.4 Air Separation Unit 
Oxygen is vital to the gasification process.  Because of the continuous volume of oxygen needed 

to operate the gasifiers and scrubber, it is not practical to use oxygen supplied by offsite 

manufactures.  Oxygen will be provided by an air separation unit (“ASU”) located at the facility.  

The ASU uses ambient air and cryogenically separates it into the primary constituents, primarily 

O2 and N2.  The O2 stream is in excess of 95% purity and more than adequate for the needs of the 

facility.  Additionally, N2 in the form of diluent nitrogen is produced which assists in controlling 

NOx emissions from the combustion turbine by dilution of the fuel feed.  Figure 2-8:  ASU Flow 

Diagram illustrates the major components of the ASU.  These components are detailed below: 

FIGURE 2-8: AIR SEPARATION UNIT 

 

Diluent Nitrogen 

Cold Box

Dryer 

Oxygen 
Compressors

Air 
Main Air Compressor 

The main air compressor (“MAC”) supplies ambient air in the quantity necessary to meet the 

demands of the facility.   The air compressed in the MAC is sent to the temperature swing 
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absorption system (“TSA”) to remove moisture and carbon dioxide (“CO2”) from the air stream.  

This is vital to the operation of the ASU because any H2O or CO2 in the air could cause freezing 

which would result in plugging of the ASU and gasifier shutdown.  The TSA typically uses 

multiple beds to provide uninterrupted operations when regeneration is necessary. 

 

Dry air from the TSA is routed to the main heat exchanger of the cryogenic section.  The air is 

cooled initially by the ASU product stream prior to entering the distillation columns.  

Refrigeration for the separation process is supplied by a compander, using liquid nitrogen.  The 

cryogenic distillation occurs in two columns, one operating at elevated pressure and the other at 

reduced pressure.   

 

Diluent nitrogen, the largest gas stream product, is supplied to the combustion turbines by a 

multistage compressor.  Similarly high pressure oxygen is needed for the gasifier feed and is 

supplied by a separate multistage compressor.  Small amounts of low pressure oxygen and 

nitrogen gases are also needed for other operations at the facility including the scrubbing 

operation.  These low pressure gases are provided by withdrawing the gases prior to entering the 

compressors.  Any impure N2 may be used as purge gas for the gasifiers.  The ASU will also 

supply plant air for instrumentation and maintenance operations at the facility.   

 

2.2.5 Gasification Plant 
The core of an IGCC electric generating facility is the fuel production or gasification plant.  The 

gasification plant at CC will have three General Electric gasification units.  Each unit will be 

designed to produce 50% of the syngas fuel required when operating at maximum load.  The 

addition of a third 50% gasifier is to allow fuel supply and plant operation during periods of 

gasifier maintenance and reduce concerns regarding gasifier reliability.  The gasifiers will 

operate using the General Electric (formerly Chevron Texaco) oxygen-blown, entrained flow 

process.  This process includes coal slurry and oxygen feed systems, gasifier reaction chambers, 

and syngas cooling.  The gasification plant flow diagram is presented in Figure 2-9 with a 

summary of each operation discussed below. 
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FIGURE 2-9: GASIFICATION PLANT FLOW DIAGRAM 

 

GE (ChevronTexaco) Entrained-Flow  
 
GE coal gasification technology uses a single-
stage, downward-firing, entrained-flow coal gasifier 
in which a coal/water slurry (60-70% coal) and 95% 
pure oxygen are fed to a hot gasifier. At a 
temperature of about 2700°F, the coal reacts with 
oxygen to produce raw fuel gas (syngas) and 
molten ash.  
 
The hot gas flows downward into a radiant syngas 
cooler where high pressure steam is produced. The 
syngas passes over the surface of a pool of water 
at the bottom of the radiant syngas cooler and exits 
the vessel. The slag drops into the water pool and 
is fed from the radiant syngas cooler sump to a lock 
hopper.  
 
The black water flowing out with the slag is 
separated and recycled after processing in a 
dewatering system. 
 
 

 

 

2.2.5.1 Coal Slurry and Oxygen Feed System 
 

Fuel is fed to the gasifiers through a process feed injector.  The feed injector is designed to mix 

the coal slurry and oxygen and optimize dispersion into the gasifier.  A proper blend of fuel and 

oxygen are critical to the successful operation of the gasifiers.  The slurry and oxygen feeds to 

the injector are controlled by a series of valves to provide immediate shutdown in case of upsets.   

2.2.5.2 Gasifier Reaction Chambers 
 
The three GE gasifiers, operating in an oxygen deficient atmosphere, are designed to operate at 

extremely high pressure and at temperatures between 2300" and 2700" F.  These conditions in 

the gasifier promote reactions which produce three major products: a hydrogen and carbon 

monoxide rich mixture called syngas, a fine slag, and a coarse vitreous slag.  
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As the syngas exits the gasifier it passes through a radiant syngas cooler (“RSC”) that produces 

high pressure steam and increases efficiency and reliability by recapturing up to 15% of the 

fuel’s heating value.  Prior to leaving the gasifier syngas passes over a water pool located at the 

bottom of the unit which enhances collection of the slag. 

 

SYNGAS 

The syngas produced in the gasifiers is rich in hydrogen (“H2”), carbon monoxide (“CO”), water 

vapor (“H2O(vap)”) and carbon dioxide (“CO2”).  There are also lesser amounts of several 

components in the syngas such as: hydrogen sulfide (“H2S”), carbonyl sulfide (“COS”), methane 

(“CH4”), argon (“Ar”), and nitrogen (“N2”).  The syngas exiting the gasifiers has a heat content 

of approximately 251 BTU/scf and is generated at a rate of 13.67 MMscf/hr.  However the 

syngas exiting the gasifiers is a raw gas containing several impurities and must be further 

processed before it can be used as fuel in the CTs. 

 

FINE SLAG 

Fine slag is comprised of unreactive mineral compounds and fuel particles that are not 

completely gasified (unburned carbon).    This material is carried from the gasifier with the 

existing syngas and must be removed prior to entering the Acid Gas Removal (“AGR”) system.    

The syngas is scrubbed with water to remove entrained particulate.  The dirty or “black” 

scrubbing water is flashed to lower temperature and pressure and concentrated in the fine slag 

handling section.  This concentrated slurry is then filtered and the filter cake (fine slag) is 

captured and removed from the process to be either sold or stored on-site. 

 

COARSE SLAG 

Slag is the mineral and ash matter that does not convert to syngas and is too heavy to be 

transported by the exiting syngas.  A portion of this material melts in the high temperatures of 

the gasifier and flows to the bottom of the gasifier.  It is removed from the gasifier through a 

lock-hopper.  The slag is then transported to the slag handling operations.  The slag is dewatered 

and transported by truck for sale as a by-product or to onsite landfills for storage.   The slag 

ultimately solidifies into a stable glassy frit with very small amounts of residual carbon.     
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2.2.6 SYNGAS Cleaning 
Because of undesirable components such as H2S, COS, and fine slag, syngas produced in the 

gasifier must be scrubbed prior to use in the combustions turbines.  Removal of these 

components is done using several gas cleaning techniques as discussed below and illustrated in 

Figure 2-10. 

FIGURE 2-10: SYNGAS CLEANING PROCESS 

2.2.6.1 SYNGAS Scrubbing 
The syngas leaves the RTC and passes through a multistage 

scrubbing process.  This provides contact scrubbing with water 

and further removes entrained fine slag (flyash) from the syngas.   

It is during this scrubbing step that the HCl is removed.    The 

saturated syngas exiting the scrubber is then sent to the COS 

hydrolysis reactor. 

2.2.6.2 SYNGAS COS Conversion 
 
A small percentage of the sulfur in the coal slurry is converted to 

COS during the gasification process.  The acid removal system is 

unable to remove COS from the syngas, so it must be converted 

to a form that can be removed to avoid a significant increase in 

SO2 emissions from the combustion turbines.  Using a 

superheater followed by a catalyst reactor, conversion of COS to 

H2S is possible by the following chemical reaction: 

COS + H2O " H2S + CO2 

By converting the COS to H2S the system is able to remove in excess of 99% of the SO2 

producing pollutants from the syngas using the AGR system. 

2.2.6.3 Mercury Removal  
 
The syngas exiting the COS hydrolysis reactor passes through a series of heat exchangers called 

the Low Temperature Gas Cooling system (“LTGC”).   These exchangers are used to remove the 
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process condensate as the gas is conditioned for H2S removal.  The syngas enters the LTGC and 

is cooled to near ambient temperature prior to entering the mercury removal section.  The cooled 

syngas passes through a carbon bed which removes the mercury as well as other trace pollutants 

from the coal.  After passing through the carbon bed the syngas is transferred to the AGR 

system. 

2.2.6.4 Acid Gas Removal System and Sulfur Recovery 
 
The cooled syngas from the mercury removal system still contains high levels of H2S which 

must be removed prior to being combusted in the CTs.  The AGR system uses methyl diethanol 

amine (“MDEA”) solvent in a tray absorber to remove in excess of 99% of the H2S from the 

syngas.   The exact level of removal is dependent on the specific operating conditions and fuel 

characteristics.  The process is similar to most countercurrent absorber column operations.   The 

syngas enters through a valve in the bottom and passes up through the column.  The MDEA 

water solution is sprayed from the top of the column.  The trays in the column increase the 

residence time of the gas and liquid interface allowing a high degree of H2S transfer to the 

MDEA solution 

 

The H2S rich MDEA exits the bottom of the tower and is sent to a stripping column.  Using a 

similar tray tower design for the stripping column, the MDEA is heated with steam to release the 

H2S and then recycled for use in the absorber.  The H2S is sent to the sulfur recovery system 

where elemental sulfur is recovered in a Claus process and the remaining tail gas is sent to a tail 

gas treatment unit where additional sulfur is recovered and the overhead gas is destroyed by 

thermal oxidation.  The recovered sulfur is a saleable byproduct and is processed for offsite use. 

 

The clean syngas exiting the absorber passes through a knockout drum and demister to remove 

any entrained solvent.  The syngas is then preheated by passing through the highest temperature 

LTGC exchanger.  The syngas leaves the LTGC exchanger and is sent to the combustion 

turbines. 

2.2.7 Power Block  
The power block consists of two GE 7FA series gas turbines generating an estimated nominal 

394 MW.  An additional 283 MW is generated in a steam turbine by recapturing energy from the 
Cash Creek Generation, LLC 2-17 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/15/2005 



 

gasification process, syngas cooling and the HRSGs.  The air separation unit and other 

operations at the facility are anticipated to consume approximately 119.5 MW, resulting in an 

estimated 557 MW net output of electricity to the grid. The estimated plant heat rate is 9,039 

Btu/kWh (HHV). 

2.3 ANCILLARY EQUIPMENT 

The balance of the facility includes additional pieces of equipment that are necessary to start-up, 

maintain and operate the CC IGCC facility.  This ancillary equipment typically has minimal 

emissions compared to the other operations at the facility, in some case there are no emissions 

with regard to air quality, and often operates for only a short period of time during the year.  The 

remainder of this section discusses these ancillary devices and their role at CC. 

2.3.1 Auxiliary Boiler 
A small natural gas fired package boiler (approx. 5,000 lb/hr, 300 psig) has been included in the 

CC design to aid in purging and preheating the gasifiers during start-up.  Since aspiration of the 

gasifiers is necessary during start-up, it is anticipated that the auxiliary boiler will only operate 

during start-up of the gasifiers or a maximum of 850 hours per year. 

2.3.2 Cooling Water System 
A mechanical draft multi-cell cooling tower, distribution piping, and pumps will supply cooling 

capacity for the power block and ASU.   

2.3.3 Wastewater Treatment 
Wastewater from the gasification block is collected in a blow-down / reaction tank.  Blowers are 

used to aerate the wastewater in reaction tank(s) where chemicals are added to adjust the pH and 

assist with coagulation and flocculation in a clarifier.  Precipitated and suspended solids are 

collected and removed from the clarifier in a sludge blow-down process.  The sludge blow-down 

is further dewatered in a thickener.  Overflow from the thickener is returned to the clarifier.  

Sludge blow-down from the thickener is routed through a filter press where it is dewatered and 

produces a suitable solid for disposal in a landfill. 

 

Overflow from the clarifier is treated by additional chemical feed then routed to a reverse 

osmosis (“RO”) system.  Permeate from the RO system is routed to a 300,000 gallon 
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demineralized water storage tank that is used to supply demineralized water to the gasification 

block. 

 

Concentrated wastewater from the RO system is routed to a brine concentrator/crystallizer 

system.  Distillate from the brine concentrator/crystallizer is routed to a demineralized water 

storage tank.  The crystallizer produces a solid waste product suitable for disposal in an on-site 

landfill.  

2.3.4 Fire Protection System 
The facility design includes fire water supply from a raw water storage tank, fire protection 

pumps (electrical and natural gas), and fire water piping to the ASU, gasification block 

(including the gas clean-up area), and power block.  

 

2.3.5 Natural Gas Supply 
The facility design also includes a natural gas backup supply to the power block boundary.  This 

supply includes a pressure regulating and metering station.   The natural gas will be supplied to 

the facility by pipeline and be similar quality as other pipeline natural gas in the area. 

 

2.4 FACILITY DESIGN 

The Applicant and its consultants have thoroughly reviewed all aspects of the planned IGCC 

technology and are committed to designing, constructing, and operating CC to meet all relevant 

safety; air, water, solid waste and other requirements.  The remaining sections of this document 

discuss the methods to demonstrate this commitment as related to the air quality requirements 

relevant to the CC.1

                                                 
1    Issues that are outside the air permitting review process such as water usage and supply, transmission 

access and capacity, etc will be addressed in the appropriate permit application process. 
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3.0 REGULATORY REQUIREMENTS 

There are several Federal and State regulations that apply to new sources constructed and 

operating in an attainment area, such as the CC.  These include (1) the PSD program; (2) New 

Source Performance Standards (“NSPS”); (3) MACT; (4) Title IV Acid Rain Program; and (5) 

Title V Operating Permit Program.  Brief overviews of these requirements are listed in the 

subsections that follow along with corresponding federal and state regulation citations. 

3.1 PREVENTION OF SIGNIFICANT DETERIORATION 

The Clean Air Act (“CAA”) contains several elements for the prevention and control of air 

pollution and the protection and enhancement of air resources.  One of these elements is the 

National Ambient Air Quality Standards (“NAAQS”), issued by EPA as a measure of whether 

air quality meets health and welfare criteria based on pollutant specific emission impact 

thresholds.  These ‘criteria’ pollutants include carbon monoxide (CO); nitrogen oxides (NOX); 

sulfur dioxide (SO2); particulate matter less than 10 microns (PM10); ozone (regulated as volatile 

organic compounds (VOC)); and lead (Pb).  Table 3-2 lists the NAAQS and averaging times 

associated with each criteria pollutant.  Areas that exceed one of these thresholds are considered 

non-attainment for that pollutant and the corresponding averaging time.  Similarly, areas that are 

meeting NAAQS are considered attainment areas.   

 

New sources that will be located in an area designated as non-attainment for a pollutant, and will 

emit that pollutant are subject to non-attainment new source review requirements.  This includes 

utilizing Lowest Available Emission Rate (“LAER”) technologies and obtaining offsets for each 

ton of pollutant emitted.   Non-attainment New Source Review (“NSR”) does not apply to CC 

since the present air quality of the Henderson County Site and the surrounding area (within 20 

km) is designated as attaining the National Ambient Air Quality Standards for all criteria 

pollutants.   

 

PSD regulations apply to any new major stationary source or major modification to an existing 

major source located within an air quality attainment area (40 CFR 52.21 and 51.166 set out in 
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Kentucky regulation 401 KAR 51:0171).  The PSD program ensures that new sources do not 

degrade local air quality to levels that exceed NAAQS or the more stringent PSD increments; 

and serves to provide broad-based air quality planning goals.  These objectives are attained by 

subjecting new PSD sources to a rigorous air quality analysis to ensure that emissions do not 

create new, or exacerbate existing, air quality concerns, and by ensuring that new facilities will 

be constructed with the most advanced air pollution controls available.  Pursuant to 40 

CFR§52.21(b)(1) and 401 KAR 51:001§1(120)(a), a stationary source is considered major if it 

has the potential to emit either: 

 

 a. 100 tons per year or more of a regulated air pollutant and the source is  

classified as one of 28 designated industrial source categories, which includes 

fossil-fuel fired steam electric generating plants like CC; or 

 b. 250 tons per year or more of any pollutant regulated under the Clean Air  

Act. 

 

“Potential to Emit” or “PTE” is defined in 401 KAR 51:001§1(192)( IAC 203§128 as:  

 

[T]he maximum capacity of a stationary source to emit a regulated 
air pollutant given its physical and operational design, where:  A 
physical or operational limitation on the capacity of a source to 
emit an air pollutant, including air pollution control equipment and 
restrictions on hours of operation or on the type or amount of 
material combusted, stored, or processed is treated as part of its 
design if the limitation is enforceable as a practical matter; and this 
definition does not alter or affect the use of this term for other 
purposes of the Act or the term "capacity factor" as used in the 
Acid Rain Program. For the PSD and NSR programs, the 
maximum capacity of a stationary source to emit a pollutant under 
its physical or operational design, where:  A physical or 
operational limitation on the capacity of the source to emit a 
pollutant, including air pollution control equipment and restrictions 
on hours of operation or on the type or amount of material 
combusted, stored, or processed, is treated as part of its design if 
the limitation or the effect it would have on emissions:  Is federally 

                                                 
1 KAR is an acronym for Kentucky Administrative Regulation.  All references to Kentucky regulations will include 
KAR in the citation. 
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enforceable; or For an actuals PAL2, is federally enforceable or 
enforceable as a practical matter; and Secondary emissions are not 
counted. 

 

  

Secondary emissions are defined in 401 KAR 51:001§1(217) as:  

…emissions that:  (a) Occur as a result of the construction or 
operation of a major stationary source or major modification, and 
do not come from the major stationary source or major 
modification itself; (b) Are specific, well defined, quantifiable, and 
impact the same general area as the stationary source modification 
that caused the secondary emissions; (c) Include emissions from an 
offsite support facility that would not otherwise be constructed or 
increase its emissions as a result of the construction or operation of 
the major stationary source or major modification; and (d) Do not 
include emissions that come directly from a mobile source, 
including emissions from the tailpipe of a motor vehicle, a train, or 
vessel. 

 

As presented in Table 3-1 below, the potential emission increase from CC for PM/PM10, SO2, 

NOx and CO are greater than 100 tons per year; therefore, CC is classified as a major source 

subject to PSD requirements.  Under the PSD program, once a source becomes a major source 

for any PSD regulated pollutants, all such pollutants emitted above the specified significant 

emission levels in 40 CFR§52.21(b)(23)401 KAR 51.001§1(221), as depicted in Table 3-1, are 

subject to PSD review.  Therefore, based on the emission estimates associated with the proposed 

facility, emissions of PM/PM10, SO2, H2SO4, NOX, CO, and VOC will trigger the review 

requirements associated with PSD.   

 

 

 

 

 

 

 
                                                 
2

“ ”
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TABLE 3-1:  PSD Significant Levels1

 
Pollutant Potential 

Emissions 
Increase from 
the Proposed 

Facility 
(t/yr) 

Significant Net 
Emissions Level 

(t/yr) 

   
PM/PM10 107.6 15 
SO2 648.6 40 
H2SO4 73.9 7 
NOx 874.9 40 
CO 543.1 100 
Ozone based on VOC 90.5 40 
Pb2 0.02 0.6 

1   As relevant to CC at full load, normal operations (8,760 hours per year, CTs 
on syngas, thermal oxidizer, pilot flare, and fire pump testing (500 hours per 
year))  

2    Pb emissions are for lead compounds although elemental lead is the PSD 
pollutant 

 

PSD review consists of the following items:  

 

 1.  A case-by-case Best Available Control Technology (BACT) demonstration, taking 

into account energy, environmental, and economic impacts, as well as technical 

feasibility, following U.S.EPA’s preferred “top-down” approach; 

 

 2.  An ambient air quality impact analysis to determine whether the allowable emissions 

from the proposed source would cause or contribute to a violation of the applicable 

Class I and II PSD increments and National Ambient Air Quality Standards found in 

401 KAR 51:017 and 401 KAR 53:010 and reproduced in Table 3-2;  
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Table 3-2:  PSD Increments and National Ambient Air Quality Standards 

Pollutant Averaging Time 
NAAQS 

 
(µg/m3) 

PSD Class I 
Increment 

(µg/m3) 

Proposed PSD 
Class I 

Increment 
(µg/m3) 

PSD Class II 
Increment 

(µg/m3) 

      
PM/PM10 24 hrs 150 8  30 

 Annual Geometric Mean 50 4  17 

SO2 24 hrs 365 5 0.02 91 

 3 hrs 1300 25 1 512 

 Annual Geometric Mean 80 2  20 

NOx Annual Arithmetic Mean 100 2.5  25 

CO 1 hr 40000 Not Applicable Not Applicable Not Applicable 

 8 hrs 10000 Not Applicable Not Applicable Not Applicable 

Ozone 1 hr 235 Not Applicable Not Applicable Not Applicable 

 8 hr 0.08 
 Not Applicable Not Applicable Not Applicable 

Pb Calendar Quarter 1.5 Not Applicable Not Applicable Not Applicable 

      

 

 3.  An ambient air quality monitoring program for up to 1 year in length, if predicted 

concentrations from the proposed change exceed significance levels contained in 401 

KAR 51:017§7(5)(a) [see Table 3-3] and existing representative data is not available; 
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Table 3-3:  Ambient Monitoring Significance Levels!

Pollutant 
Monitoring 

Significance Level 
(ug/m3) 

Averaging Time 

   
PM/PM10 10 24 hrs 

 Not Applicable Annual Geometric Mean 

SO2 13 24 hrs 

 Not Applicable 3 hrs 

 Not Applicable Annual Geometric Mean 

NO 14 Annual Arithmetic Mean 

CO 575 8 hrs 

Ozone 100 Not Applicable 

Pb 0.1 Calendar Quarter 

# As relevant to the proposed project 
$ Based on Tons per Year of VOC 

 

3. An assessment of the direct and indirect effects of the proposed source on general 

growth, soil, vegetation, and visibility; and 

4. Notice of a draft permit including provisions for public participation, which includes 

the review of public comments and the opportunity for a public hearing.  Based on the 

relevance of these comments, responses shall be provided in writing upon issuance of 

a final decision to approve or deny a permit. 

 

  

This application has been prepared to address all items related to PSD.  Section 4 of this 

application addresses the Case-by-Case BACT requirements for the Facility.  The BACT 

analysis follows the Top Down approach which, based on previous determinations in Kentucky, 

is the preferred method by both EPA and KYDAQ  

 

Sections 6, 7, 8, and 9 of this application address the ambient air quality analysis for the 

proposed project.   Section 6 contains the Class II PSD increments, including an ambient air 

quality analysis of the emissions from CC.  Sections 7 and 8 address the additional impact 
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analysis required for PSD and impacts associated with air toxic emissions from the proposed 

facility.  Review of CC’s impacts on Class I areas are discussed in Section 9.  These analyses 

utilize approved air dispersion modeling techniques contained in 40 CFR 51, Appendix W, 

"Guideline on Air Quality Models"3 to demonstrate that the emissions from CC will not cause or 

contribute to an exceedance of any PSD increments or NAAQS. 

 

The ambient air quality analyses also evaluated the need to perform air quality monitoring for the 

proposed project. Air dispersion modeling for CC indicates that predicted concentrations of all of 

the significant pollutants except SO2 are less than the monitoring significance levels listed in 

Table 3-3.  Therefore, an air quality monitoring program may be required for SO2 at CC.  

However, review of the latest KYDAQ ambient air quality reports (2003 and 2004) show 

monitoring stations in Henderson and Davies Counties.  Additionally, the Henderson County 

monitors are located within the significant impact area of CC.  Therefore this data meets all time, 

quality, and representative criteria and is sufficient to characterize baseline SO2 concentrations 

for the CC air quality analysis.  Details regarding the analysis and approval of this data are 

discussed in further detail in Section 7.   

 

Both quantitative and qualitative “additional” impact analyses were conducted to assess any 

direct or indirect effects from CC with regard to growth, soil, vegetation, or visibility on the 

surrounding area.  The results of these analyses, found in Section 8 indicate that no negative 

effects are expected from the construction and operation of the Facility.   

 

As required by regulation the public must be given opportunity to review this application and 

any decisions by the regulatory agency (KYDAQ) to approve or deny a permit for CC.  Included 

in the requirement is the procedure for noticing the issuance of a draft permit, length of public 

comment period and method of requesting to be heard in a formal public hearing.   The agency is 

required to address all relevant comments and concerns upon issuance of a final decision.  The 

Applicant requests that a public hearing be scheduled for the end of the comment period and that 

notice of the hearing time and location be given at the same time as notice of the start of the 

                                                 
3 2003 edition is adopted by reference in 401 KAR 51:017§10 
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comment period.  Additionally, the Applicant will assist in any way to provide answers or 

responses to comments received during the public participation period. 

3.2  NEW SOURCE PERFORMANCE STANDARDS (NSPS) 

The Clean Air Act of 1970 directed U.S. EPA to establish New Source Performance Standards 

for specific industrial categories.  There are two NSPS applicable to CC. 

3.2.1 40 CFR 60 Subpart GG—Standards of Performance for Stationary Gas 
Turbines (adopted by reference in 401 KAR 60:005§2(nn)) 

 
The requirements of 40 CFR Part 60 Subpart GG (“Subpart GG”) apply to all stationary gas 

turbines with a heat input at peak load equal to or greater than 10 MMBtu/hr, based on the lower 

heating value of the fuel fired.  Heat input to the CC’s gas turbines will be approximately 1,721 

MMBtu/hr/unit or 3,443 MMBtu/hr total; therefore, the gas turbines are subject to the new 

source performance standards in Subpart GG.  This includes an SO2 emission limit of 0.015 

percent SO2 by volume @ 15% O2 on a dry basis (150 ppmvd @15% O2).  CC has a proposed 

SO2 emission limit equal to approximately 26 ppmvd @15% O2 (0.043 lb/MMBtu) based on the 

BACT determination discussed in Section 4.  This limit is significantly more stringent than the 

SO2 requirement found in Subpart GG.  Hence, demonstrating compliance with the BACT limit 

for SO2 will serve as a demonstration of compliance with NSPS SO2 requirements.  CC will be in 

compliance with Subpart GG when in compliance with the BACT limit.  

 

There is also a NOX requirement in Subpart GG that is applicable to units with heat inputs 

greater than 100 MMBtu/hr, like the CTs at CC.  Again this requirement is in the form of an 

emission limit for NOX equal to 75 ppmvd @ 15% O2 based on the following formula: 

 

F
Y

E #$
%
&

'
(
)*+

4.140075.0   

E = allowable NOX percent emissions at 15% O2 on a dry basis 
Y = heat rate at max load (kJ/Whr) but less than 14.4kJ/Whr 
F = NOX emission allowance for fuel bound nitrogen 
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The Applicant has a proposed a NOX emission limit equal to approximately 15 ppmvd @ 15% 

O2 based on the BACT determination in Section 4.  This limit is significantly more stringent than 

the NOX requirement found in Subpart GG.  Hence, demonstrating compliance with the BACT 

limit for NOX will serve as demonstration of compliance with NSPS NOX requirements. 

 

3.2.2 40 CFR 60 Subpart Y—Standards of Performance for Coal Preparation Plants 
(adopted by reference in 401 KAR 60:005§ 2 (ff)) 

Subpart Y of 40 CFR 60, requires coal processing facilities to comply with certain particulate 

standards.  Activities regulated by this NSPS include crushing, screening, conveying, 

transferring and storage of coal.  Emission points are subject to opacity limitations of 20%.  

There will be crushing, screening, conveying, transfer, and storage of coal at CC that will be 

subject to this subpart.  NSPS requirements for all coal processing activities will be met by the 

proposed BACT for material handling and fugitive emissions as addressed in Section 4.   

 

3.3 MAXIMUM ACHIEVABLE CONTROL TECHNOLOGY STANDARDS  

Maximum Achievable Control Technology (“MACT”) standards were established under Section 

112 of the Clean Air Act for the control of hazardous air pollutants (“HAPs”).  These MACT 

standards are specified based on the category and subcategory list applicable to the major source. 

A major source of HAPs is a source with total predicted HAP emissions of 25 TPY or greater or 

any single HAP emissions equal to 10 TPY or greater. Combustion Turbines and coal fossil fuel 

fired Electric Utility Steam Generating Units have been identified by EPA as major source 

categories of HAP emissions.  Since CC will employ combustion turbines that use coal derived 

syngas as the major fuel source both of these categories must be reviewed for applicability. 

 

3.3.1 Combustion Turbine MACT – 40 CFR 63 subpart YYYY 
Final MACT standards associated with the stationary combustion turbine category were 

published in the March 5, 2004, Federal Register. The final rule identified 8 subcategories of 

CTs including diffusion flame gas-fired combustion turbines, like those proposed for CC.  Due to 

a petition filed by the Gas Turbine Association and based on additional technical information 

reviewed by EPA, the final rule was amended on April 7, 2004, by proposing to remove several 
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subcategories, including diffusion flame gas-fired combustion turbines.  EPA also proposed to 

stay the requirements of the final rule as applied to new sources in these subcategories, pending a 

final determination.  EPA’s final rule, regarding the approval of the stay, was published in the 

August 8, 2004, Federal Register which stated,   

 

EPA is staying the effectiveness of the emissions and operating 
limitations in the stationary combustion turbines NESHAP for new 
sources in the lean premix gas-fired turbines and diffusion flame 
gas-fired turbines subcategories. This action is necessary to avoid 
wasteful and unwarranted expenditures on installation of emission 
controls which will not be required if the subcategories are 
delisted.   

 

Based on the August 8th final rule 40 CFR Subpart YYYY does not currently apply to the CTs at 

the proposed CC. 

 

3.3.2 Electric Utility Steam Generating Units MACT  
EPA presented a finding in the December 20, 2000, Federal Register indicating that steam 

electric generating units should be added to the Section 112 category list.  This finding 

concentrated primarily on Hg emissions.  A proposed MACT standard for new and existing 

electric utility steam generating units was published for comment in the Federal Register on 

January 30, 2004.  Again this proposed standard focused on Hg as the HAP of concern.  This 

proposal included several options on how best to regulate emissions of Hg, including a cap-and-

trade program; an Hg MACT standard; and a specific performance standard including emission 

limits for categories of sources (e.g. fuel type).   

 

In the January 30, 2005, Federal Register, EPA proposed to revise its December 2000  regulatory 

finding and remove, coal and oil fired, electric utility steam generating units from the 112 (c) 

source category list.    This decision was based on Section 112(n)(1)(A) of the Clean Air Act 

which requires EPA to conduct a study of the hazards to public health that are reasonably 

anticipated to occur as the result of HAP emissions from utility units after imposition of the 

requirements of the Clean Air Act.4  In the 2000 finding EPA had omitted HAP, specifically Hg, 
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Cash Creek Generation, LLC. 3-10 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted 7/15/2005 
.  Printed 7/15/2005 



 

reductions associated with additional NOx and SO2 controls that would be necessary to comply 

with other CAA regulatory requirements.  After reviewing these additional HAP reductions EPA 

found it no longer “appropriate” or “necessary” to add the steam electric generating unit category 

to the 112 list.   EPA finalized the delisting in the March 29, 2005, Federal Register.5

 

Based on the EPA’s March 2005 revision, steam electric generating units, including those 

sources at the CC, are no longer categorical sources subject to MACT. 

3.3.3  MACT APPLICABILITY 
Predicted HAP emissions from CC are less than 25 tons per year total and less than 10 tons per 

year for any single HAP, hence CC is not defined as a major source of HAPs.  Additionally, 

based on current EPA rules CC is not subject to any proposed or final MACT standards.  

However, due to continued concern over HAP emissions from coal fired generating stations the 

Applicant has included a carbon bed absorption system to significantly reduce emissions of 

several HAPs with emphasis on the reduction of mercury.  Hg control is anticipated to be 95% 

when gasifying bituminous coal.   Predicted emissions of mercury and other HAPs are presented 

in Section 5 of this application. 

 

3.4  ACID RAIN PERMITS 

Title IV of the Clean Air Act requires reductions in emissions of SO2 and NOX in an effort to 

reduce formation of acid rain.   Affected sources must comply with Acid Rain requirements 

including: 

(1) Submission of an acid rain application; 

(2) compliance with SO2 and NOx emission reductions and/or allowance offsets; 

(3) preparation and maintenance of a compliance plan; and 

(4) installation and maintenance of an emission monitoring and recordkeeping system.  

 

EPA, in promulgating regulations in 40 CFR 72 and adopted by reference in 401 KAR 52:060, 

requires the submittal of application forms no later than two years prior to commencing 
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operations of a regulated unit.  Since CC is a new electric generating unit that will utilize fossil 

derived fuel, it is subject to Acid Rain requirements.  CC is filing the required forms to meet 

Phase II Acid Rain requirements with this PSD application (see Appendix B). 

 

CC’s proposed BACT emission limits for the PSD permit are significantly more stringent than 

NOX and SO2 emission requirements under the Phase II Acid Rain programs.   Therefore, the 

Facility will be in compliance with all Phase II Acid Rain requirements. 

 

3.5 COMPLIANCE ASSURANCE MONITORING (CAM) 

Federal regulation 40 CFR Part 64 establishes requirements for Compliance Assurance 

Monitoring (“CAM”) Plans.  These rules apply to pollutant specific major source emission units 

requiring a control device to achieve compliance with an applicable emission limitation or 

standard, and having pre-controlled emissions of the specific pollutants in excess of 100 percent, 

in tons per year, of the amount required to be classified as a major source and not subject to 

exemption.6  By way of example, a CAM plan is a pollutant specific monitoring requirement for 

major Title V sources with pre-controlled emissions in excess of 100 tpy for criteria pollutants 

such as SO2.  A control device is defined in 40 CFR 62§1 as: 

…equipment, other than inherent process equipment, that is used 
to destroy or remove air pollutant(s) prior to discharge to the 
atmosphere. The types of equipment that may commonly be used 
as control devices include, but are not limited to, fabric filters, 
mechanical collectors, electrostatic precipitators, inertial 
separators, afterburners, thermal or catalytic incinerators, 
adsorption devices (such as carbon beds), condensers, scrubbers 
(such as wet collection and gas absorption devices), selective 
catalytic or non-catalytic reduction systems, flue gas recirculation 
systems, spray dryers, spray towers, mist eliminators, acid plants, 
sulfur recovery plants, injection systems (such as water, steam, 
ammonia, sorbent or limestone injection), and combustion devices 
independent of the particular process being conducted at an 
emissions unit (e.g., the destruction of emissions achieved by 
venting process emission streams to flares, boilers or process 
heaters). For purposes of this part, a control device does not 
include passive control measures that act to prevent pollutants 
from forming, such as the use of seals, lids, or roofs to prevent the 

                                                 
6 40 CFR 64 § 2(a) 
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release of pollutants, use of low-polluting fuel or feedstocks, or the 
use of combustion or other process design features or 
characteristics. If an applicable requirement establishes that 
particular equipment which otherwise meets this definition of a 
control device does not constitute a control device as applied to a 
particular pollutant-specific emissions unit, then that definition 
shall be binding for purposes of this part. 

 
Since IGCC is an alternative process design that provides an inherently lower polluting fuel for 

use in producing combustion generated electricity it is not a control device as defined in this 

regulation.  Additionally, with the exception of NOx, since pollutants resulting from the 

combustion of syngas are reduced due to the lower polluting fuel a CAM plan is not required.  

CC’s NOx emission will be controlled by a dilution technique in the combustion turbines using 

nitrogen injection.  Since NOx emissions could exceed 100 tpy without the use of diluent 

nitrogen injection CAM appears to apply.  However, 40 CFR 64§2(b)(1)(iii) specifically exempts 

sources subject to Acid Rain Program requirements from CAM applicability.   This is due in part 

to the monitoring and recordkeeping requirements already established by regulation for sources 

subject to the Acid Rain Program.7  Since NOx is included in the Acid Rain Program and CC is 

subject to Acid Rain Program requirements, NOx emissions are exempt from CAM.  Based on 

this exemption and the previous definition of control device,  CC is not subject to 40 CFR 62 

Compliance Assurance Monitoring.  However, CC is subject to compliance demonstration as 

required by other state and federal requirements (e.g. PSD, Acid Rain, and NSPS).   

 

3.6 TITLE V OPERATING PERMIT 

Since the CC facility will emit greater than 100 tons per year of several pollutants it is subject to 

Title V permitting and operating requirements as listed in 401 KAR 52:020.  Additionally, since 

Kentucky has elected to participate in a combined permitting program, both the PSD 

construction requirements and Title V operating requirements must be included in the initial air 

quality permit. It is anticipated that the operating requirements necessary to comply with the 

                                                 
7 As allowed by regulation CC will use continuous emission monitors (“CEMs”) to demonstrate compliance with the 
Acid Rain requirements for NOx.   Additionally, these CEMs will also be used to demonstrate compliance with all 
other regulatory requirements including PSD. 
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PSD permit will be more stringent that those for a Title V operating permit; therefore, 

compliance with the PSD requirements will ensure compliance with the Title V requirements.   

 

3.7 NOX TRADING PROGRAM 

401 KAR 52:160 requires affected units to acquire NOx emission allowances equivalent to their 

NOx emissions during the ozone season.  If required CC will acquire allowances necessary to 

meet compliance requirements of all applicable state and federal NOx trading programs. 

3.8 OTHER REQUIREMENTS 

In addition to the federal PSD, NSPS, MACT, Title IV, and Title V requirements, the State of 

Kentucky air quality regulations contain several standards applicable to CC. Applicable State air 

quality regulations are summarized in the following subsections. 

 

3.8.1 401 KAR 63:015 – FLARES 
Kentucky regulations require that the emission into the open air of particulate matter from any 

flare be no greater than twenty (20) percent opacity for more than three (3) minutes in any one 

(1) day.  Since the sour syngas will be treated for particulates prior to being vented to the flare 

for destruction, the opacity from the flare will be below 20% and in compliance with all federal 

and state requirements.  

3.8.2 401 KAR 63:010 – FUGITIVE EMISSIONS 
Kentucky regulation 401 KAR 63:010 states “…No person shall cause, suffer, or allow any 

material to be handled, processed, transported, or stored; a building or its appurtenances to be 

constructed, altered, repaired, or demolished, or a road to be used without taking reasonable 

precaution to prevent particulate matter from becoming airborne.”  Additionally, “…No person 

shall cause or permit the discharge of visible fugitive dust emissions beyond the lot line of the 

property on which the emissions originate”.  CC will have several fugitive sources of particulate 

emissions (e.g. storage piles) however the BACT proposed for these sources will ensure 

compliance with both PSD and KYDAQ requirements. 
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3.8.3 401 KAR 63:020 – POTENTIALLY HAZARDOUS MATTER OR TOXIC 
SUBSTANCES 

 
As mentioned previously an additional impact analysis is required as part of the PSD analysis for 

new major sources of pollutant emissions.  This analysis includes both criteria and non-criteria 

pollutant emissions including many considered hazardous or toxic (e.g. mercury, HCl, HF, etc.).  

Additionally, the Commonwealth of Kentucky has established requirements at 401 KAR 63:020 

§ 3 preventing the release of potentially hazardous matter or toxic substances in such quantities 

or duration as to be harmful to the health and welfare of humans, animals and plants.   Potentially 

hazardous matter or toxic substances are defined at 401 KAR 63:020 § 2 as matter which may be 

harmful to the health and welfare of humans, animals, and plants, including, but not limited to, 

antimony, arsenic, bismuth, lead, silica, tin, and compounds of such mate rials.  Since CC has the 

potential emissions of matter that meets this definition the additional impact analysis required for 

PSD was expanded to address any additional pollutants that might be subject to the Kentucky 

rule.  The results of this analysis are presented in Section 8 and indicate there are no significant 

negative impacts on surrounding areas expected as a result of pollutant emissions from CC.  

 

3.8.4 401 KAR 50:042 – GOOD ENGINEERING PRACTICE STACK HEIGHT 
 
The stack height regulations promulgated by U.S. EPA on July 8, 1985 (50 FR27892),  

established a stack height limitation to assure that stack height increases and other plume 

dispersion techniques would not be used in lieu of constant emission controls.  These regulations 

apply to facilities that commenced construction after December 31, 1970, and to dispersion 

techniques implemented after that date.  These federal requirements have been included in the 

Kentucky regulations at 401 KAR 50:042 – Good Engineering Practice Stack Height.  The 

regulations specify that Good Engineering Practice (GEP) stack height is the maximum 

creditable stack height a source may use in establishing its applicable State Implementation Plan 

(SIP) emission limitation.  A GEP stack height means the greater of one of the following two 

options. 

 

1. 65 meters, measured from ground-level elevation at the base of the stack (de-minimis 

stack height); or 
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2. For stacks uninfluenced by terrain features, the determination of GEP stack height for a 

source is based on the following empirical equation: 

 

Hg = H + 1.5 Lb

where: 

 

   Hg = GEP stack height; 

 

   H = Height of the structure on which the source is located, or nearby  

       structure; and  

 

   Lb = Lesser dimension (height or width) of the structure on which  

        the source is located, or nearby structure. 

 

Both the height and width of the structure are determined from the frontal area of the structure 

projected onto a plane perpendicular to the direction of the wind.  The area where a nearby 

structure can have significant influence on the source is limited to 5 times the lesser dimension 

(height or width) of that structure or within 0.5 mile (0.8 km) of the proposed stack, whichever is 

less.  The methods for determining GEP stack height for various building configurations have 

been described in U.S. EPA’s technical support document (U.S. EPA, 1985).   

 

A dispersion model accounting for aerodynamic plume downwash was used in the air quality 

impact assessment to determine GEP for CC’s stacks.  The building structures were input 

directly into the AERMOD model and the Building Profile Input Program (“BPIP”) routine 

calculated the downwash parameters.  Table 3-4 lists the modeled stack heights and the results of 

the BPIP model showing the corresponding GEP stack heights.  The complete BPIP model 

inputs and outputs are contained in Appendix M. 
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TABLE 3-4:  Cash Creek Actual Stack Heights  vs GEP Stack Heights 
STACK ID 

 
 
 

STACK 
DESCRIPTION 

 
 

ACTUAL 
STACK 
HEIGHT 
(meters) 

 
GEP STACK 

HEIGHT 
(meters) 

AUXB AUXILLARY 
BOILER 12.19 152.40 

HRSG1 HRSG 1 STACK 60.96 152.40 
HRSG2 HRSG2 STACK 60.96 152.40 

TO THERMAL 
OXIDIZER 30.48 152.40 

THDC34 
TRANSFER HOUSE 
#2 DUST 
COLLECTOR 

6.10 65 

THDC33 

 
TRANSFER HOUSE 
#1 DUST 
COLLECTOR 
 

6.10 65 

THDC37 

TRANSFER HOUSE 
COLLECTOR FROM 
MINE 
 

6.10 65 

CRDC35 

 
COAL RECLAIM 
DUST COLLECTOR 
 

6.10 65 

FLARE FLARE 30.48 152.40 

CT1-CT8 COOLING TOWER 
CELLS 1-8 15.24 152.40 

FP FIRE PUMP 12.19 152.40 

K3 
BARGE UNLOAD 
HOPPER TO BELT 
 

6.10 65 
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3.9 INITIAL COMPLIANCE DEMONSTRATION 

Proposed sources are required to demonstrate compliance through performance testing no earlier 

than 60 days and no later than 180 days after achieving maximum production rates. In the case of 

the combustion turbines this may include: 

 

1. Reference Method 5 for Particulate Matter; 

2. Reference Method 9 for Opacity; 

3. Reference Method 6 for Sulfur Dioxide; 

4. Reference Method 7 for Nitrogen Oxides; 

5. Reference Method 10 for Carbon Monoxide 

6. Reference Method 25A and 18 (if needed) for Non-Methane VOC;  

7. And other approved Reference Methods (as required)  

 

Additionally, fuel and materials processing emission points with control devices may be required 

to be tested.  However, due to the number of emission points, their small contribution to the total 

emissions, and associated costs, they are not typically tested unless a problem is perceived.  For 

additional details with regard to specific testing and monitoring for each emission point and 

pollutant see the KYDAQ DEP7007 forms in Appendix A and the applicable federal or state 

regulations.  CCG will perform all performance tests necessary to demonstrate compliance as 

required by regulation and/or the final permit. 

 

Cash Creek Generation, LLC. 3-18 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted 7/15/2005 
.  Printed 7/15/2005 



4.0 BEST AVAILABLE CONTROL TECHNOLOGY DEMONSTRATION .......................................... 4-1 
4.1 BACT OVERVIEW ............................................................................................................................... 4-1 
4.2 BACT OVERVIEW ............................................................................................................................... 4-3 
4.3 STEP 1 - IDENTIFY ALL CONTROL TECHNOLOGIES .................................................................................. 4-7 

4.3.1 Generating Technology Analysis ....................................................................................................... 4-7 
4.3.1.1 Pulverized Coal.........................................................................................................................................4-7 
4.3.1.2 Circulating Fluidized Bed Combustion...................................................................................................4-11 
4.3.1.3 Integrated Gasification Combined Cycle ................................................................................................4-13 
4.3.1.4 Generating Technology Selection ...........................................................................................................4-17 

4.3.2 Fuel Selection .................................................................................................................................. 4-20 
4.3.2.1 Coal Washing..........................................................................................................................................4-21 

4.3.3 Demonstrated and Transferable Technologies ................................................................................ 4-23 
4.4 STEP 2 - TECHNICAL FEASIBILITY ANALYSIS ........................................................................................ 4-25 

4.4.1 Thermal Oxidation........................................................................................................................... 4-26 
4.4.2 Catalytic Incineration ...................................................................................................................... 4-26 
4.4.3 Low NOx Burners ............................................................................................................................ 4-26 
4.4.4 SCONOX.......................................................................................................................................... 4-27 

4.5 STEP 3 - RANKING OF THE REMAINING CONTROL TECHNOLOGIES BY EFFECTIVENESS ......................... 4-28 
4.6 STEP 4 - TOP-DOWN EVALUATION OF CONTROL OPTIONS .................................................................... 4-32 

4.6.1 Particulate Matter ........................................................................................................................... 4-32 
4.6.2 Particulate Matter (IGCC) .............................................................................................................. 4-33 

4.6.2.1 Pre-Combustion IGCC Syngas Scrubbing ..............................................................................................4-34 
4.6.2.2 Baghouse.................................................................................................................................................4-35 
4.6.2.3 Electrostatic Precipitator:........................................................................................................................4-35 
4.6.2.4 Wet Electrostatic Precipitator: ................................................................................................................4-36 

4.6.3 Particulate Emission BACT Selection (IGCC): ............................................................................... 4-36 
4.6.4 Particulate Matter (Material Handling) .......................................................................................... 4-38 

4.6.4.1 Baghouse.................................................................................................................................................4-38 
4.6.4.2 Enclosures with Vent Filters ...................................................................................................................4-38 
4.6.4.3 Fogging...................................................................................................................................................4-39 

4.6.5 Particulate Matter BACT Selection (Material Handling)................................................................ 4-39 
4.6.6 Particulate Matter (Cooling Towers) .............................................................................................. 4-39 
4.6.7 Particulate Matter BACT Selection (Cooling Towers) .................................................................... 4-40 
4.6.8 Particulate Matter (Fugitives) ......................................................................................................... 4-40 

4.6.8.1 Suppressants ...........................................................................................................................................4-41 
4.6.8.2 Compaction.............................................................................................................................................4-41 
4.6.8.3 Telescopic Chutes /Drop Heights............................................................................................................4-41 

4.6.9 Particulate Matter BACT Selection (Fugitives)............................................................................... 4-41 
4.6.10 Sulfur Dioxide and Sulfuric Acid Mist (IGCC) ........................................................................... 4-43 

4.6.10.1 Pre-Combustion SO2 and Acid Gas Controls..........................................................................................4-44 
4.6.10.1.1 Physical Absorption...........................................................................................................................4-44 
4.6.10.1.2 Chemical Absorption.........................................................................................................................4-46 

4.6.11 BACT Selection for SO2 .............................................................................................................. 4-46 
4.6.12 Average Cost Effectiveness ......................................................................................................... 4-47 
4.6.13 Incremental Cost Effectiveness ................................................................................................... 4-54 
4.6.14 Oxides of Nitrogen (IGCC) ......................................................................................................... 4-58 

4.6.14.1 Selective Catalytic Reduction .................................................................................................................4-59 
4.6.14.2 Diluent Injection of Nitrogen..................................................................................................................4-60 
4.6.14.3 Steam Injection .......................................................................................................................................4-60 
4.6.14.4 Selective Non-Catalytic Reduction .........................................................................................................4-60 

4.6.15 NOx BACT Selection ................................................................................................................... 4-61 
4.6.16 Carbon Monoxide (IGCC) .......................................................................................................... 4-67 
4.6.17 Carbon Monoxide BACT Selection ............................................................................................. 4-67 
4.6.18 Volatile Organic Compounds (IGCC)......................................................................................... 4-67 
4.6.19 Volatile Organic Compounds BACT Selection ........................................................................... 4-68 
4.6.20 Auxiliary Equipment Emissions .................................................................................................. 4-68 
4.6.21 Auxiliary Boiler........................................................................................................................... 4-68 

Cash Creek Generation, LLC  Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



4.6.22 Firewater Pumps......................................................................................................................... 4-69 
4.7 STEP 5 - SELECT BACT......................................................................................................................... 4-70 

Cash Creek Generation, LLC  Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



TABLE 4-1: CC SOURCE WIDE EMISSIONS SUBJECT TO BACT REVIEW..................................................................... 4-3 
TABLE 4-2: PULVERIZED COAL PERMITTED AND PROPOSED EMISSION LIMITS .......................................................... 4-9 
TABLE 4-3: CIRCULATING FLUIDIZED BED PERMITTED AND PROPOSED EMISSION LIMITS ...................................... 4-12 
TABLE 4-4: CC SYNGAS COMPOSITION. ................................................................................................................... 4-14 
TABLE 4-5: IGCC PERMITTED AND PROPOSED EMISSION LIMITS ............................................................................ 4-15 
TABLE 4-6: CC BACT EMISSION RATES. ................................................................................................................. 4-16 
TABLE 4-7:  IGCC PLANTS IN THE U.S..................................................................................................................... 4-16 
TABLE 4-8:  COMPARISON OF RECENTLY PERMITTED OR PROPOSED PC, CFB, AND IGCC TECHNOLOGY EMISSION 

LIMITS ............................................................................................................................................................ 4-18 
TABLE 4-9:  POSSIBLE CONTROL STRATEGIES & TECHNOLOGIES FOR THE CC ........................................................ 4-24 
TABLE 4-10:  SUMMARY OF TRADITIONAL COAL COMBUSTION BEST CONTROL TECHNOLOGIES............................ 4-28 
TABLE 4-11:  SUMMARY OF MOST STRINGENT LIMITS FOR RETIRED, EXISTING AND PROPOSED IGCC SOURCES ... 4-30 
TABLE 4-12:  RANKING OF CONTROL TECHNOLOGIES BY EFFECTIVENESS............................................................... 4-31 
TABLE 4-13:  PARTICULATE EMISSION CONTROL OPTIONS ...................................................................................... 4-33 
TABLE 4-14:  SO2 AND H2SO4 EMISSION CONTROL OPTIONS................................................................................... 4-44 
TABLE 4-15: SELEXOLTM COST ANALYSIS ....................................................................................................... 4-48 
TABLE 4-15: (CONTINUED): SELEXOLTM COST ANALYSIS ................................................................................ 4-49 
TABLE 4-16: RECTISOLTM COST ANALYSIS ...................................................................................................... 4-50 
TABLE 4-16: (CONTINUED): RECTISOLTM COST ANALYSIS ............................................................................... 4-51 
TABLE 4-17:  AVERAGE COST EFFECTIVENESS USING THE UNCONTROLLED BASELINE RATE ................................. 4-53 
TABLE 4-18:  AVERAGE COST EFFECTIVENESS USING THE WABASH BASELINE RATE............................................. 4-53 
TABLE 4-19:  AVERAGE COST EFFECTIVENESS USING THE MDEA BASELINE RATE................................................ 4-54 
TABLE 4-21:  NOX EMISSION CONTROL OPTIONS ..................................................................................................... 4-58 
TABLE 4-22: CAPITAL AND OPERATING COST ESTIMATES FOR THE INSTALLATION AND OPERATION OF SELECTIVE 

CATALYTIC REDUCTION CONTROL OF NOX EMISSIONS AT CC ....................................................................... 4-62 
TABLE 4-22 (CONTINUED): CAPITAL AND OPERATING COST ESTIMATES FOR THE INSTALLATION AND OPERATION OF 

SELECTIVE CATALYTIC REDUCTION CONTROL OF NOX EMISSIONS AT CC ..................................................... 4-63 
TABLE 4-23: SCR COST EFFECTIVENESS.................................................................................................................. 4-64 
TABLE 4-24:  BACT DETERMINATION FOR THE IGCC COMBUSTION TURBINES ...................................................... 4-70 
TABLE 4-25:  BACT DETERMINATION FOR MATERIAL HANDLING .......................................................................... 4-71 
TABLE 4-26:  BACT FOR COOLING TOWER.............................................................................................................. 4-71 
TABLE 4-27:  BACT FOR AUXILIARY BOILER .......................................................................................................... 4-72 
TABLE 4-28:  BACT FOR FIRE PUMPS ...................................................................................................................... 4-72 
 
 

Cash Creek Generation, LLC  Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



FIGURE 4-1:  CASH CREEK BLOCK DIAGRAM............................................................................................................. 4-5 
FIGURE 4-2:  EFFECT OF COAL QUALITY ON HEAT RATE AND CAPITAL COST ......................................................... 4-19 
FIGURE 4-3:  HISTORICAL COAL PRODUCTION IN KENTUCKY .................................................................................. 4-21 
FIGURE 4-4:  DOMINANT SO2 CONTROL ALTERNATIVES.......................................................................................... 4-55 

Cash Creek Generation, LLC  Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



 

4.0 BEST AVAILABLE CONTROL TECHNOLOGY DEMONSTRATION 

 

4.1 BACT OVERVIEW 

Cash Creek Generation, L.L.C. (“CCG”) is proposing to build the Cash Creek Generating Station 

(“CC”) in Henderson County, Kentucky. The proposed project involves a 677 MW syngas-fired 

IGCC facility that will utilize bituminous coal. The coal will be gasified to produce a syngas that 

can be fired in combustion turbines, operating in combined cycle mode, to generate electricity. 

 

Since the CC is subject to Prevention of Significant Determination (“PSD”) permitting 

requirements it must apply Best Available Control Technology (“BACT”) for each pollutant that 

it will emit in significant amounts.  CC will emit Particulate Matter (“PM10”), sulfur dioxide 

(“SO2”), nitrogen oxides (“NOx”), carbon monoxide (“CO”), Volatile Organic Compounds 

(“VOCs”), and sulfuric acid mist (H2SO4) in significant amounts (see Table 4-1), as that term is 

defined in  401 KAR 51:001§1(221)(a).  

BACT is defined in 401 KAR 51:001§1(25) as: 

Best available control technology" or "BACT" means an emissions 
limitation, including a visible emission standard, based on the 
maximum degree of reduction for each regulated NSR pollutant 
that will be emitted from a proposed major stationary source or 
major modification that:  (a) Is determined by the cabinet on a 
case-by-case basis after taking into account energy, environmental, 
and economic impacts and other costs, to be achievable by the 
source or modification through application of production processes 
or available methods, systems, and techniques, including fuel 
cleaning or treatment or innovative fuel combustion techniques for 
control of that pollutant; (b) Does not result in emissions of a 
pollutant that would exceed the emissions allowed by an applicable 
standard of 40 C.F.R. Parts 60 and 61; and (c) Is satisfied by a 
design, equipment, work practice, or operational standard or 
combination of standards approved by the cabinet, if:  1. The 
cabinet determines technological or economic limitations on the 
application of measurement methodology to a particular emissions 
unit would make the imposition of an emissions standard 
infeasible; 2. The standard establishes the emissions reduction 
achievable by implementation of the design, equipment, work 
practice or operation; and 3. The standard provides for compliance 
by means that achieve equivalent results. 
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There are four aspects of this definition that are noteworthy.   

! First, BACT is expressed as an emission limitation based on the maximum degree of 

reduction of pollutants.  Only if the permitting agency decides that it is not feasible to 

monitor compliance is a design, equipment, work practice or operational standard 

appropriate as BACT.   

! Second, the use of the term maximum degree of reduction has been interpreted to support 

the use of a top-down analysis (i.e. consider the most stringent technology first).   

! Third, BACT must be “available” and “applicable.”1 An “available” technology is one 

that is commercially available; meaning it has advanced through the initial research and 

development phase of bench scale testing, lab testing, pilot scale testing, licensing, has 

fully achieved commercial size demonstration and has established commercial sales 

without direct government subsidies.  “Applicability” involves not only commercial 

availability (as evidenced by past deployment on the same or similar type of emission 

stream) but also involves consideration of the physical and chemical characteristics of the 

exhaust stream to be controlled.  A control method applicable to one emission source 

may not be applicable to a similar source depending on the differences in the physical 

and chemical gas stream characteristics.  An applicant should be able to purchase or 

construct a process or control device that has already been demonstrated in practice. 

! Fourth, the permitting agency is to consider BACT on a case-by-case basis taking into 

account technological feasibility, energy, environmental and economic impacts to 

determine whether the given technology is applicable for the project.  In other words, one 

size does not fit all. 

                                                 
1  EPA New Source Review Workshop Manual:  Prevention of Significant Determination and 

Nonattainment Area Permitting, at B.5 (October 1990) (Draft) (hereinafter “Draft NSR Manual”).  
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Table 4-1: CC Source Wide Emissions Subject to BACT Review. 

Pollutant Potential 
Emissions*

(tons/year) 

PSD 
Significant 
Emission 

Rate 
(tons/year) 

PSD 
Pollutant 

Total Particulate 

Particulate Matter <10,m (“PM10”)**

Sulfur Dioxide (“SO2”) 

Nitrogen Oxides (“NOx”) 

Carbon Monoxide (“CO”) 

Volatile Organic Compounds (“VOC”) 

Sulfuric Acid Mist (“H2SO4”) 
 

Included with PM10

107.6 

648.6 

874.9 

543.1 

90.5 

73.9 

25 

15 

40 

40 

100 

40 

7 

Yes 

Yes 

Yes 

Yes 

Yes 

Yes 

Yes 

*   Based on BACT limits chosen and rounded up to next whole number. 
** Filterable emissions only. [should we include condensable on the same basis that Dwain is using in the Class I analysis?]   
 
 
4.2 

                                                

BACT OVERVIEW 

The BACT analysis is performed based on the Project as submitted (i.e., the gasifiers, 

combustion turbines and the remaining ancillary emissions units needed to operate the generating 

station).  Sources subject to PSD rules are required to undergo a BACT analysis for each 

pollutant for which there is a significant emissions increase.  For new sources, the net emissions 

increase is equal to the proposed potential emission rate for the new source.  The proposed 

source-wide emission rates are presented in Table 4-1.  As shown in the table, the emissions of 

PM/PM10, SO2, NOx, CO, VOC, and H2SO4 exceed the significance level rate and therefore are 

subject to BACT review.  Pursuant to Section 112(b)(6) of the Clean Air Act (“CAA”), 

hazardous air pollutants (“HAPs”) are not “regulated pollutants” for purposes of PSD and, 

therefore, are not the subject of this BACT analysis2.   
  
Sources that must be addressed in the BACT analysis include any new or physically modified 

equipment that produces a significant increase in the emission of any applicable pollutant.  The 

 
2 42 U.S.C. § 7412(b)(6) 
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emission units at CC considered in this analysis are listed below and those that relate to the 

gasification process are depicted in the block diagram, shown as Figure 4-1:   

! The three gasification units, 

! the Acid Gas Removal System (“AGR”), Tail Gas Treatment Unit (“TGTU”), and 

associated Thermal Oxidizer (“TO”), 

! the two Combustion Turbines (“CT”) with associated Heat Recovery Steam Generators 

(“HRSG”),  

! the gasifier flare, 

! the associated material storage and handling processes (coal, and combustion by-

products), 

! the cooling tower,   

! the auxiliary boiler, and 

! the emergency fire water pump.  
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EPA and KYDAQ have stated their preference for a “top-down” BACT analysis3 and have 

established the five basic steps of the review procedure.4

Step 1 -  Identify all control technologies; 

Step 2 -  Eliminate technically infeasible options; 

Step 3 -  Rank remaining control technologies by control effectiveness (highest control to       

least); 

Step 4 -  Evaluate economic, environmental and energy impacts of the most effective controls 

and document results; and 

Step 5 -  Select BACT. 

The following sections constitute the top-down BACT analysis for the CC 

                                                 
3 EPA Office of Air and Radiation, Memorandum from J.C. Potter to the Regional Administrators 

(December 1, 1987); Draft NSR Manual at B.6. 

4 Draft NSR Manual at B.5.  
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4.3 

                                                

STEP 1 - IDENTIFY ALL CONTROL TECHNOLOGIES 

The first step in the BACT analysis is to identify all available control options for each source and 

pollutant subject to BACT.  According to EPA, a control option is available if it has a practical 

potential for application.  This includes fuel cleaning or treatment or innovative fuel combustion 

techniques.5  Potential control alternatives also include inherently lower-emitting 

processes/practices, add-on controls or a combination of the two.  Lower-emitting processes are 

“considered based on demonstrations made on the basis of manufacturing identical or similar 

products [electricity in this case] from identical or similar raw materials or fuel [coal].”6  

Demonstrated and transferable control technologies are “considered based on the physical and 

chemical characteristics of the pollutant-bearing emission stream.”7

 

4.3.1 Generating Technology Analysis 

CCG considered three (3) electricity generating technologies in this BACT evaluation, 

Pulverized Coal (“PC”), Circulating Fluidized Bed (“CFB”) combustion, and Integrated 

Gasification Combined Cycle (“IGCC”).  

 

4.3.1.1   Pulverized Coal  

In a pulverized coal-fired boiler, coal is pulverized to a fine powder, mixed with air, blown into 

the boiler and combusted.  PC boilers can be designed with various firing configurations 

including tangential-fired furnaces and opposed wall-fired systems. Heat generated in the furnace 

is transferred directly to water pumped through tubes inside the boiler to produce high-pressure 

steam. High-pressure steam is then expanded in a steam turbine to generate electricity.   

 

In addition to the boiler and turbine, a PC generating unit will have post-combustion process 

systems to control the emissions of air pollutants.  Recently permitted PC units have been 

 
5 Fuel cleaning, treatment and innovative fuel combustion techniques are mentioned in the definition of 

BACT.  See 40 CFR § 52.21(b)(12).  

6 Draft NSR Manual, at B.10 

7 Ibid 
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designed with control equipment to reduce NOx emissions (selective catalytic reduction), SO2 

emissions (flue gas desulfurization), and PM10 emissions (fabric filters or electrostatic 

precipitators). Combustion controls are generally used to minimize the formation of CO and 

Volatile Organic Compounds (“VOC”).  

 

A summary of emission limits included in several recently issued PSD permits for new 

pulverized coal-fired units is provided in Table 4-2.  

 

PC units have proven to be reliable electric generation facilities. Plant availability is a measure of 

the amount of time a plant is available to produce power on an annualized basis. Historical 

reliability data for PC plants indicate annual availabilities of 84% to 86%.  However, discussions 

with engineering consultants suggest that the next generation of PC plants may exhibit annual 

availabilities approaching 90%.  
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Table 4-2: Pulverized Coal Permitted and Proposed Emission Limits 

 

Facility MW Permit  
or 

Application 

Type of Scrubbing State Primary 
Secondary Fuel 

PM/PM10 

lb/MMBtu

SO2 

lb/MMBtu

NOx 

lb/MMBtu

CO 
lb/MMBtu

VOC 
lb/MMBtu

H2SO4

lb/MMBtu

Tucson - Springerville 2 units @ 400 Permit FF/SDA/LNB/SCR AZ PRB 0.055 0.60 0.17 0.135 0.06 lb/ton <211 T/Yr 
Two Elk 250 Permit BH/Spray Dryer/LNBwOFA/SCR        WY PRB 0.018 0.132 0.09 0.135 0.0135   -
Plum Point Power Station 1 unit @ 800 or 500 Permit LNB/OFA/SCR/FF/DS         AR PRB 0.018 0.16 0.09 0.16 0.02 0.0061
Sand Sage (Sunflower) 660 Permit  - KS Sub Bit 0.5%S 0.018 0.12 0.12 0.15 0.0035  - 
Black Hills 80 Permit          LNB/OFA/CDS/ESP WY PRB 0.02 0.20 0.23 0.15 0.015 -
Elm Road Generating (WI Elec.) 2 units @ 615 Permit           LNB/OFA/SCR/FF/WFGD/WESP WI Pitt. #8 0.018 0.15 0.07 0.12 0.0035 0.01
KCP&L (Hawthorn) 570 Permit          SCR/Dry FGD/CC/FF MO PRB 0.018 0.12 0.08 0.16 0.0036 1
Great Plains Weston Bend 820 / 8,100 MMBTU/hr Application           LNB/SCR/BH/SDA MO PRB 0.018 0.12 0.08 0.16 0.0036 -
Corn Belt Energy 91 Permit SCR/ESP/FGD IL Coal Ref. & Coal 0.02 0.15 0.12 0.2 0.002  - 
Collins Power Plant (Midwest) 5650-6000 MMBTU/Hr WITHDRAWN  - IL Bit/Sub Bit. 0.018 0.35 0.10 0.154 -   - 
Santee Cooper/Cross Units 3&4 2 @ 600 Draft Permit LNB/SCR/ESP/WFGD SC Bit. / Pet Coke 0.018 0.25 0.08 0.17 0.0024 0.0032 
Roundup (Bull Mountain) 2 @ 390 Permit LNB/SCR/DFGD/BH         MT PRB 0.015 0.12 0.07 0.15 0.003 0.0064
Baldwin Expansion (Dynegy) 2 @ 750 Application LNB/SCR/ESP/WFGD/WESP IL         Illinois #6 0.018 0.25 0.08 0.154 0.005 0.0138
Rocky Mountain Power 113 Permit  - MT Sub Bit 0.64%S 0.015 0.15 0.09 0.15 0.0034 -  
Black Hills (WYGEN II) 500 Permit  - WY PRB 0.012 0.10 0.07 0.15 0.01 -  
Franklin Proj. - IL Energy 2 units @ 680 Application LNB/SCR/ESP/WFGD IL S IL Bit 0.01 0.08 0.08 0.02 0.002 0.0027 
Council Bluffs (Mid America) 750 Permit LNB/OFA/SCR/DFGD/FF/ACI         IA PRB 0.025 0.10 0.07 0.154 0.0036 0.00421
Thoroughbred 2 units @ 750 Permit           LNB/SCR/ESP/WFGD/WESP KY W KY Bit 0.018 0.167 0.08 0.10 0.0072 0.00497
Prairie State 2 units @ 750 Draft Permit LNB/SCR/ESP/WFGD/WESP IL S IL Bit 0.015 0.182 0.08 0.12 0.004 0.005 
Trimble County (LG&E) 1 unit @ 750 Application   LNB/SCR/ESP/WFGD KY  Bit/pet coke 0.018 0.137 .07/.08 0.10 0.0036 0.007 
Longview Power (GenPower) 1 unit @ 600 Permit LNB/SCR/WFGD/BH/DSI WV WV Bit 2.5% S       0.018 0.12 0.08 0.11 0.004 0.0075
Weston 4 (WI Public Service 
Co.) 1 unit @ 500 Application 

(CPCN) 
LNB/SCR/DFGD/FF         WI PRB 0.02 0.12 0.08 0.15 0.0036 0.005

Whelan Energy Center - 
Hastings 1 unit @ 220 Final Permit SCR/DFGD/BH          NE PRB 0.018 0.12 0.08 0.15 - 0.0036

Southwest Unit #2 - City Utilities 1 unit @ 275 Application          LNB/SCR/DFGD/FF MO PRB 0.018 0.12 0.08 0.16 0.0036 9.82E-06
J.K. Spruce II - San Antonio 1 unit @ 750 Application          LNB/SCR/WFGD/FF TX PRB 0.022 0.06 0.05 0.15 0.0025 0.0037
Sandy Creek Energy - LS Power 1 unit @ 500-800 Application LNB/OFA/SCR/DFGD/FF         TX PRB 0.033 0.12 0.09 0.15 0.0036 0.007
Desert Rock Energy (Steag 
Power) 2 units @ 750 (693 net) Application LNB/SCR/DSI/FF & ACI(?)/WFGD NM Sub Bit 0.82%S       0.012 0.06 0.07 0.10 0.0043 0.0049

OPPD - Nebraska City Unit 2 1 unit @ 600 MW (net) Application LNB/SCR/DFGD/FF NE prb (8350 Btu/lb) 0.027 0.10 .12 / .08 0.16 0.0034  0.0042
Dominion Resources - 
Ashtabula County 1 unit @ 600 MW (net) Application -       OH - 0.04 0.2 0.08 0.12 0.004 -

Intermountain Power - Unit #3 1 Unit @ 950 MW Application LNB/SCR/WFGD/BH UT bit/ or sub bit./bit blend 0.015 0.10 0.07 0.15 0.0027  0.0044
Xcel Energy, Comanche Station 1 Unit @ 750 MW -  LNB/SCR  CO Super Critical P.Coal -  0.15 0.08 0.11 -  0.0075 
Longleaf Energy Associates, 
LLC (LS Power Development, 

2 Units @ 600 MW 
each  Application SNCR/FF/GCP/GCP/Polishing 

Scrubber GA Coal 0.011  - 0.09 -  - -  
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Facility MW Permit  
or 

Application 

Type of Scrubbing State Primary 
Secondary Fuel 

PM/PM10 

lb/MMBtu

SO2 

lb/MMBtu

NOx 

lb/MMBtu

CO 
lb/MMBtu

VOC 
lb/MMBtu

H2SO4

lb/MMBtu

LLC) 
Great Plains Power, Atchison 
Generating Station 820 MWe -  ESP/GCP/SCR/wet FGD KS Sub.  Bit 0.018  -  -  - 0.0024 -  

LS Power 1000 MW - SCR/CC/FF/DLS NV         - 0.018 0.12 0.08 0.16 0.0036 -
Sempra Energy - Granite Fox 
Power 1450 MW -    NV - 0.018 0.12 0.08 0.16 0.0036 -  

Newmont Mining, TS Power 
Plant 200 MW Application SCR/CC/FF/DLS/SDA  NV P.Coal 0.018       0.095 0.08 - 0.0036 1.84E-04

Mustang (Peabody) Energy, 
Mustang Generating Station 300 MW  Application SCR-LNB/CC/FF/DLS/SDA  NM P.Coal 0.027 0.1 0.08 0.16 0.0034 0.0042 
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4.3.1.2 Circulating Fluidized Bed Combustion 

CFB combustion was initially developed to enhance pollution control and allow the use of low-

quality fuels (e.g., high sulfur coals, coal waste, petroleum coke, and biomass).  

In a CFB, the solid fuel is burned in a bed of hot combustible particles suspended by an upward 

flow of combustion air. A CFB controls the formation of gaseous pollutants by injecting a 

sorbent (typically crushed limestone) into the combustion chamber. The fuel and limestone form 

a combustion bed that is maintained in a turbulent suspended state by primary air injected from 

the windbox. Bed temperature is usually maintained in a range of 1550 - 1750 °F to control NOx 

formation.  Steam is generated in tubes along the walls of the combustor and superheated in 

downstream tube bundles. The superheated steam is then expanded in a steam turbine to generate 

electricity.  

 

In addition to the boiler and turbine, a CFB generating unit will have post-combustion air quality 

control systems which may include selective catalytic reduction or selective non- catalytic 

reduction, a wet or dry scrubber and a fabric filter.  CFB technology offers the potential for the 

lowest NO, emissions from commercially available boiler designs due to inherently lower 

combustion temperatures.  However, recently permitted CFB boilers have been required to install 

Selective Non-Catalytic Reduction (“SNCR”) for supplemental NOx control.  In addition, 

recently permitted CFBs have used either dry or wet flue-gas desulfurization systems to reduce 

SO2 emissions below a level that can be achieved during the fluidized bed combustion process. 

Particulate emissions from a CFB boiler are generally controlled with a Fabric Filter (“FF”) 

located downstream of the SO2 scrubber.  

 

A summary of emission limits included in several recently issued PSD permits for new CFB 

units is provided in Table 4-3.  
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Table 4-3: Circulating Fluidized Bed Permitted and Proposed Emission Limits 

 

Facility MW Permit  
or 

Application 

Type of Scrubbing State Primary 
Secondary Fuel 

PM/PM10 

lb/MMBtu

SO2 

lb/MMBtu

NOx 

lb/MMBtu

CO 
lb/MMBtu

VOC 
lb/MMBtu

H2SO4

lb/MMBtu

EnviroPower IL - Benton 2 @ 250 ea (Net) Permit Lime Injection-CFB/SNCR/DSI/BH          IL Waste Coal 0.015 0.25 0.125 0.27 0.007 -
EnviroPower - KMP 2 units @ 250 ea Permit Lime Injection-CFB/SNCR/DSI/BH         KY Waste Coal 0.015 0.13 0.07 0.27 0.0072 0.010
Calla  110 WITHDRAWN Lime injection into CFB / SCR/FF         KY Waste Coal 0.009 0.15 0.07 0.15 0.0065 0.002
Seward 520  Permit Lime Injection-CFB/SNCR/DSI/BH PA Waste Coal/N App 0.01 0.60 0.15 0.15 0.005  - 
NorthHampton 110           Permit Lime Injection-CFB/SNCR/BH PA Anthracite/waste 0.009 0.129 0.10 0.15 0.005 -
Red Hills 2 @ 220 MW (Net) Permit Lime injection-CFB / BH         MS Lignite 0.015 0.25 0.20 0.20 0.0058 0.005

JEA Northside 2 @ 297.5 (Gross) - 
(265 net) Permit Lime injection-CFB/SNCR/FF or 

ESP FL East Bit / pet coke 0.011      0.15 0.09 0.13 0.005 0.000398

Upshur Energy Center 
(Dominion) 525           WITHDRAWN FF/SNCR/LI/Ash Re-injection WVA Coal Waste 0.015 0.401 0.10 0.15 0.015 0.015

Spurlock (E. KY Power 
Coop)  270           Permit Lime injection-CFB/DFGD/ 

SNCR/BH KY Pitt. #8 0.015 0.20 0.07 0.15 0.0036 0.005

Indeck-Elwood LLC  2 units @ 330 
(Gross) Draft Permit Lime injection-CFB / SNCR/BH IL Bit  / Waste   /       Pet 

Coke 0.015       0.15 0.10 0.11 - 0.000412

Southern Illinois Coop 120 (Gross) Permit Lime injection-CFB / SNCR/BH IL Coal Refuse & Coal 0.011 0.60 0.14 0.15   49.1 tpy 

AES Puerto Rico 2 @ 227 ea (Net) Permit Lime injection-
CFB/SNCR/DFGD/DESP PR        S. American Coal 0.015 0.022 0.10 0.10 0.0047 0.0024

Gascoyne Generating 
Station (Montana Dakota 
Utilities) 

1 unit @ 175 (net) Application Lime injection-
CFB/SNCR/DFGD/BH ND        lignite 0.015 0.038 0.09 0.15 0.005 0.0029

JEA Northside Generating 
Station 2 units @ 297.5 Permit Polishing Scrubber/CFB/SNCR/FF  Fl Coal and Petroleum Coke 0.011 0.20/ 

0.15 30d  0.09  - -   - 

EnviroPower 2 Units @ 250 MWe   Permit  CFB w/sorbent injection/BH         IL Waste Coal 0.015 0.13 0.07 0.15 0.007 0.005
AES Cumberland 180 MWe  Pre-Application  TBD MD         0.018 0.15 0.07 0.12 0.0035 0.01
Tractebel Power Inc 462 MWe  Pre-Application  TBD MI         Lignite 0.03 - 0.155 0.15 0.013 -
Greene Energy (Wellington 
Development) 525  Application FF/SCR/wet FGD PA Waste Coal 0.012 0.09 0.07 0.15 0.0027  - 

River Hill Power Facility 290  Application FF/SNCR/dry lime scrubber/CC PA Waste Coal   0.022        - 
NEVCO Energy 270 Permit LNB/SCR/limestone wet FGD/FF         UT  0.02 0.06 0.06 0.14 0.0072 -
EnviroPower IL - Benton 2 @ 250 ea (Net) Permit Lime Injection-CFB/SNCR/DSI/BH          IL Waste Coal 0.015 0.25 0.125 0.27 0.007 -
EnviroPower - KMP 2 units @ 250 ea Permit Lime Injection-CFB/SNCR/DSI/BH         KY Waste Coal 0.015 0.13 0.07 0.27 0.0072 0.010
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CFBs have been used to combust a variety of low-rank coal fuels, various forms of biomass, and 

bituminous coals for well more than a decade. Operating experience indicates that CFB boilers 

have been less reliable than PC boilers.  However, many of the maintenance problems and forced 

outages have been related to material handling issues with low-rank fuels.   A CFB unit could 

conceivably achieve an annual availability that is comparable to a PC design. 

 

4.3.1.3 Integrated Gasification Combined Cycle 

IGCC power systems use a gasifier to convert coal into a synthesis gas (syngas) consisting of a 

mixture of Carbon Monoxide (“CO”), Hydrogen (“H2”), Carbon Dioxide (“CO2”) and other trace 

gases. The syngas production and cleaning process removes most particulates, sulfur, mercury 

and other contaminants from the syngas prior to combustion in a gas turbine.   Heat from the 

turbine exhaust gas is extracted in a Heat Recovery Steam Generator (“HSRG”) to produce 

steam that is expanded in a steam turbine/generator to produce additional electricity.  

 

Figure 4-1 depicts the General Electric (“GE”) gasification process that will be used at the CC. 

The GE process is premised on oxygen-blown gasification with a coal slurry feed.  Slag is 

removed from the bottom of the gasifier and the syngas is cooled prior to entering the particulate, 

mercury and acid gas removal processes.  Clean syngas is then combusted in a combined cycle 

power block. 
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The expected syngas composition at the CC is shown in Table 4-4.  

Table 4-4: CC Syngas Composition. 

Constituent  Volume %* 

Carbon Monoxide 45 

Hydrogen  38 

Carbon Dioxide  14 

Water  0.2 

Methane  0.1 

Argon  0.8 

Nitrogen  1.3 

Trace Gases 0.6 

Total  100 

Heating Value  251 Btu/scf 

* Approximate Volumes used for initial design 
 

Unlike PCs and CFBs where emissions reductions are accomplished with post-combustion 

emission control technologies (e.g., SCR, SNCR, FGD, and FF), most IGCC emissions are 

controlled by the syngas production process prior to combustion in a combustion turbine. With 

IGCC, particulate matter, mercury, SO2, and H2SO4 emissions are controlled by cleaning the 

syngas.  CO and VOC emissions are minimized by proper process design and use of combustion 

controls. In an IGCC, the particulate removal process will reduce emissions by more than 99.9% 

and acid gas/sulfur recovery systems will reduce potential SO2, emissions by more than 99%.  

 

A summary of emission limits included in several recently issued PSD permits and applications 

for new IGCC units is provided in Table 4-5.  The proposed emission rates for the CC’s IGCC 

are listed in Table 4-6 and discussed further in the remaining subsections of this Section.  
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Table 4-5: IGCC Permitted and Proposed Emission Limits 

Facility MW Permit  
or 

Application 

Type of 
Scrubbing 

Agency Primary/Secondary 
Fuel 

PM/PM10 

lb/MMBtu

SO2 

lb/MMBtu

NOx 

lb/MMBtu

CO 
lb/MMBtu

VOC 
lb/MMBtu

H2SO4

lb/MMBtu

Notes 

Sierra Pacific- 
Pinon Pine 

107    

      

Permit KRW air-
blown 
pressurized 
fluidized-
bed 

NV Western Bituminous

0.03 0.02 0.22 - - -

No Longer 
in Use 

Tampa 
Electric – 
Polk Power 

260     

   

Permit Texaco
Oxygen-
blown, 
entrained 
flow 

FL Coal/Petcoke

0.13 / 
0.037* 

0.17 / 
0.224* 

0.08 / 
0.15* 0.041 0.0012 -

Operating 

PSI Energy – 
Wabash River 

262     Permit Chloride
Scrubbing 
System 

IN Petcoke/Coal 0.005 / 
0.012* 

0.10 / 
0.266* 

0.15 / 
0.17* 

- 
0.056* 

- 
0.0021* - 

Built-Low 
Capacity 
Factor 

Kentucky 
Pioneer 
Energy, LLC 

2 units 
@ 197 

Permit  BG/L
slagging 
fixed-bed 

KY E. Bit blended w/ 
municipal waste 0.011 0.032 0.0735 0.032 0.0044 

 - 
Not Built 
Cancelled 
 

Global 
Energy-Lima 

580   
      

Draft Permit  OH Waste/Coal
0.010 0.021 0.097 0.137 0.0082 -

Initial  
Stage of  
Project 

Wisconsin 
Electric-Elm 
road 

600    
    

Application WI Western Bituminous
0.011 0.03 0.06 

15ppm 0.03 0.0017 0.00005 
 

Taylorville 
Energy 
Center 

677    

      

Application GE Oxygen
Blown 
entrained 
flow MDEA 

IL Syngas-IL#6/Natural
Gas 0.007 0.045 0.058 0.036 0.006 0.0051

3-hour 
averages 

Southern IL 
Clean Energy 
Center 

544 
(nom.) 

Application   
      

Conoco
Phillips 

 IL Syngas-IL #6
0.00924 0.033 0.059 0.040 0.0031 0.0042

30-day 
averages 
 

*  Test results from highest measured emissions
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Table 4-6: CC BACT Emission Rates. 

Pollutant 
Emission Rate  

(lbs/MMBtu) 
Control Technology 

NOx 0.058 Nitrogen injection 

SO2 0.043 AGR syngas cleanup 

PM10 0.007 syngas cleanup 

CO 0.036 combustion controls 

VOC 0.006 combustion controls 

H2SO4 0.0049 AGR syngas cleanup 

 

Gasification has been widely used for two decades in the refining and chemical industries.  

However, there is limited experience with commercial operation of IGCC plants designed to 

generate electricity. There have been five large-scale IGCC power projects constructed in the 

United States that have coal and/or petroleum coke as the primary fuel. These projects are set out 

below in Table 4-7.  

Table 4-7:  IGCC Plants in the U.S 

Plant State Size Fuel Status 

Cool Water  California 125 MW Bituminous Coal  retired  

Destec LGTI  Louisiana 160 MW Sub-bituminous Coal  retired  

Polk Station  Florida  250 MW Bituminous 
Coal/Petroleum Coke  operating 

Wabash River  Indiana 262 MW Bituminous 
Coal/Petroleum Coke operating 

Pinion Pine Nevada 100 MW Bituminous Coal abandoned
 

The IGCC facilities, shown in Table 4-7, have not had an enviable reliability history.  The two 

operating facilities, Polk and Wabash, have been unable to average 70% reliability over their 

operating lives and have experienced annual availabilities as low as 17%.  However, the Eastman 

Chemical gasification facility (producing methanol rather than electricity) in Kingsport, TN has 
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averaged in excess of 98% availability over a 20-year operating period.  The primary difference 

between the Eastman facility and the IGCCs listed above is that Eastman has a spare gasifier.  

Therefore, CC has been designed with a spare 50% gasifier.  GE estimates annual availability for   

CC at 91% to 92%.  Eastman’s experience indicates that availabilities in excess of 90% are 

achievable with a spare gasifier8.   

   

4.3.1.4 Generating Technology Selection 

All three generating technologies; PC, CFB, and IGCC are technically feasible for use at the CC. 

Both PC and CFB generating units have been in operation for an extended period of time and 

have demonstrated reliable operation.  In general CFBs are most cost effective when combusting 

low-rank fuels and have been limited in size to approximately 300 MW.  Nonetheless, the 

installation of two CFBs would be technically feasible to meet the design criteria for the CC.  

Although, experience with IGCC is limited, the basic components of an IGCC; air separation 

unit, gasification unit, and combined cycle unit have proven to be very reliable in the power 

generation and chemical processing industries.  

 

Based on the permitted emission rates for each technology and CCG’s calculations related to 

design of the CC, use of IGCC will result in the lowest cumulative emission rates for all criteria 

pollutants.  PC or CFB equipped with aggressive post-combustion controls may result in a NOx 

emission rate similar to that achieved with IGCC, but IGCC will provide the lowest overall 

emission rates for all criteria pollutants.  

 

As shown in Table 4-8, recently permitted PCs and CFBs have substantially higher emission 

limits than those of either proposed IGCCs or the CC.  Therefore, IGCC is the lowest-emitting 

process and is distinctly advantaged with respect to the emission of criteria pollutants. 

                                                 
8 Denton, David, “IGCC’s Environmental and Operational Capabilities Today,” Eastman Gasification 

Services Company, Presented at the Workshop n Gasification Technologies, June 8, 2004. 
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Table 4-8:  Comparison of Recently Permitted or Proposed PC, CFB, and IGCC Technology 
Emission Limits 

Pollutant PC 

lb/MMBtu 

CFB 

lb/MMBtu

IGCC 

lb/MMBtu 

PM10 0.015 0.015 0.007 

SO2 0.187 0.150 0.033 

NOx 0.070 0.090 0.059 

CO 0.150 0.150 0.040 

VOC 0.005 0.004 0.003 

H2SO4 0.005 0.005 0.004 

 

As IGCC provides the lowest emissions rates for criteria pollutants, CCG then considered 

whether economic, energy, or collateral environmental impacts would preclude the use of IGCC 

and require selection of an alternative generating technology as a control option9. 

 

CCG has examined the economic and energy impact of using IGCC generation technology.  As 

illustrated in Figure 4-2 PC boiler technologies typically have a lower capital cost than IGCC; 

however, the gap between PC and IGCC is reduced when better quality fuels (i.e. higher heat 

content) are used as a feedstock.  More importantly, IGCC offers a level of dispatch flexibility, 

through the potential future use of syngas as a potential feedstock for chemical/fuel production 

(co-production) that more than offsets this capital cost disadvantage.   

 

While PC technology may be slightly less expensive in a traditional economic/energy analysis, 

CCG believes that the economic benefits associated with the potential for future co-production 

and the significant environmental benefits provided by IGCC significantly outweigh any 

potential economic penalty.  

 

 

                                                 
9  New  Source Review Manual, page 3.26 
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FIGURE 4-2:  EFFECT OF COAL QUALITY ON HEAT RATE AND CAPITAL COST10

 
 

CCG has not identified any collateral environmental impacts associated with IGCC technology 

that would preclude the conclusion that IGCC represents BACT among all coal-based electricity 

generating technologies.  Rather, the collateral environmental impacts associated with IGCC 

appear to be favorable when compared to PC or CFB combustion.  Specific environmental 

benefits associated with IGCC are as follows: 

 

! The quantity of waste resulting from IGCC is less than that from PC or CFB combustion 

technologies.  Coarse slag, a combustion by-product associated with IGCC is vitrified 

and non-leachable.  Further, it is potentially saleable for blasting grit, as a paving 

aggregate, and could be used to produce other construction/building products.  These 

potential uses, coupled with the non-leaching characteristic diminish solid waste disposal 

issues associated with coal combustion in a PC or CFB.  

 

! CC will produce elemental sulfur from the sulfur compounds removed from the syngas.  

The elemental sulfur can be used in numerous chemical manufacturing processes.  

                                                 
10 Booras, George, Holt, Neville, “Pulverized Coal and IGCC Plant Cost and Performance Estimates,” 

EPRI, Presented at the Gasification Technologies Conference, Washington, D.C., October 3 – 6, 2004. 
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! IGCC technology is extremely efficient at diminishing water consumption related to 

process cooling. CCG estimates that use of an IGCC at the CC will diminish water 

consumption by 25 to 30% as compared to use of a PC or CFB. 

 

CCG has selected IGCC as the combustion/gasification process for use at the CC based on a 

review of technical, economic, and environmental impacts.  This selection results in the lowest 

emission rates for the CC, provides collateral environmental benefits, and does so in an 

economically efficient manner.  

 

4.3.2 Fuel Selection 

As previously indicated, CC is designed as a mine-mouth facility.  The CTs are designed to use 

syngas derived from Kentucky bituminous coal with natural gas as the secondary and start-up 

fuel.  The nearby Patriot Coal Company mine has access to ample coal reserves to fuel the CC 

for the facility’s useful life.  CC is expected to use approximately 2.1 million tons of local coal 

annually based on a 90% annual capacity factor11.  Kentucky has significant coal resources (in 

excess of 31 billion tons) 12 and reserves adjacent to CC exceed 125 million tons.  In the event 

additional coal is required over the life of the facility; recoverable reserves in the surrounding 

counties are available and are well within the design basis for CC.13

 

Kentucky coal is a valuable natural resource that is not being utilized fully.  As illustrated in 

Figure 4-3: Historical Coal Production in Kentucky, there has been a significant reduction in 

utilization of Kentucky coal since 1990, primarily due to its high sulfur content.  This is a direct 

result of fuel switching by many sources to lower sulfur western US coals to comply with ever-

tightening regulatory requirements.   

 
                                                 

11 Assuming 257 tons of coal per hour for 7,884 hours of operation per year at 100% load 

12 See Energy Information Administration, Coal Reserves Data Base and Form EIA-7a “Coal Production 
Report” (2000). 

13 Ibid. 
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FIGURE 4-3:  HISTORICAL COAL PRODUCTION IN KENTUCKY14 

 
Switching to low-sulfur coal from other regions of the country or abroad has its own 

environmental impacts, associated with the transportation and storage of the coal.  However, as 

demonstrated in this application, combustion technologies like IGCC have advanced to the point 

where it is now practical, economical and environmentally prudent to utilize Kentucky coal.  

Based on the application of IGCC technology, CC will use local bituminous coal derived syngas 

as the primary fuel with natural gas as a secondary and start-up fuel. 

 

4.3.2.1 Coal Washing 

CCG anticipates that the CC fuel supply will likely involve a partially washed coal product.  

With an IGCC application, ash and moisture content are extremely important to the efficiency of 

                                                 
14 Kentucky Geological Survey Graph from data provided by Kentucky Department of Mines and Minerals 

2001. 
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the gasification process as is the coal’s ability to be effectively slurried for input to the gasifier.  

Based on extensive analysis of the Patriot Coal Company coal reserves, CCG has determined 

that a variable raw/washed coal blend likely represents the optimum balance between a desire to 

reduce sulfur and ash inputs to the process with ash, moisture and heat content requirements for 

efficient gasification.  Due to variability in the coal reserves, the blend ratio of washed to raw 

coal is anticipated to vary between 0% and 50%.  

 

CCG considered and dismissed 100% coal washing as an ancillary emission control measure for 

CC.  By washing the coal, the amount of ash and sulfur entering the gasification process is 

reduced.  However, CCG’s review indicated that such reductions could have detrimental impacts 

on the gasification process and would have significant and detrimental collateral environmental 

impacts, specifically: 

 

! Washing 100% of the coal would increase the moisture content of the fuel and 

decrease gasification efficiency by raising the unit’s net heat rate (the measure of 

efficiency used to address the conversion of coal to electricity).  Reduced 

gasification efficiency would result in the consumption of more coal to produce 

the same amount of electricity, thus increasing the annual emission of all criteria 

pollutants. 

! Reduction of the ash entering the gasification process could require the addition 

of fluxant material (sand or a comparable material) to facilitate the gasification 

and slag removal process.  This results in both additional cost and an increase in 

solid waste to be disposed of. 

! The washing process also produces large quantities of solid waste that would 

require disposal. 

! The overall emission rates of PM and SO2 would remain similar to the emission 

rates without coal washing.  CCG does not anticipate that the PM10 emission rate 

would change at all and the SO2 emission rate would likely be very similar as the 

chemical absorption process reaches a point of diminishing returns.  
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4.3.3 Demonstrated and Transferable Technologies 

To be demonstrated and thus available, the technology must have been applied to, or permitted 

for full scale operation.  If a technology has not been demonstrated, it does not need to be 

considered further in the BACT analysis.   

 

In determining whether a technology is available for use at the CC, several sources of 

information were considered, including:  EPA’s RACT/BACT/LAER Clearinghouse and Control 

Technology Center (“the RBLC”);15 recently submitted PSD applications; recently issued or 

proposed permits; and information from control technology vendors and 

engineering/environmental consultants.  The control technologies that are identified for each of 

the applicable pollutants are presented in Table 4-9.16  The applications of these technologies to 

CC are considered in Steps 2 through 4. 

                                                 
15The RBLC database provides a listing of recent RACT, BACT, and LAER determinations in the United 

States.  It is maintained by EPA and updated by the individual regulatory agencies.   

16Some NOx control technologies included in Table 4-3 were taken from EPA’s Alternative Control 
Technologies Document NOx Emissions from Utility Boilers, EPA-453/R-94-023.  This publication 
identifies NOx controls for PC Boilers and estimates of control cost-effectiveness, generally in 1992 
dollars.  Similarly, some SO2 control technologies were identified in the EPA document, Controlling 
SO2 Emissions:  A Review of Technologies, EPA 600-R-00-093, (November 2000). 
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Table 4-9:  Possible Control Strategies & Technologies for the CC 

 
Pollutant 

Combustion  
Control Technologies 

Material 
Handling 
Control 

Technologies 

Cooling 
Towers 

Fugitive 

PM/PM10 Pre-Combustion  
IGCC Syngas Scrubbing  

 
Post-Combustion 

Baghouse 
Electrostatic Precipitator (“ESP”) 

Wet ESP (“WESP”) 
 Scrubbers  
Cyclone 

 

Enclosures 
Baghouse 
Fogging 

Drift 
Eliminators 

Suppressants 
Compaction  

Telescopic Chutes 
 

SO2 
H2SO4

 
 

Pre-Combustion  
IGCC Acid Gas Removal 

Rectisol 
Selexol 
MDEA 

Coal Washing 
 

Post-Combustion 
Wet Flue Gas Desulfurization(WFGD) 

Dry Sorbent Injection (“DSI”) 
Dry Scrubbers  

 

N/A N/A N/A 

NOx Pre-Combustion and Combustion Controls  
Diluent Injection 

Dry Low NOx Burners 
 

Post-Combustion Controls 
Selective Catalytic Reduction (“SCR”) 

SCONOx
Selective Non-Catalytic Reduction (“SNCR”)

 
 

N/A N/A N/A 

CO Pre-Combustion  
Excess Air 

Proper Design and Operation 
 

Post-Combustion 
Thermal Oxidation 

Catalytic Incineration 
 

N/A N/A N/A 

VOCs Pre-Combustion  
Excess Air 

Proper Design and Operation 
 

Post-Combustion 
Thermal Oxidation 

Catalytic Incineration 
 

N/A N/A N/A 
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4.4 

                                                

STEP 2 - TECHNICAL FEASIBILITY ANALYSIS 

The second step in the BACT analysis is to eliminate any technically infeasible control 

technologies.  Each control technology identified in Step 1 for PM/PM10, SO2, NOx, CO, VOC, 

and H2SO4 must be evaluated, and those that are clearly technically infeasible may be eliminated 

from further consideration.   

 

EPA states the following with regard to technical feasibility17  

 

A demonstration of technical infeasibility should be clearly 
documented and should show, based on physical, chemical and 
engineering principles, that technical difficulties would preclude 
the successful use of the control option on the emissions unit under 
review. 

 

For a control technology to be technically feasible, it must be “available” and “applicable.”  To 

be “available,” it must be commercially available.  A technology that is in the research and 

development phase, bench scale or laboratory testing, or pilot scale testing is not “available.”   

 

A technology that is commercially available still may not be technically feasible, however, if it is 

not “applicable.”  An available technology is “applicable” if it has been used on the same or a 

similar type source or if the physical and chemical characteristics of the project’s emission 

streams are similar to the emission streams of a source that uses the technology under 

consideration. 

 

Thermal Oxidation (“TO”), other than for the AGR/TGTU combustion process, Catalytic 

Incineration (“CI”), dry Low NOx Burners (‘LNB”), and SCONOX are not technically feasible 

because they are not available and/(or) not applicable to CC.  All other technologies identified in 

Table 4-9 are technically feasible, although not necessarily proven for CC. 

 

 

 
17 Draft NSR Manual, at B.7 
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4.4.1 Thermal Oxidation 

Thermal oxidation (“TO”) reduces CO emissions by supplying adequate heat and oxygen to 

convert remaining CO into carbon dioxide (“CO2”).  It requires temperatures of 1,500 °F or 

higher to achieve 95% conversion of CO into CO2.  TO is not listed as a control device for CO 

emissions from any electric generating process in the RBLC database or any proposed or 

permitted electric generating process, including IGCC.  In accordance with the Draft NSR 

Manual, this technology is not available or applicable for CC. 

 

4.4.2 Catalytic Incineration 

A catalytic incineration (“CI”) system is designed such that combustion gases pass over a 

catalyst where the CO is oxidized to form CO2.  This process can achieve 85% to 90% removal 

of CO.  CI is not listed as a control device for CO emissions from any electric generating process 

in the RBLC database, EPA literature for utility boiler air emissions control, or any permitted or 

proposed electric generating projects, including IGCC.  In accordance with the Draft NSR 

Manual, this technology is not available or applicable for the CC. 

 

Since TO and CI are not available or applicable for CO emission control for IGCC they are also 

not available or applicable for the control of VOC emissions. 

 

4.4.3 Low NOx Burners 

Low NOx Burners (“LNB”) reduce the formation of NOx by controlling the temperature and 

mixing conditions of the combustion zone.  To achieve complete combustion of fuel it is 

necessary to supply large amounts of excess air into a combustion area operating at very high 

temperatures.  While these conditions are optimal for complete combustion they are also optimal 

for production of thermal NOx.  One method of reducing the amount of thermal NOx generated is 

to use LNBs.  LNBs optimize the mixing of fuel and combustion air allowing almost complete 

combustion with much smaller amounts of excess air and thus less thermal NOx.  However, since 

hydrogen is a major constituent of synthesis gas, LNBs are not appropriate due to hydrogen’s 

high flammability and flame speed, which can initiate flashback and combustor failure.  As of 
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this application there are no commercially available LNBs for use with IGCCs firing syngas.  In 

accordance with the Draft NSR Manual, this technology is not available or applicable for CC. 

 

4.4.4 SCONOX 

 
The SCONOX system was designed to control carbon monoxide and nitrogen oxide emissions 

from natural gas fired gas turbines. It is based on an integration of catalytic oxidation and 

absorption technology. The SCONOX reactor, located in the HRSG portion of the combined 

cycle process, uses a potassium carbonate impregnated platinum catalyst to remove CO and NO 

from the exhaust gases.  CO and NO are catalytically oxidized to CO2 and NO2. The NO2 

molecules are subsequently absorbed on the treated surface of the SCONOX catalyst.  The 

SCONOX system does not require the use of ammonia, eliminating the potential of ammonia slip 

conditions evident in existing SCR systems.  Very limited emissions data are available for 

natural gas turbines equipped with a SCONOX system.  There are currently no instances of 

IGCC facilities being equipped with a SCONOX system.   

 

Because there is limited information on the effectiveness of SCONOX and no commercial scale 

demonstration of its use at syngas fired facilities, it cannot be considered commercially available 

or technically feasible at an IGCC facility.  Therefore no additional consideration of SCONOX 

as a potential control technology is required, including a cost effectiveness analysis. 
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4.5 STEP 3 - RANKING OF THE REMAINING CONTROL TECHNOLOGIES BY 
EFFECTIVENESS 

After eliminating the technically infeasible control alternatives in Step 2, all remaining control 

technologies are ranked and listed in order of overall control effectiveness.  To determine the 

effectiveness of the technologies, CCG reviewed emission limitations achieved by the 

technologies as presented in the RBLC and those proposed or permitted but not included in the 

RBLC.  The information gleaned from these sources is presented in Table 4-10.18  The emission 

limitations presented in the table are the most stringent limitations for coal combustion outside of 

IGCC.  

Table 4-10:  Summary of Traditional Coal Combustion Best Control Technologies 

Pollutant Source Most Stringent 
Emission Limit 

 

Control Technology 

Boilers 0.012 lb/MMBtu (filterable) 
0.018 lb/MMBtu (total) 

Baghouse or Electrostatic 
Precipitator 

Materials 
Processing  

99+% 
control 

Baghouse 
Enclosures 

Cooling 
Towers 

99.9995% 
control 

Mist (Drift) Eliminators 

PM/PM10    

Fugitives 20% Opacity Suppressants 
Compaction 

Telescopic Chutes 
SO2         Boilers 0.08 lb/MMBtu WFGD/Western US coal 

NOx             Boilers 0.05 lb/MMBtu Boiler Design and 
Operation/ Low NOx 

Burners/ SCR 
CO             Boilers 0.085 lb/MMBtu Boiler Design & Operation 

VOCs          Boilers 0.002 lb/MMBtu Boiler Design & Operation 

H2SO4             Boilers 0.004 lb/MMBtu WESP and WFGD 

 

 

                                                 
18 Appendix C provides a list of RBLC and other sources evaluated 
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It should be noted while the most stringent limits are presented in Tables 4-10, in some instances 

reaching those levels for one pollutant might prohibit attaining the most stringent limit for 

another.  By way of example, combustion processes reducing NOx to the lowest level permitted 

may significantly increase CO or H2SO4 emissions.  If the combustion temperature is altered to 

reduce thermal NOx it will also cause incomplete combustion which results in CO emission 

increases and overall efficiency losses.  Similarly, SO2 is more readily converted to SO3 in the 

presence of additional catalyst in the SCR.  The additional catalyst would readily reduce NOx 

emissions but at the cost of higher SO3 and, ultimately, increased H2SO4 emissions.  Upon 

careful examination, a source with the most stringent emission limit for one pollutant may not be 

the most stringent for others.  Also, proposed or permitted emission limits do not necessarily 

constitute an available or applicable BACT standard.  BACT must be determined on a case-by-

case basis, by applying the procedural rigor of the top-down analysis accounting for site, fuel, 

and other source-specific characteristics, to determine the best overall control technologies and 

emission limits for that project.19  This is the approach that has been taken for CC. 

 

Since IGCC is a relatively new technology for electric generation there are only 8 sources 

available for comparison.  Table 4-11 details the lowest emission limits for the existing and 

permitted IGCC projects. 

                                                 
19 40 CFR § 52.21(b)(12); Potter memo referred to in footnote 2 of this Appendix; John Calcagni, 

Background Statement on the EPA’s Top-Down Policy (June 13, 1989). 
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Table 4-11:  Summary of Most Stringent Limits for Retired, Existing and Proposed IGCC 
Sources 

Pollutant Source Most Stringent 
Emission Limit 

 

PM/PM10
Wabash 

TEC 
0.005 lb/MMBtu (filterable) not met 

0.007 lb/MMBtu (filterable) proposed 

SO2 Lima 0.02 lb/MMBtu 

NOx TEC 0.058 lb/MMBtu proposed 

CO Elm Road 0.03 lb/MMBtu 

VOCs Elm Road 0.002 lb/MMBtu 

H2SO4 Elm Road 0.00005 lb/MMBtu 

 

Using the emission information presented in the previous two tables, the control technologies 

available and applicable to CC are ranked in order of decreasing effectiveness.  Table 4-12 

presents the technically feasible control technologies and their associated control efficiencies. 
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Table 4-12:  Ranking of Control Technologies by Effectiveness 

Pollutant Control Technology Potential Add-On 
Control Efficiency (%)* 

PM/PM10 
Combustion 

Turbine 
 

IGCC Syngas Scrubbing 
Baghouse or ESP/WESP  

Scrubber 
Cyclone 

99+  
99+ 
99+ 
90+ 

 
PM/PM10 
Material 
Handling 

Baghouse 
Enclosures with Vent Filters 

Fogging 

99+ 
99+ 
99+ 

PM/PM10 
Cooling Towers 

Drift Eliminators 99+ 

PM/PM10 
Fugitives 

Suppressants 
Compaction 

Telescopic Chutes 

80-90 
80-90 
80-90 

SO2 IGCC AGR (Rectisol, Selexol, MDEA) 
WFGD 

Dry Scrubber 
Coal Washing 

99+ 
98+ 

80-90 
30-35 

NOx SCR 
Diluent Injection 

SNCR 
Proper Design and Operation 

60-90 
40-75 
40-70 

 
CO Proper Design and Operation  

H2SO4 IGCC AGR (Rectisol, Selexol, MDEA) 
DSI/Baghouse/WFGD 

WESP 

99+ 
99+ 
98+ 

VOCs Proper Design and Operation  
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4.6 STEP 4 - TOP-DOWN EVALUATION OF CONTROL OPTIONS 

Once technically feasible control technologies have been identified and ranked by effectiveness, 

the control options must be evaluated to determine the most effective control technology 

available for CC.  Under EPA PSD review policy, if the Applicant selects the most effective 

control technology for a pollutant, the top-down BACT analysis is complete.  If the most 

effective control technology is not selected as BACT, the remaining control technologies are 

evaluated on the basis of economic, energy, and environmental considerations.  This process 

continues until a control technology cannot be eliminated. 

 

The discussion below is organized on a per pollutant basis except for the auxiliary boiler, and 

emergency fire pump which are included at the end of the pollutant specific analysis.  There is 

also a brief description of the control technologies.  When multiple sources of the pollutant are 

present, each source is discussed separately (e.g., particulate from combustion turbines versus 

particulate from material handling).  Please note, in some instances, particular control equipment 

designed to remove a given pollutant may also help reduce emissions of another pollutant.  

Where applicable, this situation is discussed in the context of analyzing the best combination of 

pollution control equipment for a particular pollutant. 

 

4.6.1 Particulate Matter 

EPA currently regulates particulate matter on the basis of particulates having an aerodynamic 

size of ten microns (“PM10”) or less.  Based on the facility design and the current controls 

available, all particulate matter emissions have been conservatively estimated to be PM10 for 

permitting and modeling purposes.  The following discussion focuses on filterable particulate 

matter, but also addresses condensable particulate matter.  Table 4-13 identifies the emission 

control options for CC, together with their respective efficiencies. 
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Table 4-13:  Particulate Emission Control Options 

 

Pollutant Control Technology Potential Add-On 
Control Efficiency (%) 

PM/PM10 
Combustion 

Turbines 
 

Pre-Combustion 
IGCC Syngas Cleaning 

 
Post Combustion 

Baghouse or ESP/WESP  
Scrubber 
Cyclone 

 
99+  

 
 

99+ 
90+ 
90+ 

PM/PM10 
Material 
Handling 

Baghouse 
Enclosures with Vent Filters 

Fogging 

99+ 
99+ 
99+ 

PM/PM10 
Cooling Towers 

Drift Eliminators 99+ 

PM/PM10 
Fugitives 

Suppressants 
Compaction 

Telescopic Chutes – Reduced Drop Heights 

80-90 
80-90 
80-90 

 

There are four sources of particulate matter from CC:  the combustion turbines, the material 

handling units, the cooling tower, and fugitive sources. 

 

4.6.2 Particulate Matter (IGCC) 

 
Particulate matter from combustion processes is most often the result of material in the fuel 

which is not combusted and rises with the flue gases from the process.  It can also result from 

reagents that are used to treat the process or flue gas streams to reduce other types of pollutants.  

In a typical combustion operation the particulate is removed from the flue gases by some type of 

physical control device, such as a Baghouse (“BH”) or Electrostatic Precipitator (“ESP”).  

However, in an IGCC process, control of pollutants is more efficiently performed in a pre-

combustion process.   This is due in part to the requirement that solids in the syngas be removed 

prior to entering the acid gas control system or being fired in the combustion turbine portion of 

the IGCC process.  The combustion turbines and their associated burners could be severely 

damaged if the syngas were to contain significant amounts of particulate matter.  Removal of 

particulates is an essential part of the gasification process. 
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As discussed in Section 2 of this application there are two forms of particulate that are generated 

in the gasification process coarse slag and fine slag.  The coarse slag, which makes up the 

majority of the particulate matter, is the heavier mineral and ash matter that is not entrained in 

the syngas and is captured within the gasifier.  The fine slag is comprised of unreactive mineral 

compounds and fuel particles that are not completely gasified (including unburned carbon).    

This material is carried from the gasifier with the existing syngas and must be removed prior to 

the acid gas removal system.   

 

As illustrated in Table 4-13, IGCC pre-combustion syngas scrubbing, post-combustion 

baghouse, and post-combustion ESP in combination with a WESP have the highest control 

efficiencies of any of the particulate matter control options.  Under the “top-down” approach, the 

control devices with highest control efficiency must be considered first.  If one of the top control 

devices is selected, further analyses of other options are not required.  Following is a brief 

description of the operating characteristics of IGCC syngas scrubbing, a BH, an ESP, and a 

WESP. 

 

4.6.2.1  Pre-Combustion IGCC Syngas Scrubbing 

All existing and proposed IGCC generation projects to date have employed pre-combustion 

scrubbing as particulate control.    There are two types of pre-combustion control that have been 

used.  Each process results in similar reductions and is more a function of the IGCC process 

selected than the results obtained.  The first process is a particulate filtering process similar to 

that of a baghouse or fabric filter, which is discussed in the subsections below.  The second is a 

scrubbing control technique that uses water to remove fine particulates from the syngas.  The CC 

will use the wet scrubbing process that is described below. 

 

During the wet process the raw syngas from the gasifier is sent to the syngas scrubbers.  Water 

enters the chamber through spray nozzles at the top of the chamber and contacts the syngas rising 

from the bottom.  By operating in this counter flow manner the contact between the water and 

gas is maximized resulting in significant transfer of fine particulates and water soluble 

contaminants to the wash stream.  Particulate-laden water is then sent to a “black” water 

handling system, which separates the solids for recycle to the gasifier or disposal.  
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Based on the PM10 emission limits in Table 4-11 for IGCC projects it is evident that pre-

combustion syngas scrubbing is capable of significantly reducing particulate emissions when 

firing coal derived syngas.  This is supported  by the information contained in the Polk Power 

Station IGCC final project report, which indicates that the wet scrubbing effectively removes not 

only particulate but also HCl, ammonia and similar soluble pollutants.  The report also states in 

some instances that particulate emissions are only 5% of those for a typical coal fired boiler 

using ESP.20

4.6.2.2 Baghouse  

A baghouse removes particulates by drawing the dust-laden air through a bank of filter tubes 

suspended in a housing.  A filter “cake,” composed of the removed particulate, builds up on the 

“dirty” side of the bag.  Periodically, the cake is removed through a physical mechanism (e.g., a 

blast of compressed air from the “clean” side of the bag; shaking the bags), which causes the 

cake to fall.  The dust is then collected in a hopper and eventually removed.   

 

Baghouses are capable of very high removal rates and have been shown in some cases to 

facilitate the control of mercury and other HAPs of concern when combined with reagent 

injection.   

4.6.2.3 Electrostatic Precipitator: 

ESPs remove aerosol and particulate matter from exhaust gas streams by means of electrostatic 

attraction.  Particles in the gas stream are negatively charged by discharge electrodes located in 

the ESP.  Once the particles are negatively charged, they migrate toward the grounded collection 

plates in the ESP, which have been positively charged.  The particulate continues to accumulate 

on the collection plate until it is removed.  The particulate is removed from the plates by 

mechanically rapping the dry ESP collection plates.  The particulate (ash) falls by gravity into a 

hopper for disposal.   

 

                                                 
20   See Tampa Electric Polk Power Station Integrated Gasification Combine Cycle  Final Technical Report, 

August 2002 
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ESPs have the ability to handle large gas streams and high particulate loading with very few 

complications and restrictions.  ESPs have a broad operating range and can be utilized at high 

temperature and pressure conditions, as well as with high or low-sulfur content streams.   

 

4.6.2.4 Wet Electrostatic Precipitator: 

WESPs operate in much the same way as dry or standard ESPs – charging, collecting and then 

cleaning.  The difference between the two lies in the cleaning step.  WESP cleaning is performed 

by washing the collection surfaces with water, in lieu of the usual mechanical means such as 

rapping of the collection plates.  The delivery of the liquid or water can be made by a series of 

spray nozzles located in the control device or by condensing moisture from the flue gas on the 

collection surfaces.   

 

WESPs are able to control a larger variety of pollutants than an ESP alone. WESPs also are 

effective in reducing re-entrainment of particles due to the constant cleaning of the collection 

surfaces by liquid.  WESPs are very effective in reducing SO3, metals and other sub-micron 

particulates, as well as condensables.  In some PC Boiler installations an ESP and a WESP are 

both installed to maximize control of condensable emissions, including metals, organic volatiles, 

and acid gases. 

 

4.6.3 Particulate Emission BACT Selection (IGCC): 

CCG has selected pre-combustion IGCC wet syngas scrubbing as BACT for controlling 

PM/PM10.  After considering other sources and the proposed IGCC technology, the emission 

limit that has been selected to correspond with PM/PM10 BACT requirements for this facility is 

0.007 lb/MMBtu based on a 3-hour average while firing syngas or natural gas.  This emission 

limitation represents a removal efficiency of approximately 99.9% and is more stringent than the 

PM10 emission limit achieved in practice at currently operating IGCC units and the lowest 

proposed PM10 emission limit for any proposed coal-fired unit.  
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It should be noted that in some instances EPA has considered PM10 to include both filterable and 

condensable particulate, but there is very little information available upon which to base a 

condensable particulate emission limit.21  While a few total particulate emissions limits (filterable 

and condensable combined) have been proposed or permitted for other coal fired generating 

projects, specific details with regard to condensable emissions from IGCC have not been well 

established.  However, the level of condensable emissions from IGCC power generating is 

expected to be minimal.  The IGCC process is very effective in removing the largest portion of 

condensable emissions usually associated with coal fired combustion including, H2SO4, mercury, 

HF, and many organics.  These reductions are accomplished by syngas particulate scrubbing, the 

AGR system and carbon bed absorbers.  In addition it is anticipated that there will also be 

emission limits in the permit to regulate these individual constituents.   

 

If KYDAQ determines that a condensable particulate limit (either separate or as part of a total 

PM limit) is necessary, CCG proposes an approach similar to that taken in AES Puerto Rico L.P.  

The Applicant would evaluate the applicability of a total PM10 limit (including both filterable 

and condensable emissions) using actual operating data over a two year optimization period to 

commence upon commercial operation of CC.  Any total PM10 emission limit would be based on 

actual data during typical load and operating conditions with provisions for variances in fuel and 

or operations.   

 

As mentioned above a carbon bed absorber will also be used to clean the syngas prior to entering 

the AGR.  Based on information from GE and test results at other facilities, carbon beds have 

been shown to significantly reduce mercury emissions from IGCC systems.  It is expected that 

                                                 
21  As indicated in re AES Puerto Rico L.P., 8 EAB 324, 328 (May 27, 1999), most boilers have PM10 limits 

that were designed to control filterable, not condensable emissions.  AES conducted a survey of 15 state 
PSD permitting agencies and identified only two that included the condensable fraction when setting 
emission limits.  Id. at 348-49.  Because of this lack of information, EPA Region 2 established a PM10 
limit for total particulates (filterable and condensable) to be determined ultimately by testing once the 
plant was in operation.  The EAB upheld this approach by the Region as reasonable under the 
circumstances (i.e., lack of information upon which to base a total limit). 
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mercury removal equal to 95% will be achieved using the carbon bed technology.   In the case of 

CC this results in an expected mercury emission rate of 3.94x10-6 lb/MMBtu.22   

 

In accordance with EPA guidance23, the remaining PM/PM10 control devices do not need to be 

considered further in the particulate matter BACT analysis since the highest efficiency control 

devices have been selected as BACT.   

 

4.6.4 Particulate Matter (Material Handling) 

Particulate matter from material handling results from dust generated in handling and moving 

fuel.  As illustrated in Table 4-13, a baghouse, vent filters, and fogging  in conjunction with 

enclosures share the highest control efficiencies of any of the particulate matter control options 

for material handling (e.g., conveyance, transfer and crushing), and therefore, according to the 

“top-down” approach, must be considered first.  A brief description of these technologies is 

provided below. 

4.6.4.1 Baghouse  

A baghouse (fabric filter) removes particulates by drawing the dust-laden air through a bank of 

filter tubes suspended in a housing.  A filter “cake,” composed of the removed particulate, builds 

up on the “dirty” side of the bag.  Periodically, the cake is removed through a physical 

mechanism (e.g., a blast of compressed air from the “clean” side of the bag; shaking the bags), 

which causes the cake to fall.  The dust is then collected in a hopper and eventually removed for 

recycle to the process or disposal.   

 

4.6.4.2 Enclosures with Vent Filters 

Similar to a baghouse, a bin vent filter draws the dust-laden air through a filter and removes the 

particulate by trapping the particles on the dirty side of the filter.  Routinely, the filter is replaced 

and disposed of properly. 

                                                 
22 For a list of all of the trace pollutant emissions including mercury see the sample calculations and POC 

tables in Section 5 and Appendix A of this application. 

23 Draft NSR Manual, at B.8 
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4.6.4.3 Fogging 

Fogging or atomizer sprayers and passive enclosure control systems (“PECS”) have been very 

successful in eliminating fugitive dust emissions from transfer points and other material handling 

devices.  By using specially designed enclosures or PECS for a transfer point or handling device 

and a nozzle to inject air and water, the dust generated from the material can be virtually 

eliminated.  Based on data collected from fogging installations in Wyoming, the resultant 

emissions and visible opacity from the PM sources remain essentially the same, if not better, 

than traditional baghouses and filters.  While fogging may not be appropriate for some 

installations due to operating or physical limitations, it is a viable option for belt transfers and 

some stand-alone processing operations.  For these reasons, the use of fogging as a control for 

fugitive emissions must be reviewed on an emission point-by-emission point basis. 

 

4.6.5 Particulate Matter BACT Selection (Material Handling) 

CCG has selected baghouses, vent filters and fogging as BACT for PM/PM10 emission controls 

from material handling facilities for coal and slag.  Estimated emissions associated with these 

processes are contained in the pollutants of concern tables found in Section 5 and Appendix A of 

this application.  Use of these emission controls is expected to represent a removal efficiency of 

approximately 99.5%.  Fogging will be used in instances where it provides controls equal to or 

better than a baghouse or filter.  The Applicant asks that the Agency provide flexibility in the 

permit to facilitate the use of fogging units in place of a baghouse or bin vent filters, where 

appropriate on certain emission points.  In accordance with EPA guidance, the remaining 

PM/PM10 control devices do not need to be considered further in the material handling 

particulate matter BACT analysis, since the most stringent level of control devices has been 

selected as BACT.   

 

4.6.6 Particulate Matter (Cooling Towers) 

Particulate matter emissions from cooling towers result from water entrained in the air stream.  

These droplets of particulate and water are known as drift.  The particulate matter in the drift is 

composed of the impurities that exist in the cooling tower water supply.  As the drift moves from 
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the tower, it is expected that 68.7% is deposited in or near the tower, and only 31.3% results in 

suspendable particulate matter.24  However, this 31.3% often results in PM10 emissions that are 

produced when the drift droplets evaporate and leave fine particulate matter from crystallization 

of the dissolved solids.   

 

The optimum means (highest control efficiency) to reduce the amount of drift from cooling 

towers involves the installation of drift eliminators.  Drift eliminators are designed to remove as 

many droplets of particulate as feasible before leaving the towers, thus minimizing PM emissions 

in addition to conserving water usage by the cooling towers. 

 

4.6.7 Particulate Matter BACT Selection (Cooling Towers) 

CCG has selected 0.0005% (i.e., 99.9995% effective in controlling PM10) drift eliminators as 

BACT for particulate matter control on the cooling towers.  In accordance with U.S. EPA 

guidance, no other PM/PM10 control devices are considered further in the BACT analysis, since 

the best control device was selected as BACT.    

 

4.6.8 Particulate Matter (Fugitives) 

Fugitive emissions from the proposed facility can originate at active and inactive areas of storage 

piles, dozers, roads, and some unloading and loading operations.  Besides limiting operations the 

best-known control options for such emissions are: suppressants (both water and chemical); 

compaction; and telescopic chutes, stacking tubes, and reduced drop heights.  A brief description 

of each of these control options are presented below. 

 

 

 

 

                                                 
24 Cooling Tower Drift, its Measurement, Control and Environmental Effect. Cooling Tower Institute Paper 

No: TP73-01. 
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4.6.8.1 Suppressants 

Suppressants consist of chemicals or water and are sprayed over the piles to provide crusting 

when needed.   Suppressants can also be sprayed on roads to reduce emissions resulting from 

vehicle traffic.  

 

4.6.8.2 Compaction 

Compaction is the process of pressing the material into storage piles to reduce the number of 

loose or “free” particles and minimize the amount of dust that becomes airborne.  Typically, 

compaction and suppression are used together to form stable storage piles with minimal 

emissions.  

  

4.6.8.3 Telescopic Chutes /Drop Heights 

Telescopic chutes are used to minimize wind-borne emissions during stockout.  Chutes are 

usually shop fabricated to meet the needs of the specific operation.  They typically allow for 

vertical discharge from the head pulley structure onto a conical pile.  The chutes are raised and 

lowered by an electric motor-driven hoist mechanism to minimize drop height.  Drop heights can 

also be controlled via stacking tubes, which passively operate by gravity to insure that the drop 

heights are kept at a minimum.    

 

4.6.9 Particulate Matter BACT Selection (Fugitives) 

The Applicant proposes to use all of these control methods, as practical, when needed to comply 

with opacity requirements associated with fugitive emission sources.  The inactive or long-term 

storage pile will be compacted and suppressed as needed.  When the storage pile is active or if 

emissions resulting from natural erosion are present, it will be treated with suppressants, as 

necessary to control fugitive emissions.  Drop heights will be optimized to reduce emissions 

while allowing for proper operation.  The use of chutes or stacker tubes will be used when 

loading coal to the storage pile.  CCG will pave permanent roads and parking lots.  Reclaim from 

the coal pile will be via underground hoppers to enclosed transfer belts.   
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These technologies represent the highest level of control for fugitive particulate emissions from 

the proposed facility.  Therefore, no other alternatives need to be considered under the top-down 

BACT analysis.  Section 5 and Appendix A of this application contain emission estimates based 

on these operations and their associated controls. 
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4.6.10 Sulfur Dioxide and Sulfuric Acid Mist (IGCC)   

During the high-temperature/high pressure gasification of coal, sulfur constituents in the coal are 

released and converted to Hydrogen Sulfide (“H2S”).  In addition, a small amount of Carbonyl 

Sulfide (“COS”) is produced. The concentrations of these sulfur constituents in the raw syngas 

are dependent on the levels of sulfur in the coal feedstock.  Both SO2 and Sulfuric Acid Mist 

(“H2SO4”) emissions from an IGCC are produced in a direct relationship to the concentrations of 

sulfur constituents in the syngas.  H2SO4 is typically generated when Sulfur Trioxide (“SO3”) in 

the flue gas, reacts with water to form sulfuric acid.  Sulfuric acid mist is the most widely 

recognized form of condensable PM emitted by combustion sources. Other inorganic species that 

can contribute to condensable PM emissions include ammonium bisulfate, other acid gases such 

as HCl and HF, and trace volatile metals.  This section of the BACT Analysis evaluates 

technologies available to minimize emissions of SO2, H2SO4 and inorganic condensable 

particulate matter. Because sulfuric acid mist is the main constituent of inorganic condensable 

PM, and because control technologies that remove sulfuric acid mist are also effective in 

removing other acid gases, the control of sulfuric acid mist serves as an effective proxy for the 

control of condensable PM.  Further, the control devices applicable to SO2 emissions reductions 

in an IGCC are the same control devices that are applicable to control of H2S04.  Therefore a 

single analysis is required to determine BACT for SO2, H2SO4, and condensable PM.  

 

A number of control devices exist for reducing SO2 and H2SO4 emissions from combustion 

sources, including both post-combustion and pre-combustion devices.  In the past post-

combustion Wet Flue Gas Desulfurization (“WFGD”) alone or in combination with other 

controls (“WESP”) has been the preferred method for SO2 and inorganic condensable emissions 

(e.g. H2SO4) reduction and BACT compliance for high sulfur fossil-fueled combustion sources.  

However, unlike typical combustion sources which treat the flue gas for these pollutants, in an 

IGCC the fuel gas (“syngas”) is treated prior to combustion.  Table 4-14 identifies the emission 

control options potentially applicable to CC, together with their potential removal efficiencies. 
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Table 4-14:  SO2 and H2SO4 Emission Control Options 

Pollutants Control Technology Potential Control (%) 

SO2 Pre-Combustion – Syngas Production Process 
Rectisol- Gas Clean Up 
Selexol- Gas Cleanup 

Amine Solvent Gas Cleanup 
 

Post Combustion  
WFGD 

Dry Scrubber 
Coal Washing 

 
99.9 
99.8 
99+ 

 
 

98+ 
80-90 
30-35 

 

Since the highest removals available are associated with the IGCC pre-combustion controls with 

removals in excess of 99%, the post combustion technologies are not considered further in this 

BACT analysis.   

 

4.6.10.1 Pre-Combustion SO2 and Acid Gas Controls 

As discussed in Section 2 the gasification process involves conversion of a coal slurry and 

oxygen at very high temperature and pressure into a CO and H2 rich fuel.  Byproducts that result 

from using high sulfur coal as a feedstock are the gaseous pollutants H2S and COS.  These 

pollutants are removed in a pre-combustion Acid Gas Removal System (“AGR”) which provides 

SO2 control for an IGCC facility. The AGR is very effective in removing the H2S but does not 

readily remove COS.  To address this removal problem the COS is mixed with water in a 

hydrolysis reactor which produces H2S and CO2.  The syngas is then cooled and sent to the AGR 

for cleaning.  The AGR is essentially a scrubbing operation that can be performed by physical or 

chemical absorption.  There are currently two physical solvents Rectisol- and Selexol- and one 

chemical solvent MDEA available for use at CC; they are listed in Table 4-14 in order of 

removal efficiency.  Since the physical solvent process can produce slightly better removal rates 

they will be reviewed first as required by the top down BACT analysis. 

 

4.6.10.1.1 Physical Absorption 

Physical absorption methods, including Rectisol- and Selexol-, use solvents that dissolve acid 

gases under pressure. It is called physical absorption because there are no chemical reactions that 

occur during the absorption of the acid gas from the fuel stream. The process is the result of 
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physical properties of the two streams.  The solubility of an acid gas is proportional to its partial 

pressure and is independent of the concentrations of other dissolved gases in the solvent. 

Therefore, increased operating pressures in an absorption column will facilitate the separation 

and removal of an acid gas like H2S. The dissolved acid gas can be removed from the solvent, 

which is regenerated, by depressurization in a stripper.   

 

The Rectisol- process is a physical absorption process that uses cold methanol as the physical 

solvent.  Sour syngas entering the AGR is cooled, and trace chemical components are removed 

with a cold methanol pre-wash. Then, H2S is physically absorbed from the raw gas using CO2-

rich methanol. Raw gas is removed from the top of the absorption column, with clean syngas 

removed from a lower point in the column.  The solvent is reclaimed through pressure reduction, 

stripping, and re-boiling the solvent.  Although Rectisol- has not been used in an AGR serving 

an IGCC facility, there are no known technical limitations that would render the process 

technically infeasible for the CC’s AGR system. Based on information from GE, and engineering 

judgment, CCG concluded that the Rectisol- process could remove 99.9% of the sulfur 

contained in the syngas.  This removal efficiency would result in a maximum SO2 emission rate 

of 0.006 lb/MMBtu.25  

 

The second physical absorption process is the Selexol- process.  The Selexol- process uses 

Union Carbide’s Selexol- solvent made of dimethyl ether or polyethylene glycol.26  It has been 

used successfully in chemical facilities to treat process gas streams.  Acid gas partial pressure 

separation is the key driving force for the Selexol- process. Feed gas enters the Selexol- plant 

and is cooled with water condensate being removed. The gas then flows to an absorption tower 

where it is introduced to the Selexol- solvent in countercurrent flow. Acid gases in the feed gas 

are absorbed into the solvent, and a clean feed gas is withdrawn from the top of the absorber 

column. Acid gas rich solvent from the absorber is regenerated by flashing the gas at medium 

pressure and then reheating the gas to the solvent boiling point and stripping the solvent.  
                                                 

25 Based on a coal sulfur content of approximately 3.10% and an uncontrolled SO2 emission rate of 5.77 
lb/MMBtu 

26 CH3-O-(CH2-CH2-O)N    N=2 through 9 

Cash Creek Generation, LLC 4-45 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



 

Although Selexol- has not been used in an AGR serving an IGCC facility, there are no known 

technical limitations that would render the process technically infeasible for CC’s AGR system. 

Based on information from GE, and engineering judgment, CCG concluded that the Selexol- 

process could remove 99.8% of the sulfur contained in the syngas.  This removal efficiency 

would result in a maximum SO2 emission rate of 0.012 lb/MMBtu.27  

 

4.6.10.1.2 Chemical Absorption 

In a chemical absorption process, acid gases in the sour syngas are removed by chemical 

reactions with a solvent that is subsequently separated from the gas and regenerated. In the CC, 

the amine solvent considered for chemical absorption is methyldiethanolamine (“MDEA“) 

 

Amine solvents, such as MDEA, react to form a chemical bond between the acid gas and the 

solvent in an absorption tower.  The solvent is then reclaimed through the use of a heating 

process in a stripper tower.  This heat stripping process produces regenerated MDEA and a 

concentrated H2S stream which is then directed to the sulfur recovery process.  The sulfur 

recovery process removes the sulfur and treats the tail gas by thermal oxidation. 

 

Chemical absorption has been successfully used at existing IGCC facilities to reduce the sulfur 

content of syngas and is a feasible technical option to serve CC.  Based on information from GE, 

and engineering judgment, CCG concluded that the MDEA process could remove 99.25% of the 

sulfur contained in the syngas.  This removal efficiency would result in a maximum SO2 

emission rate of 0.043 lb/MMBtu.  

 

4.6.11 BACT Selection for SO2  

The most effective SO2 control systems that are technically feasible for the proposed CC IGCC 

are physical absorption AGR systems, using Rectisol- or Selexol- solvents.  The next most 

effective SO2 control option is the amine (MDEA) AGR system. As required by the top-down 

                                                 
27 Ibid 
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BACT approach, an evaluation of the economic, energy and environmental impacts of each 

control system is provided below.  

 

Economic Evaluation 

Physical absorption systems are capable of achieving the highest sulfur removal efficiencies 

from syngas.  These increased sulfur removal rates translate into lower SO2 emissions from the 

HRSG stacks.  However, these emission reductions come at a very high price. A summary 

comparison of the three AGR systems respective capital and operating costs are presented in 

Tables 4-15 and 4-16 below.   It should be noted that there are no IGCC facilities operating with 

either a Rectisol-or Selexol- AGR system; so accurate costs associated with utilizing these 

technologies are based on vendor discussions, trade show presentations, similarly proposed 

sources, or discussions with non utility gasification sources. 

 

When performing a BACT economic evaluation for alternative control options EPA has provided 

guidance in the NSRWM and other related documents.  Guidance indicates that economic 

comparisons among different alternatives should be based on cost effectiveness.28   Cost is based 

on the annualized control costs and effectiveness is the reduction in tons of pollutants per year of 

the control.  The economic analysis employs two types of cost effectiveness, average and 

incremental.   

4.6.12 Average Cost Effectiveness 

 
The first method, average cost effectiveness (“ACE”), is defined as the total annualized cost of 

control (“TAC”) divided by the difference between the baseline emission rate (“BR”) and the 

controlled emission rate (“CR”).29
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28  PA New Source Review Workshop Manual:  Prevention of Significant Deterioration and Nonattainment 

Area Permitting, at B.36 (October 1990) (Draft) (hereinafter “NSRWM”). 

29  Ibid 
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Table 4-15: SELEXOLTM COST ANALYSIS30

CAPITAL COSTS   $ 

Equipment Cost  Based on discussions with vendors, 
and non utility gasification sources 

45,000,000 

Instruments and Control 2 % of equipment cost 900,000 
Sales Tax 6 % of equipment cost 2,700,000 

Freight 5 % of equipment cost 2,250,000 
Total Equipment Purchase Cost 
(“TEPC”)   50,850,000 

    

Direct    

Foundations and Supports 10 % of TEPC  5,085,000 
Erection and Connections 10 % of TEPC 5,085,000 

Total Direct Costs   61,020,000 
    
Indirect    

Construction and Field 
Experience 10 % of TEPC 5,085,000 

Engineering Fees 10 % of TEPC 5,085,000 
Construction Contingency 10 % of TEPC 5,085,000 

 Contractor Fees 10 % of TEPC 5,085,000 
Start-up/Testing 2 % of TEPC 1,017,000 

 Other Contingency 3 % of TEPC 1,525,500 
Total Indirect Costs   22,882,500 
    
Total Capital Costs   73,732,500 

                                                 
30 Since there are no commercial installations of Selexol systems at IGCC facilities, cost estimates have 

been made based on vendor discussions, trade show presentations, similarly proposed sources, 
discussions with non utility gasification sources, OAQPS Control Cost Manual, 5th edition, and CueCost 
distributions. 
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Table 4-15: (continued): SELEXOLTM COST ANALYSIS31

 
OPERATING COSTS   $ 
Variable    

Electricity (additional 5,680 kW) 40 $/MWH 1,791,245 
    
Fixed    

Labor 1 new Operator 3 shifts 30 $/hr 262,800 
Supervisory labor 15 % of Operator 39,420 

Maintenance Materials 5 % of Equipment Cost 2,542,500 

Maintenance Labor 60 % of Maintenance 
Materials 1,525,500 

Total Fixed   4,370,220 
    

Property Taxes 1 % of Capital Investment 737,325 
Insurance 1 % of Capital Investment 737,325 

Administration 2 % of Capital Investment 1,474,650 

Total Annual O&M Costs   9,110,765 
Capital Recovery Factor  OAQPS  

Interest Rate 7 %  
Recovery Period 20 years  

Factor 0.09439   
Annualized Capital Recovery   6,959,826 
Total Annual Cost   16,070,591

 

                                                 
31 Since there are no commercial installations of Selexol systems at IGCC facilities, cost estimates have 

been made based on vendor discussions, trade show presentations, similarly proposed sources, 
discussions with non utility gasification sources, OAQPS Control Cost Manual, 5th edition, and CueCost 
distributions. 
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Table 4-16: RECTISOLTM COST ANALYSIS32  

CAPITAL COSTS   $ 

Equipment Cost  
Based on discussions with vendors, 
and non utility gasification sources    57,000,000  

Instruments and Control 2 % of equipment cost      1,140,000  
Sales Tax 6 % of equipment cost      3,420,000  

Freight 5 % of equipment cost      2,850,000  
     
Total Equipment Purchase Cost 
(“TEPC”)      64,410,000  
    
Direct    

Foundations and Supports 10 % of TEPC      6,441,000  
Erection and Connections 10 % of TEPC      6,441,000  

Total Direct Costs      77,292,000  
    
Indirect    

Construction and Field Experience 10 % of TEPC      6,441,000  
Engineering Fees 10 % of TEPC      6,441,000  

Construction Contingency 10 % of TEPC      6,441,000  
 Contractor Fees 10 % of TEPC      6,441,000  
Start-up/Testing 2 % of TEPC      1,288,200  

Contingency 3 % of TEPC      1,932,300  
Total Indirect Costs      28,984,500  
     
Total Capital Costs      93,394,500  

                                                 
32 Since there are no commercial installations of Rectisol systems at IGCC facilities, cost estimates have 

been made based on vendor discussions, trade show presentations, similarly proposed sources, 
discussions with non utility gasification sources, OAQPS Control Cost Manual, 5th edition, and CueCost 
distributions. 
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Table 4-16: (continued): RECTISOLTM COST ANALYSIS33  

 
OPERATING COSTS    

Variable   $  
Electricity (additional 5,680 kW) 40 $/MWH 1,791,245 

    
Fixed    

Operator Labor 1 additional 3 shifts 30  $/hr         262,800 
Supervisory labor 15  % of Operator           39,420 

Maintenance Materials 5 % of Equipment Cost      3,220,500 
Maintenance Labor 60  % of Maintenance Materials       1,932,300 

Total Fixed        5,455,020 
    

Property Taxes 1  % of Capital Investment         933,945 
Insurance 1  % of Capital Investment         933,945 

Administration 2  % of Capital Investment       1,867,890 
Total O&M Costs      10,982,045 
Capital Recovery Factor  OAQPS  

Interest Rate 7 %  
Recovery Period 20 years  

Factor 0.09439   
Annualized Capital Recovery        8,815,780 
     
Total Annual Cost       19,797,825 

                                                 
33 Since there are no commercial installations of Rectisol systems at IGCC facilities, cost estimates have 

been made based on vendor discussions, trade show presentations, similarly proposed sources, 
discussions with non utility gasification sources, OAQPS Control Cost Manual, 5th edition, and CueCost 
distributions. 
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Establishing the Baseline Emission Rate (“BR”) is the critical factor in the economic analysis.  If 

the value is set unrealistically, the cost effectiveness will be incorrectly predicted as being too 

low or too high.  According to the NSRWM the baseline emission rate represents a realistic 

scenario of upper boundary uncontrolled emissions for the source.34  When estimating worst case 

PSD emissions this is simply the uncontrolled emissions while operating at maximum load for an 

entire year.  However, unlike determining emissions for PSD, this does not mean the source 

operates in an absolute worse case manner all the time.  When determining the BR any operation 

or process characteristic that may impact the BR should be considered.   

 

The proposed IGCC facility’s uncontrolled worst case SO2 emissions are 5.77lb/MMBtu; based on 

3.1% sulfur content in the coal; however, this level of sulfur in the syngas would detrimentally 

impact the combustion turbines and other associated equipment.  Typical combined cycle 

facilities utilize natural gas or low sulfur fuel oil35 as the primary fuel, which contain 

significantly less sulfur.  This is confirmed by the AP 42 uncontrolled emissions for natural gas 

and low sulfur fuel oil, 0.0034lb/MMBtu and 0.051 lb/MMBtu respectively, which are significantly less 

than the uncontrolled emissions at CC.    Other recently submitted applications refer to the 

Wabash River IGCC facility which was limited to using fuel with a sulfur content of 359 ppm, 

which equals a SO2 emission rate of approximately 0.157 lb/MMBtu.36  Based on this information a 

more realistic baseline rate would be the emission rate expected when using the MDEA 

absorption system, of 0.043 lb/MMBtu, since syngas cleaning must occur to utilize the CTs.  To 

provide a more complete economic analysis the following tables list the average cost 

effectiveness for each of the previously discussed baseline emission rates, uncontrolled, Wabash, 

and MDEA. 

                                                 
34 Ibid at B.37 

35 The low sulfur fuel oil currently available and used in combustion turbine facilities is #2 Fuel Oil with a 
0.05% Sulfur content. 

36 Southern Illinois Clean Energy Center’s Response to IEPA Letter Dated March 23, 2005, at p-8, (May 
10, 2005). 
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Table 4-17:  Average Cost Effectiveness Using the Uncontrolled Baseline Rate

CONTROL 
TECHNOLOGY 

SO2 
EMISSIONS

ANNUAL 
EMISSIONS

INCREASE 
IN 

ANNUAL 
COST 

ANNUAL 
AVERAGE 

COST 

 LB/MMBTU TONS $ $/TON 

RECTISOL- 0.008 121 19,797,825 228 

SELEXOL- 0.016 242 16,070,591 185 

MDEA 0.043 649 7,839,617 91 

UNCONTROLLED 5.77 87,014 BASE BASE 

 

Table 4-18:  Average Cost Effectiveness Using the Wabash Baseline Rate

CONTROL 
TECHNOLOGY 

SO2 
EMISSIONS

ANNUAL 
EMISSIONS

INCREASE 
IN 

ANNUAL 
COST 

ANNUAL 
AVERAGE 

COST 

 LB/MMBTU TONS $ $/TON 

RECTISOL- 0.008 121 19,797,825 8,811 

SELEXOL- 0.016 242 16,070,591 7,558 

MDEA 0.043 649 7,839,617 4,560 

WABASH 0.157 2,368 BASE BASE 
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Table 4-19:  Average Cost Effectiveness Using the MDEA Baseline Rate

CONTROL 
TECHNOLOGY 

SO2 
EMISSIONS

ANNUAL 
EMISSIONS

INCREASE 
IN 

ANNUAL 
COST 

ANNUAL 
AVERAGE

COST 

 LB/MMBTU TONS $ $/TON 

RECTISOL- 0.008 121 19,797,825 37,509 

SELEXOL- 0.016 242 16,070,591 39,469 

MDEA 0.043 649 BASE BASE 

 

An initial review of Table 4-17 and the analysis performed using the uncontrolled SO2 baseline 

emission rate indicates that all three technologies are cost feasible based on the predicted average 

cost effectiveness. However, when the analyses using the Wabash and MDEA baseline emission 

rates in Tables 4-18 and 4-19 are reviewed the RectisolTM and SelexolTM systems become 

extremely economically unattractive.  Because each of the alternative control methods reduces 

the total emissions of SO2 significantly it is difficult to make a decision with respect to economic 

feasibility based on average cost effectiveness only.  So in order to complete the economic 

evaluation of the three absorption alternatives, a review of the predicted incremental cost 

effectiveness must also be performed. 

 
4.6.13 Incremental Cost Effectiveness 

 
The 1990 New Source Review Workshop Manual indicates that the average cost effectiveness is 

important in considering the economic impacts of alternative control technologies; however, it 

states that the incremental cost effectiveness should also be examined to compare dominant 

alternatives for elimination.  Incremental cost effectiveness (“ICE”) is defined as the difference 

between the annualized total cost of a control option (“TC”) and the annualized total cost of the 

next control option (“TCN”) divided by the difference between the next control option emission 

rate (“NCER”) and the control option emission rate (“CER”).   
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Dominant control alternatives are determined by generating an envelope of least-cost 

alternatives, a graphical representation of emission reductions (x-value) and annualized costs (y-

value) for each alternative control.  The dominant alternatives represent the envelope of least-

cost alternatives; they fall along a curvilinear line connecting them.  Figure 4-4 is the envelope of 

least-cost alternatives for the various acid gas absorption techniques being considered. 

FIGURE 4-4:  DOMINANT SO2 CONTROL ALTERNATIVES 
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Each of the proposed absorption methods are considered dominant alternatives and are 

considered in the incremental cost effectiveness analysis for SO2 control at CC.    Using the same 

capital and operating costs as discussed previously and the uncontrolled SO2 emission rate of 

5.77lb/MMBtu, the incremental cost effectiveness for the three alternatives are presented in Table 4-

20. 
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Table 4-20:  Cost Comparison of Rectisol-, Selexol, and MDEA37

CONTROL 
TECHNOLOGY 

SO2

EMISSION 

RATE 

ANNUAL 

EMISSIONS

EMITTED 

INCREASE 
IN 

ANNUAL 
COST 

INCREMENTAL 
COST  

 LB/MMBTU TONS $ $/TON 

RECTISOL- 0.008 121 19,797,825 30,895 

SELEXOL- 0.016 242 16,070,591 20,215 

MDEA 0.043 649 7,839,617 91 

NO CONTROL 5.77 87,014 BASE BASE 

 
The incremental cost effectiveness of the RectisolTM  and SelexolTM are $30,895 and $20,215 per 

ton respectively as compared to $91 per ton for the MDEA system.  This is due in part to the 

significant removal, 86,365 tons/yr, achieved by the MDEA alone.  It is obvious that based on an 

incremental cost effectiveness analysis the two physical absorption methods are not 

economically practical.  

 

 
Energy Evaluation 

While there are additional energy requirements associated with each of the acid gas recovery 

processes, energy consumption is nominal when compared with balance of plant auxiliary power 

needs and does not warrant dismissing any of these processes from consideration as BACT. 

 

Environmental Evaluation 

Each of the AGR methods evaluated in this BACT analysis involves a chemical process that uses 

a solvent to remove H2S from syngas. Clean syngas from the AGR will be used as fuel in the 

combustion turbine. Each solvent used in the AGR will be regenerated and reused. Acid gases 

removed from the syngas will be processed to generate elemental sulfur in a sulfur recovery 
                                                 

37 These estimated costs were provided by vendors or taken from other recently submitted applications 
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system. In each case the AGR will generate a wastewater steam that must be processed prior to 

discharge.  There are no unique collateral environmental issues that would preclude use of any of 

these AGR systems for SO2 control as BACT for the CC.  

 

Conclusion 
 

While there are no environmental or energy related impacts that would favor one solvent AGR 

process over the other, it is evident that the cost associated with the physical solvent processes 

are significant when compared with any additional reduction in SO2 emissions.    The Rectisol- 

system has an initial capital cost outlay of approximately $93 million and an annual operating 

cost of almost $11 million.  Although slightly less, the Selexol- system requires initial capital of 

roughly $73 million with an annual operating cost estimated at $9 million, roughly double the 

capital cost of the MDEA system, which is estimated at a little more than $30 million.  In 

addition when considering the average and incremental cost effectiveness of the three 

alternatives the MDEA system is the most attractive and results in emission rates lower than 

those achieved in practice at currently operating IGCC units or pulverized coal boilers 

combusting bituminous coal. 

 

Based on this information the physical processes are determined to be too cost prohibitive to 

represent BACT for the CC project.  Since the Rectisol- and Selexol- processes are both 

determined to be cost prohibitive, CCG has determined that the MDEA process in combination 

with an SO2 emission limit of 0.043 lb/MMBtu, based on a 3-hr rolling average and an H2SO4 

limit of 0.0049 lb/MMBtu based on a 30-day rolling average represents BACT for CC’s IGCC 

combustion turbines when firing syngas or natural gas38.  These emission limitations represent a 

removal efficiency of approximately 99.25% and are more stringent than the emission limits 

achieved in practice at currently operating IGCC units. 

 

                                                 
38 Due to the characteristics of natural gas emissions of SO2 and acid gases, including H2SO4, are expected 

to be much less than those associated with firing syngas.  Therefore the limits proposed as BACT for 
SO2 and H2SO4 are also BACT when firing natural gas in the CTs. 
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4.6.14 Oxides of Nitrogen (IGCC) 

NOx is formed in the combustion process from two sources: fuel derived NOx and thermal NOx.  

The formation of fuel NOx depends primarily on the amount of molecularly bound nitrogen 

content of the fuel and to a lesser degree, the excess air rates and distribution of primary and 

secondary air.  Thermal NOx is formed when molecular nitrogen (N2) in the air and sometimes in 

gaseous fuels disassociates in the high temperatures of combustion. In temperatures above 

2900oF, nitrogen breaks down to N+ radicals which react with oxygen in the combustion air to 

form NOx. Thus, formation of thermal NOx is influenced by factors such as flame temperature, 

furnace geometry, excess air rate, combustion air temperature, and residence time in the primary 

combustion zone.   The same factors that inhibit CO emissions (i.e., high temperature and high 

excess air) increase thermal NOx.  In the case of IGCC there is very little molecularly bound 

nitrogen in the syngas and thus very little fuel NOx generated.  The majority of NOx emissions 

from IGCC generation are the result of thermal oxidation of nitrogen in the combustion turbines. 

 

Control methods for NOx can be divided into two types of technologies:  combustion controls 

and post-combustion controls.  Combustion NOx controls reduce the amount of NOx that is 

generated, while post-combustion NOx controls remove NOx by treating the exhaust gases.  A 

number of NOx control options are available for potential application at the CC.  Table 4-21 

identifies the NOx control options for CC, listed in descending order of control efficiency.   

 

Table 4-21:  NOx Emission Control Options 

Control Method Control Add-on Efficiency 
Selective Catalytic Reduction (SCR) 60-90% 

Diluent Injection   40-75%39

Steam Injection   40-75%40

Selective Non-Catalytic Reduction (SNCR) 40-70% 
 

                                                 
39   Estimated based on an uncontrolled NSPS CT rate for natural gas of 42 ppmv@15% O2 and the 

expected IGCC Diluent emission rate of 15 ppmv @15% O2

40  Estimated based on an uncontrolled NSPS CT rate for natural gas of 42 ppmv@15% O2 and the 
expected IGCC Diluent emission rate of 15 ppmv @15% O2
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A brief description of each of the NOx control technologies listed in Table 4-16 are provided 

below. 

 

4.6.14.1 Selective Catalytic Reduction  

SCR is an exhaust gas treatment process in which ammonia (“NH3”) is injected into the exhaust 

gas upstream of a catalyst bed.  On the catalyst surface, ammonia and nitric oxide (“NO”) react 

to form diatomic nitrogen and water.  The overall chemical reaction can be expressed as: 

 

4NO + 4NH3 + O2 "  4N2 + 6H2O 

 

2NO2 + 4NH3 + O2 " 3N2 + 6H2O 

 

These reactions proceed in the temperature range of 575%F to 750%F.  The NH3/NOx mole ratio 

has a considerable effect on the performance of an SCR system.   The more ammonia that can be 

injected the higher the conversion of NOx to N2.  However, this results in higher levels of 

unreacted ammonia being released to the atmosphere with the flue gas (ammonia slip).  

Ammonia slip typically increases over time as the catalyst degrades and additional ammonia is 

required to achieve the same control levels (in many SCR installations up to 10ppm).   

 

While SCR is currently available and widely used at natural gas fired combined cycle electric 

generating stations it is not feasible for sources burning higher sulfur fuels unless the sulfur 

removal is very high.  The sulfur in these fuels converts to SO2 and SO3 during the combustion 

process.  SO3 reacts with the ammonia to form ammonia sulfate and ammonium bisulfate which 

readily blinds (poisons) the catalyst and can cause corrosion and heat transfer loss in the heat 

recovery steam generator.  In addition, operation of SCRs in the presence of SO2 has produced 

up to 10% conversion of SO2 to SO3 providing additional opportunity for the production of 

equipment damaging compounds.  CC’s SO2 controlled CT emissions are 0.043 lb/MMBtu; 

however, even this level of sulfur in the syngas would still detrimentally impact the catalyst and 

operational efficiency of the SCR.  To reduce the SO2 emissions to the levels necessary for 

proper SCR operation would require the addition of a RectisolTM physical absorption system.   
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4.6.14.2 Diluent Injection of Nitrogen 

Diluent injection is a combustion control technique that reduces the production of thermal NOx.  

A diluent, such as N2, is injected into the combustor lowering the temperature of the combustion 

flame which in turn reduces the production of thermal NOx. 

 

This is the predominant method of NOx control for IGCC units firing syngas due to the large 

amount of N2 available from the Air Separation Unit (“ASU”) and the level of control possible.  

GE has successfully installed and tested several combustion turbines using diluent injection to 

control NOx emissions. 

 

4.6.14.3 Steam Injection 

Steam injection is another combustion control techniques used to reduce the production of 

thermal NOx.  Similar to nitrogen injection steam injection involves injecting steam into the 

combustor to reduce the temperature of the combustion zone which reduces the production of 

thermal NOx. 

 

Steam injection has also been successfully demonstrated to reduce NOx emissions from 

combustion turbines.  Steam injection can cause combustion “noise” due to the increase in fuel 

feed rate. This noise can disrupt turbine operation (flame stability, vibration, etc.) and cause 

premature wear on the equipment 

 

4.6.14.4 Selective Non-Catalytic Reduction 

SNCR is another flue gas treatment system that reduces post-combustion NOx emissions using 

ammonia or urea injection, similar to SCR but without a catalyst. However, in the absence of a 

catalyst, higher temperatures in the range 1600 to 2000° F are required for ammonia to 

selectively react with nitric oxide to form molecular nitrogen and water. Maintaining the desired 

temperature window is, therefore, one of the most important operating and design considerations.  

Since SNCR does not use a catalyst, additional ammonia must be used to achieve higher levels 

of NOx control, resulting in a greater potential for ammonia slip.  Typically ammonia slip from 

an SNCR is much greater than that from SCR without an increase in removal.  
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4.6.15 NOx BACT Selection 

The most effective NOx control system that is technically feasible for the proposed CC IGCC 

involves the installation of SCR.  As required by the top-down BACT approach, an evaluation of 

the economic, energy and environmental impacts of each top ranked control system not selected 

as BACT is provided below.  

 

Economic Evaluation 

As discussed previously, due to the high levels of hydrogen in the syngas low NOx burners used 

in a typical boiler or combustion turbine operation are not feasible.  However, the syngas 

manufacturing process includes an air separation process which produces an ample supply of 

quality nitrogen that can be used as a diluent to reduce thermal NOx formation during the 

combustion process.  IGCC combustion turbines are designed with diluent nitrogen injection to 

utilize the nitrogen byproduct.  The NSRWM states “…when calculating the cost effectiveness 

of adding post process emissions controls to certain inherently lower polluting processes, 

baseline emissions may be assumed to be the emissions from the lower polluting process itself. 

In other words, emission reduction credit can be taken for use of inherently lower polluting 

processes.”  Therefore, the baseline NOx emissions for IGCC facilities are based on emissions in 

the flue gas exiting the combustion turbines, for CC this is equal to 0.058 lb/MMBtu.  Assuming 

SCR is a feasible post combustion control technology, and an estimated control efficiency of 

80% the final maximum emission rate expected for CC would be 0.0116 lb/MMBtu.   

 

Similar to the economic analysis performed for SO2 controls in the previous subsection, the NOx 

analysis consists of reviewing both the annual average and incremental cost effectiveness of 

SCR.  The estimated capital and operating costs associated with installing and operating SCR at 

CC are presented in Table 4-22.  Since there are no commercial installations of SCR control 

devices at IGCC facilities, cost estimates have been made based on vendor discussions, trade 

show presentations, similarly proposed sources, discussions with non utility gasification sources, 

OAQPS Control Cost Manual, 5th edition, and EPA’s CueCost. 
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  Table 4-22: Capital and Operating Cost Estimates for the Installation and Operation of 
Selective Catalytic Reduction Control of NOx emissions at CC  

CAPITAL COSTS    
   $ 
Reactor Housing and Installation; Ammonia 
Handling and Injection; and  Flue Gas 
Handling: Ductwork and Fans  

Based on discussion with 
vendors, and non utility 
gasification sources 

13,500,000 
 

Instruments and Control 2 % of equipment cost 
       
270,000  

Sales Tax 6 % of equipment cost 
       
810,000  

Freight 5 % of equipment cost 
       
675,000  

Total Equipment Purchase Cost (“TEPC”)   
   
15,255,000  

    
Direct    

Foundations and Supports 10 % of TEPC 
     
1,525,500  

Erection and Connections 10 % of TEPC 
     
1,525,500  

Total Direct Costs   
   
18,306,000  

    
Indirect    

Erection General Facilities 10 % of TEPC 
     
1,525,500  

Engineering Fees 10 % of TEPC 
     
1,525,500  

Construction Contingency 10 % of TEPC 
     
1,525,500  

Contractor Fees 10 % of TEPC 
     
1,525,500  

Start-up/Testing 2 % of TEPC 
       
305,100  

Contingency 3 % of TEPC 
       
457,650  

Total Indirect Costs   
     
6,864,750  

     

Total Capital Costs   
   
22,119,750  
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Table 4-22 (continued): Capital and Operating Cost Estimates for the Installation and Operation 
of Selective Catalytic Reduction Control of NOx emissions at CC  

OPERATING COSTS    
Variable   $ 
Electricity (additional 650 kW for pressure 
drop) 40 $/MWH 

       
204,984  

Ammonia (around 134 lb/hr) 360 $/ton 
       
211,291  

Catalyst replacement every 2 years 300 $/ft3 
     
1,833,300  

Catalyst Disposal 15 $/ft3 
         
91,665  

Total Variable   
     
2,341,240  

    
Fixed    

Operator Labor 1 additional 3 shifts 30  $/hr  
       
262,800  

Supervisory labor 15  % of Operator  
         
39,420  

Maintenance Materials 2  % of Equipment Cost 
       
228,825  

Maintenance Labor 60
 % of Maintenance 
Materials  

       
137,295  

Total Fixed   
       
668,340  

    

Property Taxes 1  % of Capital Investment  
       
221,198  

Insurance 1  % of Capital Investment  
       
221,198  

Administration 2  % of Capital Investment  
       
442,395  

     

Total Annual O&M Costs   
     
3,894,370  

Capital Recovery Factor    
Interest Rate 7 %  
Recovery Period 20 years  

Factor 
  
0.09439   

Annualized Capital Recovery   
     
2,087,948  

Total Annual Cost    
     
5,982,318  
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Since the RectisolTM AGR system is required to make SCR technically feasible for NOx control, 

the capital and annual costs associated with its installation and operation must also be included in 

the economic analysis for SCR.  Table 4-23 presents the annual average and incremental cost 

effectiveness for SCR.  Since the only feasible post combustion NOx control alternative is SCR 

the average cost effectiveness and the incremental cost effectiveness are the same.   

 

Table 4-23: SCR Cost Effectiveness  

CONTROL 
TECHNOLOGY 

NOX 
EMISSION 

RATE 

ANNUAL 
EMISSIONS 
EMITTED 

INCREASE 
IN 

ANNUAL 
COST 

AVERAGE   
COST 

EFFECTIVENESS 

INCREMENTAL 
COST 

EFFECTIVENESS 

 LB/MMBTU TON $ $/TON $/TON 

SCR + 
RECTISOLTM 0.0116 175 25,780,143 36,361 36,361 

DILUENT 
INJECTION 0.058 875 BASE BASE BASE 

      

 
As presented in the previous table the average and incremental cost effectiveness of $36,361 per 

ton of NOx removed is significantly more than that typical for other sources and is not an 

economically viable option for CC. 

 

Energy Evaluation 

The major area of energy consumption associated with an SCR is fan power required to 

overcome the flue gas pressure loss across the SCR system.  This would reduce the overall 

efficiency of the facility and would have a noticeable impact on unit generation.  Because of this 

reduction in plant efficiency (increase in generated electricity consumption by the facility) SCR 

is not an energy efficient control technology for the CC. 
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There are no significant energy requirements in using diluent injection for NOx control at the CC.  

This is due primarily to the fact that the ASU already produces nitrogen as a byproduct of the 

oxygen need for the gasification process. 

 

Environmental Evaluation 

As mentioned for SCR to maintain a level of NOx emissions equal to that proposed for the CC 

with diluent injection, ammonia slip in excess of 5% is expected.  Additionally, with SCR the 

addition of a catalyst would cause SO2 to oxidize into SO3 which can hydrate in the atmosphere 

and form sulfuric acid mist.  The ammonia slip in conjunction with the SO3 could also react and 

produce ammonia sulfate.  Sulfuric acid mist and ammonia sulfate are both of concern because 

of their potential impacts on visibility, soil, and vegetation.  Therefore the additional emission of 

these pollutants from CC due to use of SCR is very undesirable. 

 

There are no known deleterious environmental impacts associated with diluent injection as a 

control technology for NOx reduction at CC. 

 

Conclusion 

While SCR and SNCR have been the preferred control devices for NOx reduction from 

combustion sources over the past several years, they are not the best technology for use with 

IGCC.  GE performance tests of diluent injection on combustion units similar to that proposed 

for CC have demonstrated reductions in NOx equal to or better than reductions achieved by using 

SCR or SNCR with LNB and proper boiler design on PC boilers.  As demonstrated in the 

economic analysis, the cost to add SCR to CC would result in an additional annual cost of a little 

more than $25.7 million or roughly $ 36,361 per ton of NOx removed.  This is a significant cost 

increase for an incremental reduction in emissions.  Reflected in the increased annual cost of the 

SCR control option is the efficiency loss due to the fan energy requirements.  While minimal, the 

reduction in plant efficiency affects both economic and energy impacts negatively.  The IGCC 

process and the ability to reduce NOx to levels on par with the best controlled existing coal fired 

boilers without ammonia slip makes IGCC with diluent injection a much more environmentally 

conscious choice.  Additionally, while SCR and SNCR are available and potentially feasible no 

existing or proposed IGCC has demonstrated it as a viable control technology for additional 
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reductions in NOx.  Therefore, CCG proposes proper design and operation with diluent N2 

injection in combination with a 0.058 lb/MMBtu emissions limit, based on a 24-hour average, to 

be BACT for NOx while firing syngas.  This limit is lower than any existing or proposed IGCC 

and coal fired power plant as detailed in Tables 4-10 and 4-11.   

 

The combustion turbines will fire natural gas when syngas is not available.  Since the 

combustion turbines will not utilize low NOx burners or SCR (they are designed for syngas 

combustion), the emission rate when firing natural gas is slightly higher.  CCG proposes proper 

design and operation with a 0.087 lb/MMBtu emissions limit, based on a 24-hour average, to be 

BACT for NOx while firing natural gas.  In addition, CCG proposes to limit the maximum annual 

hours of natural gas operation to 900 hours.  By combining the natural gas NOx emission limit 

with a proposed operating limit of 900 hours per year when firing natural gas, compliance with 

regulatory requirements, when firing natural gas in the CTs, is insured. 
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4.6.16 Carbon Monoxide (IGCC) 

Carbon monoxide is a product of incomplete combustion, often the result of achieving lower 

NOx emissions.  As demonstrated in Section 4.3.3, the best methods for CO control is thermal 

oxidation and catalytic incineration.  However, neither of these technologies are feasible for the 

CC.  It should be noted that a properly designed and operated combustion turbine effectively 

functions as a thermal oxidizer.  CO formation is minimized when the temperature and excess 

oxygen availability are adequate for complete combustion.  Minimization of the CO emitted is in 

the economical best interest of the operator because CO represents unutilized energy exiting the 

process.  This is especially true in the case of IGCC since the primary energy component of 

syngas produced from gasification is CO. 

 

CO emission rates are also identified as a potential factor that affects NOx emissions on an 

inverse proportional basis (i.e., lower CO tends to produce higher NOx).  Some emission of CO 

is expected due to the nitrogen diluent used to lower NOx emissions, see Section 4.6.14 for 

discussion on diluent nitrogen injection.  Therefore, any attempt to increase efficiency of the 

combustion turbines to reduce CO would potentially result in an increase in NOx emissions.  

Based on EPA’s emphasis to reduce NOx emissions, further reductions in CO emissions at the 

expense of increasing NOx emissions are not warranted. 

  

4.6.17 Carbon Monoxide BACT Selection 

The applicant proposes proper operation and maintenance in combination with an emission limit 

of 0.036 lb/MMBtu based on a 30 day rolling average, to be BACT for the CC combustion 

turbines.  This is supported by recent permits and applications for coal fired and IGCC projects 

as shown in Tables 4-2, 4-3, and 4-4.  

 

4.6.18 Volatile Organic Compounds (IGCC) 

Volatile Organic Compounds (“VOC”) are formed by incomplete combustion of volatile matter 

in the coal.  As demonstrated in Section 4.3.3, the best methods for VOC control are thermal 

oxidation and catalytic incineration.  However, neither of these technologies is feasible for the 

CC.  Thermal oxidation is the most efficient means of destroying VOCs.  In thermal oxidation, 
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fuel volatiles are burned in the combustion zone and are converted into CO2 and water vapor.  

Factors affecting the completeness of volatile combustion are temperature, turbulent mixing of 

the volatiles with air, the residence time volatiles are in the combustion zone, and high 

temperature exhaust gases.  The inherent operation of a combustion turbine approximates 

thermal oxidation and provides all of the factors that facilitate volatile combustion.  

 

4.6.19 Volatile Organic Compounds BACT Selection 

Existing, permitted and proposed electric generating projects do not reflect any controls 

determined to be BACT for emissions of VOCs outside of proper operation and maintenance.  

Historically and presently, combustion turbines have been viewed as giant thermal oxidizers of 

VOCs.  Therefore, BACT for VOCs is proper design and operation of the combustion turbines 

with a VOC emission limit of 0.006 lb/MMBtu (based on 30-day rolling average) when firing 

syngas or natural gas.   

 

4.6.20 Auxiliary Equipment Emissions 

In addition to the combustion turbines, material handling equipment and cooling towers, CC will 

have an auxiliary boiler and firewater pumps that will operate for a limited period of time each 

year. 

 

4.6.21 Auxiliary Boiler 

The 2.35 MMBtu/hr auxiliary boiler will be used to generate steam for start-up of the gasifiers. 

The steam is used to purge the gasifiers and maintain temperature and pressure.  To minimize 

pollutant emissions, the auxiliary boiler will have low NOx burners and fire natural gas.  It is 

expected that the auxiliary boiler will operate 500 hours or less per year.  Therefore, the 

Applicant is proposing proper boiler design and operation, low NOx burners and use of natural 

gas to represent BACT for the auxiliary boiler at CC.  This is consistent with other permits 

issued for auxiliary boilers at power generating facilities, including IGCC. 
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4.6.22 Firewater Pumps 

The proposed facility will be equipped with one electric and one natural gas-fired firewater pump 

for emergency fire protection.  The natural gas fired pump will only be operated in case of an 

emergency and for short test periods.   

 

The Applicant proposes to limit testing of the natural gas fire pump to less than 500 hours a year.  

This is similar to other sources in the Commonwealth of Kentucky.  Therefore, the Applicant 

proposes limiting the hours of operation to 500 hours per year and use of natural gas to be BACT 

for the non-electric fire pump.  No emissions are expected from the electric fire pump. 
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4.7 STEP 5 - SELECT BACT 

Tables 4-24 to 4-28 summarize the BACT determinations for the CC’s proposed IGCC 

combustion turbines, material handling, cooling towers, auxiliary boiler, and fire water pumps.  

All control technologies selected as BACT are supported by recent entries into the RBLC 

database, recently proposed applications, and/or other permits.  In addition, the various air 

quality dispersion-modeling analyses performed for the CC demonstrate that criteria pollutant 

impacts from increased emissions fall below all NAAQS and PSD regulatory limits.  

Table 4-24:  BACT Determination for the IGCC Combustion Turbines 

Pollutant 
 

Emission Limit 
 

Averaging Time Control Technology 

Firing 
Syngas    

PM/PM10
0.007 lb/MMBtu 

(filterable) 3-hour Syngas Scrubbing 

SO2 0.043 lb/MMBtu 3-hour Acid Gas Removal by  Chemical 
absorption with MDEA solvent 

NOx 0.058 lb/MMBtu 24-hour Diluent N2 Injection 

CO 0.036 lb/MMBtu 30-day Proper Combustion and Operation 

VOCs 0.006 lb/MMBtu 24-hour Proper Combustion and Operation 

H2SO4 0.0049 lb/MMBtu 30-day Acid Gas Removal by  Chemical 
absorption with MDEA solvent 

Firing 
Natural Gas    

PM/PM10
0.007 lb/MMBtu 

(filterable) 3-hour Proper Combustion and Operation and 
Fuel Characteristics 

SO2 0.043 lb/MMBtu 3-hour Proper Combustion and Operation and 
Fuel Characteristics 

NOx 0.087 lb/MMBtu 24-hour Diluent N2 Injection 

CO 0.053 lb/MMBtu 30-day Proper Combustion and Operation 

VOCs 0.006 lb/MMBtu 24-hour Proper Combustion and Operation 
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Table 4-25:  BACT Determination for Material Handling 

Pollutant 
 

Emission Source 
 

Control Device 

PM/PM10 Point Source 

 
Enclosures 
Baghouses 
Vent Filters 

Fogging 
 

PM/PM10
Fugitive Source 

Storage Pile and Operations 

 
Compaction 
Suppressants 

Reduced Drop Heights 
Stacking Tubes 

 

PM/PM10 Vehicles 

 
Paved Roads Where 

Feasible 
Suppressants When Feasible 
Proper Road Maintenance 

 
 

 

Table 4-26:  BACT for Cooling Tower 

Pollutant 
 

Emission Limit 
 

Control Device 

PM10-Drift 0.04 lb-drift/hr 0.0005% Drift Eliminators 
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Table 4-27:  BACT for Auxiliary Boiler  

Pollutant 
 

Emission Limit 
 

Hours of 
Operation per 

year 

PM/PM10
0.0019 lb/MMBtu 

(filterable) 500 

SO2 0.0006 lb/MMBtu 500 

NOx 0.1 lb/MMBtu 500 

CO 0.084 lb/MMBtu 500 

VOCs 0.0055 lb/MMBtu 500 

 

Table 4-28:  BACT for Fire Pumps  

Pollutant 
 

Emission Limit 
 

Hours of 
Operation per 

year 

PM/PM10
0.0019 lb/MMBtu 

(filterable) 500 

SO2 0.0006 lb/MMBtu 500 

NOx 0.1 lb/MMBtu 500 

CO 0.084 lb/MMBtu 500 

VOCs 0.0055 lb/MMBtu 500 

 

 

By employing the selected technologies, CC will achieve emission rates that will be equal to or 

more stringent than the lowest emission rates for existing and proposed coal fired and IGCC 

generating units.  Using these technologies also enables the Applicant to use higher sulfur coal 

with lower environmental impacts than many other facilities burning lower sulfur “cleaner” 

fuels. 
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5.0 EMISSION ESTIMATES 

This Section provides sample calculations for the pollutants expected to be emitted from the 

Cash Creek Generating Station (“CC”).  These emission predictions are based on the following 

data and assumptions: 

! Annual emissions are based on 8,760 hours of operation per year unless stated differently 

! Pollutant emissions are based on 100% load capacity unless stated differently 

! Rated heat content for Syngas is 251 Btu/scf 

! Rated heat content for natural gas is 1,000 Btu/scf 

! Pollutant emissions are based on the BACT limits established in section 4 of this 

application or commonly accepted factors as noted in the calculations 

5.1 EMISSION SOURCES 

Pollutant emissions from CC are a product of the production, cleaning, and combustion of syngas 

by the combustion turbines and on-site ancillary equipment including both point sources and 

fugitive sources.  Following are the sources of pollutant emissions at the CC.  A summary of the 

predicted criteria pollutant emissions when operating with syngas are presented in Table 5-1.   

Point Sources 

! Combustion Turbines 
! Thermal Oxidizer (acid gas removal 

and sulfur recovery  tail gas treatment) 
! Cooling Tower 
! Flare 
! Coal Handling 

o Transfer Towers 
o Conveyor Drop Points 
o Crushing / Processing 
o Barge Unloading 

! Auxiliary Boiler 
! Emergency Fire Pump 

Fugitive Sources 

! Vehicular Traffic 
o Slag Transport to Landfill  

! Fuel Piles 
o Wind Erosion 
o Loading/Unloading 
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Table 5-1:  Maximum Emission Rates for the Cash Creek Generating Station1

Source Description Operating 
Load 

NOX 
Emission 

Rate 
(Tons/yr) 

CO 
Emission 

Rate 
(Tons/yr) 

PM10 
Emission 

Rate 
(Tons/yr) 

SO2 
Emission 

Rate 
(Tons/yr) 

H2SO4
Emission 

Rate 
(Tons/yr) 

VOC 
Emission 

Rate 
(Tons/yr) 

Combustion Turbines Full 874.66 542.89 105.56 648.45 73.89 90.48 
 75% 717.94 445.62 86.65 532.26 60.65 74.27 
 50% 545.44 338.55 65.83 404.38 46.08 56.42 
Tail Gas Treatment-
Thermal Oxidizer 100%       0.0002 - - 0.1 - -

Flare Pilot 0.11 0.094 0.0085 0.0007 -  0.006
Cooling Towers        100% - - 0.176 - - -
Barge Unloading 100%       - - 0.924 - - -
Coal Belts and 
Transfers  100%       - - 0.016 - - -

Storage Piles 100%       - - 0.7 - - -
Coal Grinding        100% 0.007
Haul Roads 100%        - - 0.2 - - -
Auxiliary Boiler2 100%       0.06 0.05 0.0045 0.00035 - 0.0034
Fire Pumps3 100%       0.06 0.05 0.0045 0.00035 - 0.0034

 
 

                                                 
1 Based on normal operations while firing syngas for electric generation 
2 Based on normal operation burning natural gas and 500 hours per year 
3 Based on normal operation burning natural gas and 500 hours per year 

C



5.2 COMBUSTION TURBINE EMISSIONS CALCULATIONS 

As discussed previously, CC will consist of two GE combustion turbines (“CT”) with a 

combined heat input rating of approximately 3,443 MMBtu/hr.  The CTs will fire coal derived 

syngas, provided by the proprietary GE gasification and syngas cleaning process.  Natural gas 

will be used as start-up and secondary fuel in the event of gasifier outages or system upsets.  

When using natural gas the CT combined heat input rating is approximately 3,130 MMBtu/hr.  

Examples of the detailed calculations for criteria pollutant emissions from the CTs, when firing 

syngas and natural gas, are set out below. 

 

5.2.1 Syngas 

Combustion Turbine PM10 Emissions Syngas 

Potential PM10
4

 emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

BACT PM10 (filterable) emission limit = EF =0.007 lb/MMBtu 

H = the total heat input rate for both combustion turbines 
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4  Calculated emissions are based on PM10 filterable only.  See section 4 for more information on the PM10 

emissions from the facility. 
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HEFE
XNO *+

Combustion Turbine NOx Emissions Syngas 

Potential NOx emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

BACT NOx emission limit = EF =0.058 lb/MMBtu 

H = the total heat input rate for both combustion turbines 
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Potential SO2 emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

Combustion Turbine SO2 Emissions Syngas 

 Combustion Turbine CO Emissions Syngas 

 

 

H = the total heat input rate for both combustion turbines 

 

BACT SO2 emission limit = EF =0.043 lb/MMBtu 
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Potential CO emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

BACT CO emission limit = EF =0.036 lb/MMBtu 

H = the total heat input rate for both combustion turbines 
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Combustion Turbine VOC Emissions Syngas 

Potential VOC emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

BACT VOC emission limit = EF =0.006 lb/MMBtu 

H = the total heat input rate for both combustion turbines 
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Combustion Turbine H2 SO4 Emissions Syngas 
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Potential H2SO4 emissions from the combustion turbines based on 100% load and the BACT 
emission limit are as follows: 

BACT H2SO4 emission limit = EF =0.0049 lb/MMBtu 

H = the total heat input rate for both combustion turbines 
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5.2.2 Natural Gas 

Combustion Turbine PM10 Emissions - Natural Gas 

Potential PM10 emissions from the combustion turbines based on 100% load, a BACT operating 
limit of 900 hr/yr, and the following emission limit are as follows: 

BACT PM10 (filterable) emission limit = EF =1.9 

H = the total volumetric rate for both combustion turbines  
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Combustion Turbine NOX Emissions – Natural Gas 

Potential NOx emissions from the combustion turbines based on 100% load, a BACT operating 
limit of 900 hr/yr, and the following emission limit are as follows: 

BACT NOx emission limit = EF =86.6 lb/MMscf 

H = the total volumetric heat input rate for both combustion turbines 
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Combustion Turbine SO2 Emissions – Natural Gas 
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Potential SO2 emissions from the combustion turbines based on 100% load, a BACT operating 
limit of 900 hr/yr, and the following emission limit are as follows: 

BACT SO2 emission limit = EF =0.6 lb/MMscf 

H = the total volumetric heat input rate for both combustion turbines 
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Combustion Turbine CO Emissions  - Natural Gas 

Potential CO emissions from the combustion turbines based on 100% load, a BACT operating 
limit of 900 hr/yr, and the following emission limit are as follows: 

BACT CO emission limit = EF =52.7 lb/MMscf 

H = the total volumetric heat input rate for both combustion turbines 

 

HEFECO *+  

$
%
&

'
(
)*$$

%

&
''
(

)
+

hr
MMscf

MMscf
lbECO 13.37.52  

hr
lbECO 165+  

lb
ton

yr
hr

hr
lbECO 0005.0900165 **+  

yr
tonECO 3.74+  

 

 

Combustion Turbine VOC Emissions – Natural Gas 
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Potential VOC emissions from the combustion turbines based on 100% load, a BACT operating 
limit of 900 hr/yr, and the following emission limit are as follows: 

BACT VOC emission limit = EF =5.5 lb/MMscf 

H = the total volumetric heat input rate for both combustion turbines 
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Table 5-2 and Table 5-3 contain calculated emissions of all pollutants expected to be emitted 

from the combustion turbines when firing syngas and natural gas. 
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Table 5-2:  Potential Emissions from Combustion Turbines Firing Syngas 

          Un-Controlled Controlled 
        Emissions Emissions 

  Emission Factor 
Emission Factor 

Source 
Control 

% lb/hr tpy lb/hr tpy 
CO 0.036 lb/MMBtu       BACT 123.95 542.89 123.95 542.89
VOC 0.006        lb/MMBtu BACT 20.66 90.48 20.66 90.48
NOX 0.058        lb/MMBtu BACT 199.69 874.66 199.69 874.66
PM10 Filterable 0.007        lb/MMBtu BACT 99.9% 24101.00 105562.38 24.10 105.56
SO2 0.043        lb/MMBtu BACT 99.25% 19857.30 86974.98 148.05 648.45
H2SO4 0.0049       lb/MMBtu BACT  16.87 73.89 16.87 73.89
Metallic HAPs         
Antimony 8.37E-07 lb/MMBtu AP42 Table 1.1-18      2.88E-03 1.26E-02 2.88E-03 1.26E-02
Arsenic 2.00E-07 lb/MMBtu Design    6.89E-04    3.02E-03 6.89E-04 3.02E-03
Beryllium 2.00E-07 lb/MMBtu Design    6.89E-04    3.02E-03 6.89E-04 3.02E-03
Cadmium 4.50E-07 lb/MMBtu Design    1.55E-03    6.79E-03 1.55E-03 6.79E-03
Chromium 3.50E-06 lb/MMBtu Design    1.21E-02    5.28E-02 1.21E-02 5.28E-02
Cobalt 4.65E-06 lb/MMBtu AP42 Table 1.1-18      1.60E-02 7.01E-02 1.60E-02 7.01E-02
Manganese 1.00E-05 lb/MMBtu Design    3.44E-02    1.51E-01 3.44E-02 1.51E-01
Mercury 3.94E-06 lb/MMBtu Design   95% 2.71E-01    1.19E+00 1.36E-02 5.94E-02
Nickel 3.94E-06 lb/MMBtu Design    1.36E-02    5.94E-02 1.36E-02 5.94E-02
Selenium 3.94E-06 lb/MMBtu Design    1.36E-02    5.94E-02 1.36E-02 5.94E-02
Lead 1.03E-06 lb/MMBtu Design    3.55E-03    1.55E-02 3.55E-03 1.55E-02
Organic HAPs         
Acenaphthylene 2.50E-07        lb/MMBtu DOE 8.61E-04 3.77E-03 8.61E-04 3.77E-03
Benz(a)anthracene 2.30E-09        lb/MMBtu DOE 7.92E-06 3.47E-05 7.92E-06 3.47E-05
Benzene 2.00E-05        lb/MMBtu Design 6.89E-02 3.02E-01 6.89E-02 3.02E-01
Benzo(a)pyrene 5.60E-09        lb/MMBtu DOE 1.93E-05 8.44E-05 1.93E-05 8.44E-05
Benzo(g,h,i)perylene 9.60E-09        lb/MMBtu DOE 3.31E-05 1.45E-04 3.31E-05 1.45E-04
Formaldehyde 1.70E-05        lb/MMBtu DOE 5.85E-02 2.56E-01 5.85E-02 2.56E-01
Naphthalene 4.00E-07        lb/MMBtu DOE 1.38E-03 6.03E-03 1.38E-03 6.03E-03
Toluene 3.30E-06        lb/MMBtu DOE 1.14E-02 4.98E-02 1.14E-02 4.98E-02
Acid Gases HAPs         
HF (assume all Fluorides are HF) 3.00E-05        lb/MMBtu DOE 1.03E-01 4.52E-01 1.03E-01 4.52E-01
HCl (assume all Chlorides are HCl) 6.00E-04        lb/MMBtu DOE 2.07E+00 9.05E+00 2.07E+00 9.05E+00
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Table 5-3:  Potential Emissions from Combustion Turbines Firing Natural Gas* 

 

          Emissions 
  Emission Factor Emission Factor Source lb/hr tpy 
CO  52.7 lb/MMscf Vendor Information  GE 1.65E+02 7.43E+01
VOC 5.5 lb/MMscf  AP42 Table 1.4-2* 1.72E+01 7.75E+00
NOX 86.61 lb/MMscf  Vendor Information GE 2.71E+02 1.22E+02
PM10 Filterable 1.9 lb/MMscf  AP42 Table 1.4-2* 5.95E+00 2.68E+00
PM10 Condensable 5.7 lb/MMscf   AP42 Table 1.4-2* 1.78E+01 8.03E+00
SO2 0.6 lb/MMscf   AP42 Table 1.4-2* 1.88E+00 8.45E-01
        
Organic HAPS       
        
1,3-Butadiene 4.39E-04 lb/MMscf  AP42 Table 3.1-3 1.37E-03 6.18E-04
Acetalhyde 4.08E-02 lb/MMscf  AP42 Table 3.1-3 1.28E-01 5.75E-02
Acrolein 6.53E-03 lb/MMscf  AP42 Table 3.1-3 2.04E-02 9.19E-03
Benzene 1.22E-02 lb/MMscf  AP42 Table 3.1-3 3.83E-02 1.72E-02
Ethyl Benzene 3.26E-02 lb/MMscf  AP42 Table 3.1-3 1.02E-01 4.60E-02
Formaldehyde 7.24E-01 lb/MMscf  AP42 Table 3.1-3 2.27E+00 1.02E+00
Naphthalene 1.33E-03 lb/MMscf  AP42 Table 3.1-3 4.15E-03 1.87E-03
PAH 2.24E-03 lb/MMscf  AP42 Table 3.1-3 7.02E-03 3.16E-03
Propylene Oxide 2.96E-02 lb/MMscf  AP42 Table 3.1-3 9.26E-02 4.17E-02
Toluene 1.33E-01 lb/MMscf  AP42 Table 3.1-3 4.15E-01 1.87E-01
Xylene 6.53E-02 lb/MMscf  AP42 Table 3.1-3 2.04E-01 9.19E-02
* As a conservative assumption the AP42 emission factors for natural gas fired boilers was used 
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5.2.3 Alternative Load Emission Estimates 

Emissions from the CTs are dependent on operating load, level of control, and length of 

operation.  While CC has been designed as a baseload facility5 there may be instances when 

reduced operating loads are necessary.  Additionally, the PSD ambient air quality impact 

assessment requires evaluation at alternative loads to ensure the maximum predicted impacts do 

not occur at reduced loads.  To comply with this requirement, pollutant emissions from the CTs 

have been calculated based on 50% and 75% load.  Following are predicted NOx example 

calculations for each of these alternative loads.  The other pollutant emissions at these alternative 

loads are calculated in the same manner.  Expected pollutant emission rates for these reduced 

loads are contained in Table 5-4 through Table 5-7. 

 

Combustion Turbine NOX Emissions Syngas at 50% Load 

Potential NOx emissions from the combustion turbines based on 50% load and the BACT 
emission limit are as follows: 

EF = BACT NOx emission limit 0.058 lb/MMBtu 

H  = Total heat rate for both combustion turbines at 50% load 

  = 2,147 MMBtu/hr 

HEFE
XNO *+  
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)*$
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hr
MMBtu

MMBtu
lbE

XNO 147,2058.0  

hr
lbE

XNO 5.124+  

                                                 
5  Baseload is defined as a continually operating facility with only maintenance or scheduled outages.  For 

permitting purposes this is defined as being able to operate and produce emissions based on 8,760 hours 
per year 
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Combustion Turbine NOX Emissions Syngas at 75% Load 

Potential NOx emissions from the combustion turbines based on 75% load and the BACT 
emission limit are as follows: 

EF = BACT NOx emission limit 0.058 lb/MMBtu 

H  = Total heat rate for both combustion turbines at 75% load 

  = 2,826 MMBtu/hr 
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 Table 5-4:  Combustion Turbines Firing SYNGAS at 50% Load 

      Emission Factor  Un-Controlled Emissions Controlled Emissions 
  Emission Factor Source lb/hr tpy lb/hr tpy 
CO 0.036 lb/MMBtu      BACT 7.73E+01 3.39E+02 7.73E+01 338.55
VOC 0.006       lb/MMBtu BACT 1.29E+01 5.64E+01 1.29E+01 56.42
NOX 0.058       lb/MMBtu BACT 1.25E+02 5.45E+02 1.25E+02 545.44
PM10 Filterable 0.007       lb/MMBtu BACT 1.50E+04 6.58E+04 1.50E+01 65.83
SO2 0.043       lb/MMBtu BACT 1.24E+04 5.42E+04 9.23E+01 404.38
H2SO4 0.0049       lb/MMBtu BACT 1.05E+01 4.61E+01 1.05E+01 46.08
Metallic HAPS        
Antimony 8.37E-07 lb/MMBtu AP42 Table 1.1-18    1.80E-03 7.87E-03 1.80E-03
Arsenic 2.00E-07      lb/MMBtu Design 4.29E-04 1.88E-03 4.29E-04 1.88E-03
Beryllium 2.00E-07       lb/MMBtu Design 4.29E-04 1.88E-03 4.29E-04 1.88E-03
Cadmium 4.50E-07       lb/MMBtu Design 9.66E-04 4.23E-03 9.66E-04 4.23E-03
Chromium 3.50E-06       lb/MMBtu Design 7.51E-03 3.29E-02 7.51E-03 3.29E-02
Cobalt 1.00E-04 lb/MMBtu AP42 Table 1.1-18 2.15E-01    9.40E-01 2.15E-01 9.40E-01
Manganese 1.00E-05      lb/MMBtu Design 2.15E-02 9.40E-02 2.15E-02 9.40E-02
Mercury 3.94E-06       lb/MMBtu Design 1.69E-01 7.41E-01 8.46E-03 3.71E-02
Nickel 3.94E-06       lb/MMBtu Design 8.46E-03 3.71E-02 8.46E-03 3.71E-02
Selenium 3.94E-06       lb/MMBtu Design 8.46E-03 3.71E-02 8.46E-03 3.71E-02
Lead 1.03E-06       lb/MMBtu Design 2.21E-03 9.69E-03 2.21E-03 0.01
Organic HAPS        
Acenaphthylene 2.50E-07      lb/MMBtu DOE 5.37E-04 2.35E-03 5.37E-04 2.35E-03
Benz(a)anthracene 2.30E-09       lb/MMBtu DOE 4.94E-06 2.16E-05 4.94E-06 2.16E-05
Benzene 2.00E-05       lb/MMBtu Design GE 4.29E-02 1.88E-01 4.29E-02 1.88E-01
Benzo(a)pyrene 5.60E-09      lb/MMBtu DOE 1.20E-05 5.27E-05 1.20E-05 5.27E-05
Benzo(g,h,i)perylene 9.60E-09       lb/MMBtu DOE 2.06E-05 9.03E-05 2.06E-05 9.03E-05
Formaldehyde 1.70E-05       lb/MMBtu DOE 3.65E-02 1.60E-01 3.65E-02 1.60E-01
Naphthalene 4.00E-07       lb/MMBtu DOE 8.59E-04 3.76E-03 8.59E-04 3.76E-03
Toluene 3.30E-06       lb/MMBtu DOE 7.09E-03 3.10E-02 7.09E-03 3.10E-02
Acid Gas HAPs        
HF  3.00E-05      lb/MMBtu DOE 6.44E-02 2.82E-01 6.44E-02 2.82E-01
HCl  6.00E-04       lb/MMBtu DOE 1.29E+00 5.64E+00 1.29E+00 5.64E+00
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Table 5-5:  Combustion Turbines Firing SYNGAS at 75% Load 

      Emission  Un-Controlled Controlled 
      Factor  Emissions Emissions 
  Emission Factor Source lb/hr tpy lb/hr tpy 
CO 0.036       lb/MMBtu BACT 1.02E+02 4.46E+02 1.02E+02 445.62
VOC 0.006       lb/MMBtu BACT 1.70E+01 7.43E+01 1.70E+01 74.27

NOX 0.058       lb/MMBtu BACT 1.64E+02 7.18E+02 1.64E+02 717.94

PM10 Filterable 0.007       lb/MMBtu BACT 1.98E+04 8.66E+04 1.98E+01 86.65

SO2 0.043       lb/MMBtu BACT 1.63 +04 7.14E+04 1.22E+02 532.26

H2SO4 0.0049       lb/MMBtu BACT 1.38E+01 6.07E+01 1.38E+01 60.65
         
Metallic HAPS        
Antimony 8.37E-07       lb/MMBtu AP42
Arsenic 2.00E-07       lb/MMBtu AP42 5.65E-04 2.48E-03 5.65E-04 2.48E-03
Beryllium 2.00E-07       lb/MMBtu AP42 5.65E-04 2.48E-03 5.65E-04 2.48E-03
Cadmium 4.50E-07       lb/MMBtu AP42 1.27E-03 5.57E-03 1.27E-03 5.57E-03
Chromium 3.50E-06       lb/MMBtu AP42 9.89E-03 4.33E-02 9.89E-03 4.33E-02
Cobalt 1.00E-04       lb/MMBtu AP42 2.83E-01 1.24E+00 2.83E-01 1.24E+00
Manganese 1.00E-05       lb/MMBtu AP42 2.83E-02 1.24E-01 2.83E-02 1.24E-01
Mercury 3.94E-06       lb/MMBtu AP42 2.23E-01 9.75E-01 1.11E-02 4.88E-02
Nickel 3.94E-06       lb/MMBtu AP42 1.11E-02 4.88E-02 1.11E-02 4.88E-02
Selenium 3.94E-06       lb/MMBtu AP42 1.11E-02 4.88E-02 1.11E-02 4.88E-02
Lead 1.03E-06       lb/MMBtu AP42 2.91E-03 1.27E-02 2.91E-03 0.01
        
Organic HAPS        
Acenaphthylene 2.50E-07       lb/MMBtu DOE 7.07E-04 3.09E-03 7.07E-04 3.09E-03
Benz(a)anthracene 2.30E-09       lb/MMBtu DOE 6.50E-06 2.85E-05 6.50E-06 2.85E-05
Benzene 2.00E-05       lb/MMBtu Design GE 5.65E-02 2.48E-01 5.65E-02 2.48E-01
Benzo(a)pyrene 5.60E-09       lb/MMBtu DOE 1.58E-05 6.93E-05 1.58E-05 6.93E-05
Benzo(g,h,i)perylene 9.60E-09       lb/MMBtu DOE 2.71E-05 1.19E-04 2.71E-05 1.19E-04
Formaldehyde 1.70E-05       lb/MMBtu DOE 4.80E-02 2.10E-01 4.80E-02 2.10E-01
Naphthalene 4.00E-07       lb/MMBtu DOE 1.13E-03 4.95E-03 1.13E-03 4.95E-03
Toluene 3.30E-06       lb/MMBtu DOE 9.33E-03 4.08E-02 9.33E-03 4.08E-02
HF  3.00E-05       lb/MMBtu DOE 8.48E-02 3.71E-01 8.48E-02 3.71E-01
HCl  6.00E-04       lb/MMBtu DOE 1.70E+00 7.43E+00 1.70E+00 7.43E+00
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Table 5-6:  Combustion Turbines Firing Natural Gas at 50% Load 

        Controlled Emissions 
  Emission Factor Source lb/hr tpy 
CO  52.7 lb/MMscf  Design Table 1.4-1 1.03E+02 4.63E+01
VOC 5.5 lb/MMscf  AP42 Table 1.4-2 1.07E+01 4.83E+00
NOX 86.61 lb/MMscf  Design Table 1.4-1 1.69E+02 7.61E+01
PM10 Filterable 1.9 lb/MMscf  AP42 Table 1.4-2 3.71E+00 1.67E+00
PM10 Condensable 5.7 lb/MMscf   AP42 Table 1.4-2 1.11E+01 5.01E+00
SO2 0.6 lb/MMscf   AP42 Table 1.4-2 1.17E+00 5.27E-01
        
        
Organic HAPS       
1,3-Butadiened 4.39E-04 lb/MMscf  AP42 Table 1.4-3 8.56E-04 3.85E-04
Acetaldehyde 4.08E-02 lb/MMscf  AP42 Table 1.4-3 7.96E-02 3.58E-02
Acrolein 6.53E-03 lb/MMscf  AP42 Table 1.4-3 1.27E-02 5.73E-03
Benzene 1.22E-02 lb/MMscf  AP42 Table 1.4-3 2.39E-02 1.08E-02
Ethylbenzene 3.26E-02 lb/MMscf  AP42 Table 1.4-3 6.37E-02 2.87E-02
Formaldehyde 7.24E-01 lb/MMscf  AP42 Table 1.4-3 1.41E+00 6.36E-01
Naphthalene 1.33E-03 lb/MMscf  AP42 Table 1.4-3 2.59E-03 1.16E-03
PAH  2.24E-03 lb/MMscf  AP42 Table 1.4-3 4.38E-03 1.97E-03
Propylene Oxide  2.96E-02 lb/MMscf  AP42 Table 1.4-3 5.77E-02 2.60E-02
Toluene 1.33E-01 lb/MMscf  AP42 Table 1.4-3 2.59E-01 1.16E-01
Xylene 6.53E-02 lb/MMscf  AP42 Table 1.4-3 1.27E-01 5.73E-02
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Table 5-7:  Combustion Turbines Firing Natural Gas at 75% Load 

        
Controlled 
Emissions 

  Emission Factor Source lb/hr tpy 
CO  52.7 lb/MMscf  Design Table 1.4-1 1.35E+02 6.10E+01
VOC 5.5 lb/MMscf  AP42 Table 1.4-2 1.41E+01 6.36E+00
NOX 86.61 lb/MMscf Design Table 1.4-1 2.23E+02 1.00E+02
PM10 Filterable 1.9 lb/MMscf  AP42 Table 1.4-2 4.88E+00 2.20E+00
PM10 Condensable 5.7 lb/MMscf   AP42 Table 1.4-2 1.46E+01 6.59E+00
SO2 0.6 lb/MMscf   AP42 Table 1.4-2 1.54E+00 6.94E-01
        
Organic HAPS       
1,3-Butadiened 4.39E-04 lb/MMscf  AP42 Table 1.4-3 1.13E-03 5.07E-04
Acetaldehyde 4.08E-02 lb/MMscf  AP42 Table 1.4-3 1.05E-01 4.72E-02
Acrolein 6.53E-03 lb/MMscf  AP42 Table 1.4-3 1.68E-02 7.55E-03
Benzene 1.22E-02 lb/MMscf  AP42 Table 1.4-3 3.14E-02 1.42E-02
Ethylbenzene 3.26E-02 lb/MMscf  AP42 Table 1.4-3 8.39E-02 3.77E-02
Formaldehyde 7.24E-01 lb/MMscf  AP42 Table 1.4-3 1.86E+00 8.37E-01
Naphthalene 1.33E-03 lb/MMscf  AP42 Table 1.4-3 3.41E-03 1.53E-03
PAH  2.24E-03 lb/MMscf  AP42 Table 1.4-3 5.77E-03 2.59E-03
Propylene Oxide  2.96E-02 lb/MMscf  AP42 Table 1.4-3 7.60E-02 3.42E-02
Toluene 1.33E-01 lb/MMscf  AP42 Table 1.4-3 3.41E-01 1.53E-01
Xylene 6.53E-02 lb/MMscf  AP42 Table 1.4-3 1.68E-01 7.55E-02
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5.2.4 Other Combustion Turbine Emissions 

In addition to the criteria pollutants discussed above, other trace materials are often present in the 

coal or can be formed as a by-product of combustion having the potential to be emitted in small 

quantities.  These trace material emissions are calculated in the same manner as the criteria 

pollutants above.  Tables 5-2 through 5-7 also contain the predicted emissions for these trace 

materials. 

EF = Pollutant emission limit  

H  = Total heat rate for both combustion turbines at load 

hr
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Example trace material pollutant calculation using lead emission factor at 100% load: 
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5.3 COOLING TOWER 

Water from the cooling tower is cycled through the system to remove heat from process 

operations and the steam turbine condenser.  This cooling tower water contains trace amounts of 

minerals and other species.  These constituents can become entrained in the cooling tower drift 

and be emitted as PM10.  The maximum concentration of minerals in the water is determined by 

water supply quality and the design limits (operating cycles of concentration) of the equipment.  

The water balance indicates that approximately 3,821.9 gallons of water per minute will be lost 

from the cooling tower due to evaporation.  The balance also estimates the total dissolved solids 

concentration in this evaporate to be 0.021ppm.  The predicted PM10 emission rate based on this 

information was calculated as follows: 

EDrift =  Drift emitted from cooling tower 

Fevap = Evaporation rate from cooling tower 

TDS = Concentration of total dissolved solids in evaporating water 

"H20  = Density of water = 8.34 lb/gal 
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5.4 COAL HANDLING EQUIPMENT 

Particulate emissions result from the transfer and handling of coal at CC.  Each of the conveyor 

transfer points is subject to the emission of a small amount of particulate during operation.  The 

transfer points and crushing operations will use enclosures and baghouses or suppressants to 

control particulate emissions to levels in excess of 99%.   

5.4.1 Annual Coal Usage 

The coal received annually for CC is based on maximum rated capacity of the gasifiers and the 

heat content of the fuel by the following equation: 

lb
BtuH

hr
BtuG

CF +  

 
H = Heat content of coal = 10,750 Btu/lb 

G = Gasifier rated capacity = 5,516 MMBtu/hr 

CF = Coal feed rate = lb/hr 

 

lb
Btu

hr
Btu

CF
750,10

000,000,516,5
+  

 

hr
lbCF 109,513+  

 

lb
ton

hr
lbCF 0005.0109,513 *+  

 

 
hr
tonCF 6.256+  

 

 
yr
hr

hr
tonCF 760,86.256 *+  

 

 
yr

tonCF 417,247,2+

Cash Creek Generation, LLC 5-20 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



 

5.4.2 Mine Conveyor Transfer to CC Feed Conveyor 

  As a mine mouth facility the primary source of coal is from the nearby mine.  The coal will be 
transferred by one of the mine’s existing conveyors to a new overland belt that will accept the 
coal for use at CC (37)6.  Emissions from the conveying and transfer of coal associated with this 
process are based on the following design information. 
 
 
B = Belt rated capacity = 800 ton/hr 

EF = MRI/KYDAQ emission factor = 0.0003 lb-PM10/ton-coal uncontrolled 

C = Filter Control Efficiency = 99.5% 

EUNC = Uncontrolled emissions = mass/time 

E = Controlled emissions = mass/time 

 

Un-Controlled Controlled 
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6   Bracketed numbers correspond to CC’s site layout and process flow diagram keys  
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5.4.3 Barge Unloading  

A barge unloading facility has been included in the design of the CC facility.  Barge unloading 
provides an alternative source of coal in the event the mine is unable to provide the appropriate 
quality and quantity of fuel.  Emissions related to the barge operation include unloading and 
transfer to the receiving hopper (38) and transfer from the receiving hopper to the overland belt 
(K3). 
 
Barge Unloading and Transfer to Receiving Hopper (38) 

B = Barge un-loader rated capacity = 700 ton/hr 

EF = Emission factor = 0.0343 lb-PM10/ton-coal 

C = Control Efficiency = 90% 

EUNC = Uncontrolled emissions = mass/time 

E = Controlled emissions = mass/time 
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Transfer from the Receiving Hopper to the Overland Belt (K3) 

 
B = Barge un-loader rated capacity = 700 ton/hr  

EF = Emission factor = 0.0003 lb-PM10/ton-coal 

C = Control Efficiency = 99.5% 

EUNC = Uncontrolled emissions = mass/time 

E = Controlled emissions = mass/time 
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5.4.4 Coal Transfer Point 

Particulate emissions from the coal conveyor belts and transfer points are based on the amount of 

material processed, emission factors, and BACT control of 99.5%.  Although the maximum coal 

feed to the gasifiers was calculated as 257 ton/hr, as a conservative approach emissions from the 

coal handling are based on a higher rated capacity (800 ton/hr) for belts and transfers (1 and 2). 

B = Belt rated capacity = 800 ton/hr 

EF = Emission factor = 0.0003 lb-PM10/ton-coal 

C = Control Efficiency = 99.5% 

EUNC = Uncontrolled emissions = mass/time 

E = Controlled emissions = mass/time 
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5.4.5 Coal Load-in to Storage Pile (20a) 

As discussed in Section 2, normal operations will include an uninterruptible coal supply directly 

from the Mine; hence, on-site storage of coal will be kept to a minimum.  The dead storage pile 

will only maintain a coal supply of approximately 14-days.  When necessary, a portion of the 

coal will be diverted from the second transfer tower to the storage pile via conveyor.  The 

conveyor will drop the coal through an enclosed stacking tube onto the pile.  It is expected that 

the coal pile will be turned over approximately 3 times each year.   
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Emissions from stacking coal onto the storage pile were estimated using an emission factor based 

on a Midwest Research Institute (“MRI”) study of fugitive emissions from coal processing.  

Using the MRI uncontrolled factor and the maximum load-in capacity the uncontrolled fugitive 

emissions due to stockpiling can be calculated.   

CSEFLI *+  

Where: 

 LI  = Un-controlled PM10 emissions from load-in of coal to the stockpile 

 EF = Emission factor in pounds of PM10 per ton of coal load-in 

 CS = Maximum capacity of the coal stacker 
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During coal unloading, a wet suppressant is sprayed onto the coal.  It is estimated that the spray 

effectively controls approximately 90% of the material.  Based on this information the controlled 

fugitive emissions from stockpile load-in can be calculated using the following equation. 
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 % =  Percent control based on water or chemical suppressants 

 LIcontrolled = Controlled PM10 emissions from load-in of coal to the stockpile 
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Quantity of coal load in per storage pile turnover: 
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 SP  = Quantity of coal in storage pile 

 CF = Maximum feed rate 
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Annual emissions resulting from coal pile load- in 
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5.4.6 Coal Sizing and Slurry Prep (22) 

When needed, coal taken from the pile will be transferred by underground hoppers to a conveyor 

which will transport the coal to the coal slurry preparation area.  Emissions are not expected 

from the underground coal reclaim.   

 

Coal arrives at the slurry preparation area from either the mine, barge or storage pile and is fed 

into a rod mill for sizing and mixing.  Since the milling operation is a wet process there will be 

minimal emissions from this operation.  Using an MRI emission factor for milling (secondary 

crushing) of 0.0004 lb of PM10 per ton of coal processed the maximum PM10 emissions for the 

milling operation are: 

F = Feed capacity = 800 ton/hr7

EF = Emission factor = 0.0004 lb-PM10/ton-coal 

C = Control Efficiency = 99.5% 

EUNC = Uncontrolled emissions = mass/time 

E = Controlled emissions = mass/time 
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7 Although the maximum feed capacity of the belts (800 T/hr) have been used to estimate maximum emissions, 
actual rates will probably be lower since the maximum feed to the gasifiers is approximately 257 T/hr. 
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5.5 HAUL ROADS 

The truck traffic along the haul roads at the site may result in fugitive PM10 emissions.  All haul 

roads in the immediate proximity of the plant are assumed to be paved as well as maintained and 

cleaned. When the vehicles leave the paved area and enter the slag storage pile area they will be 

traveling on unpaved haul roads.  Emissions from the haul roads were estimated using equations 

taken from AP-42 Section 13.2.1, Paved Roads and AP-42 Section 13.2.2, Unpaved Roads and 

are presented below. 

 

5.5.1 Paved Roads 

Total emissions = E * VMT 
Where:  E = Size-specific emission factor (lb/VMT) 

 VMT = Vehicle Miles Traveled 

 

Size-specific emissions were calculated from the following equation: 
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Where: 

E = Particulate emission factor (g/m2) 

k =  particulate size multiplier for size rang = 7.3 

sL = Road surface silt loading = 0.4g/m2  

W  = Average vehicle weight = 15 ton8

C = Emission factor for 1980s vehicle fleet exhaust, break wear and tire wear 

P = Wet days with 0.254mm of precipitation = 125 days 

N = Number of days in the averaging period = 365 days 

 

                                                 
8  The average weight of truck is based on the sum of the weights of a loaded truck and unloaded truck 

divided by 2. 
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5.5.2 Unpaved Roads 

Total emissions = E * VMT 
Where:  E = Size-specific emission factor (lb/VMT) 

 VMT = Vehicle Miles Traveled 

 

Size-specific emissions were calculated from the following equation: 
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A mitigation factor based on moisture provided by natural causes (rain, snow, etc.) is used to 

adjust the emission estimates for regional conditions using the following equation. 
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Where: 

E = Particulate emission factor (g/m2) 

k =  Particulate size multiplier for size rang = 1.5 

s = Surface material silt content = 5%  

a = Constant based on size = 0.9 

W  = Average vehicle weight = 19 tons 

b = Constant base on size = 0.45 

Eext = Natural mitigation emission factor (lb/VMT) 

P = Wet days with 0.254mm of precipitation = 125 days 
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5.5.3 Number of Trucks 

The number of trucks used to transport slag to the landfill is based on the rate of slag produced 

and the capacity of one truck.  Total slag produced is equal to the summation of dewatered fine 

slag and course slag per hour.  The amount of water is approximately 50% of the weight of the 

slag produced. 

 
STD = Quantity of total slag dewatered per hour 
SF = Quantity of fine slag produced per hour 
Sc = Quantity of course slag produced per hour 
W = Quantity of water removed per hour 
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NT = Number of trucks per hour 
NTavg = Average number of trucks per hour 
TC = Truck capacity 29 tons 
T = Tare of truck 5 tons 
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Assuming an 85% capacity for the average number of trucks 
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5.5.4 Vehicle Miles Traveled 

VMT is calculated as follows: 

Length of Haul Road  = 0.435 miles for paved and 0.435 miles for unpaved 
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  Table 5-8:  Fugitive Dust Emissions from Vehicle Traffic 

 
UNCONTROLLED

AVERAGE UNPAVED EMISSION FACTOR MILES MILES
TYPES OF TRUCKS TRUCK PRECIPITATION ROUND TRIP ROUND TRIP PERCENT

WEIGHT UNPAVED CORRECTION UNPAVED AVG MAX AVG MAX PAVED UNPAVED CONTROL
TONS g/VMT lb/VMT lb/VMT lb/VMT AVG MAX AVG MAX AVG MAX AVG MAX AVG MAX AVG MAX AVG MAX AVG MAX

SLAG TRANSPORT TO PILES 24 52.86 0.117 1.142 0.75 0.49 18.7 21.9 0.78 0.91 0.87 0.87 16.269 19.053 16.269 19.053 1.896 2.221 8.02 9.39 90% 0.190 0.222 0.0079 0.0093 0.802 0.939 0.0334 0.0391

E  = particulate emission factor (units of k) E  = size specific emission factor (lbs/VMT) Eext = natural mitigation emission factor (lb/VMT)
sL  = road surface silt loading (grams per square meter)(g/m2) k  = particle size multiplier for particle size range P = number of days per year with 0.01 in  or more of precipitation
k  = particle size multiplier for particle size range. s  = surface material silt content (%) 

W  = average weight (tons) of the vehicle traveling the road a  = constant based on size of particulate
C  = emission factor for 1980s vehicle fleet exhaust, brake wear, and tire wear b  = constant based on size of particulate
P  = number of "wet" days with at least 0.254 mm(0.01 in) of precipitation during the averaging period W  = Coal Trucks = 50 tons, Ash Trucks = 50 tons, Limestone Trucks = 25 tons
N  = number of days in the averaging period (e.g. 30 for monthly)

INPUTS
k 1.5 lb/VMT P 125 wet days/yr

sL 0.4 g/m2 s 5 %
k 7.3 a 0.9
C 0.2119 b 0.45
P 125 days P 125 days
N 365 days

CONTROLLEDUNCONTROLLED UNCONTROLLED CONTROLLED CONTROLLED CONTROLLED
EMISSION EMISSIONS EMISSIONS EMISSIONS EMISSIONS EMISSIONS EMISSIONS
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FACTOR TRUCKS/DAY TRUCKS /HR ON-SITE VMT/DAY LBS/DAY LBS/DAY LBS/DAY LBS/HR* LBS/DAY LBS/HR*
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5.6 STORAGE PILES 

Three storage piles will be used to support the CC facility: long-term coal pile and two slag 

landfills.  Fugitive emissions from the coal storage pile were estimated using the MRI equation 

for storage piles.  Due to the characteristics of the slag material, initially moist material drying to 

a vitrified solid, the only emissions expected are those related to endloader activity for pile 

maintenance.  Fugitive emissions associated with the endloader operations are also estimated 

using an MRI equation. 

5.6.1 COAL STORAGE 

Load-in emissions were considered to be drop points and emissions were estimated in the coal 

handling section above.  Since there are no vehicles being used to transport the coal the only 

additional fugitive emissions from the coal storage pile result from wind.   The PM10 emissions 

from the coal pile associated with wind erosion are estimated by using the following equation 

and assumptions: 
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Ew = Pounds of PM10 per acre of storage uncontrolled 

s = Material silt content = 5% 

d = Average number of dry days per year = 250 days 

f = Percentage of time wind speed exceeds 12 mph = 10% 

D = Duration of material storage = 120 
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The storage is anticipated to cover 4.2 acres and will use compaction and suppression to control 

fugitive emissions.  Based on this information the estimated fugitive emissions resulting from 

wind erosion are 0.0006 tons per year. 
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5.6.2 SLAG STORAGE 

Based on the design of the facility approximately 39,169 lb/hr of coarse slag and 13,914 lb/hr of 

fine slag will be generated by the gasifiers.  Although much of this material may be transported 

off-site for sale the Applicant has assumed that the most conservative event will occur with all 

material being landfilled onsite using endloaders to maintain optimum utilization of the space.  

The fugitive emissions associated with endloader activity at the slag storage area are estimated 

by the following MRI formula. 
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E = Endloader activity emission factor = lb/ton of material processed 

K = activity correction = 1 

S = silt content = 1% 

d = days per year with precipitation less than 0.01 inches = 115 days 
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Table 5-9:  Emissions from Endloader Slag Storage Pile Maintenance 

          
  Slag* Emission Percent Uncontrolled Controlled 
  Rate Factor Control Emissions Emissions 
  ton/hr lb/ton   lb/hr ton/yr lb/hr ton/yr

PM/PM10      26.54  0.033 90%           0.87        3.79 0.087 0.379
                
        
* SLAG rate is for dewatered coarse and fine slag       

 

5.7 ANCILIARY EQUIPMENT 

 
Emissions from the ancillary equipment for the CC are calculated based on similar methods 

demonstrated in the previous subsections.  This equipment includes the thermal oxidizer, flare, 

auxiliary boiler and emergency fire pump.  The emissions for each of these pieces of equipment 

are contained in the following tables. 

5.7.1 Thermal Oxidizer 

The thermal oxidizer is part of the acid gas removal system.  Once the acid gases have been 

stripped from the syngas and the sulfur reclaimed the tail gas must be treated for any remaining 

trace pollutants.  The thermal oxidizer controls the tail gas by high temperature combustion.  The 

predicted pollutant emissions associated with the treated tail gas are listed in Table 5-10. 

Cash Creek Generation, LLC 5-35 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



 

Table 5-10:  Emissions from Tail Gas Treatment (Thermal Oxidizer) 

Fuel Natural Gas 1200 lb/hr              
  Heat Content 1000 Btu/scf              
  HHV 21800 Btu/lb              
    2.18E-02 MMBtu/lb              
    26.16 MMBtu/hr              
                     

      
Mole 
Fraction Molecular Mass Rate Mass Rate       

  lb-mole/hr*      Weight lb/hr ton/yr lb/MMBtu lb/MMscf ppm 
CO2 766  0.2467  44          10.9           47.5         0.41      414.98 246725
H2O  327  0.1053  18          1.90             8.3         0.07       72.47  105325
N2 1949  0.6278  28         17.58           77.0         0.67      671.92 627764
O2 62  0.0200  32          0.64             2.8         0.02       24.43  19970
SO2 0.67  0.00022  64         0.014             0.1      0.0005         0.53  216
Total  3104.67   1.00  186       30.982     1000000
           
           lb/hr   lb/MMBtu     
NO2

** 0.0031  0.000001  46 0.000046     0.00020  0.000  1
            

 
** Assuming the 1 ppm NO2 is part of the mole balance even though it makes the total mole fraction slightly greater than 1
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5.7.2 Flare 

The CC facility is equipped with a natural gas fired pilot system to remove pollutant emissions 

from syngas not used in the combustion turbine.  The flare will have three continuous pilots rated 

at 255 scf/hr.  During start-up, shut-down, or upset events syngas flow can be isolated and 

transferred to the flare for safe controlled release.  Emissions associated with the pilots are 

similar to a small natural gas combustion source and are listed in Table 5-11. 

 

5.7.3 Auxiliary Boiler 

As mentioned previously the CC facility will have a 2.35 MMBtu/hr natural gas fired auxiliary 

boiler for use during star-up of the gasifiers.  Since the boiler will only be used during start-up an 

operation limit of 500 hours per year has been proposed as BACT.  The emissions associated 

with the boiler are based on AP42 natural gas combustion emission factors and are presented in 

Table 5-12. 

 

5.7.4 Emergency Fire Pump 

A 3,500 gallon per minute fire pump will be installed at the CC for emergency fire protection.  

The pump will be natural gas fired with a fuel usage of approximately 2,400scf/hr.  Since the fire 

pump is an emergency device, an operating limit of 500 hours has been proposed as BACT (see 

Section 4 of this application).  Emissions associated with operation of the pump are based on 

AP-42 factors for natural gas combustion and presented in Table 5-13. 
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Table 5-11:  Emissions from Flare Pilot 

Emission Factors from USEPA's Compliance of Air Pollutant Emission Factors (AP42) Section 1.4   
  Emission Factor  lb/hr tpy 
CO 84 lb/MMscf  2.14E-02 9.38E-02 
VOC 5.5 lb/MMscf AP42 1.40E-03 6.14E-03 

NOX 100 lb/MMscf AP42 2.55E-02 1.12E-01 

PM10 Filterable 1.9 lb/MMscf AP42 4.85E-04 2.12E-03 

PM10 Condensable 5.7 lb/MMscf AP42 1.45E-03 6.37E-03 

SO2 0.6 lb/MMscf AP42 1.53E-04 6.70E-04 
       
Metallic HAPS      
Arsenic 2.00E-04 lb/MMscf AP42 5.10E-08 2.23E-07 
Beryllium 1.20E-05 lb/MMscf AP42 3.06E-09 1.34E-08 
Cadmium 1.10E-03 lb/MMscf AP42 2.81E-07 1.23E-06 
Chromium 1.40E-03 lb/MMscf AP42 3.57E-07 1.56E-06 
Cobalt 8.40E-05 lb/MMscf AP42 2.14E-08 9.38E-08 
Manganese 3.80E-04 lb/MMscf AP42 9.69E-08 4.24E-07 
Mercury 2.60E-04 lb/MMscf AP42 6.63E-08 2.90E-07 
Nickel 2.10E-03 lb/MMscf AP42 5.36E-07 2.35E-06 
Selenium 2.40E-05 lb/MMscf AP42 6.12E-09 2.68E-08 
Lead 0.0005 lb/MMscf AP42 1.28E-07 5.58E-07 
       
Organic HAPS      
2-Methylnaphthalene 2.40E-05 lb/MMscf AP42 6.12E-09 2.68E-08 
3-Methylchloranthrene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
7,12-Dimethylbenz(a)anthracene 1.60E-05 lb/MMscf AP42 4.08E-09 1.79E-08 
Acenaphthene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Acenaphthylene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Anthracene 2.40E-06 lb/MMscf AP42 6.12E-10 2.68E-09 
Benz(a)anthracene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Benzene 2.10E-03 lb/MMscf AP42 5.36E-07 2.35E-06 
Benzo(a)pyrene 1.20E-06 lb/MMscf AP42 3.06E-10 1.34E-09 
Benzo(b)fluoranthene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Benzo(g,h,i)perylene 1.20E-06 lb/MMscf AP42 3.06E-10 1.34E-09 
Benzo(k)fluoranthene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Chrysene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Dibenzo(a,h)anthracene 1.20E-06 lb/MMscf AP42 3.06E-10 1.34E-09 
Dichlorobenzene 1.20E-03 lb/MMscf AP42 3.06E-07 1.34E-06 
Fluoranthene 3.00E-06 lb/MMscf AP42 7.65E-10 3.35E-09 
Fluorene 2.80E-06 lb/MMscf AP42 7.14E-10 3.13E-09 
Formaldehyde 7.50E-02 lb/MMscf AP42 1.91E-05 8.38E-05 
Hexane 1.80E+00 lb/MMscf AP42 4.59E-04 2.01E-03 
Indeno(1,2,3-cd)pyrene 1.80E-06 lb/MMscf AP42 4.59E-10 2.01E-09 
Naphthalene 6.10E-04 lb/MMscf AP42 1.56E-07 6.81E-07 
Phenanthrene 1.70E-05 lb/MMscf AP42 4.34E-09 1.90E-08 
Pyrene 5.00E-06 lb/MMscf AP42 1.28E-09 5.58E-09 
Toluene 3.40E-03 lb/MMscf AP42 8.67E-07 3.80E-06 
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Table 5-12:  Emissions from Auxiliary Boiler 

Emission Factors from U.S.EPA's Compliance of Air Pollutant Emission Factors (AP42) Section 1.4   
  Emission Factor  lb/hr tpy 
CO 84 lb/MMscf  1.97E-01 0.04935 
VOC 5.5 lb/MMscf AP42 1.29E-02 0.00323 

NOX 100 lb/MMscf AP42 2.35E-01 0.05875 

PM10 Filterable 1.9 lb/MMscf AP42 4.47E-03 0.00112 

PM10 Condensable 5.7 lb/MMscf AP42 1.34E-02 0.00335 

SO2 0.6 lb/MMscf AP42 1.41E-03 0.00035 
       
Metallic HAPS      
Arsenic 2.00E-04 lb/MMscf AP42 4.70E-07 1.18E-07 
Beryllium 1.20E-05 lb/MMscf AP42 2.82E-08 7.05E-09 
Cadmium 1.10E-03 lb/MMscf AP42 2.59E-06 6.46E-07 
Chromium 1.40E-03 lb/MMscf AP42 3.29E-06 8.23E-07 
Cobalt 8.40E-05 lb/MMscf AP42 1.97E-07 4.94E-08 
Manganese 3.80E-04 lb/MMscf AP42 8.93E-07 2.23E-07 
Mercury 2.60E-04 lb/MMscf AP42 6.11E-07 1.53E-07 
Nickel 2.10E-03 lb/MMscf AP42 4.94E-06 1.23E-06 
Selenium 2.40E-05 lb/MMscf AP42 5.64E-08 1.41E-08 
Lead 0.0005 lb/MMscf AP42 1.18E-06 2.94E-07 
       
Organic HAPS      
2-Methylnaphthalene 2.40E-05 lb/MMscf AP42 5.64E-08 1.41E-08 
3-Methylchloranthrene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
7,12-Dimethylbenz(a)anthracene 1.60E-05 lb/MMscf AP42 3.76E-08 9.40E-09 
Acenaphthene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Acenaphthylene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Anthracene 2.40E-06 lb/MMscf AP42 5.64E-09 1.41E-09 
Benz(a)anthracene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Benzene 2.10E-03 lb/MMscf AP42 4.94E-06 1.23E-06 
Benzo(a)pyrene 1.20E-06 lb/MMscf AP42 2.82E-09 7.05E-10 
Benzo(b)fluoranthene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Benzo(g,h,i)perylene 1.20E-06 lb/MMscf AP42 2.82E-09 7.05E-10 
Benzo(k)fluoranthene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Chrysene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Dibenzo(a,h)anthracene 1.20E-06 lb/MMscf AP42 2.82E-09 7.05E-10 
Dichlorobenzene 1.20E-03 lb/MMscf AP42 2.82E-06 7.05E-07 
Fluoranthene 3.00E-06 lb/MMscf AP42 7.05E-09 1.76E-09 
Fluorene 2.80E-06 lb/MMscf AP42 6.58E-09 1.65E-09 
Formaldehyde 7.50E-02 lb/MMscf AP42 1.76E-04 4.41E-05 
Hexane 1.80E+00 lb/MMscf AP42 4.23E-03 1.06E-03 
Indeno(1,2,3-cd)pyrene 1.80E-06 lb/MMscf AP42 4.23E-09 1.06E-09 
Naphthalene 6.10E-04 lb/MMscf AP42 1.43E-06 3.58E-07 
Phenanthrene 1.70E-05 lb/MMscf AP42 4.00E-08 9.99E-09 
Pyrene 5.00E-06 lb/MMscf AP42 1.18E-08 2.94E-09 
Toluene 3.40E-03 lb/MMscf AP42 7.99E-06 2.00E-06 

 

Cash Creek Generation, LLC 5-39 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING COMPANY, INC.  Submitted: 7/15/2005 
  Printed: 7/27/2005 



 

Table 5-13:  Emissions from Emergency Fire Pump 

Emission Factors from U.S.EPA’s Compliance of Air Pollutant Emission Factors (AP42) Section 1.4   
     

  Emission Factor 

Emission 
Factor 
Source lb/hr tpy 

CO 84 lb/MMscf AP42 2.02E-01 5.04E-02 
VOC 5.5 lb/MMscf AP42 1.32E-02 3.30E-03 

NOX 100 lb/MMscf AP42 2.40E-01 6.00E-02 

PM10 Filterable 1.9 lb/MMscf AP42 4.56E-03 1.14E-03 

PM10 Condensable 5.7 lb/MMscf AP42 1.37E-02 3.42E-03 

SO2 0.6 lb/MMscf AP42 1.44E-03 3.60E-04 
Metallic HAPS      
Arsenic 2.00E-04 lb/MMscf AP42 4.80E-07 1.20E-07 
Beryllium 1.20E-05 lb/MMscf AP42 2.88E-08 7.20E-09 
Cadmium 1.10E-03 lb/MMscf AP42 2.64E-06 6.60E-07 
Chromium 1.40E-03 lb/MMscf AP42 3.36E-06 8.40E-07 
Cobalt 8.40E-05 lb/MMscf AP42 2.02E-07 5.04E-08 
Manganese 3.80E-04 lb/MMscf AP42 9.12E-07 2.28E-07 
Mercury 2.60E-04 lb/MMscf AP42 6.24E-07 1.56E-07 
Nickel 2.10E-03 lb/MMscf AP42 5.04E-06 1.26E-06 
Selenium 2.40E-05 lb/MMscf AP42 5.76E-08 1.44E-08 
Lead 0.0005 lb/MMscf AP42 4.53E-03 1.13E-03 
       
Organic HAPS      
2-Methylnaphthalene 2.40E-05 lb/MMscf AP42 5.76E-08 1.44E-08 
3-Methylchloranthrene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
7,12-Dimethylbenz(a)anthracene 1.60E-05 lb/MMscf AP42 3.84E-08 9.60E-09 
Acenaphthene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Acenaphthylene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Anthracene 2.40E-06 lb/MMscf AP42 5.76E-09 1.44E-09 
Benz(a)anthracene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Benzene 2.10E-03 lb/MMscf AP42 5.04E-06 1.26E-06 
Benzo(a)pyrene 1.20E-06 lb/MMscf AP42 2.88E-09 7.20E-10 
Benzo(b)fluoranthene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Benzo(g,h,i)perylene 1.20E-06 lb/MMscf AP42 2.88E-09 7.20E-10 
Benzo(k)fluoranthene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Chrysene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Dibenzo(a,h)anthracene 1.20E-06 lb/MMscf AP42 2.88E-09 7.20E-10 
Dichlorobenzene 1.20E-03 lb/MMscf AP42 2.88E-06 7.20E-07 
Fluoranthene 3.00E-06 lb/MMscf AP42 7.20E-09 1.80E-09 
Fluorene 2.80E-06 lb/MMscf AP42 6.72E-09 1.68E-09 
Formaldehyde 7.50E-02 lb/MMscf AP42 1.80E-04 4.50E-05 
Hexane 1.80E+00 lb/MMscf AP42 4.32E-03 1.08E-03 
Indeno(1,2,3-cd)pyrene 1.80E-06 lb/MMscf AP42 4.32E-09 1.08E-09 
Naphthalene 6.10E-04 lb/MMscf AP42 1.46E-06 3.66E-07 
Phenanthrene 1.70E-05 lb/MMscf AP42 4.08E-08 1.02E-08 
Pyrene 5.00E-06 lb/MMscf AP42 1.20E-08 3.00E-09 
Toluene 3.40E-03 lb/MMscf AP42 8.16E-06 2.04E-06 
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A complete list of all sources and predicted emissions are presented in Appendix A.  The tables 

are organized by equipment and process assuming maximum capacity (100% load) and 

continuous operation (8,760 hours per year) unless noted differently. 
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6. AIR QUALITY ANALYSIS 

6.1 INTRODUCTION 
Cash Creek Generation, LLC (“CCG”) is proposing to construct an Integrated 

Gasification Combined Cycle (“IGCC”) power plant in Henderson County, KY (See 

Figure 1).  The Cash Creek Generating Station (“CC”) plant will burn syngas derived 

from Kentucky bituminous coal as the primary fuel source. 

 

Kentuckiana Engineering Company, Inc. (“KEC”) has prepared, for review and approval 

by the Kentucky Division for Air Quality (“KYDAQ”), the following air quality analysis 

to address Class II impacts.   

 

Contact information, relating to CC, is contained within the table below. 
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Table 6-1:  Contact Information 
Applicant 
Cash Creek Generation, LLC 

  

 Project Technical Information 
and  

Development Contact 

Mr. Michael McInnis 
4350 Brownsboro Road 
Suite 120 
Louisville, Kentucky 40214 
Phone:  (502) 357-9901 
mmcinnis@erora.com 

Facility Location   
 Latitude Longitude 
Cash Creek Generating Station 37 43 16.24 87 24 46.81 
   
   

   
Air Permitting Consultant 
KENTUCKIAN ENGINEERING COMPANY, INC. 

  

Air Permit Application Contact Mr. Bryan Handy 
311 Townepark Circle 
Suite 100 
Louisville, Kentucky 40243 
Phone: (502) 489-8074 
Fax: (502) 489-8078 
Email: bhandy@kecco.net 

Dispersion Modeling Contact Mr. J. Dwain Kincaid 
311 Townepark Circle 
Suite 100 
Louisville, Kentucky 40243 
Phone: (502) 489-8074 
Fax: (502) 489-8078 
Email: dkincaid@kecco.net  
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FIGURE 6-1 : CCG SITE LOCATION 
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6.2  SOURCE LOCATION MAPS 
 
The following maps have been included for the proposed IGCC plant. 

 

Urban & Non-Attainment Areas within a 50 KM radius  – Figure 6-2 

Topographic features within 10 km of the proposed site – Figure 6-3 

Location of NWS meteorological observation stations – Figure 6-4 

State air quality monitoring stations – Figure 6-5 

Location of major sources within the SIA plus 50 KM – Figure 6-6 

Plant layout on a topographic map covering a 1 km radius of the source with information 

sufficient to determine GEP stack heights – Appendix D. 
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FIGURE 6-2: URBAN & NON-ATTAINMENT AREAS WITHIN 50 KM 
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FIGURE 6-3: TOPOGRAPHIC FEATURES WITHIN 10 KM 
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FIGURE 6-4: LOCATION OF NWS METEOROLOGICAL OBSERVATION STATIONS 
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FIGURE 6-6: LOCATION OF MAJOR SOURCES WITHIN SIA PLUS 50 KM 
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6.3  SOURCE STACK PARAMETERS 
The following table shows the stack parameters used for modeling. 

Cash Creek Generation, LLC 6-10          Cash Creek Generating Station            
Kentuckiana Engineering Co. Inc.          Submitted:  July 2005 
  Printed:  8/1/2005   



Table 6-2:  Source Stack Parameters
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6.4  INFORMATION ON URBAN/RURAL CHARACTERISTICS 

6.4.1  Land Use Land Cover (LULC) 
KEC has attached a map below (Figure 6-7) showing the LULC for the area surrounding 

the plant in accordance with guidance given in the Journal of Applied Meteorology in an 

article by Auer1.  

FIGURE 6-7:  LAND USE/LAND COVER  - CC 
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The following table explains the colors in the map above depicting the land use and land 

cover within a 3 kilometer radius of the area surrounding the plant 

Table 6-3:  Land Use Land Cover Categories 
COLOR LEVEL 1 
Pink Urban or Built Up Land 
Light Purple Residential 
Red Industrial 
Yellow Agricultural Land 
Light Green Rangeland 
Forest Green Forest Land 
Light Blue Water 
Olive Wetland 
Brown Barren Land 

6.4.2  Population 
The Landview V software was used to evaluate the total population and population 

density within a 3 km radius of the plant (Appendix E).  The total population within a 

three kilometer radius outside the plant property line is 90 with a population density of 

8.23 per square mile. 

6.4.3  Urban/Rural Designation 
Based on current guidance as shown in the Auer method, the area is designated as Rural 

and as such rural algorithms are be used in the modeling.  Rural coefficients were 

selected for the site since land use is less than 50 percent urban and the population 

density is less than 750 people/km2 for a three-kilometer area around the proposed 

facility. 
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6.5  EMISSIONS INVENTORY 
 
Preliminary modeling was performed to identify the significant impact areas (“SIA”) for 

all pollutants subject to PSD.  Determination of the SIAs was performed in accordance 

with the Kentucky Division for Air Quality (“KYDAQ”) requirements following the 

methods contained in the 1990 New Source Review Workshop Manual (“NSRWM”).  A 

Freedom of Information Act (“FOIA”) request was submitted to the KYDAQ, Indiana 

Department for Environmental Management (“IDEM”), and Illinois Environmental 

Protection Agency (“IEPA”) for a listing of all sources located within 100 kilometers 

(“KM”) of CCG.  These agencies provided spreadsheets with emission inventory 

information.  These spreadsheets had the following information respecting each source: 

 

! Facility ID 

! Stack ID 

! Point Description 

! Stack Parameters 

o Stack Height 

o Stack Diameter 

o Stack Temperature 

o Stack Exit Velocity 

! SO2 Hourly and Annual Emissions 

! NOx Hourly and Annual Emissions 

! PM10 Hourly and Annual Emissions 

 

The emissions listed in the databases were based on Permitted Allowable and Potential 

emissions or where there was no permit limit, the Potential to Emit value was used.   

 

CCG performed a 20D analysis on the emissions database for these sources using 

guidelines as established by KYDAQ.  The 20D analysis is a screening technique used to 

eliminate sources considered not to affect the air quality analysis of the impact area.  The 

guidelines for the 20D analysis are as follows: 
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! For short term averages, the 20D distance is measured from the source to CC. 

! For long term averages (annual), the 20D distance is measured from the source to 

the SIA boundary. 

! Sources within the SIA cannot be eliminated. 

 

The distance from CC to the NAAQS source in question was determined using the 

following equation: 

 
222 CBA +#  

 

where: 

A – The difference in the UTM X coordinates of CC and the NAAQS Source 

B – The difference in the UTM Y coordinates of CC and the NAAQS Source 

C – The distance from CC to the NAAQS source 

 

Once the distance (C) was determined in KM, an IF statement was placed in the 

spreadsheets to determine if the NAAQS source was within the applicable Significant 

Impact Area (“SIA”).  That IF statement is as follows: 

 

. /"","", NOYESCSIAIF =+  

 

where: 

SIA – The Significant Impact Area for Pollutant in Question 

C – The distance from CC to the NAAQS Source 

 

Another IF statement was placed in the spreadsheet to determine if the NAAQS source 

was within the SIA plus 50 KM.  That if statement is as follows: 

 

IF(SIA+50>=C,”YES”,”NO”) 
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Sources outside the SIA plus 50 KM were not considered in the 20D analysis.  

 

The following tables show the final 20D analysis results.  The original emission 

inventory tables are contained in Appendix F showing how they were received from 

agencies and the 20D analysis process that was used.
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Table 6-4:  Illinois SO 2  20D Analysis

Pollutant Controlled Forced Forced SO2
SOURCE Geocode Point Point Description Emissions Y UTM X UTM X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN

ID (t/y) M M KM KM SIA? SIA + 50?
IL1 047005AAH 1 INCINERATOR SO2 0.93732 4247958 407601 463,601.63 4,174,755.22 56,000.63 3,136,070,560.40 -73,202.78 5,358,646,999.73 8,494,717,560.13 92.17 3.12 53.12 NO NO
IL2 069854AAF 3 ASTEC ASPHALT PLANT SO2 115.632 4145490 375501 463,601.63 4,174,755.22 88,100.63 7,761,721,006.40 29,265.22 856,453,101.65 8,618,174,108.05 92.83 3.12 53.12 NO NO
IL3 165010AAJ 2 3 BOILERS SO2 11.948465 4186065 373014 463,601.63 4,174,755.22 90,587.63 8,206,118,709.02 -11,309.78 127,911,123.65 8,334,029,832.67 91.29 3.12 53.12 NO NO
IL4 185804AAA 1 ASPHALT PLANT SO2 35.04 4249787 424898 463,601.63 4,174,755.22 38,703.63 1,497,970,975.18 -75,031.78 5,629,768,009.97 7,127,738,985.15 84.43 3.12 53.12 NO NO
IL5 193801AAF 7 2 GENERATORS SO2 35.04 4213356 404425 463,601.63 4,174,755.22 59,176.63 3,501,873,538.16 -38,600.78 1,490,020,216.61 4,991,893,754.77 70.65 3.12 53.12 NO NO
IL6 059035AAB 8 FUEL OIL COMBUSTION IN DRYER SO2 47.03025 4172071 399675 463,601.63 4,174,755.22 63,926.63 4,086,614,023.16 2,684.22 7,205,037.01 4,093,819,060.17 63.98 3.12 53.12 NO NO
IL7 185020AAL 31 CLEAVER-BROOKS AND ECLIPSE BOILERS SO2 0.49932 4251220 432141 463,601.63 4,174,755.22 31,460.63 989,771,240.00 -76,464.78 5,846,862,580.45 6,836,633,820.45 82.68 3.12 53.12 NO NO
IL8 069015AAI 6 CALCINE PLANT (EU-7) SO2 57.378 4141476 380113 463,601.63 4,174,755.22 83,488.63 6,970,351,339.28 33,279.22 1,107,506,483.81 8,077,857,823.09 89.88 3.12 53.12 NO NO
IL9 069015AAI 22 GRINDING CIRCUIT #2 (EU-3) SO2 12.702 4141476 380113 463,601.63 4,174,755.22 83,488.63 6,970,351,339.28 33,279.22 1,107,506,483.81 8,077,857,823.09 89.88 3.12 53.12 NO NO
IL10 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL11 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL12 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL13 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL14 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL15 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL16 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL17 193010AAF 1 ENGINES 5 - 13 SO2 0.797335 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL18 193010AAF 1 ENGINES 5 - 13 SO2 0.804518 4217175 398024 463,601.63 4,174,755.22 65,577.63 4,300,425,556.42 -42,419.78 1,799,437,735.25 6,099,863,291.67 78.10 3.12 53.12 NO NO
IL19 193805AAF 1 ASPHALT PLANT SO2 25.0536 4216987 399405 463,601.63 4,174,755.22 64,196.63 4,121,207,303.36 -42,231.78 1,783,523,241.97 5,904,730,545.33 76.84 3.12 53.12 NO NO
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Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
2104700101 Paris Packaging Inc Christian 001 SO2 (Sulfur Dioxide) 0.0007854 0.0063072 2.12 32 30000 141.6 300 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES
2104700101 Paris Packaging Inc Christian 002 SO2 (Sulfur Dioxide) 0.0003927 0.0021024 2.12 32 30000 141.6 300 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES
2104700101 Paris Packaging Inc Christian 002 SO2 (Sulfur Dioxide) 0.0003927 0.0023652 2.12 32 30000 141.6 300 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES
2104700101 Paris Packaging Inc Christian 003 SO2 (Sulfur Dioxide) 0.0003927 0.0031536 2.12 32 30000 141.6 300 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES
2104700101 Paris Packaging Inc Christian 006 SO2 (Sulfur Dioxide) 0.0003927 0.0099864 4.5 24 300000 314.4 70 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES
2104700101 Paris Packaging Inc Christian 010 SO2 (Sulfur Dioxide) 0.0003927 0.002628 2.12 32 30000 141.6 300 0 2004 Emissions Survey ########## 461,021.37 463601.63 4174755.22 2,580.26 6,657,741.66760 -11,726.13 137,502,148.229151 144,159,889.8968 12.00666023 3.12 53.12 NO YES

0.0027489 0.0265428 ########## 461,021.37 12.00666023 3.12 53.12 NO YES 240.1332 0.026543 NO 177.7332 0.026543 NO

2105900001 Farmers Elevators Inc Daviess 005 SO2 (Sulfur Dioxide) 0 0.0006003 0 0 0 0 300 20 09/30/1979 2004 Emissions Survey ########## 488,696.66 463601.63 4174755.22 -25,095.03 629,760,580.89096 -5,030.40 25,304,883.916813 655,065,464.8078 25.59424671 3.12 53.12 NO YES 511.8849 0.0006 NO 449.4849 0.0006 NO

2105900004 Mullican Feed Mill Inc Daviess 003 SO2 (Sulfur Dioxide) 0.00000027 0.0018 0 0 0 0 100 10 09/01/1975 2004 Emissions Survey ########## 478,525.60 463601.63 4174755.22 -14,923.97 222,724,850.71296 -11,242.31 126,389,444.197633 349,114,294.9106 18.68460048 3.12 53.12 NO YES 373.692 0.0018 NO 311.292 0.0018 NO

2105900006 Daramic LLC Daviess 001 SO2 (Sulfur Dioxide) 0.002814 0.068328 3.3 33 212 0 300 0 04/01/1959 2004 Emissions Survey ########## 495,622.86 463601.63 4174755.22 -32,021.23 1,025,358,914.54308 -9,831.38 96,656,091.692687 1,122,015,006.2358 33.49649245 3.12 53.12 NO YES
2105900006 Daramic LLC Daviess 001 SO2 (Sulfur Dioxide) 0.002814 0.057816 3.3 33 212 0 300 0 04/01/1959 2004 Emissions Survey ########## 495,622.86 463601.63 4174755.22 -32,021.23 1,025,358,914.54308 -9,831.38 96,656,091.692687 1,122,015,006.2358 33.49649245 3.12 53.12 NO YES
2105900006 Daramic LLC Daviess 001 SO2 (Sulfur Dioxide) 0.093468 0.165564 3.3 33 212 0 300 0 04/01/1959 2004 Emissions Survey ########## 495,622.86 463601.63 4174755.22 -32,021.23 1,025,358,914.54308 -9,831.38 96,656,091.692687 1,122,015,006.2358 33.49649245 3.12 53.12 NO YES

0.099096 0.291708 ########## 495,622.86 33.49649245 3.12 53.12 NO YES 669.9298 0.291708 NO 607.5298 0.291708 NO

2105900009 Barton Brands LTD Daviess 005 SO2 (Sulfur Dioxide) 0.0080805 0.0657 6.6 26 35314 16 289 0 01/01/1997 2004 Emissions Survey ########## 492,343.30 463601.63 4174755.22 -28,741.67 826,083,364.45555 -6,443.79 41,522,468.226844 867,605,832.6824 29.45514951 3.12 53.12 NO YES
2105900009 Barton Brands LTD Daviess 005 SO2 (Sulfur Dioxide) 0 22.6212532 6.6 26 35314 16 289 0 01/01/1997 2004 Emissions Survey ########## 492,343.30 463601.63 4174755.22 -28,741.67 826,083,364.45555 -6,443.79 41,522,468.226844 867,605,832.6824 29.45514951 3.12 53.12 NO YES

0.0080805 22.6869532 ########## 492,343.30 29.45514951 3.12 53.12 NO YES 589.103 22.68695 NO 526.703 22.68695 NO

2105900013 Modern Welding Co Daviess 002 SO2 (Sulfur Dioxide) 0.00066165 0.0010512 1 20 989 21 300 0 07/01/1969 2004 Emissions Survey ########## 491,607.64 463601.63 4174755.22 -28,006.01 784,336,596.12010 -4,718.66 22,265,761.632920 806,602,357.7530 28.40074573 3.12 53.12 NO YES
2105900013 Modern Welding Co Daviess 007 SO2 (Sulfur Dioxide) 0.01369095 0.0218124 7.06 28 20000 8.5 70 0 01/01/1996 2004 Emissions Survey ########## 491,607.64 463601.63 4174755.22 -28,006.01 784,336,596.12010 -4,718.66 22,265,761.632920 806,602,357.7530 28.40074573 3.12 53.12 NO YES

0.0143526 0.0228636 ########## 491,607.64 28.40074573 3.12 53.12 NO YES 568.0149 0.022864 NO 505.6149 0.022864 NO

2105900016 MPD Inc Daviess 002 SO2 (Sulfur Dioxide) 0.0007161 0.00848844 7.5 85 808 0.3 399 0 01/01/1975 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 002 SO2 (Sulfur Dioxide) 0.0021867 0.0110376 7.5 85 808 0.3 399 0 01/01/1975 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 002 SO2 (Sulfur Dioxide) 0.0007161 0.00848844 7.5 85 808 0.3 399 0 01/01/1975 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 002 SO2 (Sulfur Dioxide) 0.0013902 0.0165564 7.5 85 808 0.3 399 0 01/01/1975 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 003 SO2 (Sulfur Dioxide) 0 0.002628 7.5 85 777 0.3 399 0 11/29/1993 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 003 SO2 (Sulfur Dioxide) 0 0.002628 7.5 85 777 0.3 399 0 11/29/1993 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 004 SO2 (Sulfur Dioxide) 0.0000843 0.0010512 1 50 100 2.1 399 0 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 004 SO2 (Sulfur Dioxide) 0 0.0081468 1 50 100 2.1 399 0 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 004 SO2 (Sulfur Dioxide) 0 0.001971 1 50 100 2.1 399 0 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 004 SO2 (Sulfur Dioxide) 0.0002106 0.00218124 1 50 100 2.1 399 0 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES
2105900016 MPD Inc Daviess 004 SO2 (Sulfur Dioxide) 0.0001686 0.00270947 1 50 100 2.1 399 0 2004 Emissions Survey ########## 489,601.80 463601.63 4174755.22 -26,000.17 676,008,840.02890 -5,029.19 25,292,731.939340 701,301,571.9682 26.48209909 3.12 53.12 NO YES

0.0054726 0.06588659 ########## 489,601.80 26.48209909 3.12 53.12 NO YES 529.642 0.065887 NO 467.242 0.065887 NO

2105900025 Owensboro Brick & Tile Daviess 005 SO2 (Sulfur Dioxide) 0.016005 0.01114714 2.6 46 600 3 399 0 01/24/1991 2004 Emissions Survey ########## 487,305.77 463601.63 4174755.22 -23,704.14 561,886,395.36445 -7,405.46 54,840,837.811599 616,727,233.1760 24.8339935 3.12 53.12 NO YES
2105900025 Owensboro Brick & Tile Daviess 005 SO2 (Sulfur Dioxide) 0.015 0.01314 2.6 46 600 3 399 0 01/24/1991 2004 Emissions Survey ########## 487,305.77 463601.63 4174755.22 -23,704.14 561,886,395.36445 -7,405.46 54,840,837.811599 616,727,233.1760 24.8339935 3.12 53.12 NO YES

0.031005 0.02428714 ########## 487,305.77 24.8339935 3.12 53.12 NO YES 496.6799 0.031005 NO 434.2799 0.031005 NO

2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 2426.882657 3184.66803 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 0 34.005972 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 0.02572512 1.0934 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 0 0 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 14.69272171 4.67411045 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 4325.748875 5786.276789 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 0 0 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 0.0004669 0.3299016 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 0 0 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 0 0 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES
2105900027 Owensboro Municipal Utilities - Elmer Smith Station Daviess 003 SO2 (Sulfur Dioxide) 0.00105118 3.0478275 0.7 40 35 0 415 0 01/01/1964 2004 Emissions Survey ########## 494,643.64 463601.63 4174755.22 -31,042.01 963,606,384.84010 -8,013.69 64,219,307.553022 1,027,825,692.3931 32.05972072 3.12 53.12 NO YES

6767.351496 9014.096031 ########## 494,643.64 32.05972072 3.12 53.12 NO YES 641.1944 9014.096 YES 578.7944 9014.096 YES

2105900035 The Hon Co Daviess 001 SO2 (Sulfur Dioxide) 0.0891675 1.107045 2 23 7275 39 350 0 08/01/1980 2004 Emissions Survey ########## 491,999.63 463601.63 4174755.22 -28,398.00 806,446,290.40801 -5,211.41 27,158,846.302221 833,605,136.7102 28.87222085 3.12 53.12 NO YES
2105900035 The Hon Co Daviess 002 SO2 (Sulfur Dioxide) 0.00489 0.0281985 7.5 43 110003 39 293 0 01/01/1963 2004 Emissions Survey ########## 491,999.63 463601.63 4174755.22 -28,398.00 806,446,290.40801 -5,211.41 27,158,846.302221 833,605,136.7102 28.87222085 3.12 53.12 NO YES

0.0940575 1.1352435 ########## 491,999.63 28.87222085 3.12 53.12 NO YES 577.4444 1.135244 NO 515.0444 1.135244 NO

2105900038 Field Packing Co Daviess 003 SO2 (Sulfur Dioxide) 0.03585 0.084096 7.9 144 6992 3 329 0 09/01/1989 2004 Emissions Survey ########## 488,307.28 463601.63 4174755.22 -24,705.65 610,369,339.56772 -6,510.29 42,383,901.925263 652,753,241.4930 25.54903602 3.12 53.12 NO YES
2105900038 Field Packing Co Daviess 003 SO2 (Sulfur Dioxide) 0 1.7925588 7.9 144 6992 3 329 0 09/01/1989 2004 Emissions Survey ########## 488,307.28 463601.63 4174755.22 -24,705.65 610,369,339.56772 -6,510.29 42,383,901.925263 652,753,241.4930 25.54903602 3.12 53.12 NO YES

0.03585 1.8766548 ########## 488,307.28 25.54903602 3.12 53.12 NO YES 510.9807 1.876655 NO 448.5807 1.876655 NO

2105900039 Owensboro Grain Co LLC Daviess 022 SO2 (Sulfur Dioxide) 0 0.013497 0 0 0 0 149 30 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 023 SO2 (Sulfur Dioxide) 0 0.013497 0 0 0 0 149 30 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 33.184305 3.6 59 15997 26 300 0 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 0.0963144 3.6 59 15997 26 300 0 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 026 SO2 (Sulfur Dioxide) 0.00042216 0.003003 0 0 0 0 77 20 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 027 SO2 (Sulfur Dioxide) 0 0.0006006 0.7 10 494 23 179 0 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 028 SO2 (Sulfur Dioxide) 0 0.0006006 0.7 10 494 23 179 0 07/01/1969 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 032 SO2 (Sulfur Dioxide) 504.12648 678.173925 4.6 108 49016 49 314 0 08/01/1981 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES
2105900039 Owensboro Grain Co LLC Daviess 054 SO2 (Sulfur Dioxide) 0 0 0.7 23 812 39 77 0 04/07/1992 2004 Emissions Survey ########## 491,193.13 463601.63 4174755.22 -27,591.50 761,290,982.61600 -6,013.50 36,162,146.169009 797,453,128.7850 28.23921261 3.12 53.12 NO YES

504.1269022 711.4857426 ########## 491,193.13 28.23921261 3.12 53.12 NO YES 564.7843 711.4857 YES 502.3843 711.4857 YES

2105900042 Charles Medley & Associates Daviess 009 SO2 (Sulfur Dioxide) 0 0.0156006 1 40 24084 511.1 400 0 05/10/1996 2004 Emissions Survey ########## 487,793.18 463601.63 4174755.22 -24,191.55 585,231,091.40250 -6,202.84 38,475,224.065598 623,706,315.4681 24.97411291 3.12 53.12 NO YES 499.4823 0.015601 NO 437.0823 0.015601 NO

2105900047 Conopco Daviess 001 SO2 (Sulfur Dioxide) 0.04270003 0.139284 4 39 13420 17.8 300 0 09/12/1975 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES
2105900047 Conopco Daviess 001 SO2 (Sulfur Dioxide) 0 37.977048 4 39 13420 17.8 300 0 09/12/1975 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES
2105900047 Conopco Daviess 002 SO2 (Sulfur Dioxide) 0.06405005 0.189216 4 39 21507 28.52 449 0 12/15/1987 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES
2105900047 Conopco Daviess 002 SO2 (Sulfur Dioxide) 0 51.47784 4 39 21507 28.52 449 0 12/15/1987 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES
2105900047 Conopco Daviess 003 SO2 (Sulfur Dioxide) 0.00000216 0.0063072 70 15 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES
2105900047 Conopco Daviess 003 SO2 (Sulfur Dioxide) 0.00000216 0.00657 70 15 2004 Emissions Survey ########## 493,173.56 463601.63 4174755.22 -29,571.93 874,499,103.06876 -4,809.72 23,133,368.000656 897,632,471.0694 29.9605152 3.12 53.12 NO YES

0.1067544 89.7962652 ########## 493,173.56 29.9605152 3.12 53.12 NO YES 599.2103 89.79627 NO 536.8103 89.79627 NO

2105900071 General Electric Co - Owensboro Motor Plant Daviess 016 SO2 (Sulfur Dioxide) 0.000759 0.002628 1 26 494 10 750 0 08/03/1994 2004 Emissions Survey ########## 492,363.89 463601.63 4174755.22 -28,762.26 827,267,830.40569 -2,375.76 5,644,235.577599 832,912,065.9833 28.86021597 3.12 53.12 NO YES
2105900071 General Electric Co - Owensboro Motor Plant Daviess 040 SO2 (Sulfur Dioxide) 0.000759 0.002628 1 26 953 20 750 0 10/01/1994 2004 Emissions Survey ########## 492,363.89 463601.63 4174755.22 -28,762.26 827,267,830.40569 -2,375.76 5,644,235.577599 832,912,065.9833 28.86021597 3.12 53.12 NO YES

0.001518 0.005256 ########## 492,363.89 28.86021597 3.12 53.12 NO YES 577.2043 0.005256 NO 514.8043 0.005256 NO

2105900083 Owensboro Grain Co LLC - River Terminal Daviess 001 SO2 (Sulfur Dioxide) 0.0006 0.0185976 0 0 0 0 275 10 09/09/1985 2004 Emissions Survey ########## 490,508.07 463601.63 4174755.22 -26,906.44 723,956,244.40923 -5,921.85 35,068,342.953605 759,024,587.3628 27.55040086 3.12 53.12 NO YES
2105900083 Owensboro Grain Co LLC - River Terminal Daviess 002 SO2 (Sulfur Dioxide) 0 0.0185976 0 0 0 0 77 16 08/01/1984 2004 Emissions Survey ########## 490,508.07 463601.63 4174755.22 -26,906.44 723,956,244.40923 -5,921.85 35,068,342.953605 759,024,587.3628 27.55040086 3.12 53.12 NO YES

0.0006 0.0371952 ########## 490,508.07 27.55040086 3.12 53.12 NO YES 551.008 0.037195 NO 488.608 0.037195 NO

2105900092 Swedish Match N America Inc Daviess EU001 SO2 (Sulfur Dioxide) 0.0322275 0.557136 3.9 39 22989 33 399 0 01/01/1971 2004 Emissions Survey ########## 486,228.91 463601.63 4174755.22 -22,627.28 511,993,935.96209 -6,975.74 48,660,976.450559 560,654,912.4126 23.67815264 3.12 53.12 NO YES
2105900092 Swedish Match N America Inc Daviess EU001 SO2 (Sulfur Dioxide) 0 469.5798 3.9 39 22989 33 399 0 01/01/1971 2004 Emissions Survey ########## 486,228.91 463601.63 4174755.22 -22,627.28 511,993,935.96209 -6,975.74 48,660,976.450559 560,654,912.4126 23.67815264 3.12 53.12 NO YES

0.0322275 470.136936 ########## 486,228.91 23.67815264 3.12 53.12 NO YES 473.5631 470.1369 NO 411.1631 470.1369 YES

2105900131 Dart Polymers Inc Daviess 008 SO2 (Sulfur Dioxide) 0.0072 0.299592 1.6 39 4450 36 300 0 04/17/1986 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 022 SO2 (Sulfur Dioxide) 0.0066 0.055188 1 43 2401 52 500 0 06/15/1976 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 022 SO2 (Sulfur Dioxide) 0 2.83824 1 43 2401 52 500 0 06/15/1976 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 023 SO2 (Sulfur Dioxide) 0.0066 0.055188 1 43 2401 52 500 0 06/15/1976 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 023 SO2 (Sulfur Dioxide) 0 2.83824 1 43 2401 52 500 0 06/15/1976 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 024 SO2 (Sulfur Dioxide) 0.0066 0.055188 1 43 2401 52 500 0 06/15/1983 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 024 SO2 (Sulfur Dioxide) 0 2.83824 1 43 2401 52 500 0 06/15/1983 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 035 SO2 (Sulfur Dioxide) 0 0.3285 1.6 30 8016 62 300 0 06/15/1989 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 035 SO2 (Sulfur Dioxide) 0.0243 0.021024 1.6 30 8016 62 300 0 06/15/1989 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 036 SO2 (Sulfur Dioxide) 0.0243 0.021024 1.6 30 8016 62 300 0 06/15/1989 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 036 SO2 (Sulfur Dioxide) 0 0.3285 1.6 30 8016 62 300 0 06/15/1989 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES
2105900131 Dart Polymers Inc Daviess 051 SO2 (Sulfur Dioxide) 0.0072 0.0330018 2.6 30 2507 7 350 0 01/01/1993 2004 Emissions Survey ########## 487,037.32 463601.63 4174755.22 -23,435.69 549,231,565.77610 -7,744.93 59,984,002.664354 609,215,568.4405 24.68229261 3.12 53.12 NO YES

0.0828 9.7119258 ########## 487,037.32 24.68229261 3.12 53.12 NO YES 493.6459 9.711926 NO 431.2459 9.711926 NO

2105900132 Southern States Cooperative Inc - T/A River Terminal Daviess 012 SO2 (Sulfur Dioxide) 0 0.0355 3.3 62 423768 187 1200 0 05/08/1995 2004 Emissions Survey ########## 494,161.69 463601.63 4174755.22 -30,560.06 933,917,511.68410 -7,887.66 62,215,259.152218 996,132,770.8363 31.56157111 3.12 53.12 NO YES
2105900132 Southern States Cooperative Inc - T/A River Terminal Daviess 012 SO2 (Sulfur Dioxide) 0.0002625 0.0074495 3.3 62 423768 187 1200 0 05/08/1995 2004 Emissions Survey ########## 494,161.69 463601.63 4174755.22 -30,560.06 933,917,511.68410 -7,887.66 62,215,259.152218 996,132,770.8363 31.56157111 3.12 53.12 NO YES

0.0002625 0.0429495 ########## 494,161.69 31.56157111 3.12 53.12 NO YES 631.2314 0.04295 NO 568.8314 0.04295 NO
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Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
SHORT TERM LONG TERM

2105900149 Yager Materials Inc - Owensboro Paving Co Daviess 001 SO2 (Sulfur Dioxide) 0.146025 0.765 6.2 25 22213 12.26 400 01/04/1999 2004 Emissions Survey ########## 495,842.85 463601.63 4174755.22 -32,241.22 1,039,496,267.08840 -9,707.89 94,243,186.499443 1,133,739,453.5878 33.67104771 3.12 53.12 NO YES
2105900149 Yager Materials Inc - Owensboro Paving Co Daviess 002 SO2 (Sulfur Dioxide) 2.617569 14.5 6.2 34 22213 12.26 325 01/04/1999 2004 Emissions Survey ########## 495,842.85 463601.63 4174755.22 -32,241.22 1,039,496,267.08840 -9,707.89 94,243,186.499443 1,133,739,453.5878 33.67104771 3.12 53.12 NO YES

2.763594 15.265 ########## 495,842.85 33.67104771 3.12 53.12 NO YES 673.421 15.265 NO 611.021 15.265 NO

2105900166 QC of KY Inc Daviess 001 SO2 (Sulfur Dioxide) 0.000003 0.0003 1 20 459 10 500 0 10/30/1990 2004 Emissions Survey ########## 492,097.39 463601.63 4174755.22 -28,495.76 812,008,167.00305 -5,118.90 26,203,157.685602 838,211,324.6887 28.95187947 3.12 53.12 NO YES 579.0376 0.0003 NO 516.6376 0.0003 NO

2105900169 Kimberly-Clark Corp Daviess 001 SO2 (Sulfur Dioxide) 0.0624 0.10512 3 90 30000 70.74 600 0 03/01/1995 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 003 SO2 (Sulfur Dioxide) 0.1554 0.123516 6.83 79 32000 14.6 300 0 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 003 SO2 (Sulfur Dioxide) 0.0969 0.18396 6.83 79 32000 14.6 300 0 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 007 SO2 (Sulfur Dioxide) 0.1728 0.2609604 4 110 23000 30.5 300 0 03/01/1994 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 012 SO2 (Sulfur Dioxide) 0.0093 0.047304 0 0 0 0 0 30 04/01/1993 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 013 SO2 (Sulfur Dioxide) 0.0069 0.01314 0 0 0 0 0 30 04/01/1993 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 014 SO2 (Sulfur Dioxide) 0.0006 0.010512 0 0 0 0 0 30 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 015 SO2 (Sulfur Dioxide) 0.006942 0.089352 0 0 0 0 0 30 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 016 SO2 (Sulfur Dioxide) 0.003819 0.0315 0 0 0 0 0 30 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 017 SO2 (Sulfur Dioxide) 0.0063 0.0539973 0 0 0 0 0 3 09/10/1991 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES
2105900169 Kimberly-Clark Corp Daviess 018 SO2 (Sulfur Dioxide) 0.0234 0.126144 0 0 0 0 30 30 09/22/1995 2004 Emissions Survey ########## 473,449.68 463601.63 4174755.22 -9,848.05 96,984,029.71421 -11,013.69 121,301,323.361336 218,285,353.0755 14.77448317 3.12 53.12 NO YES

0.544761 1.0455057 ########## 473,449.68 14.77448317 3.12 53.12 NO YES 295.4897 1.045506 NO 233.0897 1.045506 NO

2105900175 Owensboro Grain Edible Oils Inc Daviess 001 SO2 (Sulfur Dioxide) 0.0832383 0.220752 4.9 30 186458 164 149 0 10/11/1996 2004 Emissions Survey ########## 487,256.43 463601.63 4174755.22 -23,654.80 559,549,373.80162 -7,097.33 50,372,093.128894 609,921,466.9305 24.69658816 3.12 53.12 NO YES
2105900175 Owensboro Grain Edible Oils Inc Daviess 001 SO2 (Sulfur Dioxide) 0.0142 93.7198935 4.9 30 186458 164 149 0 10/11/1996 2004 Emissions Survey ########## 487,256.43 463601.63 4174755.22 -23,654.80 559,549,373.80162 -7,097.33 50,372,093.128894 609,921,466.9305 24.69658816 3.12 53.12 NO YES

0.0974383 93.9406455 ########## 487,256.43 24.69658816 3.12 53.12 NO YES 493.9318 93.94065 NO 431.5318 93.94065 NO

2105900194 Dana Corp - Structural Division Daviess 001 SO2 (Sulfur Dioxide) 0.00251247 0.0312012 12.1 49 132427 20 320 0 03/31/1997 2004 Emissions Survey ########## 486,170.64 463601.63 4174755.22 -22,569.01 509,360,392.93219 -1,397.73 1,953,663.130225 511,314,056.0624 22.61225456 3.12 53.12 NO YES
2105900194 Dana Corp - Structural Division Daviess 003 SO2 (Sulfur Dioxide) 0.00405636 0.007884 8.2 49 176570 56 428 0 03/31/1997 2004 Emissions Survey ########## 486,170.64 463601.63 4174755.22 -22,569.01 509,360,392.93219 -1,397.73 1,953,663.130225 511,314,056.0624 22.61225456 3.12 53.12 NO YES

0.00656883 0.0390852 ########## 486,170.64 22.61225456 3.12 53.12 NO YES 452.2451 0.039085 NO 389.8451 0.039085 NO

2105900195 Unifirst Corp Daviess 001 SO2 (Sulfur Dioxide) 0.00008847 0.0024 9.2 13 84754 20 320 0 01/12/1998 2004 Emissions Survey ########## 485,807.15 463601.63 4174755.22 -22,205.52 493,084,940.82626 -3,524.84 12,424,482.926244 505,509,423.7525 22.48353673 3.12 53.12 NO YES
2105900195 Unifirst Corp Daviess 002 SO2 (Sulfur Dioxide) 0.0000885 0.0024 9.2 13 84754 20 320 0 01/12/1998 2004 Emissions Survey ########## 485,807.15 463601.63 4174755.22 -22,205.52 493,084,940.82626 -3,524.84 12,424,482.926244 505,509,423.7525 22.48353673 3.12 53.12 NO YES

0.00017697 0.0048 ########## 485,807.15 22.48353673 3.12 53.12 NO YES 449.6707 0.0048 NO 387.2707 0.0048 NO

2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.00027 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.00072 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.00039 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.00051 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.00045 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 001 SO2 (Sulfur Dioxide) 0.0003 0.005256 1.33 65 2550 30.6 250 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 002 SO2 (Sulfur Dioxide) 0.00000003 0.00000054 1.5 37 10620 100.2 900 0 09/01/2002 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES
2105900202 Texas Gas Transmission LLC - South Central Office Daviess 003 SO2 (Sulfur Dioxide) 0.0013735 3.813 1.5 37 10620 100.2 900 0 09/01/2000 2004 Emissions Survey ########## 489,132.55 463601.63 4174755.22 -25,530.92 651,827,620.73722 -1,639.88 2,689,216.253689 654,516,836.9909 25.58352667 3.12 53.12 NO YES

0.00401353 3.84453654 ########## 489,132.55 25.58352667 3.12 53.12 NO YES 511.6705 3.844537 NO 449.2705 3.844537 NO

2105900205 Toyotetsu Mid America LLC Daviess 002 SO2 (Sulfur Dioxide) 0.00000627 0.0001971 2 33 3400 18 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 002 SO2 (Sulfur Dioxide) 0.00000627 0.00011826 2 33 3400 18 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 002 SO2 (Sulfur Dioxide) 0.00000627 0.0001971 2 33 3400 18 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 002 SO2 (Sulfur Dioxide) 0.00000627 0.0001971 2 33 3400 18 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 002 SO2 (Sulfur Dioxide) 0.00000627 0.0005256 2 33 3400 18 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0002628 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES
2105900205 Toyotetsu Mid America LLC Daviess 004 SO2 (Sulfur Dioxide) 0.00000627 0.0134028 0.67 33 50500 2387.26 75 0 10/01/2001 2004 Emissions Survey ########## 486,049.09 463601.63 4174755.22 -22,447.46 503,888,460.45160 -1,891.09 3,576,221.388099 507,464,681.8397 22.52697676 3.12 53.12 NO YES

0.00008778 0.10872036 ########## 486,049.09 22.52697676 3.12 53.12 NO YES 450.5395 0.10872 NO 388.1395 0.10872 NO

2109100001 Dal-Tile Corp Hancock 003 SO2 (Sulfur Dioxide) 0.04385286 0.03314002 2 59 6003 33 374 0 07/01/1969 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES
2109100001 Dal-Tile Corp Hancock 004 SO2 (Sulfur Dioxide) 0.10541 0.0822564 2 59 6003 33 385 0 07/01/1969 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES
2109100001 Dal-Tile Corp Hancock 007 SO2 (Sulfur Dioxide) 0 0.102648 2.6 59 6145 20 367 0 07/01/1969 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES
2109100001 Dal-Tile Corp Hancock 008 SO2 (Sulfur Dioxide) 0.17096 0.1052952 2.6 59 8899 26 367 0 07/01/1969 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES
2109100001 Dal-Tile Corp Hancock 025 SO2 (Sulfur Dioxide) 0.0240315 0.04418938 1 30 0 35 500 0 09/30/1999 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES
2109100001 Dal-Tile Corp Hancock 026 SO2 (Sulfur Dioxide) 0.71595 1.3164966 1.33 30 0 32 300 0 09/30/1999 2004 Emissions Survey ########## 508,372.62 463601.63 4174755.22 -44,770.99 2,004,441,814.20605 -23,116.95 534,393,238.600816 2,538,835,052.8069 50.38685397 3.12 53.12 NO YES

1.06020436 1.6840256 ########## 508,372.62 50.38685397 3.12 53.12 NO YES 1007.737 1.684026 NO 945.3371 1.684026 NO

2109100026 L R Chapman Inc Hancock (52) SO2 (Sulfur Dioxide) 0 0.031536 3.5 44 40000 69.29 115 10/21/2004 2004 Emissions Survey ########## 513,411.33 463601.63 4174755.22 -49,809.70 2,481,005,815.61242 -1,951.29 3,807,552.177025 2,484,813,367.7894 49.84790234 3.12 53.12 NO YES 996.958 0.031536 NO 934.558 0.031536 NO

2110100002 Scott Lumber Inc Henderson 001 SO2 (Sulfur Dioxide) 0 0.09 4.9 89 13243 13 410 0 07/01/1969 2004 Emissions Survey ########## 449,697.30 463601.63 4174755.22 13,904.33 193,330,476.17489 -12,820.14 164,356,015.259877 357,686,491.4348 18.91260139 3.12 53.12 NO YES 378.252 0.09 NO 315.852 0.09 NO

2110100006 Gamco Products Co Henderson 001 SO2 (Sulfur Dioxide) 0.0144 0.005256 1.6 23 1483 13 350 0 01/01/1975 2004 Emissions Survey ########## 449,162.25 463601.63 4174755.22 14,439.38 208,495,579.26938 -13,254.93 175,693,142.795041 384,188,722.0644 19.60073269 3.12 53.12 NO YES
2110100006 Gamco Products Co Henderson 006 SO2 (Sulfur Dioxide) 0.0018 0.0012 0.7 66 318 16 239 0 07/11/1995 2004 Emissions Survey ########## 449,162.25 463601.63 4174755.22 14,439.38 208,495,579.26938 -13,254.93 175,693,142.795041 384,188,722.0644 19.60073269 3.12 53.12 NO YES

0.0162 0.006456 ########## 449,162.25 19.60073269 3.12 53.12 NO YES 392.0147 0.0162 NO 329.6147 0.0162 NO

2110100012 Henderson Municipal Power & Light Henderson EU01U5 SO2 (Sulfur Dioxide) 0 1316.5404 7 128 55000 23.8 395 0 06/30/1955 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES
2110100012 Henderson Municipal Power & Light Henderson EU01U5 SO2 (Sulfur Dioxide) 0 1316.5404 7 128 55000 23.8 395 0 06/30/1955 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES
2110100012 Henderson Municipal Power & Light Henderson EU02U6 SO2 (Sulfur Dioxide) 0 0 10 128 75000 15.9 399 0 01/18/1968 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES
2110100012 Henderson Municipal Power & Light Henderson EU02U6 SO2 (Sulfur Dioxide) 0 2950.9812 10 128 75000 15.9 399 0 01/18/1968 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES
2110100012 Henderson Municipal Power & Light Henderson EU03E3 SO2 (Sulfur Dioxide) 0 40.91705334 4.3 46 35314 43 70 0 01/01/1949 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES
2110100012 Henderson Municipal Power & Light Henderson EU04E4 SO2 (Sulfur Dioxide) 0 40.9090905 4.3 46 35314 43 70 0 01/01/1949 2004 Emissions Survey ########## 448,042.25 463601.63 4174755.22 15,559.38 242,094,368.22192 -13,939.97 194,322,819.360773 436,417,187.5827 20.89060046 3.12 53.12 NO YES

0 5665.888144 ########## 448,042.25 20.89060046 3.12 53.12 NO YES 417.812 5665.888 YES 355.412 5665.888 YES

2110100015 Rogers Group Henderson Asphalt Plant Henderson 001 SO2 (Sulfur Dioxide) 0.122659 0.828 7.9 33 19988 7 124 0 07/01/1969 2004 Emissions Survey ########## 449,117.15 463601.63 4174755.22 14,484.48 209,800,276.74626 -9,926.64 98,538,102.276495 308,338,379.0228 17.5595666 3.12 53.12 NO YES
2110100015 Rogers Group Henderson Asphalt Plant Henderson 001 SO2 (Sulfur Dioxide) 0 15.84 7.9 33 19988 7 124 0 07/01/1969 2004 Emissions Survey ########## 449,117.15 463601.63 4174755.22 14,484.48 209,800,276.74626 -9,926.64 98,538,102.276495 308,338,379.0228 17.5595666 3.12 53.12 NO YES
2110100015 Rogers Group Henderson Asphalt Plant Henderson 001 SO2 (Sulfur Dioxide) 0 15.84 7.9 33 19988 7 124 0 07/01/1969 2004 Emissions Survey ########## 449,117.15 463601.63 4174755.22 14,484.48 209,800,276.74626 -9,926.64 98,538,102.276495 308,338,379.0228 17.5595666 3.12 53.12 NO YES

0.122659 32.508 ########## 449,117.15 17.5595666 3.12 53.12 NO YES 351.1913 32.508 NO 288.7913 32.508 NO

2110100016 Brenntag Mid-South Inc Henderson 016 SO2 (Sulfur Dioxide) 0.00564 0.0036 2 16 212 0 300 0 04/01/1984 2004 Emissions Survey ########## 449,316.75 463601.63 4174755.22 14,284.89 204,057,939.46323 -14,517.62 210,761,174.323454 414,819,113.7867 20.36710863 3.12 53.12 NO YES
2110100016 Brenntag Mid-South Inc Henderson 022 SO2 (Sulfur Dioxide) 0.00081 0.002628 1.6 16 0 0 199 0 11/05/1987 2004 Emissions Survey ########## 449,316.75 463601.63 4174755.22 14,284.89 204,057,939.46323 -14,517.62 210,761,174.323454 414,819,113.7867 20.36710863 3.12 53.12 NO YES
2110100016 Brenntag Mid-South Inc Henderson 024 SO2 (Sulfur Dioxide) 0.04191426 0.02482632 0.3 23 0 0 77 0 08/16/1988 2004 Emissions Survey ########## 449,316.75 463601.63 4174755.22 14,284.89 204,057,939.46323 -14,517.62 210,761,174.323454 414,819,113.7867 20.36710863 3.12 53.12 NO YES
2110100016 Brenntag Mid-South Inc Henderson 027 SO2 (Sulfur Dioxide) 0.0042 0.05256 1 23 883 20 149 0 08/16/1988 2004 Emissions Survey ########## 449,316.75 463601.63 4174755.22 14,284.89 204,057,939.46323 -14,517.62 210,761,174.323454 414,819,113.7867 20.36710863 3.12 53.12 NO YES

0.05256426 0.08361432 ########## 449,316.75 20.36710863 3.12 53.12 NO YES 407.3422 0.083614 NO 344.9422 0.083614 NO

2110100024 Gibbs Die Casting Corp Henderson 008 SO2 (Sulfur Dioxide) 0.01497 0.0054 0.83 50 530 16.3 120 0 06/01/1969 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 013 SO2 (Sulfur Dioxide) 0.01467 0.0276003 2.6 58 4378 13.7 149 0 04/16/1990 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 014 SO2 (Sulfur Dioxide) 0.02316 0.0645018 2.6 51 4378 13.7 149 0 04/16/1990 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 016 SO2 (Sulfur Dioxide) 0.00555 0.021 2 58 4378 23.2 561 0 02/09/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 017 SO2 (Sulfur Dioxide) 0.00555 0.0105 2 58 4378 23.2 561 0 02/09/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 018 SO2 (Sulfur Dioxide) 0 0.021 2 58 4378 23.2 561 0 02/09/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 01T SO2 (Sulfur Dioxide) 0.00534 0.015768 6.2 42 4378 2.4 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 01T SO2 (Sulfur Dioxide) 0 0 6.2 42 4378 2.4 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 02T SO2 (Sulfur Dioxide) 0 0 6.2 42 13140 7.3 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 02T SO2 (Sulfur Dioxide) 0.00534 0.015768 6.2 42 13140 7.3 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 03T SO2 (Sulfur Dioxide) 0.00534 0.015768 6.2 42 4378 2.4 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 03T SO2 (Sulfur Dioxide) 0 0 6.2 42 4378 2.4 579 0 02/16/1996 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0AE SO2 (Sulfur Dioxide) 0.0006 0.002628 1 32 1483 31.5 199 0 06/29/1994 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F7 SO2 (Sulfur Dioxide) 0.00495 0.0135 2 42 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F7 SO2 (Sulfur Dioxide) 0 0 2 42 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F8 SO2 (Sulfur Dioxide) 0.00495 0.0135 2 42 4378 23.2 260 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F8 SO2 (Sulfur Dioxide) 0 0 2 42 4378 23.2 260 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F9 SO2 (Sulfur Dioxide) 0 0 2 50 4378 23.2 260 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0F9 SO2 (Sulfur Dioxide) 0.00495 0.0135 2 50 4378 23.2 260 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0FE SO2 (Sulfur Dioxide) 0.00138 0.002628 1 50 1483 31.5 199 0 07/20/1994 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0FM SO2 (Sulfur Dioxide) 0 0 0 0 0 0 77 33 01/08/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I1 SO2 (Sulfur Dioxide) 0 0 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I1 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I2 SO2 (Sulfur Dioxide) 0 0 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I2 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I3 SO2 (Sulfur Dioxide) 0 0 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I3 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 58 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES

Cash Creek Generation, LLC
  6-21

Cash Creek Generating Station
Submitted:  July 2005

Printed:  7/8/2005



Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
SHORT TERM LONG TERM

2110100024 Gibbs Die Casting Corp Henderson 0I4 SO2 (Sulfur Dioxide) 0 0 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I4 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I5 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I5 SO2 (Sulfur Dioxide) 0 0 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I6 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I6 SO2 (Sulfur Dioxide) 0 0 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I7 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I7 SO2 (Sulfur Dioxide) 0 0 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I8 SO2 (Sulfur Dioxide) 0 0.0086994 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0I8 SO2 (Sulfur Dioxide) 0 0 1.6 50 4378 36.3 1351 0 07/09/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0IE SO2 (Sulfur Dioxide) 0.00078 0.005256 1 51 2295 48.7 199 0 07/20/1994 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P0 SO2 (Sulfur Dioxide) 0.000699 0.0018 0 0 0 0 100 33 01/06/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P0 SO2 (Sulfur Dioxide) 0.000699 0.0018 0 0 0 0 100 33 01/06/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P0 SO2 (Sulfur Dioxide) 0.000699 0.0018 0 0 0 0 100 33 01/06/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P0 SO2 (Sulfur Dioxide) 0.000699 0.0018 0 0 0 0 100 33 01/06/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P5 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P5 SO2 (Sulfur Dioxide) 0.00477 0.0162 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P8 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 579 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P8 SO2 (Sulfur Dioxide) 0.00477 0.0162 2 64 4378 23.2 579 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P9 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 579 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0P9 SO2 (Sulfur Dioxide) 0.00477 0.0162 2 64 4378 23.2 579 0 09/15/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0PE SO2 (Sulfur Dioxide) 0.0012 0.002628 1 50 1483 31.5 199 0 07/20/1994 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0PM SO2 (Sulfur Dioxide) 0 0 0 0 0 0 77 33 01/08/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T1 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T1 SO2 (Sulfur Dioxide) 0.00534 0.0135 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T2 SO2 (Sulfur Dioxide) 0.00534 0.0135 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T2 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T4 SO2 (Sulfur Dioxide) 0 0 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T4 SO2 (Sulfur Dioxide) 0.00534 0.0135 2 64 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T7 SO2 (Sulfur Dioxide) 0 0 2 50 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0T7 SO2 (Sulfur Dioxide) 0.00381 0.0135 2 50 4378 23.2 561 0 12/30/1992 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES
2110100024 Gibbs Die Casting Corp Henderson 0TM SO2 (Sulfur Dioxide) 0 0 0 0 0 0 77 43 01/08/1993 2004 Emissions Survey ########## 454,039.95 463601.63 4174755.22 9,561.68 91,425,762.66912 41,600.15 1,730,572,812.823720 1,821,998,575.4929 42.68487525 3.12 53.12 NO YES

0.135666 0.4303413 ########## 454,039.95 42.68487525 3.12 53.12 NO YES 853.6975 0.430341 NO 791.2975 0.430341 NO

2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 167.440437 145.2750012 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 1507.07259 1307.59425 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 166.668396 145.2750012 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 1500.12372 1307.59425 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E6 SO2 (Sulfur Dioxide) 0 0 34.4 26 550898 10 79 0 02/14/1996 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E8 SO2 (Sulfur Dioxide) 0 0 34.4 26 550898 10 79 0 02/14/1996 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 167.6091765 145.2750012 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 1508.591355 1307.59425 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E7 SO2 (Sulfur Dioxide) 0 0 34.4 26 550898 10 79 0 02/14/1996 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0E7 SO2 (Sulfur Dioxide) 0 0 34.4 26 550898 10 79 0 02/14/1996 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0A7 SO2 (Sulfur Dioxide) 0.0008541 0.168 6.2 43 70204 39 601 0 08/01/1999 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0F1 SO2 (Sulfur Dioxide) 0.0781165 0.09427987 1 89 15008 328 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0F2 SO2 (Sulfur Dioxide) 0.028458 0.02376912 1 89 15008 328 89 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0H1 SO2 (Sulfur Dioxide) 0.0026658 0.02628 4.6 49 31006 33 899 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0H2 SO2 (Sulfur Dioxide) 0.0481536 0.28908 4.6 49 31006 33 899 0 08/04/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0H3 SO2 (Sulfur Dioxide) 0.0043497 0.02628 4.6 59 6533 7 1200 0 09/01/1990 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0N2 SO2 (Sulfur Dioxide) 0.1074675 0.0057054 7.2 69 30017 13 149 0 06/19/1979 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0S1 SO2 (Sulfur Dioxide) 0.000822 0.0006 1.6 16 600 3 250 0 12/31/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0S2 SO2 (Sulfur Dioxide) 0.000822 0.0006 1.3 16 565 7 250 0 12/31/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0S3 SO2 (Sulfur Dioxide) 0.000546 0.0006 1.6 13 353 3 250 0 12/31/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0S4 SO2 (Sulfur Dioxide) 0.000732 0.0003 1.6 13 353 3 250 0 12/31/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0S5 SO2 (Sulfur Dioxide) 0.0144963 0.0192 3 98 3002 7 320 0 12/31/1972 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 0T2 SO2 (Sulfur Dioxide) 0.058422 0.56493432 49.9 108 212 0 2141 0 09/20/1993 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES
2110100029 Alcan Primary Products Corp -Sebree Works Henderson 13I SO2 (Sulfur Dioxide) 0.03225063 0.02889424 1.5 70 8000 57.5 970 0 06/01/2001 2004 Emissions Survey ########## 456,842.79 463601.63 4174755.22 6,758.84 45,681,931.66328 5,662.80 32,067,247.212029 77,749,178.8753 8.817549482 3.12 53.12 NO YES

5017.883831 4359.856277 ########## 456,842.79 8.817549482 3.12 53.12 NO YES 176.351 5017.884 YES 113.951 5017.884 YES

2110100030 Accuride Corp Henderson Henderson 008 SO2 (Sulfur Dioxide) 0.001974 0.0099 3.9 39 3249 3 300 0 12/10/1973 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 009 SO2 (Sulfur Dioxide) 0 0.046647 2.4 36 2100 17 350 0 12/10/1973 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 009 SO2 (Sulfur Dioxide) 0.010428 0.055188 2.4 36 2100 17 350 0 12/10/1973 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 012 SO2 (Sulfur Dioxide) 0.010428 0.055188 2.4 36 2100 17 350 0 12/10/1973 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 012 SO2 (Sulfur Dioxide) 0 0.047304 2.4 36 2100 17 350 0 12/10/1973 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 015 SO2 (Sulfur Dioxide) 0.002418 0.0257544 1 35 2000 20 375 0 01/01/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 023 SO2 (Sulfur Dioxide) 0.001728 0.0161994 0 0 0 0 75 10 01/30/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 024 SO2 (Sulfur Dioxide) 0.003207 0.0312 2 46 200 5 78 0 01/30/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 028 SO2 (Sulfur Dioxide) 0.000912 0.0097236 1.5 37 2000 18.9 375 0 01/01/1981 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 029 SO2 (Sulfur Dioxide) 0.001209 0.0257544 1.25 46 2700 25 400 0 01/01/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 030 SO2 (Sulfur Dioxide) 0.000606 0.0128772 2 42 2700 25 400 0 01/01/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 031 SO2 (Sulfur Dioxide) 0.000456 0.0097236 1.5 41 2700 25 400 0 01/01/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 032 SO2 (Sulfur Dioxide) 0.000606 0.0128772 1.42 37 2700 25 400 0 01/01/1982 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 033 SO2 (Sulfur Dioxide) 0 0.00880555 1.5 34 0 0 0 0 01/01/1999 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 033 SO2 (Sulfur Dioxide) 0.000243 0.00515088 1.5 34 0 0 0 0 01/01/1999 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 034 SO2 (Sulfur Dioxide) 0.000456 0.0097236 1.5 44 0 0 0 0 01/01/1999 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES
2110100030 Accuride Corp Henderson Henderson 035 SO2 (Sulfur Dioxide) 0.000456 0.0097236 1.5 44 0 0 0 0 01/01/1999 2004 Emissions Survey ########## 451,418.34 463601.63 4174755.22 12,183.29 148,432,579.59068 -10,375.05 107,641,683.252601 256,074,262.8433 16.00232055 3.12 53.12 NO YES

0.035127 0.39174043 ########## 451,418.34 16.00232055 3.12 53.12 NO YES 320.0464 0.39174 NO 257.6464 0.39174 NO

2110100033 Peavey Co Henderson 001 SO2 (Sulfur Dioxide) 0.001131 0.003 0.3 16 989 194 100 0 02/01/1987 2004 Emissions Survey ########## 447,614.60 463601.63 4174755.22 15,987.03 255,585,192.16902 -12,031.86 144,765,582.868445 400,350,775.0375 20.00876745 3.12 53.12 NO YES
2110100033 Peavey Co Henderson 002 SO2 (Sulfur Dioxide) 0.001131 0.003 0.3 16 989 194 205 0 02/01/1987 2004 Emissions Survey ########## 447,614.60 463601.63 4174755.22 15,987.03 255,585,192.16902 -12,031.86 144,765,582.868445 400,350,775.0375 20.00876745 3.12 53.12 NO YES

0.002262 0.006 ########## 447,614.60 20.00876745 3.12 53.12 NO YES 400.1753 0.006 NO 337.7753 0.006 NO

2110100084 Owensboro Grain Co LLC - Geneva Terminal Henderson 002 SO2 (Sulfur Dioxide) 0 0.000336 0 0 0 0 0 40 09/28/1978 2004 Emissions Survey ########## 441,298.23 463601.63 4174755.22 22,303.40 497,441,473.13282 -10,718.47 114,885,706.325617 612,327,179.4584 24.74524559 3.12 53.12 NO YES
2110100084 Owensboro Grain Co LLC - Geneva Terminal Henderson 002 SO2 (Sulfur Dioxide) 0.000249 0.0018 0 0 0 0 0 40 09/28/1978 2004 Emissions Survey ########## 441,298.23 463601.63 4174755.22 22,303.40 497,441,473.13282 -10,718.47 114,885,706.325617 612,327,179.4584 24.74524559 3.12 53.12 NO YES

0.000249 0.002136 ########## 441,298.23 24.74524559 3.12 53.12 NO YES 494.9049 0.002136 NO 432.5049 0.002136 NO

2110100089 KB Alloys Inc Henderson 001 SO2 (Sulfur Dioxide) 0 0.0207 2 43 9994 56 399 0 11/05/1979 2004 Emissions Survey ########## 452,953.06 463601.63 4174755.22 10,648.58 113,392,149.53063 7,724.94 59,674,728.903368 173,066,878.4340 13.15548853 3.12 53.12 NO YES
2110100089 KB Alloys Inc Henderson 005 SO2 (Sulfur Dioxide) 0.0117 0.0207 2 43 9994 56 399 0 11/05/1979 2004 Emissions Survey ########## 452,953.06 463601.63 4174755.22 10,648.58 113,392,149.53063 7,724.94 59,674,728.903368 173,066,878.4340 13.15548853 3.12 53.12 NO YES
2110100089 KB Alloys Inc Henderson 014 SO2 (Sulfur Dioxide) 0.0081 0.007884 4.6 49 52265 52 300 0 09/09/1996 2004 Emissions Survey ########## 452,953.06 463601.63 4174755.22 10,648.58 113,392,149.53063 7,724.94 59,674,728.903368 173,066,878.4340 13.15548853 3.12 53.12 NO YES
2110100089 KB Alloys Inc Henderson 018 SO2 (Sulfur Dioxide) 0.0123 0.0123 5.6 30 141256 95 800 0 09/09/1996 2004 Emissions Survey ########## 452,953.06 463601.63 4174755.22 10,648.58 113,392,149.53063 7,724.94 59,674,728.903368 173,066,878.4340 13.15548853 3.12 53.12 NO YES
2110100089 KB Alloys Inc Henderson 019 SO2 (Sulfur Dioxide) 0.0141 0.01314 5.9 30 161385 98 800 0 09/09/1996 2004 Emissions Survey ########## 452,953.06 463601.63 4174755.22 10,648.58 113,392,149.53063 7,724.94 59,674,728.903368 173,066,878.4340 13.15548853 3.12 53.12 NO YES

0.0462 0.074724 ########## 452,953.06 13.15548853 3.12 53.12 NO YES 263.1098 0.074724 NO 200.7098 0.074724 NO

2110100102 Azteca Milling L P Henderson 001 SO2 (Sulfur Dioxide) 0.000015 0.0233892 0 0 0 0 77 10 2004 Emissions Survey ########## 442,562.41 463601.63 4174755.22 21,039.22 442,648,651.97309 -9,692.43 93,943,257.459484 536,591,909.4326 23.16445358 3.12 53.12 NO YES
2110100102 Azteca Milling L P Henderson 001 SO2 (Sulfur Dioxide) 0.000015 0.0233892 0 0 0 0 77 10 2004 Emissions Survey ########## 442,562.41 463601.63 4174755.22 21,039.22 442,648,651.97309 -9,692.43 93,943,257.459484 536,591,909.4326 23.16445358 3.12 53.12 NO YES
2110100102 Azteca Milling L P Henderson 003 SO2 (Sulfur Dioxide) 0.0020418 0.047304 0 0 0 0 77 10 2004 Emissions Survey ########## 442,562.41 463601.63 4174755.22 21,039.22 442,648,651.97309 -9,692.43 93,943,257.459484 536,591,909.4326 23.16445358 3.12 53.12 NO YES
2110100102 Azteca Milling L P Henderson 003 SO2 (Sulfur Dioxide) 0.0020418 0.047304 0 0 0 0 77 10 2004 Emissions Survey ########## 442,562.41 463601.63 4174755.22 21,039.22 442,648,651.97309 -9,692.43 93,943,257.459484 536,591,909.4326 23.16445358 3.12 53.12 NO YES
2110100102 Azteca Milling L P Henderson 004 SO2 (Sulfur Dioxide) 0.00201153 0.03285 0 0 0 0 77 30 2004 Emissions Survey ########## 442,562.41 463601.63 4174755.22 21,039.22 442,648,651.97309 -9,692.43 93,943,257.459484 536,591,909.4326 23.16445358 3.12 53.12 NO YES

0.00612513 0.1742364 ########## 442,562.41 23.16445358 3.12 53.12 NO YES 463.2891 0.174236 NO 400.8891 0.174236 NO

2110100104 Custom Resins Inc Henderson 035 SO2 (Sulfur Dioxide) 24.22824 100.8384624 2.6 43 13207 39 448 0 01/01/1986 2004 Emissions Survey ########## 442,564.57 463601.63 4174755.22 21,037.06 442,557,935.51772 -10,000.65 100,012,940.418607 542,570,875.9363 23.29315084 3.12 53.12 NO YES
2110100104 Custom Resins Inc Henderson 035 SO2 (Sulfur Dioxide) 0.01839 0.073584 2.6 43 13207 39 448 0 01/01/1986 2004 Emissions Survey ########## 442,564.57 463601.63 4174755.22 21,037.06 442,557,935.51772 -10,000.65 100,012,940.418607 542,570,875.9363 23.29315084 3.12 53.12 NO YES
2110100104 Custom Resins Inc Henderson 036 SO2 (Sulfur Dioxide) 24.22824 100.8384624 2.6 43 13207 39 448 0 01/01/1986 2004 Emissions Survey ########## 442,564.57 463601.63 4174755.22 21,037.06 442,557,935.51772 -10,000.65 100,012,940.418607 542,570,875.9363 23.29315084 3.12 53.12 NO YES
2110100104 Custom Resins Inc Henderson 036 SO2 (Sulfur Dioxide) 0.01839 0.073584 2.6 43 13207 39 448 0 01/01/1986 2004 Emissions Survey ########## 442,564.57 463601.63 4174755.22 21,037.06 442,557,935.51772 -10,000.65 100,012,940.418607 542,570,875.9363 23.29315084 3.12 53.12 NO YES

48.49326 201.8240928 ########## 442,564.57 23.29315084 3.12 53.12 NO YES 465.863 201.8241 NO 403.463 201.8241 NO
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Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
SHORT TERM LONG TERM

2110100105 Van Houtte Inc Henderson 001 SO2 (Sulfur Dioxide) 0.00577999 0.00532976 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 001 SO2 (Sulfur Dioxide) 1.1399826 1.1399826 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 002 SO2 (Sulfur Dioxide) 0.00577999 0.00532976 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 002 SO2 (Sulfur Dioxide) 1.1399826 1.1399826 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 005 SO2 (Sulfur Dioxide) 1.1399826 1.1399826 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 005 SO2 (Sulfur Dioxide) 0.00577999 0.00532976 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 006 SO2 (Sulfur Dioxide) 1.1399826 1.1399826 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES
2110100105 Van Houtte Inc Henderson 006 SO2 (Sulfur Dioxide) 0.00577999 0.00532976 2.6 43 1801 7 399 0 11/06/1995 2004 Emissions Survey ########## 442,511.53 463601.63 4174755.22 21,090.10 444,792,360.19020 -9,415.40 88,649,851.314021 533,442,211.5042 23.09636793 3.12 53.12 NO YES

4.58305036 4.58124944 ########## 442,511.53 23.09636793 3.12 53.12 NO YES 461.9274 4.58305 NO 399.5274 4.58305 NO

2110100106 Sonoco Phoenix Henderson 001 SO2 (Sulfur Dioxide) 0.000438 0.0024 4.6 26 750 0.8 399 0 08/30/1998 2004 Emissions Survey ########## 444,126.71 463601.63 4174755.22 19,474.92 379,272,353.20706 -9,589.23 91,953,331.992900 471,225,685.2000 21.7077333 3.12 53.12 NO YES
2110100106 Sonoco Phoenix Henderson 002 SO2 (Sulfur Dioxide) 0.00231 0.0024 0 0 0 0 399 26 08/30/1998 2004 Emissions Survey ########## 444,126.71 463601.63 4174755.22 19,474.92 379,272,353.20706 -9,589.23 91,953,331.992900 471,225,685.2000 21.7077333 3.12 53.12 NO YES

0.002748 0.0048 ########## 444,126.71 21.7077333 3.12 53.12 NO YES 434.1547 0.0048 NO 371.7547 0.0048 NO

2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0CE SO2 (Sulfur Dioxide) 0.00129 0.003942 0.3 26 494 98 149 0 06/29/1994 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M0 SO2 (Sulfur Dioxide) 0.000579 0.007884 0 0 0 0 199 39 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M0 SO2 (Sulfur Dioxide) 0.000579 0.007884 0 0 0 0 199 39 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M0 SO2 (Sulfur Dioxide) 0.000579 0.007884 0 0 0 0 199 39 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M1 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M1 SO2 (Sulfur Dioxide) 0.00375 0.015768 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M2 SO2 (Sulfur Dioxide) 0.00375 0.015768 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M2 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M3 SO2 (Sulfur Dioxide) 0.000243 0.00114318 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M3 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M4 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M4 SO2 (Sulfur Dioxide) 0.000243 0.00114318 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M5 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M5 SO2 (Sulfur Dioxide) 0.000243 0.00114318 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M6 SO2 (Sulfur Dioxide) 0 0 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M6 SO2 (Sulfur Dioxide) 0.000243 0.00114318 2 46 7239 39 260 0 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M7 SO2 (Sulfur Dioxide) 0.00243 0.015768 5.6 56 3496 3 561 0 12/01/1998 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M8 SO2 (Sulfur Dioxide) 0.00375 0.015768 5.9 30 38528 23 561 0 04/25/1997 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0M9 SO2 (Sulfur Dioxide) 0.00375 0.0114318 5.9 30 38528 23 561 0 04/25/1997 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0MB SO2 (Sulfur Dioxide) 0.00219 0.0088038 1 30 530 13 350 0 09/30/1994 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0ME SO2 (Sulfur Dioxide) 0.00048 0.001971 0.3 26 494 98 149 0 06/29/1994 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0MM SO2 (Sulfur Dioxide) 0 0 0 0 0 0 300 39 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0MM SO2 (Sulfur Dioxide) 0.40437 0.07875 0 0 0 0 300 39 09/15/1993 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S1 SO2 (Sulfur Dioxide) 0.00684 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S2 SO2 (Sulfur Dioxide) 0.00684 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S3 SO2 (Sulfur Dioxide) 0.00912 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S4 SO2 (Sulfur Dioxide) 0.00912 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S5 SO2 (Sulfur Dioxide) 0.00912 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S6 SO2 (Sulfur Dioxide) 0.01059 0.0228636 6.2 33 38528 20 561 0 05/01/1995 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0S9 SO2 (Sulfur Dioxide) 0.01059 0.005256 6.2 33 38528 20 561 0 12/01/1998 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0SB SO2 (Sulfur Dioxide) 0.00417 0.0088038 1 30 530 13 350 0 09/30/1994 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES
2110100113 Gibbs Die Casting Corp - New Mag Plant Henderson 0SE SO2 (Sulfur Dioxide) 0.00186 0.003942 0.3 23 494 98 149 0 06/29/1994 2004 Emissions Survey ########## 443,539.36 463601.63 4174755.22 20,062.27 402,494,517.05476 -9,882.94 97,672,522.809474 500,167,039.8642 22.36441459 3.12 53.12 NO YES

0.496719 0.35137872 ########## 443,539.36 22.36441459 3.12 53.12 NO YES 447.2883 0.496719 NO 384.8883 0.496719 NO

2110100116 Taubensee Steel & Wire Co Henderson 001 SO2 (Sulfur Dioxide) 0.0219 0.021024 1.6 26 2507 20 350 0 07/15/1994 2004 Emissions Survey ########## 443,255.29 463601.63 4174755.22 20,346.34 413,973,632.78096 -10,174.60 103,522,403.763214 517,496,036.5442 22.74853922 3.12 53.12 NO YES
2110100116 Taubensee Steel & Wire Co Henderson 002 SO2 (Sulfur Dioxide) 0.0042 0.0042 1.6 26 459 3 350 0 07/15/1994 2004 Emissions Survey ########## 443,255.29 463601.63 4174755.22 20,346.34 413,973,632.78096 -10,174.60 103,522,403.763214 517,496,036.5442 22.74853922 3.12 53.12 NO YES
2110100116 Taubensee Steel & Wire Co Henderson 003 SO2 (Sulfur Dioxide) 0.0066 0.0065997 1.6 26 742 7 350 0 07/15/1994 2004 Emissions Survey ########## 443,255.29 463601.63 4174755.22 20,346.34 413,973,632.78096 -10,174.60 103,522,403.763214 517,496,036.5442 22.74853922 3.12 53.12 NO YES

0.0327 0.0318237 ########## 443,255.29 22.74853922 3.12 53.12 NO YES 454.9708 0.0327 NO 392.5708 0.0327 NO

2110100117 Weyerhaeuser Co Henderson 007 SO2 (Sulfur Dioxide) 0.2175 0.5613006 4.9 89 37398 33 320 0 09/15/1994 2004 Emissions Survey ########## 448,315.76 463601.63 4174755.22 15,285.87 233,657,699.36996 -10,794.62 116,523,885.712122 350,181,585.0821 18.71313937 3.12 53.12 NO YES
2110100117 Weyerhaeuser Co Henderson 007 SO2 (Sulfur Dioxide) 0.000405 0 4.9 89 37398 33 320 0 09/15/1994 2004 Emissions Survey ########## 448,315.76 463601.63 4174755.22 15,285.87 233,657,699.36996 -10,794.62 116,523,885.712122 350,181,585.0821 18.71313937 3.12 53.12 NO YES

0.217905 0.5613006 ########## 448,315.76 18.71313937 3.12 53.12 NO YES 374.2628 0.561301 NO 311.8628 0.561301 NO

2110100118 Audubon Metals LLC Henderson 003 SO2 (Sulfur Dioxide) 0.027 0.0751608 0 0 0 0 250 30 12/01/1996 2004 Emissions Survey ########## 444,224.30 463601.63 4174755.22 19,377.33 375,480,801.66493 -9,557.72 91,350,068.944725 466,830,870.6097 21.60626924 3.12 53.12 NO YES
2110100118 Audubon Metals LLC Henderson 004 SO2 (Sulfur Dioxide) 0.054 0.0751608 0 0 0 0 250 30 11/01/1998 2004 Emissions Survey ########## 444,224.30 463601.63 4174755.22 19,377.33 375,480,801.66493 -9,557.72 91,350,068.944725 466,830,870.6097 21.60626924 3.12 53.12 NO YES
2110100118 Audubon Metals LLC Henderson 005 SO2 (Sulfur Dioxide) 0.027 0.0751608 0 0 0 0 250 30 09/14/2000 2004 Emissions Survey ########## 444,224.30 463601.63 4174755.22 19,377.33 375,480,801.66493 -9,557.72 91,350,068.944725 466,830,870.6097 21.60626924 3.12 53.12 NO YES
2110100118 Audubon Metals LLC Henderson 006 SO2 (Sulfur Dioxide) 0.0219 0.0110376 6.3 65 110000 58.8 250 0 12/01/1996 2004 Emissions Survey ########## 444,224.30 463601.63 4174755.22 19,377.33 375,480,801.66493 -9,557.72 91,350,068.944725 466,830,870.6097 21.60626924 3.12 53.12 NO YES

0.1299 0.23652 ########## 444,224.30 21.60626924 3.12 53.12 NO YES 432.1254 0.23652 NO 369.7254 0.23652 NO

2110100119 Griffin Industries Inc - Bakery Feeds Henderson 002 SO2 (Sulfur Dioxide) 0.0525875 0.153957 3.77 150 40200 60.02 240 0 10/18/1994 2004 Emissions Survey ########## 449,261.34 463601.63 4174755.22 14,340.29 205,643,831.24237 -13,470.01 181,441,142.460071 387,084,973.7024 19.67447518 3.12 53.12 NO YES
2110100119 Griffin Industries Inc - Bakery Feeds Henderson 002 SO2 (Sulfur Dioxide) 3.17974 11.3661 3.77 150 40200 60.02 240 0 10/18/1994 2004 Emissions Survey ########## 449,261.34 463601.63 4174755.22 14,340.29 205,643,831.24237 -13,470.01 181,441,142.460071 387,084,973.7024 19.67447518 3.12 53.12 NO YES

3.2323275 11.520057 ########## 449,261.34 19.67447518 3.12 53.12 NO YES 393.4895 11.52006 NO 331.0895 11.52006 NO

2110100120 Tyson Foods Inc Henderson 001 SO2 (Sulfur Dioxide) 0.172116 0.4019922 1.6 52 989 7 399 0 01/31/1995 2004 Emissions Survey ########## 454,622.51 463601.63 4174755.22 8,979.12 80,624,613.93264 7,145.59 51,059,384.992231 131,683,998.9249 11.47536487 3.12 53.12 NO YES
2110100120 Tyson Foods Inc Henderson 001 SO2 (Sulfur Dioxide) 0 0.00147742 1.6 52 989 7 399 0 01/31/1995 2004 Emissions Survey ########## 454,622.51 463601.63 4174755.22 8,979.12 80,624,613.93264 7,145.59 51,059,384.992231 131,683,998.9249 11.47536487 3.12 53.12 NO YES
2110100120 Tyson Foods Inc Henderson 003 SO2 (Sulfur Dioxide) 0 0.0801009 3 56 112510 272 79 0 01/31/1995 2004 Emissions Survey ########## 454,622.51 463601.63 4174755.22 8,979.12 80,624,613.93264 7,145.59 51,059,384.992231 131,683,998.9249 11.47536487 3.12 53.12 NO YES
2110100120 Tyson Foods Inc Henderson 003 SO2 (Sulfur Dioxide) 0 0.0008823 3 56 112510 272 79 0 01/31/1995 2004 Emissions Survey ########## 454,622.51 463601.63 4174755.22 8,979.12 80,624,613.93264 7,145.59 51,059,384.992231 131,683,998.9249 11.47536487 3.12 53.12 NO YES
2110100120 Tyson Foods Inc Henderson 004 SO2 (Sulfur Dioxide) 0.0275826 0.07884 3 56 2224782 21.3 79 0 05/27/1998 2004 Emissions Survey ########## 454,622.51 463601.63 4174755.22 8,979.12 80,624,613.93264 7,145.59 51,059,384.992231 131,683,998.9249 11.47536487 3.12 53.12 NO YES

0.1996986 0.56329282 ########## 454,622.51 11.47536487 3.12 53.12 NO YES 229.5073 0.563293 NO 167.1073 0.563293 NO

2110100124 Texas Gas Transmission LLC - Dixie Transmission Station Henderson 001 SO2 (Sulfur Dioxide) 0.001638 0.01189461 3.3 23 205174 404 737 0 01/01/1960 2004 Emissions Survey ########## 440,918.62 463601.63 4174755.22 22,683.01 514,518,806.56205 5,388.61 29,037,096.177664 543,555,902.7397 23.31428538 3.12 53.12 NO YES
2110100124 Texas Gas Transmission LLC - Dixie Transmission Station Henderson 001 SO2 (Sulfur Dioxide) 0.00156 0.01189461 3.3 23 205174 404 737 0 01/01/1960 2004 Emissions Survey ########## 440,918.62 463601.63 4174755.22 22,683.01 514,518,806.56205 5,388.61 29,037,096.177664 543,555,902.7397 23.31428538 3.12 53.12 NO YES
2110100124 Texas Gas Transmission LLC - Dixie Transmission Station Henderson 001 SO2 (Sulfur Dioxide) 0.0029055 0.01189461 3.3 23 205174 404 737 0 01/01/1960 2004 Emissions Survey ########## 440,918.62 463601.63 4174755.22 22,683.01 514,518,806.56205 5,388.61 29,037,096.177664 543,555,902.7397 23.31428538 3.12 53.12 NO YES

0.0061035 0.03568383 ########## 440,918.62 23.31428538 3.12 53.12 NO YES 466.2857 0.035684 NO 403.8857 0.035684 NO

2110100129 Eastern Alloys of KY Henderson 001 SO2 (Sulfur Dioxide) 0 0.0129 3 69 69992 171 89 0 06/30/1999 2004 Emissions Survey ########## 442,099.98 463601.63 4174755.22 21,501.65 462,320,780.70932 -10,003.90 100,078,115.249021 562,398,895.9583 23.7149509 3.12 53.12 NO YES
2110100129 Eastern Alloys of KY Henderson 002 SO2 (Sulfur Dioxide) 0 0.0129 3 69 69992 171 89 0 06/30/1999 2004 Emissions Survey ########## 442,099.98 463601.63 4174755.22 21,501.65 462,320,780.70932 -10,003.90 100,078,115.249021 562,398,895.9583 23.7149509 3.12 53.12 NO YES
2110100129 Eastern Alloys of KY Henderson 003 SO2 (Sulfur Dioxide) 0 0.0078003 3 69 69992 171 89 0 06/30/1999 2004 Emissions Survey ########## 442,099.98 463601.63 4174755.22 21,501.65 462,320,780.70932 -10,003.90 100,078,115.249021 562,398,895.9583 23.7149509 3.12 53.12 NO YES
2110100129 Eastern Alloys of KY Henderson 006 SO2 (Sulfur Dioxide) 0 0.0105 3 69 69992 171 89 0 06/30/1999 2004 Emissions Survey ########## 442,099.98 463601.63 4174755.22 21,501.65 462,320,780.70932 -10,003.90 100,078,115.249021 562,398,895.9583 23.7149509 3.12 53.12 NO YES
2110100129 Eastern Alloys of KY Henderson 007 SO2 (Sulfur Dioxide) 0 0.0024 3 69 69992 171 89 0 06/30/1999 2004 Emissions Survey ########## 442,099.98 463601.63 4174755.22 21,501.65 462,320,780.70932 -10,003.90 100,078,115.249021 562,398,895.9583 23.7149509 3.12 53.12 NO YES

0 0.0465003 ########## 442,099.98 23.7149509 3.12 53.12 NO YES 474.299 0.0465 NO 411.899 0.0465 NO

2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 001 SO2 (Sulfur Dioxide) 0.074223 0.10512 6.33 60 100300 53.2 838 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 001 SO2 (Sulfur Dioxide) 0.00773812 0.0026032 6.33 60 100300 53.2 838 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 001 SO2 (Sulfur Dioxide) 0 0 6.33 60 100300 53.2 838 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 001 SO2 (Sulfur Dioxide) 0.03531331 0.0348814 6.33 60 100300 53.2 838 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 002 SO2 (Sulfur Dioxide) 0.024741 0.047304 3.33 60 28030 53.6 844 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 003 SO2 (Sulfur Dioxide) 0.022266 0.122202 3.25 60 5000 9.9 1200 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 004 SO2 (Sulfur Dioxide) 0.15475001 0.06652734 4 30 40000 53.1 250 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES
2110100130 Hydro Aluminum Metal Products - North America Inc Henderson 012 SO2 (Sulfur Dioxide) 0.0024741 0.007884 1.3 23 5000 62.8 250 0 10/21/1999 2004 Emissions Survey ########## 442,050.48 463601.63 4174755.22 21,551.15 464,452,109.42480 -9,911.72 98,242,173.534953 562,694,282.9598 23.72117794 3.12 53.12 NO YES

0.32150554 0.38652194 ########## 442,050.48 23.72117794 3.12 53.12 NO YES 474.4236 0.386522 NO 412.0236 0.386522 NO

2110700003 Madisonville State Office Hopkins 001 SO2 (Sulfur Dioxide) 0 0.0218997 7.9 92 32983 10 466 0 07/01/1969 2004 Emissions Survey ########## 456,198.45 463601.63 4174755.22 7,403.18 54,807,088.91876 42,875.24 1,838,286,205.057620 1,893,093,293.9764 43.50969195 3.12 53.12 NO YES
2110700003 Madisonville State Office Hopkins 002 SO2 (Sulfur Dioxide) 8.1354 69.88471308 6.6 92 3284 0 449 0 05/08/1989 2004 Emissions Survey ########## 456,198.45 463601.63 4174755.22 7,403.18 54,807,088.91876 42,875.24 1,838,286,205.057620 1,893,093,293.9764 43.50969195 3.12 53.12 NO YES

8.1354 69.90661278 ########## 456,198.45 43.50969195 3.12 53.12 NO YES 870.1938 69.90661 NO 807.7938 69.90661 NO

2110700028 Ahlstrom Filtration Inc Hopkins 001 SO2 (Sulfur Dioxide) 0.00954 0.0657 6.5 60 33528 16.8 460 0 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 002 SO2 (Sulfur Dioxide) 0.013662 0.0770004 6.5 60 33528 16.8 460 0 07/01/1969 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 003 SO2 (Sulfur Dioxide) 0.037638 0.153738 4 43 22600 30 545 0 07/01/1969 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 003 SO2 (Sulfur Dioxide) 0 1.3232199 4 43 22600 30 545 0 07/01/1969 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 004 SO2 (Sulfur Dioxide) 0.010416 0.0691164 0 0 2 0 70 10 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 005 SO2 (Sulfur Dioxide) 0.001113 0.0115632 1.3 23 5000 62.8 250 0 01/01/1974 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 005 SO2 (Sulfur Dioxide) 0.00408 0.0063072 1.3 23 5000 62.8 250 0 01/01/1974 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 005 SO2 (Sulfur Dioxide) 0.001239 0.0128772 1.3 23 5000 62.8 250 0 01/01/1974 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 005 SO2 (Sulfur Dioxide) 0.001857 0.018396 1.3 23 5000 62.8 250 0 01/01/1974 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 006 SO2 (Sulfur Dioxide) 1.9918 2.88 3.75 50 24436 36.9 1033 0 03/06/1992 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES
2110700028 Ahlstrom Filtration Inc Hopkins 006 SO2 (Sulfur Dioxide) 0.00186 0.012654 3.75 50 24436 36.9 1033 0 03/06/1992 2004 Emissions Survey ########## 453,546.22 463601.63 4174755.22 10,055.41 101,111,209.93565 41,905.51 1,756,072,019.793190 1,857,183,229.7288 43.09504878 3.12 53.12 NO YES

2.073205 4.6305723 ########## 453,546.22 43.09504878 3.12 53.12 NO YES 861.901 4.630572 NO 799.501 4.630572 NO

2110700030 General Electric Co - Aircraft Engine Group Hopkins 027 SO2 (Sulfur Dioxide) 0.0045 0.012 0.7 33 283 13 550 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
2110700030 General Electric Co - Aircraft Engine Group Hopkins 030 SO2 (Sulfur Dioxide) 0.000315 0.00063 4.3 49 105942 30 77 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
2110700030 General Electric Co - Aircraft Engine Group Hopkins 034 SO2 (Sulfur Dioxide) 0.0021 0.0039 1.6 33 10488 82 550 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
2110700030 General Electric Co - Aircraft Engine Group Hopkins 035 SO2 (Sulfur Dioxide) 0.0009 0.0039 1.6 33 10488 82 550 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
2110700030 General Electric Co - Aircraft Engine Group Hopkins 036 SO2 (Sulfur Dioxide) 0.0009 0.0039 1.6 33 10488 82 550 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
2110700030 General Electric Co - Aircraft Engine Group Hopkins 037 SO2 (Sulfur Dioxide) 0.0009 0.0039 1.6 33 10488 82 550 0 02/21/1996 2004 Emissions Survey ########## 451,488.39 463601.63 4174755.22 12,113.24 146,730,607.52408 40,353.07 1,628,370,016.306510 1,775,100,623.8306 42.13194303 3.12 53.12 NO YES
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Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
SHORT TERM LONG TERM

0.009615 0.02823 ########## 451,488.39 42.13194303 3.12 53.12 NO YES 842.6389 0.02823 NO 780.2389 0.02823 NO

2110700032 Parkway Construction Inc Hopkins 006 SO2 (Sulfur Dioxide) 0.266415 1.25 4 35 65000 86.2 300 0 03/17/1993 2004 Emissions Survey ########## 456,142.06 463601.63 4174755.22 7,459.57 55,645,214.42318 39,546.70 1,563,941,480.890010 1,619,586,695.3132 40.24408895 3.12 53.12 NO YES
2110700032 Parkway Construction Inc Hopkins 006 SO2 (Sulfur Dioxide) 0 0.432 4 35 65000 86.2 300 0 03/17/1993 2004 Emissions Survey ########## 456,142.06 463601.63 4174755.22 7,459.57 55,645,214.42318 39,546.70 1,563,941,480.890010 1,619,586,695.3132 40.24408895 3.12 53.12 NO YES

0.266415 1.682 ########## 456,142.06 40.24408895 3.12 53.12 NO YES 804.8818 1.682 NO 742.4818 1.682 NO

2110700121 Electro Cycle Inc Hopkins 001 SO2 (Sulfur Dioxide) 0.0099 0.0129006 3 33 31994 79 199 0 08/01/1990 2004 Emissions Survey ########## 452,422.50 463601.63 4174755.22 11,179.13 124,972,880.48213 40,481.69 1,638,767,144.292740 1,763,740,024.7749 41.99690494 3.12 53.12 NO YES
2110700121 Electro Cycle Inc Hopkins 001 SO2 (Sulfur Dioxide) 0.0099 0.0066 3 33 31994 79 199 0 08/01/1990 2004 Emissions Survey ########## 452,422.50 463601.63 4174755.22 11,179.13 124,972,880.48213 40,481.69 1,638,767,144.292740 1,763,740,024.7749 41.99690494 3.12 53.12 NO YES
2110700121 Electro Cycle Inc Hopkins 001 SO2 (Sulfur Dioxide) 30.627 38.34 3 33 31994 79 199 0 08/01/1990 2004 Emissions Survey ########## 452,422.50 463601.63 4174755.22 11,179.13 124,972,880.48213 40,481.69 1,638,767,144.292740 1,763,740,024.7749 41.99690494 3.12 53.12 NO YES
2110700121 Electro Cycle Inc Hopkins 002 SO2 (Sulfur Dioxide) 25.195 31.24875 0 0 0 0 399 7 08/01/1990 2004 Emissions Survey ########## 452,422.50 463601.63 4174755.22 11,179.13 124,972,880.48213 40,481.69 1,638,767,144.292740 1,763,740,024.7749 41.99690494 3.12 53.12 NO YES

55.8418 69.6082506 ########## 452,422.50 41.99690494 3.12 53.12 NO YES 839.9381 69.60825 NO 777.5381 69.60825 NO

2110700130 Rite-Crete Concrete Products Hopkins 002 SO2 (Sulfur Dioxide) 0.438 0.438 0 0 0 0 72 15 07/25/1996 2004 Emissions Survey ########## 463,340.79 463601.63 4174755.22 260.84 68,037.50560 41,491.96 1,721,582,329.722030 1,721,650,367.2276 41.49277488 3.12 53.12 NO YES 829.8555 0.438 NO 767.4555 0.438 NO

2110700141 Period Furniture Hopkins 003 SO2 (Sulfur Dioxide) 0.0001458 0.0018018 1.6 20 4202 33 300 0 08/01/1979 2004 Emissions Survey ########## 456,845.39 463601.63 4174755.22 6,756.24 45,646,751.91264 41,491.83 1,721,572,288.683580 1,767,219,040.5962 42.03830444 3.12 53.12 NO YES 840.7661 0.001802 NO 778.3661 0.001802 NO

2110700147 Gemtron Corp Hopkins 002 SO2 (Sulfur Dioxide) 0 0.00217598 0.83 15 12500 385.05 75 09/01/1995 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 002 SO2 (Sulfur Dioxide) 0.00222 0.00883008 0.83 15 12500 385.05 75 09/01/1995 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 002 SO2 (Sulfur Dioxide) 0.001575 0.00630457 0.83 15 12500 385.05 75 09/01/1995 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 002 SO2 (Sulfur Dioxide) 0 0.00304874 0.83 15 12500 385.05 75 09/01/1995 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 003 SO2 (Sulfur Dioxide) 0 0.00334518 0 0 0 0 72 20 01/01/1973 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 003 SO2 (Sulfur Dioxide) 0.000408 0.00969732 0 0 0 0 72 20 01/01/1973 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 004 SO2 (Sulfur Dioxide) 0.00111 0.0252288 0 0 0 0 72 20 01/01/1973 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 004 SO2 (Sulfur Dioxide) 0 0.0086724 0 0 0 0 72 20 01/01/1973 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 008 SO2 (Sulfur Dioxide) 0.000234 0.0022995 3.5 30 1700 2.9 350 0 08/01/2001 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES
2110700147 Gemtron Corp Hopkins 019 SO2 (Sulfur Dioxide) 0.000291 0.00255704 1 20 13200 280.11 70 03/10/2004 2004 Emissions Survey ########## 451,891.49 463601.63 4174755.22 11,710.14 137,127,472.50074 40,420.07 1,633,782,382.165480 1,770,909,854.6662 42.08217978 3.12 53.12 NO YES

0.005838 0.07215961 ########## 451,891.49 42.08217978 3.12 53.12 NO YES 841.6436 0.07216 NO 779.2436 0.07216 NO

2110700152 Columbia Natural Resources - Narge Station Hopkins Glycol Dehydrator SO2 (Sulfur Dioxide) 0.00000168 0.002628 0.05 18.33 03/01/1992 2004 Emissions Survey ########## 462,496.55 463601.63 4174755.22 1,105.08 1,221,199.59624 32,273.93 1,041,606,234.905640 1,042,827,434.5019 32.29283875 3.12 53.12 NO YES 645.8568 0.002628 NO 583.4568 0.002628 NO

2114900003 Perdue Farms Inc - Livermore McLean 007 SO2 (Sulfur Dioxide) 0.0135045 0.042048 0.3 148 52971 600 235 0 10/25/1995 2004 Emissions Survey ########## 487,675.45 463601.63 4174755.22 -24,073.82 579,548,809.39240 26,857.82 721,342,334.005504 1,300,891,143.3979 36.06786857 3.12 53.12 NO YES
2114900003 Perdue Farms Inc - Livermore McLean 007 SO2 (Sulfur Dioxide) 0 36.955926 0.3 148 52971 600 235 0 10/25/1995 2004 Emissions Survey ########## 487,675.45 463601.63 4174755.22 -24,073.82 579,548,809.39240 26,857.82 721,342,334.005504 1,300,891,143.3979 36.06786857 3.12 53.12 NO YES
2114900003 Perdue Farms Inc - Livermore McLean 021 SO2 (Sulfur Dioxide) 0.000002 0.0000325 0 0 0 0 140 10 06/17/1997 2004 Emissions Survey ########## 487,675.45 463601.63 4174755.22 -24,073.82 579,548,809.39240 26,857.82 721,342,334.005504 1,300,891,143.3979 36.06786857 3.12 53.12 NO YES
2114900003 Perdue Farms Inc - Livermore McLean 021 SO2 (Sulfur Dioxide) 0.0036 0.0690039 0 0 0 0 140 10 06/17/1997 2004 Emissions Survey ########## 487,675.45 463601.63 4174755.22 -24,073.82 579,548,809.39240 26,857.82 721,342,334.005504 1,300,891,143.3979 36.06786857 3.12 53.12 NO YES

0.0171065 37.0670104 ########## 487,675.45 36.06786857 3.12 53.12 NO YES 721.3574 37.06701 NO 658.9574 37.06701 NO

2114900036 Smelter Service Corp McLean 001 SO2 (Sulfur Dioxide) 0 0.02628 0 0 0 0 78 40 03/10/2000 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 001 SO2 (Sulfur Dioxide) 0 17.89801853 0 0 0 0 78 40 03/10/2000 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 001 SO2 (Sulfur Dioxide) 0 17.89801853 0 0 0 0 78 40 03/10/2000 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 002 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 002 SO2 (Sulfur Dioxide) 0.006231 0.0207612 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 002 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 003 SO2 (Sulfur Dioxide) 0 0.0207612 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 003 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 003 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 004 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 004 SO2 (Sulfur Dioxide) 0 0.0207612 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES
2114900036 Smelter Service Corp McLean 004 SO2 (Sulfur Dioxide) 0 14.13963864 0 0 0 0 78 40 2004 Emissions Survey ########## 487,077.71 463601.63 4174755.22 -23,476.08 551,126,473.02289 29,051.04 843,962,692.673314 1,395,089,165.6962 37.35089244 3.12 53.12 NO YES

0.006231 120.7224325 ########## 487,077.71 37.35089244 3.12 53.12 NO YES 747.0178 120.7224 NO 684.6178 120.7224 NO

2117700001 KY Utilities Co - Green River Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0 623.0050985 16.1 164 301193 26 183 0 02/15/1950 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES
2117700001 KY Utilities Co - Green River Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0 1165.815149 16.1 164 301193 26 183 0 02/15/1950 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES
2117700001 KY Utilities Co - Green River Station Muhlenberg 002 SO2 (Sulfur Dioxide) 0 623.0050985 16.1 164 301193 26 183 0 02/15/1950 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES
2117700001 KY Utilities Co - Green River Station Muhlenberg 003 SO2 (Sulfur Dioxide) 8763.46068 19688.79519 11.2 197 360980 62 300 0 04/06/1954 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES
2117700001 KY Utilities Co - Green River Station Muhlenberg 004 SO2 (Sulfur Dioxide) 11042.81256 21364.59928 10 247 439000 93.2 300 0 07/08/1959 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES
2117700001 KY Utilities Co - Green River Station Muhlenberg 007 SO2 (Sulfur Dioxide) 0 0 1.6 33 2507 20 300 0 06/01/1957 2004 Emissions Survey ########## 489,250.23 463601.63 4174755.22 -25,648.60 657,850,579.36560 39,808.78 1,584,738,726.235750 2,242,589,305.6014 47.3559849 3.12 53.12 NO YES

19806.27324 43465.21982 ########## 489,250.23 47.3559849 3.12 53.12 NO YES 947.1197 43465.22 YES 884.7197 43465.22 YES

2117700063 Cal-Maine Foods Inc Muhlenberg 002 SO2 (Sulfur Dioxide) 0.0045 0.028908 1 20 494 10 174 0 07/01/1988 2004 Emissions Survey ########## 480,071.57 463601.63 4174755.22 -16,469.94 271,258,758.90423 41,301.99 1,705,854,543.168070 1,977,113,302.0723 44.46474224 3.12 53.12 NO YES 889.2948 0.028908 NO 826.8948 0.028908 NO

2117700066 Texas Gas Transmission LLC - Midland III Compressor Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0.00574 0.04144056 1.5 27 22915 216.1 840 0 11/01/1975 2004 Emissions Survey ########## 472,129.72 463601.63 4174755.22 -8,528.09 72,728,353.16046 47,245.20 2,232,108,923.040020 2,304,837,276.2005 48.00872083 3.12 53.12 NO YES
2117700066 Texas Gas Transmission LLC - Midland III Compressor Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0.01359 0.0444006 1.5 27 22915 216.1 840 0 11/01/1975 2004 Emissions Survey ########## 472,129.72 463601.63 4174755.22 -8,528.09 72,728,353.16046 47,245.20 2,232,108,923.040020 2,304,837,276.2005 48.00872083 3.12 53.12 NO YES
2117700066 Texas Gas Transmission LLC - Midland III Compressor Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0.005292 0.06047811 1.5 27 22915 216.1 840 0 11/01/1975 2004 Emissions Survey ########## 472,129.72 463601.63 4174755.22 -8,528.09 72,728,353.16046 47,245.20 2,232,108,923.040020 2,304,837,276.2005 48.00872083 3.12 53.12 NO YES

0.024622 0.14631927 ########## 472,129.72 48.00872083 3.12 53.12 NO YES 960.1744 0.146319 NO 897.7744 0.146319 NO

2117700067 Dyno Nobel Inc Muhlenberg 015 SO2 (Sulfur Dioxide) 0 0.021024 1 30 1600 34 399 0 01/01/1981 2004 Emissions Survey ########## 474,017.31 463601.63 4174755.22 -10,415.68 108,486,389.86240 49,852.15 2,485,237,258.439730 2,593,723,648.3021 50.92861326 3.12 53.12 NO YES
2117700067 Dyno Nobel Inc Muhlenberg 015 SO2 (Sulfur Dioxide) 3.692 5.68 1 30 1600 34 399 0 01/01/1981 2004 Emissions Survey ########## 474,017.31 463601.63 4174755.22 -10,415.68 108,486,389.86240 49,852.15 2,485,237,258.439730 2,593,723,648.3021 50.92861326 3.12 53.12 NO YES

3.692 5.701024 ########## 474,017.31 50.92861326 3.12 53.12 NO YES 1018.572 5.701024 NO 956.1723 5.701024 NO

2117700073 Texas Gas Transmission LLC - Midland II Compressor Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0.00315 0.02159933 1.5 30 14603 137.7 545 0 08/01/1966 2004 Emissions Survey ########## 479,203.56 463601.63 4174755.22 -15,601.93 243,420,188.52104 46,045.40 2,120,178,953.250810 2,363,599,141.7719 48.61686067 3.12 53.12 NO YES
2117700073 Texas Gas Transmission LLC - Midland II Compressor Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0.002835 0.02159933 1.5 30 14603 137.7 545 0 08/01/1966 2004 Emissions Survey ########## 479,203.56 463601.63 4174755.22 -15,601.93 243,420,188.52104 46,045.40 2,120,178,953.250810 2,363,599,141.7719 48.61686067 3.12 53.12 NO YES

0.005985 0.04319866 ########## 479,203.56 48.61686067 3.12 53.12 NO YES 972.3372 0.043199 NO 909.9372 0.043199 NO

2117700076 PC KY Synthetic Fuel 3 LLC Muhlenberg 005 SO2 (Sulfur Dioxide) 0 109.9813445 4.9 13 353140 308 120 0 03/27/1998 2004 Emissions Survey ########## 491,582.58 463601.63 4174755.22 -27,980.95 782,933,562.90250 44,248.97 1,957,971,169.065050 2,740,904,731.9676 52.35365061 3.12 53.12 NO YES
2117700076 PC KY Synthetic Fuel 3 LLC Muhlenberg 005 SO2 (Sulfur Dioxide) 0 0.21024 4.9 13 353140 308 120 0 03/27/1998 2004 Emissions Survey ########## 491,582.58 463601.63 4174755.22 -27,980.95 782,933,562.90250 44,248.97 1,957,971,169.065050 2,740,904,731.9676 52.35365061 3.12 53.12 NO YES

0 110.1915845 ########## 491,582.58 52.35365061 3.12 53.12 NO YES 1047.073 110.1916 NO 984.673 110.1916 NO

2117700077 Thoroughbred Generating Co LLC Muhlenberg 001 SO2 (Sulfur Dioxide) 0 5444.252132 26 650 14000 0.4 129 0 10/11/2002 2004 Emissions Survey ########## 491,259.96 463601.63 4174755.22 -27,658.33 764,983,163.07224 44,445.77 1,975,426,382.001390 2,740,409,545.0736 52.34892115 3.12 53.12 NO YES
2117700077 Thoroughbred Generating Co LLC Muhlenberg 002 SO2 (Sulfur Dioxide) 0 5444.252132 26 650 14000 0.4 129 0 10/11/2002 2004 Emissions Survey ########## 491,259.96 463601.63 4174755.22 -27,658.33 764,983,163.07224 44,445.77 1,975,426,382.001390 2,740,409,545.0736 52.34892115 3.12 53.12 NO YES
2117700077 Thoroughbred Generating Co LLC Muhlenberg 003 SO2 (Sulfur Dioxide) 0 3.75 6 280 1000 72.3 350 0 10/11/2002 2004 Emissions Survey ########## 491,259.96 463601.63 4174755.22 -27,658.33 764,983,163.07224 44,445.77 1,975,426,382.001390 2,740,409,545.0736 52.34892115 3.12 53.12 NO YES

0 10892.25426 ########## 491,259.96 52.34892115 3.12 53.12 NO YES 1046.978 10892.25 YES 984.5784 10892.25 YES

2118300069 Western KY Energy Corp - Wilson Station Ohio 001 SO2 (Sulfur Dioxide) 9796.646183 11634.99783 34 600 1358306 24.9 127 0 06/24/1980 2004 Emissions Survey ########## 491,007.58 463601.63 4174755.22 -27,405.95 751,085,985.77870 29,703.33 882,287,931.902248 1,633,373,917.6810 40.41502094 3.12 53.12 NO YES 808.3004 11635 YES 745.9004 11635 YES

2122500014 Farmers Grain Co Union 001 SO2 (Sulfur Dioxide) 0 0 13.8 56 13772 0 89 0 07/01/1969 2004 Emissions Survey ########## 418,320.43 463601.63 4174755.22 45,281.20 2,050,387,164.00240 -6,414.33 41,143,603.691581 2,091,530,767.6940 45.73325669 3.12 53.12 NO YES
2122500014 Farmers Grain Co Union 001 SO2 (Sulfur Dioxide) 0.0024 0.0024 13.8 56 13772 0 89 0 07/01/1969 2004 Emissions Survey ########## 418,320.43 463601.63 4174755.22 45,281.20 2,050,387,164.00240 -6,414.33 41,143,603.691581 2,091,530,767.6940 45.73325669 3.12 53.12 NO YES

0.0024 0.0024 ########## 418,320.43 45.73325669 3.12 53.12 NO YES 914.6651 0.0024 NO 852.2651 0.0024 NO

2122500018 Rayloc Union 005 SO2 (Sulfur Dioxide) 0.00286315 0.00189435 1 13 2013 42.72 71 01/01/1989 2004 Emissions Survey ########## 424,772.58 463601.63 4174755.22 38,829.06 1,507,695,512.19302 2,338.70 5,469,531.722210 1,513,165,043.9152 38.89942215 3.12 53.12 NO YES
2122500018 Rayloc Union 032 SO2 (Sulfur Dioxide) 0.00000655 0.00088425 1 20 848 18 71 01/01/1975 2004 Emissions Survey ########## 424,772.58 463601.63 4174755.22 38,829.06 1,507,695,512.19302 2,338.70 5,469,531.722210 1,513,165,043.9152 38.89942215 3.12 53.12 NO YES
2122500018 Rayloc Union 033 SO2 (Sulfur Dioxide) 0.0005728 0.0042048 2.6 33 1342 4.21 1450 01/01/1997 2004 Emissions Survey ########## 424,772.58 463601.63 4174755.22 38,829.06 1,507,695,512.19302 2,338.70 5,469,531.722210 1,513,165,043.9152 38.89942215 3.12 53.12 NO YES

0.0034425 0.0069834 ########## 424,772.58 38.89942215 3.12 53.12 NO YES 777.9884 0.006983 NO 715.5884 0.006983 NO

2122500064 Dawson Manufacturing Co Union 002 SO2 (Sulfur Dioxide) 0.0222 0.0352152 2 23 3200 17 100 0 01/01/1998 2004 Emissions Survey ########## 424,593.00 463601.63 4174755.22 39,008.63 1,521,672,980.42513 2,423.39 5,872,833.632450 1,527,545,814.0576 39.0838306 3.12 53.12 NO YES 781.6766 0.035215 NO 719.2766 0.035215 NO

2123300052 Western KY Energy Corp - Green Station Webster 001 SO2 (Sulfur Dioxide) 2072.052129 2997.540819 15 350 765299 72.2 129 0 10/14/1976 2004 Emissions Survey ########## 455,694.40 463601.63 4174755.22 7,907.23 62,524,270.45844 8,294.83 68,804,204.728901 131,328,475.1873 11.45986366 3.12 53.12 NO YES
2123300052 Western KY Energy Corp - Green Station Webster 002 SO2 (Sulfur Dioxide) 816.0105395 1173.961902 15 350 904445 85.3 129 0 07/28/1977 2004 Emissions Survey ########## 455,694.40 463601.63 4174755.22 7,907.23 62,524,270.45844 8,294.83 68,804,204.728901 131,328,475.1873 11.45986366 3.12 53.12 NO YES

2888.062669 4171.502721 ########## 455,694.40 11.45986366 3.12 53.12 NO YES 229.1973 4171.503 YES 166.7973 4171.503 YES

2123300068 Hudson Farms Inc Webster 020 SO2 (Sulfur Dioxide) 0.0003 0.049932 1.3 39 9994 125 230 0 08/29/1994 2004 Emissions Survey ########## 453,406.88 463601.63 4174755.22 10,194.75 103,932,866.39401 9,792.37 95,890,510.216902 199,823,376.6109 14.13588966 3.12 53.12 NO YES 282.7178 0.049932 NO 220.3178 0.049932 NO
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Table 6-5:  Kentucky SO 2  20D Analysis

FACILITY PLANT NAME COUNTY STACK ID POLLUTANT ACTUAL POTENTIAL DIAMETER HEIGHT ACFM VELOCITY TEMP PLUME HEIGHT COOB YEAR Y X X Y A A 2̂ B B 2̂ C 2̂ C SIA SIA + 50 WITHIN WITHIN

ID KM KM SIA? SIA + 50 20D Q Q>20D 20D Q Q>20D
SHORT TERM LONG TERM

2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.004848 0.02088 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.011742 0.0399 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.015903 0.05951814 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.003624 0.02088 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.005772 0.02262 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.0058995 0.0399 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.0075525 0.0399 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.007656 0.0406 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 001 SO2 (Sulfur Dioxide) 0.012152 0.05951814 1.33 24 23129 277.5 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES
2123300074 Texas Gas Transmission LLC - Slaughters Compressor Station Webster 002 SO2 (Sulfur Dioxide) 0.19227 0.252288 14.3 39 216299 22.4 788 0 02/01/1950 2004 Emissions Survey ########## 455,711.09 463601.63 4174755.22 7,890.54 62,260,668.83485 23,488.38 551,703,995.024417 613,964,663.8593 24.77831035 3.12 53.12 NO YES

0.267419 0.59600428 ########## 455,711.09 24.77831035 3.12 53.12 NO YES 495.5662 0.596004 NO 433.1662 0.596004 NO

2123300075 ANR Pipeline Co - Slaughters Transmission Station Webster 001 SO2 (Sulfur Dioxide) 0 0.0075 0.84 15 3272 98.4 1101 0 01/13/1997 2004 Emissions Survey ########## 476,058.66 463601.63 4174755.22 -12,457.03 155,177,671.16309 -8,571.00 73,462,041.000000 228,639,712.1631 15.12083702 3.12 53.12 NO YES 302.4167 0.0075 NO 240.0167 0.0075 NO

Cash Creek Generation, LLC
  6-25

Cash Creek Generating Station
Submitted:  July 2005

Printed:  7/8/2005



Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

2002 129 00001 CARGILL, INC. - MOUNT VERNON 420600 4198000 UNIONTOWN RD MOUNT VERNON 47620 1 0 0 120 0 0 0.00000195 463,601.63 4,174,755.22 43,001.63 1,849,140,182.6569 -23,244.78 540,319,797.24839 2,389,459,979.90529 48.8821 3.12 53.12 NO YES
2002 129 00001 CARGILL, INC. - MOUNT VERNON 420600 4198000 UNIONTOWN RD MOUNT VERNON 47620 2 14 3.33 77 101 20000 0.00000195 463,601.63 4,174,755.22 43,001.63 1,849,140,182.6569 -23,244.78 540,319,797.24839 2,389,459,979.90529 48.8821 3.12 53.12 NO YES
2002 129 00001 CARGILL, INC. - MOUNT VERNON 420600 4198000 UNIONTOWN RD MOUNT VERNON 47620 3 14 3.3 77 101 20000 0.00000195 463,601.63 4,174,755.22 43,001.63 1,849,140,182.6569 -23,244.78 540,319,797.24839 2,389,459,979.90529 48.8821 3.12 53.12 NO YES
2002 129 00001 CARGILL, INC. - MOUNT VERNON 420600 4198000 UNIONTOWN RD MOUNT VERNON 47620 4 14 3.3 77 101 20000 0.00000195 463,601.63 4,174,755.22 43,001.63 1,849,140,182.6569 -23,244.78 540,319,797.24839 2,389,459,979.90529 48.8821 3.12 53.12 NO YES
2002 129 00001 CARGILL, INC. - MOUNT VERNON 420600 4198000 UNIONTOWN RD MOUNT VERNON 47620 5 0 0 77 0 0 0.00000195 463,601.63 4,174,755.22 43,001.63 1,849,140,182.6569 -23,244.78 540,319,797.24839 2,389,459,979.90529 48.8821 3.12 53.12 NO YES

420600 4198000 0.00000975 48.8821 977.6421 0.00000975 NO 915.2421 0.00000975 NO

2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 0 2.6165 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 1 250 7.5 350 170 450000 16982.5033 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 2 250 9 300 31.4 120000 21204.35 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 3 100 5.5 350 114 163100 4241.3933 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 4 0 0 77 0 0 4259.8933 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 5 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 6 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 7 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 8 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 9 0 0 77 0 0 4259.37 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 10 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 11 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 12 120 8.6 620 20.8 72366 38.0466 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 13 0 0 77 0 0 4259.8933 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 15 0 0 77 0 0 4240.87 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 16 0 0 77 0 0 4259.37 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 17 0 0 1000 222.2 100000 4241.3933 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES
2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 18 0 0 77 0 0 4241.3933 463,601.63 4,174,755.22 43,301.63 1,875,031,160.6569 -25,144.78 632,259,961.24839 2,507,291,121.90529 50.07286 3.12 53.12 NO YES

420300 4199900 97676.3129 50.07286 1001.457 97676.3129 YES 939.0572 97676.3129 YES

2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 0 6635.3021 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 1 99 6.4 350 0 68615 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 2 97 3.5 400 0 11042 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 3 27 2.2 1100 0 10015 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 4 67 3 500 0 7513 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 5 37 3.3 1000 0 13197 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 6 49 4.8 810 0 23644 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 7 57 2.8 750 0 10220 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 8 36 3.3 550 0 33684 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 9 63 2.9 760 0 14211 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 10 165 3 575 0 52811 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 11 66 2.5 950 0 9119 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 12 67 2.5 415 0 3650 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 13 36 3.3 550 0 42146 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 14 35 3.3 550 0 33684 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 15 174 2 1300 0 29017 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 18 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 19 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 20 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 23 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 24 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 30 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 31 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 32 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 34 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 37 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 38 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 39 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 45 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 46 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 47 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 48 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 49 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 50 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 51 0 0 77 0 0 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 52 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 53 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 54 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 55 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 56 0 0 77 0 0 3219.46069 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 57 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 58 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 59 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 60 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 61 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 62 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 63 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 64 30 2.5 850 0 5877 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 65 25 1 1800 0 3500 1609.7382 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 71 0 0 77 0 0 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 73 0 0 77 0 0 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 74 199 5.5 478 0 38824 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 75 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 76 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 77 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 78 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 79 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 80 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 81 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 82 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 83 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 84 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 85 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 86 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 87 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 88 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 102 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 103 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 104 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 105 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 106 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 107 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 108 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 109 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 110 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 111 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 112 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 113 0 0 77 0 0 1609.73034 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES
2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 119 0 0 77 0 0 552.941842 463,601.63 4,174,755.22 43,601.63 1,901,102,138.6569 -24,744.78 612,304,137.24839 2,513,406,275.90529 50.13388 3.12 53.12 NO YES

420000 4199500 122179.373 50.13388 1002.678 122179.373 YES 940.2777 122179.373 YES

2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 1 497 14 130 90.3 833600 8219.24475 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES

CASH CREEK
SHORT TERM 20D LONG TERM

Cash Creek Generation, LLC
  6-26

Cash Creek Generating Station
Submitted:  July 2005

Printed:  7/8/2005



Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

CASH CREEK
SHORT TERM 20D LONG TERM

2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 2 497 14 120 97.4 900000 8219.24475 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 3 40 10 0 0 0 8219.24475 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 4 25 1 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 5 19 0.33 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 6 25 0.5 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 7 25 0.5 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 8 75 14.75 810 130 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 10 35 58.9 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 11 35 58.9 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 19 0 0 0 0 0 8219.24475 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES
2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 20 6 0.15 0 0 0 8218.683 463,601.63 4,174,755.22 26,463.63 700,323,712.7769 -20,608.78 424,721,813.08839 1,125,045,525.86529 33.5417 3.12 53.12 NO YES

437138 4195364 98626.443 33.5417 670.834 98626.443 YES 608.434 98626.443 YES

2002 129 00028 SIGECO - OLIVER GAS STORAGE FIELD 426100 4206200 PFEIFFER RD SOUTH BOBERG RD WADESVILLE 47638 1 20 0.5 0 0 0 0.008295 463,601.63 4,174,755.22 37,501.63 1,406,372,252.6569 -31,444.78 988,774,189.24839 2,395,146,441.90529 48.94023 3.12 53.12 NO YES
2002 129 00028 SIGECO - OLIVER GAS STORAGE FIELD 426100 4206200 PFEIFFER RD SOUTH BOBERG RD WADESVILLE 47638 2 20 0.5 0 0 0 0.008295 463,601.63 4,174,755.22 37,501.63 1,406,372,252.6569 -31,444.78 988,774,189.24839 2,395,146,441.90529 48.94023 3.12 53.12 NO YES

426100 4206200 0.01659 48.94023 978.8047 0.01659 NO 916.4047 0.01659 NO

2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 0 0.5958 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 1 15 2 70 0 13000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 2 45 2 70 0 13000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 3 65 0.33 70 467.7 2400 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 4 85 1.5 70 179.2 19000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 5 110 5 148 0 61000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 6 85 1.16 70 118.3 7500 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 7 85 1 70 0 4000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 8 60 0.5 70 339.5 4000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 9 45 1.83 145 0 9000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 10 40 0.8 70 0 4000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 11 85 1.33 70 72 6000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 12 75 1.83 172 0 15600 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 13 45 1.83 137 0 11100 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 14 75 1.83 105 0 9500 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 15 80 0.25 85 0 124 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 16 45 2.16 70 0 16000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 17 25 2.5 70 0 16000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 18 15 2 70 0 16000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 19 60 2 310 0 9600 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 20 60 2 310 0 9600 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 21 60 2 310 0 9600 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 22 45 1 137 191 9000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 23 110 1.25 70 81.5 6000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 26 110 1 70 0 2000 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 98 1 99.99 70 0 0 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES
2003 129 00035 CONSOLIDATED GRAIN AND BARGE COMPANY 423453 4197206 BLUFF ROAD MT. VERNON 47620 99 1 99.99 70 0 0 0.14895 463,601.63 4,174,755.22 40,148.63 1,611,912,490.8769 -22,450.78 504,037,522.60839 2,115,950,013.48529 45.99946 3.12 53.12 NO YES

423453 4197206 4.4685 45.99946 919.9891 4.4685 NO 857.5891 4.4685 NO

2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 0 56711.389 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES
2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 1 1038 42.5 315 104 8849994 113571.689 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES
2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 2 300 11 750 113.3 646000 113422.778 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES
2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 3 20 1.83 650 57.8 9118 56711.389 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES
2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 4 20 1.83 650 57.8 9118 56711.389 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES
2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 5 20 1.83 650 57.8 9118 56711.389 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,644.78 512,786,061.24839 1,608,288,157.90529 40.10347 3.12 53.12 NO YES

496700 4197400 453840.023 40.10347 802.0694 453840.023 YES 739.6694 453840.023 YES

2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 1 110 3 104 27.6 11715 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 2 110 7.5 550 28.7 76000 0.52 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 3 110 5.2 110 29.8 38000 0.1 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 4 110 4 250 46.7 35200 0.01 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 5 88 6 70 36.2 61420 0.01 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 9 110 4.3 70 60.7 52900 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 10 110 2.3 150 20.9 5210 0.52 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 11 145 14 110 23.8 220000 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 12 150 2.3 140 35.4 8833 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 13 145 7.5 750 23.3 61832 0.52 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 14 0 0 0 0 0 0.1 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 15 0 0 0 0 0 0.01 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 16 0 0 0 0 0 0.01 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 17 135 10 110 14.9 70000 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 18 0 0 0 0 0 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 19 105 5.5 493 21 29974 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 20 75 4.5 493 31.4 29974 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 21 15 0.83 70 17.7 573 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 22 0 0 0 0 0 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 23 0 0 0 0 0 1.05 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 24 40 3 70 34.2 14500 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES
2003 147 00041 AK STEEL ROCKPORT WORKS 497700 4203500 6500 U.S. 231 NORTH ROCKPORT 47635 25 50 1 70 15.6 737 0.35 463,601.63 4,174,755.22 -34,098.37 1,162,698,836.6569 -28,744.78 826,262,377.24839 1,988,961,213.90529 44.59777 3.12 53.12 NO YES

497700 4203500 7.05 44.59777 891.9554 7.05 NO 829.5554 7.05 NO

2002 147 00050 AMERICAN IRON OXIDE COMPANY 498317 4204616 2001 E. COUNTY ROAD 700 N. GRANDVIEW 47615 1 140 3 200 38.8 16450 0.06905 463,601.63 4,174,755.22 -34,715.37 1,205,156,914.2369 -29,860.78 891,666,182.20839 2,096,823,096.44529 45.79108 3.12 53.12 NO YES
2002 147 00050 AMERICAN IRON OXIDE COMPANY 498317 4204616 2001 E. COUNTY ROAD 700 N. GRANDVIEW 47615 2 110 1 150 50.9 2400 0.06905 463,601.63 4,174,755.22 -34,715.37 1,205,156,914.2369 -29,860.78 891,666,182.20839 2,096,823,096.44529 45.79108 3.12 53.12 NO YES
2002 147 00050 AMERICAN IRON OXIDE COMPANY 498317 4204616 2001 E. COUNTY ROAD 700 N. GRANDVIEW 47615 3 69 0.5 500 237.7 2800 0.020613 463,601.63 4,174,755.22 -34,715.37 1,205,156,914.2369 -29,860.78 891,666,182.20839 2,096,823,096.44529 45.79108 3.12 53.12 NO YES
2002 147 00050 AMERICAN IRON OXIDE COMPANY 498317 4204616 2001 E. COUNTY ROAD 700 N. GRANDVIEW 47615 5 69 0.33 100 0.2 1 0.06905 463,601.63 4,174,755.22 -34,715.37 1,205,156,914.2369 -29,860.78 891,666,182.20839 2,096,823,096.44529 45.79108 3.12 53.12 NO YES

498317 4204616 0.227763 45.79108 915.8216 0.227763 NO 853.4216 0.227763 NO

2003 163 00001 SIGECO - OHIO RIVER 446900 4202400 2600 BROADWAY EVANSVILLE 47712 1 40 16.8 865 7.5 100000 0.14 463,601.63 4,174,755.22 16,701.63 278,944,444.6569 -27,644.78 764,233,861.24839 1,043,178,305.90529 32.29827 3.12 53.12 NO YES
2003 163 00001 SIGECO - OHIO RIVER 446900 4202400 2600 BROADWAY EVANSVILLE 47712 2 40 16.8 865 7.5 100000 0.09 463,601.63 4,174,755.22 16,701.63 278,944,444.6569 -27,644.78 764,233,861.24839 1,043,178,305.90529 32.29827 3.12 53.12 NO YES

446900 4202400 0.23 32.29827 645.9654 0.23 NO 583.5654 0.23 NO

2003 163 00003 SILGAN CLOSURES, LLC (868) 447600 4204400 2201 WEST MARYLAND STREET EVANSVILLE 47712 0 0.0618 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -29,644.78 878,812,981.24839 1,134,865,143.90529 33.68776 3.12 53.12 NO YES
2003 163 00003 SILGAN CLOSURES, LLC (868) 447600 4204400 2201 WEST MARYLAND STREET EVANSVILLE 47712 1 26 0.76 0 0 0 0.0309 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -29,644.78 878,812,981.24839 1,134,865,143.90529 33.68776 3.12 53.12 NO YES
2003 163 00003 SILGAN CLOSURES, LLC (868) 447600 4204400 2201 WEST MARYLAND STREET EVANSVILLE 47712 2 35 2 250 10.6 2000 0.0309 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -29,644.78 878,812,981.24839 1,134,865,143.90529 33.68776 3.12 53.12 NO YES
2003 163 00003 SILGAN CLOSURES, LLC (868) 447600 4204400 2201 WEST MARYLAND STREET EVANSVILLE 47712 3 35 4.33 400 39.6 35000 0.0348 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -29,644.78 878,812,981.24839 1,134,865,143.90529 33.68776 3.12 53.12 NO YES

447600 4204400 0.1584 33.68776 673.7552 0.1584 NO 611.3552 0.1584 NO

2002 163 00005 EVANSVILLE STATE HOSPITAL 455371 4202395 3400 LINCOLN AVE. EVANSVILLE 47714 0 0.0486 463,601.63 4,174,755.22 8,230.63 67,743,270.1969 -27,639.78 763,957,438.44839 831,700,708.64529 28.83922 3.12 53.12 NO YES
2002 163 00005 EVANSVILLE STATE HOSPITAL 455371 4202395 3400 LINCOLN AVE. EVANSVILLE 47714 1 52 2 405 36.3 6842 0.0243 463,601.63 4,174,755.22 8,230.63 67,743,270.1969 -27,639.78 763,957,438.44839 831,700,708.64529 28.83922 3.12 53.12 NO YES
2002 163 00005 EVANSVILLE STATE HOSPITAL 455371 4202395 3400 LINCOLN AVE. EVANSVILLE 47714 2 52 2 405 36.3 6842 0.0243 463,601.63 4,174,755.22 8,230.63 67,743,270.1969 -27,639.78 763,957,438.44839 831,700,708.64529 28.83922 3.12 53.12 NO YES

455371 4202395 0.0972 28.83922 576.7844 0.0972 NO 514.3844 0.0972 NO

2002 163 00009 HOOSIER STAMPING & MFG. CORP 448034 4203672 1825 W. FRANKLIN EVANSVILLE 47712 1 25 0.92 77 0 11000 0.002592 463,601.63 4,174,755.22 15,567.63 242,351,103.8169 -28,916.78 836,180,165.56839 1,078,531,269.38529 32.841 3.12 53.12 NO YES
2002 163 00009 HOOSIER STAMPING & MFG. CORP 448034 4203672 1825 W. FRANKLIN EVANSVILLE 47712 2 32 1.33 350 0 3000 0.002592 463,601.63 4,174,755.22 15,567.63 242,351,103.8169 -28,916.78 836,180,165.56839 1,078,531,269.38529 32.841 3.12 53.12 NO YES

448034 4203672 0.005184 32.841 656.82 0.005184 NO 594.42 0.005184 NO

2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 0 0.051468 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 1 20 1.4 450 483.7 745 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 2 30 4 77 0 48000 0.025962 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 3 35 3 250 0 0 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 7 50 4 77 0 15000 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 8 30 2 250 0 8000 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
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Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

CASH CREEK
SHORT TERM 20D LONG TERM

2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 9 30 1 250 65.8 3100 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 10 30 2 350 0 4000 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 11 30 2 550 0 40000 0.077202 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 12 30 2 750 620.7 117000 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES
2003 163 00011 BOOTZ MFG CO 448500 4204800 1400 PARK STREET EVANSVILLE 47712 13 30 2 350 21.2 4000 0.025734 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,044.78 902,688,805.24839 1,130,748,033.90529 33.6266 3.12 53.12 NO YES

448500 4204800 0.360504 33.6266 672.5319 0.360504 NO 610.1319 0.360504 NO

2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 1 60 2 77 0 500 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 2 25 1 277 0 810 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 4 50 1 195 0 876 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 5 60 2 195 0 876 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 6 60 2 771 0 810 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 7 60 2 77 0 810 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES
2002 163 00013 KOCH ORIGINALS 448500 4204900 1401 PARK STREET EVANSVILLE 47710 8 50 1 195 0 876 0.004578 463,601.63 4,174,755.22 15,101.63 228,059,228.6569 -30,144.78 908,707,761.24839 1,136,766,989.90529 33.71598 3.12 53.12 NO YES

448500 4204900 0.032046 33.71598 674.3195 0.032046 NO 611.9195 0.032046 NO

2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 0 0.001956 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 4 20 3 77 0 9000 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 6 28 2.5 77 0 12000 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 7 18 2.5 77 0 12000 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 8 25 2.5 77 0 12000 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 9 20 1.5 265 0 4500 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES
2002 163 00014 GEO KOCH SONS INC 447500 4203300 10 S 11TH AVE EVANSVILLE 47712 12 18 2.5 77 40.7 12000 0.000978 463,601.63 4,174,755.22 16,101.63 259,262,488.6569 -28,544.78 814,804,465.24839 1,074,066,953.90529 32.77296 3.12 53.12 NO YES

447500 4203300 0.007824 32.77296 655.4592 0.007824 NO 593.0592 0.007824 NO

2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 0 2.24473 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES
2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 1 110 1.33 300 104.5 0 4.743626 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES
2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 2 77 0.67 900 0 0 1.249448 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES
2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 3 40 1.25 110 122.2 9000 3.494178 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES
2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 4 30 1 100 0 0 0.877044 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES
2003 163 00015 MEAD JOHNSON AND COMPANY 447200 4203200 2400 WEST LLOYD EXPRESSWAY EVANSVILLE 47712 5 15 0.67 950 303.5 6420 2.617134 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 3.12 53.12 NO YES

447200 4203200 15.22616 32.83472 656.6944 15.22616 NO 594.2944 15.22616 NO

2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 0 0.0834 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 1 26 2.5 300 17 5000 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 3 22 2.5 77 17 5000 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 4 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 5 26 2 250 6.7 1260 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 6 26 2 250 37.6 7090 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 7 26 1 300 2.8 130 0.0003 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 8 26 1 200 6.4 300 0.0003 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 9 26 2.83 77 27.9 10500 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES
2002 163 00017 GUARDIAN AUTOMOTIVE TRIM, INC. 455500 4202600 601 N CONGRESS AVE EVANSVILLE 47715 10 26 0.5 250 5.7 270 0.0417 463,601.63 4,174,755.22 8,101.63 65,636,408.6569 -27,844.78 775,331,773.24839 840,968,181.90529 28.99945 3.12 53.12 NO YES

455500 4202600 0.3759 28.99945 579.989 0.3759 NO 517.589 0.3759 NO

2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 1 20 1.5 70 500 2500 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 2 36 2 70 500 4500 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 3 41 2 70 500 10000 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 5 42 1.5 70 500 1500 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 7 30 2 70 500 3000 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 8 35 2 70 500 500 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 9 28 2 70 250 250 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 11 14 0.25 70 0 0 0.009324 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 12 15 0.22 140 50 50 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 14 27 1.5 70 400 400 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES
2002 163 00018 RED SPOT PAINT & VARNISH CO., INC. 452000 4204300 1016 EAST COLUMBIA ST. EVANSVILLE 47711 17 20 0.5 200 50 50 0.004662 463,601.63 4,174,755.22 11,601.63 134,597,818.6569 -29,544.78 872,894,025.24839 1,007,491,843.90529 31.74101 3.12 53.12 NO YES

452000 4204300 0.055944 31.74101 634.8202 0.055944 NO 572.4202 0.055944 NO

2002 163 00020 A ASPHALT CO. INC. 458700 4204800 6214 OAK GROVE RD EVANSVILLE 47715 1 7 6 300 12 20000 1.195255 463,601.63 4,174,755.22 4,901.63 24,025,976.6569 -30,044.78 902,688,805.24839 926,714,781.90529 30.44199 3.12 53.12 NO YES
2002 163 00020 A ASPHALT CO. INC. 458700 4204800 6214 OAK GROVE RD EVANSVILLE 47715 2 4 1 300 53.1 2500 0.692655 463,601.63 4,174,755.22 4,901.63 24,025,976.6569 -30,044.78 902,688,805.24839 926,714,781.90529 30.44199 3.12 53.12 NO YES

458700 4204800 1.88791 30.44199 608.8398 1.88791 NO 546.4398 1.88791 NO

2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 0 0.109719 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 1 52 4 500 0 30140 0.036573 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 4 52 5 538 0 26382 2.428062 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 5 2.464635 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 10 28 1.5 1300 0 1000 0.036573 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 11 0.036573 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 13 0.036573 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES
2003 163 00022 WHIRLPOOL CORP 452900 4208300 5401 U.S. 41 N. EVANSVILLE 47711 15 38 2 375 0 10826 2.464635 463,601.63 4,174,755.22 10,701.63 114,524,884.6569 -33,544.78 1,125,252,265.24839 1,239,777,149.90529 35.21047 3.12 53.12 NO YES

452900 4208300 7.613343 35.21047 704.2094 7.613343 NO 641.8094 7.613343 NO

2002 163 00026 INLAND PAPERBOARD - EVANSVILLE 453700 4207400 2000 LYNCH RD EVANSVILLE 47711 2 35 2 450 0 1363 0.0516 463,601.63 4,174,755.22 9,901.63 98,042,276.6569 -32,644.78 1,065,681,661.24839 1,163,723,937.90529 34.1134 3.12 53.12 NO YES 682.268 0.0516 NO 619.868 0.0516 NO

2002 163 00029 DEACONESS HOSPITAL 460100 4203800 600 MARY ST EVANSVILLE 47710 1 65 5 470 0 12000 1.285209 463,601.63 4,174,755.22 3,501.63 12,261,412.6569 -29,044.78 843,599,245.24839 855,860,657.90529 29.2551 3.12 53.12 NO YES
2002 163 00029 DEACONESS HOSPITAL 460100 4203800 600 MARY ST EVANSVILLE 47710 2 30 1 942 0 7936 0.078209 463,601.63 4,174,755.22 3,501.63 12,261,412.6569 -29,044.78 843,599,245.24839 855,860,657.90529 29.2551 3.12 53.12 NO YES

460100 4203800 1.363418 29.2551 585.1019 1.363418 NO 522.7019 1.363418 NO

2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 0 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 1 45 1 385 0 1800 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 2 35 2 385 0 3100 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 3 14 3 77 0 14000 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 4 10 3 77 0 8500 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 6 14 2 77 0 9000 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 7 10 2.25 77 0 13000 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 8 10 2.25 77 0 12000 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 9 12 2 125 0 3800 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 10 14 2 77 0 9420 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES
2002 163 00036 KARGES FURNITURE CO., INC. 448600 4204200 1501 W. MARYLAND STREET EVANSVILLE 47710 11 20 2.5 70 132.4 39000 0.0022905 463,601.63 4,174,755.22 15,001.63 225,048,902.6569 -29,444.78 866,995,069.24839 1,092,043,971.90529 33.04609 3.12 53.12 NO YES

448600 4204200 0.0251955 33.04609 660.9218 0.0251955 NO 598.5218 0.0251955 NO

2003 163 00040 HARTFORD BAKERY INC. 449000 4203800 500 N FULTON AVE EVANSVILLE 47710 1 36 0.83 280 0 1180 0.00222 463,601.63 4,174,755.22 14,601.63 213,207,598.6569 -29,044.78 843,599,245.24839 1,056,806,843.90529 32.50857 3.12 53.12 NO YES
2003 163 00040 HARTFORD BAKERY INC. 449000 4203800 500 N FULTON AVE EVANSVILLE 47710 2 31 0.83 245 0 1000 0.00222 463,601.63 4,174,755.22 14,601.63 213,207,598.6569 -29,044.78 843,599,245.24839 1,056,806,843.90529 32.50857 3.12 53.12 NO YES
2003 163 00040 HARTFORD BAKERY INC. 449000 4203800 500 N FULTON AVE EVANSVILLE 47710 3 33 0.83 260 0 1000 0.00222 463,601.63 4,174,755.22 14,601.63 213,207,598.6569 -29,044.78 843,599,245.24839 1,056,806,843.90529 32.50857 3.12 53.12 NO YES
2003 163 00040 HARTFORD BAKERY INC. 449000 4203800 500 N FULTON AVE EVANSVILLE 47710 4 28 1.5 350 0 3344 0.015999 463,601.63 4,174,755.22 14,601.63 213,207,598.6569 -29,044.78 843,599,245.24839 1,056,806,843.90529 32.50857 3.12 53.12 NO YES
2003 163 00040 HARTFORD BAKERY INC. 449000 4203800 500 N FULTON AVE EVANSVILLE 47710 5 28 1.83 370 0 7000 0.015999 463,601.63 4,174,755.22 14,601.63 213,207,598.6569 -29,044.78 843,599,245.24839 1,056,806,843.90529 32.50857 3.12 53.12 NO YES

449000 4203800 0.038658 32.50857 650.1713 0.038658 NO 587.7713 0.038658 NO

2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 1 35 2 460 35.3 6646 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 2 35 2 460 35.3 6646 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 3 35 2 460 35.3 6646 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 4 35 2 460 35.3 6646 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 5 22 1.6 460 20.3 2447 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 6 22 1.6 460 20.3 2447 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 7 35 2 460 38.5 7261 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 8 35 2 460 38.5 7261 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 9 20 1.5 400 18.9 2000 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 10 20 1.5 400 18.9 2000 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 11 20 1.5 400 18.9 2000 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
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Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

CASH CREEK
SHORT TERM 20D LONG TERM

2002 163 00041 ST. MARY'S MEDICAL CENTER 455586 4201624 3700 WASHINGTON AVENUE EVANSVILLE 47714 12 38 3.8 180 8.8 6000 0.077 463,601.63 4,174,755.22 8,015.63 64,250,324.2969 -26,868.78 721,931,338.68839 786,181,662.98529 28.03893 3.12 53.12 NO YES
455586 4201624 0.924 28.03893 560.7786 0.924 NO 498.3786 0.924 NO

2002 163 00045 EVANSVILLE METAL PROD 448300 4204700 2100 N SIXTH AVE EVANSVILLE 47710 1 27 3 77 0 0 0.0003 463,601.63 4,174,755.22 15,301.63 234,139,880.6569 -29,944.78 896,689,849.24839 1,130,829,729.90529 33.62781 3.12 53.12 NO YES
2002 163 00045 EVANSVILLE METAL PROD 448300 4204700 2100 N SIXTH AVE EVANSVILLE 47710 2 27 3 77 0 0 0.0003 463,601.63 4,174,755.22 15,301.63 234,139,880.6569 -29,944.78 896,689,849.24839 1,130,829,729.90529 33.62781 3.12 53.12 NO YES

448300 4204700 0.0006 33.62781 672.5562 0.0006 NO 610.1562 0.0006 NO

2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 1 30 2 375 0.5 100 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 2 30 2 375 0.5 100 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 3 30 2 375 0.5 100 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 4 35 2 350 5.8 1100 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 5 28 1.11 350 0 9281 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 6 28 1.11 1050 159.8 9281 0.02687102 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 7 28 0.19 1100 499.7 850 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES
2002 163 00064 UNIV OF EVANSVILLE 453300 4202500 1800 LINCOLN AVE EVANSVILLE 47714 8 10 0.25 1100 288.6 850 0.02542002 463,601.63 4,174,755.22 10,301.63 106,123,580.6569 -27,744.78 769,772,817.24839 875,896,397.90529 29.59555 3.12 53.12 NO YES

453300 4202500 0.20481116 29.59555 591.9109 0.20481116 NO 529.5109 0.20481116 NO

2002 163 00067 GENERAL ELECTRIC I&RS 455400 4202500 401 N CONGRESS AVE EVANSVILLE 47715 1 20 2 77 0 0 0.000471 463,601.63 4,174,755.22 8,201.63 67,266,734.6569 -27,744.78 769,772,817.24839 837,039,551.90529 28.93164 3.12 53.12 NO YES
2002 163 00067 GENERAL ELECTRIC I&RS 455400 4202500 401 N CONGRESS AVE EVANSVILLE 47715 2 25 1 77 0 0 0.000471 463,601.63 4,174,755.22 8,201.63 67,266,734.6569 -27,744.78 769,772,817.24839 837,039,551.90529 28.93164 3.12 53.12 NO YES
2002 163 00067 GENERAL ELECTRIC I&RS 455400 4202500 401 N CONGRESS AVE EVANSVILLE 47715 3 27 2 77 0 0 0.000471 463,601.63 4,174,755.22 8,201.63 67,266,734.6569 -27,744.78 769,772,817.24839 837,039,551.90529 28.93164 3.12 53.12 NO YES
2002 163 00067 GENERAL ELECTRIC I&RS 455400 4202500 401 N CONGRESS AVE EVANSVILLE 47715 4 35 0.17 77 0 0 0.000471 463,601.63 4,174,755.22 8,201.63 67,266,734.6569 -27,744.78 769,772,817.24839 837,039,551.90529 28.93164 3.12 53.12 NO YES
2002 163 00067 GENERAL ELECTRIC I&RS 455400 4202500 401 N CONGRESS AVE EVANSVILLE 47715 5 25 2 77 0 0 0.000471 463,601.63 4,174,755.22 8,201.63 67,266,734.6569 -27,744.78 769,772,817.24839 837,039,551.90529 28.93164 3.12 53.12 NO YES

455400 4202500 0.002355 28.93164 578.6327 0.002355 NO 516.2327 0.002355 NO

2002 163 00069 ST. MARY'S MEDICAL CENTER - WELBORN 450271 4202394 401 S.E. SIXTH STREET EVANSVILLE 47713 1 125 4.5 270 0 1000 0.0036 463,601.63 4,174,755.22 13,330.63 177,705,696.1969 -27,638.78 763,902,159.88839 941,607,856.08529 30.68563 3.12 53.12 NO YES
2002 163 00069 ST. MARY'S MEDICAL CENTER - WELBORN 450271 4202394 401 S.E. SIXTH STREET EVANSVILLE 47713 2 125 4.5 270 1 1000 0.0036 463,601.63 4,174,755.22 13,330.63 177,705,696.1969 -27,638.78 763,902,159.88839 941,607,856.08529 30.68563 3.12 53.12 NO YES
2002 163 00069 ST. MARY'S MEDICAL CENTER - WELBORN 450271 4202394 401 S.E. SIXTH STREET EVANSVILLE 47713 3 125 4.5 270 1 1000 0.0036 463,601.63 4,174,755.22 13,330.63 177,705,696.1969 -27,638.78 763,902,159.88839 941,607,856.08529 30.68563 3.12 53.12 NO YES

450271 4202394 0.0108 30.68563 613.7126 0.0108 NO 551.3126 0.0108 NO

2002 163 00070 FAULTLESS CASTER CORP 448700 4203800 1421 N GARVIN ST EW EVANSVILLE 47711 1 63 1 320 0 2800 0.01248 463,601.63 4,174,755.22 14,901.63 222,058,576.6569 -29,044.78 843,599,245.24839 1,065,657,821.90529 32.64441 3.12 53.12 NO YES
2002 163 00070 FAULTLESS CASTER CORP 448700 4203800 1421 N GARVIN ST EW EVANSVILLE 47711 2 20 1.4 290 0 955 0.01248 463,601.63 4,174,755.22 14,901.63 222,058,576.6569 -29,044.78 843,599,245.24839 1,065,657,821.90529 32.64441 3.12 53.12 NO YES
2002 163 00070 FAULTLESS CASTER CORP 448700 4203800 1421 N GARVIN ST EW EVANSVILLE 47711 4 0 0 77 0 0 0.01248 463,601.63 4,174,755.22 14,901.63 222,058,576.6569 -29,044.78 843,599,245.24839 1,065,657,821.90529 32.64441 3.12 53.12 NO YES

448700 4203800 0.03744 32.64441 652.8883 0.03744 NO 590.4883 0.03744 NO

2002 163 00071 INTRAMETCO PROCESSING INC. 448400 4204600 900 W. LOUISIANA ST. EVANSVILLE 47710 1 38 3 450 21.2 9000 0.00003 463,601.63 4,174,755.22 15,201.63 231,089,554.6569 -29,844.78 890,710,893.24839 1,121,800,447.90529 33.49329 3.12 53.12 NO YES
2002 163 00071 INTRAMETCO PROCESSING INC. 448400 4204600 900 W. LOUISIANA ST. EVANSVILLE 47710 2 38 3 450 0 9000 0.00003 463,601.63 4,174,755.22 15,201.63 231,089,554.6569 -29,844.78 890,710,893.24839 1,121,800,447.90529 33.49329 3.12 53.12 NO YES
2002 163 00071 INTRAMETCO PROCESSING INC. 448400 4204600 900 W. LOUISIANA ST. EVANSVILLE 47710 3 70 4 1200 0 9000 3.40898 463,601.63 4,174,755.22 15,201.63 231,089,554.6569 -29,844.78 890,710,893.24839 1,121,800,447.90529 33.49329 3.12 53.12 NO YES
2002 163 00071 INTRAMETCO PROCESSING INC. 448400 4204600 900 W. LOUISIANA ST. EVANSVILLE 47710 4 38 3 77 0 0 0.00003 463,601.63 4,174,755.22 15,201.63 231,089,554.6569 -29,844.78 890,710,893.24839 1,121,800,447.90529 33.49329 3.12 53.12 NO YES

448400 4204600 3.40907 33.49329 669.8658 3.40907 NO 607.4658 3.40907 NO

2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 2 40 2 77 50 9420 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 5 40 2 150 0 0 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 7 0 0 77 0 0 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 8 40 1.5 350 32 6000 0.0006 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 9 40 1.5 225 32 6000 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 11 40 1.5 350 0.5 50 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES
2002 163 00078 ROBUR CORPORATION 454100 4207300 2300 LYNCH ROAD EVANSVILLE 477112951 12 40 1.5 250 56.6 6000 0.00156 463,601.63 4,174,755.22 9,501.63 90,280,972.6569 -32,544.78 1,059,162,705.24839 1,149,443,677.90529 33.90345 3.12 53.12 NO YES

454100 4207300 0.00996 33.90345 678.0689 0.00996 NO 615.6689 0.00996 NO

2002 163 00081 INDIANA TUBE CORP. 460000 4207000 2100 LEXINGTON AVE. EVANSVILLE 47712 0 0.019152 463,601.63 4,174,755.22 3,601.63 12,971,738.6569 -32,244.78 1,039,725,837.24839 1,052,697,575.90529 32.4453 3.12 53.12 NO YES
2002 163 00081 INDIANA TUBE CORP. 460000 4207000 2100 LEXINGTON AVE. EVANSVILLE 47712 1 20 1 250 0 2000 0.009576 463,601.63 4,174,755.22 3,601.63 12,971,738.6569 -32,244.78 1,039,725,837.24839 1,052,697,575.90529 32.4453 3.12 53.12 NO YES
2002 163 00081 INDIANA TUBE CORP. 460000 4207000 2100 LEXINGTON AVE. EVANSVILLE 47712 2 0 0 0 0 0 0.009576 463,601.63 4,174,755.22 3,601.63 12,971,738.6569 -32,244.78 1,039,725,837.24839 1,052,697,575.90529 32.4453 3.12 53.12 NO YES

460000 4207000 0.038304 32.4453 648.906 0.038304 NO 586.506 0.038304 NO

2003 163 00084 SIGECO - BERGDOLT ROAD - NEGT 454000 4208100 BERGDOLT ROAD EVANSVILLE 47741 3 20 0.33 0 0 0 0.01985 463,601.63 4,174,755.22 9,601.63 92,191,298.6569 -33,344.78 1,111,874,353.24839 1,204,065,651.90529 34.69965 3.12 53.12 NO YES
2003 163 00084 SIGECO - BERGDOLT ROAD - NEGT 454000 4208100 BERGDOLT ROAD EVANSVILLE 47741 4 20 0.33 0 0 0 0.01985 463,601.63 4,174,755.22 9,601.63 92,191,298.6569 -33,344.78 1,111,874,353.24839 1,204,065,651.90529 34.69965 3.12 53.12 NO YES

454000 4208100 0.0397 34.69965 693.993 0.0397 NO 631.593 0.0397 NO

2002 163 00087 OBRYAN BARREL CO., INC. 457607 4205435 5500 OLD BOONVILLE HWY. EVANSVILLE 47715 1 25 1.5 77 118.8 12600 0.000527 463,601.63 4,174,755.22 5,994.63 35,935,588.8369 -30,679.78 941,248,900.84839 977,184,489.68529 31.25995 3.12 53.12 NO YES
2002 163 00087 OBRYAN BARREL CO., INC. 457607 4205435 5500 OLD BOONVILLE HWY. EVANSVILLE 47715 2 25 1 0 0 0 0.000527 463,601.63 4,174,755.22 5,994.63 35,935,588.8369 -30,679.78 941,248,900.84839 977,184,489.68529 31.25995 3.12 53.12 NO YES
2002 163 00087 OBRYAN BARREL CO., INC. 457607 4205435 5500 OLD BOONVILLE HWY. EVANSVILLE 47715 3 30 1.5 0 0 0 0.000527 463,601.63 4,174,755.22 5,994.63 35,935,588.8369 -30,679.78 941,248,900.84839 977,184,489.68529 31.25995 3.12 53.12 NO YES
2002 163 00087 OBRYAN BARREL CO., INC. 457607 4205435 5500 OLD BOONVILLE HWY. EVANSVILLE 47715 5 25 1.5 0 0 0 1.022902 463,601.63 4,174,755.22 5,994.63 35,935,588.8369 -30,679.78 941,248,900.84839 977,184,489.68529 31.25995 3.12 53.12 NO YES

457607 4205435 1.024483 31.25995 625.199 1.024483 NO 562.799 1.024483 NO

2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 0 0.0132 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 1 41 1.5 400 13.3 1409 0.0246 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 2 42 0.7 70 0 0 0.0066 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 3 42 1.5 70 0 3000 0.0066 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 5 42 1.5 70 0 3000 0.0066 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 7 40 0.5 70 0 3000 0.0132 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 8 20 1 400 0 1409 0.001104 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 9 20 1 400 0 1409 3.36E-08 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 10 20 1 400 0 1409 3.36E-08 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES
2002 163 00094 PPG INDUSTRIES, INC. WKS #28 451300 4216900 424 E. INGLEFIELD ROAD EVANSVILLE 47725 11 44 0.67 77 28.4 600 0.0066 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -42,144.78 1,776,182,481.24838 1,927,512,581.90528 43.90345 3.12 53.12 NO YES

451300 4216900 0.07850407 43.90345 878.0689 0.07850407 NO 815.6689 0.07850407 NO

2002 163 00095 INDUSTRIAL CONTRACTORS, INC. METAL FAB 447770 4204351 1001 MT. AUBURN ROAD EVANSVILLE 47720 1 20 4.5 80 27.7 26400 0.000441 463,601.63 4,174,755.22 15,831.63 250,640,508.4569 -29,595.78 875,910,193.80839 1,126,550,702.26529 33.56413 3.12 53.12 NO YES
2002 163 00095 INDUSTRIAL CONTRACTORS, INC. METAL FAB 447770 4204351 1001 MT. AUBURN ROAD EVANSVILLE 47720 2 20 4.5 80 27.7 26400 0.000441 463,601.63 4,174,755.22 15,831.63 250,640,508.4569 -29,595.78 875,910,193.80839 1,126,550,702.26529 33.56413 3.12 53.12 NO YES
2002 163 00095 INDUSTRIAL CONTRACTORS, INC. METAL FAB 447770 4204351 1001 MT. AUBURN ROAD EVANSVILLE 47720 3 33 2 75 33.4 6300 0.000441 463,601.63 4,174,755.22 15,831.63 250,640,508.4569 -29,595.78 875,910,193.80839 1,126,550,702.26529 33.56413 3.12 53.12 NO YES

447770 4204351 0.001323 33.56413 671.2826 0.001323 NO 608.8826 0.001323 NO

2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 0 0.0108 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 1 28 1 265 0 1963 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 2 35 1 1000 0 1963 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 3 35 1.16 1000 0 2675 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 4 47 1.5 265 0 4425 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 5 47 1.5 265 0 4425 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 6 33 1 265 0 1963 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 7 20 2 77 0 2500 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 8 20 2 77 0 2500 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00096 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 8101 BAUMGART ROAD EVANSVILLE 47711 9 52 2 1600 0 1000 0.0054 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES

452087 4204202 0.0594 31.61803 632.3605 0.0594 NO 569.9605 0.0594 NO

2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 0 0.0792 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 2 15 1.5 90 0 3500 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 3 40 3 140 0 382 0.0366 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 4 40 3 140 0 382 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 5 40 3 140 0 382 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 6 15 1.3 90 0 6000 0.0426 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 7 24 1.7 433 0 2300 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 9 54 0.5 90 0 521 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 10 63 4.1 263 68 52282 0.0564 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 11 85 3.5 169 59.5 33555 0.0564 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 12 85 2.5 94 39.3 10078 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 13 15 0.4 90 0 360 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 14 15 0.7 95 0 1450 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 15 15 1 73 56.5 4440 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 40 40 1.5 70 61.5 6518 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 49 10 0.7 90 0 1396 0.0198 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
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Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

CASH CREEK
SHORT TERM 20D LONG TERM

2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 52 15 1.3 75 70.2 5518 0.0366 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 102 15 1.5 90 0 3500 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 105 40 3 140 0 382 0.0417 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 107 24 1.7 433 0 2300 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 110 63 4.1 180 0 45000 0.0645 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 111 85 3.5 140 0 35000 0.0645 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 112 85 2.5 100 0 12000 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 113 15 0.4 90 0 360 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 114 15 0.7 95 0 1450 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES
2002 163 00107 AZTECA MILLING, L.P. 451300 4219200 15700 HIGHWAY 41 NORTH EVANSVILLE 47711 140 40 1.5 90 0 6000 0.0228 463,601.63 4,174,755.22 12,301.63 151,330,100.6569 -44,444.78 1,975,338,469.24838 2,126,668,569.90528 46.11582 3.12 53.12 NO YES

451300 4219200 0.8361 46.11582 922.3163 0.8361 NO 859.9163 0.8361 NO

2002 163 00112 AMERIQUAL FOODS, INC. 451700 4221800 18200 HIGHWAY 41 NORTH EVANSVILLE 47725 1 37 2 400 29.7 5604 0.0105 463,601.63 4,174,755.22 11,901.63 141,648,796.6569 -47,044.78 2,213,211,325.24838 2,354,860,121.90528 48.5269 3.12 53.12 NO YES
2002 163 00112 AMERIQUAL FOODS, INC. 451700 4221800 18200 HIGHWAY 41 NORTH EVANSVILLE 47725 2 32 2 375 7.2 1358 0.0105 463,601.63 4,174,755.22 11,901.63 141,648,796.6569 -47,044.78 2,213,211,325.24838 2,354,860,121.90528 48.5269 3.12 53.12 NO YES

451700 4221800 0.021 48.5269 970.538 0.021 NO 908.138 0.021 NO

2003 163 00114 BFI WASTE SYSTEMS OF NORTH AMERICA, INC. 447600 4210100 2020 LAUBSCHER EVANSVILLE 47720 0 0.003324 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -35,344.78 1,249,253,473.24839 1,505,305,635.90529 38.79827 3.12 53.12 NO YES
2003 163 00114 BFI WASTE SYSTEMS OF NORTH AMERICA, INC. 447600 4210100 2020 LAUBSCHER EVANSVILLE 47720 1 40 11 1780 0.2 965 6.864753 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -35,344.78 1,249,253,473.24839 1,505,305,635.90529 38.79827 3.12 53.12 NO YES
2003 163 00114 BFI WASTE SYSTEMS OF NORTH AMERICA, INC. 447600 4210100 2020 LAUBSCHER EVANSVILLE 47720 2 12 0.33 810 0 651 6.868077 463,601.63 4,174,755.22 16,001.63 256,052,162.6569 -35,344.78 1,249,253,473.24839 1,505,305,635.90529 38.79827 3.12 53.12 NO YES

447600 4210100 13.736154 38.79827 775.9654 13.736154 NO 713.5654 13.736154 NO

2002 163 00115 MASTER MANUFACTURING CO., INC. 454200 4208000 4703 O'HARA DRIVE EVANSVILLE 47711 0 0.00225 463,601.63 4,174,755.22 9,401.63 88,390,646.6569 -33,244.78 1,105,215,397.24839 1,193,606,043.90529 34.5486 3.12 53.12 NO YES
2002 163 00115 MASTER MANUFACTURING CO., INC. 454200 4208000 4703 O'HARA DRIVE EVANSVILLE 47711 1 25 2.33 300 7.8 2000 0.00225 463,601.63 4,174,755.22 9,401.63 88,390,646.6569 -33,244.78 1,105,215,397.24839 1,193,606,043.90529 34.5486 3.12 53.12 NO YES

454200 4208000 0.0045 34.5486 690.9721 0.0045 NO 628.5721 0.0045 NO

2002 163 00116 KRIEGER & RAGSDALE CO., INC. 453306 4203979 616 N. NORMAN AVE. EVANSVILLE 47711 1 10 1 208 0 0 0.000572 463,601.63 4,174,755.22 10,295.63 105,999,997.0969 -29,223.78 854,029,317.48839 960,029,314.58529 30.98434 3.12 53.12 NO YES 619.6868 0.000572 NO 557.2868 0.000572 NO

2002 163 00129 KERRY INGREDIENTS 448506 4204902 1515 PARK STREET EVANSVILLE 47710 6 28 3 250 0 17000 0.00522 463,601.63 4,174,755.22 15,095.63 227,878,045.0969 -30,146.78 908,828,344.36839 1,136,706,389.46529 33.71508 3.12 53.12 NO YES
2002 163 00129 KERRY INGREDIENTS 448506 4204902 1515 PARK STREET EVANSVILLE 47710 14 75 1.58 150 0 23251 0.00393 463,601.63 4,174,755.22 15,095.63 227,878,045.0969 -30,146.78 908,828,344.36839 1,136,706,389.46529 33.71508 3.12 53.12 NO YES
2002 163 00129 KERRY INGREDIENTS 448506 4204902 1515 PARK STREET EVANSVILLE 47710 19 27 1.33 222 0 8500 0.022221 463,601.63 4,174,755.22 15,095.63 227,878,045.0969 -30,146.78 908,828,344.36839 1,136,706,389.46529 33.71508 3.12 53.12 NO YES
2002 163 00129 KERRY INGREDIENTS 448506 4204902 1515 PARK STREET EVANSVILLE 47710 23 80 2.5 125 0 23251 0.019611 463,601.63 4,174,755.22 15,095.63 227,878,045.0969 -30,146.78 908,828,344.36839 1,136,706,389.46529 33.71508 3.12 53.12 NO YES

448506 4204902 0.050982 33.71508 674.3015 0.050982 NO 611.9015 0.050982 NO

2002 163 00139 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 1050 EAST MARYLAND STREET EVANSVILLE 47711 1 5 4 77 14.6 11000 0.000222 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES
2002 163 00139 FLANDERS ELECTRIC MOTOR SERVICE 452087 4204202 1050 EAST MARYLAND STREET EVANSVILLE 47711 5 25 1.75 265 34.6 5000 0.000222 463,601.63 4,174,755.22 11,514.63 132,586,704.0369 -29,446.78 867,112,852.36839 999,699,556.40529 31.61803 3.12 53.12 NO YES

452087 4204202 0.000444 31.61803 632.3605 0.000444 NO 569.9605 0.000444 NO

2002 163 00147 UNIVERSITY OF SOUTHERN INDIANA 452300 4204000 8600 UNIVERSITY BLVD. EVANSVILLE 47712 1 27 3 350 0 0 0.026703 463,601.63 4,174,755.22 11,301.63 127,726,840.6569 -29,244.78 855,257,157.24839 982,983,997.90529 31.35258 3.12 53.12 NO YES 627.0515 0.026703 NO 564.6515 0.026703 NO

2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 1 40 0.88 550 84.9 3100 0.0015325 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 2 40 0.88 800 84.9 3100 0.000903 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 3 40 0.88 800 84.9 3100 0.001377 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 4 40 0.5 375 254.6 3000 0.000999 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 5 34 0.33 70 155.9 800 0.0048115 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 8 22 0.54 0 0 0 0.0000595 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 9 0 0 0 0 0 0.0000595 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES
2002 163 00148 UNISEAL, INC.; PLANT #2 449215 4205267 1014 UHLHORN STREET EVANSVILLE 47710 10 0 0 0 0 326 0.0000595 463,601.63 4,174,755.22 14,386.63 206,975,122.7569 -30,511.78 930,968,718.76839 1,137,943,841.52529 33.73342 3.12 53.12 NO YES

449215 4205267 0.0098015 33.73342 674.6685 0.0098015 NO 612.2685 0.0098015 NO

2002 163 00156 SKY CYLINDER TESTING, INC. 447693 4207557 2220 LEXTINGTON ROAD EVANSVILLE 47720 0 0.00018 463,601.63 4,174,755.22 15,908.63 253,084,508.4769 -32,801.78 1,075,956,771.16839 1,329,041,279.64529 36.45602 3.12 53.12 NO YES
2002 163 00156 SKY CYLINDER TESTING, INC. 447693 4207557 2220 LEXTINGTON ROAD EVANSVILLE 47720 1 24 2.5 0 0.2 70 0.00018 463,601.63 4,174,755.22 15,908.63 253,084,508.4769 -32,801.78 1,075,956,771.16839 1,329,041,279.64529 36.45602 3.12 53.12 NO YES
2002 163 00156 SKY CYLINDER TESTING, INC. 447693 4207557 2220 LEXTINGTON ROAD EVANSVILLE 47720 3 10 0.42 0 0 0 0.00018 463,601.63 4,174,755.22 15,908.63 253,084,508.4769 -32,801.78 1,075,956,771.16839 1,329,041,279.64529 36.45602 3.12 53.12 NO YES

447693 4207557 0.00054 36.45602 729.1204 0.00054 NO 666.7204 0.00054 NO

2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 1 30 1.62 350 40.4 5000 0.005643 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES
2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 2 30 2.16 400 28.2 6200 0.007207 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES
2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 3 30 0.74 800 81.4 2100 0.001874 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES
2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 4 0 0 0 0 0 0.015725 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES
2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 6 30 18 250 0.3 4500 0.002621 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES
2002 163 00163 COLLIS,INC. 453322 4206722 3001 MAXX ROAD EVANSVILLE 47711 7 30 18 250 0.3 4500 0.007862 463,601.63 4,174,755.22 10,279.63 105,670,792.9369 -31,966.78 1,021,875,023.56839 1,127,545,816.50529 33.57895 3.12 53.12 NO YES

453322 4206722 0.040932 33.57895 671.579 0.040932 NO 609.179 0.040932 NO

2002 163 00165 DECORING SUPPLIES & EQUIPMENT, INC. 456041 4204426 4040 VOGEL ROAD EVANSVILLE 47715 0 0.001158 463,601.63 4,174,755.22 7,560.63 57,163,125.9969 -29,670.78 880,355,185.80839 937,518,311.80529 30.61892 3.12 53.12 NO YES
2002 163 00165 DECORING SUPPLIES & EQUIPMENT, INC. 456041 4204426 4040 VOGEL ROAD EVANSVILLE 47715 2 20 3 70 28.3 12000 0.000386 463,601.63 4,174,755.22 7,560.63 57,163,125.9969 -29,670.78 880,355,185.80839 937,518,311.80529 30.61892 3.12 53.12 NO YES

456041 4204426 0.001544 30.61892 612.3784 0.001544 NO 549.9784 0.001544 NO

2002 163 00888 BRAKE SUPPLY 445900 4203100 1300 W. LLOYD EXPRESSWAY EVANSVILLE 47708 0 0.001218 463,601.63 4,174,755.22 17,701.63 313,347,704.6569 -28,344.78 803,426,553.24839 1,116,774,257.90529 33.41817 3.12 53.12 NO YES
2002 163 00888 BRAKE SUPPLY 445900 4203100 1300 W. LLOYD EXPRESSWAY EVANSVILLE 47708 1 34 3 85 42.4 18000 0.000609 463,601.63 4,174,755.22 17,701.63 313,347,704.6569 -28,344.78 803,426,553.24839 1,116,774,257.90529 33.41817 3.12 53.12 NO YES

445900 4203100 0.001827 33.41817 668.3635 0.001827 NO 605.9635 0.001827 NO

2002 163 03146 JERRY DAVID ASPHALT 446800 4202500 4301 HOGUE RD. EVANSVILLE 47712 1 23 3 260 47 19700 5.23388 463,601.63 4,174,755.22 16,801.63 282,294,770.6569 -27,744.78 769,772,817.24839 1,052,067,587.90529 32.43559 3.12 53.12 NO YES
2002 163 03146 JERRY DAVID ASPHALT 446800 4202500 4301 HOGUE RD. EVANSVILLE 47712 2 7 1 630 4.4 206 3.036615 463,601.63 4,174,755.22 16,801.63 282,294,770.6569 -27,744.78 769,772,817.24839 1,052,067,587.90529 32.43559 3.12 53.12 NO YES

446800 4202500 8.270495 32.43559 648.7118 8.270495 NO 586.3118 8.270495 NO

2002 163 03408 J.H.RUDOLPH & CO 456800 4198800 3300 S. GREEN RIVER RD. EVANSVILLE 47715 2 28 4.5 250 36.5 34865 0.02565 463,601.63 4,174,755.22 6,801.63 46,262,170.6569 -24,044.78 578,151,445.24839 624,413,615.90529 24.98827 3.12 53.12 NO YES
2002 163 03408 J.H.RUDOLPH & CO 456800 4198800 3300 S. GREEN RIVER RD. EVANSVILLE 47715 3 10 1 350 0 4000 0.0018 463,601.63 4,174,755.22 6,801.63 46,262,170.6569 -24,044.78 578,151,445.24839 624,413,615.90529 24.98827 3.12 53.12 NO YES

456800 4198800 0.02745 24.98827 499.7654 0.02745 NO 437.3654 0.02745 NO

2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 0 1036.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 1 249 10 314 42 198000 5846.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 2 276 13.1 335 56.1 475000 1036.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 4 499 20 128 61 1157604 11692.1191 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 5 0 0 0 0 0 5846.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 7 4 0.15 0 0 0 1036.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 8 4 0.15 0 0 0 1036.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES
2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 9 8 0.83 760 0 3669 1036.05955 463,601.63 4,174,755.22 -7,698.37 59,264,900.6569 -20,844.78 434,504,853.24839 493,769,753.90529 22.22093 3.12 53.12 NO YES

471300 4195600 28564.536 22.22093 444.4186 28564.536 YES 382.0186 28564.536 YES

2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 1 400 19.4 305 47.2 837100 209930.273 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 2 400 15.32 290 20.3 225000 314895.407 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 3 500 14.5 280 30.3 300000 104965.134 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 4 10 0.5 0 0 0 104965.119 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 5 10 0.5 0 0 0 104965.119 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 6 10 0.5 0 0 0 104965.119 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 9 0 0 0 0 0 104965.138 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 10 0 0 60 0 0 104965.119 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES
2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 11 0 0 0 0 0 104965.119 463,601.63 4,174,755.22 -7,198.37 51,816,530.6569 -21,444.78 459,878,589.24839 511,695,119.90529 22.62068 3.12 53.12 NO YES

470800 4196200 1259581.55 22.62068 452.4136 1259581.55 YES 390.0136 1259581.55 YES

2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 100 82 5 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 101 65 5.47 71 42.2 59453 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 102 95 3.85 174 101.3 70773 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 103 5 1.5 120 0 8400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 104 40 4.75 77 0 24200 6368.18356 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 105 40 2 71 42.5 8002 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 106 55 1 77 0 2295 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 107 36 1.55 77 0 4300 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 108 60 6 77 0 95000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 109 45 1 77 0 5166 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
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Table 6-6:  Indiana SO 2  20D Analysis

Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) X Y A A^2 B B^2 C^2 C SIA SIA + 50 WITHIN WITHIN
FT FT F FT/S ACFM TPY M M KM KM SIA? SIA + 50? 20D Q Q>20D? 20D Q Q>20D?

CASH CREEK
SHORT TERM 20D LONG TERM

2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 111 30 2 80 0 2600 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 115 97 1 120 0 2400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 116 15 1 70 0 2400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 119 94 2.5 77 0 18000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 128 94 1.5 77 0 6000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 129 94 1 77 0 1000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 130 94 1.25 77 0 4000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 131 103 1.25 77 0 3100 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 132 45 1.7 100 0 10000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 133 40 0.5 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 134 40 0.5 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 135 50 0.5 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 136 3 1.17 77 62.6 4040 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 137 60 1 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 138 75 1 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 139 42 0.5 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 141 2 1.5 120 0 8400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 142 47 1 80 45.8 2160 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 143 59 0.75 77 0 1570 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 144 21 0.67 77 0 1570 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 145 62 0.67 77 0 1570 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 146 7 0.38 77 0 1000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 147 53 3.4 77 49.4 26900 9552.27535 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 150 17 1.6 77 53.1 6400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 151 17 1.6 77 53.1 6400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 152 86 2.65 77 21.2 7000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 153 14 1.68 77 48.1 6400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 154 13 1.5 77 141.5 15000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 155 38 2.86 77 38.9 15000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 156 39 2 77 53.1 10000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 157 95 1 77 0 2118 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 158 95 1 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 159 0 0 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 160 70 4 77 0 9600 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 161 71 2 188 2598 489750 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 162 199 20 173 54 1018000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 163 199 20 175 54 1018000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 164 71 2 175 2666 502480 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 165 71 2 174 2718 512400 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 200 100 6 600 0 200000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 201 71 6 320 0 235600 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 202 126 5.25 342 15.3 19826 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 203 71 3 500 0 100000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 207 60 0.01 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 210 88 4.81 77 128.7 140365 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 223 126 5.25 80 0.8 1063 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 224 129 5.71 604 26.8 41146 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 225 129 3 437 29.1 12338 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 226 68 5.1 600 0 36700 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 227 129 3 80 6.2 2631 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 228 83 4.4 440 0 28500 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 229 73 5.4 600 0 50000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 230 62 3 77 0 28000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 231 71 3 500 0 100000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 232 0 0 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 300 40 3.67 77 0 0 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 301 100 9 77 19.5 74500 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 302 77 5 90 0 139000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 303 76 8 90 0 114000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 304 63 3 130 0 34000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 305 31 2.67 77 0 0 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 306 87 5.4 90 0 63000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 307 87 5.4 90 0 63000 60.198272 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 308 61 6.5 90 0 192000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 309 61 6.5 70 0 207000 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 310 85 3.5 110 0 15000 60.198272 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 314 0 0 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 400 86 8 525 0 168000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 401 86 8 525 0 168000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 402 20 2 77 0 6300 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 403 63 4 98 0 18000 3244.29005 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 406 56 0.42 77 0 360 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 407 40 0.33 77 0 800 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 409 35 1 77 0 565 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 410 0 0 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES
2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 500 0 0 77 0 0 3184.09178 463,601.63 4,174,755.22 -7,398.37 54,735,878.6569 -21,844.78 477,194,413.24839 531,930,291.90529 23.06361 3.12 53.12 NO YES

471000 4196600 278219.95 23.06361 461.2723 278219.95 YES 398.8723 278219.95 YES

Cash Creek Generation, LLC
  6-31

Cash Creek Generating Station
Submitted:  July 2005

Printed:  7/8/2005



As depicted in Table 6-5, all of the Illinois SO2 sources were outside the SIA plus 50 KM 

and therefore were not included in the modeling.  Table 6-4 represents the Kentucky SO2 

database included in the 20D analysis and indicates which SO2 sources were included in 

the modeling as depicted with a “YES” in the table under the column headings “Q>20D” 

(both Short-Term and Long-Term).  Table 6-6 represents the Indiana SO2 database 

included in the 20D analysis and indicates which SO2 sources were included in the 

modeling as depicted with a “YES” in the table under the column headings “Q>20D” 

(both Short-Term and Long-Term). 

 

Based on the 20D analysis performed in the tables above, Table 6-7 represents the 

Kentucky SO2 sources modeled and Table 6-8 represents the Indiana SO2 sources used in 

the NAAQS modeling. 

 

 

Cash Creek Generation, LLC. 6-31 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING CO., INC.  Submitted:  July 2005 
  Printed:  8/1/2005 



Table 6-7:  Kentucky SO 2  NAAQS Database

MODEL DE_ALT_FACILITY_IDDE_MASTER_AI_ID DE_MASTER_AI_NAME DE_COUNTYDE_SUBJECT_ITEM_DESIGNATIONDE_PARAMETER_DESCDE_EST_ACTUAL_TPY_QTYDE_MAX_POT_TPY_QTY DE_STACK_DIAMETERDE_STACK_HEIGHTDE_STACK_FLOW_RATEDE_STACK_VELOCITYDE_TEMPERATUREDE_PLUME_HEIGHTDE_CONSTRUCTED_DATE DE_TITLE_DESC Y X
ID TPY LBS/HR notes TYPE

KY1 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 2426.882657 3184.66803 9042

v-97-011, 1507 
mmbtu @ 6 
lbs/mmbtu POINT 18 650 1215684 79 289 0 07/01/1964 2004 Emissions Survey4,182,768.92 494,643.64

KY2 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 4325.748875 5786.276789 15398.4
2566.4 mmbtu 

@ 6 POINT 18 650 1215684 79 289 0 04/21/1971 2004 Emissions Survey4,182,768.92 494,643.64

KY3 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 003 SO2 (Sulfur Dioxide) 0.00105118 3.0478275 2.1082
8.3 mmbtu 

@0.254 POINT 0.7 40 35 0 415 0 01/01/1964 2004 Emissions Survey4,182,768.92 494,643.64
KY4 2105900039 938 Owensboro Grain Co LLC Daviess 022 SO2 (Sulfur Dioxide) 0 0.013497 0.003081507 AREA 0 0 0 0 149 30 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY5 2105900039 938 Owensboro Grain Co LLC Daviess 023 SO2 (Sulfur Dioxide) 0 0.013497 0.003081507 AREA 0 0 0 0 149 30 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY6 2105900039 938 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 33.184305 7.576325342 POINT 3.6 59 15997 26 300 0 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY7 2105900039 938 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 0.0963144 0.021989589 POINT 3.6 59 15997 26 300 0 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY8 2105900039 938 Owensboro Grain Co LLC Daviess 026 SO2 (Sulfur Dioxide) 0.00042216 0.003003 0.000685616 AREA 0 0 0 0 77 20 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY9 2105900039 938 Owensboro Grain Co LLC Daviess 027 SO2 (Sulfur Dioxide) 0 0.0006006 0.000137123 POINT 0.7 10 494 23 179 0 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY10 2105900039 938 Owensboro Grain Co LLC Daviess 028 SO2 (Sulfur Dioxide) 0 0.0006006 0.000137123 POINT 0.7 10 494 23 179 0 07/01/1969 2004 Emissions Survey4,180,768.72 491,193.13
KY11 2105900039 938 Owensboro Grain Co LLC Daviess 032 SO2 (Sulfur Dioxide) 504.12648 678.173925 154.8342295 POINT 4.6 108 49016 49 314 0 08/01/1981 2004 Emissions Survey4,180,768.72 491,193.13

KY13 2105900092 963 Swedish Match N America Inc Daviess EU001 SO2 (Sulfur Dioxide) 0 469.5798 288.2112
V-04-026, 

70.64 MMBTU POINT 3.9 39 22989 33 399 0 01/01/1971 2004 Emissions Survey4,181,730.96 486,228.91
KY15 2110100012 38450 Henderson Municipal Power & Light Henderson EU01U5 SO2 (Sulfur Dioxide) 0 1316.5404 1044174 mmbtu, 6 lbs/mmbtu POINT 7 128 55000 23.8 395 0 06/30/1955 2004 Emissions Survey4,188,695.19 448,042.25
KY17 2110100012 38450 Henderson Municipal Power & Light Henderson EU02U6 SO2 (Sulfur Dioxide) 0 2950.9812 2340390 mmbtu, 6 lbs/mmbtu POINT 10 128 75000 15.9 399 0 01/18/1968 2004 Emissions Survey4,188,695.19 448,042.25
KY18 2110100012 38450 Henderson Municipal Power & Light Henderson EU03E3 SO2 (Sulfur Dioxide) 0 40.91705334 163.6682134 NO LIMIT POINT 4.3 46 35314 43 70 0 01/01/1949 2004 Emissions Survey4,188,695.19 448,042.25
KY19 2110100012 38450 Henderson Municipal Power & Light Henderson EU04E4 SO2 (Sulfur Dioxide) 0 40.9090905 163.636362 NO LIMIT POINT 4.3 46 35314 43 70 0 01/01/1949 2004 Emissions Survey4,188,695.19 448,042.25
KY20 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 167.440437 145.2750012 167.440437 38.22841027 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY21 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 1507.07259 1307.59425 1507.07259 344.0805 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY22 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 166.668396 145.2750012 166.668396 38.05214521 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY23 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 1500.12372 1307.59425 1500.12372 342.494 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY26 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 167.6091765 145.2750012 167.6091765 38.26693527 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY27 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 1508.591355 1307.59425 1508.591355 344.42725 NO LIMIT POINT 8.9 49 26485 7 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY30 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0A7 SO2 (Sulfur Dioxide) 0.0008541 0.168 0.168 0.038356164 NO LIMIT POINT 6.2 43 70204 39 601 0 08/01/1999 2004 Emissions Survey4,169,092.43 456,842.79
KY31 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0F1 SO2 (Sulfur Dioxide) 0.0781165 0.09427987 0.09427987 0.021525084 NO LIMIT POINT 1 89 15008 328 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY32 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0F2 SO2 (Sulfur Dioxide) 0.028458 0.02376912 0.028458 0.00649726 NO LIMIT POINT 1 89 15008 328 89 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY33 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H1 SO2 (Sulfur Dioxide) 0.0026658 0.02628 0.02628 0.006 NO LIMIT POINT 4.6 49 31006 33 899 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY34 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H2 SO2 (Sulfur Dioxide) 0.0481536 0.28908 0.28908 0.066 NO LIMIT POINT 4.6 49 31006 33 899 0 08/04/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY35 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H3 SO2 (Sulfur Dioxide) 0.0043497 0.02628 0.02628 0.006 NO LIMIT POINT 4.6 59 6533 7 1200 0 09/01/1990 2004 Emissions Survey4,169,092.43 456,842.79
KY36 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0N2 SO2 (Sulfur Dioxide) 0.1074675 0.0057054 0.1074675 0.024535959 NO LIMIT POINT 7.2 69 30017 13 149 0 06/19/1979 2004 Emissions Survey4,169,092.43 456,842.79
KY37 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S1 SO2 (Sulfur Dioxide) 0.000822 0.0006 0.000822 0.000187671 NO LIMIT POINT 1.6 16 600 3 250 0 12/31/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY38 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S2 SO2 (Sulfur Dioxide) 0.000822 0.0006 0.000822 0.000187671 NO LIMIT POINT 1.3 16 565 7 250 0 12/31/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY39 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S3 SO2 (Sulfur Dioxide) 0.000546 0.0006 0.0006 0.000136986 NO LIMIT POINT 1.6 13 353 3 250 0 12/31/1972 2004 Emissions Survey4,169,092.43 456,842.79
KY40 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S4 SO2 (Sulfur Dioxide) 0.000732 0.0003 0.000732 0.000167123 NO LIMIT POINT 1.6 13 353 3 250 0 12/31/1972 2004 Emissions Survey4,169,092.43 456,842.79

KY41 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S5 SO2 (Sulfur Dioxide) 0.0144963 0.0192 34.25
2.74 lbs/mmbtu, 

12.5 mmbtu/hr POINT 3 98 3002 7 320 0 12/31/1972 2004 Emissions Survey4,169,092.43 456,842.79

KY41A 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson OS6 SO2 (Sulfur Dioxide) 34.25
2.74 lbs/mmbtu, 

12.5 mmbtu/hr POINT 3 98 3002 7 320 0 12/31/1972

KY42 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0T2 SO2 (Sulfur Dioxide) 0.058422 0.56493432 0.56493432 0.128980438 POINT 49.9 108 212 0.001806727 2141 0 09/20/1993 2004 Emissions Survey4,169,092.43 456,842.79
KY43 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 13I SO2 (Sulfur Dioxide) 0.03225063 0.02889424 0.03225063 0.007363158 POINT 1.5 70 8000 57.5 970 0 06/01/2001 2004 Emissions Survey4,169,092.43 456,842.79

KY44 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0 623.0050985 129.78

v-97-045, 309 
mmbtu @ 0.14, 

3 units POINT 16.1 164 301193 26 183 0 02/15/1950 2004 Emissions Survey4,134,946.44 489,250.23

KY45 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 002 SO2 (Sulfur Dioxide) 0 623.0050985 283.04
v-97-045, 976 

mmbtu @ 0.29 POINT 16.1 164 301193 26 183 0 02/15/1950 2004 Emissions Survey4,134,946.44 489,250.23

KY46 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 003 SO2 (Sulfur Dioxide) 8763.46068 19688.79519 176.4
v-97-045, 1260 
mmbtu @ 0.14 POINT 11.2 197 360980 62 300 0 04/06/1954 2004 Emissions Survey4,134,946.44 489,250.23

KY47 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 001 SO2 (Sulfur Dioxide) 0 5444.252132 1242.981
v-02-001, 0.167 

@ 7443 POINT 26 650 14000 0.4 129 0 10/11/2002 2004 Emissions Survey4,130,309.45 491,259.96

KY48 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 002 SO2 (Sulfur Dioxide) 0 5444.252132 1242.981
v-02-001, 0.167 

@ 7443 POINT 26 650 14000 0.4 129 0 10/11/2002 2004 Emissions Survey4,130,309.45 491,259.96

KY49 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 003 SO2 (Sulfur Dioxide) 0 3.75 3.75 15
300 mmbtu @ 

0.05 POINT 6 280 1000 72.3 350 0 10/11/2002 2004 Emissions Survey4,130,309.45 491,259.96

KY50 2118300069 3319 Western KY Energy Corp - Wilson Station Ohio 001 SO2 (Sulfur Dioxide) 9796.646183 11634.99783 2751
V-99-065, 4585 
MMBTU @ 0.6 POINT 34 600 1358306 24.9 127 0 06/24/1980 2004 Emissions Survey4,145,051.89 491,007.58

KY51 2123300052 44411 Western KY Energy Corp - Green Station Webster 001 SO2 (Sulfur Dioxide) 2072.052129 2997.540819 2128
v-99-067, 2660 

mmbtu, 0.8 POINT 15 350 765299 72.2 129 0 10/14/1976 2004 Emissions Survey4,166,460.39 455,694.40

KY52 2123300052 44411 Western KY Energy Corp - Green Station Webster 002 SO2 (Sulfur Dioxide) 816.0105395 1173.961902 2128
v-99-067, 2660 

mmbtu, 0.8 POINT 15 350 904445 85.3 129 0 07/28/1977 2004 Emissions Survey4,166,460.39 455,694.40

ALLOWABLE EMISSIONS
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Table 6-8:  Indiana SO 2  NAAQS Database

MODEL Year County Site ID Facility UTM Easting UTM Northing Address City ZipCode  Point ID Stack Height(ft) Stack Diameter(ft) Exit Gas Temperature(F) Exit Gas Velocity(f/s) Exit Gas Flow Rate (acfm) SO2(TPY) SO2(TPY)

ID FT FT F FT/S ACFM TPY lbs/hr

IN2 2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 1 250 7.5 350 170.00 450000 2908.9 664.1324
IN3 2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 2 250 9 300 31.40 120000 1332.12 304.137
IN4 2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 3,4,8,9 100 5.5 350 114.00 163100 0.1033 0.023584
IN13 2003 129 00002 GE PLASTICS MT. VERNON INC. 420300 4199900 ONE LEXAN LANE MOUNT VERNON 47620 12,13,16,17 120 8.6 620 20.80 72366 18.77 4.285388
IN20 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 1 99 6.4 350 35.55 68615 492.475 112.4372
IN21 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 2 97 3.5 400 19.13 11042 16.898 3.857991
IN23 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 4 67 3 500 17.71 7513 10.3 2.351598
IN24 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 5 37 3.3 1000 25.72 13197 54.29 12.39498
IN26 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 7 57 2.8 750 27.66 10220 8.86 2.022831
IN27 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 8 36 3.3 550 65.64 33684 105.3 24.0411
IN28 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 9 63 2.9 760 35.86 14211 158.76 36.24658
IN29 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 10 165 3 575 124.52 52811 246.03 56.17123
IN30 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 11 66 2.5 950 30.96 9119 36.6 8.356164
IN31 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 12 67 2.5 415 12.39 3650 4.99 1.139269
IN32 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 13 36 3.3 550 82.13 42146 166.33 37.97489
IN33 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 14 35 3.3 550 65.64 33684 254.87 58.1895
IN34 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 15 174 2 1300 153.94 29017 28.79 6.573059
IN66 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 64 30 2.5 850 19.95 5877 24.4 5.570776
IN70 2003 129 00003 COUNTRYMARK COOPERATIVE, INC (REFINERY) 420000 4199500 1200 REFINERY RD MOUNT VERNON 47620 74 199 5.5 478 27.24 38824 0.85 0.194064
IN98 2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 POSEY COUNTY WEST FRANKLIN 47620 1 497 14 130 90.30 833600 4831.24 3021.6
IN99 2003 129 00010 SIGECO - A. B. BROWN 437138 4195364 2,3,4 497 14 120 97.40 900000 3388.003 3036
IN111 2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 1 1038 42.5 315 104.00 8849994 56772.28 14848.8
IN112 2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 2 300 11 750 113.30 646000 11.09 14848.8
IN113 2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 3 20 1.83 650 57.80 9118 132.057 301.5
IN114 2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 4 20 1.83 650 57.80 9118 132.057 301.5
IN115 2003 147 00020 INDIANA MICHIGAN POWER-ROCKPORT 496700 4197400 2791 NORTH US ROUTE 231 ROCKPORT 47635 5 20 1.83 650 57.80 9118 1.22 0.278539
IN117 2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 1 249 10 314 42.00 198000 1731 1330.83
IN118 2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 2 276 13.1 335 56.10 475000 495 2876.49
IN119 2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 4 499 20 128 61.00 1157604 3620 14547.49
IN123 2003 173 00001 SIGECO - F.B.CULLEY GENERATING STATION 471300 4195600 CD 350 W & OLD HIGHWAY 66 YANKEETOWN 47741 9 8 0.83 760 113.02 3669 0.6 0.136986
IN124 2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 1 400 19.4 305 47.20 837100 20913.51 6934.27
IN125 2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 2 400 15.32 290 20.30 225000 34819.75 6934.27
IN125 2003 173 00002 AGC DIVISION - ALCOA POWER GENERATING 470800 4196200 WARRICK POWER PLANT NEWBURGH 47630 3,4,5,6 500 14.5 280 30.30 300000 49231.8892 6934.27
IN135 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 102 95 3.85 174 101.30 70773 59.94 13.68493
IN177 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 161 71 2 188 2598.00 489750 654.4 149.4064
IN178 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 162 199 20 173 54.00 1018000 656.4 149.863
IN179 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 163 199 20 175 54.00 1018000 657.6 150.137
IN180 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 164 71 2 175 2666.00 502480 608.7 138.9726
IN181 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 165 71 2 174 2718.00 512400 606.6 138.4932
IN182 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 200 100 6 600 117.89 200000 0.56 0.127854
IN183 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 201 71 6 320 138.88 235600 0.05 0.011416
IN184 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 202 126 5.25 342 15.30 19826 0.0005 0.000114
IN185 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 203,207 71 3 500 235.78 100000 0.0869 0.01984
IN189 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 224 129 5.71 604 26.80 41146 0.0999 0.022808
IN190 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 225,300 129 3 437 29.10 12338 0.136932 0.031263
IN202 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 304,314 63 3 130 80.17 34000 0.05955 0.013596
IN210 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 400 86 8 525 55.70 168000 0.0813 0.018562
IN211 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 401 86 8 525 55.70 168000 0.0707 0.016142
IN213 2003 173 00007 ALCOA INC. - WARRICK OPERATIONS 471000 4196600 State Road 66 & State Road 61 NEWBURGH 47630 403 63 4 98 23.87 18000 0.009972 0.002277
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6.6  AIR QUALITY MONITORING DATA 
In accordance with the revised Class II modeling protocol submitted on October 24, 2004 

and the Class II Modeling Protocol Addendum #2 submitted on May 18, 2005, CC 

requested approval to use existing monitoring data for pollutants that are predicted to 

exceed the PSD Significant Impact Levels (“SIL”). 

 

Existing monitoring data for pollutants that are predicted to exceed the PSD SIL (Table 

6-22) were evaluated for use in the air quality analysis for CC.  As demonstrated in 

Section 6.7.2, the impacts of SO2 exceeded the SIL values.   

 

As shown in Figure 6-5 above, there is an air quality monitoring station for SO2 in 

Henderson County, Kentucky.  The monitored results from that station are shown below: 

 
Table 6-9:  Henderson County 2003 SO2 Monitoring Data 

Averaging Time Measured 
Value - ppm 

Conversion 
Factor 

Calculated 
Value – ug/m3

3 Hour Highest Value 0.096ppm 2620 251.52 
24 Hour Highest 
Value 

0.034ppm 2620 89.08 

Annual Arithmetic 
Mean 

0.003 ppm 2620 7.86 

 
The highest values from the monitoring station, in lieu of the high second high values, 

were used to show a conservative approach to the NAAQS compliance demonstration. 

 

Based on the proximity of the these monitoring stations to the location of CC (see Figure 

6-5), CCG is again requesting permission to use the monitoring data from the Henderson 

County, KY Monitoring site for background SO2 in lieu of performing pre-construction 

monitoring. 

6.7  METEOROLOGICAL DATA 
The meteorological data used in the AERMOD model was from the Evansville, IN 

airport for the surface data and from the Paducah, KY airport for the upper air data.  Data 

for 1990 through 1994, inclusive, was used in the AERMOD model.  The data from these 
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stations was reviewed for completeness and accuracy in accordance with Appendix W to 

40 CFR 51, Guideline on Air Quality Models.  

6.8  MODEL SELECTION 
In accordance with 40 CFR 51, Appendix W, the AERMOD model was used for 

modeling distances out to and including 50 kilometers from the proposed site.  AERMOD 

is listed as an “alternative model” and requires EPA Region IV approval in accordance 

with Section 3.2.2 of the Guidelines on Air Quality Models (GAQM).  The terrain within 

this area is classified as complex terrain since the highest elevations within the modeling 

domain are higher than the proposed physical stack heights of the combustion turbines 

and other processes at the proposed plant.  

 
According to Section 3.2.2 of the revised GAQM, “an alternative refined model may be 

used provided that: 

 
3.2.2 Recommendations 
 
a. Determination of acceptability of a model is a Regional Office 
responsibility. Where the Regional Administrator finds that an 
alternative model is more appropriate than a preferred model, that 
model may be used subject to the recommendations of this subsection. 
This finding will normally result from a determination that (1) a 
preferred air quality model is not appropriate for the particular 
application;  
 

The ISCST3 model is not appropriate for complex terrain.  There is a 

recommended model for complex terrain and that is CTDMPLUS.  However, this 

model requires the use of on-site meteorological data.  The CTSCREEN screening 

model is also a recommended model for screening in complex terrain.  However, 

this model does not use real measured meteorological data and results in very 

conservative estimates. 

 
or (2) a more appropriate model or analytical procedure is available and 
applicable. 
 

The AERMOD modeling system is more appropriate for the proposed project in 

that it will handle both simple and complex terrain, it uses National Weather 
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Service (“NWS”) meteorological data, and it has been determined to be 

equivalent to the ISCST3 and CTDMPLUS modeling systems. 

 
b. An alternative model should be evaluated from both a theoretical and 
a performance perspective before it is selected for use. There are three 
separate conditions under which such a model may normally be 
approved for use: (1) If a demonstration can be made that the model 
produces concentration estimates equivalent to the estimates obtained 
using a preferred model; (2) if a statistical performance evaluation has 
been conducted using measured air quality data and the results of that 
evaluation indicate the alternative model performs better for the given 
application than a comparable model in Appendix A; or (3) if the 
preferred model is less appropriate for the specific application, or there 
is no preferred model. Any one of these three separate conditions may 
make use of an alternative model acceptable. Some known alternative 
models that are applicable for selected situations are listed on EPA's 
SCRAM Internet Web site (subsection 2.3). However, inclusion there 
does not confer any unique status relative to other alternative models 
that are being or will be developed in the future. 
 

On September 8, 2003 , “Availability of Additional Documents Relevant to Anticipated 

Revisions to Guideline on Air Quality Models Addressing a Preferred General Purpose 

(Flat and Complex Terrain) Dispersion Model and Other Revisions”2, was published in 

the Federal Register.  This notice referred to an EPA document entitled “AERMOD:  

Latest Features & Evaluation Results”3.  Conclusions in this report stated that: 

 
“Comparisons with ISC-PRIME performance indicate similar results for most databases, 
with occasional notable improvements, such as for the Alaska North Slope database. The  
overall short-term ratio of AERMOD version 02222 predicted/observed RHC 
concentrations is 0.97 averaged over the downwash databases. These results were 
comparable in performance to those of ISC-PRIME, as expected.”4

 
 
c. Equivalency, condition (1) in paragraph (b) of this subsection, is 
established by demonstrating that the maximum or highest, second 
highest concentrations are within 2 percent of the estimates obtained 
from the preferred model. The option to show equivalency is intended as 
a simple demonstration of acceptability for an alternative model that is 
so nearly identical (or contains options that can make it identical) to a 
preferred model that it can be treated for practical purposes as the 

                                                 
2 Federal Register, Volume 68, No. 173, September 8, 2003 
3 June 2003, EPA 
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preferred model. Two percent was selected as the basis for equivalency 
since it is a rough approximation of the fraction that PSD Class I 
increments are of the NAAQS for SO2, i.e., the difference in 
concentrations that is judged to be significant. However, 
notwithstanding this demonstration, models that are not equivalent may 
be used when one of the two other conditions described in paragraphs 
(d) and (e) of this subsection are satisfied. 
 
d. For condition (2) in paragraph (b) of this subsection, the procedures 
and techniques for determining the acceptability of a model for an 
individual case based on superior performance are contained in 
references 22-25 should be followed, as appropriate. Preparation and 
implementation of an evaluation protocol which is acceptable to both 
control agencies and regulated industry is an important element in such 
an evaluation. 
 

In an EPA document entitled “Comparison of Regulatory Design Concentrations:  

AERMOD vs ISCST3, CTDMPLUS, ISC-PRIME”5, the requirements for Section 

3.2.2 c and d were demonstrated. 

 
e. Finally, for condition (3) in paragraph (b) of this subsection, an 
alternative refined model may be used provided that: 
 
i. The model has received a scientific peer review; 
 

The performance evaluations of AERMOD by EPA and the American Meteorological 

Society (“AMS”) indicate results that are nearly unbiased, on average, across all 

averaging times.  For all averaging times in general and in most specific cases, 

AERMOD’s performance was considered better than that of ISCST3.  The 7th 

Conference on Air Quality Modeling was held on June 28-29, 2000 in Washington, D.C. 

where peer reviews were presented on the AERMOD modeling system.  The scientific 

peer reviews led to the April 21, 2000 Federal Register Notice that proposed AERMOD 

as a recommended model to replace ISCST3. 

 
ii. The model can be demonstrated to be applicable to the problem on a 
theoretical basis; 
 

The April 21, 2000, Federal Register notice states that AERMOD is appropriate for the 

following applications: 
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 Point, volume, and area sources; 
 Surface, near surface, and elevated releases; 
 Rural or urban areas; 
 Simple and complex terrain; 

Transport distances over which steady-state assumptions are appropriate, up to 
50km; 

 One (1) hour to annual averaging times. 
 
AERMOD is an appropriate model to use in complex terrain.  The terrain around the 

proposed source is considered to be complex terrain since there is terrain above the 

proposed stack heights. 

 
iii. The data bases which are necessary to perform the analysis are 
available and adequate; 
 

Adequate databases to perform the model are readily available. The meteorological 

database for the AERMOD air dispersion model will be that data collected at the 

Evansville airport in Indiana (surface data) and at the Paducah airport in Kentucky (upper 

air) for the years of 1990 through 1994.  U.S. EPA approved criteria was used to 

demonstrate the adequacy and representativeness of the selected meteorological database. 

 
iv. Appropriate performance evaluations of the model have shown that 
the model is not biased toward underestimates; and 
 

The performance evaluations of AERMOD by EPA and AMS indicate results that are 

nearly unbiased, on average, across all averaging times.  For all averaging times in 

general and in most specific cases, AERMOD’s performance was considered better than 

that of ISCST3.  These performance evaluations are contained and referenced in two EPA 

documents : 

  
 “AERMOD:  Latest Features & Evaluation Results” 

“Comparison of Regulatory Design Concentrations:  AERMOD vs ISCST3, 
CTDMPLUS, ISC-PRIME” 
 
v. A protocol on methods and procedures to be followed has been 
established. 

 

Cash Creek Generation, LLC. 6-38 Cash Creek Generating Station 
KENTUCKIANA ENGINEERING CO., INC.  Submitted:  July 2005 
  Printed:  8/1/2005 



An AERMOD users manual has been produced that addresses the methods and 

procedures to be followed.  Also, this modeling protocol sets out specific parameters that 

are used in the AERMAP and AERMET subroutines to be used in the AERMOD 

modeling system. 

 

By an email dated June 20, 2005 from Mr. Stanley Krivo of US EPA Region IV, the use 

of AERMOD at CC was approved (see copy of email in Appendix L). 

 

6.8.1  AERMET Surface Parameters 
The basic purpose of AERMET is to use meteorological measurements, representative of 

the modeling domain, to compute certain boundary layer parameters used to estimate 

profiles of wind, turbulence and temperature. These profiles are estimated by the 

AERMOD interface6. 

 

The structure of AERMET is based upon an existing regulatory model preprocessor, the 

Meteorological Processor for Regulatory Models (“MPRM” Irwin, et al., 1988). 

However, AERMET’s processing of meteorological data is similar to that done for the 

CTDMPLUS (Perry, 1992) and HPDM (Hanna and Paine, 1989: Hanna and Chang, 

1993) models. 

 

The surface parameters provided by AERMET are the Monin-Obukhov Length, L, 

surface friction velocity, u*, surface roughness length, z0 , surface heat flux, H, and  

convective scaling velocity, w* . AERMET also provides estimates of the convective and 

mechanical mixed layer heights, zic and zim , respectively. Although AERMOD is capable 

of estimating meteorological profiles with data from as little as one measurement height, 

it will use as much data as the user can provide for defining the vertical structure of the 

boundary layer. In addition to planetary boundary layer (“PBL”) parameters, AERMET 
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passes all measurements of wind, temperature, and turbulence in a form to meet 

AERMOD needs7. 

 

The growth and structure of the atmospheric boundary layer is driven by fluxes of heat 

and momentum, which in turn depend upon surface effects. The depth of this layer and 

the dispersion of pollutants within it are influenced on a local scale by surface 

characteristics such as the roughness of the underlying surface, reflectivity (albedo), and 

the availability of surface moisture. Unlike ISC3, which is based on an assumed open-

country vegetation cover for all sites, the state of the PBL computed by AERMET is a 

function of the underlying surface characteristics. Therefore, meteorological profiles and 

ambient concentrations may change from site to site (all other things being equal) or as 

the up-wind fetch changes with wind direction8. 

 

The meteorological data used in the AERMET model was from the Evansville, IN airport 

site (surface data) and the Paducah, KY site (upper air data).  The most recent five years 

(1991-1995) of available data were reviewed to be used in accordance with Appendix W 

to 40 CFR 51, “Guideline on Air Quality Models”.  

 

U. S. EPA developed a rural and urban interpolation method to account for the effects of 

the surrounding area on development of the mixing layer boundary.  As discussed in 

Section 8.6, the area surrounding CC is predominately rural (agricultural) with respect to 

U.S. EPA’s guidance.  Therefore, the rural scheme was used to determine hourly mixing 

heights for the area surrounding the Facility.   

 

AERMET requires that the land use categories be set in order to identify the surface 

parameters to be used in compiling the meteorological data.  The LULC (Land Use Land 

Category) for both the airport and the plant site were reviewed.  Figures 6-7 and 6-8 

below show the LULC maps for each. 

 

                                                 
7 ibid 
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FIGURE 6-7:  Land Use Around Evansville Airport 
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FIGURE 6-8:  Land Use Around Project Site 
 

 
 
 
 
 

Table 6-10:  Land Use Colors 
COLOR LEVEL 1 
Pink Urban or Built Up Land 
Light Purple Residential 
Red Industrial 
Yellow Agricultural Land 
Light Green Rangeland 
Forest Green Forest Land 
Light Blue Water 
Olive Wetland 
Brown Barren Land 

 
Based on the marked differences in the land use around the Evansville airport and the 

proposed project site, CC is proposing to use the land use characteristics for the proposed 

project site.  An alternative to using the land use characteristics for the proposed project 

site is to look for a surface station that has similar land use characteristics.  However, it is 
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important to use the Evansville surface station data due to the unique air flow in the Ohio 

valley along the river. 

 

The following table shows the surface parameters used for AERMET.  The 3 km area 

around the plant site was divided into 8 sectors.  Each sector was reviewed for  

appropriate land use.  Based on the LULC map for the plant site (Figure 8), the following 

table represents the AERMET surface parameters used to generate the metdata files.  

Table 6-11 and 6-12 show the land use values and seasonal variations that were chosen 

for sectors 1, 2, 3, 5, 6, 7 and 8 (Table 6-11) and sector 4 (Table 6-12).. 

Table 6-11:  Land Use Values 
SEASON ALBEDO BOWEN RATIO SURFACE 

ROUGHNESS 
WINTER 0.6 1.5 0.001 
SPRING 0.18 0.4 0.05 
SUMMER 0.18 0.8 0.1 
FALL 0.2 1 0.01 
 
 

Table 6-12:  Land Use Values 
SEASON ALBEDO BOWEN RATIO SURFACE 

ROUGHNESS 
WINTER 0.5 1.5 0.5 
SPRING 0.12 0.7 1 
SUMMER 0.12 0.3 1.3 
FALL 0.12 1 0.8 
 

 

6.9  CLASS II ANALYSIS 
The Class II analysis includes a PIA and a FIA if the PIA identifies that requirement.  If a 

FIA is required for both short term and long term National Ambient Air Quality 

Standards (“NAAQS”) and PSD Increment averaging periods, short term emission limits 

are used for comparison to short term averaging periods and long term emission limits are 

used for comparison to long term averaging periods. 
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6.9.1  Load Modeling Analysis 
The combustion turbines at CC will be capable of combusting either natural gas or 

syngas.  The load analysis only affects the HRSG units which serve the combustion 

turbines. There will be a limitation of 900 hours per year of combustion turbine operation 

with natural gas as the fuel.  Therefore, only the short term NAAQS standards can be 

affected by burning natural gas.  An analysis of 100% load, 75% load and 50% load 

operation has been performed to ascertain what affect operation at those loads will have 

on the predicted ambient impacts while burning either syngas and natural gas.  Due to the 

operational constraint described above, only short term averaging periods were run with 

natural gas as the fuel. 

 

PM10 was not run at differing loads because the maximum impacts for PM10 from CC are 

attributed to the materials handling and not the HRSG units.  

 
Table 6-13 depicts a comparison of the stack parameters at 100%, 75% and 50% load.  

Stack exit velocity is the only parameter that changes with load. 

 
Table 6-13:  Stack Parameter Comparison at Loads 

Unit Height 
m 

Diameter 
m 

Temperature
K 

Exit Velocity 
m/s 

100% Load 
Unit 1 HRSG 60.96 4.57 422 33.36 
Unit 2 HRSG 60.96 4.57 422 33.36 

75% Load 
Unit 1 HRSG 60.96 4.57 422 27.38 
Unit 2 HRSG 60.96 4.57 422 27.38 

50% Load 
Unit 1 HRSG 60.96 4.57 422 20.80 
Unit 2 HRSG 60.96 4.57 422 20.80 
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6.9.1.1  100 % Load Comparison Using Syngas vs Natural Gas 
The modeling parameters for 100% load using syngas and natural gas are as follows: 
 

Table 6-14:  Comparison of 100 % Load Emission Rates - Each HRSG Unit 
 

Pollutant 
Syngas 

Emissions 
Lbs/hr 

Natural Gas 
Emissions 

Lbs/hr 
CO 61.97 82.51 
NOX* 99.85 135.55 
SO2 74.03 0.94 

*Since the NOx emission rate is an annual average (rather than a short term average), 
NOx emissions represent a prorated number based on 900 hrs/yr of operation with 
natural gas and 7,860 hrs/yr of operation with syngas. 

 
Based on the results shown in Table 6-14 above, only CO needs to be modeled with 

natural gas as fuel.  Since the averaging times for CO are short term averages that could 

be affected by combusting natural gas, CO was modeled with natural gas used as the fuel.  

The same results hold true for the 75% and 50% load cases that are set out below. 

 

The NOx emission rate is also higher when combusting natural gas.  NOx has an 

averaging time that is based on an annual arithmetic mean and therefore the impacts are 

not likely to be affected by burning natural gas.  However, since natural gas combustion 

will have a limitation of 900 hours per year, the NOx 100% load modeling was performed 

using a pro-rated NOx emission rate based on 900 hours at 135.55 lbs/hr and 7860 hours 

at 99.845 lbs/hr for an annualized average NOx emission rate of 103.51 lbs/hr.  The 

calculation shown below is representative for each HRSG unit: 

 

(900 hrs/yr X 135.55 lbs/hr) + (7,860 hrs/yr X 99.845 lbs/hr) = 906776.7 lbs/yr NOx

 

906776.7 lbs/yr / 8,760 hrs/yr = 103.51 lbs/hr NOx annualized average 

 

Therefore, NOx was modeled at an emission rate of 103.51 lbs/hr (13.042 g/sec) for the 

100% load case.  Since the averaging time for NOx is an annual average, 75% and 50% 

load case modeling was not run for NOx. 
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The 100 % load case modeling results are as follows: 
 

Table 6-15:  100 % Load – Syngas vs Natural Gas 
Averaging 
Time 

CO – NG** 
ug/m3

NOx – 
Prorated* 

ug/m3

SO2 – SG** 
ug/m3

1 Hr HFH 58.59   
1 Hr HSH 53.06   
3 Hr HFH   35.37 
3 Hr HSH   18.43 
8 Hr HFH 20.84   
8 Hr HSH 16.71   
24 Hr HFH   6.33 
24 Hr HSH   4.95 
Annual  0.49 0.35 

* - Based on the annualized average emission rate of 103.51 lbs/hr 
** - SG-Syngas, NG-Natural Gas 

6.9.1.3  75% Load Comparison Using Syngas vs Natural Gas 
 

Table 6-16:  Comparison of 75 % Load Emission Rates - Each HRSG Unit 
 

Pollutant 
Syngas 

Emissions 
Lbs/hr 

Natural Gas 
Emissions 

Lbs/hr 
CO 51.0 67.5 
SO2 61.0 0.77 

 
Based on the results set out in Table 6-16, CO emissions were modeled with natural gas 

and SO2 emissions were modeling with syngas. 
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The 75 % load case modeling results are as follows: 
 

Table 6-17:  75 % Load – Syngas vs Natural Gas 
Averaging 
Time 

CO – NG* 
ug/m3

SO2 – SG* 
ug/m3

1 Hr HFH 55.85  
1 Hr HSH 49.81  
3 Hr HFH  32.77 
3 Hr HSH  17.15 
8 Hr HFH 19.61  
8 Hr HSH 15.41  
24 Hr HFH  6.02 
24 Hr HSH  4.67 

* - SG-Syngas, NG-Natural Gas 
 

6.9.1.5  50% Load Comparison Using Syngas vs Natural Gas 
 

Table 6-18:  Comparison of 50 % Load Emission Rates - Each HRSG Unit 
 

Pollutant 
Syngas 

Emissions 
Lbs/hr 

Natural Gas 
Emissions 

Lbs/hr 
CO 38.6 51.5 
SO2 46.2 0.586 

 
Based on the results set out in Table 6-18, CO emissions were modeled with natural gas  

and SO2 was modeled with syngas.  

 

The 50 % load case modeling results are as follows: 

Table 6-19:  50 % Load – Synthetic Gas vs Natural Gas 
Averaging 
Time 

CO – NG* 
ug/m3

SO2 – SG* 
ug/m3

1 Hr HFH 51.10  
1 Hr HSH 44.45  
3 Hr HFH  28.56 
3 Hr HSH  15.08 
8 Hr HFH 17.59  
8 Hr HSH 13.64  
24 Hr HFH  5.16 
24 Hr HSH  4.02 

* - SG-Syngas, NG-Natural Gas 
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Based on this comparative load modeling analysis, maximum impacts are predicted with 

the emission rates based on 100% load as shown in Table 6-20 below.
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Table 6-20:  Load Analysis Comparison

NOX
Averaging Modeled Impacts - ug/m3
Period 100% 75% 50% 100% 100% 75% 50%

NG NG NG PRORATED SG SG SG
1 Hr

HFH 58.59 55.8467 51.0984
HSH 53.06 49.8094 44.4535

3 Hr
HFH 35.37 32.7696 28.556
HSH 18.43 17.1461 15.0767

8 Hr
HFH 20.84 19.6114 17.586
HSH 16.71 15.4132 13.6422

24 Hr
HFH 6.33 6.0171 5.1644
HSH 4.95 4.6681 4.0247

Annual 0.49 0.35

SO2
Modeled Impacts - ug/m3

CO
Modeled Impacts - ug/m3

Cash Creek Generation, LLC
  6-51
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For CO, the maximum impacts are based on 100% load using natural gas as the fuel.  For 

PM10 and SO2, the maximum impacts are based on 100% load using syngas as the fuel.  

With respect to NOx, since NOx impacts are based on an annual average, load modeling 

at 75% and 50% was not necessary.  Therefore, the emission rates and stack parameters 

in Table 6-21 below were used in the PIA and FIA modeling analysis that follows. 

 
Table 6-21:  Modeled Emission Rates for the HRSG Units – Each 

 
Unit 

 
Pollutant 

Syngas Nat Gas Stack 
Height 

Stack 
Diameter

Stack 
Temp 

Exit 
Velocity 

  lbs/hr lbs/hr meters meters 0K m/sec 
HRSG1 PM10 12.05 11.89 60.96 4.57 422 33.36 
 CO 61.97 82.51     
 NOX 103.51     
 SO2 74.03 0.94     
HRSG2 PM10 12.05 11.89 60.96 4.57 422 33.36 
 CO 61.97 82.51     
 NOX 103.51     
 SO2 74.03 0.94     
 

6.9.2  Preliminary Impact Analysis 
In accordance with the New Source Review (“NSR”) Manual, a Preliminary Impact 

Assessment (“PIA”) was performed to determine if the predicted impacts equal or exceed 

the Significant Impact Levels (“SIL”) as contained within the NSR Manual and 

reproduced in Table 6-22 below. 
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Table 6-22:  Significant Impact Levels (SIL) For Air Quality Impacts in Class II 
Areasa                                                                                          

Pollutant Annual 
(ug/m3) 

24-Hour 
(ug/m3) 

8-Hour 
(ug/m3) 

3-Hour 
(ug/m3) 

1-Hour 
(ug/m3) 

SO2 1 5 - 25 - 
TSP 1 5 - - - 
PM10 1 5 - - - 
NOX 1 - - - - 
CO - - 500 - 2000 
O3 - - - - b

      
a.  This table does not apply to Class I areas.  If a proposed source is located within 100 kilometers of a 

Class I area, an impact of 1 µg/m3 on a 24-hour basis is significant. 
b.  No significant ambient impact concentration has been established.  Instead, any net emissions increase 

of 100 tons per year of VOC subject to PSD would be required to perform an ambient impact analysis. 
 
The PIA modeling analysis is used to determine the maximum predicted impacts (high 

first high, “HFH”) for comparison to the SILs in Table 6-22 above.  The PIA modeling is 

also used to determine the significant impact area of the pollutants that are modeled and 

the need to perform a FIA. The PIA modeling was established by using a fenceline grid 

and a discrete receptor grid.  The fenceline grid is a set of receptors set at a 100 meter 

spacing that follow the contour of the fenced property line and extend out 3.5 KM from 

the fence line.  A discrete 1 KM spaced receptor grid was placed around the facility and 

extended out 30 KM in all directions for a 60 KM by 60 KM grid.  If a maximum 

predicted impact occurs outside the fenceline grid, a 1 KM by 1 KM refined grid with a 

100 meter spacing is used to ascertain the maximum impacts.  

 

The modeling results from the PIA are also used to determine the need to address pre-

construction monitoring by comparing the PIA impacts to the Significant Monitoring 

Concentrations (“SMC”) as shown in Table 6-23. 
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Table 6-23:  Significant Monitoring Concentrations                                                            
Pollutant Air Quality Concentration 

(ug/m3) 
Averaging 

Time 
Carbon Monoxide 575 8-Hour 
Nitrogen Dioxide 14 Annual 
Sulfur Dioxide 13 24-Hour 
Particulate Matter, TSP 10 24-Hour 
Particulate Matter, PM10 10 24-Hour 
Ozone a  
Sulfuric Acid Mist b  

a   No significant air quality concentration for ozone monitoring has been established.  Instead, applicants 
with a net emissions increase of 100 tons/year or more of VOC's subject to PSD would be required to 
perform an ambient impact analysis, including pre-application monitoring data. 

b  Acceptable monitoring techniques are not available at this time.  
 
The values in bold type in the tables below represent the maximum predicted impacts 

used for comparison with the SIL and the SMC.  All predicted High First High (“HFH”) 

and High Second High (“HSH”) impacts for the short term averages and the High First 

High for the annual impacts were within the fenceline grid as defined above.  Since the 

grid is made up of receptors placed on 100 metering spacing, no refined modeling was 

required to ascertain the point of maximum impact. 
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6.9.2.1  PM10 PIA & SMC Results 
The PM10 PIA and SMC results are shown in the following table.  The results below are 

based on 100% load showing the comparison using both syngas and natural gas as the 

primary fuel. 
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Table 6-24:  PM 10  PIA SMC Modeling Results

24-HOUR ANNUAL 24-HOUR ANNUAL
SIL 5 1 5 1

SMC 10 NA 10 NA
24 HR ANNUAL 24 HR ANNUAL

YEAR ug/m3 ug/m3 ug/m3 ug/m3

1990 HFH 4.6119 0.2461 4.6119 0.2461
X 465,109.84 462,277.62 465,109.84 462,277.62
Y 4,174,715.00 4,173,378.50 4,174,715.00 4,173,378.50

HSH 2.9470 2.9470
X 464,526.97 464,526.97
Y 4,175,638.75 4,175,638.75

1991 HFH 4.5141 0.2432 4.5141 0.2432
X 462,277.62 462,277.62 462,277.62 462,277.62
Y 4,173,378.50 4,173,378.50 4,173,378.50 4,173,378.50

HSH 3.4219 3.4219
X 462,244.03 462,244.03
Y 4,173,600.25 4,173,600.25

1992 HFH 4.3200 0.3068 4.3200 0.3068
X 465,109.84 462,277.62 465,109.84 462,277.62
Y 4,174,715.00 4,173,378.50 4,174,715.00 4,173,378.50

HSH 3.2110 3.2110
X 462,247.25 462,247.25
Y 4,173,433.00 4,173,433.00

1993 HFH 4.0866 0.2262 4.0866 0.2262
X 462,277.62 462,274.41 462,277.62 462,274.41
Y 4,173,378.50 4,173,336.00 4,173,378.50 4,173,336.00

HSH 3.1116 3.1116
X 462,260.19 462,260.19
Y 4,173,312.00 4,173,312.00

1994 HFH 4.9650 0.3021 4.9650 0.3021
X 462,233.69 462,274.41 462,233.69 462,274.41
Y 4,173,551.75 4,173,336.00 4,173,551.75 4,173,336.00

HSH 4.2920 4.2920
X 462,274.41 462,274.41
Y 4,173,336.00 4,173,336.00

CASH CREEK IGCC
PM10 PIA MODELING RESULTS - 100% LOAD

NATURAL GAS SYN GAS

Cash Creek Generatiing Station
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As can be seen from Table 6-24, the modeled impacts for PM10 from the proposed CC 

site will not exceed the SIL or SMC.  Therefore, neither a full impact analysis nor pre-

construction monitoring is required for PM10.   

6.9.2.2  CO PIA & SMC Results 
The CO PIA and SMC results are shown in the following table.  The results below are 

based on 100% Load using natural gas as fuel.  The table also shows the comparison of 

the resulting impacts from using both natural gas and syngas as the primary fuel. 
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Table 6-25:  CO PIA SMC Modeling Results

40000 10000 40000 10000
NA NA NA NA
NA 575 NA 575

2000 500 2000 500
1 HR 8 HR 1 HR 8 HR

YEAR ug/m3 ug/m3 ug/m3 ug/m3

1990 HFH 58.5859 14.7606 43.9817 11.0811
X 464,715.03 465,219.69 464,715.03 465,219.69
Y 4,175,682.25 4,175,073.25 4,175,682.25 4,175,073.25

HSH 52.5525 12.4763 39.4523 9.3663
X 464,621.00 465,000.47 464,621.00 465,000.47
Y 4,175,660.50 4,175,749.50 4,175,660.50 4,175,749.50

1991 HFH 54.3109 20.8418 40.7724 15.6464
X 464,715.03 464,432.97 464,715.03 464,432.97
Y 4,175,682.25 4,175,616.75 4,175,682.25 4,175,616.75

HSH 49.2224 16.7148 36.9524 12.5482
X 464,257.66 464,432.97 464,257.66 464,432.97
Y 4,175,576.00 4,175,616.75 4,175,576.00 4,175,616.75

1992 HFH 56.1161 17.1952 42.1276 12.9088
X 464,715.03 465,452.97 464,715.03 465,452.97
Y 4,175,682.25 4,175,852.25 4,175,682.25 4,175,852.25

HSH 53.0599 8.9779 39.8332 6.7399
X 464,621.00 465,358.28 464,621.00 465,358.28
Y 4,175,660.50 4,175,229.00 4,175,660.50 4,175,229.00

1993 HFH 54.1139 12.8452 40.6245 9.6432
X 464,526.97 462,098.12 464,526.97 462,098.12
Y 4,175,638.75 4,174,589.75 4,175,638.75 4,174,589.75

HSH 45.3623 8.6242 34.0544 6.4746
X 465,338.91 462,098.12 465,338.91 462,098.12
Y 4,175,828.75 4,174,589.75 4,175,828.75 4,174,589.75

1994 HFH 57.0560 15.3925 42.8332 11.5751
X 464,715.03 462,357.75 464,715.03 462,357.75
Y 4,175,682.25 4,174,486.75 4,175,682.25 4,174,486.75

HSH 47.9341 12.2425 35.9852 9.2180
X 464,810.16 462,421.09 464,810.16 462,421.09
Y 4,175,704.75 4,174,569.50 4,175,704.75 4,174,569.50

MAX IMPACTS OCCURRED WITHIN FENCELINE GRID

NAAQS

INCREMENT

SMC
SIL

CASH CREEK IGCC
CO PIA MODELING RESULTS - 100% LOAD

NATURAL GAS SYN GAS
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As can be seen from Table 6-25, the predicted impacts for CO from the proposed CC site 

will be less than the SIL and SMC.  Therefore, neither a full impact analysis nor pre-

construction monitoring is required for CO. 

6.9.2.3  NOx PIA & SMC Results 
The NOx PIA and SMC results are shown in the following table.  The results below are 

based on the prorated NOx emission rate as shown in Section 6.8.1.1 above. 

 

Cash Creek Generation, LLC 6-57          Cash Creek Generating Station            
Kentuckiana Engineering Co. Inc.          Submitted:  July 2005 
  Printed:  8/1/2005   



Table 6-26:  NOx PIA SMC Modeling Results

100

25

14
1

ANNUAL
YEAR ug/m3

1990 HFH 0.4934
X 464,621.00
Y 4,175,660.50

1991 HFH 0.4906
X 464,432.97
Y 4,175,616.75

1992 HFH 0.3857
X 464,338.94
Y 4,175,595.00

1993 HFH 0.4472
X 463,478.28
Y 4,175,659.75

1994 HFH 0.4379
X 464,257.66
Y 4,175,576.00

MAXIMUM IMPACT OCCURRED WITHIN FENCELINE GRID
WITH 100 METER GRID SPACING

NOx WAS MODELED WITH AN ANNUALIZED EMISSION
RATE WITH NATURAL GAS AT 900 HOURS/YR AND 
SYN GAS AT 7860 HOURS/YR.

SMC
SIL

NOX PIA MODELING RESULTS - 100% LOAD
CASH CREEK IGCC

NAAQS

INCREMENT
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As can be seen from Table 6-26, the predicted impacts for NOx from the proposed CC 

site will be less than the SIL and SMC.  Therefore, neither a full impact analysis nor pre-

construction monitoring is required for NOx. 
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6.9.2.4  SO2 PIA & SMC Results 
The SO2 PIA and SMC results are shown in the following table.  The table below shows 
that the maximum impacts are based on 100% load using syngas as the primary fuel. 
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Table 6-27:  SO 2  PIA SMC Modeling Results

1300 365 1300 365 80.00
512 91 512 91 20.00
NA 13 NA 13 NA
25 5 25 5 1

3 HR 24 HR 3 HR 24 HR ANNUAL
YEAR ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

1990 HFH 0.3377 0.0556 26.1540 4.2260 0.3537
X 465,219.69 464,526.97 465,219.69 464,526.97 464,621.00
Y 4,175,073.25 4,175,638.75 4,175,073.25 4,175,638.75 4,175,660.50

HSH 0.2377 0.0435 18.4254 3.3727
X 464,621.00 464,526.97 464,621.00 464,526.97
Y 4,175,660.50 4,175,638.75 4,175,660.50 4,175,638.75

1991 HFH 0.2571 0.0667 19.8354 5.1171 0.3517
X 464,338.94 464,432.97 464,338.94 464,432.97 464,432.97
Y 4,175,595.00 4,175,616.75 4,175,595.00 4,175,616.75 4,175,616.75

HSH 0.2302 0.0596 17.5937 4.5796
X 464,338.94 464,432.97 464,338.94 464,432.97
Y 4,175,595.00 4,175,616.75 4,175,595.00 4,175,616.75

1992 HFH 0.4531 0.0666 35.3722 5.1593 0.2764
X 465,219.69 465,452.97 465,219.69 465,452.97 464,338.94
Y 4,175,073.25 4,175,852.25 4,175,073.25 4,175,852.25 4,175,595.00

HSH 0.2174 0.0400 16.6717 3.0659
X 464,621.00 463,416.56 464,621.00 463,416.56
Y 4,175,660.50 4,175,581.00 4,175,660.50 4,175,581.00

1993 HFH 0.2788 0.0517 21.4819 4.0355 0.3206
X 464,810.16 463,156.84 464,810.16 463,156.84 463,478.28
Y 4,175,704.75 4,175,709.50 4,175,704.75 4,175,709.50 4,175,659.75

HSH 0.1895 0.0444 14.5684 3.4532
X 464,621.00 463,465.06 464,621.00 463,465.06
Y 4,175,660.50 4,175,797.25 4,175,660.50 4,175,797.25

1994 HFH 0.2643 0.0836 20.8605 6.3324 0.3140
X 462,357.75 462,357.75 462,357.75 462,357.75 464,257.66
Y 4,174,486.75 4,174,486.75 4,174,486.75 4,174,486.75 4,175,576.00

HSH 0.2319 0.0631 18.2777 4.9469
X 462,260.47 462,357.75 462,260.47 462,021.31
Y 4,174,512.25 4,174,486.75 4,174,512.25 4,174,428.25

MAXIMUM IMPACTS WITHIN FENCELINE GRID WITH
100 METER GRID SPACING

NAAQS

INCREMENT
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SIL
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As can be seen from the results in Table 6-27, the predicted impacts of HFH SO2 from the 

proposed CC site will exceed both the SIL and the SMC.  Therefore, a full impact 

analysis is required and pre-construction monitoring must be addressed.  As noted in 

Section 6.5 above, CCG has requested that the existing monitoring data from the 

Henderson Monitoring site be used as background in lieu of pre-construction monitoring. 

 

6.9.3  Significant Impact Area 
The PIA also determines the SIA for those pollutants requiring a FIA.  The SIA is 

determined for each pollutant that equals or exceeds the SIL.  The SIA used in this 

demonstration is based on 100% load modeling.  This is accomplished by using the 

generated plot files from each modeling run.  The generated plot files are then imported 

into a spreadsheet for analysis.  A spreadsheet is generated for each pollutant averaging 

period to determine the significant impact area.  The plot file that is generated by the 

model for each required averaging time contains the X and Y coordinates, the 

concentrations at each coordinate, the averaging time and whether it is a HFH value.  The 

data is then sorted by ascending concentration.  Values that are equal to or exceed the SIL 

value are bolded and the distances to the receptors are calculated using the Pythagorean 

Theorem (A2 + B2 = C2).  The distance which is farthest from the source and has an 

impact that equals or exceeds the SIL value is used to determine the SIA. 

 

6.9.3.1  SO2 SIA Results 
The SIA was determined for SO2 for the 3 hr average (HFH), 24 hr average (HFH) and 

the annual average.  The SIA summary table below shows the SIA for SO2 to be a 3.12 

KM radius. 
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Table 6-28:  SO2 SIA Analysis Summary 
    
  3 HR 24 HR ANNUAL 
YEAR KM KM KM 

1990 1.68 NA NA 
     

1991 NA 1.2 NA 
     

1992 3.12 2.23 NA 
     

1993 NA NA NA 
     

1994 NA 2.35 NA 
 

 
The individual tables depicting the SIA analysis on a year by year basis are found in 
Appendix G. 

6.9.4  Full Impact Analysis 
If a SIL is equaled or exceeded by a given pollutant, then a FIA is performed for that 

pollutant at its corresponding averaging time.  The FIA involves the following: 

 

1. Modeling for Compliance with the National Ambient Air Quality Standards 

(“NAAQS”)   

2. Modeling for Compliance with the allowable Prevention of Significant 

Deterioration (“PSD”) increment consumption   

 

As demonstrated in Section 6.9.2.4 above, the emissions of SO2 exceed the SIL.    

Therefore, a FIA is required for SO2. 

6.9.4.1  NAAQS Modeling 
The NAAQS modeling domain is determined by the SIA.  Receptors are placed within 

the SIA for each applicable pollutant.  Sources that are within an area determined by the 

SIA plus 50 KM are included in the modeling unless they can be excluded as a result of 

the 20D analysis demonstrated in Section 6.5 above.   The SIA for SO2 was populated 

with receptors that were placed at 100 meter spacing throughout the SIA.  Receptors were 
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not placed within the fenced property line of the facility.  The tables below identify each 

year of modeled impacts showing the HFH and the HSH impacts, and the corresponding 

receptor locations. 

 
In accordance with the requirements of 40 CFR 51, Appendix W, the source emission 

rates used in the modeling for the short term and long term impacts are the hourly 

allowable emissions and the annual allowable emissions.  Where there were no allowable 

emission rates shown, the maximum hourly potential emissions were modeled.  The 

NAAQS requirements are shown in Table 6-29. 
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Table 6-29:  National Ambient Air Quality Standards 
Pollutant Averaging Time Primary 

Standard 
Secondary Standard 

Particulate Matter    
     PM10 Annual a 50 ug/m3 50 ug/m3

     PM10 24-Hour b 150 ug/m3 150 ug/m3

    
Sulfur Dioxide    
     SO2 Annual c 80 ug/m3 - 
     SO2 24-Hour d 365 ug/m3 - 
     SO2 3-Hour d  1300 ug/m3

    
Nitrogen Dioxide    
     NO2 Annual c 100 ug/m3 0.053 ppm 
    
Ozone    
     O3 1-Hour b 0.12 ppm 0.12 ppm 
    
Carbon Monoxide    
     CO 8-Hour d 10 mg/m3 - 
     CO 1 Hour d 40 mg/m3 - 
    
Lead    
     Pb Calendar Quarter 1.5 ug/m3 - 
    

                                                                  
a  Standard is attained when the expected annual arithmetic mean is less than or equal to 50 µg/m3. 
b  Standard is attained when the expected number of exceedances is less than or equal to 1. 
c  Never to be exceeded. 
d  Not to be exceeded more than once per year. 
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6.9.4.1.2 SO2 NAAQS Modeling Results  
Results of the SO2 NAAQS modeling are shown in Table 6-30. 
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Table 6-30:  SO 2  NAAQS Modeling Results

1300 365 80.00 1300 365 80.00
512 91 20.00 512 91 20.00
NA 13 NA NA 13 NA
25 5 1 25 5 1

3 HR 24 HR ANNUAL 3 HR 24 HR ANNUAL
YEAR ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

1990 HFH 1,022.27 283.53 1,022.27 283.53 21.23
X 463,081.62 460,481.62 463,081.62 460,481.62 461,281.62

Y 4,171,735.25 4,174,635.25 4,171,735.25 4,174,635.25 4,172,735.25

HSH 767.57 159.54 767.57 159.55
X 461,981.62 460,581.62 461,981.62 460,581.62
Y 4,172,235.25 4,174,635.25 4,172,235.25 4,174,635.25

1991 HFH 897.85 197.76 897.85 197.77 23.64
X 462,881.62 463,081.62 462,881.62 463,081.62 461,081.62
Y 4,171,735.25 4,171,735.25 4,171,735.25 4,171,735.25 4,172,935.25

HSH 797.83 180.27 797.83 180.27
X 460,781.62 461,281.62 460,781.62 461,281.62
Y 4,176,035.25 4,172,735.25 4,176,035.25 4,172,735.25

1992 HFH 814.44 183.77 814.44 183.77 19.28
X 462,081.62 460,581.62 462,081.62 460,581.62 460,581.62
Y 4,172,035.25 4,175,035.25 4,172,035.25 4,175,035.25 4,175,035.25

HSH 633.58 142.93 633.58 142.93
X 460,581.62 460,581.62 460,581.62 460,581.62
Y 4,175,135.25 4,174,635.25 4,175,135.25 4,174,635.25

1993 HFH 884.48 151.72 884.48 154.72 17.47
X 460,981.62 462,081.62 460,981.62 462,081.62 461,081.62
Y 4,173,135.25 4,172,035.25 4,173,135.25 4,172,035.25 4,172,935.25

HSH 652.09 104.11 652.09 104.12
X 461,381.62 460,681.62 461,381.62 460,681.62
Y 4,173,335.25 4,174,835.25 4,173,335.25 4,174,835.25

1994 HFH 1,189.70 204.00 1,189.71 204.02 20.23
X 461,481.62 461,481.62 461,481.62 461,481.62 460,681.62
Y 4,172,535.25 4,172,535.25 4,172,535.25 4,172,535.25 4,173,935.25

HSH 857.22 177.69 857.22 177.70
X 461,481.62 461,381.62 461,481.62 461,381.62
Y 4,172,635.25 4,172,635.25 4,172,635.25 4,172,635.25
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The cells within Table 6-30, that are bolded, show the 3 hour and 24 hour HSH, and the 

ANNUAL AVERAGE used for NAAQS compliance demonstration.  Tabular modeling 

output files for these results are contained in Appendix H.  Appendix I contains CDs with 

all the modeling files included. 

Table 6-31:  Summary of SO2 NAAQS Modeling Results 
 
 
 

AVERAGING 
TIMES 

CC PLUS 
NAAQS 

SOURCES 
IMPACTS 

ug/m3

 
 

Monitored 
Background 

ug/m3

Total Impact 
Including 
Monitored 

Background 
ug/m3

 
 

NAAQS 
Standards 

ug/m3

3 Hr HSH 857.22 251.52 1108.74 1300 
24 Hr HSH 180.27 89.08 269.35 365 
Annual 23.64 7.86 31.50 80 

 
Based on the results in Table 6-31, emissions from CC are in compliance with the 

NAAQS after analyzing the contributory impact of all other NAAQS sources and 

including the monitored values from the Henderson monitor as background. 

 

6.9.5  Increment Consumption Modeling 
Based upon information received from KYDAQ, the minor source baseline date 

(“MSBD”) for SO2 has not been triggered for Henderson County.  Therefore, CC triggers 

the MSBD for SO2.   

 

A 100 meter receptor grid spacing for receptors was used in the increment consumption 

modeling and this was placed throughout the SIA for SO2.  The increment emissions 

database from Indiana was supplied by IDEM.  The Kentucky increment emissions 

database was taken from the NAAQS SO2 database for 2003.  Since the MSBD has not 

been triggered for Henderson County, KY, all SO2 sources within the SIA plus 50 KM 

were included in the initial analysis.  The selection of sources in the KY database was 

based on the “Constructed on or before date” field in the database.  All KY SO2 NAAQS 

sources with a date on or after the major source baseline date for SO2 of January 6, 1975 

were included in the initial database.  All of the Indiana SO2 Increment Consuming 

sources were included in the database.  There were sources within the Indiana SO2 

Increment database that were showing a negative emission rate.  These were sources that 
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had reduced emissions under a federally enforceable permit.  As noted in the AERMOD 

output files, these sources record a zero (0) impact and have no bearing on the impacts 

within the SIA. 

 

The emissions used in the database to demonstrate modeled impacts was established in 

accordance with guidance in 40 CFR 51, Appendix W.  The allowable Class II 

increments are shown in Table 6-35. 

 

The modeling was set up to include all of the sources indicated above to ascertain which 

of these sources would have an annual impact within the CC SIA of 1 ug/m3 or more.  

 

Table 6-32 shows the Indiana Increment Consuming Sources included in the preliminary 

increment modeling and the model ID is preceded with IN.  Table 6-33 shows the 

Kentucky Increment Consuming Sources included in the preliminary increment modeling 

and the model ID is preceded with KY. 
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Table 6-32:  Indiana SO 2  Increment Comsumption Database

PSD INCREMENT LISTING
County Company name Source Type  (Permit #) Pollutant Emissions Stack Ht. Temp. Velocity Diameter

g/sec m K m/sec m X Y A A^2 B B^ C^2 C SIA + 50

Knox Duke Energy 5 SO2 0.1764 543081.2 4616368 18.29 654.3 27.5 3.05 463,601.63 4,174,755.22 -79,479.57 6,317,002,047.3849 -441,612.78 195,021,847,459.32800 201,338,849,506.71300 448.708 53.12
Knox Duke Energy 6 SO2 0.1764 543081.2 4616338 18.29 654.3 27.5 3.05 463,601.63 4,174,755.22 -79,479.57 6,317,002,047.3849 -441,582.78 194,995,351,592.52800 201,312,353,639.91300 448.6785 53.12
Knox Duke Energy 4 SO2 0.0058 543262.7 4616158.3 9.14 533.1 9.14 0.15 463,601.63 4,174,755.22 -79,661.07 6,345,886,073.5449 -441,403.08 194,836,679,033.48600 201,182,565,107.03100 448.5338 53.12
Knox Duke Energy 2 SO2 0.756 543328.7 4616146 51.82 364.8 20.15 5.49 463,601.63 4,174,755.22 -79,727.07 6,356,405,690.7849 -441,390.78 194,825,820,669.00800 201,182,226,359.79300 448.5334 53.12
Knox Duke Energy 1 SO2 0.756 543290 4616146 51.82 364.8 20.15 5.49 463,601.63 4,174,755.22 -79,688.37 6,350,236,313.2569 -441,390.78 194,825,820,669.00800 201,176,056,982.26500 448.5265 53.12
Knox Duke Energy 3 SO2 0.00126 543238.4 4616154.4 19.81 487.6 10.92 0.61 463,601.63 4,174,755.22 -79,636.77 6,342,015,136.0329 -441,399.18 194,833,236,104.67300 201,175,251,240.70500 448.5256 53.12

Lawrence Cogentrix Combined Cycle (12432) SO2 5.607 547046.00 4294572.00 53.35 353.1 15.36 5.49 463,601.63 4,174,755.22 -83,444.37 6,962,962,884.6969 -119,816.78 14,356,060,769.56840 21,319,023,654.26530 146.0104 53.12
Lawrence Cogentrix Combined Cycle (12432) SO2 5.607 547045.00 4294514.00 53.35 353.1 15.36 5.49 463,601.63 4,174,755.22 -83,443.37 6,962,795,996.9569 -119,758.78 14,342,165,387.08840 21,304,961,384.04520 145.9622 53.12
Lawrence Cogentrix Combined Cycle (12432) SO2 5.607 547044.00 4294455.00 53.35 353.1 15.36 5.49 463,601.63 4,174,755.22 -83,442.37 6,962,629,111.2169 -119,699.78 14,328,037,332.04840 21,290,666,443.26530 145.9132 53.12
Lawrence Lehigh Cement Kiln 3 SO2 0.31 547200.00 4287600.00 30.48 450 19.16 1.68 463,601.63 4,174,755.22 -83,598.37 6,988,687,466.6569 -112,844.78 12,733,944,373.24840 19,722,631,839.90530 140.4373 53.12

Martin Gold Bond Bldg.- Div.Nat. Gypsum (1838) SO2 2.5 519400.00 4279000.00 9.15 429 16.9 1.3 463,601.63 4,174,755.22 -55,798.37 3,113,458,094.6569 -104,244.78 10,866,974,157.24840 13,980,432,251.90530 118.2389 53.12
Knox Apex International Sweat Furnace (4000) SO2 0.26 472400.00 4290200.00 9.1 311 31.68 0.86 463,601.63 4,174,755.22 -8,798.37 77,411,314.6569 -115,444.78 13,327,497,229.24840 13,404,908,543.90530 115.7796 53.12
Knox Apex International Sweat Furnace (6000) SO2 0.26 472400.00 4290200.00 9.1 311 9 1.02 463,601.63 4,174,755.22 -8,798.37 77,411,314.6569 -115,444.78 13,327,497,229.24840 13,404,908,543.90530 115.7796 53.12
Knox Apex International Rotary Furnaces SO2 0.62 472400.00 4290200.00 12.2 311 25.6 1.22 463,601.63 4,174,755.22 -8,798.37 77,411,314.6569 -115,444.78 13,327,497,229.24840 13,404,908,543.90530 115.7796 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471712.00 4286132.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,110.37 65,778,101.5369 -111,376.78 12,404,787,123.16840 12,470,565,224.70530 111.6717 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471741.00 4286096.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,139.37 66,249,343.9969 -111,340.78 12,396,769,291.00840 12,463,018,635.00530 111.6379 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471754.00 4286080.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,152.37 66,461,136.6169 -111,324.78 12,393,206,642.04840 12,459,667,778.66530 111.6229 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471783.00 4286044.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,181.37 66,934,815.0769 -111,288.78 12,385,192,553.88840 12,452,127,368.96530 111.5891 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471796.00 4286027.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,194.37 67,147,699.6969 -111,271.78 12,381,409,024.36840 12,448,556,724.06530 111.5731 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471825.00 4285992.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,223.37 67,623,814.1569 -111,236.78 12,373,621,224.76840 12,441,245,038.92530 111.5403 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471838.00 4285975.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,236.37 67,837,790.7769 -111,219.78 12,369,839,463.24840 12,437,677,254.02530 111.5243 53.12
Knox Duke - Knox Energy Simple Cycle (12674) SO2 0.882 471867.00 4285939.00 28.35 781.5 41.24 4.57 463,601.63 4,174,755.22 -8,265.37 68,316,341.2369 -111,183.78 12,361,832,935.08840 12,430,149,276.32530 111.4906 53.12
Pike IPALCO Unit 4 Power plant SO2 398.07 478000.00 4264300.00 187.45 341 31.41 6.1 463,601.63 4,174,755.22 -14,398.37 207,313,058.6569 -89,544.78 8,018,267,625.24836 8,225,580,683.90526 90.69499 53.12
Pike Tenaska Combined Cycle   SO2 0.01764 485678 4258151 7.62 716.48 67.06 0.15 463,601.63 4,174,755.22 -22,076.37 487,366,112.3769 -83,395.78 6,954,856,121.80837 7,442,222,234.18527 86.26832 53.12
Pike Tenaska Combined Cycle   SO2 0.756 485899 4258033 7.62 783.15 103.63 0.3 463,601.63 4,174,755.22 -22,297.37 497,172,708.9169 -83,277.78 6,935,188,641.72837 7,432,361,350.64527 86.21114 53.12
Pike Tenaska Combined Cycle   SO2 0.063 485891 4258021 7.62 707.59 110.64 0.2 463,601.63 4,174,755.22 -22,289.37 496,816,014.9969 -83,265.78 6,933,190,119.00837 7,430,006,134.00527 86.19748 53.12
Pike Tenaska Combined Cycle   SO2 0.028602 485767 4257958 28.96 423.71 19.2 0.61 463,601.63 4,174,755.22 -22,165.37 491,303,627.2369 -83,202.78 6,922,702,599.72837 7,414,006,226.96527 86.10462 53.12
Pike Tenaska Combined Cycle   SO2 0.003402 485767 4257958 28.96 386.48 2.32 0.61 463,601.63 4,174,755.22 -22,165.37 491,303,627.2369 -83,202.78 6,922,702,599.72837 7,414,006,226.96527 86.10462 53.12
Pike Tenaska Combined Cycle   SO2 5.0652 485688 4257964 51.82 355.37 20.42 5.49 463,601.63 4,174,755.22 -22,086.37 487,807,739.7769 -83,208.78 6,923,701,069.08837 7,411,508,808.86526 86.09012 53.12
Pike Tenaska Combined Cycle   SO2 5.0652 485854 4257841 51.82 355.37 20.42 5.49 463,601.63 4,174,755.22 -22,252.37 495,167,970.6169 -83,085.78 6,903,246,838.20837 7,398,414,808.82527 86.01404 53.12

Gibson PSI Gibson #5 (1215) SO2 892 433000.00 4247200.00 152.4 322 30.5 5.79 463,601.63 4,174,755.22 30,601.63 936,459,758.6569 -72,444.78 5,248,246,149.24837 6,184,705,907.90527 78.6429 53.12
Perry Willamette Industries Kraft Pulp Mill SO2 27.19 527600.00 4193900.00 45 340 11 1.22 463,601.63 4,174,755.22 -63,998.37 4,095,791,362.6569 -19,144.78 366,522,601.24839 4,462,313,963.90529 66.80055 53.12
Perry Waupaca Foundry Grey Iron Foundry (4593) S09A/B SO2 2.52 520480.00 4204063.00 42.68 433.2 17.75 1.65 463,601.63 4,174,755.22 -56,878.37 3,235,148,973.8569 -29,307.78 858,945,968.52839 4,094,094,942.38529 63.98512 53.12
Perry Waupaca Foundry Grey Iron Foundry (4593) S15 SO2 5.74 520480.00 4204063.00 42.68 433.2 17.75 1.65 463,601.63 4,174,755.22 -56,878.37 3,235,148,973.8569 -29,307.78 858,945,968.52839 4,094,094,942.38529 63.98512 53.12
Perry Waupaca Foundry Grey Iron Foundry (4593) S04 SO2 0.54 520394.00 4204075.00 36.6 310.9 16.2 1.22 463,601.63 4,174,755.22 -56,792.37 3,225,373,290.2169 -29,319.78 859,649,499.24839 4,085,022,789.46529 63.91418 53.12
Perry Waupaca Foundry Grey Iron Foundry (4593) S01 SO2 0.504 520374.00 4204075.00 54.88 310.9 18.34 4.88 463,601.63 4,174,755.22 -56,772.37 3,223,101,995.4169 -29,319.78 859,649,499.24839 4,082,751,494.66529 63.89641 53.12

Posey SkyGen-Mount Vernon Energy Combined Cycle-Cogeneration (12750) SO2 0.63 418117.00 4196136.00 60.96 375.9 12.13 5.79 463,601.63 4,174,755.22 45,484.63 2,068,851,566.2369 -21,380.78 457,137,753.40839 2,525,989,319.64529 50.25922 53.12
Posey SkyGen-Mount Vernon Energy Combined Cycle-Cogeneration (12750) SO2 0.63 418168.00 4196136.00 60.96 375.9 12.13 5.79 463,601.63 4,174,755.22 45,433.63 2,064,214,734.9769 -21,380.78 457,137,753.40839 2,521,352,488.38529 50.21307 53.12
Posey SkyGen-Mount Vernon Energy Combined Cycle-Cogeneration (12750) SO2 0.63 418219.00 4196136.00 60.96 375.9 12.13 5.79 463,601.63 4,174,755.22 45,382.63 2,059,583,105.7169 -21,380.78 457,137,753.40839 2,516,720,859.12529 50.16693 53.12
Posey Countrymark Coop. Diesel Hydrosulfurization Sys. (2332) SO2 -11.7 420100.00 4199500.00 463,601.63 4,174,755.22 43,501.63 1,892,391,812.6569 -24,744.78 612,304,137.24839 2,504,695,949.90529 50.04694 53.12
Posey G.E. Mt. Vernon B & W Boiler (1030) SO2 14.71 418300.00 4195800.00 30.48 450 11.39 1.68 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey G.E. Mt. Vernon Phenol Plant  2 Boilers SO2 142.38 418300.00 4195800.00 30.48 450 11.39 1.68 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey G.E. Mt. Vernon Phenol Plant  Residue Blr (1517) SO2 -9 418300.00 4195800.00 36.58 550 2.93 2.44 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey G.E. Mt. Vernon Phenol Plant  Wash Drum (1525) SO2 -0.33 418300.00 4195800.00 5.33 291 2.52 2.44 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey G.E. Mt. Vernon Building 6  (1542) SO2 0.87 418300.00 4195800.00 76.2 561 19.48 2.29 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey G.E. Mt. Vernon Vent 13-049 SO2 0.07 418300.00 4195800.00 45.72 422 1.71 1.47 463,601.63 4,174,755.22 45,301.63 2,052,237,680.6569 -21,044.78 442,882,765.24839 2,495,120,445.90529 49.95118 53.12
Posey SIGECO-Mount Vernon AFBC (10201) SO2 114.22 418790.00 4196400.00 76.2 375 21.3 3.25 463,601.63 4,174,755.22 44,811.63 2,008,082,183.2569 -21,644.78 468,496,501.24839 2,476,578,684.50529 49.76524 53.12
Posey Mead-Johnson Boilers 1-4 SO2 47.89 425900.00 4199300.00 42.67 492 15.96 1.22 463,601.63 4,174,755.22 37,701.63 1,421,412,904.6569 -24,544.78 602,446,225.24839 2,023,859,129.90529 44.98732 53.12
Posey Mead-Johnson Offset SO2 -1.61 425900.00 4199300.00 10.2 580.4 12.98 0.76 463,601.63 4,174,755.22 37,701.63 1,421,412,904.6569 -24,544.78 602,446,225.24839 2,023,859,129.90529 44.98732 53.12

Vanderburgh PPG New Plant (1392) SO2 0.57 451400.00 4217800.00 12.6 561 5.05 0.46 463,601.63 4,174,755.22 12,201.63 148,879,774.6569 -43,044.78 1,852,853,085.24838 2,001,732,859.90528 44.74073 53.12
Spencer I & M Rockport (1165) SO2 1690.07 496700.00 4197500.00 316.99 412 33.51 12.88 463,601.63 4,174,755.22 -33,098.37 1,095,502,096.6569 -22,744.78 517,325,017.24839 1,612,827,113.90529 40.16002 53.12
Posey ConAgra Main Plant boilers (8541) SO2 1.138 436133.00 4194731.00 36.58 441.5 8.73 3.05 463,601.63 4,174,755.22 27,468.63 754,525,634.0769 -19,975.78 399,031,786.60839 1,153,557,420.68529 33.96406 53.12
Posey SIGECO-AB Brown #3 Turbine(12029) SO2 7.61 436920.00 4195330.00 9.8 811 46.5 4.3 463,601.63 4,174,755.22 26,681.63 711,909,379.4569 -20,574.78 423,321,572.04839 1,135,230,951.50529 33.69319 53.12
Posey SIGECO AB BROWN #2 SO2 220 437000.00 4195400.00 138.7 339 31.31 4.27 463,601.63 4,174,755.22 26,601.63 707,646,718.6569 -20,644.78 426,206,941.24839 1,133,853,659.90529 33.67274 53.12
Posey SIGECO PSD 1355 SO2 380.75 437000.00 4195000.00 152.4 339 22 4.27 463,601.63 4,174,755.22 26,601.63 707,646,718.6569 -20,244.78 409,851,117.24839 1,117,497,835.90529 33.429 53.12

SO2 INCREMENT SOURCES WITHIN THE SIA PLUS 50 KM
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Table 6-32:  Indiana SO 2  Increment Comsumption Database

PSD INCREMENT LISTING
County Company name Source Type  (Permit #) Pollutant Emissions Stack Ht. Temp. Velocity Diameter

g/sec m K m/sec m X Y A A^2 B B^ C^2 C SIA + 50

Vanderburgh Mead Johnson & Co. 2 Diesel engines & Generators (2250) SO2 0.1 447200.00 4203200.00 22.9 774 60.4 0.3 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 53.12
Vanderburgh Mead Johnson/Nutrition Group No. 2 Oil-fired Boiler (2157) SO2 1.95 447200.00 4203200.00 5.8 574 11.6 1.5 463,601.63 4,174,755.22 16,401.63 269,013,466.6569 -28,444.78 809,105,509.24839 1,078,118,975.90529 32.83472 53.12
Vanderburgh Evansville State Hospital Boiler #4 (1610) SO2 4.17 455800.00 4202900.00 42.7 586 1.9 1.83 463,601.63 4,174,755.22 7,801.63 60,865,430.6569 -28,144.78 792,128,641.24839 852,994,071.90529 29.20606 53.12
Vanderburgh Evansville State Hospital (1457) SO2 2.65 455800.00 4202800.00 44.2 455 2.97 1.98 463,601.63 4,174,755.22 7,801.63 60,865,430.6569 -28,044.78 786,509,685.24839 847,375,115.90529 29.10971 53.12

Warrick ALCOA Potline Stack 11 SO2 -0.52 471800.00 4196700.00 15.5 350 17.2 3.81 463,601.63 4,174,755.22 -8,198.37 67,213,270.6569 -21,944.78 481,573,369.24839 548,786,639.90529 23.4262 53.12
Warrick ALCOA Potline Stack 12 SO2 -0.52 471800.00 4196700.00 15.5 355 16.4 3.81 463,601.63 4,174,755.22 -8,198.37 67,213,270.6569 -21,944.78 481,573,369.24839 548,786,639.90529 23.4262 53.12
Warrick ALCOA Potline Stack 10 SO2 -0.52 471100.00 4196800.00 18.6 340 0.7 18.1 463,601.63 4,174,755.22 -7,498.37 56,225,552.6569 -22,044.78 485,972,325.24839 542,197,877.90529 23.28514 53.12
Warrick ALCOA Potline Stack 8 SO2 -0.52 471100.00 4196700.00 15.5 361 17 3.81 463,601.63 4,174,755.22 -7,498.37 56,225,552.6569 -21,944.78 481,573,369.24839 537,798,921.90529 23.19049 53.12
Warrick ALCOA Potline Stack 9 SO2 -0.52 471100.00 4196700.00 18.6 344 0.9 18.1 463,601.63 4,174,755.22 -7,498.37 56,225,552.6569 -21,944.78 481,573,369.24839 537,798,921.90529 23.19049 53.12
Warrick ALCOA New Ring Furnace (1492) SO2 1.32 471700.00 4196400.00 21.3 355 14.5 1.2 463,601.63 4,174,755.22 -8,098.37 65,583,596.6569 -21,644.78 468,496,501.24839 534,080,097.90529 23.11017 53.12
Warrick ALCOA 4 Tunnel Kilns Removed SO2 -1.18 471700.00 4196400.00 11.28 533 3.06 1.12 463,601.63 4,174,755.22 -8,098.37 65,583,596.6569 -21,644.78 468,496,501.24839 534,080,097.90529 23.11017 53.12
Warrick ALCOA Potline Stack 7 SO2 -0.45 471100.00 4196600.00 24.4 353 9.5 5.24 463,601.63 4,174,755.22 -7,498.37 56,225,552.6569 -21,844.78 477,194,413.24839 533,419,965.90529 23.09589 53.12
Warrick ALCOA Scrubber Unit & Emergency Fan (1840) SO2 0.05 472000.00 4196000.00 32 478 15.4 1.17 463,601.63 4,174,755.22 -8,398.37 70,532,618.6569 -21,244.78 451,340,677.24839 521,873,295.90529 22.84455 53.12
Warrick ALCOA Ring Furnace (1766) SO2 11.8 472000.00 4196000.00 21 327 58.5 0.68 463,601.63 4,174,755.22 -8,398.37 70,532,618.6569 -21,244.78 451,340,677.24839 521,873,295.90529 22.84455 53.12
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Table 6-33:  Kentucky SO 2  Increment Consumption Database

MODEL DE_ALT_FACILITY_ID DE_MASTER_AI_ID DE_MASTER_AI_NAME DE_COUNTYDE_SUBJECT_ITEM_DESIGNATIONDE_PARAMETER_DESCDE_EST_ACTUAL_TPY_QTY DE_MAX_POT_TPY_QTY DE_CONSTRUCTED_DATE Y X
ID TPY LBS/HR notes
KY18 2110100012 38450 Henderson Municipal Power & Light Henderson EU03E3 SO2 (Sulfur Dioxide) 0 40.91705334 163.6682134 NO LIMIT 01/01/1949 4,188,695.19 448,042.25 BASELINE CONCENTRATION
KY19 2110100012 38450 Henderson Municipal Power & Light Henderson EU04E4 SO2 (Sulfur Dioxide) 0 40.9090905 163.636362 NO LIMIT 01/01/1949 4,188,695.19 448,042.25 BASELINE CONCENTRATION

KY44 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 001 SO2 (Sulfur Dioxide) 0 623.0050985 129.78

v-97-045, 309 
mmbtu @ 0.14, 

3 units 02/15/1950 4,134,946.44 489,250.23 BASELINE CONCENTRATION

KY45 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 002 SO2 (Sulfur Dioxide) 0 623.0050985 283.04
v-97-045, 976 

mmbtu @ 0.29 02/15/1950 4,134,946.44 489,250.23 BASELINE CONCENTRATION

KY46 2117700001 3228 KY Utilities Co - Green River Station Muhlenberg 003 SO2 (Sulfur Dioxide) 8763.46068 19688.79519 176.4
v-97-045, 1260 
mmbtu @ 0.14 04/06/1954 4,134,946.44 489,250.23 BASELINE CONCENTRATION

KY15 2110100012 38450 Henderson Municipal Power & Light Henderson EU01U5 SO2 (Sulfur Dioxide) 0 1316.5404 1044174 mmbtu, 6 lbs/mmbtu 06/30/1955 4,188,695.19 448,042.25 BASELINE CONCENTRATION

KY3 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 003 SO2 (Sulfur Dioxide) 0.00105118 3.0478275 2.1082
8.3 mmbtu 

@0.254 01/01/1964 4,182,768.92 494,643.64 BASELINE CONCENTRATION

KY1 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 001 SO2 (Sulfur Dioxide) 2426.882657 3184.66803 9042

v-97-011, 1507 
mmbtu @ 6 
lbs/mmbtu 07/01/1964 4,182,768.92 494,643.64 BASELINE CONCENTRATION

KY17 2110100012 38450 Henderson Municipal Power & Light Henderson EU02U6 SO2 (Sulfur Dioxide) 0 2950.9812 2340390 mmbtu, 6 lbs/mmbtu 01/18/1968 4,188,695.19 448,042.25 BASELINE CONCENTRATION
KY4 2105900039 938 Owensboro Grain Co LLC Daviess 022 SO2 (Sulfur Dioxide) 0 0.013497 0.003081507 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY5 2105900039 938 Owensboro Grain Co LLC Daviess 023 SO2 (Sulfur Dioxide) 0 0.013497 0.003081507 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY6 2105900039 938 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 33.184305 7.576325342 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY7 2105900039 938 Owensboro Grain Co LLC Daviess 025 SO2 (Sulfur Dioxide) 0 0.0963144 0.021989589 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY8 2105900039 938 Owensboro Grain Co LLC Daviess 026 SO2 (Sulfur Dioxide) 0.00042216 0.003003 0.000685616 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY9 2105900039 938 Owensboro Grain Co LLC Daviess 027 SO2 (Sulfur Dioxide) 0 0.0006006 0.000137123 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION
KY10 2105900039 938 Owensboro Grain Co LLC Daviess 028 SO2 (Sulfur Dioxide) 0 0.0006006 0.000137123 07/01/1969 4,180,768.72 491,193.13 BASELINE CONCENTRATION

KY13 2105900092 963 Swedish Match N America Inc Daviess EU001 SO2 (Sulfur Dioxide) 0 469.5798 288.2112
V-04-026, 70.64 
MMBTU @ 4.08 01/01/1971 4,181,730.96 486,228.91 BASELINE CONCENTRATION

KY2 2105900027 942 Owensboro Municipal Utilities - Elmer Smith Station Daviess 002 SO2 (Sulfur Dioxide) 4325.748875 5786.276789 15398.4
2566.4 mmbtu 

@ 6 04/21/1971 4,182,768.92 494,643.64 BASELINE CONCENTRATION
KY20 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 167.440437 145.2750012 167.440437 38.22841027 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY21 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E1 SO2 (Sulfur Dioxide) 1507.07259 1307.59425 1507.07259 344.0805 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY22 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 166.668396 145.2750012 166.668396 38.05214521 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY23 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E5 SO2 (Sulfur Dioxide) 1500.12372 1307.59425 1500.12372 342.494 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY26 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 167.6091765 145.2750012 167.6091765 38.26693527 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY27 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0E3 SO2 (Sulfur Dioxide) 1508.591355 1307.59425 1508.591355 344.42725 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY31 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0F1 SO2 (Sulfur Dioxide) 0.0781165 0.09427987 0.09427987 0.021525084 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY32 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0F2 SO2 (Sulfur Dioxide) 0.028458 0.02376912 0.028458 0.00649726 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY33 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H1 SO2 (Sulfur Dioxide) 0.0026658 0.02628 0.02628 0.006 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY34 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H2 SO2 (Sulfur Dioxide) 0.0481536 0.28908 0.28908 0.066 NO LIMIT 08/04/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY37 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S1 SO2 (Sulfur Dioxide) 0.000822 0.0006 0.000822 0.000187671 NO LIMIT 12/31/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY38 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S2 SO2 (Sulfur Dioxide) 0.000822 0.0006 0.000822 0.000187671 NO LIMIT 12/31/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY39 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S3 SO2 (Sulfur Dioxide) 0.000546 0.0006 0.0006 0.000136986 NO LIMIT 12/31/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION
KY40 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S4 SO2 (Sulfur Dioxide) 0.000732 0.0003 0.000732 0.000167123 NO LIMIT 12/31/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION

KY41 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0S5 SO2 (Sulfur Dioxide) 0.0144963 0.0192 34.25
2.74 lbs/mmbtu, 

12.5 mmbtu/hr 12/31/1972 4,169,092.43 456,842.79 BASELINE CONCENTRATION

KY41A 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson OS6 SO2 (Sulfur Dioxide) 34.25
2.74 lbs/mmbtu, 

12.5 mmbtu/hr 12/31/1972 BASELINE CONCENTRATION

KY50 2118300069 3319 Western KY Energy Corp - Wilson Station Ohio 001 SO2 (Sulfur Dioxide) 9796.646183 11634.99783 2751
V-99-065, 4585 
MMBTU @ 0.6 1966 4,145,051.89 491,007.58 BASELINE CONCENTRATION

33003.99936

KY11 2105900039 938 Owensboro Grain Co LLC Daviess 032 SO2 (Sulfur Dioxide) 504.12648 678.173925 154.8342295 08/01/1981 4,180,768.72 491,193.13 INCREMENT CONSUMING
KY30 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0A7 SO2 (Sulfur Dioxide) 0.0008541 0.168 0.168 0.038356164 NO LIMIT 08/01/1999 4,169,092.43 456,842.79 INCREMENT CONSUMING
KY35 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0H3 SO2 (Sulfur Dioxide) 0.0043497 0.02628 0.02628 0.006 NO LIMIT 09/01/1990 4,169,092.43 456,842.79 INCREMENT CONSUMING
KY36 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0N2 SO2 (Sulfur Dioxide) 0.1074675 0.0057054 0.1074675 0.024535959 NO LIMIT 06/19/1979 4,169,092.43 456,842.79 INCREMENT CONSUMING
KY42 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 0T2 SO2 (Sulfur Dioxide) 0.058422 0.56493432 0.56493432 0.128980438 09/20/1993 4,169,092.43 456,842.79 INCREMENT CONSUMING
KY43 2110100029 1788 Alcan Primary Products Corp -Sebree Works Henderson 13I SO2 (Sulfur Dioxide) 0.03225063 0.02889424 0.03225063 0.007363158 06/01/2001 4,169,092.43 456,842.79 INCREMENT CONSUMING

KY47 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 001 SO2 (Sulfur Dioxide) 0 5444.252132 1242.981
v-02-001, 0.167 

@ 7443 10/11/2002 4,130,309.45 491,259.96 INCREMENT CONSUMING

KY48 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 002 SO2 (Sulfur Dioxide) 0 5444.252132 1242.981
v-02-001, 0.167 

@ 7443 10/11/2002 4,130,309.45 491,259.96 INCREMENT CONSUMING

KY49 2117700077 35762 Thoroughbred Generating Co LLC Muhlenberg 003 SO2 (Sulfur Dioxide) 0 3.75 3.75 15
300 mmbtu @ 

0.05 10/11/2002 4,130,309.45 491,259.96 INCREMENT CONSUMING

KY51 2123300052 44411 Western KY Energy Corp - Green Station Webster 001 SO2 (Sulfur Dioxide) 2072.052129 2997.540819 2128
v-99-067, 2660 

mmbtu, 0.8 Jun-76 4,166,460.39 455,694.40 INCREMENT CONSUMING

KY52 2123300052 44411 Western KY Energy Corp - Green Station Webster 002 SO2 (Sulfur Dioxide) 816.0105395 1173.961902 2128
v-99-067, 2660 

mmbtu, 0.8 Jun-76 4,166,460.39 455,694.40 INCREMENT CONSUMING
6912.001465

ALLOWABLE EMISSIONS

MAJOR SOURCE BASELINE DATA OF JANUARY 6, 1975
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Table 6-34 shows the five years of modeling results and identifies those sources with an 

annual impact equal to or exceeding 1 ug/m3 within the SO2 SIA. 
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Table 6-34:  SO 2  Increment Source Analysis

MODEL 1990 1991 1992 1993 1994
ID COMPANY ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

IN1 ConAgra 0.00232 0.00294 0.0041 0.00268 0.00228
IN2 Countrymark Coop. 0 0 0 0 0
IN3 G.E. Mt. Vernon 0.02441 0.03086 0.03084 0.03183 0.02531
IN4 G.E. Mt. Vernon 0.23626 0.2987 0.29855 0.3081 0.245
IN5 G.E. Mt. Vernon 0 0 0 0 0
IN6 G.E. Mt. Vernon 0 0 0 0 0
IN7 G.E. Mt. Vernon 0.00055 0.00056 0.00066 0.00065 0.0005
IN8 G.E. Mt. Vernon 0.00014 0.00018 0.00018 0.0002 0.00015
IN9 Mead-Johnson 0.07484 0.09957 0.13187 0.11457 0.08129
IN10 Mead-Johnson 0 0 0 0 0
IN11 SIGECO 0.18443 0.21628 0.23799 0.32024 0.18296
IN12 SIGECO AB BROWN #2 0.10196 0.12015 0.1312 0.17909 0.10389
IN13 SIGECO-AB Brown 0.00475 0.00549 0.00658 0.00729 0.00506
IN14 SIGECO-Mount Vernon 0.06923 0.07046 0.08314 0.08191 0.06339
IN15 SkyGen-Mount Vernon Energy 0.00037 0.00037 0.00044 0.00043 0.00033
IN16 SkyGen-Mount Vernon Energy 0.00037 0.00037 0.00044 0.00043 0.00033
IN17 SkyGen-Mount Vernon Energy 0.00037 0.00037 0.00044 0.00043 0.00033
IN18 I & M Rockport 0.27877 0.28428 0.28038 0.25855 0.35618
IN19 Evansville State Hospital 0.03533 0.02967 0.02885 0.03689 0.02975
IN20 Evansville State Hospital 0.01993 0.01612 0.01657 0.01993 0.01695
IN21 Mead Johnson & Co. 0.00102 0.00087 0.00089 0.00128 0.00113
IN22 Mead Johnson/Nutrition Group 0.02014 0.01612 0.01707 0.0242 0.0211
IN23 PPG 0.00685 0.00758 0.00485 0.00731 0.00512
IN24 ALCOA 0 0 0 0 0
IN25 ALCOA 0 0 0 0 0
IN26 ALCOA 0 0 0 0 0
IN27 ALCOA 0 0 0 0 0
IN28 ALCOA 0 0 0 0 0
IN29 ALCOA 0.00856 0.01079 0.00853 0.01061 0.0093
IN30 ALCOA 0 0 0 0 0
IN31 ALCOA 0 0 0 0 0
IN32 ALCOA 0.00022 0.00024 0.00021 0.00023 0.00024
IN33 ALCOA 0.07805 0.09653 0.07719 0.09488 0.08253
KY11 Owensboro Grain Co LLC 0.06935 0.07188 0.0842 0.09389 0.10725
KY30 Alcan Primary Products Corp -Sebree Works 0.00009 0.0001 0.00007 0.00006 0.00008
KY35 Alcan Primary Products Corp -Sebree Works 0.00004 0.00004 0.00003 0.00002 0.00003
KY36 Alcan Primary Products Corp -Sebree Works 0.00014 0.00016 0.0001 0.00008 0.0001
KY42 Alcan Primary Products Corp -Sebree Works 0.00286 0.00304 0.0018 0.00187 0.00201
KY43 Alcan Primary Products Corp -Sebree Works 0.00004 0.00005 0.00003 0.00002 0.00003
KY47 Thoroughbred Generating Co LLC 0.05935 0.06992 0.05643 0.06629 0.05848
KY48 Thoroughbred Generating Co LLC 0.05935 0.06992 0.05643 0.06629 0.05848

SO2 IMPACTS WITHIN THE SO2 SIA OF CCG
MAXIMUM ANNUAL AVERAGE
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Table 6-34:  SO 2  Increment Source Analysis

MODEL 1990 1991 1992 1993 1994
ID COMPANY ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

SO2 IMPACTS WITHIN THE SO2 SIA OF CCG
MAXIMUM ANNUAL AVERAGE

KY49 Thoroughbred Generating Co LLC 0.00076 0.00094 0.00075 0.00086 0.00078
KY51 Western KY Energy Corp - Green Station 1.08762 1.11602 0.93535 0.81728 0.97987
KY52 Western KY Energy Corp - Green Station 1.03372 1.0659 0.88669 0.77528 0.93275
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As can be seen from the modeling results in Table 6-34, sources KY51 and KY52 have a 

significant impact within the SIA of CC.  Therefore, the increment consumption 

modeling includes the SO2 sources from CC and KY51 and KY52. 

 

Once the increment consuming sources were identified that have a significant impact 

within the SIA were identified, the model was set up to run these sources and the SO2 

emissions from CC.  Table 6-35 below shows the Class II PSD Increments for SO2. 

Table 6-35:  PSD Increments 
Pollutant Averaging Time Class II 
Sulfur Dioxide   
     SO2 Annual a 20 ug/m3

     SO2 24-Hour b 91 ug/m3

     SO2 3-Hour b 512 ug/m3

   
a  Never to be exceeded.                           
b  Not to be exceeded more than once per year. 
 
 

6.9.5.1  SO2 Increment Consumption 
Table 6-36 below shows the SO2 increment consumption modeling results. 
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Table 6-36:  SO 2  Increment Consumption Modeling Results

512 91 512 91 20.00
3 HR 24 HR 3 HR 24 HR ANNUAL

YEAR ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

1990 HFH 124.2783 22.8884 124.2788 22.8885 2.1626
X 462,181.62 462,081.62 462,181.62 462,081.62 461,181.62
Y 4,172,035.25 4,172,135.25 4,172,035.25 4,172,135.25 4,172,835.25

HSH 91.9622 19.2025 91.9626 19.2090
X 462,881.62 461,081.62 462,881.62 461,081.62
Y 4,171,835.25 4,173,035.25 4,171,835.25 4,173,035.25

1991 HFH 120.1230 28.6920 120.1848 28.6928 2.2226
X 460,581.62 460,881.62 460,581.62 460,881.62 461,981.62
Y 4,175,535.25 4,173,235.25 4,175,535.25 4,173,235.25 4,172,135.25

HSH 99.1350 22.9340 99.1356 22.9343
X 460,981.62 461,981.62 460,981.62 461,981.62
Y 4,173,235.25 4,172,235.25 4,173,235.25 4,172,235.25

1992 HFH 135.2161 27.3100 135.2184 27.3120 1.8667
X 460,581.62 460,581.62 460,581.62 460,581.62 461,081.62
Y 4,174,535.25 4,174,135.25 4,174,535.25 4,174,135.25 4,172,935.25

HSH 97.8153 19.5590 97.8280 19.5615
X 460,781.62 461,581.62 460,781.62 461,581.62
Y 4,173,735.25 4,172,535.25 4,173,735.25 4,172,535.25

1993 HFH 116.3555 22.3953 116.3782 22.1035 1.6313
X 461,281.62 461,381.62 461,281.62 461,381.62 461,281.62
Y 4,172,735.25 4,172,635.25 4,172,735.25 4,172,635.25 4,172,735.25

HSH 74.0157 16.9532 74.0264 16.9576
X 461,081.62 461,381.62 461,081.62 461,381.62
Y 4,172,935.25 4,172,635.25 4,172,935.25 4,172,635.25

1994 HFH 110.8058 21.9114 110.8059 22.0275 2.0765
X 461,381.62 461,281.62 461,381.62 460,581.62 460,581.62
Y 4,172,635.25 4,172,735.25 4,172,635.25 4,174,135.25 4,174,135.25

HSH 78.5903 18.5166 78.5907 18.5169
X 461,481.62 461,381.62 461,481.62 461,381.62
Y 4,172,635.25 4,172,635.25 4,172,635.25 4,172,635.25

MAXIMUM IMPACTS WITHIN FENCELINE GRID WITH
100 METER GRID SPACING

INCREMENT

CASH CREEK IGCC
SO2 FIA INCREMENT MODELING RESULTS - 100%LOAD

NATURAL GAS SYN GAS
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The data in the table above represent the 3 hour and 24 hour HSH values and the annual 

average used in the increment consumption demonstration. 

 
Table 6-37:  SO2 Increment Consumption Summary of Modeling Impacts 

 
 
 
Averaging Times 

CC Plus Increment 
Consuming Sources 

Impacts 
(ug/m3) 

 
Allowable Class II 

Increment  
(ug/m3) 

3 Hr HSH 99.14 512 
24 Hr HSH 22.93 91 
Annual 2.22 20 
 
Based on the results in Table 6-37, the SO2 increment consumed is in compliance with 

the allowable Class II increments. 

 
 
6.10  CONCLUSION 
Based on the results of the air quality analysis, the increase in emissions from CC will be 

in compliance with all applicable requirements.
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7. ADDITIONAL IMPACT ANALYSIS 
As required under the PSD program, an Additional Impact Analysis was performed.  This 

analysis includes the following impacts. 

7.1 REVIEW OF CONSTRUCTION IMPACTS 
Project related air quality impacts during construction are expected to include fugitive 

dust emissions from ground excavation, cut-and-fill operations, removal of debris, as well 

as vehicle emissions.  However, because the construction period is limited and activities 

change during the construction phases, these emissions are only temporary and vary 

throughout the period. 

 
Potential emission increases of fugitive dust will depend on such factors as soil properties 

(i.e. moisture content, volume of spoils, and soil silt content), meteorological variables, 

and construction practices employed.  For airborne particulates, such as fugitive dust, 

control measures will be used to minimize these emissions.  Emissions of fugitive dust 

will be mitigated using the following measures: 

 

! The use of water or other wetting agents on areas of exposed soils on a scheduled 

basis. 

! The use of covered trucks for soils and other dry materials. 

! Limited storage of spoil on the construction site. 

! Final grading and landscaping of exposed areas as soon as possible. 

 

Emissions from vehicles will include emissions from onsite equipment and from vehicles 

used by construction workers.  These emissions are temporary and self-correcting, once 

the project is completed.  Nevertheless, mitigation will include proper maintenance of 

construction equipment, controlling unnecessary idling of equipment, and providing 

sufficient parking facilities for construction workers. 

 

The Henderson County area is in attainment for all criteria pollutants.  Construction 

vehicles will use diesel fuel in which the sulfur content of the fuel is formulated to 
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minimize SO2 emissions (0.05% sulfur).  Operation of these vehicles is not expected to 

significantly affect ambient air quality. 

 

7.2 REVIEW OF VEGETATION IMPACTS 
The potential impacts of air emissions from the proposed project will be evaluated on the 

vegetation located in the area of CC were evaluated using the EPA Document EPA-

450/2-81-078 A Screening Procedure for the Impacts of Air Pollution Sources on Plants, 

Soils, and Animals. 

 

The following sections briefly describe the potential effects of SO2, NO2, O3, CO, and 

PM10 produced by the facility on the nearby vegetation.  The effects of gaseous air 

pollutants on vegetation may be classified into three rather broad categories: acute, 

chronic, and long-term.  Acute effects are those that result from relatively short (less than 

1 month) exposures to high concentrations of pollutants.  Chronic effects occur when 

organisms are exposed for months or even years to certain threshold levels of pollutants.  

Long-term effects include abnormal changes in ecosystems and subtle physiological 

alterations in organisms.  Acute and chronic effects are caused by the gaseous pollutant 

acting directly on the organism; whereas, long-term effects may be indirectly caused by 

secondary agents such as changes in soil pH. 

 

The potential effects of the air emissions on vegetation within the immediate vicinity of 

CC were analyzed by comparison with scientific research examining the effects of 

pollution on vegetation.  Damage to vegetation often results from acute exposure to 

pollution, but may also occur after prolonged or chronic exposures.  Acute exposures are 

typically manifested by internal physical damage to leaf tissues, while chronic exposures 

are more associated with the inhibition of physiological processes such as photosynthesis, 

carbon allocation, and stomatal functioning.  

 
Predicted ambient concentrations due to the proposed project will be below the NAAQS, 

which are designed to protect public health and welfare, including the environmental 

effects, from any unknown or adverse effects of air pollution, including effects on 
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vegetation.  Because CC will not contribute significantly to any exceedances of the 

NAAQS or PSD increments, it is expected that this project will have no adverse impacts 

on vegetation.  Table 7-1 shows a comparison of the modeled impacts of SO2 and NOX to 

the sensitive vegetation numbers shown in Table 3.1 of EPA document EPA-450/2-81-

078 “A screening Procedure for the Impacts of Air Pollution Sources on Plants, Soils, and 

Animals”.  It is evident from this table that modeled impacts from SO2 and NOX 

emissions from the proposed facility are significantly below values used for screening 

purposes.  

Table 7-1:  Impacts on Vegetation 

  AVERAGING
VEGETATION 
SENSITIVITY 

MODELED 
IMPACT 

POLLUTANT TIME SENSITIVE (ug/m3)* ug/m3 
       
 SO2 3 HR 786 135.22 (HFH) 
  ANNUAL 18 2.22 
      
NOx  ANNUAL 94 0.49 
* - Table 3.1 of EPA 450/2-81-078 "A Screening Procedure for the Impacts of Air Pollution Sources on 
Plants, Soils, and Animals” 

7.2.1  Sulfur Dioxide 
Short- and long-term exposure to sulfur dioxide has been shown to have detrimental 

effects on many plant species.   Numerous studies have been conducted studying the 

effects of SO2 on vegetation including crop plants, trees and shrubs, and herbaceous 

plants.  Symptoms of SO2 injury in leaves manifest as interveinal necrotic blotches in 

angiosperms and red brown banding in gymnosperms.  A number of the plant species 

studied include those found in Kentucky.  Species include red cedar (Juniperus 

virginiana), white oak (Quercus alba), sumac (Rhus spp.), white ash (Fraxinus 

americana), blackberry (Rubus sp.), American elm (Ulmus americana), Virginia pine 

(Pinus virginia), red maple (Acer rubrum), sweetgum (Liquidambar styraciflua), soybean 

(Glycine max), corn (Zea mays), tobacco (Nicotiana tabacum), tulip poplar (Liriodendron 

tulipifera), black willow (Salix nigra), and bracken fern (Pteridium aquilinum).  Injury 

threshold concentrations varied by species and dose (131-5240 ug/m3 for 8 hours, 393-

3930 ug/m3 for 2 hours, and 1310 ug/m3 for 4 hours), but were significantly higher than 

the SO2 emissions modeled (135.22 (HFH) ug/m3 for 3 hours) for CC.  Even lichens and 
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bryophytes, which are pollution bio-indicators due to their well documented sensitivity to 

air pollution, would not be affected by long term exposure to SO2 emissions (2.22 ug/m3 

ambient SO2 impact annually) from CC as they do not experience injury, decreased 

abundance, or lowered CO2 uptake until SO2 concentrations reach 5 to 40 ug/m3 SO2, 13 

to 26 ug/m3 SO2, and 400 ug/m3 SO2 respectively on an annual basis. 

 

7.2.2  Nitrogen Oxides 
During fuel combustion, atmospheric and fuel-bound nitrogen is oxidized to nitrogen 

oxide and small amounts of NO2.  The NO is photochemically oxidized to NO2, which is 

then subsequently consumed during the production of ozone and peroxyacetyl nitrates 

(PANs).  As with SO2 emission research, NO2 has been shown to deleteriously impact 

vegetation. Typical leaf injury responses include interveinal necrotic blotches similar to 

SO2 injury for angiosperms and red-brown distal necrosis in gymnosperms.  Injury 

threshold concentrations vary by species and dose, but are much higher than that of SO2 

as described above.  In general, short term, high concentrations of NO2 are required for 

deleterious impacts on plants.  Injury threshold concentrations for species growing in the 

area range from 3760 ug/m3 for 4 hours for tobacco to 7380 ug/m3 for tomato 

(Lycopersicon esculentum), bean (Phaseolus vulgaris), and annual sunflower (Helianthus 

annuus.  These concentrations are much greater than the average annual (0.49 ug/m3) 

NO2 emissions modeled to occur in the vicinity of CC. 

 

7.2.3  Ozone 
Ozone is not directly emitted from pollutant sources, such as vehicles or electric 

generating facilities.  Instead, ozone is formed in a reversible reaction between O2, O3, 

NOX, and VOCs.  Understandably, ozone levels are greatest in urban areas.  Background 

concentrations of O3 range from 39.9 to 59.9 ug/m3 in the eastern United States (Reich 

1987).  These concentrations do not injure plants.  Rather, chronic exposures to 

concentrations of greater than or equal to 196 ug/m3 O3 cause negative impacts to 

vegetation (Heath 1975).  Reductions in growth and photosynthesis of trees were seen at 

ozone levels of less than 200 ug/m3 (Pye 1988).  Trees which would be impacted by such 

levels of O3, include sugar, silver, and red maple, white ash, sweet gum, green ash, 

Cash Creek Generation, LLC 7-4          Cash Creek Generating Station            
Kentuckiana Engineering Co. Inc.          Submitted:  July 2005 
  Printed:  8/1/2005   



sycamore, black walnut, tulip poplar, Virginia pine, black locust (Robinia pseudoacacia), 

and loblolly pine (Pinus taeda).   More recently, Reiling and Davison (1992) found a 

reduction of growth rate in plants [lambs quarters, tobacco, nettles (Urtica dioica), 

common and English plantain (Plantago major and P. lanceolata), velvet grass (Holcus 

lanatus), and wild oats] after being fumigated with 139.7 ug/m3 O3 for two weeks.  

Visible symptoms of ozone injury manifest as upper surface flecks n angiosperms and 

can involve distal necrosis and stunted needles.   

 

It is difficult to determine the contribution the proposed facility will have on local or 

regional ambient O3 levels.  However, with the minimal VOC emissions from CC, the 

potential contribution of the plant to ozone levels in the immediate area is expected to be 

negligible.  

 

7.2.4  Carbon Monoxide 
Carbon Monoxide is not known to injure plants nor has it been shown to be taken up by 

plants.  Consequently, no adverse impacts on vegetation at or near CC are expected from 

stack CO emissions. 

 

7.2.5  Particulate Matter 
Small amounts of particulate matter are emitted from CC.  Particulates may contain trace 

elements and heavy metals such as arsenic, beryllium, fluoride, nickel, lead, mercury, and 

manganese.  These compounds have been shown to be detrimental to vegetation typically 

within the immediate vicinity of a source.  The proposed facility will emit small amounts 

of these compounds over the course of a year, so it is unlikely that these emissions will 

significantly impact vegetation adjacent to the facility.  This is more thoroughly 

addressed in Section 7.9.3 below. 

7.2.6  Synergistic Effects of Pollutants 
Air pollutants are known to act in concert to cause injury to or decrease the functioning of 

plants.  Synergistic refers to the combined effects of pollutants when impacts are greater 

than what is expected from the additive impact of the compounds.  The inhibitory effects 
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of SO2 and NO2, NO2 and O3; and O3 and SO2 have been reported in various short-term 

studies for crop plants (e.g., soybean, Vicia faba, sunflower, green bean, and tomato) and 

various tree species [e.g., eastern white pine (Pinus strobus), eastern cottonwood cultivar 

(Populus deltoides), sugar maple (Acer saccharum), white ash, black oak (Quercus 

velutina)].  Concentrations of pollutants in these studies are substantially higher than 

concentrations predicted to occur at the facility.  Consequently, no synergistic effects of 

the air pollutants are expected to inhibit vegetation at or near the facility. 

 

7.3  REVIEW OF SOIL IMPACTS 
The predominant soil types in the proximity to CC have been identified.  Impacts on 

these soil types, due to air emissions from CC were evaluated using the EPA Document 

EPA-450/2-81-078 A Screening Procedure for the Impacts of Air Pollution Sources on 

Plants, Soils, and Animals. 

 

Because some large air pollution sources can adversely impact the vegetation in an area, 

or impact soils such that there is an interference with plant and/or animal life in the area, 

the CAA and the PSD regulations require these issues to be evaluated as part of the 

permitting process for any large facility. 

 

General geology of the area shows that CC is located in an area characterized by 

Quaternary Alluvium and Loess deposits, principally from the Pleistocene and Holocene 

periods.  The lithology, evident in the rolling terrain to the west of the Green River and 

on the proposed site, is characterized by geologic formations of the Paleozoic Era 

including Pennsylvanian geologic formations (Heeshaw Formation, Lisman Formation, 

and Carbondale Formations).  They are characterized by limestone, shale, sandstone, and 

coal. 
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 Seventeen soil types are mapped at or near the project site (Soil Survey Henderson 

County, Kentucky).   

 

Calloway silt loam, 0 to 2 percent slope 
(CaA) 

Memphis silt loam, 2 to 6 percent slopes 
(MoB2) 

Dekoven and Wakeland silt loams (Dw) 
 

Memphis silty clay loam, 6 to 12 
percent slopes, severely eroded (MpC3) 

Falaya silt loam (Fa) 
 

Patton silt loam (Pa) 
 

Granada silt loam, 2 to 6 percent slopes 
(GrB) 

Robertsville silt loam (Rn) 
 

Loring silty clay loam, 6 to 12 percent 
slopes, severely eroded (LoC3) 

Taft Silt Loams (Ta) 
 

Loring silt loam, 6 to 12 percent slopes, 
eroded (LnC2) 

Uniontown silt loam, 0 to 2 percent 
slopes (UnA) 

Loring silt loam, 2 to 6 percent slopes 
(LnB) 

Uniontown silt loam, 2 to 6 percent 
slopes (UnB) 
 

Loring silty clay loam, 12 to 20 percent 
slopes, severely eroded (LoD3) 

Wellston silty clay loam, 12 to 20 
percent slopes, severely eroded (WoD3) 

Melvin silt loam (Mm) 
 

 

 

The Uniontown and Patton complexes account for approximately 1/2 of the soils at the 

Cash Creek site.  Descriptions of these and more minor soils in the site vicinity are as 

follows: 

 

Calloway soils are shallow, poorly drained, and loamy.  These soils are well suited for 

pasture but poorly suited for crops and the available water capacity is moderate.   

 

Dekoven and Wakeland are wet soils on broad, flat bottom lands.  Dekoven and 

Wakeland soils are deep but poorly drained.  These soils are suitable for crops, especially 

with installed drainage. The soils are very high in available water capacity.  Permeability 

is moderate to rapid.  They are not subject to erosion. 
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Falaya soils are shallow, poorly drained, and loamy.  The rooting zone is deep and 

permeable is rapid if drainage is installed.  The available water capacity is high.  Falaya 

soils are moderately suited to crops and well suited to hay and pasture.  This soil is not 

subject to erosion. 

 

Granada soils are shallow, moderately well drained, and loamy with moderate 

permeability.  The rooting zone is shallow and available water capacity is high.  The soil 

present in the vicinity of the site is suited to crops and moderately to well suited for hay 

and well suited to pasture.   

 

Loring soils are deep and well drained with a loamy surface layer over clay loam subsoil.  

The subsoil has a moderate to slow permeability.  The available water capacity is high to 

moderate.  Loring soils are well suited to crops, hay and pasture.  The soil has the 

potential to be highly erodible, in places. 

 

Melvin soils are located on flood plains and are deep and poorly drained.  Permeability is 

moderate.  The available water capacity is high but the rooting zone is restricted by a 

high water table except during the driest part of the growing season.  Undrained areas are 

poorly suited to crops except for water tolerant legumes and hay and moderately suited to 

pasture.  Flooding may delay planting or damage crops in some years.  It is not highly 

erodible. 

 

Memphis soils are deep, well drained silts.  The available water capacity is moderate.  

Memphis soils present in the vicinity of the site are suitable for crops, hay and pasture.  

Memphis soils are highly erodible.  

 

Patton soils are deep, poorly drained silty loams.  The available water capacity is high.  

Patton soils are suitable for crops, hay and pasture if drained.  Patton soils are highly 

unlikely to erode. 
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Robertsville soils are deep, poorly drained silty loams.  The available water capacity is 

low. Robertsville soils are suitable for crops, hay and pasture if drained, otherwise 

wetness limits productivity.  Robertsville soils are highly unlikely to erode. 

 

Taft soils are deep, poorly drained mixed sediments.  The available water capacity is 

high. Taft soils are suitable for crops, hay and pasture if drained, otherwise wetness limits 

productivity.  Taft soils are highly unlikely to erode. 

 

Uniontown soils are deep, well drained silts to silty clay loam.  The available water 

capacity is moderately low to high.   Uniontown soils present in the vicinity of the site are 

suitable for crops, hay and pasture.  Uniontown soils are highly erodible. 

 

Wellston soils are deep, sloping to strongly sloping well drained, strongly acid soils.  It is 

primarily made up of silts to silty clay loam.  The available water capacity is moderately 

low but permeability is high.   Wellston soils present in the vicinity of the site are suitable 

for crops, hay and pasture but primarily woodlands.   Wellston soils are highly erodible. 

 

As can be deduced from this information, the land surrounding the facility is suitable for 

a wide range of land-uses ranging from noncommercial forest to productive cropland to 

non-productive cropland, if left undrained.  Actual land-uses consist of noncommercial 

forest, pasture, some cropland, primarily cultivated for soybeans and the proximity of an 

operating coal mine.   

 

 
Sulfate and nitrate soil deposition caused by SO2 and NOX emissions can be either 

beneficial or detrimental to soils depending on the soil’s composition.  However, given 

the low emission levels on-site, the project should not significantly affect the soils on-site 

and in the vicinity. 

 
The NAAQS are intended to protect the public welfare from adverse effects of airborne 

emissions.  This protection extends to agricultural soil.  As demonstrated in Section 6.9, 

predicted maximum annual average concentrations from the proposed facility throughout 
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the study area are below the NAAQS.  Since the NAAQS protects against impacts on 

public health and welfare, no significant adverse impact on soil is anticipated due to 

emissions of criteria pollutants from the proposed facility.   

 

Table 7-2 shows the impacts on soils from Air Toxics as compared to levels shown in 

EPA document EPA-450/2-81-078 “A screening Procedure for the Impacts of Air 

Pollution Sources on Plants, Soils, and Animals”.  Table 7-3 shows the Air Toxic 

modeling results used in Table 7-2 to calculate the deposited soil concentrations (“DC”) 

and the potential concentrations in plant tissue (“TC”). 

 

As demonstrated in Table 7-2 below, the predicted impacts of the air toxics are below the 

screening levels set forth in EPA document EPA-450/2-81-078. 
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Table 7-2:  Soils and Vegetation Impacts

CALCULATED DEPOSITED SOIL CONCENTRATIONS POTENTIAL CONCENTRATIONS IN PLANT TISSUE

WHERE: WHERE:

     DC = DEPOSITED CONCENTRATION (PPMV)      TC = TISSUE CONCENTRATION

     N = EXPECTED LIFETIME OF SOURCE (YR)      DC = DEPOSITED CONCENTRATION

     d = DEPTH OF SOIL THROUGH WHICH DEPOSITED MATERIAL      CR = CONCENTRATION RATIO

       IS DISTRIBUTED (CM)

     X = MAXIMUM ANNUAL AVERAGE AMBIENT CONCENTRATION

       FROM THE SOURCE (ug/m3)

SCREENING LEVELS X DC (SOIL) TC (TISSUEPOLLUTANT SOIL* TISSUE* DIETARY* )CR***N**** d**

As 3.00 0.25 3.00 30 3 1.000E-05 0.140 2.150E-03 3.010E-04
Cd 2.50 3.00 15.00 30 3 1.000E-05 10.700 2.150E-03 2.301E-02
Co NA 19.00 2.00 30 3 4.000E-05 0.110 8.600E-03 9.460E-04
Se 13.00 100.00 15.00 30 3 3.000E-05 1.000 6.450E-03 6.450E-03
Cr 8.40 1.00 NA 30 3 3.000E-05 0.020 6.450E-03 1.290E-04
Fl (as HF) 400.00 310.00 200.00 30 3 2.500E-04 0.030 5.375E-02 1.613E-03
Pb 1000.00 126.00 115.00 30 3 1.000E-05 0.450 2.150E-03 9.675E-04
Mn 2.50 400.00 2500.00 30 3 8.000E-05 0.066 1.720E-02 1.135E-03
Hg 455.00 NA NA 30 3 3.000E-05 0.500 6.450E-03 3.225E-03
Ni 500.00 60.00 1000.00 30 3 3.000E-05 0.045 6.450E-03 2.903E-04
* = Values as recommended in Table 3.4 of EPA Document EPA 450/2-81-078
** = Values as recommended in Section 5.1.3 of EPA Document EPA 450/2-81-078
*** = Values as recommended in Table 3.6 of EPA Document EPA 450/2-81-078
**** - Estimated Life of Units
ND = Non-Detect

. /Xd
NDC 5.21+ CRxppmwDCppmwTC )()( +
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Table 7-3:  Air Toxics Modeling Results

Region 9 Region 9
PRG PRG/IRIS

MODEL 1990 1991 1992 1993 1994 5 YR MAX HQ=1 Annual
POLLUTANT PREFIX ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

ug/m3 ug/m3
Antimony AN

24 HR HFH 8.00E-05 1.00E-04 1.00E-04 8.00E-05 1.20E-04 1.20E-04
ANNUAL 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05

Arsenic AS
24 HR HFH 2.00E-05 2.00E-05 2.00E-05 2.00E-05 3.00E-05 3.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 4.50E-04 YES
Beryllium BE

24 HR HFH 2.00E-05 2.00E-05 2.00E-05 2.00E-05 3.00E-05 3.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 2.10E-02 YES 8.00E-04 YES

Cadmium CD
24 HR HFH 4.00E-05 5.00E-05 5.00E-05 4.00E-05 7.00E-05 7.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.10E-03 YES
Total Chromium CR

24 HR HFH 3.40E-04 4.20E-04 4.20E-04 3.30E-04 5.10E-04 5.10E-04
ANNUAL 3.00E-05 3.00E-05 2.00E-05 3.00E-05 3.00E-05 3.00E-05 8.00E-03 YES 1.60E-04 YES

Cobalt CO
24 HR HFH 4.60E-04 5.50E-04 5.60E-04 4.40E-04 6.80E-04 6.80E-04

ANNUAL 4.00E-05 4.00E-05 3.00E-05 3.00E-05 3.00E-05 4.00E-05 2.10E-02 YES 6.90E-04 YES
Manganesse MN

24 HR HFH 9.80E-04 1.19E-03 0..120 9.40E-04 1.47E-03 1.47E-03
ANNUAL 8.00E-05 8.00E-05 6.00E-05 7.00E-05 7.00E-05 8.00E-05 5.10E-02 YES

Mercury HG
24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04

ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.10E-01 YES
Nickle NI

24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04
ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05

Selenium SE
24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04

ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05
Lead PB

24 HR HFH 1.00E-04 1.20E-04 1.20E-04 1.00E-04 1.50E-04 1.50E-04
ANNUAL 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05

MODELED IMPACTS IS 5 YR 
MAX LESS 

THAN 
HQ=1?

IS 5 YR MAX 
LESS THAN 

PRG?
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7.4  REVIEW OF SECONDARY GROWTH 
CC is expected to impact employment in the area.  The building phase will last 

approximately three years.  During the construction phase, peak employment is forecast 

to reach 1,000 employees.  Projected employment reflecting full time jobs directly tied to 

the operation of CC is estimated to involve 200-300 people.  These employment 

opportunities and the economic activity generated by CC, will result in additional 

secondary employment activities. 

 

The aforementioned employment activity is expected to result in residential and 

commercial growth in the immediate vicinity of the plant.  This increase in economic 

activity will result in secondary air emissions (i.e. increased vehicular use) but is not 

expected to significantly impact air quality. 

 
7.5  CONCLUSION 
Based on the results of the additional impact analysis, the increase in emissions from CC 

will be in compliance with all applicable requirements. 
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8. AIR TOXICS ANALYSIS 

8.1    COMPARISON OF IMPACTS WITH EPA INTEGRATED RISK 
INFORMATION SYSTEM AS DERIVED FROM REGION 9 PRG TABLES 

Toxic air pollutants have been addressed using the Region 9 PRG Tables for comparison.  

Table 8-1 shows the emissions of air toxics for CC and Table 8-2 shows the impacts of 

each air toxic modeled as compared to the Region 9 PRG values where available. 
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Table 8-1:  Summary of Hourly Air Toxic Emissions from CCG

MODEL Syngas Syngas Natural Gas Natural Gas Natural Gas Natural Gas Natural Gas Natural Gas
PREFIX lbs/hr G/S lbs/hr G/S lbs/hr G/S lbs/hr G/S Combustion Turbines FIRE PUMP FLARE

HAPS EACH EACH EACH EACH EACH EACH EACH EACH
Metallic HAPS G/S G/S G/S

Antimony AN 1.44E-03 1.82E-04 ND ND ND ND ND ND 1.82E-04
Arsenic AS 3.44E-04 4.34E-05 ND ND 4.80E-07 6.05E-08 5.10E-08 6.43E-09 4.34E-05 6.05E-08 6.43E-09
Beryllium BE 3.44E-04 4.34E-05 ND ND 2.88E-08 3.63E-09 3.06E-09 3.86E-10 4.34E-05 3.63E-09 3.86E-10
Cadmium CD 7.75E-04 9.76E-05 ND ND 2.64E-06 3.33E-07 2.81E-07 3.54E-08 9.76E-05 3.33E-07 3.54E-08
Chromium CR 6.03E-03 7.59E-04 ND ND 3.36E-06 4.23E-07 3.57E-07 4.50E-08 7.59E-04 4.23E-07 4.50E-08
Cobalt CO 8.01E-03 1.01E-03 ND ND 2.02E-07 2.55E-08 2.14E-08 2.70E-09 1.01E-03 2.55E-08 2.70E-09
Manganesse MN 1.72E-02 2.17E-03 ND ND 9.12E-07 1.15E-07 9.69E-08 1.22E-08 2.17E-03 1.15E-07 1.22E-08
Mercury HG 6.78E-03 8.55E-04 ND ND 6.24E-07 7.86E-08 6.63E-08 8.35E-09 8.55E-04 7.86E-08 8.35E-09
Nickle NI 6.78E-03 8.55E-04 ND ND 5.04E-06 6.35E-07 5.36E-07 6.75E-08 8.55E-04 6.35E-07 6.75E-08
Selenium SE 6.78E-03 8.55E-04 ND ND 5.76E-08 7.26E-09 6.12E-09 7.71E-10 8.55E-04 7.26E-09 7.71E-10
Lead PB 1.77E-03 2.23E-04 ND ND 1.20E-06 1.51E-07 1.28E-07 1.61E-08 2.23E-04 1.51E-07 1.61E-08

Organic HAPS

2-Methylnaphthalene 2MN ND ND ND ND 5.76E-08 7.26E-09 6.12E-09 7.71E-10 7.26E-09 7.71E-10
3-Methylchloranthrene 3MC ND ND ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.44E-10 5.78E-11
7,12-Dimethylbenz(a)anthracene 712DMB ND ND ND ND 3.84E-08 4.84E-09 4.08E-09 5.14E-10 4.84E-09 5.14E-10
Acenaphthene ACNP ND ND ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.44E-10 5.78E-11
Acenaphthylene ACNP1 4.30E-04 5.42E-05 ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.42E-05 5.44E-10 5.78E-11
Acetaldehyde ACE ND ND 6.39E-02 8.05E-03 ND ND ND ND 8.05E-03
Acrolein ACR ND ND 1.02E-02 1.29E-03 ND ND ND ND 1.29E-03
Anthracene ANT ND ND ND ND 5.76E-09 7.26E-10 6.12E-10 7.71E-11 7.26E-10 7.71E-11
Benz(a)anthracene BAA 3.96E-06 4.99E-07 ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 4.99E-07 5.44E-10 5.78E-11
Benzene BEN 3.44E-02 4.34E-03 1.92E-02 2.41E-03 5.04E-06 6.35E-07 5.36E-07 6.75E-08 4.34E-03 6.35E-07 6.75E-08
Benzo(a)pyrene BAP 9.64E-06 1.21E-06 ND ND 2.88E-09 3.63E-10 3.06E-10 3.86E-11 1.21E-06 3.63E-10 3.86E-11
Benzo(b)fluoranthene BbF ND ND ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.44E-10 5.78E-11
Benzo(g,h,i)perylene BhP 1.65E-05 2.08E-06 ND ND 2.88E-09 3.63E-10 3.06E-10 3.86E-11 2.08E-06 3.63E-10 3.86E-11
Benzo(k)fluoranthene BkF ND ND ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.44E-10 5.78E-11
1,3-Butadiene 13BD ND ND 6.86E-04 8.65E-05 ND ND ND ND 8.65E-05
Chrysene CHR ND ND ND ND 4.32E-09 5.44E-10 4.59E-10 5.78E-11 5.44E-10 5.78E-11
Dibenzo(a,h)anthracene DBAA ND ND ND ND 2.88E-09 3.63E-10 3.06E-10 3.86E-11 3.63E-10 3.86E-11
Dichlorobenzene DCB ND ND ND ND 2.88E-06 3.63E-07 3.06E-07 3.86E-08 3.63E-07 3.86E-08
Ethyl Benzene EB ND ND 5.11E-02 6.44E-03 ND ND ND ND 6.44E-03
Fluoranthene FLA ND ND ND ND 7.20E-09 9.07E-10 7.65E-10 9.64E-11 9.07E-10 9.64E-11
Fluorene FLE ND ND ND ND 6.72E-09 8.47E-10 7.14E-10 9.00E-11 8.47E-10 9.00E-11
Formaldehyde FORM 2.93E-02 3.69E-03 1.13E+00 1.43E-01 1.80E-04 2.27E-05 1.91E-05 2.41E-06 1.43E-01 2.27E-05 2.41E-06
HCl (assume all Chlorides are HCl) HCL 1.03E+00 1.30E-01 ND ND ND ND ND ND 1.30E-01
Hexane HX ND ND ND ND 4.32E-03 5.44E-04 4.59E-04 5.78E-05 5.44E-04 5.78E-05
HF (assume all Fluorides are HF) HF 5.17E-02 6.51E-03 ND ND ND ND ND ND 6.51E-03
Indeno(1,2,3-cd)pyrene IDP ND ND ND ND 4.22E-09 5.32E-10 4.59E-10 5.78E-11 5.32E-10 5.78E-11

100% LOAD
Combustion Turbines

MAXIMUM EMISSION RATES
FIRE PUMP FLARE
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Table 8-1:  Summary of Hourly Air Toxic Emissions from CCG

MODEL Syngas Syngas Natural Gas Natural Gas Natural Gas Natural Gas Natural Gas Natural Gas
PREFIX lbs/hr G/S lbs/hr G/S lbs/hr G/S lbs/hr G/S Combustion Turbines FIRE PUMP FLARE

HAPS EACH EACH EACH EACH EACH EACH EACH EACH

100% LOAD
Combustion Turbines

MAXIMUM EMISSION RATES
FIRE PUMP FLARE

Naphthalene NAPH 6.89E-04 8.68E-05 2.08E-03 2.61E-04 1.46E-06 1.84E-07 1.56E-07 1.97E-08 2.61E-04 1.84E-07 1.97E-08
PAH PAH ND ND 3.51E-03 4.43E-04 ND ND ND ND 4.43E-04
Phenanthrene PHA ND ND ND ND 4.08E-08 5.14E-09 4.34E-09 5.47E-10 5.14E-09 5.47E-10
Propylene Oxide PO ND ND 4.63E-02 5.83E-03 ND ND ND ND 5.83E-03
Pyrene PYR ND ND ND ND 1.20E-08 1.51E-09 1.28E-09 1.61E-10 1.51E-09 1.61E-10
Toluene TOL 5.68E-03 7.16E-04 2.08E-01 2.61E-02 8.16E-06 1.03E-06 8.67E-07 1.09E-07 2.61E-02 1.03E-06 1.09E-07
Xylenes XYL ND ND 1.02E-01 1.29E-02 ND ND ND ND 1.29E-02
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Table 8-2  Air Toxics Modeling Results

Region 9 Region 9
PRG PRG/IRIS

MODEL 1990 1991 1992 1993 1994 5 YR MAX HQ=1 Annual
POLLUTANT PREFIX ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

ug/m3 ug/m3
Antimony AN

24 HR HFH 8.00E-05 1.00E-04 1.00E-04 8.00E-05 1.20E-04 1.20E-04
ANNUAL 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05

Arsenic AS
24 HR HFH 2.00E-05 2.00E-05 2.00E-05 2.00E-05 3.00E-05 3.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 4.50E-04 YES
Beryllium BE

24 HR HFH 2.00E-05 2.00E-05 2.00E-05 2.00E-05 3.00E-05 3.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 2.10E-02 YES 8.00E-04 YES

Cadmium CD
24 HR HFH 4.00E-05 5.00E-05 5.00E-05 4.00E-05 7.00E-05 7.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.10E-03 YES
Total Chromium CR

24 HR HFH 3.40E-04 4.20E-04 4.20E-04 3.30E-04 5.10E-04 5.10E-04
ANNUAL 3.00E-05 3.00E-05 2.00E-05 3.00E-05 3.00E-05 3.00E-05 8.00E-03 YES 1.60E-04 YES

Cobalt CO
24 HR HFH 4.60E-04 5.50E-04 5.60E-04 4.40E-04 6.80E-04 6.80E-04

ANNUAL 4.00E-05 4.00E-05 3.00E-05 3.00E-05 3.00E-05 4.00E-05 2.10E-02 YES 6.90E-04 YES
Manganesse MN

24 HR HFH 9.80E-04 1.19E-03 0..120 9.40E-04 1.47E-03 1.47E-03
ANNUAL 8.00E-05 8.00E-05 6.00E-05 7.00E-05 7.00E-05 8.00E-05 5.10E-02 YES

Mercury HG
24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04

ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.10E-01 YES
Nickle NI

24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04
ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05

Selenium SE
24 HR HFH 3.90E-04 4.70E-04 4.70E-04 3.70E-04 5.80E-04 5.80E-04

ANNUAL 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05 3.00E-05
Lead PB

24 HR HFH 1.00E-04 1.20E-04 1.20E-04 1.00E-04 1.50E-04 1.50E-04
ANNUAL 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05

2-Methylnaphthalene 2MN

MODELED IMPACTS IS 5 YR 
MAX LESS 

THAN 
HQ=1?

IS 5 YR MAX 
LESS THAN 

PRG?
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Table 8-2  Air Toxics Modeling Results

Region 9 Region 9
PRG PRG/IRIS

MODEL 1990 1991 1992 1993 1994 5 YR MAX HQ=1 Annual
POLLUTANT PREFIX ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

ug/m3 ug/m3

MODELED IMPACTS IS 5 YR 
MAX LESS 

THAN 
HQ=1?

IS 5 YR MAX 
LESS THAN 

PRG?

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

3-Methylchloranthrene 3MC
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
7,12-Dimethylbenz(a)anthracene 712DMB

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Acenaphthene ACNP
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 2.20E+02 YES
Acenaphthylene ACNP1

24 HR HFH 2.00E-05 3.00E-05 3.00E-05 2.00E-05 4.00E-05 4.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Acetaldehyde ACE
24 HR HFH 3.64E-03 4.40E-03 4.44E-03 3.47E-03 5.45E-03 5.45E-03

ANNUAL 3.00E-04 3.00E-04 2.40E-04 2.80E-04 2.70E-04 3.00E-04
Acrolein ACR

24 HR HFH 5.80E-04 7.10E-04 7.10E-04 5.60E-04 0.00E+00 7.10E-04
ANNUAL 5.00E-05 5.00E-05 4.00E-05 4.00E-05 8.70E-04 8.70E-04 2.10E-02 YES

Anthracene ANT
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.10E+03 YES
Benz(a)anthracene BAA

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Benzene BEN
24 HR HFH 1.96E-03 2.37E-03 2.39E-03 1.87E-03 2.94E-03 2.94E-03

ANNUAL 1.60E-04 1.60E-04 1.30E-04 1.50E-04 1.50E-04 1.60E-04 2.30E-01 YES 6.20E+00 YES
Benzo(a)pyrene BAP

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-04 YES

Benzo(b)fluoranthene BbF
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
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Table 8-2  Air Toxics Modeling Results

Region 9 Region 9
PRG PRG/IRIS

MODEL 1990 1991 1992 1993 1994 5 YR MAX HQ=1 Annual
POLLUTANT PREFIX ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

ug/m3 ug/m3

MODELED IMPACTS IS 5 YR 
MAX LESS 

THAN 
HQ=1?

IS 5 YR MAX 
LESS THAN 

PRG?

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-03 YES
Benzo(g,h,i)perylene BhP

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Benzo(k)fluoranthene BkF
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-02 YES
1,3-Butadiene 13BD

24 HR HFH 4.00E-05 5.00E-05 5.00E-05 4.00E-05 6.00E-05 6.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Chrysene CHR
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-01 YES
Dibenzo(a,h)anthracene DBAA

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-04 YES

Dichlorobenzene DCB
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.10E+03 YES 3.10E-01 YES
Ethyl Benzene EB

24 HR HFH 2.91E-03 3.52E-03 3.55E-03 2.78E-03 4.36E-03 4.36E-03
ANNUAL 2.40E-04 2.40E-04 1.90E-04 2.20E-04 2.20E-04 2.40E-04 1.10E+03 YES 1.70E+00 YES

Fluoranthene FLA
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.50E+02 YES
Fluorene FLE

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.50E+02 YES

Formaldehyde FORM
24 HR HFH 6.46E-02 7.82E-02 7.89E-02 6.17E-02 9.68E-02 9.68E-02

ANNUAL 5.40E-03 0..537 4.22E-03 4.90E-03 4.80E-03 5.40E-03 1.50E-01 YES
Hexane HX

24 HR HFH 2.56E-03 1.79E-03 1.94E-03 2.05E-03 1.88E-03 2.56E-03 2.10E+02 YES
ANNUAL 2.00E-05 2.00E-05 2.00E-05 2.00E-05 2.00E-05 2.00E-05
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Table 8-2  Air Toxics Modeling Results

Region 9 Region 9
PRG PRG/IRIS

MODEL 1990 1991 1992 1993 1994 5 YR MAX HQ=1 Annual
POLLUTANT PREFIX ug/m3 ug/m3 ug/m3 ug/m3 ug/m3 ug/m3

ug/m3 ug/m3

MODELED IMPACTS IS 5 YR 
MAX LESS 

THAN 
HQ=1?

IS 5 YR MAX 
LESS THAN 

PRG?

Indeno(1,2,3-cd)pyrene IDP
24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 9.20E-03 YES
Naphthalene NAPH

24 HR HFH 1.20E-04 1.40E-04 1.40E-04 1.10E-04 1.80E-04 1.80E-04 3.00E+00 YES
ANNUAL 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05 1.00E-05

PAH PAH
24 HR HFH 2.00E-04 2.40E-04 2.40E-04 1.90E-04 3.00E-04 3.00E-04

ANNUAL 2.00E-05 2.00E-05 1.00E-05 2.00E-05 1.00E-05 2.00E-05
Phenanthrene PHA

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05

Propylene Oxide PO
24 HR HFH 2.63E-03 3.19E-03 3.22E-03 2.52E-03 3.95E-03 3.95E-03

ANNUAL 2.20E-04 2.20E-04 1.70E-04 2.00E-04 2.00E-04 2.20E-04 3.10E+01 YES 5.20E-01 YES
Pyrene PYR

24 HR HFH <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05
ANNUAL <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 <1.0E-5 1.00E-05 1.10E+02 YES

Toluene TOL
24 HR HFH 1.18E-02 1.43E-02 1.44E-02 1.13E-03 1.77E-02 1.77E-02

ANNUAL 9.90E-04 9.80E-04 7.70E-04 8.90E-04 8.80E-04 9.90E-04 4.00E+02 YES
XYLENES XYL

24 HR HFH 5.83E-03 7.06E-03 7.12E-03 5.57E-03 8.73E-03 8.73E-03
ANNUAL 4.90E-04 4.80E-04 3.80E-04 4.40E-04 4.30E-04 4.90E-04 1.00E+02 YES

HF (assume all Fluorides are HF) HF
24 HR HFH 2.94E-03 3.56E-03 3.59E-03 2.81E-03 4.41E-03 4.41E-03

ANNUAL 2.50E-04 2.40E-04 1.90E-04 2.20E-04 2.20E-04 2.50E-04
HCl (assume all Chlorides are HCl) HCL

24 HR HFH 5.87E-02 7.11E-02 7.17E-02 5.61E-02 8.80E-02 8.80E-02
ANNUAL 4.91E-03 4.88E-03 3.84E-03 4.45E-03 4.36E-03 4.91E-03 2.10E+01 YES
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8.2  CONCLUSION 
Based on the results of the air toxic analysis, the increase in emissions from CC will be in 

compliance with all applicable requirements. 
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9. CLASS I ANALYSIS 

9.1  INTRODUCTION 
The purpose of this modeling is to assess the ambient air quality impacts of sulfur dioxide 

(SO2), particulate matter with an equivalent diameter less than or equal to 10 microns 

(PM10), and nitrogen oxides (NOX) emissions, total deposition of nitrogen (“N”) and 

sulfur (“S”), and the change in visibility on Mammoth Cave National Park (“MCNP”)..  

 

Predicted concentrations due to the proposed emissions were compared to Significant 

Impact Levels (SILs) at the MCNP, which is designated as a Federal Class I area. The 

MCNP is located approximately 116 KM to the southeast of the proposed facility. There 

are no other Class I areas located within 200 KM of the proposed facility. If the predicted 

concentration due to the proposed net emissions increase is less than the SIL, then a 

cumulative impact analysis is not required to demonstrate compliance with the Air 

Quality Related Values. If the predicted concentrations exceed the SIL for any pollutant, 

then a cumulative impact analysis must be performed. Predicted total concentrations will 

be compared to State and Federal Ambient Air Quality Standards (AAQS) and Class I 

PSD increments. A non-steady-state modeling approach which evaluated the effects of 

spatial changes in the meteorological and surface characteristics was necessary to 

properly evaluate the air quality impacts of the emissions sources.  

 

The CALMET and CALPUFF non-steady state models were used for the modeling 

analysis.   The CalPuff View Package Version 1.1 from Lakes Environmental was used. 

 

CALMET is a diagnostic meteorological model that produces three-dimensional wind 

fields based on parameterized treatments of terrain effects such as slope flows, terrain 

blocking effects, and kinematic effects. Meteorological observations are used to 

determine the wind field in areas where the observations are representative. Gridded 

hourly meteorological data produced by the Penn State Mesoscale Model are used by 

CALMET to help define the initial estimate of the wind fields. Fine scale terrain effects 

are determined by the diagnostic wind module in CALMET.  

Cash Creek Generation, LLC  
KENTUCKIANA ENGINEERING CO., INC.  Submitted:  July 2005 
  Printed:  8/1/2005  

Cash Creek Generation, LLC 9-1 Cash Creek Generating Station 



CALPUFF is a non-steady-state puff dispersion model. It accounts for spatial changes in 

the CALMET-produced meteorological fields, variability in surface conditions 

(elevation, surface roughness, vegetation type, etc.), chemical transformation, wet 

removal due to rain and snow, dry deposition, and terrain influences on plume interaction 

with the surface. CALPUFF contains a module to compute visibility effects, based on a 

humidity-dependent relationship between particulate matter concentrations and light 

extinction, as well as wet and dry acid deposition fluxes. Meteorological and dispersion 

modeling simulations were conducted for a three-year period (1990, 1992, and 1996). 

These years have been selected based on the availability from the National Park Service 

of the Penn State Mesoscale Model datasets. For year 1990, Fourth Generation Mesoscale 

Model (MM4) data on a coarse-grid (80-km resolution) is available. For year 1992, Fifth 

Generation Mesoscale Model (MM5) data on a coarse-grid (80-km resolution) is 

available. Finally, for year 1996, Fifth Generation Mesoscale Model (MM5) data using a 

fine-grid resolution of 36 km is available. Short-term and long-term average 

concentrations of SO2, PM10, NOX, and their secondary products resulting from emissions 

from CC are predicted by the model at receptors in the Class I area. In addition, impacts 

on visibility, acid deposition, and other air quality related values in the Class I area were 

determined.  

 

9.2 SOURCE DESCRIPTION  

9.2.1  Source Data  
 

The proposed CC plant will be located in Henderson County, KY, approximately 17 KM 

southeast of Henderson, KY.  During a conference call with the National Park Service 

(“NPS”) on June 21, 2005, CC proposed PM speciation data that would be used in the 

Class I modeling.  During this conference call, the NPS agreed with the PM speciation 

data and requested that CC submit a Class I modeling protocol to address these 

emissions.  CC recommended that the protocol be an addendum to the original Class I 

modeling protocol and only address the process changes, emission changes, and stack 

parameters.  The NPS agreed to this approach and the Class I modeling Protocol 
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Addendum #1 (Appendix J) was submitted to the NPS, EPA Region IV, and KYDAQ on 

June 24, 2005.   

9.2.2  Modeled Emissions 
As discussed in the conference call on June 21, 2005, CC based the PM speciation on 

both data for PC boilers and conservative assumptions based on engineering judgment.  

The worst case scenario occurs when the combustion turbines are combusting syngas.  

Emission limits on particulate matter of 10 microns or less (“PM10”) filterable, sulfur 

dioxide (“SO2”), sulfuric acid (“H2SO4”), hydrochloric acid (“HCl”), hydrogen fluoride 

(“HF”), mercury (“Hg”), lead (“Pb”), beryllium (“Be”), selenium (“Se”), arsenic (“As”), 

and volatile organic compounds (“VOC”) were proposed based on design parameters 

furnished by GE.  Emissions from the HRSG stacks modeled in CALPUFF included fine 

particulate matter (“PMF”), SO2, nitrogen oxides (“NOx”), secondary organic aerosols 

(“SOA”), elemental carbon (“EC”), and sulfates (“SO4”). 

 

In order to determine the PMF emissions, emissions of condensable PM10 were assumed 

to be the sum of H2SO4, HCl, HF, Hg, Pb, Be, Se, As, and VOC emissions.  Total PM10 

emissions were calculated as the sum of PM10 filterable and PM10 condensable emissions.  

The modeled PMF emissions were then determined by subtracting emissions of SO4, EC, 

and SOA from the total PM10 emissions, since these are modeled separately by 

CALPUFF.  A failure to subtract these emissions from the total PM10 emissions would 

result in double counting these emissions. 

 

The NOx emissions are based on the NOx limits while burning syngas in both 

combustion turbine/HRSG units. 

 

The SOA emissions are based on the NPS PC boiler speciation spreadsheet that shows 

the SOA to be 20 percent of the total PM10 condensable emissions.   

 

The EC emissions are based on the NPS PC boiler speciation spreadsheet that shows the 

EC to be 1.9 percent of the PM10 filterable emissions.  
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The SO4 is based on the ratio of molecular weights of SO4 to H2SO4 (96/98). 

 

The modeling also included emissions of SO2 and NOx from the Thermal Oxidizer based 

on system design parameters from GE and emissions of PMF, SO2, and NOx from the 

flare as a result of pilot (natural gas) combustion.  The PMF emissions from the flare are 

based on total PM10 emissions which include both filterable and condensable PM10 

emissions. 

 

The emissions rates modeled are shown in Tables 9-1 through 9-3 below. 
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Table 9-1:  HRSG Emission Rates 
HRSG EMISSIONS – EACH   
  lbs/MMBtu MMBtu lbs/hr 
PM10 filterable 0.007 1721.5 12.0505
PM10 condensable 0.011739 1721.5 20.2092
PM10 total 0.018739 1721.5 32.25972
SOA 0.002348 1721.5 4.041844
EC 0.000133 1721.5 0.2290
SO4 0.004996 1721.5 8.600473
SO2 0.043 1721.5 74.025
NOX

* 0.057999 1721.5 99.845
VOC 0.006 1721.5 10.329
      
PM10 condensable    
H2SO4 0.0051 1721.5 8.7797
HCl 6.00E-04 1721.5 1.0329
HF 3.00E-05 1721.5 0.0516
Hg 3.94E-06 1721.5 0.0068
Pb 1.03E-06 1721.5 0.0018
Be 2.00E-07 1721.5 0.0003
Se 3.94E-06 1721.5 0.0068
As 2.00E-07 1721.5 0.0003
VOC*** 6.00E-03 1721.5 10.3290
    20.2092
      
EC 0.019 12.0505 0.2290
1.9% of PM10 filterable    
      
SO4 8.7797 0.979592 8.600473
MW Ratio of 0.979592 (96/98)   
      
SOA 0.2 20.2092 4.041844
20% of PM10 condensable    
      
MODELED EMISSION RATES – LBS/HR 
PMF 19.3884    
SO2 74.025    
NOX

* 99.845 SYNGAS AS FUEL 
SOA 4.041844    
EC 0.2290    
SO4 8.600473     
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Table 9-2:  Thermal Oxidizer Emissions 
THERMAL OXIDIZER 

      
      
  lbs/hr    
PM10 filterable 0    
PM10 condensable 0    
PM10 total 0    
SO2 0.0138    
NOX 0.0000794    
      
      

MODELED EMISSION RATES - LBS/HR 
PMF 0    
SO2 0.0138    
NOX 0.0000794    
SOA 0    
EC 0    
SO4 0    
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Table 9-3:  Flare Emissions 
FLARE (PILOT) 

     
     
  lbs/hr   
PM10 filterable 0.002   
PM10 condensable 0.00145   
PM10 total 0.00345   
SO2 0.000153   
NOX 0.0255   
     
     

MODELED EMISSION RATES - LBS/HR 
PMF 0.00345   
SO2 0.000153   
NOX 0.0255   
SOA 0   
EC 0   
SO4 0   
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The following table, Table 9-4, shows a summary of the modeled emission rates for all four emission sources. 

 

Table 9-4:  Modeled Emission Rate Summary 
        

    MODELED EMISSIONS - SYNGAS 
SOURCE   PMF  SO2 NOX SOA EC SO4

ID DESCRIPTION     lbs/hr lbs/hr lbs/hr lbs/hr lbs/hr lbs/hr
                
HRSG1  HRSG STACK 1 19.3884 74.025 99.845 4.041844 0.229 8.600473
                
HRSG2  HRSG STACK 2 19.3884 74.025 99.845 4.041844 0.229 8.600473
                
TO  THERMAL OXIDIZER 0 0.0138 0.0000794 0 0 0
                
FLARE  FLARE 0.00345 0.000153 0.0255 0 0 0
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9.3 GEOPHYSICAL AND METEOROLOGICAL DATA  

9.3.1  Modeling Domain and Terrain  
 

Gridded terrain elevations for the proposed modeling domain are derived from 3 

arcsecond digital elevation models (DEMs) produced by the United States Geological 

Survey (USGS). Data are provided in files covering 1 degree by 1 degree blocks of 

latitude and longitude. The 1-degree DEMs are produced by the Defense Mapping 

Agency using cartographic and photographic sources. USGS 1:250,000 scale topographic 

maps are the primary source of 1-degree DEMs. One degree DEM data consists of an 

array of 1201 by 1201 elevations referenced on the geographic (latitude/longitude) 

coordinate system of the World Geodetic System 1972 Datum. Elevations are in meters 

relative to mean sea level, and the spacing of the elevations along each profile is 3 arc-

seconds, which corresponds to a spacing of approximately 90 meters. The proposed 

CALMET computational domain is located in the western portion of KY. The entire 

domain covers an area of 291 km by 228 km (Figure 9-1). There are topographical 

features in the eastern part of the domain where the highest elevations are located, 

reaching a peak of approximately 275 meters. The base elevation of the proposed facility 

is 129.6 m, so the maximum terrain relief is 145 m. The northern and eastern boundaries 

of the domain are a minimum of 50 km from the facility. The domain includes the MCNP 

and a buffer zone of at least 50 km to the south and west of this Class I area. A resolution 

of 3.0 km in the horizontal is proposed to resolve the variations of the terrain elevations 

in the area. The USGS elevation records located within each grid cell in the 

computational domain are averaged to produce a mean elevation at each grid point. A 3.0 

km resolution produces a workable number of grid cells (97 x 76) and allows adequate 

representation of the important terrain features. The proposed CALPUFF computational 

domain is the same as the CALMET domain. The domain extends at least 50 km beyond 

the Class I area and around the facility in order to provide an adequate buffer zone at the 

boundaries, and to allow the effects of flow curvature and possible small-scale 

recirculation to be evaluated.    
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FIGURE 9-1:  MODELING DOMAIN 
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9.3.2 Land Use  
 
The USGS Land Use data within the CALMET/CALPUFF domain have been used to 

produce a gridded field of dominant land use categories. The land use data were obtained 

in Composite Theme Grid format (CTG) from the USGS, with a resolution of 200 m. 

Land use data were processed to produce a 3.0 km resolution gridded field of fractional 

land use categories. The 37 USGS land use categories were then mapped into 14 

CALMET land use categories. Surface properties such as albedo, Bowen ratio, roughness 

length, and leaf area index were computed proportionally to the fractional land use.  

 

9.3.3 Meteorological Data Base  
 
The CALMET diagnostic model requires surface observations of wind speed, wind 

direction, temperature, cloud cover, ceiling height, surface pressure, relative humidity, 

and precipitation type (e.g., snow, rain, etc.). These variables are routinely measured at 

National Weather Service (“NWS”) surface stations. The upper air data include twice-

daily observations of vertical profiles of wind speed, wind direction, temperature, and 

pressure. In addition, hourly precipitation measurements are required for wet deposition 

calculations in CALPUFF. Optionally, three dimensional gridded data sets from a 

prognostic numerical model could be included also. One of the sources of meteorological 

data used is the three dimensional gridded data produced by the Forth or the Fifth 

Generation Penn State/NCAR (National Center for Atmospheric Research) Mesoscale 

Model, known as MM4 or MM5. The MM4 and MM5 data sets consist of hourly values 

of wind speed, wind direction, temperature and pressure on a grid that covers the entire 

continental United States, southern Canada, and northern Mexico. The MM4 and MM5 

data on a 80-km grid are available for the years 1990 and 1992 respectively. These data 

sets have 23 levels in vertical (15 sigma levels, 7 standard pressure levels and one surface 

level). The MM5 data on a 36-km grid is available for the year 1996. In vertical, this data 

set has 23 levels (23 sigma levels). The years 1990, 1992, and 1996 were used in the 

simulations in order to allow inclusion of the MM4/MM5 datasets in modeling.    
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The CALMET simulations used three-dimensional gridded MM4/MM5 data along with 

available surface observations and upper air soundings for a three year period. Missing 

upper air soundings were substituted with data derived from the MM4/MM5 gridded 

data.  

9.3.3.1  Precipitation Stations 
The precipitation stations used for the 1990, 1992 and 1996 CALPUFF Class I refined 
runs are contained in Appendix K. 
 

9.3.3.2  Surface Stations 
The surface stations used for the 1990, 1992 and 1996 CALPUFF Class I refined runs are 
contained in Appendix K. 
 

93.3.3  Upper Air Stations 
The upper air stations used for the 1990, 1992 and 1996 CALPUFF Class I refined runs 
are contained in Appendix K. 
 

 9.3.4 Air Quality Monitoring Data  
 
CALPUFF uses hourly ozone concentration measurements in the chemical 

transformation rates (SO2 to SO4, NOX to HNO3/NO3). The ambient ozone measurements 

from for 1990, 1992 and 1996 are used in determining SO2 loss rates due to chemical 

transformation to sulfate and in determining NOX loss rates to nitrate.   If simulations 

with 0.5 ppb NH3 indicate exceedance of the visibility threshold, CASTNET data are 

used to estimate time varying ammonia concentrations which are used in the POSTUTIL 

postprocessor to repartition HNO3 and NO3 based on the consideration of ammonia 

limiting effects.    
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9.4 AIR QUALITY MODELING METHODOLOGY  

9.4.1  Model Selection  
 

The CALPUFF View modeling package was used in the modeling analysis. CALPUFF 

and its meteorological model CALMET, are designed to handle the complexities posed 

by the complex terrain, the long source receptor distances, chemical transformation and 

deposition, and other issues related to Class I impacts. CALMET is a diagnostic 

meteorological model that is used to drive the CALPUFF dispersion model. It produces 

three-dimensional wind and temperature fields and two-dimensional fields of mixing 

heights and other meteorological fields. It contains slope flow effects, terrain channeling, 

and kinematic effects of terrain. CALPUFF is a non-steady-state Gaussian puff model 

that includes algorithms for building downwash effects as well as chemical 

transformation, wet deposition, and dry deposition. One capability of CALPUFF not 

found in many specialized models such as CTDMPLUS is the ability to treat the 

combined effects of multiple processes (e.g., building downwash effects in complex 

terrain; dry deposition and overwater dispersion, etc.).  

 

 

9.4.2   Major Features of CALMET 
 
 The CALMET meteorological model consists of a diagnostic wind field module and 

micrometeorological modules for overwater and overland boundary layers. When using 

large domains, the user has the option to adjust input winds to a Lambert Conformal 

Projection coordinate system to account for Earth's curvature. The diagnostic wind field 

module uses a two step approach to the computation of the wind fields (Douglas and 

Kessler, 1988). In the first step, an initial-guess wind field is adjusted for kinematic 

effects of terrain, slope flows, and terrain blocking effects to produce a Step 1 wind field. 

The MM4 gridded data at 80-km resolution for 1990 and MM5 gridded data at 80-km 

and 36-km resolution for 1992 and 1996 respectively were used for the initial guess field. 

The second step consists of an objective analysis procedure to introduce observational 

data into the Step 1 wind field to produce a final wind field.  
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